
IN THE SUPREME COURT OF FLORIDA 

 

SIERRA CLUB    )   

      )  

Appellant, ) CASE NO. SC17-82  

      )   

v. ) Lower Tribunal Nos.  160021-EI 

 )     160061-EI 

JULIE IMANUEL BROWN, ETC.,  )     160062-EI 

ET AL.,  ) 160088-EI  

      ) 

Appellees.     ) 

______________________________ 

 

__________________________________________________________________ 

APPELLANT’S REQUEST FOR JUDICIAL NOTICE 

__________________________________________________________________ 

 Appellant, Sierra Club, respectfully requests the Court take judicial notice 

of the attached documents, each of which was either previously filed with the Florida 

Public Service Commission (“Commission”) or produced by the Commission 

pursuant to its statutory duties. In support, Sierra Club states as follows: 

1. Exhibit A is the “Petition for Approval of Environmental Cost Recovery” 

filed by Florida Power & Light Company (“FPL”) with the Commission on 

June 28, 2013. The power plant-related expenses discussed in the petition are 

materially the same as those the Commission approved in its final order now 

under appeal, Order No. PSC-16-0560-AS-EI. 
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2. Exhibits B – G are part of the public record that the Commission has 

developed pursuant to its statutory duty under Section 186.801(2), Florida 

Statutes, to review the plans of Florida’s electric utilities. Exhibit B is the 

Commission’s Review of the 2012 Ten-Year Site Plans for Florida’s Electric 

Utilities. Exhibit C is the Commission’s Review of the 2013 Ten-Year Site 

Plans for Florida’s Electric Utilities and supporting Appendix. Exhibit D is 

the Commission’s Review of the 2014 Ten-Year Site Plans for Florida’s 

Electric Utilities. Exhibit E is the Commission’s Review of the 2015 Ten-

Year Site Plans for Florida’s Electric Utilities. Exhibit F is the Commission’s 

Review of the 2016 Ten-Year Site Plans for Florida’s Electric Utilities and 

supporting Appendix. Exhibit G is Sierra Club’s comments concerning the 

alternatives analysis missing from the 2015 Ten-Year Site Plans.  

3. Ten-Year Site Plans (“Plans”) are plans that each utility is required to submit 

at least every other year to the Commission pursuant to Section 186.801(1), 

Florida Statutes, “estimate[ing] its power-generating needs and the general 

location of its proposed power plant sites.” Id. In its Plans, FPL discussed the 

power plants that are the subject of this appeal. Sierra Club’s comments 

addressed alternatives to those power plants in response to section 

186.801(2)(d)’s requirement that the Commission “shall review”—“possible 

alternatives to the proposed plan” of the electric utilities. The Commission 
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holds annual workshops to allow public discussion and comments on the 

Plans.1 The Commission also invites the public to provide written comments 

to the Commission, such as those provided by Sierra Club.     

4. After the public comments on the Plans, the Commission publishes its 

“Review” of every Plan before it, as required by Section 186.801(2), Florida 

Statutes. These Reviews typically publish the public comments received, such 

as Sierra Club’s 2013 and 2016 comments in the Appendices in Exhibits C 

and F.2   

5. The Court should take judicial notice of these documents because they are 

public records that bear directly on the subject of this appeal. This Court has 

long acknowledged that public records are the proper subject of judicial 

notice. See Conyers v. State, 98 Fla. 417, 419, 123 So. 817 (1929) (“courts 

may take judicial cognizance of all public documents and public records.”); 

see also Blair Contracting Co. v. Mason, 211 So.2d 15, 18-19 (Fla. 1968) 

(taking judicial notice of a PSC issued permit).   

                                                           
1 See, e.g., Notice of Commission Workshop, Docket no. 160000-OT, Aug. 

18, 2016 available at http://www.psc.state.fl.us/library/filings/16/06836-16/06836-

16.pdf. 
2 Sierra Club’s comments on the 2013 and 2016 Plans are included in the 

Appendices to the Commission’s Review for each of those years. Although 

docketed, see PSC Document No. 08046-15 available at 

http://www.psc.state.fl.us/library/filings/15/08046-15/08046-15.pdf, Sierra Club’s 

2015 comments were not included in the Appendix for that year’s Review.   



Sierra Club v. Julie Imanuel Brown, etc. et al.  Case No. SC17-82 
 

4 
 

6. Judicial notice of the attached exhibits is also appropriate under the Florida 

Evidence Code, which is instructive authority even if it is not binding on this 

Court.3  The Code requires that a court take judicial notice of “official actions 

of the legislative, executive, and judicial departments of the United States and 

of any State,” Section 90.202(5), Florida Statutes, and the “records of any 

court of this state,” Section 90.202(6), Florida Statutes, so long as timely 

written notice was provided to each adverse party, proof of which is filed with 

the court, and the court is provided “sufficient information to enable it to take 

judicial notice of the matter.”  § 90.203, Fla. Stat. This strikes a clear policy 

in favor of noticing official documents. 

7. Sierra Club’s present request includes publications by the Commission, the 

public documents that it collected pursuant to its statutory duties, and a 

formally docketed petition for Commission action. Even if the Florida 

Evidence Code does not directly apply to this Court, see Hillsborough County 

Bd. of County Comm’rs, 424 So. 2d at 134-35, its provisions provide guidance 

and further support that judicial notice is appropriate. When the Commission 

issued its final order now under appeal, it was fully aware of the documents 

                                                           
3 See Hillsborough County Bd. of County Comm’rs v. Public Employees 

Relations Comm’n, 424 So.2d 132, 134 (Fla. 1st DCA 1982) (“the Florida 

Evidence code does not apply to appellate proceedings”). This Court has not 

clearly ruled on this issue. 
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that are the subject of this request. The Commission itself published each of 

the Reviews, docketed Sierra Club’s 2015 comments, and oversaw 

proceedings related to FPL’s 2013 Petition. When this Court reviews the 

Commission’s final order, it should do so armed with the full suite of 

information available to the Commission at that time. That includes the 

history of FPL’s efforts to recover power plant-related expenses at issue in 

this appeal and the available information on alternatives. 

8. Accordingly, Exhibit A, which is Florida Power and Light Company’s 

Petition for Approval of Environmental Cost Recovery filed with the 

Commission on June 28, 2013, is appropriate for judicial notice. In addition 

to being comparable to a “record of court of this state,” Section 90.202(6), 

Florida Statutes, it is part of the procedural history of this appeal. In 2013, 

FPL first petitioned the Commission to pre-approve power plant-related 

expenses. FPL withdrew that petition and did not present the expenses to the 

Commission again until 2016, after it had incurred them. However, the subject 

of that petition—the power plant-related expenses—is the focus of this appeal. 

See Notice of Administrative Appeal, Document No. 00538-17 (filed January 

17, 2017).  

9. Likewise, Exhibits E to I, the Commission’s review of the Ten-Year Site 

Plans, are also appropriate for judicial notice. They are produced pursuant to 



Sierra Club v. Julie Imanuel Brown, etc. et al.  Case No. SC17-82 
 

6 
 

the statutory requirements of section 186.801(2), thus are the same types of 

documents that fall within the scope of section 90.202(5) Fla. Stat., that is, 

“official actions of the legislative, executive, and judicial departments... of 

any state.” Moreover, like the other exhibits above, they are also made 

publicly available, and are integrally related to the subject of this appeal. 

10. Counsel has conferred with opposing counsel, and is authorized to convey 

their positions as follows: the Florida Public Service Commission, Florida 

Power & Light Company, Florida Office of Public Counsel, the Florida Retail 

Federation and South Florida Hospital and Healthcare Association oppose this 

request. The Florida Industrial Power Users Group, American Association of 

Retired Persons, and Wal-Mart Stores East, LP and Sam’s East, Inc., take no 

position. The Florida Executive Agencies, Daniel R. Larson and Alexandra 

Larson also take no position.  

 WHEREFORE, Appellant respectfully requests this Court take judicial 

notice of the attached filings. 
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Respectfully submitted,  

       /s/ Diana A. Csank 

__________________________________________ 

 Diana A. Csank 

Florida PHV No. 126766 

Staff Attorney 

Sierra Club 

50 F St. NW, Suite 800 

Washington, DC 20001 

(202) 548-4595 

Diana.Csank@sierraclub.org 

Counsel for Sierra Club 
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CERTIFICATE OF SERVICE 

 

 I HEREBY CERTIFY that a true copy and correct copy of the foregoing was 

served electronically on this 12th day of June, 2017 on:  

 

Rosanne Gervasi 

Samantha Cibula 

Suzanne Brownless 

Office of the General Counsel 

Florida Public Service Commission 

2540 Shumard Oak Boulevard 

Tallahassee, FL 32399-1400 

rgervasi@psc.state.fl.us 

scibula@psc.state.fl.us  

sbrownle@psc.state.fl.us 

 

J.R. Kelly/Patricia Christensen/ 

Charles J. Rehwinkel/Erik Sayler/ 

Stephanie Morse 

Office of Public Counsel 

111 W. Madison Street, Room 812 

Tallahassee, Florida 32311 

kelly.jr@leg.state.fl.us 

christensen.patty@leg.state.fl.us 

rehwinkel.charles@leg.state.fl.us 

sayler.erik@leg.state.fl.us 

morse.stephanie@leg.state.fl.us 

 

Wade Litchfield, Esq. 

Florida Power & Light Company 

215 S. Monroe Street, Suite 810 

Tallahassee, Florida  32301-1859 

wade.litchfield@fpl.com 

Kenneth A. Hoffman 

Florida Power & Light Company 

215 South Monroe Street, Suite 810 

Tallahassee, Florida 32301 

ken.hoffman@fpl.com 

 

Kenneth B. Bell 

Gunster, Yoakley & Stewart, P.A. 

215 South Monroe Street, Suite 601 

Tallahassee, FL 32301 

kenbell@gunster.com 

jhoppel@gunster.com 

eservice@gunster.com 

Attorney for FPL 

 

John T. Butler 

Florida Power & Light Company 

700 Universe Blvd. 

Juno Beach, FL 33408-0420 

john.butler@fpl.com 

 

Jon C. Moyle, Jr./Karen A. Putnal 

Moyle Law Firm, P.A. 

118 North Gadsden Street 

Tallahassee, Florida 32301 

jmoyle@moylelaw.com 

kputnal@moylelaw.com 

Stephanie U. Roberts 

Walmart Stores East, LP 

Spilman Thomas & Battle, PLLC 

110 Oakwood Drive, Suite 500 

Winston-Salem, North Carolina 

27103 

mailto:wade.litchfield@fpl.com
mailto:john.butler@fpl.com
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Attorneys for FIPUG sroberts@spilmanlaw.com 

Attorney for Walmart Stores East, LP 

S. Florida Hospital and Healthcare 

Ass’n  

Jaime Caldwell, Interim President  

1855 Griffin Road  

Dania Beach FL33004  

jcaldwell@sfhha.com 

 

K. Wiseman/M. Sundback 

1350 I Street NW, Suite 1100  

Washington DC20005  

kwiseman@andrewskurth.com 

Attorneys for SFHHA 

Thomas A. Jernigan  

Federal Executive Agencies  

c/o AFCEC/JA-ULFSC  

139 Barnes Drive, Suite 1  

Tyndall AFB FL32403  

Thomas.Jernigan.3@us.af.mil 

Gardner Law Firm  

Robert Scheffel Wright/John T. La 

Via, 

1300 Thomaswood Drive  

Tallahassee FL32308  

schef@gbwlegal.com 

Attorneys for Florida Retail 

Federation 

 

Jack McRay 

AARP Florida 

200 West College Avenue, # 304 

Tallahassee, Florida 32301 

jmcray@aarp.org 

 

John B. Coffman 

John B. Coffman, LLC 

871 Tuxedo Blvd. 

St. Louis, MO 63119-2044 

john@johncoffman.net 

Attorney for AARP 

 

 

 

Nathan A. Skop  

420 NW 50th Blvd.  

Gainesville FL32607  

n_skop@hotmail.com 

Attorney for the Larsons 

Derrick Price Williamson 

Spilman Thomas & Battle, PLLC 

1100 Bent Creek Boulevard, Suite 

101 

Mechanicsburg, Pennsylvania 17050 

dwilliamson@spilmanlaw.com 

Attorney for Walmart Stores East, LP 

 

 

This 12th day of June 2017.   

mailto:Thomas.Jernigan.3@us.af.mil
mailto:n_skop@hotmail.com
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/s/ Diana A. Csank 

______________________________ 

       Diana A. Csank 

PHV No. 126766 

Counsel for Sierra Club 
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R. Wade Litchfield, Esq. 
Vice President and General Counsel 

-VIA HAND DELIVERY-

Ms. Ann Cole 
Commission Clerk 

Florida Public Service Commission 
2540 Shumard Oak Blvd. 
Tallahassee, FL 32399-0850 

Re: Docket No. 130007-EI 

Dear Ms. Cole: 

June 28, 2013 
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I am enclosing for filing in the above docket the original and seven (7) copies of 
Florida Power & Light Company's ("FPL's") Petition for Approval of the Proposed N02 

Compliance Project for cost recovery through the Environmental Cost Recovery Clause 
("ECRC"), together with a CD containing the electronic version of same. 

Also enclosed for filing are the original and fifteen (15) copies of the prefiled 
testimony and exhibits ofFPL witnesses Terry J. Keith, Randall R. LaBauve, Martin P. 
Domenech, Juan E. Enjamio and Michael DeBock. 

If there are any questions regarding this transmittal, please contact me at (561) 
691-7101. 

incerely � 

�hfield 

Enclosures 
cc: Counsel for Parties of Record (w/encl.) 

Florida Power & Light Company 
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FPSC Commission Clerk
FILED JUN 28, 2013DOCUMENT NO. 03671-13FPSC - COMMISSION CLERK



BEFORE THE 
FLORIDA PUBLIC SERVICE COMMISSION 

In re: Environmental Cost ) 

�R�e�co�v�e�ry�C�la�u�se�----------------------) 

Docket No. 130007-EI 
Dated: June 28, 2013 

PETITION FOR APPROVAL OF ENVIRONMENTAL COST RECOVERY 

Pursuant to Section 366.8255, Florida Statutes, Florida Power & Light Company ("FPL") 

hereby petitions this Commission for approval of FPL's proposed N02 Compliance Project for 

cost recovery through the Environmental Cost Recovery Clause ("ECRC"). In support of this 

petition, FPL incorporates the prepared written testimony of Randall R. LaBauve, Terry J. Keith, 

Juan E. Enjamio, Michael DeBock, and Martin Domenech. 

I. Environmental Requirement- EPA's NAAQS for N02 

1. Under Section 109(c) of the Federal Clean Air Act ("CAA''), Congress 

established the National Ambient Air Quality Standards ("NAAQS") for, inter alia, nitrogen 

dioxide ("N02") emissions standard ("N02 Standard") and gave the Environmental Protection 

Agency ("EPA") a non-discretionary duty under Section 109(d) of the CAA to review the 

science every five (5) years and modify the N02 Standard, as necessary, to protect human health 

and the environment with an adequate margin of safety. 

2. On February 9, 2010, the EPA created an entirely new 1-hour human health-based 

standard for N02 at a level of 100 parts per billion ("ppb"). (75 Fed. Reg. 6474 (Feb. 9, 2010), 

and the 1-hour N02 Standard became effective 60 days later, on April 12, 2010.) This is a 

significant change because it focuses on short-term exposures rather than long-term exposures. 

The rule also retained, with no change, the current annual average N02 Standard of 53 ppb. 

3. The EPA has delegated authority to the Florida Department of Environmental 



Protection ("DEP") to implement the NAAQS in Florida, via a State Implementation Plan 

("SIP") that DEP must submit for EPA approval. On January 22, 2013, DEP confirmed to EPA 

its authority pursuant to Chapter 403, Florida Statutes, and rules in Chapter 62, Florida 

Administrative Code, to implement the new 1-hour NOz Standard under the SIP. (See Exhibit A -

Letter from Katy L. Fenton, Deputy Director, Division of Resource Management, to Gwendolyn 

Keyes Fleming, Regional Administrator, U.S. Environmental Protection Agency - Region 4, 

dated January 22, 2013.) The DEP has recommended, and the EPA has designated, all of Florida 

as presently being "attainment/ unclassifiable" for the new NOz Standard. (77 Fed. Reg. 9532 

(Feb. 17, 2012), and the effective date is February 29, 2012.) This favorable designation 

depends on Florida continuing to meet the various NAAQS, including the new 1-hour N02 

Standard. 

4. N02 is formed from vehicle, power plant, and other industrial emissions. The 

new 1-hour NOz Standard has a particular impact on the operation of electric utilities' peaking 

generating units, which operate only at certain times to serve peak demands and do not operate 

continuously throughout the entire year. This is because the NOz emissions measured over a 

single hour from a peaking unit may be relatively high, while the annual average for that unit is 

much lower, taking into account that the unit is not operating during most hours. FPL has 48 

peaking gas turbines ("GTs") in total among three generation sites: the Plant Fort Lauderdale 

("PFL"), Plant Port Everglades ("PPE"), and Plant Fort Myers ("PFM"). This particular 

combustion technology was installed at these plants in the 1960s and entered into commercial 

operation in the early 1970s. These three plants have existing water resources and fuel delivery 

and transmission infrastructure necessary for plant operations, including the different combustion 

technologies used on the sites. 

5. FPL became aware that the GT combustion technology - with its higher NOx 

2 



emissions and short stacks that are close to property boundaries -- might not adequately facilitate 

off-site dispersion of stack emissions to concentrations below the new 1-hour N02 Standard. 

FPL therefore performed an analysis of the GTs at these three plants, including stack testing, 

dispersion modeling, and other data analysis. That analysis, which was completed in early 2013, 

confirms that emissions from the GTs that are allowed under applicable permits nonetheless will 

cause or contribute to ambient concentrations in excess of the 1-hour N02 Standard at the 

property boundary. 

6. Due to their quick start capability, these GTs constitute extremely important 

reliability resources for serving load in the South Florida area. If FPL does not address the N02 

emission environmental regulatory compliance issue for these GTs, it could be faced with a 

mandatory shutdown of these valuable generation resources by DEP. 

II. Compliance Plan Supported by Florida DEP 

7. To avoid exceeding the 1-hour N02 Standard and concomitant potential for 

having to shut down, FPL has agreed to a plan with DEP that allows FPL to continue operating 

the GTs until the end of 2016, in exchange for FPL's commitment to meet the 1-hour N02 

Standard at the plants' property boundaries by that time. See Exhibit B- Letter from Randall 

LaBauve ofFPL to Brian Accardo ofDEP, dated June 3, 2013. 

8. FPL investigated a series of compliance alternatives to determine how to meet the 

new 1-hour N02 Standard at the least cost to FPL's customers. FPL identified three potential 

approaches: retrofitting the GTs with emission control equipment that would reduce N02 

emissions sufficiently to meet the standard; retiring all of the GTs and then accelerating the next 

planned generating unit (a combined cycle ("CC") unit) as needed to maintain system reliability; 

and changing out the plants' GT combustion technology in favor of highly efficient combustion 

3 



turbines ("CTs") that have much lower N02 emissions and also meet system reliability 

requirements. 

9. As shown in the testimony of FPL witness Enjamio, the third alternative is the 

most cost-effective solution. It will allow FPL to comply with the 1-hour N02 Standard and 

maintain the required reliability at a cost to customers that is $56 million lower on a cumulative 

present value of revenue requirements ("CPVRR") basis than the next-best alternative. 

10. The existing GTs at the PFL, PPE, and PFM plants represent a small but 

important portion of the power generation at these sites, which also have or will have large CC 

units that serve FPL's base load continuously throughout the year. These other combustion 

technologies at the sites comply with the new 1-hour N02 Standard and thus do not have the 

same environmental compliance issue as the GTs. The modem CTs that FPL would operate at 

these sites will have less peaking capacity in the aggregate than the GTs and accordingly will not 

add generation capacity to FPL's system. Rather, this more efficient, lower emissions 

combustion technology will enable FPL to comply with the N02 Standard environmental 

regulation in a cost-effective manner, maintain system reliability, and avoid significant 

expenditures on increased transmission capability that would otherwise be required if the GTs 

were simply retired, in lieu of changing out the combustion technologies as proposed. 

11. Under the plan to which FPL and DEP have agreed, FPL will be filing permit 

applications within the next two months for these CT facilities, including a federal greenhouse 

gas air permit from the EPA, the approval for which can take several years to obtain. In addition 

to licensing and permitting, FPL also will require sufficient time to order the equipment and 

construct the project. As a result, DEP has agreed that, to allow FPL sufficient time to 

implement its plan for resolving the offsite impact issues related to the new N02 standard, FPL 

will have until December 31, 2016 to bring the CTs into service. DEP has acknowledged that 
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FPL may operate the existing GTs, as permitted, to serve its load requirements until the CTs are 

in service. To meet this compliance deadline, licensing of the project must begin immediately, 

and within two months of this filing, FPL plans to file the necessary air construction permit 

applications for the construction of the CTs. This will provide adequate time for DEP and EPA 

to issue these permits to FPL and for FPL to implement and construct the project by December 

31, 2016. FPL will file in this docket copies of the permit applications once they have been 

submitted to DEP, as well as copies of the permits when issued by DEP. 

III. Commission's Criteria for ECRC Recovery 

12. Section 366.8255(1 )(d), Florida Statutes, defines "environmental compliance 

costs" for purposes of recovery through the ECRC in pertinent part as including: 

. . . all costs or expenses incurred by an electric utility in complying with 
environmental laws or regulations, including but not limited to: 

I. In-service capital investments, including the electric utility's last authorized 
rate of return on equity thereon. 

2. Operation and maintenance expenses. 

(Emphasis Added) 

"Environmental laws or regulations" are defined as "all federal, state, or local statutes, 

administrative regulations, orders, ordinances, resolutions, or other requirements that apply to 

electric utilities and are designed to protect the environment." Fla. Stat. §366.8255(l)(c). 

13. The Commission's criteria for recovery through the ECRC are set forth in Order 

No. PSC-94-0044-FOF-EI, issued January 12, 1994 in Docket No. 930613-EI, In re: Gulf Power 

Company, as follows: 

1. all expenditures will be prudently incurred after April 13, 1993; 
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11. the activities are legally required to comply with a governmentally 
imposed environmental regulation that was created, became effective, or 
whose effect was triggered after the company's last test year upon which 
rates are based; and 

111. none of the expenditures are being recovered through some other cost 
recovery mechanism or through base rates. 

14. The proposed N02 Compliance Project meets these criteria. 

a. These costs will be incurred starting in mid-2013, more than 20 years after 

the first criterion's threshold date. 

b. The project is required to meet the new 1-hour N02 Standard, the effect of 

which was triggered after the test year was projected for FPL's last rate case. 

The DEP did not confirm its authority to implement that new standard in 

Florida until January 2013, and FPL did not complete the analyses that 

confirmed the need to address N02 emissions from the GTs in order to meet 

the standard until early 2013. FPL's test year projections for its last rate case 

(Docket No. 120015-EI) were prepared considerably earlier -- in late 2011 and 

early 2012. 

c. Finally, the costs associated with this environmental compliance project to 

replace the GTs are not being recovered through another cost recovery 

mechanism or through base rates. Because the test year projections in FPL's 

last rate case were prepared in late 2011 and early 2012, FPL would have had 

no basis to -- and did not -- include the costs of this environmental compliance 

project in base rates. FPL has not sought to recover these costs through any 

other cost recovery mechanism. 

15. As discussed above, FPL has determined that the least cost, viable alternative to 

comply with the N02 Standard is to change out the GT combustion technology in favor of CTs 
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that are highly efficient and have low N02 emissions. FPL evaluated the potential for retrofitting 

the GTs with emission control equipment, but concluded that this would not be technically 

feasible for the GTs at PFL and PPE and would not be a cost-effective solution for PFM. FPL 

also considered retiring the GTs in lieu of changing out the technology, but this would require 

transmission upgrades and acceleration of FPL's next planned CC unit in order to meet reliability 

requirements, and it would result in a much higher CPVRR to customers. 

16. The proposed modification to the peaking unit technology at the three plant sites 

is essential for the sites to meet the new requirement. In essence, it is a change to the peaking 

unit combustion technology so that the sites can operate more efficiently, with lower emissions 

and thus achieve compliance with the 1-hour N02 Standard. As noted previously, this 

modification will not result in an increase in FPL's overall generation capacity; to the contrary, 

FPL's total generation capacity will decrease by 300 MW because FPL will only install enough 

CTs to continue meeting reliability requirements. 

17. In sum, the cost for installing highly efficient and clean CTs qualifies for ECRC 

recovery because the project meets the three established Commission criteria for cost recovery, 

and the costs are prudently incurred because this project represents the lowest-cost, viable 

alternative to comply with applicable environmental regulatory requirements. The change to CT 

technology represents a cost-effective modification to these sites to ensure environmental 

compliance and system reliability at the lowest overall cost to FPL's customers. 

18. In the past, the Commission has approved cost recovery for the capital costs of 

large construction projects for existing power plant sites, when the costs are required to comply 

or remain in compliance with an environmental regulation. For example, by the end of 2013, 

FPL will have incurred over $522 million in capital investments in order to comply with the 

EPA's Clean Air Interstate Rule ("CAIR"), which the Commission has approved for cost 
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recovery as an ECRC project. (See Order No. PSC-12-0613-FOF-EI, issued November 16, 

2012, in Docket No. 120007-EI.) Moreover, the 2013 ECRC projections filings in Docket No. 

120007-EI show that the capital investment in Duke Energy Florida's approved CAIR/Clean Air 

Mercury Rule ("CAMR") compliance project at its Crystal River plant is approximately $1.3 

billion, and Gulf Power Company has invested about $800 million in its approved 

CAIR/CAMR/Clean Air Visibility Rule ("CAVR") compliance project. For FPL's N02 

Compliance Project, the overall CPVRR cost to customers associated with the new CTs is lower 

than any retrofit or other viable alternative. 

IV. N02 Compliance Project Scope and Amount Requested for ECRC Approval 

19. As discussed further in the testimony of FPL' s witnesses, this environmental 

compliance project will result in the construction and operation of some of the cleanest and most 

efficient peaking units in Florida, while also providing significant public welfare benefits, 

including the creation of hundreds of jobs at peak construction and a combined $13 million in 

new tax revenue to local governments and school districts. 

20. Changing out the technology will require (1) the retirement of 48 GTs at PFL, 

PPE, and PFM and (2) installation of five new CTs at PFL and three new CTs at PFM. No new 

CTs will be installed at PPE. Instead, the CTs for Broward County will be consolidated at PFL 

because of the increased economies of scale by constructing, operating, and maintaining the CTs 

at one site, 
'
the better resources available at PFL, and the need to avoid interference with the 

modernization construction project that is under way at PPE. The CT units at both PFL and PFM 

will use natural gas as the primary fuel when available and also will be capable of burning a light 

fuel oil, more specifically ultra-low sulfur distillate with a maximum sulfur content of 0.0015% 

as a back-up fuel. The project will utilize existing fueling infrastructure to the greatest extent 
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possible and will receive back-up fuel from truck deliveries. 

21. For PFL, the project would result in the retirement of 24 35 MW GTs with a 

combined summer peak capacity of 840 MW and installation of five CTs with a combined 

summer rating of 1005 MW. For PFM, the project would result in the retirement of 12 54 MW 

GTs with a combined summer rating of 648 MW and an installation of three CTs with a 

combined summer peak capacity of 603 MW. For PPE, the project would result in the retirement 

of 12 35 MW GTs with a combined summer rating of 420 MW. FPL estimates that the total cost 

for the entire project will be $822 million. Principal components include the power block at 

$771 million and transmission interconnection and integration at $51 million. FPL estimates that 

the ECRC recoverable N02 Compliance Project costs will be $0.4 million for 2013 and $6.8 

million for 2014. 

22. Soliciting proposals for third parties to build and provide peaking capacity on 

other sites (in lieu of the proposed CTs) would not result in the identification of alternatives that 

could offer the economic and strategic benefits associated with the N02 Compliance Project at 

either PFL or PFM. The primary benefits of the FPL proposed option at these locations are that 

(1) the plant sites remain intact and operational; (2) they would require only minimal 

transmission enhancements, (3) they have existing gas delivery and back-up fuel infrastructure, 

and (4) the land is available and already dedicated to generation of electricity. Any other 

proposed alternative sites and associated power plant facilities proposed by a third party through 

a solication process would incur significant costs in each of these areas, making any alternative 

site a more costly alternative to these proposed sites. 

23. Consistent with FPL's historic practice for construction of significant capital 

projects, the actual CT selection and the Engineering, Procurement, and Construction ("EPC) 

contractor, which represents over 90% of the total project cost, will be based on a competitive 

9 



bid process, ensuring the greatest cost benefit for FPL's customers. FPL has significant 

experience installing and operating CTs to achieve the best possible efficiencies. Further, FPL 

has proven its ability to upgrade or modify older plant technologies on time and at or under 

budget to achieve greater efficiencies and cost savings for its customers. FPL will utilize this 

existing experience to help ensure that the N02 Compliance Project is completed on time and 

within budget. 

WHEREFORE, for the foregoing reasons, FPL respectfully requests that the Commission 

approve the N02 Compliance Project as an environmental compliance project that is eligible for 

cost recovery through the ECRC. 

Respectfully submitted, 

Esq. 
Vice President and General Counsel 
John T. Butler, Esq. 
Assistant General Counsel - Regulatory 
William P. Cox, Esq. 
Senior Attorney 
Florida Power & Light Company 
700 Universe Boulevard 
Juno Beach, Florida 33408-0420 
(561) 691-7101 
(561) 691-7135 (fax) 
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Charles Murphy, Esq. 
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James D. Beasley, Esq. 
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Dianne Triplett, Esq. 
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Jon C. Moyle, Esq. 
The Moyle Law Firm, P.A. 
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GOVERNOR 

JENNIFER CARROLL 

LT. GOVERNOR 

2600 BLAIRSTONB R.OAD 
TALLAHASSEE, FLORIDA 32399-2400 HERSCHEL T. VINYARD JR. 

January 22, 2013 

Ms. Gwendolyn Keyes Fleming 
Regional Adminimator 
U. S. Environmental Protection Agency (EPA)- Region 4 
61 Fonyth Stn=et, SW 
Atlanta, GA 30303-8909 

Dear Ms. Keyes Fleming: 

SECRETARY 

Re: Air Program: State lmplemen1ation Plan� Submittal for the 2010 Rmsed National 
Ambient Air Quality Standard for Nitrogen Dioxide 

On.bebalf oftbe Florida Department cfEnviromncatal Protection, I hereby confirm tbat, to the best of my 
knowledge, therequiremero ofScdioos 110(aX1)aod 110(aX2)oftbo Clean Air Act are adequately 
addressed in Florida's existing approved State Implemeotadon Plan (SIP) with respect to the 
implementatim. of tho 2010 nvisod D8lional ambient air quality stlllldn for nitropll dioxide (NOz). A 
notice of bearing appeared in the Flarida Administrative Register on December 14, 2012 (enclosed), and a 
beariag, if� Willi to be held January 16, 2013. A bearing was not� and therefore not 
held. EPA was the only entity that subalitmd cmunents, Tbese COIIIIIlCIJis have aD been addressed in the 
followiug document, which explicitly demoostnDs 1be correlation between tho Section 110(a)(2) 
infrastruduR clements aod tho Florida Statutes llld SIP-approved Flarida rules tbat lddress each such 
clement. An axad duplicate of this submittal in a sean:bablc fbnnat bas been HDailcd to the Air 
Planning Bnlncb. If you have any qucsticm on this submittal or need additional iDformatioo, please 
contact Clad S1aveos at (ISO) 717-9089. 'Jbank you for your continued support of our efforts to 
implancnt the Clean Air Act in Florida. 

Sincerely, 

�.�� 
Katy L. Fenton, Deputy Director 
Division of Air Reloun:e Management 

CRS/mb 

Enclosure 

cc: Scott Davis, Chief, Air Planning Brandl. EPA Region 4 (by electronic mail) 

www.dep.state.j/_us 
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The United States Environmental Protection Agency (EPA) revised the national ambient air quality 
standard (NAAQS) for Nitrogen Dioxide (N02) on February 9, 2010. See 75 Fed. Reg. 6474 (Feb. 9, 
2010). Within three years of EPA's promulgation of a revised NAAQS, states must address basic SIP 
"infrastructure" elements listed under section 110(a)(2) of the Clean Air Act (CAA), including emissions 
inventories, monitoring, and modeling to assure attainment and maintenance of that new NAAQS. See 42 
U.S.C. § 7410(a)( l )  & (2). EPA has historically referred to the submittals in which states must address 
these requirements as "infrastructure SIPs."1 

Section 403.061(35), Florida Statues, grants the Florida Department of Environmental Protection (DEP) 
the broad authority to "[ e ]xercise the duties, powers and responsibilities required of the state under the 
federal [CAA], 42 U.S.C. ss. 7401 et seq" and "implement the programs required under that act in 
conjunction with its other powers and duties." By virtue of this statute, DEP has the authority and 
responsibility to act on behalf of the State of Florida to develop and revise a SIP as required by CAA 
section 110(a)(l) and to ensure that the SIP adequately addresses the required infrastructure elements 
prescribed under CAA section 11 O(a)(2). 

DEP hereby confirms that the requirements of sections llO(a)(l) and the infrastructure elements required 
by sections 110(a)(2)(A)-{M) of the CAA are adequately addressed in Florida's existing approved SIP 
with respect to the implementation of the 2008 revised national ambient air quality standard for N�. 

Furthermore, DEP confirms that all elements of Florida's approved SIP have undergone public notice in 
accordance with the requirements of 40 CFR 51.102. This document demonstrates the correlation 
between the section l lO(a)(2) infrastructure elements and the Florida Statutes and SIP-approved Florida 
rules that address each such element. 

Rules and Statutes 

Florida's existing SIP consists largely of Florida Administrative Code (F.A.C.) rules adopted by DEP and 
approved by EPA through the SIP revision process. The complete list of DEP rules approved and 
incorporated by reference into Florida's SIP is published by EPA in the United States Code of Federal 
Regulations at 40 CFR 52.520(c). The list includes each F.A.C. rule section number and effective date, 
with a corresponding EPA approval date for each rule section. The F.A.C. rules are available online at 
the Florida Department of State website (https://www.flrules.org/default.asp) and at the DEP Division of 
Air Resource Management website (http://www.dep .. tale.fi.us/air/ruleslcurrenl.htm). 

1 This specific term does not appear in the statute, but EPA uses the term to distinguish this particular type 
of SIP submission designed to address basic structural requirements of a SIP from other types of SIP 
submissions designed to address other different requirements, such as "nonattainment SIP" submissions 
required to address the nonattainment planning requirements of part D, ''regional haze SIP'' submissions 
required to address the visibility protection requirements of CAA section 169A, NSR permitting program 
submissions required to address the requirements of parts C and D, and a host of other specific types of 
SIP submissions that address other specific matters. 

1122113 
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There are five rule chapters of the F.A.C. that contain SIP-approved rule sections that directly or 
indirectly address implementation of the N02 NAAQS: 

• Chapter 62-204, F.A.C., Air Pollution Control -General Provisions. All EPA regulations 
cited throughout DEP's air pollution rules are adopted and incorporated by reference in Rule 62-
204.800, F.A.C. The purpose and effect of each such adopted regulation is determined by the 
context in which it is cited. This rule is referenced in the discnssion below regarding the 
requirements in sections IIO(a)(2)(A), (B), (C), (D), (F), (J), and (K.) of the CAA. 

• Chapter 62-210, F.A.C., Stationary Sources -General Requirements. This rule chapter 
establishes defmitions and the general requirements for major and minor stationary sources of air 
pollutant emissions. It provides criteria for determining the need for an owner or operator to 
obtain DEP authorization by permit to conduct certain activities involving sources of air pollutant 
emissions, and it establishes reporting requirements and requirements relating to estimating 
emissions. This chapter also sets forth special provisions related to compliance monitoring, stack 

heights, circumvention of pollution control equipment, and excess emissions. This rule chapter is 

referenced in the discussion below regarding the requirements in sections 110(a)(2)(A), (B), (C), 
(D), (F), (J), and (K) of the CAA. 

• Chapter 62-212, F.A.C., Stationary Sources -Preconstruction Review. This rule chapter 
establishes the preconstruction review requirements for proposed new emissions units, new 
facilities, and modifications to existing units and facilities. The requirements of this chapter 
apply to those proposed activities for which an air construction permit is required. This chapter 
includes general preconstruction review requirements and specific requirements for emissions 
units subject to both attainment and nonattainment area preconstruction review (i.e., New Source 
Review). This rule chapter is referenced in the discussion below regarding the requirements in 

sections 110(a)(2)(A), (B), (C), (D), (F), (J), and (K) of the CAA. 

• Chapter 62-296, F.A.C., Stationary Sources -Emission Standards. This rule chapter 
establishes emission limiting standards and compliance requirements for stationary sources of air 
pollutant emissions. It establishes emission limitations for specific categories of facilities and 
emissions units, including reasonably available control technology (RACT). This rule chapter is 
referenced in the discussion below regarding the requirements in section 110(a)(2)(A), (D), and 
(F) of the CAA. 

• Chapter 62-297, F.A.C., Stationary Sources -Emissions Monitoring. This rule chapter 
establishes test procedures for determining the compliance of air pollutant emissions units with 
emission limiting standards. This rule chapter is referenced in the discussion below regarding the 
requirements in sections 110(a)(2)(A) and (F) of the CAA. 

As mentioned above, many of the current SIP-approved rules have been adopted by DEP under the 
authority of section 403.061(35), Florida Statutes. Beyond the broad authority given to DEP by this 
statute to implement the CAA, DEP relies on other Florida Statutes for authority to conduct various air 
program activities such as permitting, monitoring, fee collection, compliance assurance, enforcement, and 
emergency response. These statutes are essential to Florida's implementation of the N02 NAAQS and are 
referenced in the discussion below regarding the requirements of section 110(a)(2) of the CAA. For the 
most part, the Florida Statutes are referenced only to confrrm DEP's legal authority to implement the SIP; 
however, certain statutes have been approved and incorporated into Florida's SIP and are noted as such. 
The Florida Statutes are available online at http://www.leg.state.fl.us/Statutes. 

1122113 
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IIO(a)(l)(A) - Emission Umits and other control measures: SIPs must include enforceable emission 
limits and other control measures, means, or techniques; schedules for compliance; and other related 
matters. 

• � SIP-approved rule chapters 62-204, 62-210, 62-212, 62-296, and 62-297, F.A.C., 
collectively include emission limits and other control measures for pollutant-emitting activities 
that contribute to N(h concentrations in the ambient air and provide authority for DEP to 
establish such limits and measures as well as schedules for compliance through SIP-approved 
permits. 

• Statutes: Section 403.061(9), Florida Statutes, authorizes DEP to "[a]dopt a comprehensive 
program for the prevention, control, and abatement of pollution of the air .. . of the state,") and 
section 403.8055, Florida Statutes, authorizes DEP to "[a]dopt rules substantively identical to 
regulations adopted in the Federal Register by the United States Environmental Protection 
Agency pursuant to federal law .... " 

llO(a)(l)(B) -Ambient air quality monitoring: SIPs must provide for the establishment and operation 
of ambient air quality monitors; the compilation and analysis of ambient air quality data; and the 
submission of these data to EPA upon request. 

• � SIP-approved rule chapters 62-204, 62-210, and 62-212, F.A.C., require the use of 
Federal Reference Method or equivalent monitors and also provide authority for DEP to establish 
monitoring requirements through SIP-approved permits. 

• Statutes: Section 403.061(1), Florida Statutes, authorizes DEP to "[a]pprove and promulgate 
current and long-range plans developed to provide for air and water quality control and pollution 
abatement." Section 403.061(9), Florida Statutes, authorizes DEP to "[a]dopt a comprehensive 
program for the prevention, control, and abatement of pollution of the air and waters of the 
state .... " Section 403.061(11), Florida Statutes, authorizes DEP to "[e]stablish ambient air 
quality .. . standards for the state as a whole or for any part thereof." 

• Note: As of the date of this infrastructure submittal the development of the N02 monitoring 
network is ongoing; therefore Florida's N� monitoring strategy will be established per the 
requirements set forth in the 2012 and any subsequent Annual Monitoring Network plan relevant 
to the development of Florida's N� monitoring network. 

llO(a)(l)(C)- Program for enforeement of control measures and new source review: SIPs must 
include a program that provides for: enforcement of all SIP measures; statewide permitting of minor 
sources; and permitting of the construction of new or modified stationary sources to meet prevention of 
significant deterioration (PSD) and nonattainment new source review (NNSR) teqUirements. 

• Rules: SIP-approved rule chapters 62-204, 62-210. and 62-212, F.A.C., collectively establish a 
preconstruction, new source permitting program that meets the PSD and NNSR requirements 
under parts C and D of the CAA for pollutant-emitting activities that contribute to N� 
concentrations in the ambient air and also provide for the enforcement of NOx emission limits 
and control measures. DBP's EPA-approved preconstruction review program applies to both 
major and minor sources. New major sources and major modifications that are subject to PSD or 
NNSR permitting must demonstrate that the source or modification will not cause or contribute to 
a violation of any NAAQS or PSD increment and provide an analysis of additional impacts of the 
source or modification, including impacts on visibility. All new or modified major sources of 

1122113 
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NOx emissions will apply the Best Available Control Technology (BACT) to reduce NOx 
emissions in accordance with the CAA and EPA PSD permitting requirements. 

• Statutes: Section 403.061(6 ), Florida Statutes, requires DEP to "[e]xercise general supervision of 
the administration and enforcement of the laws, rules, and regulations pertaining to air and water 
pollution." Section 403.121, Florida Statutes, authorizes DEP to seek judicial and administrative 
remedies, including civil penalties, injwctive relief, and criminal prosecution for violations of 
any DEP rule or permit. 

• � EPA has promulgated a Federal Implementation Plan (FIP) for the Florida PSD program to 
address the preconstruction permitting of Greenhouse gases (76 FR. 82246). The FIP in 
conjlDlCtion with the above referenced SIP approved rules and Florida Statutes meet the 
requirements of Section 11 0( aX2)(C). 

110(a)(2)(D)(i) - Intentate transport: SIPs must include provisions prohibiting any source or other type 
of emissions activity within the state emitting any air pollutant in amounts which will (i) contribute 
significantly to nonattainment in, or interfere with maintenance by, any other state with respect to any 
such primary or secondary NAAQS or (ii) interfere with measures required to be included any other 
state's SIP to prevent significant deterioration of air quality or to protect visibility. 

• � SIP-approved sections of Chapters 62-204, 62-210, and 62-212, F.A.C., require any new 
major source or major modification to undergo PSD or NNSR permitting and thereby 
demonstrate that it will not cause or contribute to a violation of any NAAQS or PSD increment in 
Florida or any other state and require that the owner or operator provide an analysis of additional 
impacts of the source or modification, including impacts on visibility. All new or modified major 
sources ofNOa emissions will apply the Best Available Control Technology (BACT) to reduce 
NOx emissions in accordance with the CAA and EPA PSD permitting requirements. The above 
chapters, along with Chapter 62-296, F.A.C., also provide for implementation of the EPA Clean 
Air Interstate Rule (CA1R). 

• Statutes: Section 403.061(14), Florida Statutes, authorizes DEP to "[e]stablish a permit system 
whereby a permit may be required for the operation, construction or expansion of any installation 
that may be a source of air pollution .... " (with the definition of "pollution" provided in section 
403.031(7), Florida Statutes), and section 403.087, Florida Statutes, provides specific 
requirements for implementation of a permit system for operation of reasonably expected sources 
of air pollution. 

• Note 1: Florida's regional haze plan for addressing visibility-impairing pollutants is, as of the 
date of this infrastructure submission, proposed to be fully approved muter Florida's SIP by EPA 
(77 FR 73369). This plan ensures that Florida will not interfere with visibility protection in other 
states. 

• � DBP understands per EPA's November 2012 memorandum addressing the 'YB.Ciltur of the 
2011 Cross-State Air Pollution Rule,2 that EPA does not expect this SIP infrastructure submission 
to address the requirement for SIPs to prohibit significant contribution to nonattainment in, or 
interfere with maintenance by, any other state with respect to any such primary or secondary 
NAAQS. 

110(a)(2)(D)(H) - lntentate and international transport provisions: SIPs must include provisions 
ensuring compliance with the applicable requirements of sections 115 or 126(b) of the CAA. 

1 McCarthy, Gina, Assistant EPA Administrator, Memo to Air Division Directors, Regions 1-10, Re: 
Next Steps fur Pending &designation Requests and Pending State Implementation Plan Actions Affected by 
the Recent Court Decision Vacating the 2011 CTOSs-State Air PQlfution Rule, November 19, 2012. 
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• � SIP-approved sections of Chapters 62-204, 62-210, and 62-212, F.A.C., require any new 
major source or major modification to undergo PSD or NNSR permitting and thereby provide 
notification to other potentially affected federal, state, and local government agencies. 

• Statutes: Section 403.061(14), Florida Statutes, authorizes DEP to "[e]stablish a permit system 
whereby a permit may be required for the operation, construction or expansion of any installation 
that may be a source of air pollution .... '' (with the definition of pollution provided in section 
403.031(7), Florida Statutes), and section 403.087, Florida Statutes, provides specific 
requirements for implementation of a permit system for operation of reasonably expected sources 

of air pollution. 

llO(a)(Z){E)- Adequate resources aud authority, conflict of Interest, and ovenight of 
local government: States must provide for adequate personnel, funding, and legal authority under state 
law to carry out its SIP and related issues; comply with conflict-of-interest requirements under CAA 
section 128; and ensure adequate oversight of any local government agency responsible for 
implementation of any SIP provision. 

• Statutes: Section 403.061(2), Florida Statutes, authorizes DEP to "[b]ire only such employees as 

may be necessary to effectuate the responsibilities of the department." Section 403.061(4), 
Florida Statutes, authorizes DEP to "[s]ecure necessary scientific, technical, research, 
administrative, and operational services by interagency agreement, by contract, or otherwise." 
Section 403.182, Florida Statutes, authorizes DEP to approve local pollution control programs. 
Section 320.03(6), Florida Statutes, authorizes DEP to establish an Air Pollution Control Trust 
Fund and use a $1 fee on every motor vehicle license registration sold in the state for air pollution 
control pmposes. Section 112.3143( 4) and section 112.3144, Florida Statutes, both of which 
have been adopted and incorporated into Florida's SIP and, together, require disclosure of 
conflicts of interest by public officials consistent with the requirements of CAA section 128. 

• � The DEP understands that when EPA does a completeness determination and final 
approval for any SIP submittal, it implicitly determines that the requirements of CAA section 
110(a)(2)(E) are met Each submittal must provide for adequate personnel, funding, and legal 
authority under state law to carry out the proposed SIP revision. In order for a submittal to be 
deemed complete. any local and regional implementation plans must be submitted through the 
state agency. In Florida's case, no local or regional areas submit implementation plans; DEP is 
solely responsible for the SIP. 

llO(a)(Z)(F)- Stationary source emissions monitoring: SIPs must provide for the establishment and 
operation of emissions monitoring systems by source owners or operators, and for the submission of 
periodic emissions reports from such sources. 

• � SIP-approved sections of Chapters 62-204, 62-210, 62-212, 62-296, and 62-297, F.A.C., 
to the extent such rule sections require emissions monitoring and reporting for pollutant-emitting 
activities that contribute to N� concentrations in the ambient air, including requirements for the 
installation, calibration, maintenance, and operation of equipment for continuously monitoring or 
recording emissions, or provide authority for DEP to establish such emissions monitoring and 
reporting requirements through SIP-approved permits; and require reporting ofNOx emis$ions in 
such manner as to allow the state to correlate such data with applicable emission limitations and 
comply with the provisions of the EPA Air Emissions Reporting Rule. 

• Statutes: Section 403.061(13), Florida Statutes, which authorizes DEP to "[r]equire persons 
engaged in operations which may result in pollution to file reports which may contain . . . any 
other such information as the department shall prescribe . . . "; also, section 403.8055, Florida 
Statutes, which authorizes DEP to "[a]dopt rules substantively identical to regulations adopted in 
the Federal Register by the United States Environmental Protection Agency pursuant to federal 
law .... " 

1122113 
s 



Exhibit A 
Page 7 of8 

llO(a)(l)(G)- Emergency powen: States must have authority comparable to that in section 303 of the 
CAA to address activities causing imminent and substantial endangerment to public heal1h and to provide 
contingency plans to implement such authority. 

• Statutes: Section 403.131, Florida Statutes, authorizes DEP to: seek injunctive relief to enforce 
compliance with this chapter or any rule, regulation or permit certification, or order; to enjoin any 
violation specified in section 403.061(1), Florida Statutes (i.e., the failure to obtain a permit or 

comply with any DEP permit or rule or comply with any Florida Statute administered by the 
DEP); and to seek injunctive relief to prevent irreparable injury to the air, waters, and property, 
including animal, plant, and aquatic life, of the state and to protect human health, safety, and 
welfare caused or threatened by any violation." Section 120.569(2)(n), Florida Statutes, 
authorizes DEP to issue emergency orders to address immediate dangers to the public health, 
safety, or welfare; both of which have been adopted and inoorporated into Florida's SIP. 

llO(a)(l)(H)- Future SIP revisions: States must have authority to revise its SIP in response to changes 
in the NAAQS, availability of improved methods for attaining the NAAQS, or any EPA finding that the 
SIP is substantially inadequate. 

• Statutes: Section 403.061(35), Florida Statutes, as previously described in the "Introduction" 
above, grants DEP 1he broad authority to implement 1he CAA. Moreover, section 403.061(9), 
Florida Statutes, authorizes DEP to "[a)dopt a comprehensive program for the prevention, 
control, and abatement of pollution of the air . . .  of the state, and :from time to time review and 
modifY such programs as necessary." 

llO(a)(l)(l)- Nonattaimnent areas: States must meet the applicable requirements of part D of the CAA 
relating to nonattainment areas. 

• � DEP tmderstands that EPA does not expect this SIP infrastructure submission to address 
this element. 

118(a)(lXJ)- Consnltation with government officials; pubUc notification of NAAQS violations; and 
compUance with PSD and visibility requirements: States must consult with local governments and 
federal land managers pursuant to the provisions of section 121 of the CAA; notifY the public of instances 
or areas exceeding the NAAQS pursuant to section 127 of the CAA; and meet the requirements of part C 
of the CAA (relating to PSD and visibility protection). 

• � SIP-approved sections of Chapters 62-204, 62-210, and 62-212, F.A.C. require 
intergovernmental consultation, public notice, and compliance with the requirements of part C 
and D of the CAA. SIP-approved rule chapters 62-204, 62-210, and 62-212, F.A.C., collectively 
establish a preconstruction, new source permitting program that meets the PSD requirements 
tmder part C of the CAA for pollutant-emitting activities that contribute to N(h concentrations in 
the ambient air. New major sources and major modifications that are subject to PSD permitting 
must demonstrate that the source or modification will not cause or contribute to a violation of any 
NAAQS or PSD increment and provide an analysis of additional impacts of the source or 
modification, including impacts on visibility. All new or modified major sources of NOs: 
emissions will apply the Best Available Control Technology (BACT) to reduce NOx emissions in 
accordance with the CAA and EPA PSD permitting requirements. 

• Statutes: Section 403.061(21), Florida Statutes, authorizes DEP to "[a]dvise, consult, cooperate, 
and enter into agreements with other agencies of the state, the Federal Government, other states, 
interstate agencies, groups, political subdivisions, and industries affected by the provisions of this 
act, rules, or policies of the department" and section 403.061(20), Florida Statutes, authorizes 
DEP to "[c]ollect and disseminate information . . . relating to pollution." 
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• �: Notification to the public of instances or areas exceeding the NAAQS and associated 
health effects is provided through implementation of the Air Quality Index reporting system in all 
required areas. 

• Note 2: EPA has promulgated a FIP for the Florida PSD program to address the preconstruction 
permitting of Greenhouse gases (76 FR 82246). The FIP in conjunction with the above 
referenced SIP approved new SOW'Ce preconstruction permitting program meet the PSD 
requirements of part C ofthe CAA. 

• Note 3: Florida's regional haze plan for addressing visibility-impairing pollutants is, as of the 
date of this infrastructure submission, proposed to be fully approved under Florida's SIP by EPA 
(77 FR 73369). This plan ensures that Florida will meet the visibility requirements in part C of 
the CAA. 

110(a)(l)(K) -Air quality modeling: States must provide for the performance of air quality modeling as 
required by EPA to predict the effects on air quality of emissions of NAAQS pollutants and for 
submission of such data to EPA. 

• � SIP-approved sections of Chapter 62-204, 62-210, and 62-212, F.A.C., require use of 
EPA-approved modeling of pollutant-emitting sources that contnbute to N(h concentrations in 
the ambient air. 

• Statutes: Section 403.061(13), Florida Statutes, authorizes DEP to "[r]equire persons engaged in 
operations which may result in pollution to file reports which may contain infonnation relating to 
locations, size of outlet, height of outlet, rate and period of emission, and composition and 
concentration of effiuent and such other information as the department sball prescribe to be 
filed .... " Section 403.061(18), Florida Statutes, authorizes DEP to "[e}ncouragc and conduct 
studies, investigations, and research relating to pollution and its causes, effects, prevention, 
abatement, and control." 

• � DEP has the technical capability to conduct or review all air quality modeling associated 
with the NSR program and all SIP-related modeling, except photochemical grid modeling which 
is perfonned for DEP under contract All such modeling is conducted in accordance with the 
provisions of 40 CFR Part 51, Appendix W, "Guideline on Air Quality Models." DEP agrees to 
submit any NSR or SIP modeling files to EPA upon request. 

llO(a)(l)(L) - PermlttlD& fees: States must assess permitting fees to cover the costs of reviewing, 
approving, implementing, and enforcing major stationary source permits. 

• Statutes: Paragraph 403.087(6)(a), Florida Statutes, directs DEP to" require a processing fee in 
an amount sufficient, to the greatest extent possible, to cover the costs of reviewing and acting 
upon any application for a permit .•.. " 

• � The subject costs are covered by the Air Pollution Control Trust Fund, which is made up 
of various funding sources. 

llO(a)(l){M) - Consultation and participation by affected loeal entities: States must provide for 
consultation and participation in SIP development by local political subdivisions affected by the SIP. 

• Statutes: Section 403.061(21), Florida Statutes, authorizes DEP to .. [a]dvise, consult, cooperate. 
and enter into agreements with other agencies of the state, the Federal Government, other states, 

interstate agencies, groups, political subdivisions, and industries affected by the provisions of this 
act, rules, or policies of the department.'' 

• � DEP has specific operating agreements with eight county air pollution control agencie11 
(Duval, Orange, Hillsborough, Pinellas, Sarasota, Palm Beach, Broward, and Miami-Dade) that 
delineate the duties and responsibilities of each such COWlty in carrying out Florida's air program, 
including applicable portions of the SIP. 
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Mr. Brian Accardo 
Director 
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Florida Dept. of Environmental Protection 
2600 Blair Stone Road 
Tallahassee, FL 32399 

Re: Analysis and Plan regarding the new 1-hour N02 National Ambient Air Quality Standard 

Dear Mr. Accardo: 
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I am writing to you on behalf of Florida Power & Light Company ("FPL") in regards to our recent 
discussions related to the impact of the new 1-hour N02 standard on FPL facilities. 

As you are aware, on January 22, 2010, the U.S. Environmental Protection Agency ("EPA") 
strengthened the National Ambient Air Quality Standard ("NAAQS") for N02• Specifically, EPA 
created an entirely new 1-hour human health-based standard for N02• This new 1-hour standard 
marks a significant change in the form of the N02 standard by focusing on short term exposures 
rather than long term exposures. EPA set the new 1-hour standard at 100 parts per billion. 

Earlier this year, the Florida Department of Environmental Protection ("DEP") submitted a 
revision to its State Implementation Plan ("SIP") to implement the new 1-hour N02 standard 
pursuant to its statutory duty and authority under Chapter 403, Florida Statutes, and rules adopted 
under Chapter 62, Florida Administrative Code, to protect and maintain Florida's air quality, 
including ensuring NAAQS attainment. Based on DEP's recommendation, EPA has already 
designated all of Florida as attainment/unclassifiable for the new N02 standard. In reviewing the 
potential impacts of this new N02 standard, FPL became aware that emission units 'vith higher 
NOx emissions and shorter stacks, and which are located closer to property boundaries, may not 
adequately facilitate off-site dispersion of stack emissions to concentrations below the new 1-hour 
standard. 

FPL conducted an analysis of three of its electrical generating facilities with older-generation peaking 
gas turbines ("GTs") that have these characteristics. Specifically, FPL analyzed the GTs at the 
following facilities: Lauderdale Plant, located in the City of Dania, Broward County; Port Everglades 
Plant, located in the City of Hollywood, Broward County; and Fort Myers Plant, located in the City 
of Tice, Lee County. FPL has 48 peaking GTs at these three facilities, which were installed in the 
1960s and entered into commercial operation in the early 1970s. The GTs do not operate on a 
continuous basis during the entire year, but rather are used occasionally in order to serve peak 
demands. Thus, while their less frequent operation did not pose concerns relative to the prior 
annual N02 standard, even occasional operation is relevant to the new 1-hour N02 standard. 
Regardless, due to their quick-start capability, the GTs constitute extremely important reliability 
resources for FPL for serving load in the South Florida area. 

Florida Power & Light Company 

700 Universe Boulevard, Juno Beach, FL 33408 
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FPL's analysis of these GTs, as presented to DEP, included stack testing, dispersion modeling and 
other data analysis. 1his analysis showed that emissions from the GTs, which are allowed under 
applicable permits, nonetheless would not disperse sufficiently to bring off-site concentrations 
below the new 1-hour standard. If left unresolved, such emissions could thus lead to EPA 
designating the area as nonattainment. FPL's evaluation concluded that the most cost-effective 
solution is to remove 48 of the existing GTs at the three facilities and replace them with new, highly 
efficient combustion turbines (CTs) with low N02 emissions. This solution, as FPL's analysis 
demonstrated to DEP, resolves the offsite impacts at these three facilities. 

As a result of its analysis, FPL discussed with DEP its need for certainty regarding a timely 
resolution of this issue, while ensuring its ability to reliably meet demand. FPL understands that 
completing this project as expeditiously as practicable is necessary to DEP's implementation of the 
NAAQS program and Section 172 of the Clean Air Act. As FPL explained in our meetings, a 
substantial lead time is needed to complete this project. Specifically, FPL must apply for and receive 
the necessary permits and approvals for the project. Part of the approval process is to receive a 
federal greenhouse gas air permit from EPA, which can easily stretch out to two years. Further, 
FPL must have time, after licensing and permitting, to order the equipment and to construct the 
project. Therefore, DEP has agreed that, in order to resolve the offsite impact issues related to the 
new N02 standard, FPL will bring the new CTs into service by December 31, 2016. DEP has 
acknowledged that FPL may operate the existing GTs, as permitted, to serve load until the new CTs 

. . 

are m servtce. 

In order to meet this in-service deadline, licensing of the project must begin immediately. In that 
regard, FPL will file the necessary air construction permit applications by this summer for 
construction of the new CTs. 1his should allow adequate time for DEP and EPA to issue the 
permits and for FPL to implement and construct the project by December 31, 2016. FPL 
understands that this response plan and timing is acceptable to DEP. 

Thank you for the opportunity to meet with you and your staff to find a mutually agreeable path 
forward to reduce those off-site impacts to a level below this new regulatory air standard, on a 
timetable that meets FPL's operational needs. 

Vice-President 
Environmental Services 
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EXECUTIVE SUMMARY 

Pursuant to Section 186.801(1), Florida Statutes (F.S.), each generating electric utility 
must submit to the Florida Public Service Commission (Commission) a Ten-Year Site Plan 
(TYSP or Plan) which estimates the utility’s power generating needs and the general locations of 
its proposed power plant sites over a ten-year planning horizon.  The Commission is required to 
perform a preliminary study of each plan and classify each one as either “suitable” or 
“unsuitable.”  This document represents the study of the 2012 Ten-Year Site Plans for Florida’s 
electric utilities.   All findings of the Commission are made available to the Florida Department 
of Environmental Protection (DEP) for its consideration at any subsequent electrical power plant 
site certification proceedings pursuant to the Power Plant Siting Act (PPSA)1.  In addition, this 
document is forwarded to the Department of Agriculture and Consumer Services (DACS) 
pursuant to Section 377.703(2)(e), F.S., which requires the Commission to provide a report on 
electricity and natural gas forecasts.  A copy of this report is also posted on the Commission’s 
website and is available to the public. 

The Commission has reviewed the Ten-Year Site Plans filed by the eleven reporting 
utilities, as well as supplemental data provided through data requests, and finds that the 
projections of load growth appear reasonable.2  The reporting utilities have identified sufficient 
additional generation facilities to maintain an adequate supply of electricity at a reasonable cost.  
Therefore, the Commission finds the 2012 Ten-Year Site Plans filed by the reporting utilities, 
augmented with supplemental data provided, to be suitable for planning purposes. 

Since the TYSP is not a binding plan of action for electric utilities, the Commission’s 
classification of these Plans as suitable or unsuitable does not constitute a finding or 
determination in docketed matters before the Commission.  The Commission may address any 
concerns raised by a utility’s TYSP at a public hearing. 

Growth in Demand and Capacity 

Customer growth remained positive in the last year, and is anticipated to continue at a 
somewhat slower pace than projected last year, but still below historic levels.  Between 2012 and 
2021, the annual average growth rate for residential customers is projected at 1.26 percent, 
slightly below last year’s projection of 1.37 percent for 2011 through 2020, and down 
significantly from the 2.36 percent rate seen for the period 2002 through 2007.  In contrast, 
commercial and industrial customers show a slightly increased rate of growth, but also remain 
below historic levels. 

Generating capacity within the State of Florida is anticipated to grow to meet the increase 
in customer demand, with approximately 7,200 megawatts (MW) of new generation added over 
the planning horizon.  This figure represents a decrease from last year’s TYSPs, which estimated 

                                                 
1 The Power Plant Siting Act is Sections 403.501 through 403.518, Florida Statutes 
2 Investor-owned utilities (IOUs) filing 2012 Ten-Year Site Plans include Florida Power & Light Company (FPL) 
Progress Energy Florida, Inc. (PEF), Tampa Electric Company (TECO), and Gulf Power Company (Gulf).  
Municipal utilities filing 2012 Ten-Year Site Plans include Florida Municipal Power Agency (FMPA), Orlando 
Utilities Commission (OUC), City of Lakeland (LAK), City of Tallahassee (TAL), JEA (formerly Jacksonville 
Electric Authority), and Gainesville Regional Utilities (GRU).   Seminole Electric Cooperative (SEC) also filed a 
2012 Ten-Year Site Plan. 
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the need for about 10,300 MW new generation.  This reduction in the estimated need for new 
capacity is primarily due to several units being constructed in 2012, and others being delayed 
beyond the ten year period due to slightly lower load forecasts.  The 2012 Plans include 
retirements and uprates of existing units, along with new generating units to be added during the 
ten-year period.  As in previous planning cycles, natural gas-fired generating units make up a 
majority of the generation additions and now represent a majority of energy produced within the 
state. 

All TYSPs are subject to modification due to factors such as changes to fuel price 
forecast, energy demand forecasts, shifts in energy policy, or other factors.  A notable change to 
the 2012 TYSPs is PEF’s delay of the Levy 1 nuclear unit, which was originally planned to start 
commercial service in June 2021, but has been delayed until June 2024.  PEF is anticipated to 
update their 2013 TYSP to reflect this change in projected installed capacity.  While the delay is 
a significant impact on PEF’s reserve margin in 2021, the statewide reserve margin is projected 
to be adequate to provide reliable service with the planned delay of the Levy nuclear units. 

Demand-Side Management 

The first step in any resource planning process is to focus on the efficient use of 
electricity by consumers.  Government mandates, such as building codes and appliance 
efficiency standards, provide the starting point for increasing energy efficiency.  Customer 
choice is the next step in reducing the state’s dependence upon expensive fuels and lowering 
greenhouse gas emissions.  Consequently, educating consumers to make smart energy choices is 
particularly important.  Finally, Florida’s utilities can efficiently serve their customers by 
offering demand-side management (DSM) and conservation programs designed to use fewer 
resources at lower cost. 

Florida’s utilities project considerable demand and energy savings over the planning 
period, with conservation and load management programs by 2021 reducing the system’s total 
seasonal peak demand by over 9,000 MW, or 15 percent for summer and winter, and reducing 
annual energy consumption by over 15,000 GWh or 5 percent. 

Fuel Diversity 

Natural gas is anticipated to remain the dominant fuel over the planning horizon, with 
usage in 2011 increasing to 57.7 percent of the state’s net energy for load (NEL), up from 50.8 
percent of NEL in 2010.  Figure 1 below illustrates the increase in the role of natural gas in the 
state’s electricity production during the last ten years, and the projected use during the next 
decade.  Based on the Florida Reliability Coordinating Council (FRCC) 2012 Load and Resource 
Plan, state-wide natural gas usage is expected to peak in 2012, and then slowly decline 
throughout the planning period, to 56.7 percent in 2021. 
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Figure 1. State of Florida: Natural Gas Usage (Total & Percent NEL) 
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Source: FRCC 2004 - 2012 Load and Resource Plans 

While natural gas usage is projected to remain relatively level over the planning period, 
this situation is due to projected increases in nuclear generation, and a limited impact of new 
environmental compliance requirements.  The FRCC 2012 Load and Resource Plan includes the 
addition of the Levy 1 nuclear unit in 2021, which has since been delayed until 2024.  Also, this 
projection assumes the return to service in November 2014 of PEF’s Crystal River 3 nuclear unit 
(CR3).  However, no decision has been made regarding the repair or retirement of CR3.  
Furthermore, as discussed at the 2012 TYSP Workshop, PEF’s Crystal River 1 & 2 coal units, 
along with GULF’s Lansing Smith 1 & 2 coal units, may face challenges in economically 
meeting new environmental compliance requirements.  If the facilities are unable to install 
sufficient emissions controls, they would face retirement as early as 2015.  If the projected 
generation associated with these nuclear and coal units is displaced by natural gas, it would have 
the net effect of increasing natural gas’ share of state electric generation to 62.9 percent by 2021, 
as shown in Figure 2 below. 
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Figure 2. State of Florida: Natural Gas Usage With Displaced Generation (Total & Percent NEL)  
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Source: FRCC 2004 - 2012 Load and Resource Plans, PEF 2012 TYSP, Responses to Staff Data Requests. 

In an attempt to reduce natural gas consumption, Florida’s utilities have encouraged other 
energy resources, including renewable energy and nuclear generation.  Approximately 1,421 
MW of renewable generation is currently operating in Florida, an increase of about 138 MW 
from the previous year.  Presently, municipal solid waste (MSW) and biomass each represent 
roughly a third of renewable generation in Florida.  Other major types of renewable generation 
operating in the state include waste heat, hydroelectric, landfill gas, and solar. 

Over the planning horizon, approximately 957 MW of additional renewable generation is 
planned in Florida, an increase of 51 MW from last year.  The majority of these additions are 
solar and biomass.  While these new projects represent a significant increase from the existing 
total, renewable generation continues to provide a relatively small contribution towards the 
reduction of our state’s reliance on fossil fuels. 

While no new nuclear units are projected until 2022, uprates for all five existing nuclear 
units have been approved by the Commission, representing an increase of approximately 600 
MW.  Extended outages associated with unit uprates and other major maintenance work has 
reduced nuclear generation, and is projected to reduce nuclear’s contribution to annual energy in 
the near future.  One of the nuclear units, CR3, has been offline since 2009 due to a delamination 
of the concrete containment structure discovered during a steam generator replacement project.  
The unit, including the 154 MW of uprated capacity, is currently scheduled to return to service in 
the end of 2014.  Currently four new nuclear units, Turkey Point 6 & 7, and Levy 1 & 2, totaling 
over 4,000 MW generation are planned outside of the ten-year horizon. 

New and Proposed EPA Rules 

Florida’s electric utilities must also consider environmental concerns regarding existing 
and planned generation to meet Florida’s electric needs.  The Environmental Protection Agency 
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(EPA) has finalized or proposed several new rules in the last year that will have an impact on 
Florida’s existing generation fleet, as well as on its proposed new facilities. 

The new or proposed EPA rules limit emissions from existing power plants on a variety 
of pollutants, including mercury, other heavy metals, organic toxics, particulates, sulfur oxides, 
and nitrogen oxides.  While many facilities within the state already have sufficient emissions 
control technologies to address these rules, some will require installation of new equipment to 
bring emissions into compliance.  Other rules address concerns relating to cooling water’s impact 
on aquatic life, and the disposal of coal ash.  All of these activities will require investment and 
potential for extended outages of the relevant generating units, which will require careful 
planning to allow for a minimum impact on system reliability. 

At this time, a final estimate of costs and units affected is not available, as some of the 
proposed rules are not yet final.  Several of the TYSP utilities have provided preliminary 
estimates based upon known and proposed rule language, and are shown in Table 1 below. 

Table 1. TYSP Utilities: Preliminary Estimates of EPA Rule Compliance Cost 

Preliminary 
Total Cost Estimates* Utility 

($ Millions) 
Florida Power & Light $348 - $1,741 
Progress Energy Florida $165 - $1,330 
Tampa Electric Company $763 
Gulf Power Company $1,270 - $2,737 
Florida Municipal Power Agency $39 
Gainesville Regional Utilities Not Available 
JEA Not Available 
Lakeland Electric Not Available 
Orlando Utilities Commission $157 
Seminole Electric Cooperative Not Available 
City of Tallahassee $5 
Total of All Utilities $2,747 - $6,772 
* These estimates are not final, and may not include all rules. 
Source: Responses to Staff’s Data Requests. 

 

New Generation Facilities 

The State of Florida has a total summer generating capacity of 56,973 MW installed as of 
January 1, 2012.  A total of 7,200 MW of new generation units are planned in the ten-year 
period, all of which will be natural gas-fired units.  Other impacts noted in the report reflect 
changes to existing units and/or purchased power agreements. 

As noted previously, the primary purpose of this review of the utilities’ TYSPs is to 
provide information regarding new electric power plants to the DEP for its use in the 
certification process.  Table 2 displays those generation facilities included in the 2012 TYSPs 
that have not yet received a certification under the PPSA by the Commission.  Certification is 
generally anticipated at four years in advance of the in-service date for a natural gas-fired 
combined cycle unit.  TECO has recently filed a Request for Proposals (RFP) for their 
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conversion to combined cycle configuration of their existing Polk Power Station units 2 through 
5, and filed a petition for a determination of need on September 12, 2012. 

Table 2. State of Florida: Proposed Generating Units Without PPSA Certification 

Utility Generating Unit Name Unit Type Fuel Type Summer Capacity 
(MW) 

In-Service 
Date 

TECO Polk 2-5 CC CC NG 1,063  Jan 2017 
PEF Unknown CC NG 767 Jun 2019 
SEC Unnamed CC1 CC NG 196 Dec 2020 
SEC Unnamed CC2 CC NG 196 Dec 2020 
SEC Unnamed CC3 CC NG 196 Dec 2021 

Source: Utilities 2012 TYSP 
 

In addition to generating units, transmission lines that will require the Commission’s 
certification under the Transmission Line Siting Act (TLSA) are projected during the planning 
period.  Table 3 below details the only TLSA project included in the utility’s plans, which is 
associated with TECO’s combined cycle conversion at the Polk Power Station. 

Table 3. State of Florida: Proposed Transmission Without TLSA Certification 

Utility Transmission Line 
Line 

Length 
(Miles) 

Nominal 
Voltage 

(kV) 

Commercial 
In-Service 

Date 
TECO Polk-Aspen-FishHawk 62.5 230 2017 

Source: Utilities 2012 TYSP 

 

Summary of the State of Florida 

 Figure 3 below illustrates the present and future aggregate capacity mix.  The capacity 
values in  Figure 3 incorporate all proposed additions, changes, and retirements contained in the 
reporting utilities’ 2012 Ten-Year Site Plans. 
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 Figure 3. State of Florida: Existing and Projected Capacity 
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INTRODUCTION 

The Ten-Year Site Plans of Florida’s electric utilities are designed to give state, regional, 
and local agencies advance notice of proposed power plants and transmission facilities.  The 
Commission receives comments from these agencies regarding any issues with which they may 
have concerns.  Because the TYSPs are considered to be planning documents and can contain 
tentative data, they may not necessarily contain sufficient information to allow regional planning 
councils, water management districts, and other reviewing agencies to evaluate site-specific 
issues within their respective jurisdictions.  Each utility is responsible for providing detailed 
information based on individual assessments during certification proceedings under the Power 
Plant Siting Act (PPSA), Sections 403.501-403.518, F.S., or the Transmission Line Siting Act 
(TLSA), Sections 403.52-403.5365, F.S.  In addition, other regulatory processes may require 
utilities to provide additional information as needed. 

Statutory Authority 

Section 186.801, F.S., requires that all major generating electric utilities submit a TYSP 
to the Commission for annual review.  Section 377.703(2)(e), F.S., requires the Commission to 
analyze these plans and provide natural gas and electricity forecasts to the Department of 
Agriculture and Consumer Services (DACS).  The Commission has adopted Rules 25-22.070 
through 25-22.072, Florida Administrative Code (F.A.C.) in order to fulfill these statutory 
requirements. 

Florida is served by 58 electric utilities, including 5 investor-owned utilities (IOUs), 35 
municipal utilities, and 18 rural electric cooperatives.  Only generating electric utilities with an 
existing capacity above 250 megawatts or a planned unit with a capacity of 75 MW or greater are 
required to file with the Commission a TYSP, at least once every two years.  In 2012, eleven 
utilities filed TYSPs, including 4 IOUs, 6 municipal utilities, and 1 rural electric cooperative. 

Figure 4 below illustrates each TYSP utility’s representative share of the state’s net 
energy for load for 2011.  In total, the investor-owned TYSP utilities represent 78 percent of net 
energy for load, with the remaining TYSP utilities contributing 21 percent.  Those utilities which 
are not required to file a TYSP make up the remaining 1 percent. 
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Figure 4. State of Florida: Percent State Net Energy for Load by Electric Utility (2011 Actual) 
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Source: FRCC 2012 Load & Resource Plan, Utilities 2012 TYSPs 

As outlined in the Commission’s rules, each utility’s TYSP contains projections of the 
utility’s electric power needs, fuel requirements, and general location of proposed power plant 
sites and major transmission facilities.  The utilities provide historic and projected information 
on existing generating capacity, customer base and energy usage, impact of demand-side 
management, fuel consumption, fuel diversity, anticipated reserve margin, and proposed new 
generating units and transmission. 

In accordance with Section 186.801, F.S., the Commission performs a preliminary study 
of each TYSP and makes a determination as to whether it is suitable or unsuitable.  This 
determination is non-binding, and is made in recognition that the information provided is 
tentative, and is subject to change by the utility upon written notice.  The results of the 
Commission’s study are contained in this report, Review of the 2012 Ten-Year Site Plans, and 
are forwarded to the DEP for use in subsequent power plant siting proceedings. 

Information Sources for the Report 

Contained in each utility’s TYSP is a series of required tables which provide detailed 
information on a number of items.  This information, supplemented by additional data requests, 
provides the basis of the Commission’s review. 

The Florida Reliability Coordinating Council (FRCC) is also an important source of 
information for the Commission’s review.  Each year, the FRCC publishes its Regional Load and 
Resource Plan which contains aggregate data on demand and energy, capacity and reserves, and 
proposed new generating units and transmission line additions, both for Peninsular Florida and 
for the state as a whole.  In addition to its 2012 Regional Load and Resource Plan, the 
Commission used the FRCC’s 2012 Reliability Assessment as a resource in the production of this 
review.  The Commission held a public workshop on August 13, 2012, to facilitate discussion of 
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the annual planning process and the Regional Load  & Resource Plan and to allow for public 
comments on the TYSPs that were filed with the Commission. 

Structure of the Report 

This report is divided into multiple sections.  The Statewide perspective provides a look 
at the impact of all planned unit additions to the State as a whole, and is intended as a resource 
for those seeking understanding of Florida’s energy systems.  Individual utility reports focus on 
the issues facing each electric utility and its unique situation.  Lastly, Appendix A contains 
comments received from various review agencies, local governments, and others that have been 
collected and included in this report.   

Conclusions 

As discussed in each of the individual utility’s reviews, the Commission’s review of the 
eleven reporting utilities’ 2012 TYSPs finds them all suitable for planning purposes.  Through 
the review process, the Commission has determined that the projections of load growth appear 
reasonable, and that reporting utilities have identified sufficient additional generation facilities to 
maintain an adequate supply of electricity at a reasonable cost. 

Since the TYSP is not a binding plan of action for electric utilities, the Commission’s 
classification of these Plans as suitable or unsuitable does not constitute a finding or 
determination in any docketed matters before the Commission.  The Commission may address 
any concerns raised by a utility’s TYSP at a public hearing. 



Statewide Perspective
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FLORIDA’S ELECTRICITY FORECAST 

Forecasting load growth is the first component of system planning for Florida’s electric 
utilities.  In order to maintain a reliable system, utilities must stay abreast of changes in customer 
base as well as trends in demand and energy consumption.  Utilities perform load and energy 
forecasts to estimate the amount and timing of future capacity needs. 

Historical data forms the foundation for utility load and energy forecasts.  These sets of 
data include energy usage patterns, trends in population growth, economic variables, and weather 
data for each utility’s service territory.  Econometric forecast models are then used to quantify 
the historical impact of population growth, economic conditions, and weather on energy usage 
patterns. 

Finally, sets of forecast assumptions on future population growth, economic conditions, 
and weather are assembled and together with the forecast models, yield the final demand and 
energy forecasts.  Each utility’s peak demand and energy forecasts serve as a starting point for 
determining if and when new capacity additions are needed to reliably and efficiently serve the 
anticipated load. 

Customer Growth Projections 

The most basic starting point in the utility’s forecast modeling is the projected number 
and type of electric customers.  Florida is dominated by the residential class, which makes up a 
majority in both number of customers and energy sales, as shown in Table 4 below.  As a result, 
Florida’s electrical demands and energy requirements heavily focus on residential use patterns.  
While commercial and industrial customers may be lower in number, they typically consume far 
more per customer, and combined represent the other half of energy consumed in Florida.  
Compared to last year, Florida experienced a slight growth in the number of customers, but an 
overall decline in energy consumption. 

Table 4. State of Florida: Customer Numbers and Energy Usage (2011 Actual) 

Customer Class Number of 
Customers 

% of 
Customers 

Energy Sales 
(GWh) 

% of 
Sales 

Residential 8,369,607 88.71% 113,554 52.97% 
Commercial 1,037,584 11.00% 80,284 37.45% 
Industrial 27,202 0.29% 20,556 9.59% 
Total 9,434,393  214,394  
Source: FRCC 2012 Load & Resource Plan 

 

Florida’s annual customer growth rate in 2011 was positive but significantly below 
historic norms for all customer classes, and is not anticipated to return to its previous rate during 
the planning period.  Figure 5 shows the actual annual growth rate between 2002 and 2011, and 
the projected customer growth between 2012 and 2021.  The historic data clearly shows the 
decline from high annual customer growth, resulting in significantly lower or even negative 
customer growth. 
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Figure 5. State of Florida: Annual Customer Growth Rate by Customer Class 
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Source: FRCC 2012 Load & Resource Plan 

Customer growth is projected to increase and remain higher throughout the planning 
period, with the exception of 2014.  In 2014, both FMPA and SEC note that several member 
utilities are anticipated to change their service agreements, including the City of Lake Worth 
(which would leave FMPA’s All Requirements Power Supply Project) and Lee County Electric 
Cooperative (which would no longer be served by SEC), resulting in the declining customer 
growth seen above in Figure 5. 

Florida’s energy requirements are heavily dependent on the energy consumption 
behaviors of residential customers.  This relationship is a result of the fact that close to 90 
percent of electric customers in Florida are residential accounts, with these customers purchasing 
more than half the energy sold in the state in 2011.  Figure 6 shows the actual per-customer 
consumption from 2002 through 2011, as well as the projection for the period 2012 through 
2021.  Actual usage has generally decreased, excluding a spike in 2010 that is attributed to 
extreme winter weather.  Per-customer residential sales are expected to decline in 2012, but then 
slowly rebound throughout the planning period. 
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Figure 6. State of Florida: Average Annual Residential Customer Energy Consumption 
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Seasonal Peak Demand Forecast 

Since there exists no economically feasible means to store electricity at the grid-scale, 
electric utilities must supply electricity near instantaneously to the time of its consumption.  For 
a majority of the time, system demand is significantly less than the daily peak.  However, system 
peak demand determines the timing of new generation needs, and is driven by seasonal weather 
patterns.  With a growing customer base dominated by residential customers, both the rate of 
growth and usage patterns are important considerations in planning sufficient future generation 
to meet the state’s projected customer load. 

Figure 7 illustrates typical daily load curves for each season, which shows evidence of 
the influence of residential customers.  In summer, air-conditioning demand causes a steady 
climb in the morning and a peak in early evening, before declining into the evening.  In contrast, 
winter’s demand curve is dominated by electric heating and water heating, causing a rapid peak 
in mid-morning and a second peak in the late evening. 
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Figure 7. TYSP Utilities: Example Daily Load Curve 

50%

55%

60%

65%

70%

75%

80%

85%

90%

95%

100%

1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19 20 21 22 23 24

H
ou

rl
y 

A
ve

ra
ge

 D
em

an
d 

(%
 S

ea
so

na
l P

ea
k)

Summer Winter
 

Source: Responses to Staff Data Request (2011) 

Florida is typically a summer-peaking state, meaning that the summer peak demand 
generally controls the amount of generation required.  While winter peak demands tend to be 
greater than summer, the higher peak is offset by the increased winter rating of power plants, 
which can take advantage of lower ambient air and water temperatures to produce more 
electricity from the same generating unit.  During summer peak demand, higher temperatures 
instead can decrease generation, as high water temperatures may reduce not only the quality, but 
quantity of cooling water available based on environmental permits. 

As with daily load, there is a great variation in seasonal peak load.  Generally speaking, 
Florida’s summer season is significantly longer than its winter.  The periods between the 
seasonal peaks are referred to as “shoulder months,” and utilities take advantage of these periods 
of relatively low demand to perform maintenance without impacting their ability to meet the 
daily peak demand. 

In general, a major controlling factor to seasonal peak demand is short-term weather 
conditions.  While utilities forecast annual peak demand based upon historic factors, customer 
counts, and normalized weather patterns, utilities also continuously monitor weather conditions 
in their service territory and prepare for any increases (or decreases) in customer demand.  By 
close monitoring of the weather situation, utilities can fine tune maintenance schedules to ensure 
the highest unit availability during time of the utility’s peak demand. 

Demand Side Management 

The first step in any resource planning process is to focus on the efficient use of 
electricity by consumers.  Government mandates, such as building codes and appliance 
efficiency standards, provide the starting point for increasing energy efficiency.  Customer 
choice is the next step in reducing the state’s dependence upon expensive fuels and lowering 
greenhouse gas emissions.  Consequently, educating consumers to make smart energy choices is 
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particularly important.  Finally, Florida’s utilities can efficiently serve their customers by 
offering DSM and conservation programs designed to use fewer resources at lower cost. 

The Florida Legislature directed the Commission to encourage utilities to decrease the 
growth in seasonal peak demand and energy consumption in Sections 366.80 through 366.85 and 
Section 403.519, F.S., known as the Florida Energy Efficiency and Conservation Act (FEECA).  
Under FEECA, the Commission is required to set goals for demand and energy reduction for 7 
electric utilities, namely the 5 investor-owned electric utilities (4 of which file TYSPs, the 
exception being Florida Public Utility Company, which is a non-generating utility) and 2 
municipal electric utilities (JEA and OUC).  These utilities represent 87 percent of sales in 
Florida. 

DSM Programs generally fall into three categories:  interruptible/curtailable load (INT), 
load management (LM), and conservation.  The first two are generally considered dispatchable, 
meaning that the utility can call upon them during a period of peak demand, but otherwise they 
are not in active use.  In contrast, conservation measures are considered passive and are always 
working to reduce customer demand. 

Interruptible or curtailable load is achieved through the use of agreements with large 
customers to allow the utility to interrupt selected portions of the customer’s load during periods 
of peak demand.  Interrupted or curtailed customers could make up for this generation by 
reducing their own industrial processes or by activating back-up generation.  In exchange for the 
ability to reduce their electrical load, the utility usually offers such customers a discounted rate 
for energy or other credits which are paid for by all customers. 

Load management programs involve the installation of a device that can interrupt a 
customer’s appliance(s) for a short duration during a period of peak demand.  These interruptions 
tend to have less notice than those provided to interruptible customers, and generally do not fully 
disconnect customers, but interrupt an individual appliance.  Normally, interruptions are kept to 
short periods and are cycled between groups of customers.  Due to the nature of the program, 
certain devices would be more appropriate to handle different seasonal demands.  For example, 
air conditioning units would be interrupted to reduce a summer peak, while water heaters being 
interrupted may contribute more towards reducing a winter peak.  As of 2012, over 7,165 MW of 
interruptible load and load management is available for summer peak, and is anticipated to 
expand to 9,219 MW by 2021. 

In addition to active measures, customer-based conservation measures can have an 
impact on peak demand without requiring activation by the utility.  These passive conservation 
measures typically involve improving a home or business’ building envelope, such as greater 
insulation and energy-efficient windows, or installing more efficient appliances.  These energy 
efficiency improvements decrease the customer’s load at all times without requiring an 
interruption or reduction in service, and also have an impact on annual energy consumption.   

The seven FEECA utilities currently offer DSM programs to residential, commercial, and 
industrial programs.  Energy audit programs provide a first step for utilities and customers to 
evaluate conservation opportunities and serve as the foundation for other programs. 
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Projected Peak Demands 

Figure 8 below shows the historic and projected total summer peak demand, as well as 
demand side management impacts and the resulting net firm demand experienced by the utilities.  
While summer peak demand has been relatively steady in the past few years, demand is 
anticipated to increase steadily throughout the planning period.  Interruptible load and load 
management programs have not been fully implemented in past years, with the primary impact 
shown below in 2008.  When planning for future load, the electric utilities use net firm seasonal 
demand. 

Figure 8. State of Florida: Historic & Projected Summer Peak Demand (With DSM Impacts) 
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Source: FRCC 2008 - 2012 Load and Resource Plans 

Figure 9 below shows the historic and projected total winter peak demand, as well as 
DSM impacts and the resulting net firm demand experienced by the utilities.  As with summer 
peak demand, demand response resources have not historically been fully utilized, as shown by 
the small reduction in the actual firm demand. 
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Figure 9. State of Florida: Historic & Projected Winter Peak Demand (With DSM Impacts) 
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Annual Energy Consumption Forecasts 

While peak demand is the instantaneous usage of a customer on the system, annual 
energy consumption addresses the total cumulative demand on the system over time, which 
determines the type of units required and the resulting amount of fuel consumed.  Figure 10 
below shows the historic and projected annual energy for load for the state of Florida.  While 
energy consumption has been relatively steady for the past few years, it is anticipated to increase 
steadily through the end of the planning period. 

Figure 10. State of Florida: Historic & Projected Annual Energy for Load (With DSM Impacts) 
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Historical Accuracy of Energy Forecasts 

For each utility filing a TYSP, the Commission reviewed the historical forecast accuracy 
of total retail energy sales for the five-year period 2007 to 2011.  The review compared actual 
energy sales for each year to energy sales forecasts made three, four, and five years prior.  For 
example, the actual 2007 energy sales were compared to the projected 2007 forecasts made in 
2002, 2003, and 2004.  These differences, expressed as a percentage error rate, were used to 
calculate the utility’s historical forecast accuracy. 

Table 5 below illustrates the historical forecast error for 2012 and 2011, on an average 
error and average absolute error basis.  The calculated average error is positive for all TYSP 
utilities, this shows a tendency to over-forecast, with the resulting average forecast error for all 
TYSP utilities combined at 11.38 percent in 2012, an increase from 8.45 percent in 2011. 

Table 5. TYSP Utilities: Historical Accuracy of Net Energy for Load Forecasts 

Forecast Error (%) 
2012 

(Years 2011 – 2007) 
2011 

(Years 2010 – 2006) TYSP Utility 

Average Average 
Absolute Average Average 

Absolute 
FPL 12.12% 12.12% 10.92% 10.97% 
PEF 11.36% 11.90% 6.17% 7.05% 
TECO 13.07% 13.07% 8.95% 8.95% 
GULF 5.44% 7.37% 1.97% 5.62% 
FMPA 11.81% 13.99% 6.09% 12.83% 
GRU 11.40% 11.40% 8.32% 8.32% 
JEA 12.72% 12.72% 9.78% 9.78% 
LAK 7.89% 7.89% 5.69% 5.69% 
OUC 5.83% 5.83% 5.87% 6.61% 
SEC 11.41% 12.63% 4.41% 8.38% 
TAL 8.77% 8.85% 7.04% 7.28% 
Weighted Average 11.38% 11.38% 8.45% 8.63% 
Source: Staff Calculation based on Utilities 2001 – 2012 TYSPs 

 

The high error rate, increased from last year’s, represents the impact of the recession on 
energy usage in Florida.  This analysis primarily uses forecasts developed from between 2002 
and 2008, a majority of which occurred before the recession.  Due to the unexpected nature of 
the recent recession, it could not have been included in forecasts as far as 5 years preceding the 
event.  As this analysis moves forward and begins to use forecasts developed after the beginning 
of the recession, the error rate should fall back to typical levels. 

As indicated by this high error rate, utilities projected increased need for energy that has 
not materialized due to the recession.  As discussed below, Florida currently has an excess of 
generation, in part due to these projections.  The TYSP utilities have responded to changing 
circumstances by delaying or cancelling new generation, as discussed in previous annual reviews 
of the TYSPs. 
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Reserve Margin Requirements 

In order to maintain stability in the electric system, utilities must constantly adjust system 
output to match demand from moment to moment.  As demand fluctuates, utilities must generate 
the precise amount of electrical power that will keep the system in balance while also performing 
periodic maintenance on its generating units.  In addition, utilities must be prepared at any 
moment to meet unforeseen circumstances, such as extreme weather events or unit outages.  
Therefore, each utility must maintain a certain amount of “extra” or reserve capacity in the event 
that demand rises above or supply drops below forecasted levels.  This additional amount of 
generating capacity is expressed as a percentage of firm demand and is referred to as the reserve 
margin. 

Reserve margins in Florida typically remain well above the FRCC minimum of 15 
percent for most of the year, and usually will only approach minimum levels in the summer peak 
season when air conditioning loads are at their highest levels.  The higher margins during winter 
peak seasons are also due to the fact that generating units can operate at a  higher capacity in 
colder temperatures.  The three largest IOUs, FPL, PEF, and TECO, were party to a stipulation 
approved by the Commission setting a 20 percent reserve margin planning criterion. 

The values in Figure 11 below include both supply-side and demand-side contributions, 
and shows that planning is mostly controlled by summer peak demand.  It should be noted that 
the figure below is for the State of Florida, and therefore contains generating capacity outside of 
the FRCC region. 

Figure 11. State of Florida: Seasonal Reserve Margin (With LM/INT) 
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Source: FRCC 2012 Load and Resource Plan 

It should be noted that the reserve margin figures above are calculated using the net firm 
system demand, which assumes full use of interruptible load and load management devices to 
reduce peak demand.  Participation in interruptible rates and load management programs are 
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voluntary, for which incentives are provided in the form of lower rates or credits paid to the 
participant.  As shown in Figure 12 below, the state as a whole has sufficient generation capacity 
planned throughout the period to meet the minimum reserve margin of 15 percent without 
relying on interruptible and load management customers. 

Figure 12. State of Florida: Seasonal Reserve Margin (Without LM/INT) 
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Source: FRCC 2012 Load and Resource Plan 

The previous two figures have assumed that the expansion plans filed in the utilities 
TYSPs will continue as planned.  Since the filing of the 2012 TYSPs, PEF has delayed the in-
service date of the Levy 1 nuclear unit outside of the planning period.  Staff is also aware of the 
long-term outage at PEF’s CR3 nuclear unit, which is currently offline and scheduled to return to 
service in November 2014 if repaired.  Retirement remains an open option for this unit in the 
event it is determined to be uneconomic to repair, which would have an impact on the statewide 
reserve margin.  In addition, several coal-fired plants were identified at the Commission’s 
Workshop on the 2012 Ten-Year Site Plans, which if retired would further decrease the state’s 
reserve margin.3  Figure 13 shows the total impact of the delay or potential retirement of all the 
units discussed above and that the state should still retain sufficient generating capacity.  The 
potential impacts to PEF and GULF are discussed in the individual utility section of the report. 

                                                 
3 Specifically, PEF’s Crystal River 1 and 2 and GULF’s Lansing Smith 1 and 2. 
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Figure 13. State of Florida: Seasonal Reserve Margin After Potential Unit Retirements  (With LM/INT) 
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Source: FRCC 2012 Load and Resource Plan, Staff Calculation 
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RENEWABLE GENERATION 

Federal Legislation 

In 1978, the U.S. Congress enacted the Public Utility Regulatory Policies Act (PURPA)4.  
PURPA endorsed three broad national purposes:  (1) conservation of electric energy, (2) 
increased efficiency in the use of facilities and resources by electric utilities, and (3) equitable 
rates for electricity consumers.  Section 210 of Title II, entitled “Cogeneration and Small Power 
Production,” required electric utilities to interconnect and sell electric energy to qualifying 
cogeneration and small power production facilities, referred to as Qualifying Facilities, or QFs, 
and to purchase electric energy from these facilities at the utility’s full avoided cost.  The Federal 
Energy Regulatory Commission (FERC) subsequently adopted rules to implement PURPA.  In 
addition, states were delegated authority to implement the FERC rules for electric utilities over 
which they have rate making authority.5  In 1980, the FERC issued its rules establishing the 
criteria for determining the qualifying status of a facility and setting out regulations for electric 
utility interconnection with QFs, along with sales to and purchases from QFs.6 

State Legislation 

In 1981, the Florida Legislature authorized the Commission to establish guidelines for the 
purchase and sale of capacity and energy from cogenerators and small power producers, which 
includes renewable generators.  In 1989, the statutes were broadened with the enactment of 
Section 366.051, F.S., which provides, in part, the following: 

Electricity produced by cogeneration and small power production is of benefit to the 
public when included as part of the total energy supply of the entire electric grid of 
the state or consumed by a cogenerator or small power producer.  The electric utility 
in whose service area a cogenerator or small power producer is located shall 
purchase, in accordance with applicable law, all electricity offered for sale by such 
cogenerator or small power producer; or the cogenerator or small power producer 
may sell such electricity to any other electric utility in the state.  The Commission 
shall establish guidelines relating to the purchase of power or energy by public 
utilities from cogenerators or small power producers and may set rates at which a 
public utility must purchase power or energy from a cogenerator or small power 
producer.  In fixing rates for power purchased by public utilities from cogenerators or 
small power producers, the Commission shall authorize a rate equal to the purchasing 
utility’s full avoided costs.  A utility’s “full avoided costs” are the incremental costs 
to the utility of the electric energy or capacity, or both, which, but for the purchase 
from cogenerators or small power producers, such utility would generate itself or 
purchase from another source. 

                                                 
4 Public Law 95-617 (HR 4018) November 9, 1978. 
5 PURPA at Title II, section 210(f); In Florida, the Florida Public Service Commission has ratemaking jurisdiction 
over five investor-owned electric utilities: Florida Power & Light Company (FPL), Progress Energy Florida (PEF), 
Gulf Power Company (Gulf), Tampa Electric Company (TECO), and Florida Public Utilities Company (FPUC). 
6 18 C.F.R. 292.101 through 18 CFR 292.602. 
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In 2005, the Legislature enacted Section 366.91, F.S., which requires IOUs to 
continuously offer purchase contracts to producers of renewable energy, and adopts the avoided 
cost standard as defined in Section 366.051, F.S.  Section 366.91, F.S., also defines the term 
“renewable energy” as follows: 

“Renewable energy” means electrical energy produced from a method that uses one 
or more of the following fuels or energy sources: hydrogen produced from sources 
other than fossil fuels, biomass, solar energy, geothermal energy, wind energy, ocean 
energy, and hydroelectric power. The term includes the alternative energy resource, 
waste heat, from sulfuric acid manufacturing operations and electrical energy 
produced using pipeline-quality synthetic gas produced from waste petroleum coke 
with carbon capture and sequestration. 

Commission Rules 

Renewable facilities are permitted to enter into two types of contractual agreements for 
selling power: standard offer and negotiated contracts.  Under these contracts, the energy can be 
sold as either “firm” or “as-available,” depending on the characteristics of the output of the 
facility.  When the output is continuous, except for occasional shutdowns for maintenance and 
repair, the utility also makes payments for the dependable capacity.  These contract and payment 
options are outlined in Rules 25-17.0825 and 25-17.0832, F.A.C.  

Standard Offer Contracts 

 Standard offer contracts are pre-approved contracts for the purchase of firm capacity and 
energy from any renewable generating facility or small QF.  Rule 25-17.230, F.A.C., requires 
each investor-owned electric utility to establish a standard offer contract for each fossil-fueled 
generating unit type identified in the utility’s TYSP.  The renewable energy generator is allowed 
to select from a number of payment options that best fits its financing requirements as long as the 
total cumulative present value of such payments does not exceed full avoided cost, and adequate 
security for front-end loaded payments is provided.  For example, the Commission rules allow 
for levelized payments over the life of the contract which may include both capacity and energy 
costs. 

Negotiated Contracts 

Renewable generating facilities are encouraged to negotiate purchased power contracts 
with IOUs pursuant to Rule 25-17.240, F.A.C.  Payments made to a qualified renewable 
generator under a negotiated contract may be recovered from ratepayers by the purchasing utility 
as long as the cumulative present value of the payments does not exceed the utility’s full avoided 
cost and adequate security for front-end loaded payments is provided. 

Renewable Payment Types 

Pursuant to current state and federal law, payments made by utilities to generation facilities using 
renewable energy sources are capped at the utility’s avoided cost for capacity and energy. 
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Firm capacity payments:  Firm capacity is capacity (MW) produced and sold by a renewable 
energy generator pursuant to a standard offer contract or a negotiated contract subject to 
contractual commitments as to the quantity, time, and reliability of delivery.  Firm capacity is 
purchased at a rate specified in a contract which is equal to the utility’s avoided capacity cost or 
at a negotiated rate which may not exceed the utility’s avoided capacity cost.  Full avoided cost 
is calculated by determining the cumulative present value of a year-by-year value of deferring 
each avoided unit over the term of the contract.   

Firm energy payments:  Firm energy is energy (kWh) produced and sold by a renewable energy 
generator pursuant to a negotiated contract or a standard offer contract subject to contractual 
commitments as to the quantity, time, and reliability of delivery.  Generally, the rate of payment 
for firm energy, in cents per kWh, is the lesser of the fuel cost associated with the avoided unit or 
the utility system’s incremental fuel cost. 

As-available energy payments:  As-available energy is energy (kWh) produced and sold by a 
renewable energy generator on an hour-by-hour basis for which contractual commitments as to 
the quantity, time, or reliability of delivery are not required.  As-available energy is purchased at 
a rate in cents per kilowatt hour (kWh) equal to the utility’s hourly incremental system fuel cost, 
which reflects the highest fuel cost of generation dispatched each hour.  No capacity payments 
are made for as-available energy because no reliability benefits are received.  Figure 14 below 
illustrates historic as-available energy payments from the investor-owned TYSP utilities for the 
period 2002 through 2011.  When natural gas prices spiked in 2008, averaging $10/MMBtu, as-
available energy rates rose as well.  As natural gas prices have declined since 2008, as-available 
energy rates have also decreased. 

Figure 14. Investor Owned Utilities: Average Annual As-Available Energy Rates 
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Renewable Resource Outlook 

In 2003, the Commission, in consultation with the DEP, completed the 2003 Renewable 
Energy Assessment Report to identify renewable energy viability in Florida.  According to the 
report, the most feasible sources of renewable energy in Florida are from biomass materials, such 
as agricultural waste products or wood residues, and industrial waste heat.  The 2003 report also 
stressed that technical feasibility does not ensure economic cost-effectiveness when determining 
energy resource production.  

The Commission, in conjunction with the U.S. Department of Energy and the Lawrence 
Berkeley National Laboratory, retained Navigant Consulting, Inc. to prepare a detailed 
assessment of Florida’s renewable potential.  The 2008 Navigant Consulting Renewable Energy 
Potential Assessment (the 2008 Navigant Consulting Report) reported on the existing renewable 
conditions and the projected potential for renewable development in Florida through 2020, 
compared cost-effective differences, and considered the potential levels of economic impact 
future renewables may have. The 2008 Navigant Consulting Report substantiated the 
Commission’s 2003 assessment by observing that the majority of Florida’s existing renewables 
consist of solid biomass plants and municipal solid waste facilities.  Although the 2008 Navigant 
Consulting Report considered solar technologies to have the largest technical potential of any 
renewable resource in Florida, only a portion of this potential can actually be economically 
achieved at this time. 

The 2008 Navigant Consulting Report described the comparison of the technical or 
physical potential versus the achievable potential for renewable energy development in Florida.  
For example, although the technical potential for solar power in Florida may be relatively high 
according to Navigant Consulting, cost-effectiveness and siting issues significantly reduce the 
achievable potential to commercially develop solar energy technology.  The driving forces to the 
expansion and sustainability of the renewable market depend on the overall value of renewable 
energy, a basis that is determined by the financial environment as well as government regulation 
and support.  As noted in the 2008 Navigant Consulting Report, a favorable scenario for the 
renewable market which has meaningful growth in Florida assumed the following: 

1. High fossil fuel costs 

2. Access to low cost capital and debt rates 

3. Continual government rebate programs and tax incentives 

4. Established pricing of CO₂ emissions 

5. Formation of a Renewable Energy Certificate (REC) market 

Since the 2008 Navigant Consulting Report was completed, economic and policy 
conditions have not been favorable for future renewable development.  Specifically, Navigant 
Consulting assumed in their 2008 natural gas costs to be $11-$14/MMBtu in the favorable 
scenario.  Natural gas is currently trading at approximately $2.95/MMBtu.  Most forecasts 
project natural gas prices to gradually increase over the long term. 
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In the favorable scenario, Navigant assumed the estimated cost of debt to be 
approximately 6.5 percent, the cost of equity approximately 10 percent, and ready access to debt 
would make up 70 percent of renewable project financing.  Currently credit markets are still tight 
for small businesses, and obtaining financing for renewable energy projects will be much more 
difficult for a smaller company than for a large utility.   

In the favorable scenario, Navigant Consulting estimated that Florida’s solar rebate 
program would expire in 2020, with a $10 million annual funding level.  The Florida Energy and 
Climate Commission was authorized to provide $25.4 million in rebates for solar energy 
equipment between 2006 and 2009.  Currently the authorized budget has been depleted.  Also, 
the favorable scenario for carbon pricing assumes $2/ton initially, then scaling to $50/ton by 
2020.  Currently, there is no federal or state policy establishing carbon pricing.  The favorable 
scenario also envisioned the creation of a Renewable Energy Credit (REC) market, with REC 
prices of approximately $18/MWh initially, decreasing to $11/MWh by 2020.  At this time, no 
Renewable Energy Credit market has been established in Florida. 

Table 6 below compares selected assumptions included in Navigant’s favorable scenario 
and current market conditions.  As detailed in the table, most current market conditions are not 
aligned with Navigant’s favorable scenario for renewable generation development. 

Table 6. State of Florida: Market Outlook for Renewable Energy 

Market Area 
2008 Navigant 

Consulting Report 
Favorable Scenario 

Current 
Market 

Conditions 
Natural Gas Prices ($/MMBTU) $11 - $14 $3 - $4 
Access to Capital & Debt Available at Low Cost Credit Markets Tight 
Florida Solar Rebate Program Expires in 2020, $10M/year No Funds Allocated 
CO2 Emissions Pricing ($/ton) $2 (2009) to $50 (2020) No pricing established 
Renewable Energy Certificates ($/MWh) $18 (2009) to $11 (2020) No REC Market established 
Source: 2008 Navigant Consulting Report, Responses to Staff Data Requests 
 

Existing Renewable Resources 

Currently, renewable energy facilities provide approximately 1,400 MW of gross electric 
generation capacity as reported by the FRCC.  Compared to figures in the 2011 Ten-Year Site 
Plan Review, existing renewable generation facilities have increased by approximately 120 MW, 
or 9 percent.  Table 7 summarizes Florida’s existing renewable resources. 
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Table 7. State of Florida: Existing Renewable Generation Capacity 

Renewable Type Capacity (MW) 

Solar 143.3 
Wind 0.0 
Biomass 401.5 
Municipal Solid Waste 453.7 
Waste Heat 297.1 
Landfill Gas 58.4 
Hydro 55.7 
Total 1,400 
Sources: FRCC 2012 Load and Resource Plan, Responses to Staff Data 
Requests 

 

Firm Capacity Contracts 

Roughly 28 percent of all renewable capacity in Florida is from renewable generators 
with firm capacity contracts, which are required to provide a particular amount of capacity for a 
specified period of time pursuant to contractual obligations.  Approximately 78 percent of this 
renewable capacity consists of municipal solid waste (MSW) facilities.  Although the majority of 
firm capacity is purchased by investor-owned utilities, a significant portion (137.8 MW) is 
purchased by Seminole Electric Company (SEC). 

Table 8 lists the existing renewable generators that provide firm capacity.  Significant 
changes in the firm contracts since 2011 include rerates from FPL’s Palm Beach County Facility, 
SEC’s Lee County Resource Recovery Facility, and a new contract agreement for firm energy 
between McKay Bay Waste to Energy Facility with SEC. 
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Table 8. State of Florida: Firm Renewable Resources 

Purchasing 
Utility Facility Name Fuel 

Type 

Gross 
Capacity* 

(MW) 

Commercial  
In-Service 

Date 
Investor-Owned Utilities 

FPL (Wheelabrator) Broward-South MSW 68 1987 
FPL (Wheelabarator) Broward-North MSW 62 1992 
FPL Solid Waste Authority of Palm Beach MSW 40 2005 
PEF Pinellas County Resource Recovery MSW 61.7 1983 
PEF Lake County Resource Recovery MSW 14.8 1990 
PEF Dade County Resource Recovery MSW 43 1991 
PEF Pasco County Resource Recovery MSW 26 1991 
PEF Ridge Generating Station WDS 39.6 1994 

  Subtotal of IOUs   227.7  
Municipal Utilities 

GRU G2 Energy LFG 4 2008 
GRU Solar FIT Program/Net Meter SUN 26.8 2009 
JEA Trailridge LFG 9 2008 

  Subtotal of Municipals   22.3  
Cooperative Utilities 

SEC Lee County Resource Recovery MSW 50 1999 
SEC Telogia Power, LLC WDS 13 2004 
SEC Seminole Landfill LFG 6.2 2007 
SEC Brevard Energy LFG 9 2008 
SEC Timberline Energy LFG 1.6 2008 
SEC Hillsborough Waste to Energy MSW 42.6 2010 
SEC McKay Bay Waste to Energy MSW 22 2011 

 Subtotal of Cooperatives   137.8  
  Total   387.8  
*The capacity listed here represents the gross capacity of the unit, which may be in excess of the contracted firm capacity of 
the generating unit. 
Sources:  FRCC 2012 Load and Resource Plan, Responses to Staff Data Requests 

 

Non-Firm Renewable Energy Generators  

In addition to the 387.8 MW of firm capacity described in Table 8 above, renewable 
energy facilities with a total capacity of 680.7 MW produce energy for sale to utilities on an as-
available basis.  Energy purchased on an as-available basis is considered non-firm capacity, and 
therefore cannot be counted on by Florida’s utilities for reliability purposes.  The energy 
produced by these providers, however, does contribute to the avoidance of burning fossil fuels in 
existing generators.  Table 9 details the various non-firm energy contracts.  
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Table 9. State of Florida: Non-Firm Renewable Resources 

Purchasing 
Utility Facility Name Fuel 

Type 

Gross 
Capacity 

(MW) 

Commercial  
In-Service 

Date 
Investor-Owned Utilities 

FPL New Hope / Okeelanta AB 130 1991 
FPL Georgia Pacific WDS 56.8 1995 
FPL Tomoka Farms LFG 3.8 1998 
FPL MMA FLA LP SUN 0.3 2007 
FPL WM Renewable Energy LFG 8 2010 
PEF Potash Of Saskatchewan WH 44.2 1986 
PEF Buckeye WDS 52.3 1993 
PEF G2 LFG 3.5 2008 

TECO Mosaic: South Pierce WH 30 1969 
TECO Mosaic: New Wales WH 79 1984 
TECO CF Industries WH 34.9 1988 
TECO City Of Tampa Sewage OBG 1.5 1989 
TECO Mosaic: Ridgewood WH 62 1992 
TECO Mosaic: Millpoint WH 47 1995 
GULF Stone Container AB 25 1960 
GULF International Paper Company WDS 56 1983 
GULF Bay County Solid Waste  MSW 13.6 2008 

  Subtotal of IOUs   647.9  
Municipal Utilities 

FMPA US Sugar Corporation AB 26.5 1984 
LAK Lakeland Center (Solar) SUN 0.3 2010 
OUC Regenesis Stanton Energy Center  SUN 6 2011 

  Subtotal of Municipals   32.8  
  Total   680.7  
Sources:  FRCC 2012 Load and Resource Plan, Responses to Staff Data Requests 

 

Utility-Owned Renewable Facilities 

 Several utilities also own renewable facilities, primarily solar generation, landfill gas, and 
hydroelectric technologies.  Table 10 lists some of the larger utility-owned resources, which 
consist mostly of non-firm or intermittent resources. 
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Table 10. State of Florida: Utility Owned Renewable Generation 

Purchasing 
Utility Facility Name Fuel 

Type 

Gross 
Capacity 

(MW) 

Commercial  
In-Service 

Date 
Investor-Owned Utilities 

FPL DeSoto  SUN 25 2009 
FPL Martin SUN 75 2010 
FPL Space Coast Next Generation SUN 10 2010 

GULF Perdido  1 LFG 1.8 2010 
GULF Perdido  2 LFG 1.8 2010 

  Subtotal of IOUs  113.6  
Municipal Utilities 

JEA North Landfill LFG 1.5 1997 
JEA Girvin Landfill LFG 1.2 1999 
JEA Buckman OBG 0.8 2003 
OUC Co-Fired Stanton Energy Center LFG 7 1998 
TAL Corn Hydro WAT 12.2 1985 

  Subtotal of Municipals  22.7  
Other Utilities 

UCEM Jim Woodruff WAT 43.5 1957 
  Subtotal of Other  43.5  
  Total   179.8  
Sources:  FRCC 2012 Load and Resource Plan, Responses to Staff Data Requests 

 

Because most of the energy produced is non-firm, the majority of these renewable 
facilities serve more to reduce fossil fuel consumption than to provide system capacity.  Among 
some of the recent notable additions to utility-owned renewables are the construction and 
operation of three solar generators by FPL in 2009 and 2010.  The DeSoto, Martin, and Space 
Coast facilities are currently the largest solar facilities in Florida.7  Also in 2010, GULF 
commissioned two landfill gas generation facilities, Perdido 1 and 2, to provide that utility with a 
total renewable gross capacity of 3.6 MW. 

Existing Net Metering 

Net metering is an arrangement between a utility and a customer with renewable 
generation capability whereby the customer’s energy usage is offset, or credited, by the amount 
of energy generated.  The customer will be billed for any net energy consumed that exceeds the 
energy generated. 

In April 2008, the Commission amended Rule 25-6.065, F.A.C., on interconnection and 
net metering for customer-owned renewable generation.  The rule requires the IOUs to offer net 
metering for all types of renewable generation up to 2 MW in capacity and a standard 
interconnection agreement with an expedited interconnection process.  Customers benefit from 

                                                 
7 The DeSoto and Space Coast facilities are direct energy-producing photovoltaic facilities, whereas the Martin 
facility uses thermal heat to create replacement steam for a pre-existing steam turbine usually supplied through fossil 
fuel generation. 
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such renewable systems by reducing their energy purchases from the utility and potentially 
selling excess energy to the utility. 

The Commission’s rule requires all electric utilities to annually report data associated 
with interconnection and net metering programs.  Data submitted in April 2010 show that the 
number of customers owning renewable generation systems in Florida continues to grow.  
Statewide, a total of 29.3 MW of solar photovoltaic (PV) capacity from 3,994 systems have been 
installed, up from 2.8 MW produced by 537 systems in 2008.  Table 11 displays the information 
on customer-owned renewable generation for 2011 reported by Florida’s utilities. 

Table 11. State of Florida: Customer Owned Renewable Generation 

Utility Type Connections Non-Firm  
Capacity (MW) 

Investor-Owned 2,826 20.4 
Municipal 615 5.0 
Rural Electric Cooperatives 553 3.9 
Total 3,994 29.3 
Sources: 2012 Interconnection and Net Metering of Customer-Owned Generation Report 

 

Planned Renewables Additions 

  Florida’s utilities plan to construct or purchase an additional 957 MW of renewable 
generation over the ten-year planning period.  The expected major contributors to actual energy 
generation are planned biomass resources. Table 12 summarizes the overall proposed planned 
increases by generation type of all utilities.  The largest source of planned renewable generation 
comes in the form of non-firm solar capacity built by a single vendor, National Solar.  The 
company has as-available energy contracts with PEF, and as they have no capacity portion, are 
not considered for reliability purposes. 

Table 12. State of Florida: Planned Renewable Resource Net Additions 

Fuel Type Capacity 
(MW) 

Solar 553.4 
Wind 0 
Biomass 321 
Municipal Solid Waste 70 
Waste Heat 0 
Landfill Gas 13 
Hydro 0 
Total 957.4 

Sources:  FRCC 2012 Load and Resource Plan, Responses to 
Staff Data Requests 
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As of January 2012, firm capacity contracts represent 39 percent of total planned 
renewable additions.  Table 13 and Table 14, provide detailed lists of the renewable resources 
planned for construction in Florida over the ten-year planning horizon.  Table 13 shows that, of 
the renewable firm capacity planned over the ten-year horizon, the majority is woody biomass 
that will be purchased by PEF and GRU. 

Table 13. State of Florida: Planned Firm Renewable Resources 

Purchasing 
Utility Facility Name Fuel 

Type 

Gross 
Capacity* 

(MW) 

Commercial  
In-Service 

Date 
Investor-Owned Utilities 

PEF FB Energy AB 60 2013 
PEF Trans World Energy  WDS 40 2013 
PEF US EcoGen WDS 60 2014 
FPL Solid Waste Authority of Palm Beach MSW 70 2016 

  Subtotal of IOUs   230   
Municipal Utilities 

JEA Trailridge LFG 9 2012 
OUC Port Charlotte  LFG 4 2012 
OUC Harmony WDS 5 2012 
GRU American Renewables LLC WDS 116 2013 
GRU Solar FIT Program SUN 9.3 2021 

  Subtotal of Municipals   143.3   
  Total   373.3   
Sources:  FRCC 2012 Load and Resource Plan, Responses to Staff Data Requests 

 



34 

Table 14 shows that most of the non-firm capacity planned in Florida will be purchased 
by PEF, primarily from National Solar, discussed above. 

Table 14. State of Florida: Planned Non-Firm Renewable Resources 

Purchasing 
Utility Facility Name Fuel 

Type 
Capacity 

(MW) 
Commercial  

In-Service Date 
Investor-Owned Utilities 

FPL INEOS Bio AB 2 2011 
PEF Eliho WDS 8 2011 
PEF E2E2 WDS 30 2012 
PEF Blue Chip Energy #1 SUN 50 2013 
PEF National Solar #5-10 SUN 450 2021 

All IOUs Solar Installations (Aggregate) SUN 0.1 2021 
  Subtotal of IOUs  540.1  

Municipal Utilities 
OUC CNL/City Hall SUN 0.4 2012 
OUC GSLD Solar SUN 0.8 2012 
TAL SDA SUN 2 2012 
TAL SolarSink SUN 0.5 2012 
TAL SunnyLand Solar SUN 1 2012 
LAK Regenesis Power SUN 15 2016 
LAK SunEdision SUN 24 2017 

All Munis Solar Installations (Aggregate) SUN 0.2 2021 
  Subtotal of Municipals  43.9  

  Total  584  
Sources:  FRCC 2012 Load and Resource Plan, Responses to Staff Data Requests 

 

Updated Navigant Consulting Report 

The Commission contracted with Navigant Consulting in early 2010 to update its 2008 
analysis with current conditions.  In June 2010, Navigant Consulting released new comparisons 
of cost estimates for different renewable generating facilities.  Navigant Consulting also 
provided additional detail pertaining to Florida’s renewable resource which it identified as 
having the most technical potential for growth, solar PV facilities.  Findings from the report are 
summarized below. 

In the 2010 Navigant Consulting Report Update, the most meaningful findings include 
changes in prices of renewable technologies.  PV module prices have fallen and commodity costs 
for PV units have decreased during the recession, but both are returning to near their pre-
recession levels.  Wind power prices have also decreased due to the recession, while utility 
turbine prices have risen as worldwide demand catches up with supply.  According to the 2010 
Navigant Consulting Report Update, no large performance breakthroughs occurred for any 
technology.  Because Navigant Consulting found solar resources to hold the most potential in 
Florida, the remainder of the 2010 Navigant Consulting Report Update focuses on solar power. 
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The 2010 Navigant Consulting Report Update estimates that solar power systems have 
increased in efficiency while overall prices have decreased up to 40 percent since 2008.  In spite 
of these changes, solar power systems continue to have some of the highest capital costs per kW 
of any renewable generating system.  Varying the methods of using solar energy involving solar 
tracking technology and alternating solar film receptors produces a slight range of energy output 
and net capacity factors.  In addition, the ability of solar PV systems to provide energy are 
limited to daytime hours.  Supplemental battery storage units may alleviate this issue, but the 
costs of batteries are not included in Navigant Consulting’s estimates. 

Even with these advancements, capacity factors of solar panels are projected to remain 
below 25 percent.  Such results indicate that solar PV facilities operate more like a conventional 
peaking unit and will not replace the need for base-load generating facilities.  However, Navigant 
Consulting also reported that operating characteristics for these systems do not correlate with 
daily peak load hours.  As shown in Figure 15, Navigant Consulting estimates that the peak 
output from solar PV facilities reaches a maximum of approximately 50 percent of the rated 
capacity, and occurs after the system’s winter peak hour and before the system’s summer peak 
hour.  As a result, a solar PV facility’s ability to provide reliability benefits appears limited.  

Figure 15. Solar PV Output and Utility Seasonal Load Profiles 

 

 
    Sources: 2010 Navigant Consulting Report Update 
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TRADITIONAL GENERATION 

Current demand and energy forecasts continue to indicate that in spite of increased levels 
of conservation, energy efficiency, and renewable generation, the need for traditional generating 
capacity still exists.  While reductions in demand have been significant, the total demand for 
electricity and the per-capita consumption is expected to increase, making the addition of 
traditional generating units necessary to satisfy reliability requirements and provide sufficient 
electric energy to Florida’s consumers.  Because any capacity addition has certain economic 
impacts based on the capital required for the project, and due to increasing environmental 
concerns relating to solid fuel-fired generating units, Florida’s utilities must carefully weigh the 
factors involved in selecting a supply-side resource for future traditional generation projects. 

In addition to traditional economic analyses, utilities also consider several strategic 
factors, such as fuel availability, generation mix, and environmental compliance prior to 
selecting a new supply-side resource.  Limited supplies, access to water or rail delivery points, 
pipeline capacity, water supply and consumption, land area limitations, cost of environmental 
controls, and fluctuating fuel costs are all important considerations. 

Gas fired units have almost exclusively been selected in recent years due to higher 
thermal efficiencies, lower capital costs, short periods for permitting and construction, and 
sometimes the smaller land areas required.  With the recent decrease in fuel prices due to 
unconventional natural gas production using hydraulic fracturing, natural gas is the favored fuel 
for all traditional generating units with the exception of new nuclear units. 

In the last ten years, almost 97 percent of all capacity additions to Florida’s electric 
system use natural gas as the primary fuel.  Coal units that were planned have been cancelled, 
and new nuclear units that have been approved have been delayed beyond the planning horizon.  
Currently, other than approximately 950 MW of renewable generation and 600 MW in uprates 
for existing nuclear units, all of the additional generation planned for the next ten years will use 
natural gas as a fuel source. 

Fuel Price Forecasts 

Fuel price forecast is the primary factor affecting the type of generating unit added by an 
electric utility.  In general, the capital cost of a generating unit is inversely proportional to the 
cost of the fuel used to generate electricity from that unit.  Historically, when the forecasted price 
difference between coal or nuclear and natural gas was small, the addition of a natural gas unit 
became the more attractive option.  As the fuel price gap widened, a coal-fired or nuclear unit 
would normally be the more likely choice. 

From 2003 to 2005, the price of natural gas was substantially higher than utilities had 
forecasted.  This disparity led to concern regarding escalating customer bills and an expectation 
that natural gas prices would continue to be high and extremely volatile.  As a result, Florida’s 
utilities began making plans to build coal-fired units rather than continuing to increase the 
reliance on natural gas.  However, as Figure 16 shows, the price of natural gas began to return to 
more historic levels after peaking in 2008, and has declined in the years since.  Forecasts predict 
that gas prices will increase at a steady level throughout the planning horizon. 
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Figure 16. TYSP Utilities: Historic & Projected Weighted Average Fuel Prices ($/MMBtu) 
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Source: Responses to Staff Data Request 

Previous TYSP reviews indicated that increases in gas prices may bring an end to the 
almost exclusive addition of natural gas-fired generation.  As can be seen from Figure 16, the 
expectation of high prices for natural gas has not materialized and although it is forecasted to 
increase steadily, the rate of increase is more moderate than was previously contemplated.  

Utility plans for a balanced fuel system have historically been highly dependent upon the 
accuracy of long-term fuel price forecasts, mostly due to the long lead times required for coal 
and especially nuclear generators.  However, in recent years the options available to utilities for 
the addition of supply-side generation have been limited, and this situation seems unlikely to 
change at this time.   Utilities will be faced with selecting technologies for new generation that 
will either continue to increase the already very high percentage of natural gas resources, or 
attempting to obtain approval for solid fuel resources that may have a negative near term rate 
impact. 



38 

Fuel Diversity 

Natural gas has risen to become one of the dominant fuels in the state in the last ten 
years, displacing coal, and in 2011 generated more net energy for load than any two fuels 
combined in Florida.  As Figure 17 shows, natural gas now makes up greater than 57.7 percent of 
electric energy consumed in Florida.  Natural gas usage is anticipated to peak in 2012 at 62.4 
percent, and then decline slightly to 56.7 percent by 2021. 

Figure 17. State of Florida: Net Energy for Load by Fuel Type 
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Source: FRCC 2002 and 2012 Load and Resource Plans 

The anticipated decline in natural gas consumption by the end of the planning period is 
the result of increased nuclear generation and relatively stable contribution to NEL from coal-
fired generation.  Nuclear generation may decline from that projected in the FRCC 2012 Load 
and Resource Plan, primarily due to the delay of the Levy 1 nuclear unit, discussed below, and if 
the CR3 nuclear unit is retired instead of repaired.  CR3 has been offline since 2009, following a 
delamination incident during a steam generator replacement project. 

Coal generation, beyond the reduction in dispatch due to the cost-competitiveness of 
natural gas as a baseload fuel, faces challenges relating to new environmental compliance 
requirements.  As discussed below, new EPA regulations will potentially require installation of 
new environmental controls, which could lead to the retirement of units if it is deemed 
uneconomic to upgrade its emission control equipment.  During the 2012 TYSP Workshop, four 
coal units, PEF’s Crystal River 1 & 2, and GULF’s Lansing Smith 1 & 2, were identified by the 
Sierra Club/Earthjustice as potential units to consider retirement, though at this time all four are 
scheduled to remain in-service throughout the planning period. 

If the projected generation associated with the nuclear and coal units discussed above is 
displaced by natural gas, it would have the net effect of increasing natural gas’ share of state 
electric generation to 62.9 percent by 2021, as shown in Figure 18 below. 
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Figure 18. State of Florida: Net Energy for Load by Fuel Type After Generation Displacement 
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Source: FRCC 2002 and 2012 Load and Resource Plans, Utilities 2012 TYSPs, Responses to Staff Data Requests. 

Because a balanced fuel supply can enhance system reliability and mitigate the effects of 
volatile fuel price fluctuations, it is important that utilities have the greatest possible level of 
flexibility in their generation fuel source mix.  Although the Commission has cited the growing 
lack of fuel diversity within the State of Florida as a major strategic concern for the past several 
years, natural gas is anticipated to remain the dominant fuel over the planning horizon.   
Excluding renewables, all new generation facilities planned within the State of Florida over the 
ten-year period are natural gas-fired units.   

Opportunities for Unit Modernization 

Florida’s generating fleet consists of incremental new additions to the historic base fleet, 
with units retiring as they become uneconomical to operate or maintain.  Currently Florida’s 
existing capacity ranges greatly in age and fuel type, and legacy investments continue. 

While some units must be retired upon reaching the end of their economic life and cannot 
be refurbished, others have the potential for modernization.  The modernization of existing 
generating units allows for significant improvement in both performance and emissions, typically 
at a price lower than new construction.  Modernization typically involves the conversion of a 
generating unit from less efficient fossil steam generation to combined cycle operation.  For 
some power plant sites, modernization does not involve using any of the existing generator units 
themselves, but rather the generation site’s existing facilities such as transmission or fuel 
handling for an entirely new unit.  For some steam units, generation output can be improved by 
installing more advanced equipment, such as the nuclear uprates discussed below.  Other 
modernizations allow for changes in fuel type, or increased ability to use alternate fuels.  Due to 
low natural gas price forecasts, the ability to run a unit on higher quantities of natural gas instead 
of fuel oil may be an economically viable option, even for an older generating unit. 
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Since the existing unit must be removed from service for a period of time, a utility’s 
reliability is affected during the conversion process.  As a result, scheduling modernizations 
during periods of temporary excess capacity is more desirable.  With the forecasted decline in 
load, several of Florida’s utilities may have sufficient reserve margins to allow some of their 
smaller units to be converted, and the upcoming ten-year planning horizon appears to be an ideal 
window for completing these types of projects.  Not all sites are candidates for modernization 
due to site layout and other concerns, and to minimize rate impacts, modernization of existing 
units should be investigated before considering new construction.  Utilities should continue to 
explore potential conversion projects and report the feasibility and economic viability of each 
conversion in next year’s TYSPs and before any need determination filing. 

In response to a staff data request, the TYSP utilities identified the following facilities as 
potentially capable of conversion.  Table 15 below summarizes their responses for conversion 
from fossil steam generation.  Additional units were identified for conversion from simple cycle 
combustion turbines to combined cycle units. 

Table 15. State of Florida: Potential Steam Units for Modernization 

Utility Generating Unit  
Name Fuel Type 

Summer  
Capacity 

(MW) 

Original 
In-Service 

Date 

Modernization 
Type 

FPL Manatee Units 1 & 2 Oil / NG 1624 1976 - 1977 CC 
FPL Martin Units 1 & 2 Oil / NG 1652 1980 - 1981 CC 
FPL Sanford Unit 3 Oil / NG 138 1959 CC 
FPL Turkey Point Units 1 & 2 Oil / NG 788 1967 - 1968 CC 
FPL Cutler Unit 5 & 6 NG 205 1954 - 1955 CC 
PEF Anclote Units 1 & 2 NG / Oil 1011 1974 - 1978 CC 
PEF Suwannee River Units 1 - 3 NG / Oil 129 1953 - 1956 CC/RF 
PEF Crystal River Units 1 & 2 Coal 873 1966 - 1969 CC/IGCC 
PEF Crystal River Units 4 & 5 Coal 1422 1982 - 1984 CC/IGCC 

GULF Crist Units 4 & 5 Coal 150 1959 - 1961 Natural Gas 
GULF Scholz Units 1 & 2 Coal 92 1953 Biomass 
JEA SJRPP Units 1 & 2 Coal / Petcoke 626 1987 - 1988 CC 
JEA Northside Unit 3 NG / Oil 524 1977 CC 

Source: Responses to Staff Data Request 
 

The Commission has previously granted determinations of need for three conversions 
from fossil steam to combined cycle units.  The approved conversions, located at FPL’s Cape 
Canaveral, Riviera, and Port Everglades sites, represent a significant increase in generating 
capacity while reusing the plant site and reducing fuel usage and emissions.  PEF has also 
recently conducted a conversion of its Bartow plant from fossil steam to a combined cycle unit.  
This conversion did not require a PPSA determination of need. 

Impact of EPA Regulations 

In addition to maintaining a fuel efficient and diverse fleet, Florida’s utilities must also 
comply with changing environmental requirements.  Within the past several years, the EPA has 
finalized or proposed several rules which will impact both existing and planned units within the 
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state.  Potential environmental requirements and their associated costs must be considered to 
fully evaluate any new supply-side resources, as well as the maintenance and dispatch of existing 
generating units. 

While at this time no units are anticipated to be retired as a result of any of these 
regulations, they do represent an increase cost of operations.  Each utility should evaluate 
whether these additional costs or limitations allow the continued economic operation of each 
impacted unit, and whether installation of emissions control equipment, fuel switching, or 
retirement is the proper course of action to maintain the lowest cost to customers and meet 
environmental requirements.  Several of the TYSP utilities have provided preliminary estimates 
based upon known and proposed rule language, and are shown in Table 16 below. 

Table 16. TYSP Utilities: Preliminary Estimates of EPA Rule Compliance Cost 

Preliminary 
Total Cost Estimates* Utility 

($ Millions) 
Florida Power & Light $348 - $1,741 
Progress Energy Florida $165 - $1,330 
Tampa Electric Company $763 
Gulf Power Company $1,270 - $2,737 
Florida Municipal Power Agency $39 
Gainesville Regional Utilities Not Available 
JEA Not Available 
Lakeland Electric Not Available 
Orlando Utilities Commission $157 
Seminole Electric Cooperative Not Available 
City of Tallahassee $5 
Total of All Utilities $2,747 - $6,772 
* These estimates are not final, and may not include all rules. 
Source: Responses to Staff Data Request 

 

Table 17 is a partial listing of notable units and their anticipated unit costs for 
compliance.  At this time, several of the proposed EPA Rules are the subject of litigation, or have 
not yet produced a final rule.  More precise data associated with compliance costs for all units is 
anticipated in future filings by the utilities once rules are finalized and environmental compliance 
methods are determined. 
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Table 17. TYSP Utilities: Preliminary Estimates of EPA Rule Compliance Costs by Unit 

EPA Rule Impact ($ Million) Primary 
Owner 

Facility Name Fuel Net 
Summer 
Capacity 

MATS8 CSPAR9 CWIS10 CCR11 Total 

PEF Anclote 1&2 Oil 1011 80 - 15-130 - 95-210 
PEF Bartow 4 NG 1,133 - - 10-170 - 10-170 
PEF Crystal River 1&2 Coal 873 TBD - 45-780 TBD 45-780 
PEF Crystal River 4&5 Coal 1422 5-50 - 2-5 TBD 7-55 
PEF Suwannee 1-3 Oil 129 - - 5-75 - 5-75 

TECO Big Bend 1-4 Coal 1552 10 - 400 3-6 413-416 
TECO Polk 1 Coal 220 - - - 1-2.5 1-2.5 
TECO Bayside 1&2 NG 1,630 - - 400 - 400 
GULF Daniel 1-2 Coal 510 310-617 1-2 110-210 421-829 
GULF Crist 4-5 Coal 150 
GULF Crist 6-7 Coal 756 40-305 26-47 170-450 236-802 

GULF Smith 1-2 Coal 357 60-288 1-65 30-260 91-613 
GULF Scholz 1-2 Coal 92 6-97 1-50 160-180 167-327 
OUC Stanton 1&2 Coal 886 2 118 - 13 133 

Total Impact 10,721 631-1,557 904-2,124 487-1,122 2,024-4,813 
Source: Responses to Staff Data Request 
 

Power Plant Siting Act 

The Florida PSC is given exclusive jurisdiction by the Legislature, through the PPSA, to 
be the forum for determining the need for new electric power plants.  Any proposed steam or 
solar generating unit of at least 75 MW requires certification under the Power Plant Siting Act.  

Approximately 7,200 MW of new generating units are planned to enter service over the 
next 10-year period, consisting solely of natural gas-fired combustion turbines and combined 
cycle units.  A majority of this capacity has already received a determination of need from the 
Commission or is exempted from the statutory requirements of the PPSA.  Only 2,418 MW still 
requires certification, as shown in Table 18.  TECO has recently issued a Request for Proposals 
(RFP) for its planned unit, a combined cycle conversion of several existing simple cycle 
combustion turbines at the Polk Power Station, and filed for a need determination on September 
12, 2012. 

                                                 
8 Mercury and Air Toxics Standards (MATS) Rule. 
9 Cross-State Air Pollution Rule (CSAPR) 
10 Cooling Water Intake Structures (CWIS) Rule 
11 Coal Combustion Residuals (CCR) Rule. 
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Table 18. State of Florida: Projected Units Requiring Power Plant Siting Act Certification 

Certification Dates 
Utility Generating Unit Name 

Summer 
Capacity 

(MW) 
Need Approved 
(Commission) 

PPSA 
Certified 

In-Service 
Date 

FPL St. Lucie Unit 1 Uprate 129 01/2008 09/2008 05/2012 
FPL Turkey Point Unit 3 Uprate 123 01/2008 10/2008 06/2012 
FPL St. Lucie Unit 2 Uprate 84 01/2008 09/2008 10/2012 
FPL Turkey Point Unit  4 Uprate 123 01/2008 10/2008 02/2013 
FPL Cape Canaveral  1,210 09/2008 10/2009 06/2013 
FPL Riviera Beach  1,212 09/2008 11/2009 06/2014 
PEF Crystal River Unit 3 Uprate 154 02/2007 08/2008 11/2014 
FPL Port Everglades  1,277 04/2012 02/2013* 06/2016 

TECO Polk 2-5 CC 1,063 - - 01/2017 
PEF Unknown 767 - - 06/2019 
SEC Unnamed CC1 196 - - 12/2020 
SEC Unnamed CC2 196 - - 12/2020 
SEC Unnamed CC3 196 - - 12/2021 

*Estimated Date for Siting Board Hearing on Site Certification. 
Source: Utilities 2012 TYSPs 

 

Nuclear 

Nuclear capacity, while an alternative to natural gas-fired generation, is capital-intensive 
and requires a long lead time to construct.  Florida’s utilities project an expansion of nuclear 
power in the state through uprates at existing nuclear power plants, and the construction of four 
new nuclear units.  FPL’s and PEF’s TYSPs anticipate approximately 600 MW of capacity to be 
added by uprates. 

While PEF’s 2012 TYSP originally projected the in-service date for Levy Unit 1 in 2021, 
PEF’s filing in Docket No. 120009-EI indicates that it will be delayed until 2024.  Table 19 
below provides a summary of nuclear capacity additions planned in the State. 

Table 19. State of Florida: Projected Nuclear Uprates & New Units 

Utility Generating Unit Name 
Summer 
Capacity 

(MW) 

In-Service 
Date 

Existing Nuclear Unit Uprates 
FPL St. Lucie Unit 1 129 05/2012 
FPL Turkey Point Unit 3 123 06/2012 
FPL St. Lucie Unit 2 84 10/2012 
FPL Turkey Point Unit  4 123 02/2013 
PEF Crystal River Unit 3 154 11/2014 

New Nuclear Units 
FPL Turkey Point 6 1100 06/2022 
FPL Turkey Point 7 1100 06/2023 
PEF Levy 1 1092 06/2024 
PEF Levy 2 1092 06/2025 

Source: Utilities 2012 TYSPs, Utilities filings in Docket 120009-EI 
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Natural Gas 

With the exception of the aforementioned renewable and nuclear capacity, all remaining 
new generation comes in the form of natural gas fired combustion turbines or combined cycle 
units.  The 2012 TYSPs include approximately 7,200 MW of natural gas-fired generation. 

A total of 1,571 MW of natural gas-fired combustion turbine capacity is expected to enter 
service by 2021.  Because these units are not steam-fired capacity, they do not require siting under the 
PPSA.  A list of all combustion turbine units entering service is included in Table 20. 

Table 20. State of Florida: Projected New Combustion Turbines 

Utility Generating Unit Name Summer Capacity 
(MW) 

In-Service 
Date 

SEC Unnamed CT1 158 12/2018 
TECO Future CT 1 149 05/2019 
SEC Unnamed CT2 158 12/2019 
SEC Unnamed CT3 158 12/2020 
SEC Unnamed CT4 158 12/2020 
SEC Unnamed CT5 158 12/2020 
SEC Unnamed CT6 158 05/2021 
SEC Unnamed CT7 158 12/2021 
SEC Unnamed CT8 158 12/2021 
SEC Unnamed CT9 158 12/2021 

Source: Utilities 2012 TYSPs 
 

The remainder of the natural gas-fired additions come from combined cycle units, which 
currently represent the most abundant type of generating capacity in the State of Florida, making up 
approximately a third of installed capacity in 2012.  As combined cycles utilize steam generated from 
the waste heat of combustion turbines, they fall under the PPSA when they have greater than 75 MW 
of steam capacity.  Table 21 below includes all combined cycle units planned to enter service by 2021.  
With these new additions (6,117 MW in total), natural gas-fired combined cycles will represent 
approximately half of all generation within the state. 

Table 21. State of Florida: Projected New Combined Cycle Units 

Utility Generating Unit Name 
Summer 
Capacity 

(MW) 

In-Service 
Date 

FPL Cape Canaveral 1,210 06/2013 
FPL Riviera Beach  1,212 06/2014 
FPL Port Everglades 1,277 06/2016 

TECO Polk 2-5 CC 1,063 01/2017 
PEF Unknown 767 06/2019 
SEC Unnamed CC1 196 12/2020 
SEC Unnamed CC2 196 12/2020 
SEC Unnamed CC3 196 12/2021 

Source: Utilities 2012 TYSPs 
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Transmission Capacity 

As generation capacities increase, the transmission system must grow accordingly to 
maintain the capability of delivering the energy to the end user.  The Commission has been given 
broad authority pursuant to Chapter 366, F.S., to require reliability within Florida’s coordinated 
electric grid and to ensure the planning, development, and maintenance of adequate generation, 
transmission, and distribution facilities within the state.   

The Commission has authority over certain proposed transmission lines under the 
Transmission Line Siting Act (TLSA).  To require certification under Florida’s TLSA, a 
proposed transmission line must meet the following criteria: a nominal voltage rating of at least 
230 kV, crossing a county line, and a length of at least 15 miles.  Proposed lines in an existing 
corridor are also exempt from TLSA requirements.  The Commission determines the reliability 
need for and the proposed starting and ending points for lines requiring TLSA certification.  The 
Commission must issue a final order granting or denying a determination of need within 90 days 
of the petition filing.  The proposed corridor route is determined by the DEP during the 
certification process.  Much like the PPSA, the Governor and Cabinet sitting as the Siting Board 
ultimately must approve or deny the overall certification of the proposed line.   

Table 22 below lists all proposed transmission lines in the 2012 TYSPs that require 
TLSA certification.  The Polk-Aspen-FishHawk line is directly associated with the combined 
cycle conversion at the Polk Power Station, and is anticipated to be reviewed concurrently. 

Table 22. State of Florida: Proposed Transmission Requiring Transmission Line Siting Act Certification 

Certification Dates 

Utility Transmission Line 
Line 

Length 
(Miles) 

Nominal 
Voltage 

(kV) 

Need 
Approved 

(Commission) 

TLSA 
Certified 

Commercial 
In-Service 

Date 

PEF Intercession City - Gifford 13 230 09/2007 01/2009 05/2013 
FPL Manatee – Bobwhite 30 230 08/2006 11/2008 12/2014 
FPL St Johns – Pringle 25 230 05/2005 04/2006 12/2016 

TECO Polk-Aspen-FishHawk 62.5 230 - - 01/2017 
Source: FRCC 2012 Load & Resource Plan, Utilities 2012 TYSPs 
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FLORIDA POWER AND LIGHT COMPANY (FPL) 

FPL is the state’s largest electric utility.  The utility’s service territory is within the FRCC 
region, and is primarily in southern Florida and along the east coast.  As FPL is an IOU, the 
Commission has regulatory authority over all aspects of operations, including rates and safety. 

In 2011, FPL had an average of 4,547,051 customers, and had a total net energy for load 
of 103,327 GWh, approximately 47.3 percent of the NEL generated in the entire state last year. 

Peak Demand and Energy Forecasts 

FPL Figure 1 illustrates the company’s actual customer growth trends for the period 2002 
through 2011, and the 2012 TYSP projections for growth for 2012 through 2021.  Positive 
growth is anticipated over the entire planning period, with an average annual growth rate 
(AAGR) of 1.39 percent.  This compares to the actual AAGR of 2.27 for the period 2002 through 
2007. 

FPL Figure 1: Annual Customer Growth Rate by Customer Class 
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Source: FPL 2012 TYSP 

The following three graphs in FPL Figure 2 show FPL’s historic peak demand for both 
the summer and winter seasons, and NEL for the years since 2006.  The forecasted values are 
also shown through the current planning horizon, including the effect of DSM, for the current 
year and three previous forecast years.  These figures show that the current forecast is similar but 
slightly lower than the 2011 values for both seasons of peak demand and NEL. 

Analysis of FPL’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that FPL’s average forecast error is 12.12 percent.  This value indicates that 
the company tends to over-forecast its retail energy sales by 12.12 percent, which is unfavorable 
when compared to the average forecast error for all eleven of the TYSP utilities, which was 
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11.38 percent in 2012.  This forecasting error is associated with the decline in forecasted 
customer growth experienced in the period analyzed, 2007 through 2011. 
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FPL Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: FPL 2009 -2012 TYSPs 
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Reserve Margin Requirements 

As mentioned in the Statewide Perspective, FPL maintains a minimum 20 percent reserve 
margin for planning purposes based on a stipulation approved by the Commission.  FPL Figure 3 
displays the projected reserve margin for FPL through the planning period for both seasonal 
peaks.  As shown in the figure, summer peak demand would be the driving force for generation 
additions.  The reserve margin shown below includes the cumulative impact of conservation and 
demand response on FPL’s system demand. 

FPL Figure 3. Seasonal Reserve Margin (With LM/INT) 
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Some concerns have been expressed regarding increased dependence upon demand 
response to meet customer peak demand.  The concern is that interruptible load and load 
management programs are voluntary, and that customers may elect to opt-out of an existing 
program if the utility interrupted service too frequently.  FPL Figure 4 shows the impact of 
excluding demand response programs from meeting customer demand, which causes the reserve 
margin to fall below both the company’s stipulated 20 percent reserve margin and the FRCC 
Region’s 15 percent planning margin for the summer only.  FPL has indicated that it is 
continuing to study the possibility of instituting a generation-only minimum reserve. 
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FPL Figure 4. Seasonal Reserve Margin (Without LM/INT) 
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Source: FPL 2012 TYSP 

Fuel Diversity 

FPL Figure 5 shows FPL’s historic fuel mix for 2001 and 2011, and the projected fuel 
mix for 2021.  FPL’s primary generation fuel is natural gas, which has increased from about a 
quarter of system energy in 2001, to approximately two-thirds by 2011.  Natural gas is projected 
to remain the main system fuel, with 68.1 percent of net energy for load generated by natural gas. 

FPL Figure 5. Net Energy for Load by Fuel Type 
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Generation Additions 

FPL’s 2012 TYSP includes 3 new generating units, all of which are natural gas-fired 
combined cycles.  FPL also anticipates uprates at all its nuclear generation units by 2013, and 
two new nuclear units, Turkey Point 6 & 7, which are planned beyond the planning horizon.  All 
of the new generation units that FPL is planning to add to its system are shown in FPL Table 1. 

FPL Table 1. Planned Generation Additions 

Certification Dates 
(if Applicable) 

Generating Unit Name 
Summer 
Capacity 

(MW) 
Need 

Approved 
(Commission) 

PPSA 
Certified 

In-Service 
Date 

Nuclear Unit Uprates 
St. Lucie Unit #1 Uprates 129 09/2008 09/2008 5/2012 
St. Lucie Unit #2 Uprates * 84 09/2008 09/2008 10/2012 
Turkey Point Unit # 3 Uprates 123 09/2008 10/2008 6/2012 
Turkey Point Unit # 4 Uprates 123 09/2008 10/2008 2/2013 

Combined Cycle Unit Additions 
Cape Canaveral Next Generation Clean Energy Center 1,210 09/2008 10/2009 6/2013 
Riviera Beach Next Generation Clean Energy Center 1,212 09/2008 11/2009 6/2014 
Port Everglades Next Generation Clean Energy Center 1,277 4/2012 02/2013*** 6/2016 

Nuclear Unit Additions 
Turkey Point Unit #6** 1,100  3/2008 12/2013*** 6/2022 
Turkey Point Unit #7** 1,100  3/2008 12/2013*** 6/2023 
*31 MW of St. Lucie Unit #2 uprates have already been achieved in 2011. 
** These units are outside of the 2012-2021 planning period 
*** This is the anticipated date of the Siting Board Hearing on Site Certification. 
Source:  FPL 2012 TYSP 
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PROGRESS ENERGY FLORIDA, INC. (PEF) 

PEF is an investor-owned utility, and Florida’s second largest TYSP utility.  The utility’s 
service territory is within the FRCC region, and is primarily located in central and west central 
Florida.  As PEF is an IOU, the Commission has regulatory authority over all aspects of 
operations, including rates and safety. 

In 2011, PEF had an average of 1,642,161 customers, and had a total net energy for load 
of 42,490 GWh, approximately 17.9 percent of the NEL generated in the entire state last year. 

Peak Demand and Energy Forecasts 

PEF Figure 1 illustrates the company’s actual customer growth trends for the period 2002 
through 2011, and the 2012 TYSP projections for growth for 2012 through 2021.  Customer 
growth is anticipated to increase from the period of the economic downturn until approximately 
2015, and then remain steady or decline somewhat while remaining positive until the end of the 
period, yielding an average annual growth rate of 1.53 percent.  This compares with the actual 
rate of 2.03 for the period 2002 through 2007. 

PEF Figure 1. Annual Customer Growth Rate by Customer Class 
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Source: PEF 2012 TYSP 

The following three graphs in PEF Figure 2 show PEF’s historic peak demand for both 
the summer and winter seasons, and NEL for the years since 2006.  The forecasted values are 
also shown through the current planning horizon, including the effect of DSM, for the current 
year and three previous forecast years.  These figures show that the current forecast is 
significantly above last year’s in summer peak demand, but below the 2011 forecast for winter 
peak demand and NEL. 
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Analysis of PEF’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that PEF’s average forecast error is 11.36 percent.  This value indicates that 
the company tends to over-forecast its retail energy sales by 11.36 percent, which is 
approximately equivalent to the average forecast error for all eleven of the TYSP utilities, which 
was 11.38 percent in 2012.  This forecasting error is associated with the decline in forecasted 
customer growth experienced in the period analyzed, 2007 through 2011. 
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PEF Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: PEF 2009 - 2012 TYSPs 
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Reserve Margin Requirement 

As mentioned in the Statewide Perspective, PEF maintains a minimum 20 percent reserve 
margin for planning purposes based on a stipulation approved by the Commission.  PEF Figure 3 
displays the projected reserve margin for PEF through the planning period for both seasonal 
peaks.  As shown in the figure, summer peak demand would be the driving force for generation 
additions.  The reserve margin shown below includes the cumulative impact of conservation and 
demand response on PEF’s system demand.  The delay of the Levy 1 nuclear unit and its 
decrease of the company’s reserve margin in 2021 is included in the graph. 

PEF Figure 3. Seasonal Reserve Margin (With LM/INT) 
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Source: PEF 2012 TYSP 

Some concerns have been expressed regarding increased dependence upon demand 
response to meet customer peak demand.  The concern is that interruptible load and load 
management programs are voluntary, and that customers may elect to opt-out of an existing 
program if the utility interrupted service too frequently.  PEF Figure 4 shows the impact of 
excluding demand response programs from meeting customer demand, which causes the reserve 
margin to fall below both the company’s stipulated 20 percent reserve margin and the FRCC 
Region’s 15 percent planning margin. 
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PEF Figure 4. Seasonal Reserve Margin (Without LM/INT) 
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Crystal River 3 Outage 

The CR3 nuclear unit has been offline since 2009 due to a concrete delamination 
experience during a steam generator replacement project. Currently PEF anticipates CR3 
returning to service in November 2014, but at this time the decision to repair or retire the unit has 
not been decided.  PEF Figure 5 illustrates the reliability impact of not returning CR3 to service 
in 2014 and assuming no other changes to PEF’s available generation.  As shown, PEF would 
fall below its 20 percent reserve requirement as early as the summer of 2016, and falling to a 
minimum reserve margin of 9.6 percent for the 2018 summer peak.  In the event CR3 is retired 
or its return to service delayed past 2014, PEF must seek additional firm capacity to meet its 
reserve requirements, which may be from purchased power contracts, acceleration of currently 
planned units, and/or new generating units.  While the loss of capacity associated with CR3 has a 
significant impact on PEF’s system, the statewide reserve margin appears adequate for possible 
purchased power agreements. 
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PEF Figure 5. Seasonal Reserve Margin With Potential Unit Retirements / Delays (With LM/INT) 
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Source: PEF 2012 TYSP, Responses to Staff Data Request 

Fuel Diversity 

PEF Figure 6 shows PEF’s historic fuel mix for 2001 and 2011, and the projected fuel 
mix for 2021.  PEF’s primary generation fuel is natural gas, which has increased from 
approximately 14 percent in 2001, to over 55 percent in 2011.  Natural gas is projected to remain 
the main system fuel, but decline somewhat to 50.6 percent of net energy for load by 2021.   

PEF Figure 6. Net Energy for Load by Fuel Type 
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Source: PEF 2002 and 2012 TYSPs 
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The decline in natural gas usage is primarily the result of an increase in nuclear 
generation from the inclusion of the now delayed Levy 1 nuclear unit and the return to service of 
CR3.  While usage of coal for generation is expected to decline, this does not take into account 
the potential impact of retirements due to new environmental compliance requirements.  During 
the 2012 TYSP workshop, PEF’s Crystal River 1 and 2, both coal-fired units, were identified by 
the Sierra Club/Earthjustice as facing challenges if new emissions control equipment was 
required.  If the projected generation from these nuclear and coal units is displaced by natural 
gas, it would have the net effect of increasing natural gas’ share of PEF’s electric generation to 
81.6 percent by 2021, as shown in PEF Figure 7 below. 

PEF Figure 7. Net Energy for Load by Fuel Type with Displaced Generation 
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Source: PEF 2002 and 2012 TYSPs, Responses to Staff Data Requests 

Generation Additions 

PEF’s 2012 TYSP includes three generation additions, one of which has been delayed.  
The first is the uprate of the CR3 nuclear unit, which is subject to the uncertainties discussed 
above.  The second is an unsited 767 MW combined cycle unit, scheduled to begin commercial 
operation in 2019.  The last unit, the Levy 1 nuclear unit, has been delayed outside of the TYSP 
planning horizon.  These are summarized in PEF Table 1. 
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PEF Table 1. Planned Generation Additions 

Certification Dates 
(if Applicable) 

Generating Unit Name 
Summer 
Capacity 

(MW) 
Need 

Approved 
(Commission) 

PPSA 
Certified 

In-Service 
Date 

Nuclear Unit Uprates 
Crystal River 3 Uprate 154  2/2007 8/2008  11/2014 

Combined Cycle Unit Additions 
Unknown 767  - -  6/2019 

Nuclear Unit Additions 
Levy 1* 1092 5/2008 8/2009 6/2024 
Levy 2* 1092 5/2008 8/2009 6/2025 
* These units are outside of the 2012-2021 planning period 
Source:  PEF 2012 TYSP 
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TAMPA ELECTRIC COMPANY (TECO) 

TECO is an investor-owned electric utility, and Florida’s third largest TYSP utility.  The 
utility’s service territory is within the FRCC region, and consists primarily of the Tampa 
metropolitan area.  As TECO is an IOU, the Commission has regulatory authority over all 
aspects of operations, including rates and safety. 

In 2011, TECO had an average of 675,799 customers, and had a total net energy for load 
of 19,325 GWh, approximately 8.1 percent of the NEL generated in the state last year. 

Peak Demand and Energy Forecasts 

TECO Figure 1 illustrates the company’s actual customer growth trends for the period 
2002 through 2011, and the 2012 TYSP projections for growth for 2012 through 2021.  
Customer growth is anticipated to stay relatively stable over the planning period, with an average 
annual growth rate of 1.34 percent.  This compares with the actual rate of 2.45 percent for the 
period 2002 through 2007. 

TECO Figure 1. Annual Customer Growth Rate by Customer Class 
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Source: TECO 2012 TYSP 

The following three graphs in TECO Figure 2 show TECO’s historic peak demand for 
both the summer and winter seasons, and NEL for the years since 2006.  The forecasted values 
are also shown through the current planning horizon, including the effect of DSM, for the current 
year and three previous forecast years.  These figures show that the current forecast is lower than 
the 2011 forecast values for both seasons of peak demand and NEL. 

Analysis of TECO’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that TECO’s average forecast error is 13.07 percent.  This value indicates 
that the company tends to over-forecast its retail energy sales by 13.07 percent, which is 
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unfavorable when compared to the average forecast error for all eleven of the TYSP utilities, 
which was 11.38 percent in 2012.  This forecasting error is associated with the decline in 
forecasted customer growth experienced in the period analyzed, 2007 through 2011. 
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TECO Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: TECO 2009 - 2012 TYSPs 
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Reserve Margin Requirement 

As mentioned in the Statewide Perspective, TECO maintains a minimum 20 percent 
reserve margin for planning purposes based on a stipulation approved by the Commission.  
TECO Figure 3 displays the projected reserve margin for TECO through the planning period for 
both seasonal peaks.  As shown in the figure, summer peak demand would be the driving force 
for generation additions.  The reserve margin shown below includes the cumulative impact of 
conservation and demand response on TECO’s system demand. 

TECO Figure 3. Seasonal Reserve Margin (With LM/INT) 
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Source: TECO 2012 TYSP 

TECO is the only IOU that currently maintains a minimum supply-side contribution to 
reserve margin, set at 7 percent.  As with other utilities, the concern is that interruptible load and 
load management programs are voluntary, and that customers may elect to opt-out of an existing 
program if the utility interrupted service too frequently.  TECO Figure 4 shows the impact of 
excluding demand response programs from meeting customer demand, which causes the reserve 
margin to fall below the company’s stipulated 20 percent reserve margin.  Even without demand 
response, TECO exceeds its own supply-side requirements, and generally maintains the FRCC 
Region’s 15 percent planning margin, excluding three summer periods where it falls as low as 
12.7 percent in 2021. 
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TECO Figure 4. Seasonal Reserve Margin (Without LM/INT) 
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Source: TECO 2012 TYSP 

Fuel Diversity 

TECO Figure 5 shows TECO’s historic fuel mix for 2001 and 2011, and the projected 
fuel mix for 2021.  TECO’s primary generation fuel is coal, although this has decreased from 
nearly 80 percent of system energy in 2001, to only 50 percent in 2011.  A slight rebound is 
anticipated by the end of the planning period, with 52.6 percent of energy from coal-fired 
generation.  Natural gas has increased from a minor fuel on the system, at 2.0 percent in 2001, to 
the secondary fuel at 38.3 percent in 2011, is also expected to make gains, increasing to 41.3 
percent by the end of the planning period. 

TECO Figure 5. Net Energy for Load by Fuel Type 
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Source: TECO 2002 and 2012 TYSPs 
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Generation Additions 

TECO’s 2012 TYSP includes two unit additions, including a conversion of its existing 
Polk facility to combined cycle operation in 2017, and the addition of a single 149 MW 
combustion turbine in 2019.  This represents a reduction from the 2011 TYSP, where TECO 
included 8 smaller combustion turbines in addition to the Polk CC conversion.  TECO’s planned 
additions are summarized in TECO Table 1 below.  TECO has recently issued a Request for 
Proposals (RFP) for its planned combined cycle conversion of several existing simple cycle 
combustion turbines at the Polk Power Station, and filed for a need determination on September 
12, 2012. 

TECO Table 1. Planned Generation Additions 

Certification Dates 
(if Applicable) 

Generating Unit Name 
Summer 
Capacity 

(MW) 
Need 

Approved 
(Commission) 

PPSA 
Certified 

In-Service 
Date 

Combined Cycle Unit Additions 
Polk 2-5 CC 1,063  - - 01/2017 

Combustion Turbine Unit Additions 
Future CT 1 149 N/A N/A 05/2019 

Source:  TECO 2012 TYSP 
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GULF POWER COMPANY (GULF) 

GULF is the smallest investor-owned generating utility, and the sixth largest TYSP 
utility.  The utility’s service territory includes western Florida, and is the only TYSP utility 
outside of the FRCC region.  Gulf Power, along with Alabama Power, Georgia Power, and 
Mississippi Power, are members of the Southern Company electric system.  GULF therefore has 
SERC as its regional reliability entity.  Because GULF plans and operates its system in 
conjunction with the other Southern Company utilities, not all of the energy generated by the 
GULF units is consumed in Florida.  As GULF is an IOU, the Commission has regulatory 
authority over all aspects of operations, including rates and safety. 

In 2011, GULF had an average of 432,403 customers, and had a total net energy for load 
of 12,086 GWh, approximately 5.1 percent of the NEL generated in the state last year. 

Peak Demand and Energy Forecasts 

GULF Figure 1 illustrates the company’s actual customer growth trends for the period 
2002 through 2011, and the 2012 TYSP projections for growth for 2012 through 2021.  As 
shown below, GULF anticipates annual customer growth rates to climb until approximately 
2015, and then begin to decline slightly but remain positive till the end of the planning period, 
with an average annual growth rate of 1.43 percent.  This compares to the actual rate of 2.22 
percent for the period 2002 through 2007. 

GULF Figure 1. Annual Customer Growth Rate by Customer Class 
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Source: GULF 2012 TYSP 

The following three graphs in GULF Figure 2 show GULF’s historic peak demand for 
both the summer and winter seasons, and NEL for the years since 2006.  The forecasted values 
are also shown through the current planning horizon, including the effect of DSM, for the current 
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year and three previous forecast years.  These figures show that the current forecast is similar but 
slightly below last year’s forecast in both seasonal peak demand and NEL. 

Analysis of GULF’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that GULF’s average forecast error is 5.44 percent.  This value indicates 
that the company tends to over-forecast its retail energy sales by 5.44 percent, the lowest of the 
TYSP Utilities.  GULF’s forecast error is favorable when compared to the average forecast error 
for all eleven of the TYSP utilities, which was 11.38 percent in 2012.  This forecasting error is 
associated with the decline in forecasted customer growth experienced in the period analyzed, 
2007 through 2011. 
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GULF Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: GULF 2009 - 2012 TYSPs 
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Reserve Margin Requirement 

GULF is not within the FRCC region, and therefore not subject to its minimum reserve 
margin requirements.  GULF operates within SERC, and as part of the Southern Power Pool has 
a planning reserve margin of 15 percent after 2015.  The company’s projected reserve margin for 
summer and winter peak demand is shown below in GULF Figure 3.  The reserve margin shown 
below includes the cumulative impact of conservation, but as GULF does not administer any 
active demand response programs, there are no non-firm load components in its reserve margin. 

GULF Figure 3. Seasonal Reserve Margin 
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Source: GULF 2012 TYSP 

Fuel Diversity 

GULF Figure 4 shows GULF’s historic fuel mix for 2001 and 2011, and the projected 
fuel mix for 2021.  The negative value for interchange/other category of generation represents 
power sales, as GULF generates more energy than its native customers consume.  GULF’s 
primary generation fuel has been coal, with 66.9 percent of native load served by it in 2011, 
down from 100.8 percent in 2001.  This is anticipated to rebound by the end of the planning 
period, with a projected 85.1 percent of native NEL from coal in 2021.  The main source of 
reduction in coal generation comes from natural gas, which was used to produce 59.5 of native 
NEL in 2011, and is projected to decline to 38.0 percent by 2021.   
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GULF Figure 4. Net Energy for Load by Fuel Type 
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Source: GULF 2002 and 2012 TYSPs 

While usage of coal for generation is expected to increase, this does not take into account 
the potential impact of retirements due to new environmental compliance requirements.  During 
the 2012 TYSP workshop, GULF’s Lansing Smith 1 and 2, both coal-fired units, were identified 
by the Sierra Club/Earthjustice as facing challenges if new emissions control equipment was 
required.  If the projected generation from these coal units is displaced by natural gas, it would 
have the net effect of increasing natural gas’ share of GULF’s electric generation to 54 percent 
by 2021, while reducing the increase in coal generation to only 69.1 percent, as illustrated in 
GULF Figure 5 below. 

GULF Figure 5. Net Energy for Load by Fuel Type with Displaced Generation 
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Source: GULF 2002 and 2012 TYSPs, Responses to Staff Data Requests 



72 

Generation Additions 

GULF has no planned generation additions over the planning horizon.  This is consistent 
with the company’s 2011 TYSP, which also included no new generating units through 2020. 
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FLORIDA MUNICIPAL POWER AGENCY (FMPA) 

FMPA is a governmental wholesale power company owned by 30 municipal electric 
utilities located throughout the State of Florida.  It is collectively the state’s eighth largest TYSP 
utility.  FMPA facilitates opportunities for its members to participate in power supply projects 
developed by Florida utilities and other producers, and provides economies of scale in power 
generation and related services.  As FMPA is a municipal utility, the Commission’s regulatory 
authority is limited to safety, rate structure, territorial boundaries, bulk power supply, operations, 
and planning.  FMPA’s direct responsibility for power supply is with the All-Requirements 
Power Supply Project (ARP), where FMPA plans and supplies all of the power requirements for 
14 of its participating utilities.  The values for capacity in the following figures corresponds to 
the ARP. 

In 2011, FMPA had an average of 262,659 customers, and had a total net energy for load 
of 6,209 GWh, approximately 2.6 percent of the NEL generated in the state last year. 

Peak Demand and Energy Forecasts 

FMPA Figure 1 illustrates the company’s actual customer growth trends for the period 
2002 through 2011, and the 2012 TYSP projections for growth during for 2012 through 2021.  
The drop in the rate of growth for 2010 is due to the City of Vero Beach leaving the ARP, and 
the smaller drop in 2014 is the expected result of the departure of the City of Lake Worth from 
the ARP.  These utilities will remain as members of FMPA, but are exercising an option to 
modify their memberships from a full requirements  basis to a partial requirements basis.  These 
changes in membership status means that the ARP will no longer utilize these participants’ 
generating resources, if any exist. 

FMPA Figure 1. Annual Customer Growth Rate by Customer Class 
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Source: FMPA 2012 TYSP 
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The following three graphs in FMPA Figure 2 show FMPA’s historic peak demand for 
both the summer and winter seasons, and NEL for the years since 2006.  The forecasted values 
are also shown through the current planning horizon, including the effect of DSM, for the current 
year and three previous forecast years.  These figures show that the current forecast is below last 
year’s in terms of summer peak demand and NEL, but winter peak demand is similar. 

Analysis of FMPA’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that FMPA’s average forecast error is 11.81 percent.  This value indicates 
that the company tends to over-forecast its retail energy sales by 11.81 percent, which is 
somewhat higher than the average forecast error for all eleven of the TYSP utilities, which was 
11.38 percent in 2012.  This forecasting error is associated with the decline in forecasted 
customer growth experienced in the period analyzed, 2007 through 2011. 
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FMPA Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: FMPA 2009 - 2012 TYSPs
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Reserve Margin Requirement 

FMPA is required to maintain a minimum 15 percent reserve margin, pursuant to FRCC 
requirements.  In addition, the utility uses a planning reserve margin of 18 percent for summer 
peak reserve margin planning.  As can be seen in FMPA Figure 3 below, FMPA has ample 
reserves and its margin only begins to approach the 15 percent minimum in the last few years of 
the horizon.  FMPA does not administer load management or interruptible load programs, and 
therefore has no non-firm load component in its reserve margin. 

FMPA Figure 3. Seasonal Reserve Margin 
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Source: FMPA 2012 TYSP 

Fuel Diversity 

FMPA Figure 4 displays the composition of FMPA’s system in terms of energy 
generated.  Again, natural gas has risen to become the system’s primary fuel, increasing over 50 
percent, from 16.4 percent in 2001 up to 70.9 percent in 2011.  Natural gas is anticipated to 
increase somewhat to 77.4 percent in 2021, with further decreases in purchased power and coal 
generation. 
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FMPA Figure 4. Net Energy for Load by Fuel Type 
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Source: FMPA 2002 and 2012 TYSPs 

Generation Additions 

FMPA has no planned generation additions over the planning horizon.  This is consistent 
with the company’s 2011 TYSP, which also included no new generating units through 2020. 
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GAINESVILLE REGIONAL UTILITIES (GRU) 

GRU is a municipal utility and the state’s smallest TYSP utility.  The company’s service 
area is within the FRCC region, and includes the City of Gainesville and its surrounding urban 
area.  GRU also provides wholesale power to the City of Alachua and Clay Electric Cooperative.  
As GRU is a municipal utility, the Commission’s regulatory authority is limited to safety, rate 
structure, territorial boundaries, bulk power supply, operations, and planning 

In 2011, GRU had an average of 92,265 customers, and had a total net energy for load of 
2,024 GWh, approximately 0.9 percent of the NEL generated in the state last year. 

Peak Demand and Energy Forecasts 

GRU Figure 1 illustrates the company’s actual customer growth trends for the period 
2002 through 2011, and the 2012 TYSP projections for growth during for 2012 through 2021.  
GRU anticipates customer growth to remain steady through the end of the planning period, with 
an average annual growth rate of 1.03 percent.  This compares with the actual rate of 1.94 
percent for the period 2002 through 2007. 

GRU Figure 1. Annual Customer Growth Rate by Customer Class 
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Source: GRU 2012 TYSP 

The following three graphs in GRU Figure 2 show GRU’s historic peak demand for both 
the summer and winter seasons, and NEL for the years since 2006.  The forecasted values are 
also shown through the current planning horizon, including the effect of DSM, for the current 
year and three previous forecast years.  These figures show that the current forecast is below last 
year’s in both seasonal peak demand and NEL. 

Analysis of GRU’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that GRU’s average forecast error is 11.40 percent.  This value indicates 
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that the company tends to over-forecast its retail energy sales by 11.40 percent, which is 
approximately equivalent to the average forecast error for all eleven of the TYSP utilities, which 
was 11.38 percent in 2012.  This forecasting error is associated with the decline in forecasted 
customer growth experienced in the period analyzed, 2007 through 2011. 
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GRU Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: GRU 2009 - 2012 TYSPs 
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Reserve Margin Requirement 

Pursuant to FRCC requirements, GRU maintains a 15 percent reserve margin.  As GRU 
Figure 3 clearly shows, GRU’s reserve margin is forecasted to remain well above the minimum 
level throughout the planning horizon for the summer and winter peak seasons.  GRU does not 
have any active load management or interruptible load programs and therefore has no non-firm 
load component to its reserve margin. 

GRU Figure 3. Seasonal Reserve Margin 
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Source: GRU 2012 TYSP 

Fuel Diversity 

GRU Figure 4 displays the composition of GRU’s system in terms of energy generated.  
The company has historically relied upon coal generation, and it is projected to produce a 
majority of energy for load through the end of the planning period.  Other energy sources include 
natural gas, nuclear, purchased power, and renewables.  GRU anticipates a decline in both coal-
fired and natural gas-fired generation, made up for by renewable purchased power contracts, 
especially a large biomass unit that the Commission authorized recently. 
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GRU Figure 4. Net Energy for Load by Fuel Type 
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Source: GRU 2012 TYSP 

Generation Additions 

GRU has no planned generation additions over the planning horizon.  This is consistent 
with the company’s 2011 TYSP, which also included no new generating units through 2020. 
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JEA (FORMERLY JACKSONVILLE ELECTRIC AUTHORITY) 

JEA is a municipal electric utility, and the state’s fifth largest TYSP utility, and is the 
largest generating municipal utility.  JEA’s service territory is within the FRCC region, and 
includes all of Duval County as well as portions of Clay and St. Johns Counties.  As JEA is a 
municipal utility, the Commission’s regulatory authority is limited to safety, rate structure, 
territorial boundaries, bulk power supply, operations, and planning 

In 2011, JEA had an average of 416,278 customers, and had a total net energy for load of 
12,980 GWh, approximately 5.5 percent of the NEL generated in the state last year. 

Peak Demand and Energy Forecasts 

JEA Figure 1 illustrates the company’s actual customer growth trends for the period 2002 
through 2011, and the 2012 TYSP projections for growth for 2012 through 2021.  Positive 
growth is anticipated over the entire planning period, with an average annual growth rate of 0.69 
percent.  This compares with the actual rate of 2.36 percent for the period 2002 through 2007. 

JEA Figure 1. Annual Customer Growth Rate by Customer Class 

-5.0%

-2.5%

0.0%

2.5%

5.0%

7.5%

10.0%

12.5%

15.0%

2002 2003 2004 2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 2021

Actual Projected

Pe
rc

en
t A

nn
ua

l C
ha

ng
e 

in
 N

o.
 o

f C
us

to
m

er
s

Residential   Commercial & Industrial   
 

Source: JEA 2012 TYSP 

The following three graphs in JEA Figure 2 show JEA’s historic peak demand for both 
the summer and winter seasons, and NEL for the years since 2006.  The forecasted values are 
also shown through the current planning horizon, including the effect of DSM, for the current 
year and three previous forecast years.  These figures show that the current forecast is below last 
year’s in both seasonal peak demand and NEL. 

Analysis of JEA’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that JEA’s average forecast error is 12.72 percent.  This value indicates that 
the company tends to over-forecast its retail energy sales by 12.72 percent, which is unfavorable 
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when compared to the average forecast error for all eleven of the TYSP utilities, which was 
11.38 percent in 2012.  This forecasting error is associated with the decline in forecasted 
customer growth experienced in the period analyzed, 2007 through 2011. 
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JEA Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: JEA 2009 - 2012 TYSPs
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Reserve Margin Requirement 

JEA maintains a 15 percent reserve margin pursuant to FRCC requirements.  JEA Figure 
3 shows their projected reserve margin, which is sufficient for both summer and winter seasonal 
peaks. 

JEA Figure 3. Seasonal Reserve Margin (With LM/INT) 
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Source: JEA 2012 TYSP 

Because JEA does have active load management and interruptible load programs in 
place, a portion of its reserve margin can be attributed to non-firm load.  The measure of reserve 
margin without any contribution from demand-side programs is shown in JEA Figure 4.  JEA’s 
reserve margin exceeds its planning requirement for both summer and winter peak demand 
throughout the ten year horizon without activating demand response programs. 
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JEA Figure 4. Seasonal Reserve Margin (Without LM/INT) 
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Source: JEA 2012 TYSP 

Fuel Diversity 

JEA Figure 5 displays the composition of JEA’s system in terms of energy generated.  
Coal, natural gas, and purchased power are the primary sources, with coal overall declining since 
2001 while natural gas and purchased power have increased by 2011.  Coal is expected to further 
decline, along with natural gas, in favor of purchased power by 2021. 

JEA Figure 5. Net Energy for Load by Fuel Type 
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Source: JEA 2002 and 2012 TYSPs 
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Generation Additions 

JEA has no planned generation additions over the planning horizon.  This is consistent 
with the company’s 2011 TYSP, which also included no new generating units through 2020. 
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LAKELAND ELECTRIC (LAK) 

LAK is the municipal utility, and is the state’s ninth largest TYSP utility.  LAK is owned 
and operated by the City of Lakeland.  LAK is a member of the Florida Municipal Power Pool 
(FMPP), along with OUC and FMPA’s All-Requirements Project (ARP).  The FMPP operates as 
an hourly energy pool with all FMPP capacity from its members committed and dispatched 
together.  Each member of the FMPP retains the responsibility of adequately planning it own 
system to meet native load and FRCC reserve requirements.    As LAK is a municipal utility, the 
Commission’s regulatory authority is limited to safety, rate structure, territorial boundaries, bulk 
power supply, operations, and planning 

In 2011, LAK had an average of 121,763 customers, and had a total net energy for load 
of 2,893 GWh, approximately 1.2 percent of the NEL generated in the state last year. 

Peak Demand and Energy Forecasts 

LAK Figure 1 illustrates the company’s actual customer growth trends for the period 
2002 through 2011, and the 2012 TYSP projections for growth during for 2012 through 2021.  
Customer growth is anticipated to increase slowly throughout the planning period, with an 
average annual growth rate of 1.21 percent.  This compares with the actual rate of 1.75 percent 
for the period 2002 through 2007. 

LAK Figure 1. Annual Customer Growth Rate by Customer Class 
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Source: LAK 2012 TYSP 

The following three graphs in LAK Figure 2 show LAK’s historic peak demand for both 
the summer and winter seasons, and NEL for the years since 2006.  The forecasted values are 
also shown through the current planning horizon, including the effect of DSM, for the current 
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year and three previous forecast years.  These figures show that the current forecast is equivalent 
to last year’s for summer peak demand and NEL, but notably below for winter peak demand. 

Analysis of LAK’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that LAK’s average forecast error is 7.89 percent.  This value indicates that 
the company tends to over-forecast its retail energy sales by 7.89 percent, which is favorable 
when compared to the average forecast error for all eleven of the TYSP utilities, which was 
11.38 percent in 2012.  This forecasting error is associated with the decline in forecasted 
customer growth experienced in the period analyzed, 2007 through 2011. 
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LAK Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: LAK 2009 - 2012 TYSPs 
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Reserve Margin Requirement 

As an FRCC utility, LAK maintains a 15 percent minimum reserve margin.  As LAK 
Figure 3 shows, although LAK’s reserve margin decreases steadily over the planning horizon, it 
remains well above the minimum level of 15 percent. 

LAK Figure 3. Seasonal Reserve Margin 
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Source: LAK 2012 TYSP 

Fuel Diversity 

LAK Figure 4 displays the composition of LAK’s system in terms of energy generated.  
Natural gas has increased its share of the company’s energy from 40.4 percent in 2001 to 81.1 
percent in 2011.  While coal and oil made a significant portion of generation historically, oil 
usage has been drastically reduced, and coal’s portion of generation has declined to 
approximately a third of system energy.  LAK also makes significant energy sales, which cause 
its total energy produced to exceed 100 percent of its native load. 
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LAK Figure 4. Net Energy for Load by Fuel Type 
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Source: LAK 2012 TYSP 

Generation Additions 

LAK has no planned generation additions over the planning horizon.  This is consistent 
with the company’s 2011 TYSP, which also included no new generating units through 2020. 
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ORLANDO UTILITIES COMMISSION (OUC) 

OUC is a municipal utility, and the state’s seventh largest TYSP utility.  The utility’s 
service territory is within the FRCC region, and serves the Orlando metropolitan area.  OUC is a 
member of the FMPP, along with LAK and FMPA’s All-Requirements Project (ARP).  As OUC 
is a municipal utility, the Commission’s regulatory authority is limited to safety, rate structure, 
territorial boundaries, bulk power supply, operations, and planning. 

In 2011, OUC had an average 209,638 customers, and had a total net energy for load of 
6,977 GWh, approximately 2.9 percent of the NEL generated in the state last year. 

Peak Demand and Energy Forecasts 

OUC Figure 1 illustrates the company’s actual customer growth trends for the period 
2002 through 2011, and the 2012 TYSP projections for growth for 2012 through 2021.  Overall, 
OUC projected a steady growth throughout the planning period, with an average annual growth 
rate of 2.40 percent through 2021.  This compares with the actual rate of 3.22 percent for the 
period 2002 through 2007. 

OUC Figure 1. Annual Customer Growth Rate by Customer Class 

Residential 

Commercial & Industrial 

-1.5%
-1.0%
-0.5%
0.0%
0.5%
1.0%
1.5%
2.0%
2.5%
3.0%
3.5%
4.0%
4.5%
5.0%

2002 2003 2004 2005 2006 2007 2008 2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 2021

Actual Projected

Pe
rc

en
t A

nn
ua

l C
ha

ng
e 

in
 N

o.
 o

f C
us

to
m

er
s

Residential   Commercial & Industrial   
 

Source: OUC 2012 TYSP 

The following three graphs in OUC Figure 2 show OUC’s historic peak demand for both 
the summer and winter seasons, and NEL for the years since 2006.  The forecasted values are 
also shown through the current planning horizon, including the effect of DSM, for the current 
year and three previous forecast years.  These figures show that the current forecast is below last 
year’s for both seasonal peaks and NEL. 

Analysis of OUC’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that OUC’s average forecast error is 5.83 percent, the second lowest error 
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rate in 2012.  This value indicates that the company tends to over-forecast its retail energy sales 
by 5.83 percent, which is favorable when compared to the average forecast error for all eleven of 
the TYSP utilities, which was 11.38 percent in 2012.  This forecasting error is associated with 
the decline in forecasted customer growth experienced in the period analyzed, 2007 through 
2011. 
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OUC Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: OUC 2009 - 2012 TYSPs 



97 

Reserve Margin Requirement 

OUC maintains a 15 percent reserve margin pursuant to FRCC requirements.  OUC 
Figure 3 shows their projected reserve margin, which is sufficient for both summer and winter 
seasonal peaks.  OUC does not have active load management and interruptible load programs as 
part of its DSM program, and therefore has no energy efficiency component included in its 
reserve margin. 

OUC Figure 3. Seasonal Reserve Margin 
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Source: OUC 2012 TYSP 

Fuel Diversity 

OUC Figure 4 displays the composition of OUC’s system in terms of energy generated.  
As seen in the figure, OUC is historically a coal dependent utility, and as of 2001 did not use 
natural gas for generation, and was a net exporter of energy.  However, by 2011, natural gas had 
assumed a significant role in OUC’s system, with 38.4 percent of generation, as compared to 
55.2 percent for coal.  The utility’s projected fuel mix shows an increase in coal over the 
planning period, which would result in a reduction of natural gas from its current level. 
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OUC Figure 4. Net Energy for Load by Fuel Type 
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Source: OUC 2002 and 2012 TYSPs 

Generation Additions 

OUC’s 2012 TYSP includes a single new generating unit, an sited 185 MW natural gas-
fired combustion turbine with an in-service date in 2021, as detailed in OUC Table 1 below. 

OUC Table 1. Planned Generation Additions 

Certification Dates 
(if Applicable) 

Generating Unit Name 
Summer 
Capacity 

(MW) 
Need 

Approved 
(Commission) 

PPSA 
Certified 

In-Service 
Date 

Combustion Turbine Unit Additions 
Unknown CT1 185 N/A N/A 05/2021 

Source:  OUC 2012 TYSP 
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SEMINOLE ELECTRIC COOPERATIVE, INC. (SEC) 

SEC is a corporation that provides electric power to its distribution members’ systems, 
and is collectively the state’s fourth largest TYSP utility.  SEC is a generation and transmission 
rural electric cooperative that serves only wholesale customers that purchase power from SEC 
under long-term wholesale power contracts.  SEC is within the FRCC Region, with load serviced 
throughout the State of Florida.  Its generation assets are primarily within the central region.  As 
SEC is a rural electric cooperative, the Commission’s regulatory authority is limited to safety, 
rate structure, territorial boundaries, bulk power supply, operations, and planning 

In 2011, SEC had an average 849,059 customers, and had a total net energy for load of  
16,037 GWh, approximately 6.7 percent of the NEL generated in the state last year. 

Peak Demand and Energy Forecasts 

SEC Figure 1 illustrates the company’s actual customer growth trends for the period 2002 
through 2011, and the 2012 TYSP projections for growth for 2012 through 2021.  Generally the 
utility expects level growth throughout the planning period, with the exception of 2014.  As SEC 
is composed of multiple members, the overall growth of the utility is heavily impacted by their 
departure.  The projected drop in customers in 2014 is due to the Lee County Electric 
Cooperative load no longer being served by SEC beginning January 1, 2014. 

SEC Figure 1. Annual Customer Growth Rate by Customer Class 
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Source: SEC 2012 TYSP 

The following three graphs in SEC Figure 2 show SEC’s historic peak demand for both 
the summer and winter seasons, and NEL for the years since 2006.  The forecasted values are 
also shown through the current planning horizon, including the effect of DSM, for the current 
year and three previous forecast years.  These figures show that the current forecast is below last 
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year’s for both seasonal peaks and NEL.  The forecasts show a significant drop in 2014, 
associated with the reduction in customers discussed above. 

Analysis of SEC’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that SEC’s average forecast error is 11.41 percent.  This value indicates that 
the company tends to over-forecast its retail energy sales by 11.41 percent, which is 
approximately equivalent to the average forecast error for all eleven of the TYSP utilities, which 
was 11.38 percent in 2012.  This forecasting error is associated with the decline in forecasted 
customer growth experienced in the period analyzed, 2007 through 2011. 
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SEC Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: SEC 2009 - 2012 TYSPs 
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Reserve Margin Requirement 

As SEC is within the FRCC region, it is required to meet a 15 percent reserve margin 
requirement.  SEC projects its reserve margin to remain at or above this requirement for both 
summer and winter seasonal peaks, as shown in SEC Figure 3. 

SEC Figure 3. Seasonal Reserve Margin (With LM/INT) 
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Source: SEC 2012 TYSP 

Because SEC does offer load management programs, a portion of its reserve margin can 
be attributed to non-firm load.  The measure of reserve margin without any contribution from 
demand-side programs is shown in SEC Figure 4.  As the figure shows, SEC’s reserve margin is 
projected to remain at approximately 10 percent without activating demand response programs. 
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SEC Figure 4. Seasonal Reserve Margin (Without LM/INT) 
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Source: SEC 2012 TYSP 

Fuel Diversity 

SEC Figure 5 displays the composition of SEC’s system in terms of energy generated.  
As the figure shows, SEC is historically a coal dependent utility, though this portion has 
decreased from 68 percent in 2001 to 54 percent in 2011.  SEC did not have any generation from 
natural gas in 2001, but now a significant portion of its generation comes from natural gas units.  
While purchased power made up a significant portion of system reserves, this has decreased 
dramatically, from 32 percent to 5.3 percent last year.  Generally, SEC’s projected fuel mix is 
unchanged, except for a slight shift from coal and purchased power towards natural gas 
generation. 
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SEC Figure 5. Net Energy for Load by Fuel Type 
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Source: SEC 2002 and 2012 TYSPs 

Generation Additions 

SEC’s 2012 TYSP includes the addition of nine natural gas combustion turbine units, and 
three combined cycle units by the end of the planning period.  SEC Table 1 details the generation 
additions below. 

SEC Table 1. Planned Generation Additions 

Certification Dates 
(if Applicable) 

Generating Unit Name 
Summer 
Capacity 

(MW) 
Need 

Approved 
(Commission) 

PPSA 
Certified 

In-Service 
Date 

Combustion Turbine Unit Additions 
Unnamed CT1 158 N/A N/A 12/2018 
Unnamed CT2 158 N/A N/A 12/2019 
Unnamed CT3 158 N/A N/A 12/2020 
Unnamed CT4 158 N/A N/A 12/2020 
Unnamed CT5 158 N/A N/A 12/2020 
Unnamed CT6 158 N/A N/A 05/2021 
Unnamed CT7 158 N/A N/A 12/2021 
Unnamed CT8 158 N/A N/A 12/2021 
Unnamed CT9 158 N/A N/A 12/2021 

Combined Cycle Unit Additions 
Unnamed CC1 196  - - Dec-20 
Unnamed CC2 196  - - Dec-20 
Unnamed CC3 196  - - Dec-21 

Source:  SEC 2012 TYSP 
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CITY OF TALLAHASSEE UTILITIES (TAL) 

TAL is a municipal utility, and the state’s second smallest TYSP utility.  The utility’s 
service territory is within the FRCC region, in Leon County, and primarily serves the City of 
Tallahassee.  As TAL is a municipal utility, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning. 

In 2011, TAL had an average 114,212 customers, and had a total net energy for load of 
2,799 GWh, approximately 1.2 percent of the NEL generated in the state last year. 

Peak Demand and Energy Forecasts 

TAL Figure 1 illustrates the company’s actual customer growth trends for the period 
2002 through 2011, and the 2012 TYSP projections for growth for 2012 through 2021.  A level, 
but positive growth is anticipated over the entire planning period, with an average annual growth 
rate of 1.01 percent.  This compares to the actual average growth rate of 2.74 percent for the 
period 2002 through 2007, before the economic downturn. 

TAL Figure 1. Annual Customer Growth Rate by Customer Class 
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Source: TAL 2012 TYSP 

The following three graphs in TAL Figure 2 show TAL’s historic peak demand for both 
the summer and winter seasons, and NEL for the years since 2006.  The forecasted values are 
also shown through the current planning horizon, including the effect of DSM, for the current 
year and three previous forecast years.  These figures show that the current forecast is similar for 
seasonal peak demand, but higher for NEL. 

Analysis of TAL’s historic forecast accuracy for total retail energy sales from 2007 
through 2011 shows that TAL’s average forecast error is 8.77 percent.  This value indicates that 
the company tends to over-forecast its retail energy sales by 8.77 percent, which is favorable 
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when compared to the average forecast error for all eleven of the TYSP utilities, which was 
11.38 percent in 2012.  This forecasting error is associated with the decline in forecasted 
customer growth experienced in the period analyzed, 2007 through 2011. 
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TAL Figure 2. Seasonal Peak Demand and Annual Energy Consumption Forecasts 
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Source: TAL 2009 - 2012 TYSPs 
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Reserve Margin Requirement 

As TAL is within the FRCC region, it is required to meet a 15 percent reserve margin 
requirement.  However, TAL has adopted an 18 percent planning reserve margin requirement, as 
reflected in TAL Figure 3 below.  TAL has sufficient reserve margin including the impact of 
demand response. 

TAL Figure 3. Seasonal Reserve Margin (With LM/INT) 
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Source: TAL 2012 TYSP 

In addition to supply-side resources, TAL has interruptible load and load management 
programs, which assist the utility in meeting reserve margin requirements.  TAL Figure 4 below 
illustrates the impact on reserve margin of excluding demand response programs.  As seen 
below, the summer peak demand period would fall below the planning reserve margin without 
the use of demand response programs to reduce peak demand in the outer years. 
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TAL Figure 4. Seasonal Reserve Margin (Without LM/INT) 
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Source: TAL 2012 TYSP 

Fuel Diversity 

TAL Figure 5 displays the composition of Tallahassee’s system in terms of energy 
generated.  As seen below, TAL has an almost exclusive dependence on natural gas, and by the 
end of the planning period almost 100 percent of energy for load will be from natural gas.  The 
only other sources of energy on TAL’s system are oil, purchased power, and renewable energy. 

TAL Figure 5. Net Energy for Load by Fuel Type 
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Source: TAL 2002 and 2012 TYSPs 
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Generation Additions 

TAL has no planned generation additions over the planning horizon.  This represents a 
decline from the company’s 2011 TYSP, which anticipated the addition of a 46 MW combustion 
turbine unit in 2020. 
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Executive Summary 

Pursuant to Section 186.801(1), Florida Statutes (F.S.), each generating electric utility 
must submit to the Florida Public Service Commission (Commission) a Ten-Year Site Plan 
(TYSP or Plan) which estimates the utility’s power generating needs and the general locations of 
its proposed power plant sites over a ten-year planning horizon.  The TYSPs of Florida’s electric 
utilities are designed to give state, regional, and local agencies advance notice of proposed power 
plants and transmission facilities.  The Commission is required to perform a preliminary study of 
each plan and classify each one as either “suitable” or “unsuitable.”  This document represents 
the study of the 2013 TYSPs for Florida’s electric utilities, filed by eleven reporting utilities.1    

All findings of the Commission are made available to the Department of Environmental 
Protection (DEP) for its consideration at any subsequent electrical power plant site certification 
proceedings pursuant to the Power Plant Siting Act (PPSA). 2  In addition, this document is 
forwarded to the Department of Agriculture and Consumer Services (DACS) pursuant to Section 
377.703(2)(e), F.S., which requires the Commission to provide a report on electricity and natural 
gas forecasts.  A copy of this report is also posted on the Commission’s website and is available 
to the public. 

Review of the Ten-Year Site Plans 

Load & Demand Forecasting 

The first step in any resource planning process is to focus on the efficient use of 
electricity by consumers.  Government mandates, such as building codes and appliance 
efficiency standards, provide the starting point for increasing energy efficiency.  Customer 
choice is the next step in reducing the state’s need for electricity.  Consequently, educating 
consumers to make smart energy choices is particularly important. 

Florida’s utilities can efficiently serve their customers by offering demand-side 
management (DSM) and conservation programs designed to use fewer resources at lower cost.  
Under the Florida Energy Efficiency and Conservation Act (FEECA), the Commission is 
required to establish annual numeric goals for seasonal peak demand and annual energy 
consumption reductions.3  The Commission has already begun the next goal-setting proceeding, 
which will be completed by the end of 2014. 

Florida’s utilities project considerable demand and energy savings over the planning 
period, with conservation and load management programs by 2022 reducing the system’s total 
summer peak demand by over 9,200 megawatts (MW), and annual energy consumption by over 

                                                 
1 Investor-owned utilities (IOUs) filing 2013 TYSPs include Florida Power & Light Company (FPL), Duke Energy 
Florida, Inc. (DEF) which filed under its previous name, Progress Energy Florida, Inc., Tampa Electric Company 
(TECO), and Gulf Power Company (GPC).  Municipal utilities filing 2013 TYSPs include Florida Municipal Power 
Agency (FMPA), Gainesville Regional Utilities (GRU), JEA (formerly Jacksonville Electric Authority), Lakeland 
Electric (LAK), Orlando Utilities Commission (OUC), and City of Tallahassee Utilities (TAL).   Seminole Electric 
Cooperative (SEC) also filed a 2013 TYSP. 
2 The Power Plant Siting Act is Sections 403.501 through 403.518, Florida Statutes 
3 Sections 366.80 through 366.85 and Section 403.519, F.S. 
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14,500 gigawatt-hours (GWh).  Including these reductions, Florida is forecasted to experience by 
2022 a net firm summer peak demand of 51,552 MW and annual net energy for load of 270,797 
GWh. 

Over the last ten years, the total number of electric customers in Florida has increased by 
11.4 percent.  Primarily this growth took place between 2003 and 2007, before the recession, 
after which customer growth plateaued, with the annual average growth rate dropping from 2.5 
percent to a tenth of that figure, at 0.2 percent, including two years of slight negative growth.  
Forecasts estimate a higher rate of growth over the next ten years, at an annual average of 1.2 
percent, below the average rate before the recession. 

By comparison, retail energy sales in 2012 have only increased 0.6 percent over the past 
ten years.  Retail energy sales followed a similar growth pattern as customer growth before 2007, 
but experienced an overall decline since the 2007 peak.  Forecasts for energy sales also estimate 
a growth, at an annual average rate of 1.4 percent.  This rate is also below the growth rate 
experienced before the recession, but is slightly higher than customer growth.  Retail energy 
sales are anticipated to exceed the 2007 peak by 2016.   Figure 1 details these trends below for 
number of customers and retail energy sales. 

Figure 1: State of Florida - Customer and Retail Energy Sale Growth Since 2003 

 

Source: 2013 FRCC Regional Load & Resource Plan 

Renewable Generation 

 Renewable resources continue to expand in Florida, with approximately 1,470 MW of 
renewable generation currently operating in Florida.  Presently, municipal solid waste (MSW) 
and biomass each represent roughly a third of renewable generation in Florida.  Other major 
types of renewable generation operating in the state include waste heat, hydroelectric, landfill 
gas, and solar. 
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Over the planning horizon, approximately 966 MW of additional renewable generation is 
planned in Florida.  The majority of these additions are solar and biomass.  While these new 
projects represent a significant increase from the existing total, renewable generation continues 
to provide a relatively small contribution towards the reduction of the state’s reliance on fossil 
fuels. 

Traditional Generation 

Natural gas is anticipated to remain the dominant fuel over the planning horizon, with 
usage in 2012 increasing to 64.8 percent of the state’s net energy for load (NEL), up from 57.7 
percent of NEL in 2011.  Figure 2 below illustrates the increasing use of natural gas as a 
generating fuel for the electricity production during the last ten years, and the projected use 
during the next decade.  State-wide, natural gas usage is expected to decline slightly, on a 
percentage basis, from its current peak, to 58.8 percent in 2022.  This is due to projected 
increases in nuclear generation, and a limited impact of new environmental compliance 
requirements. 

Figure 2: State of Florida - Natural Gas Usage (History & Forecast) 

 
Source: 2013 FRCC Regional Load & Resource Plan 

Generating capacity within the State of Florida is anticipated to grow to meet the increase 
in customer demand, with approximately 9,960 megawatts (MW) of new utility-owned 
generation added over the planning horizon.  This figure represents an increase from last year’s 
TYSPs, which estimated the need for about 7,200 MW new generation.  Based on the 2013 Ten-
Year Site Plans, Figure 3 below illustrates the present and future aggregate capacity mix of the 
State of Florida.  The capacity values in Figure 3 incorporate all proposed additions, changes, 
and retirements planned during the ten-year period.  As in previous planning cycles, natural gas-
fired generating units make up a majority of the generation additions and now represent a 
majority of capacity within the state.  Retirements primarily consist of oil-fired and coal-fired 



Executive Summary 

2013 Ten-Year Site Plan Review Page 4 
 

steam generation, in addition to DEF’s Crystal River Unit 3 (CR3), one of the five existing 
nuclear units in Florida. 

Figure 3: State of Florida - Installed Capacity (Existing & Projected) 

 
Source: 2013 TYSPs, 2013 FRCC Regional Load & Resource Plan 

Future Commission Actions  

Florida’s electric utilities must also consider environmental concerns associated with 
existing and planned generation to meet Florida’s electric needs. The U.S. Environmental 
Protection Agency (EPA) has finalized or proposed several new rules in recent years that will 
have an impact on Florida’s existing generation fleet, as well as on its proposed new facilities. 

These EPA rules will limit allowable emissions from new and existing power plants for a 
variety of pollutants, including mercury, other heavy metals, organic toxics, particulates, sulfur 
oxides, and nitrogen oxides. While many facilities within the state already have sufficient 
emissions control technologies to comply with these rules, some will require installation of new 
equipment to bring generators into compliance. Other rules address concerns relating to cooling 
water’s impact on aquatic life and the disposal of coal ash. All of these activities will require new 
investment and the potential for extended outages of some generating units, which will require 
careful planning to minimize any impact on system reliability. 
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At this time, GPC’s coal-fired Plant Scholz and DEF’s Crystal River units 1 and 2 are the 
only plants anticipated to be retired as a result of any of these regulations. Additionally, DEF’s 
Suwanee River Units 1-3, which can use either residual oil or natural gas, will cease residual oil 
operations in order to comply with the MATS rule.  Several of the TYSP utilities have provided 
preliminary estimates based upon known and proposed rule language, and with a range between 
$2.4 and $5.5 billion, which may not encompass all associated potential costs. 

As noted previously, the primary purpose of this review of the utilities’ TYSPs is to 
provide information regarding new electric power plants to the DEP for its use in the 
certification process.  Table 1 displays those generation facilities included in the 2012 TYSPs 
that have not yet received a certification under the PPSA by the Commission.  Certification is 
generally anticipated at four years in advance of the in-service date for a natural gas-fired 
combined cycle unit. 

Table 1: State of Florida - Proposed Generation Requiring Commission Approval 

Utility Generating Unit Name 
Summer 
Capacity 

(MW) 

In-Service 
Date 

DEF Unnamed CC 1 1,189 06/2018 
DEF Unnamed CC 2 1,189 06/2020 
SEC Unnamed CC 1 192 12/2020 
SEC Unnamed CC 2 192 12/2020 

Source: 2013 TYSPs 
 

While the Commission certifies transmission lines under the Transmission Line Siting 
Act (TLSA), there are none projected during the planning period that have not already been 
approved by the Commission. 

Conclusion 

The Commission has reviewed the 2013 TYSPs filed by the eleven reporting utilities, as 
well as supplemental data provided through data requests, and finds that the projections of load 
growth appear reasonable.  The reporting utilities have identified sufficient additional generation 
facilities to maintain an adequate supply of electricity at a reasonable cost.  The Commission 
does continue to monitor the increased dependence on natural gas for electricity production, and 
the impact of this reduction in fuel diversity on the state.  While low prices for natural gas have 
made it the dominant fuel, its history of price volatility raises the specter of increased costs 
should there be disruptions in natural gas production, supply, or markets. 

Based on its review, the Commission finds the 2013 TYSPs filed by the reporting 
utilities, augmented with supplemental data provided, to be suitable for planning purposes.  Since 
the TYSP is not a binding plan of action for electric utilities, the Commission’s classification of 
these Plans as suitable or unsuitable does not constitute a finding or determination in docketed 
matters before the Commission.  The Commission may address any concerns raised by a utility’s 
TYSP at a public hearing. 
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Introduction 

The Ten-Year Site Plans (TYSPs or Plans) of Florida’s electric utilities are designed to 
give state, regional, and local agencies advance notice of proposed power plants and 
transmission facilities.  The Commission receives comments from these agencies regarding any 
issues with which they may have concerns.  Because the TYSPs are considered to be planning 
documents and can contain tentative data, they may not necessarily contain sufficient 
information to allow regional planning councils, water management districts, and other 
reviewing agencies to evaluate site-specific issues within their respective jurisdictions.  Each 
utility is responsible for providing detailed information based on individual assessments during 
certification proceedings under the Power Plant Siting Act (PPSA), Sections 403.501-403.518, 
Florida Statutes (F.S.), or the Transmission Line Siting Act (TLSA), Sections 403.52-403.5365, 
F.S.  In addition, other regulatory processes may require utilities to provide additional 
information as needed. 

Statutory Authority 

Section 186.801, F.S., requires that all major generating electric utilities submit a TYSP 
to the Commission for annual review.  Section 377.703(2)(e), F.S., requires the Commission to 
analyze these plans and provide natural gas and electricity forecasts to the Department of 
Agriculture and Consumer Services (DACS).  The Commission has adopted Rules 25-22.070 
through 25-22.072, Florida Administrative Code (F.A.C.) in order to fulfill these statutory 
requirements. 

Florida is served by 58 electric utilities, including 5 investor-owned utilities (IOUs), 35 
municipal utilities, and 18 rural electric cooperatives.  Only generating electric utilities with an 
existing capacity above 250 megawatts (MW) or a planned unit with a capacity of 75 MW or 
greater are required to file with the Commission a TYSP, at least once every two years.  In 2013, 
eleven utilities filed TYSPs, including 4 IOUs, 6 municipal utilities, and 1 rural electric 
cooperative. 4 

Figure 4 below illustrates each TYSP utility’s representative share of the state’s net 
energy for load for 2012.  In total, the investor-owned TYSP utilities represent 78 percent of net 
energy for load (NEL).  Those utilities which are not required to file a TYSP make up the 
approximately 1 percent of the state’s NEL. 

                                                 
4 IOUs filing 2013 TYSPs include Florida Power & Light Company (FPL), Duke Energy Florida, Inc. (DEF) which 
filed under its previous name, Progress Energy Florida, Inc., Tampa Electric Company (TECO), and Gulf Power 
Company (GPC).  Municipal utilities filing 2013 TYSPs include Florida Municipal Power Agency (FMPA), 
Gainesville Regional Utilities (GRU), JEA (formerly Jacksonville Electric Authority), Lakeland Electric (LAK), 
Orlando Utilities Commission (OUC), and City of Tallahassee Utilities (TAL).   Seminole Electric Cooperative 
(SEC) also filed a 2013 TYSP. 
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Figure 4: TYSP Utilities - Share of State Net Energy for Load 

 
Source: 2013 TYSPs, 2013 FRCC Load & Resource Plan 

As outlined in the Commission’s rules, each utility’s TYSP contains projections of the 
utility’s electric power needs, fuel requirements, and general location of proposed power plant 
sites and major transmission facilities.  The utilities provide historic and projected information 
on existing generating capacity, customer base and energy usage, impact of demand-side 
management, fuel consumption, fuel diversity, anticipated reserve margin, and proposed new 
generating units and transmission. 

In accordance with Section 186.801, F.S., the Commission performs a preliminary study 
of each TYSP and makes a determination as to whether it is suitable or unsuitable.  This 
determination is non-binding, and is made in recognition that the information provided is 
tentative, and is subject to change by the utility upon written notice.  The results of the 
Commission’s study are contained in this report, Review of the 2013 Ten-Year Site Plans, and 
are forwarded to the DEP for use in subsequent power plant siting proceedings. 

Information Sources for the Report 

Contained in each utility’s TYSP is a series of required tables which provide detailed 
information on a number of items.  This information, supplemented by additional data requests, 
provides the basis of the Commission’s review. 

The Florida Reliability Coordinating Council (FRCC) is also an important source of 
information for the Commission’s review.  Each year, the FRCC publishes its Regional Load and 
Resource Plan which contains aggregate data on demand and energy, capacity and reserves, and 
proposed new generating units and transmission line additions, both for Peninsular Florida and 
for the state as a whole.  The primary focus of the FRCC is the reliability of the electrical system 
for Peninsular Florida.  In addition to its 2013 Regional Load and Resource Plan, the 
Commission used the FRCC’s 2013 Reliability Assessment as a resource in the production of this 
review.  The Commission held a public workshop on September 25, 2013, to facilitate discussion 
of the annual planning process and the Regional Load  & Resource Plan and to allow for public 
comments on the TYSPs that were filed with the Commission.  In addition to the FRCC, the 
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Sierra Club, also representing Earthjustice, and Southern Alliance for Clean Energy (SACE) 
made presentations at the workshop.  Energy Conservation was the primary topic, with 
discussion on various changes in building codes, increased customer education, and utility 
programs reviewed by the Commission.  Both the Sierra Club and SACE were aware of the 
Commission’s open dockets to review utility energy conservation goals later next year. 

Structure of the Report 

This report is divided into multiple sections.  The Statewide perspective provides a look 
at the impact of all planned unit additions to the State as a whole, and is intended as a resource 
for those seeking an understanding of Florida’s energy systems.  Individual utility reports focus 
on the issues facing each electric utility and its unique situation.  Lastly, Appendix A contains 
comments received from various review agencies, local governments, and others that have been 
collected and included in this report.   

Conclusions 

As discussed in each of the individual utility’s reviews, the Commission’s review of the 
eleven reporting utilities’ 2013 TYSPs finds them all suitable for planning purposes.  Through 
the review process, the Commission has determined that the projections of load growth appear 
reasonable, and that reporting utilities have identified sufficient additional generation facilities to 
maintain an adequate supply of electricity at a reasonable cost. 

Since the TYSP is not a binding plan of action for electric utilities, the Commission’s 
classification of these Plans as suitable or unsuitable does not constitute a finding or 
determination in any docketed matters before the Commission.  The Commission may address 
any concerns raised by a utility’s TYSP at a public hearing. 
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Load and Energy Forecast 

Forecasting load growth is the first component of system planning for Florida’s electric 
utilities.  In order to maintain a reliable system, utilities must stay abreast of changes in customer 
base as well as trends in demand and energy consumption.  Utilities perform load and energy 
forecasts to estimate the amount and timing of future capacity needs, taking into consideration 
the number and type of customers served, changes in customer usage patterns, impacts of 
mandated energy efficiency standards, new technologies, and demand-side management (DSM) 
programs. 

Historical data forms the foundation for utility load and energy forecasts.  These sets of 
data include energy usage patterns, trends in population growth, economic variables, and weather 
data for each utility’s service territory.  Econometric forecast models are then used to quantify 
the historical impact of population growth, economic conditions, and weather on energy usage 
patterns. 

Finally, sets of forecast assumptions on future population growth, economic conditions, 
and weather are assembled and together with the forecast models, yield the final demand and 
energy forecasts.  Each utility’s peak demand and energy forecasts serve as a starting point for 
determining if and when new capacity additions are needed to reliably and efficiently serve the 
anticipated load. 

Florida’s Electricity Customer Composition 

Florida is dominated by residential electric customers, which make up a majority in both 
number of customers and retail energy sales, as shown in Figure 5 below.  While commercial and 
industrial customers may be lower in number, they consume far more per customer, and 
combined represent the other half of energy consumed in Florida. 

Figure 5: State of Florida - Number of Customers and Energy Usage by Class 

  
Source: 2013 FRCC Regional Load & Resource Plan 
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Growth in Customer Base and Consumption  

Florida traditionally has been a high growth state, with significant annual increases in 
both customers and retail energy sales.  The impact of the financial crisis changed these 
tendencies, with customer growth plateauing and retail energy sales declining from their 2007 
peak, with an annual increase only in 2010, associated with extreme winter weather.  Over the 
last ten years, Florida has experienced a growth in customers of 11.36 percent, but retail energy 
sales in 2012 were only 0.65 percent higher than 2003.  These trends are illustrated in Figure 6 
below. 

Figure 6: State of Florida - Customer and Retail Energy Sale Growth Since 2003 

 

Source: 2013 FRCC Regional Load & Resource Plan 

Customer growth and usage is projected to increase throughout the planning period, 
although at a slower pace than at the beginning of the last decade, with retail energy sales 
expected to exceed its 2007 peak by 2016.  This is primarily based on assumptions of population 
growth and improving economic indicators.  The current gap between number of customers and 
retail energy sales is projected throughout the planning period. 

Seasonal Peak Demand Forecast 

Since there exists no economically feasible means to store electricity at the grid-scale, 
electric utilities must supply electricity near instantaneously to the time of its consumption.  For 
a majority of the time, system demand is significantly less than the daily peak.  However, system 
peak demand determines the timing of new generation needs, and is driven by seasonal weather 
patterns.  With a growing customer base dominated by residential customers, both the rate of 
growth and usage patterns are important considerations in planning sufficient future generation 
to meet the state’s projected customer load. 
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Figure 7 illustrates typical daily load curves for each season, which shows evidence of 
the influence of residential customers.  In summer, air-conditioning demand causes a steady 
climb in the morning and a peak in early evening, before declining into the evening.  In contrast, 
winter’s demand curve is dominated by electric heating and water heating, causing a rapid peak 
in mid-morning and a second peak in the late evening. 

Figure 7: State of Florida - Daily Load Curve Example 

 
Source: TYSP Utilities Data Response 

Florida is typically a summer-peaking state, meaning that the summer peak demand 
generally controls the amount of generation required.  While winter peak demands tend to be 
greater than summer, the higher peak is offset by the increased winter rating of power plants, 
which can take advantage of lower ambient air and water temperatures to produce more 
electricity from the same generating unit.  During summer peak demand, higher temperatures 
instead can decrease generation, as high water temperatures may reduce not only the quality, but 
quantity of cooling water available based on environmental permits. 

As with daily load, there is a great variation in seasonal peak load.  Figure 8 below 
illustrates this for 2012, showing daily peak demand as a percentage of the annual peak.  As 
demonstrated in the figure, winter peaks tend to be shorter duration events, while Florida’s 
summer season has longer periods of high peak demands.  The periods between the seasonal 
peaks are referred to as “shoulder months,” and utilities take advantage of these periods of 
relatively low demand to perform maintenance without impacting their ability to meet the daily 
peak demand.   
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Figure 8: Generating IOUs - 2012 Daily Peak as a Percent of Annual Peak Demand 

 
Source: 2013 TYSP Utilities Data Response 

In general, a major controlling factor to seasonal peak demand is short-term weather 
conditions.  While utilities forecast annual peak demand based upon historic factors, customer 
counts, and normalized weather patterns, utilities also continuously monitor weather conditions 
in their service territory and prepare for any increases (or decreases) in customer demand.  By 
closely monitoring the weather situation, utilities can fine tune maintenance schedules to ensure 
the highest unit availability during the utility’s peak demand. 

Impact of Electric Vehicles 

The FPSC also continues to examine the effects of plug-in electric vehicles (EVs) on the 
electric grid. EVs include any vehicles that draw some or all of their energy from the electric 
grid, as opposed to hybrid electric vehicles which, while conserving some energy through the 
braking process, still rely entirely on gasoline or diesel for their energy.  

At present, Florida Department of Highway Safety and Motor Vehicles (FHSMV) data 
indicates that there were approximately 3,818 plug-in EVs registered in Florida as of May 1, 
2013, with an additional 861 low-speed vehicles (such as electric golf carts and other 
neighborhood electric vehicles) registered.5  Since the FHSMV reports 18.8 million vehicles of 
all types registered in Florida as of August 2013, EVs are still only approximately 0.025 percent 
of that total. Table 2 shows the growth in the registrations of plug-in EVs since 2008, the year 
the first modern EV, the Tesla Roadster, was made available. 

                                                 
5 FHSMV provides VIN data to Polk Consulting, who decode VINs in order to establish make and model. The 
numbers include all electric-only vehicles, as well as the Chevy Volt, a plug-in hybrid. The statistics do not 
differentiate clearly between other plug-in hybrid vehicles and gasoline-only hybrids, but these data should capture 
most of the plug-in vehicles registered in the state of Florida. 
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Table 2: State of Florida - Plug-in EVs Registered in Florida (2008 - 2013) 

Vehicle Category 2008 2009 2010 2011 2012 2013* Total 

Plug-in EVs 1 37 31 465 1,868 1,416 3,818 

Low-Speed Vehicles 237 176 92 121 137 98 861 

Total 238 213 123 586 2,005 1,514 4,679 

* Through May 1, 2013. 

Source: Polk Consulting, FHSMV. 
 

Table 3 shows TYSP utilities’ projections of the number of EVs in their service territories 
through 2022. While these numbers are presently limited, utilities project them to rise sharply 
over the next ten years, to a total of 315,958 by 2022. Even if that figure is reached, however, it 
would still represent less than 2 percent of projected vehicle registrations in Florida in 2022. 

Table 3: TYSP Utilities - Estimates of the Number of Plug-In EVs by Service Territory 

  
Year 

Utility 

FPL DEF TECO GPC JEA OUC TAL Total 

2012 2,020 238 176 169 9 537 16 3,165 

2013 5,006 1,054 NA 685 12 1,030 32 7,819 

2014 9,669 2,361 NA 1,344 20 1,624 58 15,076 

2015 16,413 4,045 NA 2,119 38 2,689 98 25,402 

2016 25,490 6,274 NA 3,015 214 4,037 157 39,187 

2017 39,461 9,500 NA 3,998 431 5,685 235 59,310 

2018 53,896  13,816 NA 5,141 651 7,646 329 67,663 

2019 72,139 19,337 NA 6,447 876 9,937 461 109,197 

2020 107,352 26,204 NA 7,921 1,104 12,574 645 155,800 

2021 159,439 34,576 NA 9,566 2,006 15,570 838 221,995 

2022 236,695 45,184 NA 11,248 2,924 18,859 1,048 315,958 
Source: TYSP Utilities Data Response. 

 

Table 4 shows the total projected energy consumption of the TYSP utilities associated 
with EVs during the same time frame. While the additional consumption is quite modest at 
present, utilities project it growing to almost 2,000 GWh in 2022.  
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Table 4: TYSP Utilities - Estimates for EV Annual Energy Consumption (GWh) 

  
Year 

EV Contribution to Annual Energy Consumption (GWh) 

FPL DEF TECO GPC JEA OUC TAL Total 

2012 13 1.3 NA 0.7 0.0 0.2 5 20 

2013 31 5.2 NA 2.8 0.1 0.5 11 51 

2014 62 10.7 NA 5.5 0.2 1.0 19 98 

2015 110 16.8 NA 8.7 0.4 1.6 33 171 

2016 173 23.7 NA 12.4 2.3 2.4 53 267 

2017 261 32.2 NA 16.4 4.8 3.4 79 397 

2018 358 43.6 NA 21.1 7.6 4.6 111 546 

2019 480 58.0 NA 26.5 10.8 6.0 155 736 

2020 688 75.7 NA 32.5 14.2 7.5 218 1,036 

2021 984 97.0 NA 39.3 26.9 9.3 283 1,440 

2022 1,408 122.8 NA 46.2 40.9 11.3 354 1,983 

Sources: TYSP Utilities Data Response 
 

The effect these additional EVs will have on peak system demand is more difficult to 
determine. Due to numerous uncertainties regarding EV deployment, including at what times 
they will be charged and the possibility that EV charging may be shifted away from peak if 
necessary, most TYSP utilities were unable to project EVs effects at system peak. TYSP utilities 
did not report any current reliability or safety issues resulting from EVs, nor any needed system 
upgrades necessitated by EV deployment. As EV deployment moves forward, the effects of EVs 
on system peak should become clearer. 

Demand Side Management 

The first step in any resource planning process is to focus on the efficient use of 
electricity by consumers.  Government mandates, such as building codes and appliance 
efficiency standards, provide the starting point for increasing energy efficiency.  Customer 
choice is the next step in reducing the state’s dependence upon expensive fuels and lowering 
greenhouse gas emissions.  Consequently, educating consumers to make smart energy choices is 
particularly important.  Finally, Florida’s utilities can efficiently serve their customers by 
offering DSM and conservation programs designed to use fewer resources at lower cost. 

Florida Energy Efficiency and Conservation Act 

The Florida Legislature directed the Commission to encourage utilities to decrease the 
growth in seasonal peak demand and energy consumption in Sections 366.80 through 366.85 and 
Section 403.519, F.S., known as the Florida Energy Efficiency and Conservation Act (FEECA).  
Under FEECA, the Commission is required to set goals for demand and energy reduction for 7 
electric utilities, namely the 5 investor-owned electric utilities (including Florida Public Utility 
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Company, which is a non-generating utility and therefore does not file a TYSP) and 2 municipal 
electric utilities (JEA and OUC).6  These utilities represent 86 percent of sales in Florida. 

The seven FEECA utilities currently offer DSM programs to residential, commercial, and 
industrial programs.  Energy audit programs provide a first step for utilities and customers to 
evaluate conservation opportunities and serve as the foundation for other programs. 

The last annual demand and energy goal-setting proceeding was completed in December 
of 2009, providing annual goals for the period of 2010 through 2019.  To meet the requirement 
to set goals at least once every five years, the Commission must establish annual goals for the 
2015 through 2024 period by the end of 2014.  The Commission already established dockets for 
each of the seven FEECA Utilities in July 2013, with hearing dates set for July 2014, and a final 
decision by the Commission expected by October 2014. 

Demand Side Management Programs 

DSM Programs generally fall into three categories:  interruptible or curtailable load (IL), 
load management (LM), and conservation.  The first two are generally considered dispatchable, 
and are referred to as Demand Response (DR), meaning that the utility can call upon them during 
a period of peak demand, but otherwise they are not in active use.  In contrast, conservation 
measures are considered passive and are always working to reduce customer demand and energy 
consumption. 

Interruptible or curtailable load is achieved through the use of agreements with large 
customers to allow the utility to interrupt selected portions of the customer’s load during periods 
of peak demand.  Interrupted or curtailed customers could make up for this generation by 
reducing their own industrial processes or by activating back-up generation.  In exchange for the 
ability to reduce their electrical load, the utility usually offers such customers a discounted rate 
for energy or other credits which are paid for by all customers. 

Load management programs involve the installation of a device that can interrupt a 
customer’s appliance(s) for a short duration during a period of peak demand.  These interruptions 
tend to have less notice than those provided to interruptible customers, and generally do not fully 
disconnect customers, but interrupt an individual appliance.  Normally, interruptions are kept to 
short periods and are cycled between groups of customers.  Due to the nature of the program, 
certain devices would be more appropriate to handle different seasonal demands.  For example, 
air conditioning units would be interrupted to reduce a summer peak, while water heaters being 
interrupted may contribute more towards reducing a winter peak.  As of 2013, over 3,145 MW of 
interruptible load and load management is available for summer peak, and is anticipated to 
expand to 3,618 MW by 2022. 

In addition to active measures, customer-based conservation measures can have an 
impact on peak demand without requiring activation by the utility.  These passive conservation 
measures typically involve improving a home or business’ building envelope, such as greater 
insulation and energy-efficient windows, or installing more efficient appliances.  These energy 
efficiency improvements decrease the customer’s load at all times without requiring an 
                                                 
6 Sections 366.82(1)(a), F.S. 



Load and Energy Forecast 

2013 Ten-Year Site Plan Review Page 17 
 

interruption or reduction in service, and also have an impact on annual energy consumption.  As 
of 2013, over 3,592 MW of cumulative conservation for summer peak demand has been 
installed, increasing to 5,009 MW by summer of 2022. 

Projected Peak Demand & Energy Usage 

Based on all of the factors and considerations above, Figure 9 below illustrates the 
historic and projected seasonal peak demand and annual energy consumption for the state of 
Florida.  While seasonal peak demand is the instantaneous usage of a customer on the system, 
annual energy consumption addresses the total cumulative demand on the system over time, 
which determines the type of units required and the resulting amount of fuel consumed.     

For each category the impacts of conservation (including some self-service generators), 
and for seasonal peak demand, load management programs, and interruptible/curtailable load is 
shown.  The total demand or  total energy for load represents what otherwise would be served if 
not for the impact of demand response and conservation programs.  The net firm demand is used 
as a planning number for the calculation of generating reserves.   

For historic values of seasonal peak demand, the actual rates of activation for 
interruptible/curtailable load and load management are shown.  The amount of available demand 
response exceeded the activated amount shown, but was not called upon due to sufficient 
generation assets being available during the peak hour.  Generally, residential load management 
programs have been called upon to a limited degree during peak periods, with a lesser amount of 
interruptible/curtailable load and commercial/industrial load management activated.  The 
summer of 2008 and winter of 2009 are exceptions to this trend, when a larger portion of the 
available demand response resources were called upon. 

For forecasted values of seasonal peak demand, it is assumed that demand response will 
be activated during the peak period.  However, if companies have sufficient generating assets 
and it is economical to serve all customer load, demand response resources may not be activated 
or only partially activated based upon each utility’s future operating conditions. 

It should be noted that the forecasts shown are based upon normalized weather 
conditions, while historic demand and energy forecasts represent the actual impact of severe or 
mild weather conditions on Florida’s electric customers.  Florida relies heavily upon both air 
conditioning in summer and electric heating in winter, so both seasons experience a great deal of 
variability. 

While Figure 9 shows historic and forecasted winter peak demand values as the highest 
seasonal values, summer peak dominates planning for most TYSP Utilities because most 
generating units are sensitive to ambient temperature and are able to generate more in the winter 
than in the summer.  This is illustrated later in the determination of the generating reserve 
margin. 
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Figure 9: State of Florida - Seasonal Peak Demand and Annual Energy Consumption 
(Historic & Forecast) 

 

 

 
Source: 2013 FRCC Regional Load & Resource Plan 
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Accuracy of Energy Forecasts 

For each utility filing a TYSP, the Commission reviewed the historical forecast accuracy 
of past retail energy sales forecasts.  The review compared actual retail energy sales for each 
year to energy sales forecasts made three, four, and five years prior.  For example, the actual 
2012 energy sales were compared to the projected 2012 value from forecasts made in 2009, 
2008, and 2007.  These differences, expressed as a percentage error rate, were used to calculate 
the utility’s historical forecast accuracy using a five year rolling average.  For example, the 2012 
error rate looks at the difference between actual retail energy sales for 2012 through 2008, 
drawing upon projections made between 2009 through 2003.  An average error with a negative 
value indicates a tendency to under-forecast, while a positive value represents an over-
forecasting of retail energy sales.  Absolute average error provides an indication of the total 
magnitude of error, regardless of the tendency to under/over-forecast. 

Table 5: TYSP Utilities - Accuracy of Retail Energy Sales Forecasts 

TYSP 
Year 

Five Year 
Period 

Forecast Error (%) 

Average 
Absolute 
Average 

2009 2008 - 2004 1.79% 3.56% 
2010 2009 - 2005 5.01% 5.71% 
2011 2010 - 2006 8.31% 8.31% 
2012 2011 - 2007 11.91% 11.91% 
2013 2012 - 2008 15.10% 15.10% 

Source: 2004 - 2013 TYSPs 
 

Table 5 above illustrates the historical forecast error for the combined 2013 through 2009 
TYSPs.  These correspond to actual data from 2012 through 2008.  Overall, a pattern of 
increasing error in retail sales forecasts is shown, with error over 10 percent based in 2011 and 
2012. The high error rate, which has increased each year for the past five years, seems to be 
associated with the unexpected impacts of the recession on retail energy sales in Florida, both 
from reduction in the state’s growth rate, but also from decreased usage per capita.  As the five 
year rolling average progresses and includes more years post-recession, the error values should 
subside.   

Table 6 below provides a more detailed data set used to calculate the average error rating, 
showing forecasts made between one and six years prior.  A significant increase in error is 
evident in 2008 and beyond, with forecasts made post 2009 improving in accuracy and 
approaching historic levels of error.  As this analysis moves forward and begins to use forecasts 
developed after the beginning of the recession, the error rate should fall back to typical levels. 



Load and Energy Forecast 

2013 Ten-Year Site Plan Review Page 20 
 

Table 6: TYSP Utilities - Accuracy of Retail Energy Sales Forecasts - Annual Analysis 

Year 
Years Prior Average 

Error 

Absolute
Average 

Error 6 5 4 3 2 1 

2004 - -4.96% -3.06% 0.31% -0.47% 1.05% -2.57% 2.78% 
2005 -5.79% -4.00% -0.66% -0.60% 0.75% 0.93% -1.75% 1.75% 
2006 -3.24% 0.02% 1.08% 2.35% 2.48% 2.42% 1.15% 1.15% 
2007 0.61% 2.31% 3.54% 3.63% 4.25% 3.09% 3.16% 3.16% 
2008 7.02% 8.40% 8.55% 9.97% 9.24% 8.34% 8.97% 8.97% 
2009 11.97% 12.17% 14.50% 13.93% 12.70% 10.19% 13.53% 13.53% 
2010 12.94% 15.58% 14.89% 13.70% 10.56% -0.73% 14.72% 14.72% 
2011 21.39% 20.63% 19.92% 16.86% 3.65% -0.06% 19.14% 19.14% 
2012 26.30% 25.97% 23.03% 8.47% 3.90% 3.70% 19.15% 19.15% 

Source: 2004 - 2013 TYSPs 
 

As indicated by this high error rate, utilities projected increased need for energy that has 
not materialized due to the recession.  The TYSP utilities have responded to changing 
circumstances by delaying or cancelling new generation and taking opportunities to modernize 
existing plants, as discussed in previous annual reviews of the TYSPs. 
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Renewable Generation 

Pursuant to Section 366.91, F.S., it is in the public interest to promote the development of 
renewable energy resources in Florida.  Section 366.91(2)(d), F.S., defines renewable energy in 
part, as follows: 

“Renewable energy” means electrical energy produced from a method that uses 
one or more of the following fuels or energy sources: hydrogen produced from 
sources other than fossil fuels, biomass, solar energy, geothermal energy, wind 
energy, ocean energy, and hydroelectric power.   

Although not considered a traditional renewable resource, some industrial plants take advantage 
of waste heat, produced in production processes, to also provide electrical power via 
cogeneration.  Phosphate fertilizer plants, which produce large amounts of heat in the 
manufacturing of phosphate from the input stocks of sulfuric acid, are a notable example of this 
type of renewable resource.  The Section 366.91(2)(b), F.S., definition also includes the 
following language which recognizes the aforementioned cogeneration process: 

The term [Renewable Energy] includes the alternative energy resource, waste 
heat, from sulfuric acid manufacturing operations and electrical energy produced 
using pipeline-quality synthetic gas produced from waste petroleum coke with 
carbon capture and sequestration. 

Existing Renewable Resources  

 Currently, renewable energy facilities provide approximately 1,470 MW of firm and non-
firm generation capacity, which represents 2.2 percent of Florida’s overall generation capacity of 
58,200 MW in 2012.7  Table 7 below summarizes Florida’s existing renewable energy sources. 

Table 7: State of Florida - Existing Renewable Resources 

 Renewable Fuel Type Summer Net Capacity (MW) 

Land Fill Gas 40  

Municipal Solid Waste 466  

Biomass 415  

Solar 178  

Hydro 63  

Waste Heat 308  

Wind 0  

Total 1,470  

Source: 2013 FRCC Regional Load & Resource Plan, TYSP Utilities Data Responses 

 

                                                 
7 Total MW capacities are based off summer ratings. 
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Of the total 1,470 MW of renewable generation, approximately 434 MW are considered 
firm based on either operational characteristics or contractual agreement.  Firm renewable 
generation can be relied on to serve customers and can contribute toward the deferral of new 
fossil fueled power plant construction.    

The remaining renewable generation can generate energy on an as-available basis or for 
internal use (self-service).  As-available energy is considered non-firm, and cannot be counted on 
for reliability purposes; however it can contribute to the avoidance of burning fossil fuels in 
existing generators.  Self-service generation reduces demand on Florida’s utilities.   

Non-Utility Renewable Generation 

The majority of Florida’s existing renewable energy generation, approximately 84 
percent, comes from non-utility generators.  In 1978 the U.S. Congress enacted the Public Utility 
Regulatory Policies Act (PURPA).  PURPA requires utilities to purchase electricity from 
cogeneration facilities and renewable energy power plants with a capacity no greater than 80 
MW (collectively referred to as Qualifying Facilities or QFs). PURPA required utilities to buy 
electricity from qualifying QFs at the utility’s full avoided cost.  Section 366.051, F.S., provides: 

A utility’s “full avoided costs” are the incremental costs to the utility of the 
electric energy or capacity, or both, which, but for the purchase from cogenerators 
or small power producers, such utility would generate itself or purchase from 
another source. 

If a renewable energy generator can meet certain deliverability requirements, it can be 
paid for its capacity and energy output under a firm contract.  Rule 25-17.230, F.A.C., requires 
each IOU to establish a standard offer contract with timing and rate of payments based on each 
fossil-fueled generating unit type identified in the utility’s TYSP.  In order to promote renewable 
energy generation, the Commission requires the IOUs to offer multiple options for capacity 
payments, including the options to receive early (prior to the in-service date of the avoided-unit) 
or levelized payments.  The different payment options allow renewable energy providers to 
select the payment option that best fits its financing requirements and provides a basis from 
which negotiated contracts can be developed.  On June 25, 2013, the Commission approved 
standard offer contracts resulting in the continuous offering of nearly 3,700 MW for Florida’s 
four largest IOUs.   

As previously discussed a large amount of renewable energy is generated on an as-
available basis.  As-available energy is energy produced and sold by a renewable energy 
generator on an hour-by-hour basis for which contractual commitments as to the quantity and 
time of delivery are not required.  As-available energy is purchased at a rate equal to the utility’s 
hourly incremental system fuel cost, which reflects the highest fuel cost of generation each hour. 

Utility Owned Renewable Generation 

Utility owned renewable generation also contributes to the State’s total renewable 
capacity.  The majority of this generation is from solar facilities.  Due to the intermittent nature 
of solar resources, capacity from these facilities is considered non-firm for planning purposes. 
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A significant portion of the utility owned renewable generation is from three solar energy 
facilities, totaling 110 MW, operated by FPL.  The three solar projects, 2 solar PV facilities and 
1 solar thermal facility, were approved for cost recovery pursuant to Section 366.92, F.S. which 
has since been revised, but previously stated: 

In order to demonstrate the feasibility and viability of clean energy systems, the 
commission shall provide for full cost recovery under the environmental cost-
recovery clause of all reasonable and prudent costs incurred by a provider for 
renewable energy projects that are zero greenhouse gas emitting at the point of 
generation, up to a total of 110 megawatts statewide. 

In 2008, the Commission approved a petition by FPL seeking eligibility for cost recovery 
pursuant to the referenced Statute.  At the time of its filing, FPL estimated that the three solar 
facilities would cost an additional $573 million above traditional generation costs over the life of 
the facilities.  Based on actual data provided by FPL, the combined cost of generation of the 
three solar facilities was $.45/kWh in 2012.   

Since full operation began the two solar PV facilities have operated largely as expected; 
however, the solar thermal facility has experienced multiple outages which have hindered its 
performance.  Based on actual data collected from the three facilities, the maximum output does 
not appear to be coincident with the system’s peak demand. 

Hydroelectric units at two sites, one owned by the City of Tallahassee Utilities, and one 
operated by the Federal government, supply 63 MW of renewable capacity.  Because of Florida’s 
geography, however, new hydroelectric power generation is largely limited. 

Customer Owned Renewable Generation 

With respect to customer owned renewable generation, Rule 25-6.065, F.A.C., requires 
the IOUs to offer net metering for all types of renewable generation up to 2 MW in capacity and 
a standard interconnection agreement with an expedited interconnection process.  Net metering 
allows a customer, with renewable generation capability, to offset their energy usage.  In 2008, 
the effective year of the discussed Rule, customer owned renewable generation attributed 3 MW 
of renewable capacity.  As of 2012, approximately 44 MW of renewable capacity from nearly 
5,300 systems had been installed statewide.  Table 8 below, summarizes the growth of customer 
owned renewable generation interconnections. 

Table 8:  Renewable Generation Interconnections 

 Year 2008 2009 2010 2011 2012 

Facilities 577  1,625  2,833  3,994  5,296  

MW 3  13  20  29  44  

Source: Annual Net Metering Reports 
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Planned Renewable Additions 

  Florida’s utilities plan to construct or purchase an additional 966 MW of renewable 
generation over the ten-year planning period.  Table 9 summarizes the planned renewable 
capacity increases by generation type. 

Table 9: State of Florida - Planned Renewable Resource Additions 

 Renewable Fuel Type Summer Net Capacity (MW) 

Land Fill Gas 12 

Municipal Solid Waste 125 

Biomass 470 

Solar 359 

Hydro 0 

Waste Heat 0 

Wind 0 

Total 966 

Source: 2013 FRCC Regional Load & Resource Plan, TYSP Utilities Data Response 

 

Of the 966 MW of planned renewable capacity, 510 MW are projected to be from firm 
resources.  All of the projected firm capacity additions are from renewable contracts with non-
utility generators.  Table 10 summarizes the firm capacity renewable resources that are planned 
over the ten-year horizon.  The remaining planned capacity from renewable resources is 
projected to be from non-firm resources including several 50 MW solar facilities.    

Table 10: State of Florida - List of Planned Renewable Firm Capacity 

Purchasing 
Utility 

Facility Name 
Fuel 
Type 

Capacity 
(MW) 

In-Service 
Date 

FPL EcoGen Clay OBS 60 2021 

FPL EcoGen Martin OBS 60 2021 

FPL EcoGen Okeechobee OBS 60 2021 

FPL Solid Waste Authority of Palm Beach #2 MSW 70 2016 

GRU Gainesville Renewable Energy Center WDS 100 2014 

DEF FB Energy AB 60 2013 

DEF Transworld Energy WDS 40 2013 

DEF EcoGen Polk WDS 60 2014 

Total 510   

Source: TYSP Utilities Data Responses 

 

More than 170 MWs of contracted firm renewable capacity are projected to expire within 
the ten-year planning.  If new contracts are signed in the future to replace those that expire, these 
resources will once again be included in the state’s capacity mix to serve future demand.  If these 
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contracts are not extended the renewable facilities could still deliver energy on an as-available 
basis.  

Renewable Outlook 

The Commission, in conjunction with the U.S. Department of Energy and the Lawrence 
Berkeley National Laboratory, retained Navigant Consulting, Inc. (Navigant) to prepare a 
detailed assessment of Florida’s renewable potential.  Navigant’s assessment identified several 
key drivers that impact renewable energy development in Florida.  Three of the “key drivers” 
were the cost of natural gas, the cost of CO2, and the adoption of a Renewable Portfolio Standard 
(RPS).   

Under a scenario considered to be favorable in fostering renewable generation, Navigant 
assumed natural gas prices between $11-$14/MMBTU, CO2 emission costs ($2/ton initially, then 
scaling to $50/ton by 2020) and the adoption of an RPS in Florida.  At this time, natural gas 
prices are projected at $3.88/MMBTU in 2013, there is no current federal pricing for CO2 
emissions, and no RPS legislation has been enacted.  Therefore, current market conditions do not 
favor the development of renewable generation. 

Even with these difficulties, Florida’s renewable generation is projected to increase over 
the planning period.  Renewable generation contributes to the state’s fuel diversity, as discussed 
in the next chapter, and reduces dependence upon fossil fuels.  While current economic 
conditions may prevent more expensive forms of renewable generation, those cost-effective 
forms of renewable generation will continue to increase the state’s share of renewable 
generation. 
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Traditional Generation 

While renewable generators contribute to the state’s generating capacity, a majority is 
made up of fossil-fueled steam and turbine generators that have been added to the grid over the 
last several decades.  Due to forecasted increases in peak demand, further fossil-fired generation 
is anticipated over the planning horizon. 

Historically, Florida’s utilities relied upon oil-fired generation as the primary source of 
electricity until the increase in oil prices associated with the oil embargo.  Since that time, 
Florida’s utilities have sought a variety of other fuel sources to diversify the generating capacity 
and economically serve Florida’s electric customers.  Solid fuels, such as coal and nuclear, were 
utilized in greater quantity.  Finally, natural gas has emerged as the dominant generating fuel.  
The swings of fuel prices, availability, environmental concerns, and other factors have resulted in 
a variety of capacity on Florida’s existing system. 

Existing Generation Resources  
 

Florida’s generating fleet includes incremental new additions to the historic base fleet, 
with units retiring as they become uneconomical to operate or maintain.  Currently Florida’s 
existing capacity ranges greatly in age and fuel type, and legacy investments continue.  The 
weighted average age of Florida’s generating units is 23 years.  While the original commercial 
in-service date may be in excess of 60 years for some units, they are constantly maintained as 
necessary in order to continue safe operation.  Figure 10 below illustrates the decade currently 
operating generating capacity was originally added to the grid, with the largest additions 
occurring in the 2000s. 

Figure 10: State of Florida - Generation Capacity Additions by Fuel Type and Decade 

 
Source: 2013 FRCC Regional Load & Resource Plan 
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The existing generating fleet will be impacted by several events over the planning period.  
Retirements, including Crystal River 1 through 3 and Scholz 1 and 2, will reduce the existing 
fleet, while modernizations will replace older generation with newer, more efficient resources, 
and several units may have to install new pollution control equipment that may reduce net 
capacity.  These items are discussed below. 

Impact of EPA Regulations 

In addition to maintaining a fuel efficient and diverse fleet, Florida’s utilities must also 
comply with changing environmental requirements. During the past several years, the EPA has 
finalized or proposed several rules which will impact both existing and planned generating units 
in the state. Potential environmental requirements and their associated costs must be considered 
to fully evaluate any new supply-side resources, as well as the maintenance and dispatch of 
existing generating units. 

Four EPA rules are anticipated to potentially affect electric generation in Florida: 

 Mercury and Air Toxics Standards (MATS) - Sets limits for air emissions from existing 
and new coal- and oil-fired electric generators with a capacity greater than 25 megawatts.  
Covered emissions include: mercury and other metals, acid gases, and organic air toxics 
for all gnerators, as well as particulate matter, sulfur dioxide, and nitrogen oxide from 
new and modified coal and oil units. 

 Cross-State Air Pollution Rule (CSAPR) - Requires 28 states, including Florida, to 
reduce air emissions that contribute to ozone and/or fine particulate pollution in other 
states. The rule applies to all fossil-fueled (i.e., coal, oil, and natural gas) electric 
generators with a capacity over 25 megawatts within these states.  Florida is only subject 
to the rule’s seasonal NOx emissions requirements. Due to ongoing litigation, the only 
costs utilities reported associated with CSAPR are stranded costs. 

 Cooling Water Intake Structures (CWIS) - Sets impingement standards to reduce harm to 
aquatic wildlife pinned against cooling water intake structures at electric generating 
facilities.  All existing electric generators that use water for cooling with an intake 
velocity of at least two million gallons per day must meet impingement standards. 

 Coal Combustion Residuals (CCR) - Requires liners and ground monitoring to be 
installed on new landfills in which coal ash is disposed. 

At this time, GPC’s coal-fired Plant Scholz units 1 & 2 and DEF’s Crystal River units 1 
& 2 are the only plants anticipated to be retired as a result of any of these regulations. 
Additionally, DEF’s Suwanee River Units 1-3, which can use either residual oil or natural gas, 
will cease residual oil operations in order to comply with the MATS rule.  GPC has estimated 
that the costs for complying with the MATS Rule will make the operation of Plant Scholz 
uneconomical, and it will cease operation on April 1, 2015. Crystal River Units 1 and 2 are 
expected to cease operation in April of 2016, following a one-year MATS extension to perform 
transmission upgrades needed to take the units offline without affecting reliability. 
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For many of the plants that will remain in operation, these new rules will result in an 
increased cost of operations. Each utility will need to evaluate whether these additional costs or 
new operational limitations allow the continued economic operation of each affected unit, and 
whether installation of emissions control equipment, fuel switching, or retirement is the proper 
course of action. Several of the TYSP utilities have provided preliminary estimates based upon 
known and proposed rule language, and are shown in Table 11 below. 

Table 11: TYSP Utilities - Cost Estimates of EPA Rule Compliance (2013-2022) 

Utility 

Preliminary Total Cost Estimates ($ Millions) 

MATS CSAPR CWIS CCR Total 

Florida Power & Light $226 0 $122-$1,515 Unavailable $348-$1,741 
Duke Energy Florida 
 (Capital Costs Only) 85-130* 0 80-1,200 Unavailable 165-1,330 

Tampa Electric Company 18.6 0 860 $141** 1,020 

Gulf Power Company 544-843 0 38-125 255-414 837-1,382 

Florida Municipal Power Agency Unavailable Unavailable Unavailable Unavailable Unavailable 

Gainesville Regional Utilities Unavailable Unavailable 0 Unavailable Unavailable 

JEA Unavailable Unavailable Unavailable Unavailable Unavailable 

Lakeland Electric Unavailable Unavailable Unavailable Unavailable Unavailable 

Orlando Utilities Commission 2.3 $11 Unavailable 13 26 

Seminole Electric Cooperative 0 0 Unavailable Unavailable 0 

City of Tallahassee Unavailable Unavailable Unavailable Unavailable Unavailable 

Total 
$876- 
$1,220 $11 

$1,100-
$3,700 $409-$568 

$2,396-
$5,499 

* Excludes costs related to Crystal River Units 1 and 2.
** Excludes Capital Costs. 
Source: TYSP Utility Data Responses 

 

Modernization and Efficiency Improvements 

Recently, several of Florida’s utilities have taken advantage of high reserve margins and 
engaged in modernizations of existing plant sites.  These projects involve removing existing 
generator units that may not be as economical to operate, such as oil-fired steam units, and 
reusing the plant site’s transmission or fuel handling facilities with a new set of generating units.  
The modernization of existing plant sites allows for significant improvement in both 
performance and emissions, typically at a price lower than new construction. 

The Commission has previously granted determinations of need for several conversions 
of oil-fired steam to natural gas-fired combined cycle units, including FPL’s Cape Canaveral, 
Riviera, and Port Everglades sites.  The Commission has also granted determinations of need for 
conversion of existing combustion turbines into combined cycle units, including the conversion 
of TECO’s Polk Units 2 through 5 in 2012.  DEF has also recently conducted a conversion of its 
Bartow plant, but this did not require a determination of need from the Commission.   
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Not all sites are candidates for modernization due to site layout and other concerns, and 
to minimize rate impacts, modernization of existing units should be investigated before 
considering new construction.  Utilities should continue to explore potential conversion projects 
and report the feasibility and economic viability of each conversion in next year’s TYSPs and 
before any need determination filing. 

For some existing units, generation output can be improved by installing more advanced 
equipment.  The Commission has previously granted determinations of need for uprates at 
existing nuclear units, resulting in an additional 440 MW in new capacity.  FPL also plans 
improvements in several of its combined cycle generating units by upgrading the integrated 
combustion turbines. 

Planned Retirements 

This year’s update of the utility’s TYSPs includes a large number of retirements.  The 
most notable of these is DEF’s announcement of the retirement of Crystal River Unit 3 (CR3), 
one of only five nuclear plants within the state of Florida.  CR3 had been offline for several years 
due to complications from a steam generator replacement project meant to expand the life of the 
unit beyond its initial 40 year planned life.  As a going forward concern, this retirement reduces 
the fuel diversity of the existing generation fleet, further increasing dependence on natural gas 
which has served as the primary replacement fuel. 

Table 12 below lists all planned retirements by TYSP Utilities of existing generating 
units over the planning period, totaling 4,144 MW, a majority of which is oil-fired steam 
generation.  These is due to a combination of factors, with specific units retired due to the 
modernization of existing plants, the proposed EPA Rules discussed above, or the generating 
unit reaching the end of its design life. 
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Table 12: TYSP Utilities - Planned Unit Retirements 

Utility 
Generating Unit 

Name 
Generator 

Type 

Summer 
Capacity 

(MW) 

Planned 
Retirement 

Date 
Notes 

Nuclear Units 
DEF** Crystal River 3 Nuclear Steam 850    01/2013  

Oil-Fired Units 
FPL Port Everglades 3 & 4 Oil Steam 761    01/2013 Modernization 
FPL Turkey Point 1 & 2 Oil Steam 788    01/2013 Synch. Condenser 
DEF Suwannee River 1 - 3 Oil Steam 129    06/2018  
DEF Various Oil Turbine 56 04/2016  

Coal-Fired Units 
DEF Crystal River 1 & 2 Coal Steam 869    04/2016 EPA Rules Related 
GPC Scholz 1 & 2 Coal Steam 92    04/2015 EPA Rules Related 

Gas-Fired Units 
FPL Municipal Plant 2 & 5 Gas CC 44    01/2017  
FPL Municipal Plant 1, 3, 4 Gas Steam 94    01/2014  
DEF Various Gas Turbine 129    06/2016  
GPC Pea Ridge 1-3 Gas Turbine 12    12/2018  
GRU Various Gas Steam 98    10/2015*  
GRU JR Kelly GT01-03 Gas Turbine 42    02/2018*  
TAL Various Gas Turbine 56    03/2015*  
TAL Various Gas Steam 124    12/2013*  

Total 4,144   
*Planned Retirement Date is for earliest unit retirement. Other units may retire later than indicated here 
** Multiple Joint Owners for Crystal River 3.  Primary owner listed here. 
Source: 2013 TYSPs, 2013 FRCC Regional Load & Resource Plan 

 

Reserve Margin Requirements 

In order to maintain stability in the electric system, utilities must constantly adjust system 
output to match demand from moment to moment.  As demand fluctuates, utilities must generate 
the precise amount of electrical power that will keep the system in balance while also performing 
periodic maintenance on its generating units.  In addition, utilities must be prepared at any 
moment to meet unforeseen circumstances, such as extreme weather events or unit outages.  
Therefore, each utility must maintain a certain amount of “extra” or reserve capacity in the event 
that demand rises above or supply drops below forecasted levels.  This additional amount of 
generating capacity is expressed as a percentage of firm demand and is referred to as the reserve 
margin. 

Reserve margins in Florida typically remain well above the FRCC minimum of 15 
percent for most of the year, and usually will only approach minimum levels in the summer peak 
season when air conditioning loads are at their highest levels.  The higher margins during winter 
peak seasons are also due to the fact that generating units can operate at a higher capacity in 
colder temperatures.  The three largest IOUs, FPL, DEF, and TECO, were party to a stipulation 
approved by the Commission setting a 20 percent reserve margin planning criterion. 

The values in Figure 11 below include both supply-side and demand-side contributions, 
and shows that planning is mostly controlled by summer peak demand.  It should be noted that 
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the figure below is for the State of Florida, and therefore contains generating capacity outside of 
the FRCC region. 

Figure 11: State of Florida - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: 2013 FRCC Regional Load & Resource Plan 

Role of Demand Side Management in Reserve Margin 

It should be noted that the reserve margin figures above are calculated using the net firm 
system demand for the diagonal shaded value, which assumes full use of interruptible load and 
load management devices to reduce peak demand, while the reserve margin which only includes 
generation and conservation is the solid value.  Participation in interruptible rates and load 
management programs are voluntary, for which incentives are provided in the form of lower 
rates or credits paid to the participant.  As shown in Figure 11 above, the state as a whole has 
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sufficient generation capacity planned throughout a majority of the period to meet the minimum 
reserve margin of 15 percent without relying on demand response.  As noted previously, these 
customers have not typically been activated during periods of peak demand. 

New Generation Resources 

Current demand and energy forecasts continue to indicate that in spite of increased levels 
of conservation, energy efficiency, renewable generation, and existing traditional generation 
resources, the need for additional generating capacity still exists.  While reductions in demand 
have been significant, the total demand for electricity and the per-capita consumption is expected 
to increase, making the addition of traditional generating units necessary to satisfy reliability 
requirements and provide sufficient electric energy to Florida’s consumers.  Because any 
capacity addition has certain economic impacts based on the capital required for the project, and 
due to increasing environmental concerns relating to solid fuel-fired generating units, Florida’s 
utilities must carefully weigh the factors involved in selecting a supply-side resource for future 
traditional generation projects. 

In addition to traditional economic analyses, utilities also consider several strategic 
factors, such as fuel availability, generation mix, and environmental compliance prior to 
selecting a new supply-side resource.  Limited supplies, access to water or rail delivery points, 
pipeline capacity, water supply and consumption, land area limitations, cost of environmental 
controls, and fluctuating fuel costs are all important considerations. 

Figure 12 below illustrates the present and future aggregate capacity mix.  The capacity 
values in Figure 12 incorporate all proposed additions, changes, and retirements contained in the 
reporting utilities’ 2013 Ten-Year Site Plans. 
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Figure 12: State of Florida - Installed Capacity (Existing & Projected) 

 
Source: 2013 TYSPs, 2013 FRCC Regional Load & Resource Plan, 2013 TYSP Utilities Data Responses 

Fuel Price Forecasts 

Fuel price forecast is the primary factor affecting the type of generating unit added by an 
electric utility.  In general, the capital cost of a generating unit is inversely proportional to the 
cost of the fuel used to generate electricity from that unit.  Historically, when the forecasted price 
difference between coal or nuclear and natural gas was small, the addition of a natural gas unit 
became the more attractive option.  As the fuel price gap widened, a coal-fired or nuclear unit 
would normally be the more likely choice. 

From 2003 to 2005, the price of natural gas was substantially higher than utilities had 
forecasted.  This disparity led to concern regarding escalating customer bills and an expectation 
that natural gas prices would continue to be high and extremely volatile.  As a result, Florida’s 
utilities began making plans to build coal-fired units rather than continuing to increase the 
reliance on natural gas.  Due to concerns regarding potential future environmental regulations 
and other projected costs, coal-fired generation was not selected.  However, as Figure 13 shows, 
the price of natural gas began to return to more historic levels after peaking in 2008, and has 
declined in the years since.  Forecasts predict that gas prices will increase at a steady rate 
throughout the planning horizon.  This trend has encouraged utilities to switch units to be 
capable of burning natural gas, either as a starter fuel, supplemental fuel, or the primary fuel by 
changing the fuel type of a generating unit entirely. 
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Figure 13: TYSP Utilities - Fuel Prices (History & Forecast) 

 
Source: TYSP Utilities Data Responses 

Fuel Diversity 

Natural gas has risen to become one of the dominant fuels in the state in the last ten 
years, displacing coal, and in 2012 generated more net energy for load than all other fuels 
combined in Florida.  As Figure 14 shows, natural gas now makes up greater than 64.8 percent of 
electric energy consumed in Florida.  Natural gas usage is anticipated to decline somewhat, 
remaining at approximately 60 percent throughout the planning period, ending up at 58.8 percent 
by 2022. 

Figure 14: State of Florida - Natural Gas Usage (History & Forecast) 

 
Source: 2013 FRCC Regional Load & Resource Plan 
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Combustion turbine technology is more efficient when used in a combined cycle mode, in 
which waste heat is recovered to generate steam, than steam generation alone.  This gives natural 
gas a technological edge above its normal fuel price, so less fuel is required per unit of electricity 
generated.  Because of this, despite coal having a lower price per unit energy, it is typically 
dispatched after natural gas based on current and projected fuel prices.  As this gap widens again 
towards the end of the period, some increases in coal-fired generation are anticipated. 

Utility plans for a balanced fuel system have historically been highly dependent upon the 
accuracy of long-term fuel price forecasts, mostly due to the long lead times required for coal 
and especially nuclear generators.  However, in recent years the options available to utilities for 
the addition of supply-side generation have been limited, and this situation seems unlikely to 
change at this time.   Utilities will be faced with selecting technologies for new generation that 
will either continue to increase the already very high percentage of natural gas resources, or 
attempting to obtain approval for solid fuel resources that may have a negative near term rate 
impact. 

The anticipated decline in natural gas consumption over the planning period is the result 
of increased nuclear generation from FPL’s uprates, which had many of their units off-line in 
2012, and a slight increase in contribution to NEL from coal-fired generation.  Nuclear 
generation is anticipated to increase at the end of the planning period, with the addition of 
Turkey Point 6 in the middle of 2022, to be followed the next year, outside of this planning 
period, by Turkey Point 7 in 2023.  Figure 15 below illustrates the anticipated contribution by 
natural gas, coal, nuclear, oil, and all other sources, including interchange, non-utility generators, 
and renewables. 

Figure 15: State of Florida - Fuel Diversity (History & Forecast) 

 
Source: 2004 & 2013 FRCC Regional Load & Resource Plan 

Compared to other states, Florida’s usage of natural gas for electric generation is high 
when compared to total natural gas usage. At the TYSP Workshop, the FRCC provided data 
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from the Energy Information Administration (EIA) that shows that in 2011 Florida used 
approximately 86 percent of natural gas consumed in the state for electric generation, the highest 
rate in the nation.  Natural gas is typically not used in end-user heating, with a majority of 
Florida’s residential heating from electrical generation. 

Table 13: FRCC - Ten Largest States for Natural Gas Consumption (2011 Data) 

State 

Total  Annual
Natural Gas 

Consumption
(Bcf) 

Annual NG 
Consumption 
for Electric 
Generation 

(Bcf)

Total  Annual
Marketed 

Natural Gas
Production 

(Bcf)

Total Miles 
of Natural Gas 

Pipeline 

Total 
Storage

Capacity
(Bcf) 

Texas 3,646 1,555 7,113 58,588 812 

California 2,153 651 250 11,770 571 

Louisiana 1,398 462 3,029 18,900 690 

Florida 1,218 1,050 15 4,971 0 

New York 1,217 427 31 5,018 246 

Illinois 987 50 2 11,911 997 

Pennsylvania 963 304 1,311 8,680 777 

Ohio  820 93 79 7,670 580 

Michigan 776 100 138 9,722 1,075 

New Jersey 661 188 0 1,520 0 

Total US 24,385 7,884 24,036 305,954 8,849 

Florida as % of Total 5.0% 13.3% 0.06% 1.6% 0%

      Source: FRCC 2013 TYSP Workshop Presentation 

As shown above, Florida has very little production and no gas storage capacity, yet is the 
fourth largest overall consumer of natural gas.  Because of geographic constraints, Florida will 
most likely continue to rely on out of state production and storage to satisfy the growing electric 
demands in the state. 

Coal generation, beyond the reduction in dispatch due to the cost-competitiveness of 
natural gas as a baseload fuel, faces challenges relating to new environmental compliance 
requirements.  As discussed above, new EPA regulations will potentially require installation of 
new environmental controls, which could lead to the retirement of units if it is deemed 
uneconomic to upgrade its emission control equipment. 

Because a balanced fuel supply can enhance system reliability and mitigate the effects of 
volatile fuel price fluctuations, it is important that utilities have the greatest possible level of 
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flexibility in their generation fuel source mix.  Although the Commission has cited the growing 
lack of fuel diversity within the State of Florida as a major strategic concern for the past several 
years, natural gas is anticipated to remain the dominant fuel over the planning horizon.   
Excluding renewables and one nuclear unit, all new generation facilities planned within the State 
of Florida over the ten-year period are natural gas-fired units.   

Projected New Units by Fuel Type 

In the last ten years, almost all capacity additions to Florida’s electric system use natural 
gas as the primary fuel.  Coal units that were planned have been cancelled, and a majority of new 
nuclear units that have been approved have been delayed beyond the planning horizon.  Gas fired 
units have almost exclusively been selected in recent years due to higher thermal efficiencies, 
lower capital costs, short periods for permitting and construction, and sometimes the smaller land 
areas required.  With the recent decrease in fuel prices due to unconventional natural gas 
production using hydraulic fracturing, natural gas is the favored fuel for all traditional generating 
units with the exception of new nuclear units. 

Currently, other than approximately 966 MW of renewable generation and 1,220 MW in 
uprates and new nuclear units, all of the additional generation planned for the next ten years will 
use natural gas as a fuel source. 

Nuclear 

Nuclear capacity, while an alternative to natural gas-fired generation, is capital-intensive 
and requires a long lead time to construct.  Florida’s utilities project an expansion of nuclear 
power in the state through uprates at existing nuclear power plants, and the construction of two 
new nuclear units.  Table 14 below shows new nuclear capacity anticipated in the planning 
period.  The Commission previously approved uprates for all existing nuclear units in Florida.  
The only remaining uprate to be completed is FPL’s Turkey Point Unit 4, completed earlier this 
year.  FPL also projects the first of its two new nuclear generating units to come online within 
the planning period, Turkey Point Unit 6.  The second unit is anticipated to be in-service by 
2023.  DEF’s 2012 TYSP included the return to service of an uprated CR3 in 2014.  DEF’s 2013 
TYSP reflects the fact that CR3 has been retired and will not return to service. 

Table 14: TYSP Utilities - Nuclear Unit Additions 

Utility Generating Unit Name 
Summer 
Capacity 

(MW) 

Certification Dates 
In-Service 

Date Need Approved 
(Commission) 

PPSA 
Certified 

FPL Turkey Point 4 Uprate 120 01/2008 10/2008 03/2013 
FPL Turkey Point 6 1,100 04/2008 * 06/2022 

Total Nuclear Additions 1,220  
* This units have not yet received PPSA Certification 
Source: 2013 TYSPs 

 

Pursuant to a multi-party stipulation, DEF has elected to discontinue construction of its 
Levy Nuclear Plants.  DEF will, however, continue its efforts to obtain a combined operating 
license from the Nuclear Regulatory Commission for the Levy Nuclear Project. 
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Natural Gas 

With the exception of the aforementioned renewable and nuclear capacity, all remaining 
new generation comes in the form of natural gas fired combustion turbines or combined cycle 
units.  Natural gas-fired combined cycles represent the most abundant type of generating 
capacity in the State of Florida, making up approximately 38.5 percent of installed capacity in 
2012.  Combustion turbines run in simple cycle mode represent the third most abundant type of 
generating capacity, behind only coal-fired steam generation.  Because combustion turbines are 
not a form of steam generation unless part of a combined cycle system, they do not require siting 
under the PPSA.  Table 15 below includes approximately 8,683 MW of natural gas-fired 
generation included in the 2013 TYSPs. 

Table 15: TYSP Utilities - Natural Gas Unit Additions 

Utility Generating Unit Name 
Summer 
Capacity 

(MW) 

Certification Dates 
In-Service 

Date Need Approved 
(Commission) 

PPSA 
Certified 

Combined Cycle Units 
FPL Cape Canaveral 1,210 09/2008 10/2009 06/2013 
FPL Riviera Beach 1,212 09/2008 11/2009 06/2014 
FPL Port Everglades 1,277 04/2012 03/2013 06/2016 
DEF Unnamed CC 1 1,189 * * 06/2018 
DEF Unnamed CC 2 1,189 * * 06/2020 

TECO Polk 2-5 CC Conversion 459 12/2012 * 01/2017 
SEC Unnamed CC 1 192 * * 12/2020 
SEC Unnamed CC 2 192 * * 12/2020 

Combustion Turbine Units 
SEC Unnamed CT 1 198 ** ** 12/2019 

TECO Future CT 190 ** ** 05/2020 
TAL Hopkins 5 46 ** ** 05/2020 
SEC Unnamed CT 2 & 3 396 ** ** 12/2020 
SEC Unnamed CT 4 - 7 792 ** ** 12/2021 
DEF Unnamed CT 187 ** ** 06/2022 

Total Natural Gas Additions 8,683  
* These units have not yet received a Determination of Need and/or a PPSA Certification. 
** These units are not regulated under the PPSA, and do not require a Determination of Need. 
Source: TYSP Utilities Data Response 

 

Power Plant Siting Act8 

The Florida PSC is given exclusive jurisdiction by the Legislature, through the PPSA, to 
be the forum for determining the need for new electric power plants.  Any proposed steam or 
solar generating unit of at least 75 MW requires certification under the Power Plant Siting Act.  

Approximately 9,960 MW of new utility-owned generating units are planned to enter 
service over the next 10-year period, with 82 percent of that subject to the PPSA.  A majority of 

                                                 
8 Sections 403.501 through 403.518, F.S. 



Traditional Generation 

2013 Ten-Year Site Plan Review Page 39 
 

this portion new generation has already received a determination of need from the Commission.  
A total of 2,762 MW still requires certification, as shown in Table 16. 

Table 16: State of Florida - Proposed Generation Requiring Commission Approval 

Utility Generating Unit Name 
Summer 
Capacity 

(MW) 

In-Service 
Date 

DEF Unnamed CC 1 1,189 06/2018 
DEF Unnamed CC 2 1,189 06/2020 
SEC Unnamed CC 1 192 12/2020 
SEC Unnamed CC 2 192 12/2020 

Total Capacity 2,762  
Source: 2013 TYSPs 

 

Transmission Capacity 

As generation capacities increase, the transmission system must grow accordingly to 
maintain the capability of delivering the energy to the end user.  The Commission has been given 
broad authority pursuant to Chapter 366, F.S., to require reliability within Florida’s coordinated 
electric grid and to ensure the planning, development, and maintenance of adequate generation, 
transmission, and distribution facilities within the state.   

The Commission has authority over certain proposed transmission lines under the 
Transmission Line Siting Act (TLSA).9  To require certification under Florida’s TLSA, a 
proposed transmission line must meet the following criteria: a nominal voltage rating of at least 
230 kV, crossing a county line, and a length of at least 15 miles.  Proposed lines in an existing 
corridor are also exempt from TLSA requirements.  The Commission determines the reliability 
need for and the proposed starting and ending points for lines requiring TLSA certification.  The 
Commission must issue a final order granting or denying a determination of need within 90 days 
of the petition filing.  The proposed corridor route is determined by the DEP during the 
certification process.  Much like the PPSA, the Governor and Cabinet sitting as the Siting Board 
ultimately must approve or deny the overall certification of the proposed line.   

Table 17 below lists all proposed transmission lines in the 2013 TYSPs that require 
TLSA certification.  All planned lines have already received the approval of the Commission, 
either independently or as part of a PPSA determination of need. 

Table 17: TYSP Utilities - Transmission Requiring TLSA Approval 

Utility Transmission Line 
Line 

Length 
(Miles) 

Nominal 
Voltage 

(kV) 

Certification Dates 
Commercial 
In-Service 

Date 

Need 
Approved 

(Commission) 

TLSA 
Certified 

DEF Intercession City - Gifford 13 230 09/2007 01/2009 05/2013 
FPL Manatee - Bob White 30 230 08/2006 11/2008 12/2014 
FPL St. Johns - Pringle 25 230 05/2005 04/2006 12/2017 

Source: TYSP Utilities Data Responses 

                                                 
9 Sections 403.52 through 403.5365, F.S. 
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Utility Perspectives 
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Florida Power & Light Company (FPL) 

FPL is the state’s largest electric utility.  The utility’s service territory is within the FRCC 
region, and is primarily in southern Florida and along the east coast.  As FPL is an IOU, the 
Commission has regulatory authority over all aspects of operations, including rates, reliability, 
and safety. 

Load and Energy Forecast 

In 2012, FPL had approximately 4,572,800 customers, with annual retail energy sales of 
101,678 GWh, or approximately 47.3 percent of the state of Florida’s NEL.  Total number of 
customers and annual energy consumption by customer class are below in Figure 16. 

Figure 16: FPL - Number of Customers and Energy Usage by Class 

 
Source: 2013 TYSP Schedule 2 

Figure 17 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, FPL has 
increased/decreased its total number of customers by 11.2 percent, while increasing retail energy 
sales by 2.7 percent.  The company forecasts continued positive growth for all years of the 
planning period, with retail energy sales exceeding the historic 2007 peak by 2014. 

Figure 17: FPL - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 18 show FPL’s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon, including the effect of the 
utility’s DSM programs.  Available demand response values are shown below for the previous 
ten years, but demand response was not activated during the historic seasonal peak demand 
hours, excluding the winters of 2010 and 2011. 

Figure 18: FPL - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 

 

 

 
Source: 2013 TYSP Schedule 3 
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Generation Resources 

Fuel Diversity 

Figure 19 shows FPL’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.  FPL’s primary generation fuel is natural gas, which has increased from 34.8 percent of 
system energy in 2003, to 72.6 percent in 2012.  A portion of this increase is due to long-term 
outages of several nuclear units on FPL’s system for uprates during 2012, with nuclear 
representing FPL’s next highest fuel usage.  The return to service of the uprated nuclear units 
will slightly decrease FPL’s natural gas usage, estimated at 66.1 percent in 2013.  The trend of 
natural gas being the primary system fuel will continue, with another decrease in usage, to 63.2 
percent in 2022, due to an increase in nuclear generation with the addition of Turkey Point 6 for 
a portion of the year.  Natural gas usage is anticipated to decline again in 2023 with a full year of 
operation of Turkey Point 6 and a partial year for Turkey Point 7. 

Figure 19: FPL - Fuel Diversity (History & Forecast) 

 
Source: 2013 TYSP Schedule 6 

Planned Generation 

FPL’s 2013 TYSP includes five planned generation additions, including three combined 
cycle units, a nuclear uprate, and a new nuclear unit.  A second new nuclear unit, Turkey Point 7, 
is planned in 2023, outside of the 2013 TYSP planning period.  The planned units are detailed 
below in Table 18.  This is consistent with the company’s 2012 TYSP, featuring no new 
generating units.  The previous TYSP also included the uprates completed in 2012 to FPL’s other 
three nuclear units. 

Table 18: FPL - Planned Generation Additions 

Generating Unit Name Generator Type 
Summer 

Capacity (MW) 
In-Service 

Date 
PPSA 

Natural Gas Units 
Cape Canaveral Energy Center Combined Cycle 1,210 06/2013 Approved
Riviera Beach Energy Center Combined Cycle 1,212 06/2014 Approved
Port Everglades Energy Center Combined Cycle 1,277 06/2016 Approved

Nuclear Units 
Turkey Point Unit 4 Uprate Steam Turbine 120* 03/2013 Approved 
Turkey Point Unit 6 Steam Turbine 1,100 06/2022 Pending 
*This capacity represents the uprate only, not the full capacity of the generating unit 
Source: 2013 TYSP Schedule 8 
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Reserve Margin  

FPL maintains a minimum 20 percent reserve margin for planning purposes based on a 
stipulation approved by the Commission.  Figure 20 displays the forecast planning reserve 
margin for FPL through the planning period for both seasons including the effects of projected 
conservation activities.  The impact of demand response programs on reserve margin is also 
included.  As shown in the figure, FPL is a summer peaking utility. 

Figure 20: FPL - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: Based on 2013 TYSP Schedules 3 & 7 
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Duke Energy Florida, Inc. (DEF) 

DEF is an investor-owned utility, and Florida’s second largest TYSP utility.  The utility’s 
service territory is within the FRCC region, and is primarily located in central and west central 
Florida.  The company’s TYSP was filed under its previous business name, Progress Energy 
Florida, Inc. (PEF).  As DEF is an IOU, the Commission has regulatory authority over all aspects 
of operations, including rates, reliability, and safety. 

Load and Energy Forecast 

In 2012, DEF had approximately 1,624,400 customers, with annual retail energy sales of 
33,135 GWh, or approximately 17.6 percent of the state of Florida’s NEL.  Total number of 
customers and annual energy consumption by customer class are below in Figure 21. 

Figure 21: DEF - Number of Customers and Energy Usage by Class 

 
Source: 2013 TYSP Schedule 2 

Figure 22 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, DEF has 
increased its total number of customers by 9.2 percent, while retail energy sales have declined by 
4.2 percent.  The company forecasts positive growth for all years of the planning period, with 
retail energy sales exceeding the historic 2006 peak by 2017. 

Figure 22: DEF - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 23 show DEF’s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon, including the effect of the 
utility’s DSM programs.  Available demand response values are shown below for the previous 
ten years, but generally these programs have not been activated during summer peak periods.  
Demand response was utilized during seasonal peak demand periods in the summer of 2005 and 
winters of 2003, 2006 through 2008, and 2010. 

Figure 23: DEF - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 
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Source: 2013 TYSP Schedule 3 

Generation Resources 

Fuel Diversity 

Figure 24 shows DEF’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.  DEF’s primary generation fuel is natural gas, which has increased from 14 percent of 
system energy in 2003, to 58.2 percent in 2012.  A portion of this increase is due to the 
retirement of the Crystal River 3 nuclear unit, which previously provided over ten percent of 
system energy.  Coal has the second highest fuel usage, but is anticipated to decline and be 
replaced by natural gas over the planning period.  Purchased power makes up a sizeable portion 
of DEF’s system energy, at 17.1 percent in 2012, with a peak projected in 2017 at 24 percent of 
system energy.  Purchased power is anticipated to decline while natural gas increases with the 
addition of new natural gas-fired generation discussed below. 

Figure 24: DEF - Fuel Diversity (History & Forecast) 

 
Source: 2013 TYSP Schedule 6 

Planned Generation  

DEF’s 2013 TYSP includes three planned generation additions, two combined cycle units 
and a combustion turbine.  All units are unsited at this time.  The planned units are detailed 
below in Table 19.  This represents an increase from the company’s 2012 TYSP in both number 
of generating units and total capacity.  The previous TYSP had projected a return to service of an 
uprated Crystal River 3 by the end of 2014 and a single combined cycle unit in 2019. 

Table 19: DEF - Planned Generation Additions 

Generating Unit Name Generator Type 
Summer 

Capacity (MW) 
In-Service 

Date 
PPSA 

Natural Gas Units 
Unnamed CC 1 Combined Cycle 1,189 06/2018 Required 
Unnamed CC 2 Combined Cycle 1,189 06/2020 Required 
Unnamed CT 1 Combustion Turbine 187 06/2022 N/A 
Source: 2013 TYSP Schedule 8 
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Reserve Margin  

DEF maintains a minimum 20 percent reserve margin for planning purposes based on a 
stipulation approved by the Commission.  Figure 25 displays the forecast planning reserve 
margin for DEF through the planning period for both seasons including the effects of projected 
conservation activities.  The impact of demand response programs on reserve margin is also 
included.  As shown in the figure, DEF is a summer peaking utility. 

Figure 25: DEF - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: Based on 2013 TYSP Schedules 3 & 7 

Due to the retirement of CR3, combined with the potential retirement of oil and coal-fired 
units totaling over 1,000 MWs due to potential EPA emissions rules, DEF will require a large 
amount of firm capacity to meet customer demand on a fairly short basis.  While DEF projects 
construction of several generating units within the planning period, the earliest is anticipated to 
enter service in 2018, after any potential EPA related retirements.  Therefore, DEF will require 
firm purchased power in the interim, especially for summer peaks.  The company has issued two 
requests for proposals, seeking power both from within and outside Florida, and is in the process 
of negotiating with suppliers.  It appears at this time that there is sufficient capacity available 
from other parties to provide for the required firm capacity purchases.  The Commission will 
continue to monitor DEF’s efforts to secure firm capacity for its customers. 
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Tampa Electric Company (TECO) 

TECO is an investor-owned electric utility, and Florida’s third largest TYSP utility.  The 
utility’s service territory is within the FRCC region, and consists primarily of the Tampa 
metropolitan area.  As TECO is an IOU, the Commission has regulatory authority over all 
aspects of operations, including rates, reliability, and safety. 

Load and Energy Forecast 

In 2012, TECO had approximately 676,300 customers, with annual retail energy sales of 
16,582 GWh, or approximately 8.2 percent of the state of Florida’s NEL.  Total number of 
customers and annual energy consumption by customer class are below in Figure 26. 

Figure 26: TECO - Number of Customers and Energy Usage by Class 

 
Source: 2013 TYSP Schedule 2 

 Figure 27 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, TECO has 
increased its total number of customers by 13.1 percent, while increasing retail energy sales by 
1.0 percent.  The company forecasts continued positive growth most years of the planning 
period, with retail energy sales exceeding the historic 2007 peak by 2020. 

Figure 27: TECO - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 28 show TECO’s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon, including the effect of the 
utility’s DSM programs.  Available demand response values are shown below for the previous 
ten years, but generally these programs have not been activated, excluding three summer peaks, 
in 2005, 2007, and 2009. 

Figure 28: TECO - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 

 

 

 
Source: 2013 TYSP Schedule 3 
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Generation Resources 

Fuel Diversity 

Figure 29 shows TECO’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.  TECO’s primary generation fuel is coal, one of only two utilities in the state that relied 
upon the solid fuel over natural gas in 2012, with 50.3 percent of system energy generated by 
coal.  Coal usage has declined however, primarily with the increase of natural gas, which is the 
next highest fuel for TECO’s system energy.  Natural gas has risen to 39.2 percent of system 
energy in 2012, up from only 18.0 percent in 2003.  Coal is anticipated to remain the main 
system fuel throughout the planning period, making up 49.4 percent in 2022, although natural 
gas is projected to replace purchased power and increase its share of system energy to 43.9 
percent in 2022. 

Figure 29: TECO - Fuel Diversity (History & Forecast) 

 
Source: 2013 TYSP Schedule 6 

Planned Generation  

TECO’s 2013 TYSP includes two planned generation additions.  The first is a 
modernization of their existing Polk plant site by converting the existing combustion turbines 
into a combined cycle unit.  The second is a combustion turbine to be sited somewhere in 
Hillsborough County.  These units are described below in Table 20.  This is consistent with the 
company’s 2012 TYSP, which included similar generating units.  The primary change is the 
increase in capacity and one year delay in the in-service date of the planned combustion turbine. 

Table 20: TECO - Planned Generation Additions 

Generating Unit Name Generator Type 
Summer 

Capacity (MW) 
In-Service 

Date 
PPSA 

Natural Gas Units 
Polk 2-5 Conversion Combined Cycle 459 01/2017 Pending 
Future CT 1 Combustion Turbine 190 05/2020 N/A 
*Represents additional steam capacity from conversion, not including the original CT units. 
Source: 2013 TYSP Schedule 8 
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Reserve Margin  

TECO maintains a minimum 20 percent reserve margin for planning purposes based on a 
stipulation approved by the Commission.  Figure 30 displays the forecast planning reserve 
margin for TECO through the planning period for both seasons including the effects of projected 
conservation activities.  The impact of demand response programs on reserve margin is also 
included.  As shown in the figure, TECO is generally a winter-peaking utility, during certain 
periods summer peak demand can be of greater concern.  TECO also maintains a minimum 
supply-side contribution to its reserve margin, set at 7 percent, which it exceeds in all years of 
the planning period. 

Figure 30: TECO - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: Based on 2013 TYSP Schedules 3 & 7
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Gulf Power Company (GPC) 

GPC is the smallest investor-owned generating utility, and the sixth largest TYSP utility.  
The utility’s service territory includes western Florida.  GPC is a member of the Southern 
Company electric system and has the SERC as its regional reliability entity.  Because GPC plans 
and operates its system in conjunction with the other Southern Company utilities, not all of the 
energy generated by the GPC units is consumed in Florida.  As GPC is an IOU, the Commission 
has regulatory authority over all aspects of operations, including rates, reliability, and safety. 

Load and Energy Forecast 

In 2012, GPC had approximately 433,900 customers, with annual retail energy sales of 
10,637 GWh, or approximately 4.9 percent of the state of Florida’s NEL.  Total number of 
customers and annual energy consumption by customer class are below in Figure 31. 

Figure 31: GPC - Number of Customers and Energy Usage by Class 

 
Source: 2013 TYSP Schedule 2 

 Figure 32 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, GPC has 
increased its number of customers by 11.4 percent, though retail energy sales have declined 2.0 
percent.  The company forecasts continued positive growth for all of the planning period, with 
retail energy sales exceeding the historic 2008 peak by 2017. 

Figure 32: GPC - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 33 show GPC’s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon, including the effect of the 
utility’s DSM programs.  GPC does not currently include any demand response in its forecasts. 

Figure 33: GPC - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 

 

 

 
Source: 2013 TYSP Schedule 3 
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Generation Resources 

Fuel Diversity 

Figure 34 shows GPC’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.  GPC is a net energy exporter, and as a result produces more energy than its system 
consumes each year, with exports planned to increase over the planning period.  GPC’s primary 
fuel in 2012 was natural gas, at 90.7 percent of system energy, which displaced coal for the first 
time in the past ten years.  Coal has declined from producing 109 percent of system energy in 
2003, to only 46.5 percent in 2012.  By the end of the planning period, GPC forecasts that coal 
will once again become the dominant system fuel, at 85.8 percent, with natural gas still 
contributing over half of system energy, at 58.4 percent. 

Figure 34: GPC - Fuel Diversity (History & Forecast) 
 

 
Source: 2013 TYSP Schedule 6 

Planned Generation  

GPC’s 2013 TYSP included a single generation addition at their existing Perdido landfill 
gas site in Escambia County.  This is an increase from the company’s 2012 TYSP, which 
included no new generating units. 

Table 21 

Table 21: GPC - Planned Generation Additions 

Generating Unit Name Generator Type 
Summer 

Capacity (MW) 
In-Service 

Date 
PPSA 

Renewable Units 
Perdido 3 Landfill Gas-fired IC 1.8 8/2014 N/A 
Source: 2013 TYSP Schedule 8 
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Reserve Margin  

GPC is not within the FRCC region, and therefore not subject to its minimum reserve 
margin requirements.  GPC operates within SERC, and as part of the Southern Power Pool has a 
planning reserve margin of 15 percent after 2015.  Figure 35 displays the forecasted planning 
reserve margin for GPC through the planning period for both seasons, including the effects of 
projected conservation activities.  As shown in the figure, GPC has sufficient reserve margin to 
meet projected customer demands for both seasons throughout the planning period. 

Figure 35: GPC - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: Based on 2013 TYSP Schedules 3 & 7 
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Florida Municipal Power Agency (FMPA) 

FMPA is a governmental wholesale power company owned by multiple municipal 
electric utilities located throughout Florida.  It is collectively the state’s eighth largest TYSP 
utility.  As FMPA is a municipal utility, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning.  
FMPA’s direct responsibility for power supply is with the All-Requirements Power Supply 
Project (ARP). FMPA plans and supplies all of the power requirements for the ARP utilities   

Load and Energy Forecast 

In 2012, FMPA’s members had approximately 265,300 customers, with total retail 
energy sales of 5,549 GWh, or approximately 2.6 percent of the state of Florida’s NEL.  Total 
number of customers and annual energy consumption by customer class are below in Figure 36. 

Figure 36: FMPA - Number of Customers and Energy Usage by Class 

  
Source: 2013 TYSP Schedule 2 

 Figure 37 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, FMPA has 
seen a decrease in customers by 2.1 percent, and a decrease in retail energy sales by 13.2 percent.  
The company does not project to exceed its 2003 retail energy sales within the next ten years. 

Figure 37: FMPA - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 38 show FMPA’s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon, including the effect of 
member utility’s DSM programs.  As FMPA did not provide separate annual conservation data, 
only the utility’s net firm demand and net energy for load are shown below. 

Figure 38: FMPA - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 

 

 

 
Source: 2013 TYSP Schedule 3 
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Generation Resources 

Fuel Diversity 

Figure 39 shows FMPA’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.  Natural gas is the primary generation fuel on FMPA’s system, contributing 81.9 
percent of system energy in 2012.  A slight reduction in usage is forecast by 2022, with an 
increase in purchased power and coal usage reducing natural gas to approximately two-thirds of 
energy generation. 

Figure 39: FMPA - Fuel Diversity (History & Forecast) 

 
Source: 2013 TYSP Schedule 6 

Planned Generation  

FMPA’s 2013 TYSP did not contain any planned generation additions.  This is consistent 
with the company’s 2012 TYSP, which also included no new generation through 2021. 
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Reserve Margin  

FMPA maintains a 15 percent reserve margin based on FRCC planning requirements.  In 
addition, the utility uses a planning reserve margin of 18 percent for summer peak reserve 
margin planning.  Figure 40 displays the forecasted planning reserve margin for FMPA through 
the planning period for both seasons, including the effects of projected conservation activities.  
As shown in the figure, FMPA is a summer-peaking utility and has sufficient reserve margin to 
meet projected customer demands for both seasons throughout the planning period. 

Figure 40: FMPA - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: Based on 2013 TYSP Schedules 3 & 7 
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Gainesville Regional Utilities (GRU) 

GRU is a municipal utility and the state’s smallest TYSP utility.  The company’s service 
area is within the FRCC region, and includes the City of Gainesville and its surrounding urban 
area.  GRU also provides wholesale power to the City of Alachua and Clay Electric Cooperative.  
As GRU is a municipal utility, the Commission’s regulatory authority is limited to safety, rate 
structure, territorial boundaries, bulk power supply, operations, and planning 

Load and Energy Forecast 

In 2012, GRU had approximately 95,600 customers, with annual retail energy sales of 
1,675 GWh, or approximately 0.8 percent of the state of Florida’s NEL.  Total number of 
customers and annual energy consumption by customer class are below in Figure 41. 

Figure 41: GRU - Number of Customers and Energy Usage by Class 

 
Source: 2013 TYSP Schedule 2 

Figure 42 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, GRU has 
increased its number of customers by 10.9 percent, but retail energy sales have declined 4.8 
percent.  The company forecasts positive growth for the entire planning period, but does not 
project retail energy sales to exceed its 2003 level within the next ten years. 

Figure 42: GRU - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 43 show GRU’s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon, including the effect of the 
utility’s DSM programs. 

Figure 43: GRU - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 

 
Source: 2013 TYSP Schedule 3 
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Generation Resources 

Fuel Diversity 

Figure 44 shows GRU’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.    While the company has historically relied upon coal, natural gas was the dominant 
fuel in 2012, producing 43.1 percent of energy, over coal’s contribution of 35.4 percent.  All 
forms of native fuel use, including natural gas, nuclear, and coal, are anticipated to decline as 
purchased power is forecast to become the dominant fuel in 2022.  A majority of this purchased 
power is associated with a single renewable PPA with the Gainesville Renewable Energy Center, 
a 100 MW biomass plant that utilizes wood and wood wastes for fuel. 

Figure 44: GRU - Fuel Diversity (History & Forecast) 

 
Source: 2013 TYSP Schedule 6 

Planned Generation  

GRU’s 2013 TYSP did not contain any planned generation additions.  This is consistent 
with the company’s 2012 TYSP, which also included no new generation through 2021. 
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Reserve Margin  

GRU maintains a 15 percent reserve margin based on FRCC planning requirements.  
Figure 45 displays the forecasted planning reserve margin for GRU through the planning period 
for both seasons, including the effects of projected conservation activities.  As shown in the 
figure, GRU is a summer-peaking utility.  As the figure below illustrates, GRU’s reserve margin 
is forecasted to remain well above the minimum level throughout the planning period. 

Figure 45: GRU - Seasonal Reserve Margin (Summer & Winter) 

 
Source: Based on 2013 TYSP Schedules 3 & 7 
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JEA 

JEA, formerly known as Jacksonville Electric Authority, is a municipal electric utility, 
and the state’s fifth largest TYSP utility, and is the largest generating municipal utility.  JEA’s 
service territory is within the FRCC region, and includes all of Duval County as well as portions 
of Clay and St. Johns Counties.  As JEA is a municipal utility, the Commission’s regulatory 
authority is limited to safety, rate structure, territorial boundaries, bulk power supply, operations, 
and planning. 

Load and Energy Forecast 

In 2012, JEA had approximately 420,600 customers, with annual retail energy sales of 
11,540 GWh, or approximately 5.3 percent of the state of Florida’s NEL.  Total number of 
customers and annual energy consumption by customer class are below in Figure 46. 

Figure 46: JEA - Number of Customers and Energy Usage by Class 

  
Source: 2013 TYSP Schedule 2 

 Figure 47 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, JEA has 
increased its number of customers by 13.7 percent, but retail energy sales have declined 3.8 
percent.  The company forecast growth for the entire planning period, with retail energy sales 
exceeding the historic 2010 peak by 2019. 

Figure 47: JEA - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 48 show JEA’s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon, including the effect of the 
utility’s DSM programs.  Historic conservation data is not available, so only net firm demand 
and net energy for load is shown for the previous ten years. 

Figure 48: JEA - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 

 
Source: 2013 TYSP Schedule 3 
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Generation Resources 

Fuel Diversity 

Figure 49 shows JEA’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.  Natural gas was the primary fuel on JEA’s system in 2012, contributing 46.9 percent 
of energy.  Coal is anticipated to become the dominant fuel by the end of the planning period, 
with 43.2 percent system energy in 2022, with the next largest fuel source being the combined 
category of interchange, non-utility generators, renewables, and other fuels.  Petroleum coke, 
classified as ‘other’ below, makes up a majority of this category for JEA. 

Figure 49: JEA - Fuel Diversity (History & Forecast) 

 
Source: 2013 TYSP Schedule 6 

Planned Generation  

JEA’s 2013 TYSP did not contain any planned generation additions.  This is consistent 
with the company’s 2012 TYSP, which also included no new generation through 2021. 



JEA 

2013 Ten-Year Site Plan Review Page 68 
 

Reserve Margin  

JEA maintains a 15 percent reserve margin based on FRCC planning requirements.  
Figure 50 displays the forecasted planning reserve margin for JEA through the planning period 
for both seasons, including the effects of projected conservation activities.  The impact of 
demand response programs is also included in the figure below.  As shown in the figure, JEA is a 
winter-peaking utility and has sufficient reserve margin to meet projected customer demands for 
both seasons throughout the planning period.  The increase in reserve margin in 2019 is 
associated with the expiration of a power sale with FPL from a jointly owned unit.  FPL 
anticipates this sale will expire at an earlier period, in 2017. 

Figure 50: JEA - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: Based on 2013 TYSP Schedules 3 & 7 
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Lakeland Electric (LAK) 

LAK is the municipal utility, and is the state’s third smallest TYSP utility.  LAK is 
owned and operated by the City of Lakeland.  As LAK is a municipal utility, the Commission’s 
regulatory authority is limited to safety, rate structure, territorial boundaries, bulk power supply, 
operations, and planning. 

Load and Energy Forecast 

In 2012, LAK had approximately 113,100 customers, with annual retail energy sales of 
2,612 GWh, or approximately 1.2 percent of the state of Florida’s NEL.  Total number of 
customers and annual energy consumption by customer class are below in Figure 51. 

Figure 51: LAK - Number of Customers and Energy Usage by Class 

  
Source: 2013 TYSP Schedule 2 

 Figure 52 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, LAK has 
increased its number of customers by 6.1 percent, while retail energy sales have declined 0.3 
percent.  The company forecasts positive growth for all years of the planning period, with retail 
energy sales exceeding the historic 2010 peak by 2014. 

Figure 52: LAK - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 53 show LAK‘s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon, including the effect of the 
utility’s DSM programs.  As LAK did not provide separate annual conservation data, only the 
utility’s net firm demand and net energy for load are shown below. 

Figure 53: LAK - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 

 
Source: 2013 TYSP Schedule 3 
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Generation Resources 

Fuel Diversity 

Figure 54 shows LAK’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.  Natural gas was the primary fuel on LAK’s system, contributing 85.8 percent of 
system energy. With a total of 12.2 percent of system energy as exports, coal made up the 
remaining generation.  Overall, natural gas is forecast to slightly decline along with exports, 
while coal remains at a little over a quarter of system energy. 

Figure 54: LAK - Fuel Diversity (History & Forecast) 

 
Source: 2013 TYSP Schedule 6 

Planned Generation  

LAK’s 2013 TYSP did not contain any planned generation additions.  This is consistent 
with the company’s 2012 TYSP, which also included no new generation additions through 2021. 
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Reserve Margin  

LAK maintains a 15 percent reserve margin based on FRCC planning requirements.  
Figure 55 displays the forecasted planning reserve margin for LAK through the planning period 
for both seasons, including the effects of projected conservation activities.  As shown in the 
figure, LAK is a winter-peaking utility for most years and has sufficient reserve margin to meet 
projected customer demands for both seasons throughout the planning period. 

Figure 55: LAK - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: Based on 2013 TYSP Schedules 3 & 7 
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Orlando Utilities Commission (OUC) 

OUC is a municipal utility, and the state’s seventh largest TYSP utility.  The utility’s 
service territory is within the FRCC region, and serves the Orlando metropolitan area.  As OUC 
is a municipal utility, the Commission’s regulatory authority is limited to safety, rate structure, 
territorial boundaries, bulk power supply, operations, and planning. 

Load and Energy Forecast 

In 2012, OUC had approximately 213,300 customers, with annual retail energy sales of 
5,851 GWh, or approximately 3 percent of the state of Florida’s NEL.  Total number of 
customers and annual energy consumption by customer class are below in Figure 56. 

Figure 56: OUC - Number of Customers and Energy Usage by Class 

  
Source: 2013 TYSP Schedule 2 

Figure 57 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, OUC has 
increased its number of customers by 20.4 percent, and retail energy sales have increased by 7.3 
percent.  The company forecasts continued positive growth throughout the planning period, with 
retail energy sales exceeding the historic 2008 peak by 2014. 

Figure 57: OUC - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 58 show OUC’s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon.  Figure 58 below includes 
the effect of the utility’s DSM programs. 

Figure 58: OUC - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 

 
Source: 2013 TYSP Schedule 3 
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Generation Resources 

Fuel Diversity 

Figure 59 shows OUC’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.  Natural gas is the primary fuel on OUC’s system in 2012, contributing 46.3 percent of 
system energy.  This is projected to decline to under a quarter of system energy by 2022, with 
coal producing approximately two-thirds of system energy by the end of the planning period. 

Figure 59: OUC - Fuel Diversity (History & Forecast) 

 
Source: 2013 TYSP Schedule 6 

Planned Generation  

OUC’s 2013 TYSP did not contain any planned generation additions.  This represents a 
decrease from the company’s 2012 TYSP, which included a single combustion turbine. 
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Reserve Margin  

OUC maintains a 15 percent reserve margin based on FRCC planning requirements.  
Figure 60 displays the forecasted planning reserve margin for OUC through the planning period 
for both seasons, including the effects of projected conservation activities.  As shown in the 
figure, OUC is a summer-peaking utility and has sufficient reserve margin to meet projected 
customer demands for both seasons throughout the planning period. 

Figure 60: OUC - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: Based on 2013 TYSP Schedules 3 & 7 
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Seminole Electric Cooperative (SEC) 

SEC is a generation and transmission rural electric cooperative that serves only wholesale 
customers that purchase power from SEC under long-term wholesale power contracts, and is 
collectively the state’s fourth largest TYSP utility.  SEC is within the FRCC Region, with load 
serviced throughout the State of Florida.  Its generation assets are primarily within the central 
region.  As SEC is a rural electric cooperative, the Commission’s regulatory authority is limited 
to safety, rate structure, territorial boundaries, bulk power supply, operations, and planning 

Load and Energy Forecast 

In 2012, SEC’s members had approximately 850,000 customers, with annual retail 
energy sales of 14,387 GWh, or approximately 6.7 percent of the state of Florida’s NEL.  Total 
number of customers and annual energy consumption by customer class are below in Figure 61. 

Figure 61: SEC - Number of Customers and Energy Usage by Class 

 
Source: 2013 TYSP Schedule 2 

 Figure 62 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, SEC’s 
member cooperatives had increased the number of customers by 12.3 percent and retail sales by 
3.6 percent.  The company forecasts a decline in 2014 due to the loss of Lee County Electric 
Cooperative, which will purchase power from FPL. but otherwise positive annual growth over 
the planning period, with retail energy sales exceeding the historic 2007 peak by 2021. 

Figure 62: SEC - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 63 show SEC’s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon.  Figure 63 below includes 
the effect of member cooperative’s DSM programs. 

Figure 63: SEC - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 

 
Source: 2013 TYSP Schedule 3 
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Generation Resources 

Fuel Diversity 

Figure 64 shows SEC’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.  SEC’s primary generation fuel is coal, with 49.2 percent of system energy generated 
by coal.  Coal usage has declined however, primarily with the increase of natural gas, which is 
the next highest fuel for SEC’s system energy.  Natural gas has risen to 44.4 percent of system 
energy in 2012, up from only 14.4 percent in 2003.  Coal is anticipated to remain the main 
system fuel throughout the planning period, making up 52.5 percent in 2022, although natural 
gas is projected to increase its share of system energy to 43.3 percent in 2022. 

Figure 64: SEC - Fuel Diversity (History & Forecast) 

 
Source: 2013 TYSP Schedule 6 

Planned Generation  

SEC’s 2013 TYSP includes a total of nine planned generating units, two combined cycles 
and seven combustion turbines.  With the exception of one of the combined cycle units, all are to 
be sited at a location to be determined in Gilchrist County.  The planned units are detailed below 
in Table 22.  This represents a decrease in the number and total capacity of generation additions 
from the company’s 2012 TYSP, which included three combined cycle units and nine 
combustion turbines. 

Table 22: SEC - Planned Generation Additions 

Generating Unit Name Generator Type 
Summer 

Capacity (MW) 
In-Service 

Date 
PPSA 

Natural Gas Units 
Unnamed CT 1 Combustion Turbine 198 12/2019 N/A
Unnamed CC 1 Combined Cycle 192 12/2020 Required 
Unnamed CC 2 Combined Cycle 192 12/2020 Required 
Unnamed CT 2 Combustion Turbine 198 12/2020 N/A
Unnamed CT 3 Combustion Turbine 198 12/2020 N/A
Unnamed CT 4 Combustion Turbine 198 12/2021 N/A
Unnamed CT 5 Combustion Turbine 198 12/2021 N/A
Unnamed CT 6 Combustion Turbine 198 12/2021 N/A
Unnamed CT 7 Combustion Turbine 198 12/2021 N/A
Source: 2013 TYSP Schedule 8 
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Reserve Margin  

SEC is within the FRCC region and is required to meet a 15 percent reserve margin 
requirement for planning purposes.  Figure 65 displays the forecasted planning reserve margin 
for SEC through the planning period for both seasons, including the effects of projected 
conservation activities.  The impact of demand response programs on reserve margin is also 
included.  As shown in the figure, SEC has sufficient reserve margin to meet projected customer 
demands for both seasons throughout the period when including demand response. 

Figure 65: SEC - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: Based on 2013 TYSP Schedules 3 & 7 
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City of Tallahassee Utilities (TAL) 

TAL is a municipal utility, and the state’s second smallest TYSP utility.  The utility’s 
service territory is within the FRCC region, in Leon County, and primarily serves the City of 
Tallahassee.  As TAL is a municipal utility, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning. 

Load and Energy Forecast 

In 2012, TAL had approximately 115,000 customers, with annual retail energy sales of 
2,604 GWh, or approximately 1.2 percent of the state of Florida’s NEL.  Total number of 
customers and annual energy consumption by customer class are below in Figure 66. 

Figure 66: TAL - Number of Customers and Energy Usage by Class 

  
Source: 2013 TYSP Schedule 2 

Figure 67 illustrates the company’s historic and projected growth as a percentage of its 
total number of customers and retail energy sales in 2003.  Over the last ten years, TAL has 
increased its total number of customers by 15.5 percent, while only increasing retail energy sales 
by 0.1 percent.  The company forecasts continued positive growth for the next ten years, with 
retail energy sales exceeding the historic 2007 peak by 2017. 

Figure 67: TAL - Customer and Retail Energy Sale Growth Since 2003 

 
Source: 2013 TYSP Schedule 2 
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Seasonal Peak Demand & Annual Energy for Load 

The following three graphs in Figure 68 show TAL’s historic peak demand for both the 
summer and winter seasons, and net energy for load for the years 2003 through 2012.  The 
forecasted values are also shown through the current planning horizon, including the effect of 
DSM.  As seen below, TAL has a demand response program for summer peak demand, but not 
for the winter period. 

Figure 68: TAL - Seasonal Peak Demand and Annual Energy Consumption  
(Historic & Forecast) 

 
Source: 2013 TYSP Schedule 3 
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Generation Resources 

Fuel Diversity 

Figure 69 shows TAL’s historic fuel mix for 2003 and 2012, and the projected fuel mix 
for 2022.  TAL relies almost exclusively on natural gas for its generation, excluding some small 
amount of purchases from other utilities.  This dependency is anticipated to remain throughout 
the planning period, with only natural gas-fired generation to be added, and purchases from other 
utilities forecasted to decrease. 

Figure 69: TAL - Fuel Diversity (History & Forecast) 

 
Source: 2013 TYSP Schedule 6 

Planned Generation  

TAL’s 2013 TYSP includes a single generating unit addition at their existing Hopkins 
plant site in Leon County.  The unit is detailed below in Table 23.  This represents an increase 
over the company’s 2012 TYSP, which included no generation additions. 

Table 23: TAL - Planned Generation Additions 

Generating Unit Name Generator Type 
Summer 

Capacity (MW) 
In-Service 

Date 
PPSA 

Natural Gas Units 
Hopkins 5 Combustion Turbine 46 5/2020 N/A 
Source: 2013 TYSP Schedule 8 
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Reserve Margin  

TAL is within the FRCC region and is required to meet a 15 percent reserve margin 
requirement.  However, TAL has adopted a 17 percent planning reserve margin requirement.    
Figure 70 displays the forecast planning reserve margin for TAL through the planning period for 
both seasons including the effects of projected conservation activities.  The impact of the utility’s 
demand response programs, which are focused on summer demand only, is also included in the 
summer reserve margin.  As shown in the figure, TAL is a summer peaking utility and has 
sufficient reserve margin to meet projected customer demands throughout the period when 
including demand response.  

Figure 70: TAL - Seasonal Reserve Margin (Summer & Winter) 

 

 
Source: Based on 2013 TYSP Schedules 3 & 7 
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• Citrus County 
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Rick Scott 
GOVERNOR 

Mr. Phillip Ellis 
Engineering Specialist Ill 
Florida Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, Florida 32399-0850 

Dear Mr. Ellis: 

FLORIDA DEPARTMENT •/ 
ECONOMIC OPPORTUNITY 

July 18, 2013 

Jesse Panuccio 
EXECUTIVE DIRECTOR 

At your request we have reviewed the 2013 Ten-Year Site Plans ofthe electric utilities. 
The Department of Economic Opportunity's review focused on potential sites for future power 
generation, and the compatibility of those sites with the applicable local comprehensive plan, 
including the adopted future land use map, adjacent land uses, and natural resources on or 
adjacent to the potential sites. 

Our review ofthe 2013 Ten-Year Site Plans addressed ten potential power plant sites 
identified in the Ten-Year Site Plans ofthe following utilities: Florida Power & Light Company, 
Gulf Power Company, and Seminole Electric Cooperative. None of the potential sites were 
found to be incompatible with the applicable local comprehensive plan. 

Should you have any questions regarding these comments, please call Scott Rogers, 
Planning Analyst, at (850) 717-8510, or by email at scott.rogers@deo.myflorida.com. 

r:zi"X t11 ~d~ 
Mike McDaniel 
Comprehensive Planning Manager 

MM/sr 

Enclosure: Department Comments 
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2013 Ten-Year Site Plan Review 

Three utilities, Gulf Power, Florida Power and Light, and Seminole Electric, have identified a 
total of ten potential sites for future power generation. Potential sites are identified in Rule 25-
22.070, F.A.C., as "sites within the state that an electric utility is considering for possible 
location of a power plant, a power plant alteration, or an addition resulting in an increase in 
generating capacity." These sites are discussed below. 

1. Gulf Power 

In its Ten-Year Site Plan, Gulf Power stated it will consider four properties as potential sites for 
future generating facilities. Two potential sites contain existing power plants: Plant Crist site in 
Escambia County and Plant Smith Site in Bay County. Two potential sites are undeveloped: 
Caryville Site in Holmes and Washington Counties and North Escambia Site in Escambia County. 

A. Plant Crist Site. This site, located in Escambia County, is designated Industrial and 
Agriculture on the adopted Future land Use Map (FLUM). Electric power generation facilities 
are an allowed use in the Industrial category and may be allowed as a conditional use in 
Agriculture through the land Development Code. The northern and eastern parts of the site 
are located in the coastal high hazard area and contain wetlands and 100-year floodplain. 
Adjacent land uses are Industrial, Conservation, Agriculture, and Mixed-Use Suburban. 

For information regarding the location of the coastal high hazard area relative to the site, 
contact Julie Dennis with the Department of Economic Opportunity, Bureau of Comprehensive 
Planning, at (850) 717-8478. For wetland compatibility issues, contact the Department of 
Environmental Protection (DEP) Office of Submerged lands and Environmental Resources at 
(850) 245-8474. For information on floodplain compatibility, contact the State of Florida 
Floodplain Management Office at (850) 413-9960. 

B. Plant Smith Site. located in Bay County, the Plant Smith site is adjacent to the North Bay 
area of St. Andrews Bay. The site is located in the Category 1, 2, 3 and 4 storm surge zones. It 
is designated Industrial and Conservation on the adopted FlUM. Public utilities are allowed 
uses in both Industrial and Conservation. Adjacent land uses are Agriculture-Timber and 
Conservation. Wetlands and 100-year floodplains are also located onsite. 

For further information regarding the location of storm surge zones relative to the site, Gulf 
Power should contact Julie Dennis with the Department of Economic Opportunity, Bureau of 
Comprehensive Planning, at (850) 717-8478. For assistance with wetland compatibility issues, 
contact the DEP Office of Submerged lands and Environmental Resources at (850) 245-8474. 
For information on floodplain compatibility, contact the State of Florida Floodplain 
Management Office at (850) 413-9960. 
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C. Caryville Site. The Caryville site is located in Holmes County, Washington County, and the 
City of Caryville, and it is adjacent to t he Choctawhatchee River. The site is designated 
Agriculture in Holmes County, Agriculture/Silviculture in Washington County, and Agriculture 
and Conservation in Caryville. In all three jurisdictions, public utilities are allowed in areas 
designated Agriculture. The site is su rrounded by agricultural land uses. Floodplain and 
wetland areas exist throughout the site. 

Gulf Power should contact the following DEP offices for further information: {1) for 
compatibility with Outstanding Florida Waters, contact the Standards and Assessment section 
at {850) 245-8064; and (2) for wetland compatibility issues, contact the Office of Submerged 
Lands and Environmental Resources at (850) 245-8474. For information on floodplain 
compatibility, contact the State of Florida Floodplain Management Office at {850) 413-9960. 

D. Northern Escambia Site. The site is located in northern Escambia County, approximately five 
miles southwest of the City of Century and west of the Escambia River. The Escambia County 
Future Land Use Map designates the site predominantly as Agriculture with a very small part 
designated as Rural Community. Elect ric power generation facilities may be allowed as a 
conditional use in Agriculture and Rural Community through the land development code. The 
site is surrounded predominantly by Agriculture future land uses and a small area of Rural 
Community. The site and surrounding area are primarily used for timber harvesting and 
agricultural use, and the site is in close proximity to transmission, natural gas pipelines, railroad, 
major highways and access to water. The site contains a substantial amount of uplands with 
some wetlands, and Mitchell Creek that traverses the site. 

For information regarding wetland compatibility issues, contact the Department of 
Environmental Protection Office of Submerged Lands and Environmental Resources at {850) 
245-8474. 

2. Florida Power and light. Florida Power and Light (FPL) has identified five potential sites as 
described below. 

A. Babcock Ranch, Charlotte County. This site is designated Babcock Ranch Overlay District 
(BROD) on the FLUM. The Development Order for the Babcock Ranch Development of Regional 
Impact (DRI) identifies this site as a Primary Active Greenway approved for the placement of 
solar generating facilities. Adjacent land uses to the east, west and south are also BROD. Land 
north of the site is designated Resource Conservation. The BROD is being developed under a 
cohesive set of policies, guided by the County's comprehensive plan, through the Master 
Incremental DRI process. No environmental or other compatibility issues have been identified 
for this site. 

B. DeSoto Solar Expansion, DeSoto County. This site is designated Electrical Generating Facility 
on the County's adopted Future Land Use Map. The surrounding FLUM designations are 
Electrical Generating Facility and Rural/ Agriculture. The site has been disturbed as a result of 
agricultural activities on the property. The site is adjacent to an existing transportation corridor 

APPENDIX A



with roadway capacity. Demands on water facilities have already been considered in the 
growth projections ofthe County's comprehensive plan. No environmental or other 
compatibility issues have been identif ied for this site. 

C. Manatee Plan site, Manatee County. This site is designated Public/Semipublic-2 on the 
adopted FLUM. Power generating facilities are an allowed use in this FLUM category. Adjacent 
uses are Public/Semipublic-2 and Agricultural-Rural. The site is also adjacent to Lake Parrish, 
which provides water to the existing power facility. Much of the property is disturbed due to 
agricultural activities onsite. No environmental or other compatibility issues have been 
identified for this site. 

D. Martin County site. FPL is currently evaluating potential sites in Martin County for a future 
solar facility. No specific locations have been selected. The County's adopted comprehensive 
plan contains provisions for siting power generating facilities which use renewable energy 
sources. Future Land Use Policy 4.8C.l allows alternative energy facilities in appropriate zoning 
districts. The policy states that "As the technology for wind, solar and other forms of power 
generation advance, the Land Development Regulations shall be revised to permit different 
forms of power generation in appropriate zoning districts." Policy 4.13A.12, which addresses 
the Public Utilities future land use category, states that "electrical power facilities solely 
utilizing solar, wind or other renewable energy fuel or energy source may be permitted in any 
other Future Land Use Designation, consistent with the Land Development Regulations." 

For assistance with wetland compatibility issues, FPL should contact the Office of Submerged 
Lands and Environmental Resources at (850) 245-8474. For information on floodplain 
compatibility, contact the State of Florida Floodplain Management Office at (850) 413-9960. 

E. Putnam County site. FPL is currently evaluating potential sites in Putnam County for a future 
solar facility or natural gas-powered facility. No specific locations have been identified. Sites 
currently under investigation are approximately 2,800 acres in area. The Industrial and 
Community Facilities and Services land use categories allow electrical generating plants. The 
County's Comprehensive Plan contains policies that address compatibility and suitability of land 
uses, as well as directing development away from environmentally sensitive lands. 

3. Seminole Electric. 

Seminole Electric has identified one site, a 350-acre parcel located northeast of the City Bell in 
Gilchrist County, as a potential power plant site. Much of the site has been used for silviculture 
(pine plantation) and consists of large t racts of planted longleaf and slash pine community. The 
site is designated Agricultural on the adopted Future Land Use Map. Electric generating 
facilities may be permitted as a special use in areas designated Agricultural. Issues that would 
be considered by the County through the special use review process include the amount of 
water projected to be used by the facility, the impact of water use on agricultural activities, and 
the impact of the facility on natural resources, including aquifer recharge areas and wetlands. 
The Gilchrist parcel is located near the Wacasassa Flats, a 50,000-acre high quality wetlands-to-
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uplands ecosystem located in the middle of the County. Wacasassa Flats is a perched water 
table system that provides significant water storage, water filtering and wildlife habitat. 

For assistance with wetland compatibility issues, Seminole Electric should contact the Office of 
Submerged Lands and Environmental Resources at (850) 245-8474. For information on 
floodplain compatibility, contact the State of Florida Floodplain Management Office at (850) 
413-9960. 

4. Utilities With No Potential Sites Identified in the TYSP: The following utilities identified no 
potential sites in their TYSPs: Gainesville Regional Utilities, Progress Energy Florida, Lakeland 
Electric, City of Tallahassee, Florida Municipal Power Agency, Tampa Electric Company, JEA, and 
Orlando Utilities Commission. 
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From: Bull, Robert
To: Phillip Ellis
Cc: Mulkey, Cindy
Subject: DEP Siting Coordination Office Ten Year Site Plan Review
Date: Monday, July 22, 2013 10:57:45 AM

The Department of Environmental Protection’s Siting Coordination Office (SCO) has
reviewed the 2013 Ten Year Site Plans for Florida’s Electric Utilities and found the
documents to be adequate for planning purposes.  Thank you for the opportunity to review
and comment on the plans.  If you have any questions for our office, feel free to contact me.
 
Thank you,
 
Bobby Bull, P.E.
Florida Department of Environmental Protection
Siting Coordination Office
2600 Blairstone Road, MS 5500
Tallahassee, FL 32399-2400
robert.bull@dep.state.fl.us
850/717-9111
 

Please take a few minutes to share your comments on the service you received from the department
by clicking on this link DEP Customer Survey.
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RECEI,l;3:D 
JUN 2 7 2013 

BY: 

Florida Department of Transportation 
RICK SCOTT 
GOVERNOR 

Phillip Ellis 
Division of Regulatory Analysis 
Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, FL 32399-0850 

Dear Mr. Ellis: 

605 Suwannee Street 
Tallahassee, FL 32399-0450 

June 26, 2013 

ANANTH PRASAD, P.E. 
SECRETARY 

The Siting Coordination Office has reviewed the ten-year site plans and find these are 
suitable as planning documents. If you have any questions please feel free to call me at 
(850)414-4572. 

Sincerely, 

Connie Mitchell 
Siting Coordination Office 

www .dot.state.fl. us 
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Regional Planning Councils 

• Central Florida Regional Planning Council 

• East Central Florida Regional Planning Council 

• North Central Florida Regional Planning Council 

• Northeast Florida Regional Planning Council 

• Treasure Coast Regional Planning Council 
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August 1, 2013

Phillip Ellis

State of Florida Public Service Commission

Capital Circle Office Center

2540 Shumard Oak Blvd

Tallahassee, FL 32399

Dear Mr. Ellis,

RE: Review of 2013 Ten-Year Site Plans for Florida's Electric Utilities

The CFRPC reviewed ten year site plans from Lakeland Electric, Orlando Utilities Commission,
Progress Energy Florida, Tampa Electric Company, and Seminole Electric Cooperative as
included on the Public Service Commission's website. As requested in the letter dated May 21,
2013, a brief summary and comments related to the suitability of the above mentioned plans as
planning documents is below.

Lakeland Electric:

The plan states that there are no planned facilities for the 10-year planning reporting
period. There are also no upgrades of existing facilities planned.

This document is suitable for a planning document at a regional level because it
provides insight on the development of areas within a portion of the region through
current demand and forecast demand. It also is helpful to know what energy
conservation and management programs are being utilized as well as the environmental
and land impacts are predicted to occur for the overall planning of the region's growth
and development and protection.

This document is also written in a manner that makes it easy for non-utility planners to
understand. However, due to the scanning or production process, the figures included
in the document are blurry and very hard to read.

Orlando Utilities Commission:

According to the plan, no facilities are planned within the Central Florida Regional
Planning Council Region for the 10-year planning reporting period. The plan discusses
upgrades of existing facilities. Unfortunately, since there is not a map included to show
where these facilities are located, it is not possible to determine which of them may be
in the region.

CFNFRAl FLUluDA REGIONAl l'I ANNING COUNCll

555 EAST CHURCH STRFEl. BARf0W, FL 33830-3931: RO. P>oX 2089 BARTOW, Fl.33831-2089
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Phillip Ellis
State of Florida Public Service Commission
Capital Circle Office Center
2540 Shumard Oak Blvd
Tallahassee, FL 32399
Page 2 of 3

This document is suitable for a planning document at a regional level because it
provides information as to facilities located within the region. It is somewhat less
suitable as a planning document at providing insight on the development through
current demand and forecast demand because it cannot be extrapolated to a regional or
county level the document does not provide clear information on the areas. This
document would also be more helpful as a planning document with the inclusion of a
service area map.

Progress Energy Florida, Inc:

According to the plan, no facilities are planned within the Central Florida Regional
Planning Council Region for the 10-year planning reporting period. However, two
facilities are estimated to be put in cold stand by or retired by 2016. There are also no
upgrades of existing facilities planned in these areas.

This document is suitable for a planning document at a regional level because it
provides information as to the proposed locations of planned new facilities. It is
somewhat less suitable as a planning document at providing insight on the development
through current demand and forecast demand because it cannot be extrapolated to a
regional or county level because Progress Energy's boundaries cover so much of the
State of Florida. It is helpful to know what energy conservation and management
programs are being utilized as well as the environmental and land impacts are predicted

to occur for the overall planning of the region's growth and development and
protection.

Seminole Electric Cooperative:

According to the plan, no facilities are planned within the Central Florida Regional
Planning Council Region for the 10-year planning reporting period. There are also no
upgrades of existing facilities planned in these areas.

This document is suitable for a planning document at a regional level because it
provides information as to facilities located within the region. It is somewhat less
suitable as a planning document at providing insight on the development through
current demand and forecast demand because it cannot be extrapolated to a regional or
county level because Seminole Electric Cooperative services so much of the State of
Florida.

Tampa Electric Company:
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Phillip Ellis
State of Florida Public Service Commission
Capital Circle Office Center
2540 Shumard Oak Blvd
Tallahassee, FL 32399
Page 3 of 3

According to the plan, no facilities are planned within the Central Florida Regional
Planning Council Region for the 10-year planning reporting period. However, there is a
planned expansion at the Polk Power Station in Polk County. In addition, there is

mention of a possible fuel conversion to biodiesel at the Phillips Station located in
Highlands County, which was placed in long term reserve standby in 2009.

This document is suitable for a planning document at a regional level because it
provides information as to the proposed locations of planned new expansions and
because it provides insight on the development of areas within a portion of the region
through current demand and forecast demand. It also is helpful to know what energy
conservation and management programs are being utilized as well as the environmental
and land impacts are predicted to occur for the overall planning of the region's growth
and development and protection.

The proposed expansions/potential sitings as identified in the ten year power plant plans as
submitted are consistent with the Central Florida Regional Planning Council Strategic Regional
Policy Plan (SRPP). Thank you for the opportunity to review these electric utility ten year site

plans.

Sincerely,

Marisa M. Barmby, AICP
Senior Planner
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MEMORANDUM 
 
To: Phillip Ellis, Florida Public Service Commission 
 

From: Hugh W. Harling, Jr., Executive Director 
            Tara M. McCue, AICP, Director of Planning and Community Design 

 
Date: August 1, 2013 
 

Subject: 2013 Ten-Year Site Plans Review 
- Florida Power and Light 
- Orlando Utilities Commission 
- Progress Energy 
 

The East Central Florida Regional Planning Council staff has completed a review of the 2013 Ten-Year Site 
Plans for the agencies listed above.  Staff comments to each utility are italicized below. 
 

Florida Power and Light (FPL) 
Staff finds the document to be suitable for planning purposes.  Council staff will provide further comments on 
environmental and regional impacts when new or modified units, projects or transmission lines are proposed 
and additional data and information are provided. 
 

Orlando Utilities Commission (OUC) 
Staff finds the document to be suitable for planning purposes.  Council staff will provide further comments on 
environmental and regional impacts when new or modified units, projects or transmission lines are proposed 
and additional data and information are provided. 
 
Progress Energy Florida (PEF) 
Staff finds the document to be suitable for planning purposes.  Council staff will provide further comments on 
environmental and regional impacts when new or modified units, projects or transmission lines are proposed 
and additional data and information are provided. 
 
If you require any further information or comments, please contact Tara McCue, AICP at tara@ecfrpc.org or 
by phone at (407) 262-7772 

 

 

 

 

 

 

• •  
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Serving 

Alachua • Bradford 

Columbia • Dixie • Gilchrist 

Hamilton • Lafayette • Madison 

Suwannee • Taylor • Union Counties 

Central 
Florida 
Regional 
Planning 
Council 2009 NW 67th Place, Gainesville, FL 32653-1 603 • 352.955.2200 

July 16, 2013 

Mr. Phillip Ellis 
Division ofRegulatory Analysis 
Florida Public Service Commission 
Capitol Circle Office Center 
2540 Shumard Oak Blvd 
Tallahassee, FL 32399-0850 

RE: Regional Review ofTen-Year Site Plan, 2013-2022 
Seminole Electric Cooperative, Inc. 

Dear Mr. Ellis: 

Pursuant to Section 186.801, Florida Statutes, Council staffhas reviewed the proposed Ten-Year Site 
Plan and provides the following comments. 

The above-referenced ten-year site plan proposes to construct eight natural gas-powered electrical 
generation stations by 2022 to be located within Gilchrist County. The combined summer electrical 
generating capacity of the stations will be 1,770 megawatts, while the combined winter electrical 
generating capacity of the stations will be 2,080 megawatts. The ten-year site plan notes that 385 
megawatts of the summer generating capacity and 456 megawatts of the winter generating capacity will 
be cooled by water using wet cooling towers with forced air draft fans . 

The subject property of the Gilchrist County site is located adjacent to Waccasassa Flats, a Natural 
Resource of Regional Significance as identified and mapped in the North Central Florida Strategic 
Regional Policy Plan. Page IV-55 of the North Central Florida Strategic Regional Policy Plan notes the 
following regarding Waccasassa Flats. 

Occupying approximately 61,653 acres, Waccasassa Flats runs down the center of Gilchrist 
County. The flats are part of a larger wetland system which runs into Levy County and the 
Withlacoochee Regional Planning District. During the rainy season, waters in the aquifer build 
up sufficient pressure to spill out of the many sinkholes and ponds scattered throughout the flats 
to inundate the area. 

The area is predominantly comprised of commercial pine plantation. Pine stands are interspersed 
among numerous cypress ponds, depression marshes, hydric hammock, and other wetland 
communities. Several lakes (the largest of which is 150 acres), small areas of upland hardwood 
forest, sandhill, and other minor natural communities contribute to the diversity of the flats. 

Applicable regional plan goals and policies include the following: 

REGIONAL GOAL 4.7. Maintain the quantity and quality ofthe region's surface water systems 
in recognition of their importance to the continued growth and development of the region. 

Dedicated to improv ing the quality of life of the Region ' s cit izens, 
by coordinating growth management, protecting reg ional resources, 

promoting economic development and providing technical services to local governments . 
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Policy 4.7.5. Use non-structural water management controls as the preferred water management 
approach for rivers, lakes, springs, and fresh water wetlands identified as natural resources of 
regional significance. 

Policy 4.7.6. Support the coordination of land use and water resources planning for surface water 
resources designated as natural resources of regional significance among the Council, local 
governments, and the water management districts through regional review responsibilities, 
participation in committees and study groups, and ongoing communication. 

Policy 4.7.12. Ensure that local government comprehensive plans, DRis, and requests for federal 
and state funds for development activities reviewed by the Council include adequate provisions 
for storm water management, including retrofit programs for known surface water runoff problem 
areas, and aquifer recharge protection in order to protect the quality and quantity of water 
contained in the Floridan Aquifer and surface water systems identified as natural resources of 
regional significance. 

Policy 4.7.13. Work with local governments, state and federal agencies, and the local water 
management districts in the review of local government comprehensive plans and developments 
of regional impact as they affect wetlands identified as natural resources of regional significance 
to ensure that any potential adverse impacts created by the proposed activities on wetlands are 
minimized to the greatest extent possible. 

The proposed electrical power generation site to be located in Gilchrist County will be consistent with the 
regional plan provided the water consumption of the electrical generating stations does not result in 
significant and adverse impacts to the wetland functions ofWacassassa Flats. However, the ten-year site 
plan does not indicate the water source or the amount of water to be used to cool the electrical generating 
stations. Additionally, the ten-year site plan does not provide an analysis of environmental impacts to 
Wacassassa Flats of the withdrawal of groundwater used to cool the electrical generating units. 

Therefore, it is recommended that the ten-year site plan include information on the water consumption of 
the electrical generating stations as we!l as an analysis of envircmmental impacts to Wacassassa F!ats as a 
result of their water consumption. Finally, it is recommended that an alternative environmental impact 
analysis be provided whereby 100 percent ofthe electrical generation capacity ofthe site is cooled using 
air. 

If you have any questions concerning this matter, please do not hesitate to contact Steven Dopp, Senior 
Planner of the Planning Council's Regional and Local Government Programs staff, at 352.955.2200, 
extension 109. 

Sincerely, 

Scott R. Koons, AICP 
Executive Director 

v:\chouse\responses\20 12-13 _ 60-docx 
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Alachua • Bradford 

Columbia • Dixie • Gilchrist 

Hamilton • Lafayette • Madison 

Suwannee • Taylor • Union Counties 

Central 
Florida 
Regional 
Planning 
Council 2009 NW 67th Place, Gainesville, FL 32653 -1 603 • 352. 955. 2200 

REGIONAL CLEARINGHOUSE 
INTERGOVERNMENTAL COORDINATION AND RESPONSE 

Date: 7-16-13 

PROJECT DESCRIPTION 

#60- Seminole Electric Cooperative, Inc., Ten-Year Site Plan 2013 -2022 

TO: Mr. Phillip Ellis 
Division of Regulatory Analysis 
Florida Public Service Commission 
Capitol Circle Office Center 
2540 Shumard Oak Blvd 
Tallahassee, FL 32399-0850 

_x_ COMMENTS ATTACHED 

NO COMMENTS REGARDING TillS PROJECT 

IF YOU HAVE ANY QUESTIONS REGARDING THESE COMMENTS, PLEASE CONTACT 
STEVEN DOPP, SENIOR PLANNER, AT THE NORTH CENTRAL FLORIDA REGIONAL 
PLANNING COUNCIL AT (352) 955-2200 OR SUNCOM 625-2200, EXT 109 

Dedicated to improving the quality of life of the Region's citizens, 
by coordinating growth management, protecting regional resources, 

promoting economic development and providing technical services to local governments. 

APPENDIX A



Serving 

Alachua • Bradford 

Colurnbia • Dixie • Gilchrist 

Harnilton • Lafayette • Madison 

Suwannee • Taylor • Union Counties 

Central 
Florida 
Regional 
Planning 
Council 2009 N\1\/ 67th Place, Gainesville, FL 32653 -1 603 • 352. 955. 2200 

REGIONAL CLEARINGHOUSE 
INTERGOVERNMENTAL COORDINATION AND RESPONSE 

Date: 7-16-13 

PROJECT DESCRIPTION 

#58- Progress Energy Florida, Inc. Ten-Year Site Plan, 2013-2023 

TO: Mr. Phillip Ellis 
Division ofRegulatory Analysis 
Florida Public Service Commission 
540 Shumard Oak Blvd. 
Tallahassee, FL 32399-0850 

CO~ENTSATTACHED 

__x_ NO COMMENTS REGARDING THIS PROJECT 

IF YOU HAVE ANY QUESTIONS REGARDING THESE COMMENTS, PLEASE CONTACT 
STEVEN DOPP, SENIOR PLANNER, AT THE NORTH CENTRAL FLORIDA REGIONAL 
PLANNING COUNCIL AT (352) 955-2200 OR SUNCOM 625-2200, EXT 109 

Dedicated to improving the quality of life of the Region ' s citizens, 
by coordinating growth management, protecting regional resources, 

promoting economic development and providing technical services to local governments. 
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REGIONAL CLEARINGHOUSE 
INTERGOVERNMENTAL COORDINATION AND RESPONSE 

Date: 7-16-13 

PROJECT DESCRIPTION 

#59- Gainesville Regional Utilities- 2013 Ten-Year Site Plan 

TO: Mr. Phillip Ellis 
Division ofRegulatory Analysis 
Florida Public Service Commission 
540 Shumard Oak Blvd. 
Tallahassee, FL 32399-0850 

CO~ENTSATTACHED 

___x_ NO COMMENTS REGARDING THIS PROJECT 

IF YOU HAVE ANY QUESTIONS REGARDING THESE COMMENTS, PLEASE CONTACT 
STEVEN DOPP, SENIOR PLANNER, AT THE NORTH CENTRAL FLORIDA REGIONAL 
PLANNING COUNCIL AT (352) 955-2200 OR SUNCOM 625-2200, EXT 109 

Dedicated to improving the quality of life of the Region's citizens, 
by coordinating growth management, protecting regional resources, 

promoting economic development and providing technical services to local governments. 
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June 7, 2013 

Ref!ional 

Coun<:il 

Ms. Jeanette Sickel 
Florida Public Service Commission 
Division of Economic Regulation 
2540 Shumard Oak Blvd. 
Tallahassee, FL 32399-0850 

Dear Ms. Sickel: 

Bringing Communities Together 

Baker • Clay • Duval • Fla~ler • Nassau • Putnam • St. johns 

Please find attached the Northeast Florida Regional Council's review for JEA's ten-year 
site plan. 

JEA Ten-year Site Plan: The ten-year site plan, as required by Section 186.801 of the 
Florida Statutes (F.S.), was reviewed by the Northeast Florida Regional Council staff. 

Action taken: Staffs review was approved by the Council and authorized for 
transmittal to the Florida Public Service Commission. 

If you have any further requests or questions, please contact Ms. Ameera Sayeed, Senior 
Regional Planner, (904) 279-0885, ext. 151 or asayeed@nefrc.org. 

Edward Lehman 
Director of Planning & Development 

Attachment 

EL/ag 

RECEIVED 
JUN 21 Z013 

BY: 

6850 Belfort Oaks Place • j acksonvi lle, FL 322 16 • (904) 279-0880 • Fax (904) 279-0881 • Suncom 874-0880 • Suncom fax 874-0881 
WEB SIT[: www. nefrc.arQ • EMAIL: nefrc@nefrc.arQ 
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DATE: 

TO: 

THRU: 

FROM: 

RE: 

ReQional 

council 

May 31,2013 

Brlnfllnfl Communities Toflether 
Baker • Clay • Duval • Flagler • Nassau • Putnam • St. Johns 

MEMORANDUM 

Northeast Florida Regional Council 

Planning and Growth Management Policy Committee 
!() 

fr> 
Ameera F. Sayeed, GISP, Senior Regional Planner 

Review of JEA Ten-Year Power Plant Site Plan 2013-2022 

Introduction 
Each year every electric utility in the State of Florida produces a ten-year site plan that includes 
an estimate of future electric power generating needs. The purpose of the ten-year site plan is to 
disclose the general location of proposed power plant sites and facilitate coordinated planning 
efforts. Pursuant to Section 186, Florida Statues, Council staff reviewed the most recent ten-year 
site plan prepared by the Jacksonville Electric Authority (JEA). The purpose of this report is to 
summarize JEA's plans for future power generation and provide comments for transmittal to the 
Florida Public Service Commission (Commission). 

Statutory Authority 
Section 186.801, Florida Statutes, requires that all major generating electric utilities in Florida 
submit a Ten-Year Site Plan to the Commission for review. Each Ten-Year Site Plan contains 
projections of the utility's electric power needs for the next ten years and the general location of 
proposed power plant sites and major transmission facilities. In accordance with the statute, the 
Commission performs a preliminary study of each Ten-Year Site Plan and must determine 
whether it is "suitable" or "unsuitable". In conducting its review, the Commission considers the 
views of appropriate local and state agencies. The Northeast Florida Regional Council reviews 
electric utility Ten-Year Site Plans within the region and submits comments to the Commission 
for review. The Commission forwards the Ten-Year Site Plan review, upon completion, to the 
Florida Department of Environmental Protection (DEP) for use in subsequent power plant siting 
proceedings. To fulfill the requirements of Section 186.801, Florida Statutes, the Commission 
has adopted Rules 25-22.070 through 25-22.072, Florida Administrative Code. Electric utilities 
must file the Ten-Year Site Plan by April 1st. 
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Purpose 
The intent of the Ten-Year Site Plans is to give state, regional, and local agencies advance notice 
of proposed power plants and transmission facilities. However, the Ten-Year Site Plans are not a 
binding plan of action on electric utilities. As such, the Commission's classification of a Ten
Year Site Plan as suitable or unsuitable has no binding effect on the utility. Such a classification 
does not constitute a finding or determination in docketed matters before the Commission. The 
Commission may address any concerns raised by a utility's Ten-Year Site Plan at a public 
hearing. Because the Ten-Year Site Plans are planning documents containing tentative data, they 
may not contain sufficient information to allow regional planning councils, water management 
districts, and other reviewing agencies to evaluate site-specific issues within their jurisdictions. 
Each utility is responsible for providing detailed data, based on in-depth environmental 
assessments, during Power Plant Siting Act or Transmission Line Siting Act certification 
proceedings. 

Summary of the Plan 
JEA is the seventh largest municipally owned electric utility in the United States in terms of 
number of customers. JEA's electric service area covers most of Duval County and portions of 
Clay and St. Johns counties. JEA's service area covers approximately 900 square miles and 
serves approximately 420,000 customers. The evaluation has revealed that JEA has included in 
this ten-year plan the necessary analysis. The existing JEA electric supply resources, forecasts of 
customer energy requirements and peak demands, forecasts of fuel process and availability, and 
an analysis of alternatives for resources that would meet JEA's future capacity and energy needs 
were reported in the ten-year plan. JEA forecasts accounted for the system peak demand growth 
and energy consumption resource plan; in addition to cost considerations, environmental and 
land use considerations were amply factored into the ten-year plan. JEA had provided population 
estimates in previous ten-year site plans and it appears that the current plan no longer includes 
the population forecast and accompanying discussion. 

JEA consists of three separate entities: The JEA Electric system, the St. Johns River Power Park 
and the Robert W. Scherer system. Collectively, these plants consist of two dual-fired (petroleum 
coke/coal) Circulating Fluidized Bed steam turbine-generator units (Northside steam Units 1 and 
2); one dual-fired (oil/gas) steam turbine-generator unit (Northside steam Unit 3); five dual-fired 
(gas/diesel) combustion turbine-generator units (Kennedy GT1 and GT8, and Brandy Branch 
GTI, CT2, and CT3); two natural gas-fired combustion turbine-generator units (GEC GT1 and 
GT2); four diesel-fired combustion turbine-generator units (Northside GTs 3, 4, 5, and 6); and 
one combined cycle heat recovery steam generator unit (Brandy Branch steam Unit 4). The St. 
Johns River Power Park (SJRPP) is jointly owned by JEA (80 percent) and Florida Power and 
Light (FPL) (20 percent). SJRPP consists of two nominal 638 MW bituminous coal fired units 
located north of the Northside Generating Station in Jacksonville, Florida. 

Nuclear Generation 
In March 2008, JEA approved the policy of pursuing nuclear energy partnerships with the goal 
of providing 1 0 percent of JEA' s power from nuclear sources. In June 2008, JEA entered into a 
purchase power agreement with the Municipal Electric Authority of Georgia (MEAG) for a 
portion of MEAG's entitlement to the Vogtle Units 3 and 4, which are proposed new nuclear 
units. These two new nuclear units are under construction at the existing Plant Vogtle location in 
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Burke County, GA. JEA is entitled to net firm capacity of206 MW from the proposed units. JEA 
assumes they will have available capacity beginning in the year 2017 from Unit 3 and additional 
capacity from Unit 4 beginning in the year 2018. 

Clean Power and Renewable Energy 
JEA has pursued several clean power initiatives and is in the process of evaluating potential 
renewable energy resources. JEA has worked with the Sierra Club of Northeast Florida, the 
American Lung Association and local environmental groups to establish a process to maintain an 
action plan entitled "Clean Power Action Plan". This Plan includes an advisory Panel that is 
comprised of community representatives. Also, JEA has included in their review and planning 
installation of solar photovoltaic, solar thermal, landfill and wastewater treatment biogas 
capacity and wind capacity. Progress has extended to include installation of clean power 
systems, unit efficiency improvements, commitment to purchase power agreements (including 
nuclear power), legislative and public education activities, and research into and development of 
clean power technologies. 

Solar 
JEA has installed 35 solar PV systems, totaling 222 kW, on public high schools in Duval 
County, as well as many of JEA's facilities, and the Jacksonville International Airport. JEA 
implemented the Solar Incentive Program in early 2002. This program continues to provide 
rebates for the installation of solar thermal systems. In addition to the solar thermal system 
incentive program, JEA established a residential net metering program to encourage the use of 
customer-sited solar PV systems, which was revised as the Tier 1 & 2 Net Metering policy in 
2009, to include all customer-owned renewable generation systems up to and equal to 100 kW. 
In 2011, JEA established the Tier 3 Net Metering Policy for customer-owned renewable 
generation systems greater than 100 kW up to 2 MW. JEA signed a purchase power agreement 
with Jacksonville Solar, LLC in May 2009 to provide energy from a 15.0 MW DC rated solar 
farm, which began operation in summer 2010. 

Landfill 
JEA owns three internal combustion engine generators that are fueled by the methane gas 
produced by the landfill. JEA also receives landfill gas from the North landfill, which is fed to 
the Northside Generating Station and is used to generate power at Northside Unit 3. 

Wind 
JEA purchases 10MW of wind capacity from NPPD's (Nebraska Public Power District) and in 
tum the NPPD buys back the energy at specified on/off peak charges. JEA receives 
environmental credits associated with green projects. JEA entered into a 20-year agreement with 
Nebraska Public Power District to continue to participate in the wind generation project located 
in Ainsworth, Nebraska. 

Biomass 
JEA owns three internal combustion engine generators located at the Girvin Road landfill. This 
facility was placed into service in July 1997, and is fueled by the methane gas produced by the 
landfill. The facility originally had four generators, with an aggregate net capacity of 3 MW. Gas 
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generation has declined, and one generator was removed and placed into service at the Buckman 
Wastewater Treatment facility. 

In 2011, JEA started a co-firing biomass in the Northside Units 1 and 2, utilizing wood chips 
from JEA tree trimming activities as a biomass energy source. Northside 1 and 2 has produced a 
total of 2,154 MWh of energy from wood chips during 2011 and 2012. JEA has received bids 
from local sources to provide sized biomass for potential use for Northside Units 1 and 2. 

Plug-in Electric Vehicle Peak Demand 
In 2012, JEA developed the PEV demand and energy forecast for the service territory using the 
2011 information from the Electric Power Research Institute (EPRI), the Edison Electric Institute 
(EEi), the U.S. Census Bureau, and the Bureau of Economic and Business Research (BEBR). 
JEA's baseline forecast of the numbe:- ef p!ug-irr vehicles in the area was determined from 
BEBR's forecasted population growth rate, the U.S. Census Bureau's 2010 estimated number of 
vehicles, and EPRI' s forecasted low scenario PEV penetration rate. JEA forecasted the average 
usable battery capacity per vehicle using the upcoming plug-in vehicle model rollouts from 
Toyota, Honda, Ford, and General Motors, and grew the capacity by 1 kWh per year. The 
baseline forecast assumed that charging would initially be uncontrolled at home until the mid-
2020s when public infrastructure became feasible and available. When comparing Pike's 2012 
PEV forecasted vehicle sales with JEA's 2012 forecast, JEA's baseline projections were 63 
percent higher than Pike. Because of this difference, JEA shifted the start of its PEV forecast 
back 5 years to 2017. Because Pike did not provide forecast data for Duval County, JEA 
maintained the previously forecasted annual increases. 

Staff Evaluation 
The JEA forecasts are much more statistically sound. In the past JEA used regression analyses, 
which would not necessarily account for statistical anomalies. To address the variability, in 
recent year with the demand, JEA also used historical data, growth rates and established 
regression analyses for the 13-year progression to establish periods of economic downturn and 
prerecession periods. JEA forecasted the Net Energy Load to increase at an average of 1.17 
percent per year during the last ten-year period. JEA views demand to decline in 2012 and hence 
over the 13 years the average annual growth rate for total energy is expected to be at 0.73 percent 
and 0.49 percent for net energy. 

Council staff supports JEA and the State of Florida's efforts to continue to develop new 
programs to: 1) reduce the reliance on coal and oil as energy sources; 2) increase conservation 
activities to offset the need to construct new power plants; and 3) plan to develop an 
environmentally sound power supply strategy that may provide reliable electric service at the 
lowest practical cost. 

Recommendation 
Staff recommends that the Committee and Council approve this report and authorize its 
transmittal to the Florida Public Service Commission. 
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TREASURE COAST REGIONAL PLANNING COUNCIL

I N D IAN RI VE R - ST. L U CI E - M A RT] N - PA L M B EA C H

June 7, 2013

Mr. Phillip Ellis
Division of Engineering
Florida Public Service Commission
2540 Shumard Oak Boulevard
Tallahassee, FL 32399-0850

Subject: 2013 Ten Year Power Plant Site Plans

Dear Mr. Ellis:

Treasure Coast Regional Planning Council has reviewed the ten year power plant site
plan prepared by Florida Power and Light Company. Council approved the comments in
the attached report at a board meeting on May 17, 2013. The report concludes that the
FPL Ten Year Power Plant Site Plan, 2013-2022 is inconsistent with Strategic Regional
Policy Plan Goal 9.1, decreased vulnerability of the region to fuel price increases and
supply interruptions. Council urges FPL and the State of Florida to continue developing
new programs to: 1) reduce the reliance on fossil fuels as future energy sources; 2)
increase conservation activities to offset the need to construct new power plants; and 3)
increase the reliance on renewable energy sources to produce electricity.

Please contact me if you have any questions.

Sincerely

Peter G. Merritt, Ph.D.
Assistant Director

Attachment

cc: Nick Blount, FPL

"Regionalism One Neighborhood At A Time"- Est.1976

421 SW Camden Avenue - Stuart, Florida 34994

Phone (772) 221-4060 - Fax (772) 221-4067 - www.tc org
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TREASURE COAST REGIONAL PLANNING COUNCIL

Report on the

Florida Power & Light Company Ten Year Power Plant Site Plan, 2013-2022

May 17, 2013

Introduction

Each year every electric utility in the State of Florida produces a ten year site plan that includes
an estimate of future electric power generating needs, a projection of how those needs will be
met, and disclosure of information pertaining to the utility's preferred and potential power plant
sites. The Florida Public Service Commission (FPSC) has requested that Council review the
most recent ten year site plan prepared by Florida Power & Light Company (FPL). The purpose
of this report is to summarize FPL's plans for future power generation and provide comments for
transmittal to the FPSC.

Summary of the Plan

The plan indicates that after FPL's demand side management efforts and significant energy
efficiency contributions from the federal appliance and lighting efficiency standards are factored
in, FPL will still require additional capacity from conventional power plants to meet future
electrical demand (Exhibit 1). FPL is proposing to add a total of about 2,267 megawatts (MW) of
summer capacity to its system from 2013 to 2022. FPL plans to obtain additional electricity
through: 1) power purchases from qualifying facilities, utilities, and other entities; 2) upgrades to
existing facilities; 3) addition of an existing municipal facility; 4) modernization of existing FPL
facilities; and 5) construction of a new generating unit. Major additions of new generating
capacity are as follows:

�0422013 - place in service the Cape Canaveral Next Generation Clean Energy Center (1,210
MW) in Brevard County;

�0422014 - place in service the Riviera Beach Next Generation Clean Energy Center (1,212
MW) in the City of Riviera Beach;

�0422016 - place in service the Port Everglades Next Generation Clean Energy Center (1,277
MW) in the City of Hollywood; and

�0422022 - place in service Turkey Point Nuclear Unit 6 (1,100 MW) in Miami-Dade County

Based on the projection of future resource needs, FPL has identified the following seven
preferred sites for future power generating facilities:

1. Turkey Point Plant site in Miami-Dade County;
2. Cape Canaveral Plant site in Brevard County;
3. Riviera Beach Plant site in Palm Beach County;
4. Port Everglades Plant site in Broward County;
5. Hendry County site in Hendry County;
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6. Northeast Okeechobee County site in Okeechobee County; and
7. Palatka Plant site in Putnam County.

Also, FPL has identified 5 potential sites for new or expanded power generating facilities. The
identification of potential sites does not represent a commitment by FPL to construct new power
generating facilities at these sites. The potential sites include:

1. Babcock Ranch site in Charlotte County;
2. DeSoto Solar Expansion site in DeSoto County;
3. Manatee Plant site in Manatee County;
4. An unidentified location in Martin County for a photovoltaic (PV) facility; and
5. An unidentified location in Putnam County.

The ten year site plan describes eight factors that are influencing FPL's resource planning work.
These factors include:

1. Maintaining/enhancing fuel diversity in the FPL system.
2. Maintaining a balance between load and generating capacity in southeastern Florida,

particularly in Miami-Dade and Broward counties.
3. FPL will begin serving the City of Vero Beach's electrical load beginning January 1,

2014.
4. An updated projection of mandatory efficiency standards for appliances, lighting, and

other electrical equipment will result in significant reductions in FPL peak load and net
energy for load in 2022.

5. FPL's projected increasing dependence upon demand side management resources to
maintain system reliability.

6. The timing of when the Nuclear Regulatory Commission will issue a new schedule for its
review of FPL's application for a Combined Operating License for the Turkey Point
Units 6 and 7 nuclear units and the potential impact that schedule may have on the overall
project schedule.

7. Potential changes in environmental regulations for air emissions could affect FPL's
resource plan.

8. The possibility of establishment of a Florida standard for renewable energy or clean
energy.

Evaluation

One of the main purposes of preparing the ten year site plan is to disclose the general location of
proposed power plant sites. The FPL ten year site plan identifies one preferred site and one
potential site for future power generating facilities in the Treasure Coast Region (Exhibit 2). The
preferred site is the Riviera Beach Plant site, which is located in the City of Riviera Beach. The
previous generating capacity at this site was made up of two 300 MW oil-fired units, that have
been taken out of service and dismantled in 2011. FPL is in the process of modernizing the
existing Riviera Beach Plant, which will be renamed the Riviera Beach Next Generation Clean
Energy Center. FPL is replacing the existing units with a high-efficiency combined cycle natural
gas-fired unit capable of producing 1,212 MW of electricity. Council issued a report supporting
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this project in 2009. The new facility has been approved by the FPSC and Florida Department of
Environmental Protection, and is expected to start commercial operation in 2014.

Palm Beach County Department of Environmental Resources Management (ERM) has provided
comments on the FPL Ten Year Power Plant Site Plan (Exhibit 4). The comments include a
discussion of concerns associated with the development and operation of the Riviera Beach
Energy Center, which is currently under construction. The concerns are related to thermal
pollution of the Lake Worth Lagoon; potential impacts to manatees; potential impacts to
organisms from the facility's cooling water intake; stormwater retention; oil spill prevention
plans; climate change vulnerability; and sea turtle lighting compliance. Council recommends that
FPL meet with representatives from Palm Beach County ERM to discuss how these issues are
addressed in the FPL Riviera Beach Energy Center Conditions of Certification and determine if
additional actions are necessary to satisfy these concerns.

The only potential site identified in the Treasure Coast Region is in Martin County. The plan
indicates FPL is evaluating potential sites in Martin County for a future PV facility. No specific
locations have been selected at this time.

New in the 2013, the ten year site plan indicates FPL will begin serving the City Vero Beach's
electrical load beginning January 1, 2014. In early 2013, FPL came to an agreement with the
City of Vero Beach to purchase the City's electric utility system. FPL is expected to begin
providing electric service to more than 34,000 customers formerly served by the City of Vero
Beach. As part of FPL's acquisition of Vero Beach's electric utility system, FPL will take
ownership of Vero Beach's five existing generating units starting January 2014. The current plan
is to immediately retire three of these older generating units and operate the remaining two,
which supply approximately 44 MW (Summer) of combined cycle capacity, for a maximum of
three years.

The ten year site plan also indicates that FPL is currently evaluating the possibility of serving the
electrical loads of several entities, including the City of Lake Worth. However, the load forecast
presented in the ten year site plan does not include these potential loads, because these
evaluations are still underway.

The ten year site plan indicates that fossil fuels will be the primary source of energy used to
generate electricity by FPL during the next 10 years (Exhibit 3). The plan indicates fossil fuels
will account for 70.6 percent (4.3 percent from coal, 0.2 percent from oil, and 66.1 percent from
natural gas) of FPL's electric generation in 2013. The plan predicts fossil fuels will account for
68.7 percent (5.4 percent from coal, 0.1 percent from oil, and 63.2 percent from natural gas) of
FPL's electric generation in 2022. During the same period, nuclear sources are predicted to
change from 24.0 percent in 2013 to 25.6 percent in 2022. Solar sources are predicted to decline
from 0.2 percent in 2013 to 0.1 percent in 2022.

Regarding solar energy, FPL has completed construction of three solar facilities: 1) a 75 MW
steam generation solar thermal facility in Martin County (the Martin Next Generation Solar
Energy Center); 2) a 25 MW PV electric generation facility in DeSoto County (the DeSoto Next
Generation Solar Energy Center); and 3) a 10 MW PV electric generation facility in Brevard
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County at NASA's Kennedy Space Center (the Space Coast Next Generation Solar Energy
Center). These three projects were completed in response to the 2008 Energy Bill, which was
enacted to enable the development of clean, zero greenhouse gas emitting renewable generation
in the State of Florida. Specifically, the bill authorized cost recovery for the first 110 MW of
eligible renewable projects that had the proper land use, zoning, and transmission rights in place.

In addition to the three solar facilities noted above, the plan indicates that FPL is currently in the
process of identifying other potential solar sites in the state. FPL is evaluating existing
generation sites along with other sites within FPL's service territory. Council continues to
support FPL's existing solar projects and encourages FPL to develop additional projects based
on renewable resources.

Conclusion

The FPL ten year site plan is inconsistent with Strategic Regional Policy Plan Goal 9.1,
decreased vulnerability of the region to fuel price increases and supply interruptions, because the
plan predicts continued heavily reliance on only two primary fuel types, natural gas and nuclear
fuel. The plan predicts a very slight decrease in the reliance on fossil fuels and a slight increase
in the reliance on nuclear energy during the next ten years. This outcome is an incremental step
toward consistency with Strategy 9.1.1, reduce the Region's reliance on fossil fuels. However,
this shift in fuel supply is not sufficient to decreased vulnerability of the region to fuel price
increases and supply interruptions. Council recommends that FPL adopt a more balanced
portfolio of fuels that includes a significant component of renewable energy sources. Council
remains concerned that the ten year site plan does not predict an increase in the use of renewable
energy during the next decade. Council continues to encourage the Florida Legislature to adopt a
Renewable Portfolio Standard in order to provide a mechanism to expand the use of renewable
energy in Florida.

Council recommends that FPL consider new strategies to expand reliance on renewable sources.
FPL should consider expanding its solar rebate programs for customers who install PV and solar
water heating systems on their homes and businesses. This program is part of a five-year pilot
program authorized by the FPSC to promote clean solar power and reduce energy consumption.
The program should be expanded because demand far exceeds the availability of funds. Also, the
application period should be coordinated with the Solar and Energy Loan Fund (SELF) so that
participants in this program would have the option of receiving a rebate. SELF is a low interest
rate loan program that provides financing for clean energy solutions. The current schedule for
rebate applications makes it difficult for SELF participants to take part in the FPL rebate
program.

FPL should also consider developing a program to install, own, and operate PV units on the
rooftops of private and public buildings. The shift to rooftop PV systems distributed throughout
the area of demand could reduce the reliance on large transmission lines and reduce costs
associated with owning property; purchasing fuel; and permitting, constructing, and maintaining
a power plant. Another advantage of this strategy is that PV systems do not require water for
cooling. The incentive for owners of buildings to participate in this strategy is they could be
offered a reduced rate for purchasing electricity. The future development of ocean current
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technology, which is currently under investigation by the Florida Atlantic University Center for
Ocean Energy Technology, may be another opportunity to expand the use of renewable energy.

Council urges FPL and the State of Florida to continue developing new programs to: 1) reduce
the reliance on fossil fuels as future energy sources; 2) increase conservation activities to offset
the need to construct new power plants; and 3) increase the reliance on renewable energy sources
to produce electricity. The complete costs of burning fossil fuels, such as the costs to prevent
environmental pollution and costs to the health of the citizens, need to be considered in
evaluating these systems. State legislators should amend the regulatory framework to provide
financial incentives for the power providers and the customers to increase conservation measures
and to rely to a greater extent on renewable energy sources. Also, the State should reconsider the
currently used test for energy efficiency and choose a test that will maximize the potential for
energy efficiency and renewable energy sources. The phasing in of PV and other locally
available energy sources will help Florida achieve a sustainable future.

Attachments
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EXHIBIT 1

Table Ill.B.1: Projected Capacity Changes for FPL

Projected Capacity Changes for FPL
Net Capacity

Channes (MW)

Year Projected Capacity Changes Winter M Summer®

2013 Changes to Existing Purchases
Port Everglades Units 3 & 4 retired for Modernization
Turkey Point Unit 2 operation changed to synchronous condenser
Sanford Unit 5 CT Upgrade
Turkey Point Unit 4 Uprate - Completed
Turkey Point Unit 4 Uprate - Outage ©
Sanford Unit 4 CT Upgrade
Manatee Unit 2

(545) (425)
(765) (761)
(394) (392)
- 9
- 115

(717) -
- 16

(3) -

Scherer Unit 4
Cape Canaveral Next Generation Clean Energy Center *
Manatee Unit 1 ESP - Outage

._ _ _ Martin Unit 1 ES_P_-_Outage_ ___ _
2014 Sanford Unit 5 CT Upgrade

Cape Canaveral Next Generation Clean Energy Center ©
Changes to Existing Purchases
Manatee Unit 1 ESP - Outage
Sanford Unit 4 CT Upgrade
Vero Beach Combined Cycle W
Martin Unit 1 ESP - Outage m
Madin Unit 2 ESP - Outage
Manatee Unit 3 CT Upgrade
Turkey Point Unit 5 CT Upgrade
Turkey Point Unit 4 Uprate - Completed ®

. _._ ___ Bl_viera Beach Ne_x! G_en_egt!qn_ gean EpeggCepter
2015 Manatee Unit 3 CT Upgrade

Martin Unit 1 ESP - Outage
Martin Unit 2 ESP _ Outage

(28) -
- 1,210

(822) -
______. __ __ _ ____r_________ ___ _(-82,6)____

19 10

1,355 -
22 37

822 -
16 -
46 44

(832) 826
- (826)
- 19
- 33

115 -

39 20
832 -
- 826

Turkey Point Unit 5 CT Upgrade 33 -
Changes to Existing Purchases W 70 70
Ft. Myers Unit 2 CT Upgrade - 51

_ . Siviera Beach N_ex[ G_en_eratigl gean_ _E_n_egg Center_f_ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _1_,344, _ 7_ _ _ _ _ _ _
2016 Changes to Existing Purchases W (858) (928)

Ft. Myers Unit 2 CT Upgrade 51 -
_ _ _ _ _ _ Port Everglad_es_Next_Gegeratipp_gleap Egerg_Cegte_r_ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ _ r_ _ _ _ _ _ _ _ _ _ _ _ _ _.1EJ_ _ _ _ _ _

2017 Turkey Point Unit 1 operation changed to synchronous condenser (398) (396)
Changes to Existing Purchases W (37) (37)
Vero Beach Combined Cycle W (46) (44)

_ _ _ _ _ _ _ _ Por Evergjades Ne_x! Generation C_lean EneggLCenter _ _ _ _ _ _ _ _ _ _ , _ _ _ _ _ 1,429, _ _ _ _ _ _ _-_ , _ _ _ _
_ _2018 _ Chagges tg E_x!s_t[ng_P_u_rchases f ___ _____ _ ____ __ __ _ _ _ _ __ _ _____ __ _ _ __ _ _ _(38_8),__ _ _ _ _ _Q8J)_ ____ 2019 __________ __________7___________________________ _______.__n______ -______

2020 __________________r________________________ _________n_____-__2021 Changes to Existing _P_urchases ____ _ _ _ _ _ __ _ _ _ _ _ _ _ _ _ _ 180 180
2022 Turkey Point Nuclear Unit 6 m - 1,100

(1) Additional information about these resulting reserve margins and capacity changes are found on 3chedules 7 & 8 respectively.
(2) Winter t alues are forecasted values for January of the year shown.
(3) Summe values are forecasted values for August of the year shown.
(4) These a e firm capacity and energy contracts with QF, utilities, and other entities, See Table LB.1 and Table LB.2 for more details.
(5) Outaget for uprate work.
(6) All new mit additions are scheduled to be in-service in June of the year showrt All additions assumed to start in June are included

in the S immer reserve margin calculation starting in that year and in the Winter reserve margin calculation starting with the next year.
(7) OutageE for ESP wolic
(8) This uni will be added as part of the agreement that FPL will serve Vero Beach's electric load starting January, 2014.

This unii is expected to be retired within 3 years.
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EXHIBIT 2
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EXHIBIT 3

Sche dule 6.2
Energy Sources % by Fuel Type

Actual* Forecasted
Enerav6ource yngg 2011 201g 20.11 20.14 20.1.E 2Q1£ M 29R

(1) Annual Energy % 5.3 4.7 1.9 2.3 2.5 1.0 0.1 0.0 0.0 0.0 0.0 0.0

Interchange

(2) Nuclear % 19,1 15.3 24.0 23.4 23.1 23.2 22.7 22.2 22.5 21.9 21.6 25,6

(3) Coal % 5.0 4.3 4.3 4.4 4.9 4.4 4.9 4,8 52 5.3 5.5 5.4

(4) Residual(FO6) -Total % 0.6 0.3 0.2 02 0.3 0.3 0.1 0,2 0.1 0.2 0.2 0.1
(5) Steam % 0.6 0.3 0.2 0.2 0.3 0.3 0.1 02 0.1 0.2 02 0.1

(6) Distillate (FO2) -Total % 0.1 0.0 0.0 0.0 0.0 0.1 0.0 0.0 0.0 0.0 0.0 0.0
(7) Steam % 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0
(8) CC % 0,1 0.0 0.0 0.0 0.0 0,1 0.0 0.0 0.0 0.0 0.0 0.0
(9) CT % 0.0 0.0 0.0 0,0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0

(10) NaturalGas -Total % 66.1 72.6 66.1 66.3 65.4 66.9 68.0 68.9 66.9 67.0 67.1 632
(11) Steam % 4.8 5.0 0.2 0.1 0.2 0.4 0.3 0.4 0.3 0.4 0.4 0.3
(12) CC % 60,8 67.3 65.8 66.1 65.1 66.5 67.6 68.4 66.5 66.5 66.6 62.8
(13) CT % 0.6 0.3 0.1 0.1 0.0 0.1 0.1 0.1 0.1 0.1 0.1 0.1

(14) Solar * % 0.1 0.1 0.2 0.2 0.1 0.2 0.1 0.1 0.1 0.1 0.1 0.1
(15) PV % 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1

(16) Solar Thermal" % 0.0 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1 0.1

(17) Other * % 3.6 2.6 3.3 3.3 3.7 4.0 4.0 3.7 5.1 S.4 5.5 5.6
100 100 100 100 100 100 100 100 100 100 100 100

il Source: ASchedules and Actual Data for Next Generation Solar Centers Report
2I The projected figures are based on estimated energy purchases from SJRPP, the Southern Companies (UPS contract), and other utilities.
3/ Represents output from FPL's PVand solar thermal facilities.
4/ For 2011, the Martin 8 Solar Thermal GWh output is rolled into row (12) for reporting purposes. In 2012. the GWh ouiput is presented in row (16).

The projected GWh contributions for 2013-2022 are als o provided on row (16).
5/ Represents a forecast of energy expected to be purchased from Qualifying Facilities, independent Power Producers, net of

Economyand other Power Sales.
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EXHIBIT 4

Department of Environmental

Resources Management

2300 North Jag Road. 4* Floor

West Palm Beach. FL 33411-2743

(561 ) 233-2400

FAX: (56I)233-2414

www pbcgov.org/erm

May 2, 2013

Ms. Liz Gulick, Administrative Supervisor
Treasure Coast Regional Planning Council
421 SW Camden Avenue
Stuart, Florida 34994

RECE/ED
MM - g 20m

TREASURE COAST
ONAÍ- PLANNING COUNCR

Dear Ms. Gulick:

SUBJECT: PALM BEACH COUNTY COMMENTS FOR THE FPL
Palm Bench County 10 YEAR POWER PLANT SITE PLAN

Board of County

commissioners Palm Beach County Department of Environmental Resources Management
(ERM) staff has reviewed the information contained in the site plan and

steven L. Abrams, Mayor have the following concerns:
Priscilla A. Taylor, Vice Mayor

�042The Florida Power & Light (FPL) Power Plant will utilize Lake Worth
llal R. Valeche

paulcue suraick Thermal pollution remains a concern since it can potentially affect
shenev vana dissolved oxygen and cause increased stress to aquatic organisms and

seagrass. Confirmation is requested that increased thermal stress is
Mary Lou serger not expected from the new plant.

Jess R. Santamaria
�042One of the impacts of the thermal pollution is that the discharge has

developed into a warm water refuge for up to 800 manatees and thus
any disruption to the operation schedule could have the potential for
negative impacts to manatees. Changes in manatee distribution have

County Administrator been evident in recent years due to the intermittent operation of the
Robert Weisma" heatiÑg system. We expect that the operation schedule of

the new plant will be similar to the old plant and provide a more
continuous and dependable warm water source which should reduce
potential manatee impacts. It is understood that there is a working
group evaluating plans for alternative warm water sources to reduce

AnEqualopportunity the dependence of manatees on this artificial source.

asyrmarive AdionEmployer �042The plant is projected to use 600 million gallons of lagoon water daily.
The biological impact due to impingement and entrainment of fish and
planktonic invertebrates drawn into a facility's cooling water intake is
expected to be significant and may be the primary impact to the Lake
Worth Lagoon (LWL). This is particularly critical given the biologically
unique location of LWL and its fish and invertebrate diversity which is a
function of its proximity to the Gulfstream Palm Beach County would
like to be provided with an assessment of those impacts and a
summary of steps to minimize any adverse environmental impacts.
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Ms. Liz Gulick
May 2, 2013
Page 2

�042Increasing stormwater retention from stormwater runoff above the minimum
requirements is recommended due to the critical location of the plant to sensitive
resources and to reduce the chance of an inadvertent release of pollutants.

�042The site plan does not appear to address the potential discharge from the oil fuel
pipeline when a fuel delivery is made. No details of the length of the pipeline or
Spill Prevention plans have been provided in this report in the case of an accidental
release.

�042Séa Level Rise could have at least two potential impacts on the proposed Plant:
inundation as result of rising waters that could be enhanced when combined with
storm surges; and the possibility of salt water intrusion into the Surficial Aquifer,
which will be used as one of the water sources for the plant's operations. ERM
suggests that climate change vulnerability be incorporated into the plants
operational protocols.

�042The plan should demonstrate compliance with Palm Beach County's Sea Turtle
Lighting criteria by including shields for light fixtures to decrease skyglow which is
known to result in hatchling disorientation in this area.

Should you have further inquiries regarding this issue please contact me at
(561) 233-2400, or Bob Kraus at (561) 233-2476.

Sincerely,

Robert Robbins, Department Director
Environmental Resources Management

rr:pd:rk
cc: Robert Banks, Assistant County Attorney

Palm Beach County Attorney's Office
Rebecca Caldwell, Executive Director

Palm Beach County Planning, Zoning & Building
Lorenzo Aghemo, Planning Director

Palm Beach County Planning, Zoning & Building
Isaac Hoyos, Principal Planner

Palm Beach County Planning, Zoning & Building
Paul Davis, Division Director, Environmental Enhancement & Restoration

Palm Beach County Department of Environmental Resources Management
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Water Management Districts 

• South Florida Water Management District 

• Southwest Florida Water Management District 

• St. John’s River Water Management District 

• Suwannee River Water Management District 
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SOUTH fLORIDA WATER MANAGEMENT DISTRICT 

June 28, 2013 

Mr. Phillip Ellis 
Engineering Specialist Ill 
Division of Engineering 
Florida Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, Florida 32399-0850 

Dear Mr. Ellis: 

RF-C~~ T~""'lVED 

JUL 0 2 2013 

BY: 

Subject: 2013 Ten-Year Site Plans for Florida Electric Utilities 

Thank you for your May 21, 2013 letter requesting that the South Florida Water 
Management District (District) review the 2013 Ten-Year Site Plans for the Florida 
Power & Light Company (FPL), Progress/Duke Energy Florida (DEF), and Tampa 
Electric Company (TECO). The District has completed its review of the site plans. 

The ten-year site plans provided by DEF and TECO do not include existing or proposed 
facilities within the boundaries of the District. The District forwards no comments 
regarding these proposed sites. 

The District finds the ten-year site plan provided by FPL suitable as a planning 
document. The District offers the following comments to assist electric utilities with 
ongoing planning . 

In planning for siting future facilities, utilities should recognize that water availability is 
limited in specified areas by the District's Restricted Allocation Area rule. The criteria 
associated with the Restricted A!!ocation Area Rule can be found in Section 3.2 .1 of the 
Basis of Review for Water Use Permit Applications within the South Florida Water 
Management District (October 23, 2012). 

For assistance or additional information, please contact John Morgan, Lead Policy 
Analyst, at (561) 682-2288 or jmorganj@sfwmd .gov. 

Sincerely, 

Sharon M. Trost, P.G. , AICP 
Director, Regulation Division 
South Florida Water Management District 

SMT/jm 

3301 Gun Club Road, West Palm Beach, Florida 33406 • (561) 686-8800 • FL WATS 1-800-432-2045 
Mailing Address: P. 0. Box 24680, West Palm Beach, FL 33416-4680 • www.sfwrnd.gov 
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An Equal
Opportunity

Employer

2379 Broad Street, Brooksville, Florida 34604-6899

(352) 796-7211 or 1-800-423-1476 (FL only)

On the World Wide Web at WaterMatters.org

Carlos Beruff
Chair, Manatee

Michael A. Babb
Vice Chair, Hillsborough

Randall S. Maggard
Secretary, Pasco

Jeffrey M. Adams
Treasurer, Pinellas

Todd Pressman
Former Chair, Pinellas

H. Paul Senft, Jr.
Former Chair, Polk

Bryan K. Beswick
DeSoto, Hardee, Highlands

Thomas E. Bronson
Hernando, Marion

Jennifer E. Closshey
Hillsborough

Wendy Griffin
Hillsborough

George W. Mann
Polk

Vacant
Charlotte, Sarasota

Vacant
Citrus, Lake, Levy, Sumter

Blake C. Guillory
Executive Director

June 11, 2013 
 
Mr. Phillip Ellis, Engineering Specialist III 
Division of Engineering 
Florida Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, FL 32399-0850 
 
Subject: Electric Utility 2013 Ten-Year Site Plans 
 
Dear Mr. Ellis: 
 
In response to your request, the Southwest Florida Water Management District 
(District) has completed its review of the 2013 Ten-Year Site Plans (Site Plan) for 
Progress/Duke Energy Florida (DEF) and Tampa Electric Company (TECO).  The 
District’s review is being conducted pursuant to Section 186.801(2)(e), Florida 
Statutes, which requires that the Public Service Commission consider “the views of 
the appropriate water management district as to the availability of water and its 
recommendation as to the use by the proposed plant of salt water or fresh water for 
cooling purposes.” 
 
Both DEF and TECO indicate in their Site Plans that new generating facilities are 
proposed within the ten-year planning horizon.  The Site Plan for DEF indicates 
that two new combined cycle units are proposed in 2018 and 2020 at undesignated 
sites.  The Site Plan for TECO indicates that conversion of the Polk Power 
Station’s simple cycle combustion turbines (Units 2-5) to a natural gas combined 
cycle unit is currently undergoing site certification review and is proposed for 2017.  
The Site Plan for TECO also indicates that a new combustion turbine is proposed 
in 2020 at an undesignated site.  
 
With the exception of the TECO Polk Power Station Units 2-5 project, which is 
currently undergoing site certification review, no information was provided for the 
other TECO project and the two DEF projects concerning identification of the 
proposed project sites, water sources, and water demands.  Without this 
information, the District’s ability to comment on the “suitability” of the Site Plans is 
extremely limited. 
 
Please note that, pursuant to Section II.A.1.f of the current Operating Agreement 
between the Florida Department of Environmental Protection (DEP) and the District 
concerning the division of responsibility for management and storage of surface 
waters regulation and wetland resource regulation under Chapter 373, Part IV, 
Florida Statutes, the DEP is responsible for conducting the Environmental 
Resource Permit-related review and for taking final agency action for power plants, 
electrical distribution and transmission lines, and other facilities related to the 
production, transmission, and distribution of electricity. 
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Based on the information provided in the Site Plans, the District offers the following technical 
assistance comments for your consideration: 
 

1)  During the site certification or permitting process, consideration must be given to the 
lowest quality water available which is acceptable for the proposed use.  If a lower 
quality of water is available and is environmentally, technically and economically feasible 
for all or a portion of the proposed use, this lower quality water must be used.   
 
2)  For new generating facilities proposed in the southern and much of the central 
portions of the District, there are additional water use restrictions.  These areas have 
been designated as Water Use Caution Areas.  This designation has occurred in 
response to water resource impacts, such as salt water intrusion, lowered lake levels 
and reduced stream flows, which have been caused by excessive ground water 
withdrawals.  Regional recovery strategies are being implemented to address the 
adverse water resource impacts.  Consequently, the District has heightened concerns 
regarding potential impacts due to future groundwater demands and availability within 
these areas. 
 
3)  The most water conserving practices must be used in all processes and components 
of the power plant’s water use that are environmentally, technically and economically 
feasible for the activity, including reducing water losses, recycling, and reuse.  

 
We appreciate this opportunity to participate in the review process.  If you have any questions or 
require further assistance, please do not hesitate to contact me at (352) 796-7211, extension 
4790, or james.golden@watermatters.org. 
 
Sincerely, 

 
James J. Golden, AICP 
Senior Planner 
 
JG 
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/sg at. Johns River
Water Management District

Hans G. Tanzler lil, Executive Director �042David W. Fisk, Assistant Executive Director

4049 Reld Street �042P.O. Box 1429 �042Palatka, FL 32178-1429 �042(386) 329-4500
On the Internet at floridaswater.corn.

July 17, 2013

Mr. Philip Ellis
Division of Engineering
Public Service Commission
2540 Shumard Oak Boulevard
Tallahassee, Florida 32399-0850

Re: Review of the 2013 Ten-Year Site Plans for Florida's Electric Utilities

Dear Mr. Ellis:

St. Johns River Water Management District (District) staff have reviewed the Ten-Year Site
Plans (TYSPs) for Florida Power & Light Company (FPL), Progress / Duke Energy Florida
(DEF), Gainesville Regional Utilities (GRU) and JEA relative to suitability as planning
documents, as requested in your letter dated May 21, 2013. District staff comments are below.

1. Pursuant to subsection II, A.1.f., of the 2007 operating agreement concerning regulation
between the District and the Florida Department of Environmental Protection (DEP), DEP
shall review and take final action on all applications for permits for power plants and
electrical distribution and transmission lines and other facilities related to the production,
transmission, and distribution of electricity.

2. As planning documents, TYSPs do not contain detailed information relative to projected
water demand. However, when locating or expanding a site for a power facility, FPL, DEF,
GRU, and JEA should consider the availability of water to meet the projected demands of the
facility and potential impacts due to facility water use, including the cumulative impacts. In
general, the District requires that all consumptive use permit (CUP) applications for new uses
and requested increases in CUP allocations demonstrate use of the lowest-quality water
source; justify the need for the requested allocation; demonstrate efficient use; and not
impact springs, wetlands, water bodies, water quality, or existing legal uses.

If you have any questions, please contact District Intergovernmental Planner Steve Fitzgibbons
at (386) 312-2369 or sfitzgib@sjrwmd.com.

Sincerely,

Jeff Cole
Chief of Staff

GOVERNING BOARD _

Lad DanielS, CHAIRMAN John A. Mlkl0S, VICE CHAIRMAN 0000l39 C. Bournique, SECRETARY Maryam H. Ghyabh TREASLIRER
JACKSONVltLE ORLANDO VERO BEACH CR MOND BEACH

Douglas Burnett Chuck Drake George W. Robbins Fred N. Roberts, Jr. W. Leonard WOOd
ST.AUGUSTINE ORLANDO JACKSONVILLE OCALA ÆRNANDINABEACH
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SUWANNEE
RIVER
WATER
MANAGEMENT
DISTRICT

August 1, 2013

Phillip Ellis
Public Service Commission

DoN QUINCEY, JR.
c n Tallahassee, FL 32399

chiefland Floilda

Subject: Review of the 2013 Ten-Year Plans for Florida's Electnc Utilities
ALPHONAS ALEXANDE R

vce c"""" Dear Mr. Ellis:
Madison, Florida

The following are comments as requested in your May 21° letter.
RAY CURT15

Secretary / Treasuror
Perry, Florda Progress/Duke Energy Florida (DEF)

The Suwannee River Generating Plant (SRGP) is located directly on the banks of the
KEVIN BROWN Suwannee River near Ellaville. The Suwannee River provides cooling water for the
Alachua Flodda SRGP. The SRGP is not located within a Water Resource Caution Area; therefore

current demand is not anticipated to exceed supply in the next twenty years.
GEORGE coLE

vonticciio. Flodrio Gainesville Regional Utilities (GRU)
The Deerhaven Generating Station (DGS) is located on the border between the Upper

VlRGINIAH. JoHNS Santa Fe Water Resource Caution Area (WRCA) and the Lower Santa Fe WRCA. In
Alachua. Fluiaa both of these caution areas, the projected demands will exceed the available supply

within the next twenty years.
GARY F. JoNES

old Town, Florida he District is currently establishing minimum flows and levels (MFLs) for the Lower
Santa Fe River, Ichetucknee River and associated priority springs. In conjunction with

V1RGINlASANCHEZ MFL establishment, the District is developing strategies to prevent the Ichetucknee River
and associated priority springs flows and levels from falling below established minimums
For the Lower Santa Fe River and priority springs, the District is developing strategies to
recover flows and levels. The prevention and recovery strategies will employ water
conservation, alternative water supplies, water resource development projects, and
regulation of consumptive uses of water. Facility plans should be coordinated with District

oc staff during the development of these strategies and the water supply planning process.
Gainesvibe. Flor da

Seminole Electric Cooperative (SEC)
Seminole Electric Cooperative currently does not have an active plant within the District.
There is a proposed generating station in Gilchrist County to be located near Bell. Th s
generating station is located in a basin which contributes to the Lower Santa Fe River
The comments in the previous paragraph are applicable here.

Sincerely

Ann B. S ortelle Ph.D.
Executive Director

TS/Im

RECYcLED PAPEFI 9225 CR <l9 �042LIVE CAK, FLORIDA 32060 �042TELEPHoNE 386/362-1001 �042800/2 6·1066 íFL) - I-AX 386/362-1056
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9 Board of County Commissioners
DEPARTMENT OF PLANNING AND DEVELOPMENT

3600 W. Sovereign Path, Lecanto, FL 34461-8070
Toll Free (352) 489-2120 TTY (352) 527-5312

. no Web Address: www.bocc.citrus.fl.us

In reply, refer to:

DS-13-022

July 23, 2013

Phillip Ellis
Engineer Specialist lll
State of Florida Public Service Commission
Capital Circle Office Center
2540 Shumard Oak Boulevard
Tallahassee, FL 32399-0850

RE: Review of the 2013 Ten-Year Site Plans for Progress/Duke Energy Florida (DEF)

Dear Mr. Ellis:

This Department has reviewed the Progress/Duke Energy Florida Ten-Year Site Plan dated
April 2013 and does not find any conflicts with growth management policies as specified in the
Citrus County Comprehensive Plan.

It is noted that this document focuses on environmental and land use information for sites within
the Progress /Duke Energy Florida system that are primarily located outside of Citrus County.
The Plan notes the retirement of the Crystal River Nuclear Units 1, 2, and 3, and planned
installation of combined cycle facilities in 2018 and 2020 at sites that have not yet been
identified.

Thank you for the opportunity to review the Plan. If you require additional feedback, please do
not hesitate to contact this office.

Sincerely,

Vincent A. Cautero, AICP
Director
Department of Planning and Development

VAC/JBC/rls

CC: Ken Frink, P.E., Assistant County Administrator
Jenette Collins, AICP, Director, Land Development Division
Jim Faulkner, Director, Geographic Resources and Community Planning Division
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STATE OF FLORIDA
COMMISsIONERs: DIVISION OF ENGINEERING
RONALDA. BRISÉ, CHAIRMAN TOM BALUNGER
LIsA POLAKEDGAR DIRECTOR
ART GRAHAM (850)413-6910
EDUARDOE. BALBIs
JUUEI BROWN

RECEIVED

MÁdich£rfliCE DttuttiSHIGH MAY 2 3 2013

May 21, 2013 ADM IN

Mr. Brad Thorpe
County Administrator
Citrus County MAY 2 8 2013
110 N. Apopka Drive U McA c. . t)od
Inverness, FL 34450 ByÚAÑM M too er 45-qpg

Dear Mr. Thorpe: vf 4,¾-o

Re: Review of the 2013 Ten-Year Site Plans for Florida's Electric Utilities

Pursuant to Section 186.801, Florida Statutes, the Florida Public Service Commission
(Commission) is responsible for reviewing and classifying each electric utility's Ten-Year Site Plan as
"suitable" or "unsuitable." As part of the annual review in accordance with Rule 25-22.071, Florida
Administrative Code, the Commis:sion must provide a copy of the relevant Ten-Year Site Plans and
solicit the views of appropriate state, regional, and local agencies To this end, the Commission has
made available on its website electronic copies of the 2013 Ten-Year Site Plans for all the Florida
electric utilities at the following link: .

http://www.psc.state.fl.us/utilities/electriegas/10yrsiteplans.aspx

Below is a list of those electric utilities that have identified preferred or potential plant sites in

e tab 1 d e
dds o é ðñnatiòn aÜóût pfoposed facilities in such detail as would be required for a
development permit or other formal process.

Relevant 2013 Ten-Year Site Plans

�042Progress / Duke Energy Florida (DEF)

Please forward all co.mments by August 1, 2013, including an electronic copy to my e-
màil addrës Mlök If you have any questions, require àdditional time to file comments, or
ÑoSilèl like toieceive a hardcopy of the Ten-Year Site Plans, please feel free to contact me at
(850)-413-6626 (pëüis@,pé.state.fi us). Thank you for your assistance.

CAPrrAL CRCLE OFFICE CENTER �0422540SHUMARD OAKBoULEVARD �042TALLAHAsSEE,FL32399-0850
An AfGrmative Action /Equal OpportunityEmployer

PSC Website: http://www.floridapsc.com InternetE-mail: contact@psc.state.fLus
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Regards,

Phillip Ellis
Engineering Specialist III

POE

cc: Office ofCommission Clerk (Cole)
Division ofEngineering (salling¿T, Vickéry)
Office ofthe General Counsel (Murphy)

I
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Mr. Phillip O. Ellis 
Strategic Analysis & Government Affairs 
Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, FL 32399-0850 
pellis@psc.state.fl.us 
 
CC: Traci Matthews 
tmatthew@psc.state.fl.us 
 
Re: Comments on 2013 Ten-Year Plan Submittals 
 
Dear Mr. Ellis and Ms Matthews: 
 
Thank you for accepting these comments on behalf of the Sierra Club and its nearly 27,000 Florida 
members and on behalf of Earthjustice.  We appreciated the opportunity to participate in the Public 
Service Commission (PSC)’s Ten-Year Plan review process in 2012, and are happy to continue our 
participation this year. 

 
In last year’s comments,1 we asked that the PSC consider the implications of the retirement of Duke 
(then Progress) Energy’s Crystal River Units 1 & 2, and of Gulf Power’s Lansing Smith Units 1 & 2.  
We advised the PSC that the units had significant environmental compliance obligations which 
rendered them noneconomic to run in the near-term, but that neither company had included full 
analysis of that possibility in its submittal.   

 
We appreciate that the PSC addressed these retirement issues in its review of the 2012 plans. See, e.g., 
PSC, Review of the 2012 Ten-Year Site Plans (“2012 Review”) at 3.  We respectfully submit that that 
analysis should continue in further depth this year because both utilities have now confirmed our 
retirement predictions from last year.  Duke has committed to retiring Crystal River 1 & 2 for 
economic reasons and Gulf, though it has not made a final decision, has deferred further 
environmental compliance work on Lansing Smith and has requested PSC approval for transmission 
upgrades which would allow for Lansing Smith 1 & 2 to shut down. 

 
In its review, the PSC assumed that the capacity of these retiring units would be replaced by natural 
gas, which would increase natural gas’s share in Florida’s  electric generation to 62.9% by 2022 (up 
from 56.7% without the retirements, and from 57.7% in 2011). Id.  The PSC states that it views “the 
growing lack of fuel diversity” within Florida as a “major strategic concern.” Id. at 39.  Although we 
certainly welcome the retirements of these dangerous coal plants, we share this fuel diversity 
concern: Undue dependence on natural gas leaves the state overly vulnerable to fuel price volatility, 
even as potential LNG exports and other shifts in the gas market seem likely to increase gas prices in 
the medium term.  For this reason, we strongly suggest that the PSC consider planning scenarios 
which employ other, less risky, resources to make up some or all of the share of generation now 
served by the retiring plants.   

 

                                                           
1 Attached as Exhibits 1 & 2, for your reference. 
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In particular, we believe that demand-side management measures, including energy efficiency, other 
demand  response programs, and demand-side renewable energy, can make up a significant portion 
of any resource gap left by the likely retirements.  Increased supply side renewable energy can also 
increase the diversity of the state’s resource mix. Because the PSC will be considering new goals for 
both Duke and Gulf under the Florida Energy Efficiency and Conservation Act (FEECA) this year, 
this is a particularly good time to develop the data needed for sensible planning. 

 
I. Coal Retirements  

 
Both Duke and Gulf have confirmed that retirement is likely in the cards for their economically 
vulnerable plants, though Duke has gone further and confirmed that Crystal River 1 & 2 will 
certainly retire.  Duke appears to be planning to address these retirements largely through adding 
new generating capacity.  Gulf intends to rely on power imports in the near term. 
 
Duke/Progress  
 
Duke has confirmed “expected retirement of Crystal River 1 & 2 in 2016.” Duke TYSP at 3-2.  As 
Duke explains in testimony filed in the Environmental Cost Recovery Docket, the lifecycle projected 
system cost for retiring units 1 & 2 is far lower than the cost of retrofitting the units to comply with 
environmental compliance obligations: The difference between the retirement and retrofit scenarios 
is $ 1.32 billion in Duke’s base case analysis; retrofit is unfavorable only in the extremely unlikely 
case of very high gas prices and no CO2 regulation. Direct Testimony of Benjamin M. H. Borsch on 
Behalf of Progress Energy Florida (Apr. 1, 2013) at 4, Docket No. 130007-EI; see also Progress 
Energy Florida, Review of Integrated Clean Air Compliance Plan (Apr. 1, 2013) (“Duke Compliance Plan”) at 
25-26. 
 
To be sure, Duke has held out the option of making short-term fuel mix adjustments which might 
allow the units to continue operating, perhaps as long as 2020.  Duke Compliance Plan at 21.  
Continued operation would plainly be economically imprudent.  As we demonstrated in our 
comments and workshop presentation on last year’s plan, and as the figure below shows, the Crystal 
River units already verge on noneconomic when compared even against the substantial expense of 
constructing a new combined cycle natural gas plant to replace their capacity, much less against 
more sensible options, including demand side programs.2 
 

                                                           
2 This figure is drawn from our 2012 workshop presentation and is based on work by Synapse Energy Economics, using 
public cost estimates from the Energy Information Administration’s cost reporting forms and the EPA’s Integrated 
Planning Model, developed by Sargent & Lundy.   
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Because Crystal River 1 & 2 are uneconomic by almost any measure (as Duke acknowledges), the 
pertinent question is how best to replace any portion of their 965 MW in nameplate capacity which 
will be required going forward.  (In practice, this lost capacity is smaller: both units have been 
relatively little used in recent years.)  Lost capacity from the 860 MW Crystal River 3, the retired 
nuclear unit at the site, will also play a substantial role in system planning, of course. 
 
Over the period from 2013 to 2022, Duke expects its firm summer peak demand to grow by 1287 
MW, TYSP at 3-7, and increase of just shy of 15% over the next decade, or about 1.5% per year. At 
present, Duke reports that it intends to make up necessary capacity to match this growth through 
“planned power purchases from 2016 through 2020 and planned installation of combined cycle 
facilities in 2018 and 2020 at undesignated sites.”  Id. at 3-2.  According to Duke, these energy 
imports are likely to grow an additional 1470 MW above its current ~ 1900 MW of imported 
capacity, id. at Schedule 7.1.  The addition of a 1307 MW (winter capacity) combined cycle facility in 
2018, and a second 1307 MW facility in 2020 then replaces these imports.   See id. at 3-7, 3-10 – 3-11.  
This additional capacity is 764 MW greater than the capacity which Duke is losing, leading to a 21% 
reserve margin by 2022. 
 
As we discuss below, Duke’s strategy of increasing its built generating capacity substantially in 
response to projected growth, and relying on natural gas generation to do so, is not the prudent one 
for either the company or for Florida.   
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Gulf Power 
 
As the figure above indicates, Lansing Smith 1 & 2 are even less economically attractive to operate 
than the uncontrolled Crystal River coal units.  Gulf has not yet committed to retirement publicly, 
but its filings in this docket and in the Environmental Cost Recovery docket make clear that it is 
preserving that option. 
 
Specifically, Gulf has requested the PSC approve a $77 million transmission upgrade project, which 
it explains is necessary to ensure that Lansing Smith is not a must run unit. Gulf Power, Third 
Supplemental Petition of Gulf Power Company Regarding its Environmental Compliance Program, Docket No. 
13007-EI (Mar. 29, 2013) at 8.  According to Gulf, these upgrades will allow Plant Smith to run at 
lower levels or to close, and would be “required if these units retire or are controlled as a result of 
[the mercury and air toxics rule].” Id. at 8.  Gulf, thus, maintains that it intends to “reserve the 
decision to install … controls or to retire the two units for a future time when more is known with 
regard to costs of compliance requirements associated with additional environmental regulations.” 
Id. 
 
Because Gulf Power – unlike Duke – has not shared cost information with the public comparing the 
cost of controlling versus retiring the plant, see Gulf Power, Environmental Compliance Program 
Update, Docket No. 13007-EI (Mar, 29, 2013) at 22-27, it is clear that it anticipates considerable 
additional compliance obligations at Plant Smith, including additional air, water, and waste rules. Id. 
at 22.   Although Gulf has not provided economic analysis of a retirement option, it is clear that 
operating costs from the mercury rule alone would “greatly increase the variable operating cost of 
Smith Units 1 and 2,” id. at 23, enough so that spending $77 million on transmission to reduce the 
operating need for the plant is more economic than continuing to run it, id. at 26.   
 
 We certainly agree that it is better to run Plant Smith less.  The truth, however, is that Plant Smith is 
not economic to run at all under current conditions.  It is certainly not economic to run going 
forward as environmental compliance costs increase.  The appropriate course for Gulf Power is to 
retire the facility, rather than simply building transmission which will allow it to operate the costly 
plant somewhat less.  Its transmission project, apparently, will enable that retirement, which remains 
an option.  We urge the PSC to continue to analyze retirement possibilities. 
 
In this regard, Gulf’s Ten Year Site Plan submission does not clearly discuss all the implications of 
Plant Smith.  It acknowledges, again, that “potential incremental capital expenditures for compliance 
may be substantial,” Gulf TYSP at 3, but does not yet appear to provide a straightforward 
retirement analysis.   Gulf anticipates 575 MW in summer peak demand growth by 2022 (about 20% 
growth over that period, or, according to Gulf, a 1.9% annual increase over the next decade). See 
Gulf TYSP at Schedule 3.1.  
 
Gulf’s plan indicates that capacity additions are not necessary to manage this projected growth.  Gulf 
reports that a power purchase agreement (PPA) which it has signed with Shell Energy for use of 885 
MW of capacity from an existing gas combined cycle plant will meet its needs through 2023, after 
which it will construct additional in-system capacity. Id. at 2-3.  For this reason, the PSC’s projection 
last year that Lansing Smith’s retirement will lead to gas generation increases in Florida appears to be 
incorrect in the near term.  As with Crystal River’s retirement, however, we believe that demand-side 
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options and other non-gas resources should be emphasized to meet any capacity needs that 
eventually arise. 
 

II. Implications for the Ten-Year Plan and FEECA Goal-Setting Processes 
 
Because the PSC will shortly move fully into the FEECA goal-setting process for the next five years, 
this is a particularly appropriate time to consider alternate futures for the Duke and Gulf power 
networks, with an emphasis on resources which the Legislature designed FEECA to encourage.  The 
cost of adding new fossil capacity will almost always be higher than the cost of demand-side 
measures.  The savings possible through an efficiency-focused strategy, coupled with efficiency’s 
potential to help Florida avoid the undue dependence on natural gas which the PSC is seeking to 
avoid, argue strongly for a careful analysis of these questions in this year’s Ten-Year Site Plan 
Review. 
 
The Legislature has determined that it is “critical to utilize the most efficient and cost-effective 
demand-side renewable energy systems and conservation systems in order to protect the health, 
prosperity, and general welfare of the state and its citizens.” Section 366.81, F.S.  A study 
commissioned by the Legislature this past year confirmed these findings, concluding that “FEECA 
appears to provide a positive net benefit to ratepayers.”  Galligan et al., Evaluation of Florida’s Energy 
Efficiency and Conservation Act (Dec. 7, 2012) (“FEECA Study”) at 9. 
 
Despite these benefits, the PSC has, in the past, opted to suspend further program expansion for 
Duke and FPL, on cost grounds.  See, e.g., Re: Progress Energy Florida, Inc., Docket No. 1000160-EG, 
2001 WL 3659327 (Aug. 6, 2011).  The PSC should revisit this position during this year’s goal-
setting process in view of the positive findings of the legislative study, and the pressing need to 
address the retirements of vulnerable coal units in ways that best protect the ratepayers from further 
risk from fossil fuel price shifts and regulatory uncertainty.  Ratepayers will face costs associated 
with new capacity and loss of fuel supply diversity which are far greater than those imposed by 
demand-side programs --- programs which the legislative study have determined have net benefits. 
 
In particular, the PSC should view with skepticism Duke’s proposal to construct 2614 MW of 
natural gas generation in just the next few years in order to cope with a 1.5% annual average growth 
rate in its predicted demand.  Initially, Duke has a history of significant positive errors in its 
forecasts.  As the PSC explained in its 2012 Ten Year Site Plan Review, Duke overestimated net 
energy for load forecasts by 11.36% on average between 2007 and 2011, and by 6.17% between 
2006 and 2010.  2012 Review at 19.  Certainly the recession contributed to some of this overage, but 
the size of the error should give the PSC pause. 
 
More importantly, however, the 1.6% demand growth rate which Duke forecasts, even if accurate, is 
within the range of load growth rates which demand-side management can address.  According to 
the legislative FEECA study, many states require annual reductions far greater.  See FEECA Study at 
177-180.  States requiring savings of at least 1% a year, according to that study, include Arizona, 
Indiana, Maine, Maryland, Michigan, Minnesota, New York, Ohio, and Texas, with many other 
states not far behind (still other states, including California, are listed as having very large reduction 
goals, but a percentage reduction is not specified).  See id.  Such reduction rates would entirely offset 
Duke’s projected load growth, obviating the need for much, if not all, of its projected capacity needs 
in light of the Crystal River retirements.   
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Duke plainly has the potential to greatly expand its programs.  It reports that only 25% (405,000 
customers out of 1.6 million) take part in its demand response program, for instance. Duke TYSP at 
1-1.  This low participation is likely one reason  that Duke is well below its FEECA goals for 
summer MW and annual GWh reductions – missing the annual target by more than 60%. See PSC, 
Annual Report on Activities Pursuant to [FEECA] (Feb. 2013) at 19.  Duke has told the PSC that it was 
unable to reach its performance levels because “of the Commission decision to not approve a new 
DSM plan” for the company. Id. at 20.  Thus, if the PSC engages with Duke to approve an improved 
plan, Duke may well be able to increase efficiency programs sufficiently to greatly decrease its 
capacity needs. 
 
This analysis also applies to Gulf.  Although Gulf does not plan new capacity for the next decade, it, 
too, has potential for further improvements, failing to meet even its modest existing FEECA goal by 
12%. Id. at 19.  If Gulf were performing at the level of nationally leading utilities – saving more than 
1.5% of its demand per year – it could likely avoid those projected capacity additions. 
 
Such enhanced performance could help Florida, as a whole, to meet the Legislature’s directive in 
FEECA.  At present, Florida ranks in the bottom half of the states with regard to energy efficiency.  
See American Council for an Energy-Efficient Economy, State Scorecard 2012 (ranking Florida #29).3  
The coal retirements before the PSC provide a strong incentive to do better. 
 
We understand that the PSC will be conducting substantial analysis on this front during its FEECA 
goal-setting process, see Section 366.82, F.S., which requires careful consideration of the “full 
technical potential” of demand-side programs.  We suggest that the PSC conduct that analysis in 
tandem with its Ten-Year Site Plan review, valuing demand-side programs as a resource which can 
be used to address capacity and energy issues arising from the coal retirements announced or likely 
in the site plan docket.  Thus, in its 2013 Ten-Year Site Plan Review, the PSC could profitably 
evaluate the several different scenarios post-retirement, including scenarios in which capacity is 
replaced with more aggressive demand side measures. Other scenarios should also, of course, 
explore the potential of other energy sources, including enhanced in-state renewables, including 
solar, and out-of-state PPAs for renewable (and hence zero fuel cost) energy.  In the FEECA 
process, meanwhile, the PSC can consider the costs and benefits of such measures, especially as 
compared with costly and risky new gas capacity.  The two processes can and should reinforce each 
other as the PSC works to find ways to minimize risks and costs to ratepayers. 
 

III. Conclusion 
 
 
Last year, we cautioned that a significant amount of coal-fired capacity in Florida was set for 
retirement.  That process has continued.  To manage any ratepayer risk from these retirements and 
the possible over-dependence on natural gas which they may promote, the PSC should emphasize 
demand-side management options as alternatives to gas-fired capacity.  We look forward to working 
with the Commission to ensure that Florida ratepayers secure healthier air and a more reliable and 
efficient electricity system. 
 
Sincerely, 

 

                                                           
3 Available at: http://aceee.org/energy-efficiency-sector/state-policy/aceee-state-scorecard-ranking. 

APPENDIX A



7 

 

Craig Segall 
Staff Attorney 
Sierra Club Environmental Law Program 
50 F St NW 
Washington, DC, 20001 
(202)-548-4597 
Craig.Segall@sierraclub.org 
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July 2, 2012 
 
Phillip O. Ellis 
Strategic Analysis & Government Affairs 
Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, FL 32399‐0850 
pellis@psc.state.fl.us 
 
CC: Traci Matthews 
tmatthews@psc.state.fl.us 
 
Re: Comments on Gulf Power’s Ten‐Year Plan Submittal 
 
Dear Mr. Ellis and Ms Matthews: 
 

Thank you for accepting these comments on behalf of the Sierra Club and its more than 
27,000 Florida members, and on behalf of Earthjustice.  We look forward to participating in the 
Public Service Commission (PSC)’s Ten‐Year Plan review process.  We are writing to help inform 
the Commission of serious regulatory risks which should be addressed in this Ten‐Year Plan. 
 

As you know, Ten‐Year Plans are designed to provide a broad overview of a utility’s 
“power‐generating needs and the general location of its proposed power plant sites;” 
accordingly, plans must be “suitable” for planning purposes.  F.S. § 186.801; see also F.A.C. §§ 
25‐22.070 & 25‐22.071. These plans are among the many tools used by the Commission as it 
fulfills its statutory responsibilities to maintain “sufficient, adequate, and efficient service” and 
“fair and reasonable rates” for all Floridians.  See, e.g., F.S. § 366.03. 
 

To do so, the Commission will have to address the implications of substantial new 
environmental compliance obligations at several aging coal‐fired units.  A recent report for 
state utility commissioners, primarily authored by former Colorado PSC Chair Ron Binz, puts the 
problem succinctly, reminding regulators that “[t]he U.S. electric utility industry, which has 
remained largely stable and predictable during its first century of existence now faces 
tremendous challenges,” including the prospect of substantial retirements of aging coal‐fired 
power plants.  See Ron Binz & CERES, Practicing Risk‐Aware Electricity Regulation: What Every 
State Regulator Needs to Know (2012) at 5.1  These “retrofit or retire” decisions will lead to 
significant changes in the Florida coal fleet, and the PSC will be charged with managing these 
shifts.  As Commissioner Binz writes: 
 

The question for regulators is whether to approve coal plant closures in the face of new and 
future EPA regulations, or to approve utility investments in costly pollution controls to keep 
the plants running.  Regulators should treat this much like an IRP proceeding: utilities 

                                                            
1 Attached as Ex. 1. 
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should be required to present multiple scenarios differing in their disposition of the coal 
plants.  The cost and risk of each scenario should be tested using sensitivities for fuel costs, 
environmental requirements, cost of capital, and so forth.  In the end, regulators should 
enter a decision that addresses all of the relevant risks. 

 
Id. at 9. 
 

These comments highlight some of these important risks.  The Commission should use the 
Ten‐Year Plan informational docket to fully investigate them. We have submitted similar 
comments addressing plans filed by several different utilities; this filing focuses on coal‐fired 
power plants operated by Gulf Power. 
 

I. Gulf Power’s Plants Face Substantial Environmental Compliance Costs 
 

Gulf Power’s Lansing Smith, Crist, and Scholz plants are aging facilities lacking major 
pollution controls.  These plants are an increasingly bad deal for ratepayers:  In addition to 
posing a serious threat to public health, they are not economic to operate.  As utilities and PSCs 
around the country are increasingly recognizing, rising pollution control and fuel costs make 
coal power an unattractive proposition, especially as energy efficiency, demand‐side resources, 
and renewable power become ever more available and as natural gas prices continue at record 
lows.  Multi‐million dollar life‐extension projects for aging coal plants are not prudent in these 
circumstances.   Accordingly, Gulf anticipates that it is likely to retire many of its plants in the 
near future. Gulf Power Ten Year Plan (“Gulf Plan”) at 3. 
 

Because Gulf’s plans have important implications for the “need … for electrical power” in its 
service territory, and for how that need is to be met, as well on “fuel diversity within the state,” 
on the “environmental impact” of any proposed replacement power, and on the state 
“comprehensive plan,” see F.S. § 186.801, the Commission should ensure that Gulf discloses its 
intentions in its Ten‐Year Plan as fully as possible.  It is particularly important to do so because 
Gulf will face compliance obligations within the next few years that will lead to retirement 
decisions.  The Commission can best protect Floridians by beginning the planning process for 
these likely retirements now.  The Plan is not suitably detailed to allow for this planning to be 
successful, so, at the end of these comments, we respectfully urge the PSC to require Gulf to 
submit critical additional information. 
 

Gulf Power’s Lansing Smith and Scholz plants are the most likely retirement targets because 
both plants lack “scrubbers,” the flue‐gas desulfurization systems required to remove SO2, 
which can cause deadly respiratory damage, and other acid gases from their emissions.  
Scrubber systems for these plants would cost hundreds of millions of dollars.  Such an 
investment, and the corresponding rate increase, would not be prudent when much cheaper 
sources of power are available.  Accordingly, the Commission should work with Gulf Power to 
investigate retirement options for these plants. 
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In the discussion below, we explain the likely sources of scrubber liability for the Lansing 
Smith and Scholz plants, before briefly highlighting the many other environmental compliance 
costs which Gulf is likely to face. 
 

A. Likely Scrubber Liability for Gulf Power Facilities 
 

Three separate environmental and public health protection programs are likely to drive 
scrubber installation requirements, and hence “retire or retrofit” decisions, at the Lansing 
Smith and Scholz facilities: the SO2 National Ambient Air Quality Standards (“NAAQS”), 40 C.F.R. 
§ 50.17, the Mercury and Air Toxics Standards (“MATS”), 40 C.F.R. Subpt. UUUUU, and the 
Regional Haze Rule, 40 C.F.R. § 51.308.   

 
i. The SO2 NAAQS 

 
Just five minutes of exposure to SO2 can make people sick; in fact, the causal link between 

this pollution and asthma attacks and other respiratory problems is the “strongest” such link 
which the EPA’s scientific advisory board can identify.  75 Fed. Reg. 35,520, 35,525 (June 22, 
2010).  To protect the public from such pollutants, EPA is required to set NAAQS specifying the 
safe level of public exposure; states then develop state implementation plans (SIPs) to ensure 
that those standards are attained.  See 42 U.S.C. §§ 7409 & 7410. EPA’s decision to protect 
public health by lowering the NAAQS for SO2 to a maximum allowable exposure of 75 ppb (a 
concentration equivalent to 196.2 μg/m3) over an hour, see 75 Fed. Reg. 35,520 (June 22, 
2010), thus obliges Florida to update its SIP to ensure that its citizens are protected from this 
dangerous air pollution. 

 
States are generally required to submit updated SIPs “within 3 years” after EPA updates a 

NAAQS; because EPA finalized its NAAQS in 2010, Florida’s plan is due in 2013.  42 U.S.C. § 
7410(a)(1).   The plan must “provide[] for implementation, maintenance, and enforcement of” 
the standard throughout Florida.  Id.  Although EPA’s approval and review process may delay 
plan implementation for a year or two after submission, the Commission can reasonably expect 
Florida’s SIP to be operating by 2015 or before. 

 
This tight timeline is directly relevant to the Commission’s review of Gulf Power’s plans 

because the Lansing Smith plant is causing violations of the NAAQS, and so will have to install 
controls under any legal SIP.  Sierra Club engaged an expert air modeler, Steve Klafka of Wingra 
Engineering, to evaluate the plant’s compliance with the NAAQS, using EPA’s models and 
methodology.2  We modeled both the plant’s allowable emissions – those authorized by its Title 
V Air Operation Permit, No. 0050014‐018‐AV – and its maximum emissions in 2011, the most 
recent year with complete data in EPA’s Air Pollution Markets Database.  Whether measured by 
its permit or by its most recent maximum emissions, the plant causes the pollution in the air 
over Panama City to reach unsafe levels, violating the NAAQS several‐fold. 

 

                                                            
2 The methodology is described in detail in the attached report, Ex. 2. 
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  Importantly, Lansing Smith causes NAAQS violations even when operating below its 
permitted maximums.  Last year, Lansing Smith’s highest operating hour emissions saw SO2 
concentrations reach 346.5 μg/m3, which is nearly double the safe value.  See Ex. 2 at Table 1. 

 
Indeed, Lansing Smith’s SO2 emissions are so extreme that, according to the Florida 

Department of Environmental Protection (“FL DEP”), they even violate the far more lenient 
NAAQS that the new standard replaces.  See FL DEP Permit No. 0050014‐018‐AV at 5.  As such, 
FL DEP requires Gulf Power to post no trespassing signs to “protect the general public” from 
crossing the plant’s fence line, within which the pollution is the most intense.  See id.  This is not 
a safe facility. 

 
To reduce this illegal pollution, Lansing Smith would have to cut total facility emissions by 

77.6% from its current permit.  Id. at Table 3.  To do so, it is highly likely to have to install a 
scrubber, thereby confronting hundreds of millions in control costs, which we document more 
fully below. Importantly, these costs will be far outweighed by public health benefits.  EPA 
determined that the NAAQS will produce on the order of $36 billion in net benefits once safe 
levels of SO2 have been attained.  75 Fed. Reg. at 35,588.  Panama City residents will secure a 
substantial portion of these benefits – in the form of fewer asthma attacks, emergency room 
visits, and premature deaths – once Lansing Smith’s pollution has been controlled.   

 
We have not yet modeled the Scholz facility, but it is also an unscrubbed coal boiler, 

burning high‐sulfur bituminous coal, and its permitted emissions are far higher than Lansing 
Smith’s.  While the Lansing Smith permit allows emissions of up to 4.50 lbs/MMBtu of SO2, FL 
DEP Permit No. 0050014‐018‐AV at 8, the Scholz permit allows the facility to emit up to an 
astonishingly 6.17 lbs/MMBtu, FL DEP Permit No. 0630014‐010‐AV at 6.  FL DEP candidly 
acknowledges that this emission rate “indicates exceedances” near the facility of even the more 
lenient NAAQS which EPA has since replaced, and so requires Gulf Power to take “precautions… 
to preclude public access.”  Id.  Scholz is an even dirtier plant than Lansing Smith, and so is very 
likely to run afoul of the new NAAQS as well.   

 
In short, the SO2 NAAQS, a pollution control requirement which Gulf Power does not even 

acknowledge in its Ten‐Year Plan, is highly likely to require the Lansing Smith and Scholz 
facilities to retrofit or retire.  It is not the only requirement to do so, as we next discuss. 
 

ii. MATS Requirements 
 

In the Clean Air Act of 1990, Congress ordered EPA to investigate hazardous air pollutants 
emitted by power plants, and to promulgate emissions standards for these pollutants if they 
threatened public health.  42 U.S.C. § 7412(n)(1).  Because coal power plants are dominant 
sources of mercury, acid gases, and other highly toxic pollutants, EPA was obligated to issue 
such standards, and finally did so in 2012, 22 years later.  See 77 Fed. Reg. 9,304 (Feb. 16, 
2012). 

 

APPENDIX A



6 
 

The final MATS rule issued in response to this Congressional mandate requires operators to 
control mercury and acid gases. A smoke stack scrubber can be required to comply with EPA’s 
control requirements.  In EPA’s analysis of facility compliance options, it presumed that coal 
plants emitting more than 2 lbs/MMBtu of SO2 would have to install scrubbers to comply with 
the standard.  77 Fed. Reg. at 9,412.  As we note above, Lansing Smith emits more than twice 
this amount, and Scholz emits three times this threshold quantity.  As such, scrubbers will very 
likely be required at these plants in order to comply with MATS. 

 
The Clean Air Act requires that existing sources comply with MATS “as expeditiously as 

practicable, but in no event later than 3 years after the effective date” of the standard.  42 
U.S.C. § 7412(i)(3).  Because MATS was promulgated and effective on February 16, 2012, plants 
must comply by that date in 2015.  Although limited compliance extension of up to 1‐2 
additional years may be available in some limited circumstances, see id., these extensions are 
disfavored. 

 
Accordingly, as Gulf Power recognizes, MATS “may severely restrict Gulf’s coal‐fired 

generation or completely eliminate the generation produced by Gulf’s coal‐fired units at Plants 
Smith and Scholz by as early as 2015.”  Gulf Plan at 3. 

 
iii. Regional Haze Requirements 

 
Since 1977, the Clean Air Act has required EPA and the states to make “reasonable 

progress” towards restoring natural visibility in Class I areas – which are essentially national 
parks and wildernesses.  See 42 U.S.C. § 7491.  EPA’s rules to address regional haze, 
promulgated in 1999, are now being implemented. Florida is the process of a SIP revision 
intended to protect Class I areas affected by sources in the state.  See FL DEP, Regional Haze 
Plan for Florida Class I Areas (Draft as amended May 2012).3 Gulf Power has already 
determined that this rule, alone, may lead it to retire the Lansing Smith facility. 
 
  The regional haze rule requires that Florida impose controls at all sources of visibility‐
impairing pollutants to the extent such controls will be needed to make reasonable progress 
towards restoring natural visibility by 2064.  See 40 C.F.R. § 51.308(d)(3).  The Act and the Rule 
also require sources which were in existence by August 7, 1977, but which had not been in 
operation before August 7, 1962, to install “the best available retrofit technology” (BART) to 
control visibility‐impairing pollutants.  42 U.S.C. § 7491(b)(2)(A) & 40 C.F.R. § 51.308(e).  FL DEP 
has determined that the Crist facility is subject to reasonable progress analysis and that Lansing 
Smith is subject to BART.  See FL Draft Regional Haze Plan at 98 & 102. 
 
  FL DEP had planned to rely upon a separate EPA SO2 trading program, the Clean Air 
Interstate Rule (“CAIR”) to address these requirements, but CAIR has been replaced with a new 
program which does not control SO2 in Florida.  See 77 Fed. Reg. 31,240, 31,248 (May 25, 2012).  
As such, FL DEP is reanalyzing control options and will have to consider source‐specific control 

                                                            
3 Available at http://www.dep.state.fl.us/air/rules/regulatory/regional_haze_imp.htm. 
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requirements for Crist and Lansing Smith. Scholz should also be implicated in this re‐analysis 
because FL DEP had previously excluded relatively small facilities largely because it assumed 
CAIR would address most SO2 emissions.  Now that CAIR is no longer available, Scholz will have 
to be analyzed as well.   Thus, as a result of these analyses, FL DEP will have to address SO2 
emissions, in some fashion, from all of Gulf Power’s coal plants. 
 
  These controls are likely to drive scrubber requirements (and other controls or 
operating restrictions at scrubbed plants like Crist) because, according to FL DEP, SO2 is the 
dominant source of visibility‐impairing pollution in Florida.  See, e.g., FL Draft Regional Haze 
Plan at 91‐92.  Thus, these rules, too, are highly likely to drive scrubber requirements at the 
Lansing Smith facility. 
 
  Gulf Power has admitted as much to FL DEP.  In a “BART Implementation Plan” 
submitted to DEP on May 21, 20124, it indicated that it will complete a BART analysis for 
Lansing Smith, and that it will decide, by January 1, 2015, whether to install a scrubber on the 
plant by 2018 (or later), “commit to retire the operation of Smith Unit 1 by January 1, 2022 and 
Smith Unit 2 before January 1, 2021,” or to seek permit levels by 2015 reducing plant 
operations below BART emissions limits.  Gulf BART Plan at 2.  Because BART determinations 
will be approved within the next year, it is not at all clear how Gulf Power expects to run its 
plants until the early 2020s.  Retirement within the next few years is the more likely option. 
 

iv. Scrubber Costs 
 

We have calculated the approximate cost of installing and running scrubbers (at 90% 
efficiency, a level which would likely be required, at a minimum, to meet the requirements of 
all three relevant rules) at Lansing Smith and Scholz, based upon the EPA’s Integrated Planning 
Model and a scrubber‐focused appendix developed by Sargent & Lundy.5  This model predicts 
that the capital costs for fitting Lansing Smith Units 1 and 2 with scrubbers at $234 million.  The 
incremental costs (including running costs) of these upgrades would be $43.1/MWh annually. 
Gulf Power would no doubt seek to pass these costs on to rate‐payers if it opted to continue to 
run the plant, rather than to retire it. 

 
Scrubber costs for Scholz are also very high.  Using the same government modeling, we 

calculated that scrubbers for Scholz units 1 & 2 would cost $106 million to install, yielding a 
$243.5/MWh spike in incremental costs. 
 
  These figures do not include the incremental costs of effluent controls for scrubber 
waste. Any such additional upgrades would, of course, add to these costs, as would any 
additional measures required at Crist to bring that facility into compliance.  The expenditures 
are extraordinarily high simply in order to extend the lives of these decades‐old, expensive, 
coal‐fired power plants.  Gulf Power is unlikely to make them and, we submit, it would not be 

                                                            
4 Attached as Ex. 3. 
5 All modeling parameters can be found at http://www.epa.gov/airmarkt/progsregs/epa‐ipm/BaseCasev410.html. 
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appropriate for the Commission to authorize such costs where less expensive options are 
available. 
 

B. Other Environmental Liabilities 
 

As Gulf Power acknowledges, Gulf Plan at 3, scrubber costs are not the only liabilities it 
faces.  There are also pending rules requiring upgrades to coal plant cooling water systems, see 
76 Fed. Reg. 22,174 (Apr. 20, 2011), better handling and disposal practices for coal combustion 
waste, see 75 Fed. Reg. 35,128 (June 21, 2010), and new treatment systems for liquid effluent 
discharges,6 all of which are likely to be finalized in the next two years.  EPA is also updating the 
NAAQS for particulate matter and for ozone.   Moreover, EPA has recently proposed carbon 
controls for new electricity generating units.  See 77 Fed. Reg. 22,39 (Apr. 13, 2012).  Once 
finalized, these rules will obligate EPA to extend carbon controls to existing facilities, including 
Gulf Power’s fleet.  See 42 U.S.C. § 7411(d).  The cumulative impact of these liabilities on Gulf 
Power will be large.  Indeed, according to Gulf, “the additional costs to comply with the final 
versions of EPA’s proposed water quality and coal combustion by‐product rules” alone “may 
result in total combined compliance costs that render controlled coal‐fired operations 
uneconomical in the long term.”  Gulf Plan at 3. 

 
Coal ash costs will be particularly pressing for Gulf Power.  According to the Toxic Release 

Inventory, its Lansing Smith facility discharged 520,281 pounds of ash to its impoundment in 
2006, a typical year, making Lansing Smith the 57th largest source of ash in the country and the 
second largest sources in Florida.7  Highly troublingly, carcinogenic hexavalent chromium, which 
leaches from coal ash, has been found in groundwater wells near Lansing Smith at over 5,000 
times safe levels (as determined by California for its drinking water goals), and above federal 
standards.8  Clean‐up costs for this contamination, including halting wet storage of ash, will be 
yet another substantial expense for the plants. 

 
C. Likely Retirements 

 
The cumulative compliance costs from all the rules which apply to Gulf Power’s fleet are 

very large.  Upon reviewing them, and considering the wide availability of more inexpensive 
power sources, Gulf Power is highly likely to follow industry trends towards coal retirement. 

 
Coal use is falling quickly, in response both to the cost of pollution controls and to national 

economic trends, including the growth of inexpensive wind power and the boom in shale gas 
production.  As EPA has recently documented, “all indications suggest that very few new coal‐
fired power plants will be constructed in the foreseeable future.” 77 Fed. Reg. at 22,413, and 
the Energy Information Administration (EIA) is documenting increasing retirements of existing 
plants.  In particular, the EIA’s Annual Energy Outlook for 2012 forecasts no new unplanned 

                                                            
6 See EPA’s plans for this rule at http://water.epa.gov/scitech/wastetech/guide/steam_index.cfm 
7 See Ex. 4, attached. 
8 Lisa Evans, EPA’s Blind Spot: Hexavalent Chromium in Coal Ash (2011) at 6, attached as Ex. 5. 
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arbitrary and unsupportable:  The compliance periods for the scrubber‐forcing rules will run 
within the next two years and retirements will very likely occur within that period, and certainly 
will occur within the next decade.   This error, and Gulf Power’s failure fully to address the 
impacts of retirements upon its system and upon ratepayers, renders the draft plan 
“unsuitable” as a planning document.  See F.S. §186.801.  The Commission, “may suggest 
alternatives to the plan,” id., however, and may classify a plan as suitable upon the submission 
of “additional data,” see F.A.C. § 25‐22.071(5).  We respectfully request that the PSC exercise its 
authority to ensure that Gulf Power’s plan provides adequate data to allow the PSC and the 
public to address these plant retirements. 

 
Specifically, we submit that the Commission should seek the following information from 

Gulf Power and require resubmission of a complete plan addressing these submissions: 
 
1. The utility should provide an analysis of all environmental compliance obligations 

which it will experience at all of its coal‐fired facilities.  For each requirement, the 
utility should cite the relevant rule, explain how it is likely to apply to the plant, the 
likely costs of compliance to the utility and to ratepayers, and the timeline on which 
compliance will be required.  The utility should also document any steps it has taken 
to address these compliance obligations, and alternative steps it might take. For 
instance, if the utility anticipates that it will have to install a scrubber to comply with 
MATS, it should report to the Commission on scrubber installation and operation 
costs, whether it has contracted to purchase a scrubber and on what timeline, and 
what other options it has considered.  See F.S. § 186.801 (requiring utilities to 
document “[p]ossible alternatives to the proposed plan”). 
 

2. The utility should provide a comparative analysis of compliance costs and the cost 
costs of replacing the plant’s power through energy efficiency, demand response, 
power purchase agreements, new generation facilities, or other means.  See F.S. 
§186.801 (requiring utilities to explain the impact of their plans on fuel diversity and 
on the need for electric power in their regions). In light of this analysis, the utility 
should indicate whether it intends to retire any facility, and on what timeline, and 
the relative costs of retirement versus those of other options.  If retirement has not 
been selected but is being considered, the utility should indicate when the decision 
will be made. 
 

3. For any facility where retirement is possible, the utility should discuss how it intends 
to address any reliability issues which may be caused by the retirement.  The 
Commission should play an active role in this regard, as it must maintain reliability of 
the electric grid. See F.S. § 366.05(7)‐(8) (authorizing the Commission to “require 
reports from all electric utilities to assure the development of adequate and reliable 
energy grids” and to order “installation and repair of necessary facilities” to address 
reliability issues”).  The Commission has determined that “[r]eserve margins in 
Florida typically remain well above” relevant minimums through 2020, so system‐
wide resource adequacy problems are unlikely, but the Commission may still need to 
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address localized reliability issues. If such problems appear to be present, the 
Commission should work proactively and transparently with the Florida Reliability 
Coordinating Council to address them well in advance of any planned retirement.   

 
We appreciate this careful consideration of Gulf Power’s environmental compliance options, 
and any resulting plant retirements, and remind the Commission that such thorough analysis is 
required to ensure that the Ten‐Year Plan complies with legal requirements.  We request that 
the Commission share the results of its inquiry with us and with the public, and request formal 
notice of the Commission’s next steps.   
 
Please contact the  undersigned with any concerns or questions. 
 
Sincerely, 
 
s/ Craig Holt Segall 
Craig Holt Segall 
Sierra Club Environmental Law Program 
50 F St NW, Eighth Floor 
Washington, DC, 20001 
(202)‐548‐4597 
Craig.Segall@sierraclub.org 
 
Alisa Coe 
Earthjustice 
111 South Martin Luther King Jr. Blvd. 
Tallahassee, FL 32301 
(850) 681‐0031 
acoe@earthjustice.org 
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July 2, 2012 
 
Mr. Phillip O. Ellis 
Strategic Analysis & Government Affairs 
Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, FL 32399‐0850 
pellis@psc.state.fl.us 
 
CC: Traci Matthews 
tmatthew@psc.state.fl.us 
 
Re: Comments on Progress Energy’s Ten‐Year Plan Submittal 
 
Dear Mr. Ellis and Ms Matthews: 
 

Thank you for accepting these comments on behalf of the Sierra Club and its more than 
27,000 Florida members, and on behalf of Earthjustice.  We look forward to participating in the 
Public Service Commission (PSC)’s Ten‐Year Plan review process.  We are writing to help inform 
the Commission of serious regulatory risks which should be addressed in this Ten‐Year Plan. 
 

As you know, Ten‐Year Plans are designed to provide a broad overview of a utility’s 
“power‐generating needs and the general location of its proposed power plant sites;” 
accordingly, plans must be “suitable” for planning purposes.  F.S. § 186.801; see also F.A.C. §§ 
25‐22.070 & 25‐22.071. These plans are among the many tools used by the Commission as it 
fulfills its statutory responsibilities to maintain “sufficient, adequate, and efficient service” and 
“fair and reasonable rates” for all Floridians.  See, e.g., F.S. § 366.03. 
 

To do so, the Commission will have to address the implications of substantial new 
environmental compliance obligations at several aging coal‐fired units.  A recent report for 
state utility commissioners, primarily authored by former Colorado PSC Chair Ron Binz, puts the 
problem succinctly, reminding regulators that “[t]he U.S. electric utility industry, which has 
remained largely stable and predictable during its first century of existence now faces 
tremendous challenges,” including the prospect of substantial retirements of coal‐fired power 
plants.  See Ron Binz & CERES, Practicing Risk‐Aware Electricity Regulation: What Every State 
Regulator Needs to Know (2012) at 5.1  These “retrofit or retire” decisions will lead to significant 
changes in the Florida coal fleet, and the PSC will be charged with managing these shifts.  As 
Commissioner Binz writes: 
 

The question for regulators is whether to approve coal plant closures in the face of new and 
future EPA regulations, or to approve utility investments in costly pollution controls to keep 
the plants running.  Regulators should treat this much like an IRP proceeding: utilities 

                                                            
1 Attached as Ex. 1. 
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should be required to present multiple scenarios differing in their disposition of the coal 
plants.  The cost and risk of each scenario should be tested using sensitivities for fuel costs, 
environmental requirements, cost of capital, and so forth.  In the end, regulators should 
enter a decision that addresses all of the relevant risks. 

 
Id. at 9. 
 

These comments highlight some of these important risks.  The Commission should use the 
Ten‐Year Plan informational docket to fully investigate them. We have submitted similar 
comments addressing plans filed by several different utilities; this filing focuses on coal‐fired 
power plants operated by Progress Energy. 
 

I. Progress Energy’s Crystal River Plant Face Substantial Environmental Compliance 
Costs 

 
Units 1 and 2 at Progress Energy’s Crystal River plant were put into service in the late 1960s, 

and are operating without major pollution controls, including smokestack scrubbers.  See FL 
DEP Air Operation Permit No. 0170004‐025‐AV (2011) at 6.  These units are an increasingly bad 
deal for ratepayers:  In addition to posing a serious threat to public health, they are not 
economic to operate.  As utilities and PSCs around the country are increasingly recognizing, 
rising pollution control and fuel costs make coal power an unattractive proposition, especially 
as energy efficiency, demand‐side resources, and renewable power become ever more 
available and as natural gas prices continue at record lows.  Multi‐million dollar life‐extension 
projects for aging coal plants are not prudent in these circumstances.   Progress has already told 
FL DEP that it will consider retiring units 1 and 2 within the next decade.  See Progress Energy 
BART Implementation Plan for Crystal River Units 1 and 2 (June 2012) at 3.2  Yet, Progress’s Ten‐
Year Plan does not even mention these units, much less address their retirements. 

 
Because of this striking gap, Progress’s plan is not “suitable” for planning purposes.  See F.S. 

§ 186.801.  The likely retirement of the Crystal River units has important implications for the 
“need … for electrical power” in its service territory, and for how that need is to be met, as well 
on “fuel diversity within the state,” the “environmental impact” of any proposed replacement 
power, and the state “comprehensive plan.” See F.S. § 186.801.  The Commission should 
therefore ensure that Progress submits a corrected plan which discloses its intentions as fully as 
possible.  It is particularly important to do so because Progress will face compliance obligations 
within the next few years that will lead to retirement decisions.  The Commission can best 
protect Floridians by beginning the planning process for these likely retirements now.   
 

Crystal River Units 1 and 2 are likely retirement targets because both units lack “scrubbers,” 
the flue‐gas desulfurization systems required to remove SO2, which can cause deadly 
respiratory damage, from their emissions.  Scrubber systems for these plants would cost tens of 
millions of dollars.  Such an investment, and corresponding rate increase, would not be prudent 

                                                            
2 Attached as Ex. 2. 
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when much cheaper sources of power are available.  Accordingly, the Commission should work 
with Progress Energy to investigate retirement options for these plants. 
 

In the discussion below, we explain the likely sources of scrubber liability for Crystal River, 
before briefly highlighting the many other environmental compliance costs which Progress is 
likely to face. 
 

A. Likely Scrubber Liability for Crystal River Units 1 and 2 
 

Three separate environmental and public health protection programs are likely to drive 
scrubber installation requirements, and hence “retire or retrofit” decisions, at Crystal River: the 
SO2 National Ambient Air Quality Standards (“NAAQS”), 40 C.F.R. § 50.17, the Mercury and Air 
Toxics Standards (“MATS”), 40 C.F.R. Subpt. UUUUU, and the Regional Haze Rule, 40 C.F.R. § 
51.308.   

 
i. The SO2 NAAQS 

 
Just five minutes of exposure to SO2 can make people sick; in fact, the causal link between 

this pollution and asthma attacks and other respiratory problems is the “strongest” such link 
which the EPA’s scientific advisory board can identify.  75 Fed. Reg. 35,520, 35,525 (June 22, 
2010).  To protect the public from such pollutants, EPA is required to set NAAQS specifying the 
safe level of public exposure; states then develop state implementation plans (SIPs) to ensure 
that those standards are attained.  See 42 U.S.C. §§ 7409 & 7410. EPA’s decision to protect 
public health by lowering the NAAQS for SO2 to a maximum allowable exposure of 75 ppb (a 
concentration equivalent to 196.2 μg/m3) over an hour, see 75 Fed. Reg. 35,520 (June 22, 
2010), thus obliges Florida to update its SIP to ensure that its citizens are protected from this 
dangerous air pollution. 

 
States are generally required to submit updated SIPs “within 3 years” after EPA updates a 

NAAQS; because EPA finalized its NAAQS in 2010, Florida’s plan is due in 2013.  42 U.S.C. § 
7410(a)(1).   The plan must “provide[] for implementation, maintenance, and enforcement of” 
the standard throughout Florida.  Id.  Although EPA’s approval and review process may delay 
plan implementation for a year or two after submission, the Commission can reasonably expect 
Florida’s SIP to be operating by 2015 or before. 

 
This tight timeline is directly relevant to the Commission’s review of Progress Energy’s plans 

because the Crystal River plant is causing violations of the NAAQS, and so will have to install 
controls under any legal SIP.  Sierra Club engaged an expert air modeler, Steve Klafka of Wingra 
Engineering, to evaluate the plant’s compliance with the NAAQS, using EPA’s models and 
methodology.3  We modeled both the plant’s allowable emissions – those authorized by its Title 
V Air Operation Permit, No. 017000–025‐AV, and its maximum emissions in 2011, the most 
recent year with complete data in EPA’s Air Pollution Markets Database.  Whether measured by 

                                                            
3 The methodology is described in detail in the attached report, Ex. 3. 
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its permit or by its most recent maximum emissions, the plant causes pollutants in the air near 
Crystal River to reach dangerous levels. 

 
The figure below shows the SO2 pollution plume the plant would create when operating at 

its permit limits.  All colored areas violate the NAAQS.  While the NAAQS is set at 196.2 μg/m3, 
Crystal River’s permit allows pollution levels to soar to a maximum of 921.0 μg/m3, over 460% 
of the safe value; even a bit further away from the plant, the pollution in the air directly over 
residential areas and over Crystal Bay is well above safe levels. 
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Importantly, Crystal River causes NAAQS violations even when operating below its 

permitted maximums.  Last year, the plant’s highest operating hour emissions saw SO2 
concentrations reach 534.6 μg/m3, which is nearly three times the safe value.  See Ex. 2 at Table 
1. 
 

To reduce this illegal pollution, Crystal River would have to cut total facility emissions by 
79.1% from its current permit.  Id. at Table 3.  To do so, it is highly likely to have to install a 
scrubber, thereby confronting hundreds of millions in control costs, which we document more 
fully below. Importantly, these costs will be far outweighed by public health benefits.  EPA 
determined that the NAAQS will produce on the order of $36 billion in net benefits once safe 
levels of SO2 have been attained.  75 Fed. Reg. at 35,588.  Crystal River residents will secure a 
substantial portion of these benefits – in the form of fewer asthma attacks, emergency room 
visits, and premature deaths – once the plant’s pollution has been controlled.   
 

In short, the SO2 NAAQS, a pollution control requirement which Progress Energy does not 
even acknowledge in its Ten‐Year Plan, is highly likely to require Crystal River Units 1 and 2 to 
retrofit or retire.  It is not the only requirement to do so, as we next discuss. 
 

ii. MATS Requirements 
 

In the Clean Air Act of 1990, Congress ordered EPA to investigate hazardous air pollutants 
emitted by power plants, and to promulgate emissions standards for these pollutants if they 
threatened public health.  42 U.S.C. § 7412(n)(1).  Because coal power plants are dominant 
sources of mercury, acid gases, and other highly toxic pollutants, EPA was obligated to issue 
such standards, and finally did so in 2012, 22 years later.  See 77 Fed. Reg. 9,304 (Feb. 16, 
2012). 

 
The final MATS rule issued in response to this Congressional mandate requires operators to 

control mercury and acid gases. A smoke stack scrubber can be required to comply with EPA’s 
control requirements.  In EPA’s analysis of compliance options, it presumed that coal plants 
emitting more than 2 lbs/MMBtu of SO2 would have to install scrubbers to comply with the 
standard.  77 Fed. Reg. at 9,412.  Crystal River’s air operation permit allows it to emit 2.1 
lbs/MMBtu of SO2, meaning that the MATS rule will likely drive scrubbers installation at the 
facility.  See FL DEP Air Operation Permit 0170003‐025‐AV at 7.  Notably, Crystal River is also the 
single largest source of mercury in Florida, dumping more than 300 kg of mercury a year into 
the air around the plant.4  On both counts, MATS compliance will, accordingly, be a major focus 
for the facility. 

 
 

                                                            
4 See Laura S. Sherman et al., Investigation of Local Mercury Deposition from a Coal‐Fired Power Plant Using 
Mercury Isotopes, Environment Science & Technology (2012), attached as Ex. 4. 
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The Clean Air Act requires that existing sources comply with MATS “as expeditiously as 

practicable, but in no event later than 3 years after the effective date” of the standard.  42 
U.S.C. § 7412(i)(3).  Because MATS was promulgated and effective on February 16, 2012, plants 
must comply by that date in 2015.  Although limited compliance extension of up to 1‐2 
additional years may be available in some limited circumstances, see id., these extensions are 
disfavored.  Accordingly, Progress Energy will have to scrub Crystal River by 2015, or shortly 
thereafter, or retire the facility, yet it entirely fails to acknowledge this major shift in its 
operations in its Ten‐Year Plan. 
 

iii. Regional Haze Requirements 
 

Since 1977, the Clean Air Act has required EPA and the states to make “reasonable 
progress” towards restoring natural visibility in Class I areas – which are, essentially, national 
parks and wildernesses.  See 42 U.S.C. § 7491.  EPA has been very slow to implement this 
mandatory duty, but its rule to address regional haze, promulgated in 1999, are now being 
implemented, and Florida is the process of a SIP revision intended to protect Class I areas 
affected by sources in the state.  See FL DEP, Regional Haze Plan for Florida Class I Areas (Draft 
as amended May 2012).5  
 
  The regional haze rule requires that Florida impose controls at all sources of visibility‐
impairing pollutants to the extent such controls will be needed to make reasonable progress 
towards restoring natural visibility by 2064.  See 40 C.F.R. § 51.308(d)(3).  The Act and the Rule 
also require sources which were in existence by August 7, 1977, but which had not been in 
operation before August 7, 1962, to install “the best available retrofit technology” (BART) to 
control visibility‐impairing pollutants.  42 U.S.C. § 7491(b)(2)(A) & 40 C.F.R. § 51.308(e).  FL DEP 
has determined that the Crist facility is subject to BART.  See FL Draft Regional Haze Plan at 102. 
 
  FL DEP had planned to rely upon a separate EPA SO2 trading program, the Clean Air 
Interstate Rule (“CAIR”) to address these requirements, but CAIR has been replaced with a new 
program which does not control SO2 in Florida.  See 77 Fed. Reg. 31,240, 31,248 (May 25, 2012).  
As such, FL DEP is reanalyzing control options and will have to propose source‐specific control 
requirements for Crystal River Units 1 and 2. 
 
  These controls are likely to drive scrubber requirements because, according to FL DEP, 
SO2 is the dominant source of visibility‐impairing pollution in Florida.  See, e.g., FL Draft 
Regional Haze Plan at 91‐92.   Progress Energy has indicated as much to FL DEP.  In a 2009 BART 
permit, Progress Energy agreed to retire the Crystal River units by December 31, 2020, as long 
as the second unit of its proposed Levy County nuclear facility was operating by that time.6  Just 
a few weeks ago, Progress submitted an updated BART implementation plan to FL DEP 
indicating that, whether or not the Levy County facility comes online, it would either install a 

                                                            
5 Available at http://www.dep.state.fl.us/air/rules/regulatory/regional_haze_imp.htm. 
6 See Air Permit No. 0170004‐017‐AC (Feb. 26, 2009) at 6, attached as Ex. 5. 
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scrubber (by 2018 or 5 years after Florida’s haze SIP is approved), retire the units by December 
31, 2020, or limit operations to keep the plant’s operations below BART limits.7 Because BART 
determinations will be approved within the next year, it is not at all clear how Progress expects 
to run its plants until 2020.  Retirement within the next few years is the more likely option. 
 

iv. Scrubber Costs 
 

We have calculated the approximate cost of installing and running scrubbers (at 90% 
efficiency, a level which would likely be required, at a minimum, to meet the requirements of 
all three relevant rules) at Crystal River Units 1 and 2, based upon the EPA’s Integrated Planning 
Model and a scrubber‐focused appendix developed by Sargent & Lundy.8  This model predicts 
that the capital costs for fitting these units with scrubbers as $486 million.  The result (including 
operational costs) would be a $36.6/MWh spike in incremental costs. Progress Energy would no 
doubt seek to pass these costs on to rate‐payers if it opted to continue to run the plant, rather 
than to retire it. These expenditures are extraordinarily high simply in order to extend the lives 
of these decades‐old, expensive, coal‐fired power plants. 
 

B. Other Environmental Liabilities 
 

Scrubber costs are not the only liabilities Crystal River faces.  There are also pending rules 
requiring upgrades to coal plant cooling water systems, see 76 Fed. Reg. 22,174 (Apr. 20, 2011), 
better handling and disposal practices for coal combustion waste, see 75 Fed. Reg. 35,128 (June 
21, 2010), and new treatment systems for liquid effluent discharges,9 all of which are likely to 
be finalized in the next two years.  EPA is also updating the NAAQS for particulate matter and 
for ozone.   Moreover, EPA has recently proposed carbon controls for new electricity generating 
units.  See 77 Fed. Reg. 22,39 (Apr. 13, 2012).  Once finalized, these rules will obligate EPA to 
extend carbon controls to existing facilities, including Crystal River.  See 42 U.S.C. § 7411(d).  
The cumulative impact of these liabilities on Progress Energy will be large and are likely to lend 
further weight to retirement decisions. 

 
C. Likely Retirements 

 
The cumulative compliance costs from all the rules which apply to Progress Energy’s Crystal 

River units are substantial.  Upon reviewing them, and considering the wide availability of more 
inexpensive power sources, Progress is highly likely to follow industry trends towards coal 
retirement. 

 
Coal use is falling quickly, in response both to the cost of pollution controls and to national 

economic trends, including the growth of inexpensive wind power and the boom in shale gas 
production.  As EPA has recently documented, “all indications suggest that very few new coal‐

                                                            
7 See Ex. 2, supra. 
8 All modeling parameters can be found at http://www.epa.gov/airmarkt/progsregs/epa‐ipm/BaseCasev410.html. 
9 See EPA’s plans for this rule at http://water.epa.gov/scitech/wastetech/guide/steam_index.cfm 
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Progress Energy has entirely failed to address these environmental compliance issues, and 

the impacts of retirements at Crystal River upon its system and upon ratepayers.  The failure 
renders the draft plan “unsuitable” as a planning document.  See F.S. §186.801.  The 
Commission, “may suggest alternatives to the plan,” id., however, and may classify a plan as 
suitable upon the submission of “additional data,” see F.A.C. § 25‐22.071(5).  We respectfully 
request that the PSC exercise its authority to ensure that Progress’s plan provides adequate 
data to allow the PSC and the public to address these plant retirements. 

 
Specifically, we submit that the Commission should seek the following information from 

Progress and require resubmission of a complete plan addressing these submissions: 
 
1.  The utility should provide an analysis of all environmental compliance obligations 

which it will experience at the Crystal River plant.  For each requirement, the utility 
should cite the relevant rule, explain how it is likely to apply to the plant, the likely 
costs of compliance to the utility and to ratepayers, and the timeline on which 
compliance will be required.  The utility should also document any steps it has taken 
to address these compliance obligations, and alternative steps it might take. For 
instance, if the utility anticipates that it will have to install a scrubber to comply with 
MATS, it should report to the Commission on scrubber installation and operation 
costs, whether it has contracted to purchase a scrubber and on what timeline, and 
what other options it has considered.  See F.S. § 186.801 (requiring utilities to 
document “[p]ossible alternatives to the proposed plan”). 
 

2. The utility should provide a comparative analysis of compliance costs and the cost 
costs of replacing the plant’s power through energy efficiency, demand response, 
power purchase agreements, new generation facilities, or other means.  See F.S. 
§186.801 (requiring utilities to explain the impact of their plans on fuel diversity and 
on the need for electric power in their regions). In light of this analysis, the utility 
should indicate whether it intends to retire any facility, and on what timeline, and 
the relative costs of retirement versus those of other options.  If retirement has not 
been selected but is being considered, the utility should indicate when the decision 
will be made. 
 

3. For any facility where retirement is possible, the utility should discuss how it intends 
to address any reliability issues which may be caused by the retirement.  The 
Commission should play an active role in this regard, as it must maintain reliability of 
the electric grid. See F.S. § 366.05(7)‐(8) (authorizing the Commission to “require 
reports from all electric utilities to assure the development of adequate and reliable 
energy grids” and to order “installation and repair of necessary facilities” to address 
reliability issues”).  The Commission has determined that “[r]eserve margins in 
Florida typically remain well above” relevant minimums through 2020, so system‐
wide resource adequacy problems are unlikely, but the Commission may still need to 
address localized reliability issues. If such problems appear to be present, the 
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Commission should work proactively and transparently with the Florida Reliability 
Coordinating Council to address them well in advance of any planned retirement.   

 
We appreciate this careful consideration of Progress Energy’s environmental compliance 
options, and any resulting plant retirements, and remind the Commission that such thorough 
analysis is required to ensure that the Ten‐Year Plan complies with legal requirements.  We 
request that the Commission share the results of its inquiry with us and with the public, and 
request formal notice of the Commission’s next steps.   
 
Please contact the undersigned with any concerns or questions. 
 
Sincerely, 
s/ Craig Holt Segall 
Craig Holt Segall 
Sierra Club Environmental Law Program 
50 F St NW, Eighth Floor 
Washington, DC, 20001 
(202)‐548‐4597 
Craig.Segall@sierraclub.org 
 
Alisa Coe 
Earthjustice 
111 South Martin Luther King Jr. Blvd. 
Tallahassee, FL 32301 
(850) 681‐0031 
acoe@earthjustice.org 
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From:                              Tom Larson <tlarson@cleanenergy.org>
Sent:                               Wednesday, October 09, 2013 10:21 AM
To:                                   Phillip Ellis
Cc:                                   Office Of Commissioner Edgar; George Cavros
Subject:                          Exemplary IRPs
Attachments:                 Risk-Aware Electricity Regulation-Ceres 120419.pdf;

RAPSynapse_WilsonBiewald_BestPracticesinIRP_2013_JUN_21.pdf
 
Follow Up Flag:              Follow up
Flag Status:                     Flagged
 
Dear Mr. Ellis:
 
At the recent TYSP workshop, Ms. Edgar invited SACE to provide for PSC consideration references to IRPs of
utilities that we see demonstrating good modeling practices, more fully considering risk, evaluating alternative
resources on a level playing field, and providing greater transparency to the community.
 
Respecting risk assessment, Pacificorp and to a lesser extent Avista, both in the NWPCC territory which I mentioned, are leading
examples of IOU adoption. Also TVA has done good good work, in our estimation.  I offer a few links here to information these
utilities have posted:
 
http://www.pacificorp.com/es/irp.html
http://www.avistautilities.com/inside/resources/irp/electric/Pages/default.aspx
http://www.tva.com/environment/reports/irp/
 
Also, the Regulator Assistance Project recently conducted a couple studies on IRP practices (one with funding provided by
SACE and supported by Ceres); copy of each is attached for your convenience.
 
Please share this information with all of the commissioners as proper and customary.
 
Regards,

Tom Larson | Florida Energy Policy Manager

Southern Alliance for Clean Energy

P.O. Box 50451, Jacksonville, Florida 32240
TLarson@cleanenergy.org | Cell: 904-710-5538  Landline: 904-469-7126
www.cleanenergy.org
blog.cleanenergy.org
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Mr. Phillip O. Ellis  
Strategic Analysis & Government Affairs  
Public Service Commission  
2540 Shumard Oak Boulevard  
Tallahassee, FL 32399-0850  
pellis@psc.state.fl.us  
 
Cc: Traci Matthews, tmatthews@psc.state.fl.us  
 
Re: Supplemental Information Following 2013 Ten-Year Site Plan Workshop 
 
Dear Mr. Ellis and Ms. Matthews: 
 
Thank you for the opportunity to present to the Commission at the September 25, 2013, Ten-Year 
Site Plan Workshop.  At the Workshop the Commissioners raised a number of  questions in response 
to our presentation and we agreed to provide supplemental information to more fully address those 
questions.  This letter transmits and explains that supplemental information.   
 
As discussed at the Workshop, the information supports deferring plan approval until the utilities 
provide a comparative analysis of  the costs and quantified risks of  all relevant energy resources, 
including supply side and demand side.  Substantiating the cost-effectiveness of  planned investments 

in this way is squarely within the utilities’ ten-year site plan data requirements.  See F.A.C. § 25‐
22.072 (incorporating by reference Form PSC/RAD 43-E (11/97), requiring evidence of  “lowest 
cost possible” planned energy).  Yet the utilities’ plans lack the requisite comparative analysis of  the 
costs and risks of  the various energy resources available to Florida.  Without this analysis by the 
utilities, the Commission cannot meaningfully review the plans for enumerated statutory criteria, 
such as “possible alternatives to the proposed plan,” nor can the Commission evaluate and plan for 
risks like “disrupted energy supplies or unexpected prices surges.”  F.S. § 186.801 (citing State 
Comprehensive Plan, F. S. § 187.201).  For these reasons, the information herein supports the 
Commission deferring plan approval, including approval of  planned new gas-burning capacity, until 
the utilities provide the missing comparative cost-risk analysis to substantiate the cost-effectiveness 
of  their proposed investments.   
 
Moreover, the Sierra Club urges the Commission to follow the regulatory best practice of  making 
the comparative cost-risk analysis available for public comment.  Doing so would provide the 
Commission with a fuller critique of  the options for addressing pressing issues, including the need 
to: (1) plan for significant coal and nuclear retirements; (2) appropriately minimize Florida’s exposure 
to natural gas price shocks and supply disruptions; (3) evaluate and seize opportunities to pursue 
cost competitive energy resources; and 4) hedge against the costs and risks of  fossil fuel-burning 
generation capacity. 
 
I.   A Comparative Analysis of  Costs and Quantified Risks of  All Relevant Resources 

(Supply Side and Demand Side) Is Critical for Prudent Resource Planning. 
 
Prudent resource planning minimizes costs and risks.  To minimize not just the present value of  
revenue requirements—alone, a limited focus of  resource planning—but also risk, planners 
generally evaluate a wide range of  scenarios (not just the scenario deemed most likely, the “reference 
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case”).  Planners do this through a number of  different methods.  Many planners use probabilistic 
modeling and sensitivity analyses for inputs including but not limited to: load growth, fuel prices, 
electricity spot prices, market structure, environmental regulations, and other risk factors.  In 
addition, some planners also rely on other analytic aids, including market reports, requests for 
proposals, and stakeholder feedback.  This section addresses the Commissioners’ questions about 
planning for cost and risk with examples and explanations of  emerging best practices. 
 

a. CERES Report—Guidance Primarily for Commissions 
 
Practicing Risk-Aware Electricity Regulation: What Every State Regulator Needs to Know offers guidance that 
is especially relevant to states like Florida that are “facing substantial coal generation retirements and 
evaluating a spectrum of  resource investment options.”  Ron Binz & CERES, Practicing RiskAware 
Electricity Regulation: What Every State Regulator Needs to Know (2012)(“Risk- Aware”) at iii, Ex. 1.  Like 
other reports discussed below, this report reviews existing practices and makes recommendations for 
valuing and selecting plans to minimize risk.  What sets this report apart, and why the Sierra Club 
has highlighted it, is its focus on the role of  state regulatory utility commissions in the planning 
process.  
 
Risk-Aware urges commissions to proactively identify and address risks.  See, e.g., id. at 14.  This 
includes gathering information on all relevant future conditions and investment alternatives, not only 
the conditions and investments identified by the utilities.  Id. at 46.  Further, by fostering 
transparency and stakeholder engagement throughout the planning processes, commissions are able 
to build trust and enhance understanding of  energy options among all interested parties.  Id. at 11. 
 
During the Workshop, Commissioner Graham expressed interest in risk assessment methodology.  
Risk-Aware shows one way that planners can systematically assess risk.  The report draws on decades 
of  relevant energy regulation and finance experience to develop a composite cost-risk analysis 
showing the relative cost and relative risk among a wide range of  investment alternatives (e.g., 
nuclear, natural gas combined cycle, solar, efficiency programs).  See id. at iii, Figures 14 and 15.  
Spurring commissions to develop tailored assessments like this for their respective jurisdictions, see 
id. at 34, Risk-Aware describes its risk assessment methodology in a step-by-step fashion.  First, Risk-
Aware examines twenty-two resources across seven risk categories, wherein the report describes and 
then quantifies the risks associated with each resource.  See id. at 30 – 34; see also id. at Figures 13, 16.  
Next, Risk-Aware establishes composite risk indices for each resource.  Id. at 34 – 36.  Finally, Risk-
Aware compares relative risk and relative cost.  Id. at Figure 17.  
 

b. Nicholas Institute Report—Risk Assessment Made Easier 
 
Least-Risk Planning for Electric Utilities, recently published by the Nicholas Institute for Environmental 
Policy Solutions at Duke University, presents another relatively easy way to address risks in resource 
plans.  See David Hoppock & Patrick Bean, Least-Risk Planning for Electric Utilities (2013) (“Least-Risk 
Planning”), Ex. 2.  Least-Risk Planning emphasizes that “evaluating a wide range of  potential 
scenarios [such as 10 to 15] that fully capture the realistic range of  all relevant sources of  
uncertainty is critical.”  Id. at 11 (emphasis added).  Picking up where traditional scenario analysis 
leaves off, Least-Risk Planning suggests that modeling outputs like production costs and fixed costs 
can be used to compare the costs and quantified risks of  investment alternatives.  Id. at 14.  Least-
Risk Planning illustrates how, with three, then four investment alternatives (deliberately simplified 
examples), it reviews the steps by which a utility would identify trends, risks, and the hedge value of  
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energy efficiency programs and renewable resources like wind and solar.  Id. at 8, 14.  Least-Risk 
Planning maintains that utility planners and state regulators would find this method “attractive” (no 
new tools or modeling required), “sensible” (not too pessimistic or too optimistic about risks), and 
complementary to traditional scenario analysis.  Id. at 5, 6.  Indeed, some utilities like the Tennessee 
Valley Authority have adopted a similar risk assessment method already.  Id. at 6 (citing 2011 TVA 
Integrated Resource Plan).   
 

c. Regulatory Assistance Project & Synapse Report—A Survey of  Several States   
 
Best Practices in Electric Utility Integrate Resource Planning, recently commissioned by the Regulatory 
Assistance Project and prepared by Synapse Energy Economics, reviews emerging best practices in 
several states’ resource planning processes.  See Bruce Biewald & Rachel Wilson, Best Practices in 
Electric Utility Integrate Resource Planning (2013) (“Best Practices”), Ex. 3.  To be sure, many other reports 
examine resource planning best practices, and Best Practices cites some of  these reports.  However, 
the strength of  Best Practices is its breadth and depth of  coverage, as it reviews the practices of  
several states from across the Nation and prepares case studies on three states in particular—
Arizona, Colorado, and Oregon.   
 
Overall, Best Practices recommends active commission oversight, stakeholder engagement, and 
transparency.  See id. at 26, 27.  For example, commissions in Arkansas and Hawaii promote 
transparency and robust stakeholder engagement through their planning rules.  Id. at 26, 27.  The 
Kentucky and Colorado commissions also allow interveners to file, and require utilities to respond 
to, written interrogatories and comments.  Id. at 21, 27.  In turn, the supplemental information from 
the interveners and utilities supports these commissions’ planning oversight.  Id.  
 
Best Practices stresses transparent modeling because “[m]odeling in general is only as good as the input 
assumptions used to generate the portfolios.”  Id. at 25.  Specifically, the report suggests: “A proper 
[resource plan] will include discussion of  the inputs and results, and appendices with full technical 
details.  Only items that are truly sensitive business information should be treated as confidential, 
because such treatment can hinder important stakeholder input processes.”  Id. at 32.  Further, the 
best practice for commissions is to “take an active role in assessing the validity of  inputs used by the 
utilities in their filings, the resulting outcomes, and whether these are consistent with both the 
[relevant state] rules and the state’s energy policies and goals.”  Id. at 27.  Limiting transparency 
hinders a commission’s ability to perform this oversight.  See, e.g., id. at 25. 
 
Best Practices also offers several insights on how to optimize modeling results.  The first insight is to 
avoid “inadvertently exclud[ing] combinations of  options that deserve consideration.”  Id. at 31.  
This could happen when utilities define (potentially biased) future resource portfolios, rather than 
deferring to models to select the portfolios.  See id.  Alternatively, this could happen when “users 
constrain optimization models so that a model may not, given the cost, select the quantity of  a 
specific resource that [the user] may want,” such as where a utility may limit the amount of  a 
resource that a model can consider—for instance, limiting investments in energy efficiency to the 
minimum level that a state policy may require, rather than allowing the model to consider larger 
investments in energy efficiency that the model may otherwise identify as the least-cost, least-risk 
means of  addressing energy needs.  Id. at 27.  Against such defects, the report offers this cure: 
 

The best [resource plans] create levelized cost curves for demand-side 
resources that are comparable to the levelized cost curves for supply-
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side resources. … By developing cost curves for demand-side options, 
planners allow the model to choose an optimum level of  investment. So if  
demand-side resources can meet customer demand for less cost than supply-
side resources, as is frequently the case, this approach may result in more 
than the minimum investment levels required under other policies. 

 
Id. at 29 (emphasis added) (quoting State and Local Energy Efficiency Action Network, Using 
Integrated Resource Planning to Encourage Investment in Cost-Effective Energy Efficiency Measures (2011), at 6, 
Ex. 4).  
 
Best Practices also identifies the risks that are commonly addressed by scenario or sensitivity analyses 
in resource plans.  These include: “fuel prices (coal, oil, and natural gas), load growth, electricity spot 
prices, variability of  hydro resources, market structure, environmental regulations, and regulations on 
carbon dioxide (CO2) and other emissions.”  Best Practices at 5.  The case studies on Arizona, 
Colorado, and Oregon illustrate how resource plans incorporate risk, as discussed below. 
 
◊ Arizona:  During the state’s 2012 planning process, the Arizona utility modeled low and high 

scenarios for what it deemed to be “major cost inputs,” including: natural gas prices, CO2 prices, 
production and investment tax credits for renewable resources, energy efficiency costs, and 
monetization of  SO2, NOx, PM, and water.  See id. at 16.  During the modeling, the utility 
monitored certain metrics to compare and evaluate potential resource investment alternatives.  
Id. at 16-17. In addition to revenue requirements, these metrics included: fuel diversity, capital 
expenditures, natural gas burn, water use, and CO2 emissions.  Id. at 16.  Arizona’s final 2012 
resource plan and materials from five stakeholder meetings are available at 
www.aps.com/en/ourcompany/ratesregulationsresources/resourceplanning/Pages/resource-
planning.aspx.   
 

◊ Colorado:  During the state’s 2011 planning process, the Colorado utility evaluated its baseline 
case and eight alternative cases under several sensitivity scenarios, altering the price of  CO2 
emissions, renewable tax incentives, natural gas prices, and level of  sales.  See Best Practices at 19-
22.  Notably, per an intervener’s recommendation the Colorado Public Utilities Commission 
asked the utility to adopt higher energy efficiency goals.  Id. at 27 (citing Colorado Public 
Utilities Commission, Decision No. C11-0442; Docket No. 10A-554EG (2011)).  The utility 
incorporated the new goals into its calculation of  resource need in subsequent modeling.  See 
Public Service Company of  Colorado, 2011 Electric Resource Plan (2011), available at 
www.xcelenergy.com/About_Us/Rates_&_Regulations/Resource_Plans/PSCo_2011_Electric_
Resource_Plan. 

 

◊ Oregon:  Of  the three case studies, Oregon’s planning process was the most comprehensive. 
Best Practices at 23.  During the state’s 2012 planning process, the Oregon utility defined 67 input 
scenarios including: alternative transmission configurations, CO2 price levels and regulation 
types, natural gas prices, and renewable resource policies.  Id. at 24.  Sensitivity cases examined 
additional incremental costs for coal plants, alternative load forecasts, renewable generation costs 
and incentives, and demand-side management resource availability.  Id.  Top resource portfolios 
were identified through a combination of  lowest average portfolio cost and worst-case portfolio 
cost resulting from 100 simulation runs.  Id.  Final portfolios were selected after considering 
such criteria as risk-adjusted portfolio cost, 10-year customer rate impact, CO2 emissions, supply 
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reliability, resource diversity, and uncertainty and risk surrounding greenhouse gas and renewable 
portfolio standard policies.  Id.; see also PacifiCorp, 2011 Integrated Resource Plan, available at 
www.pacificorp.com/content/dam/pacificorp/doc/Energy_Sources/Integrated_Resource_Plan
/2011IRP/2011IRP-MainDocFinal_Vol1-FINAL.pdf. 
 

II. The Commission Should Not Approve the Utilities’ Ten-Year Site Plans:  The 
Commission Cannot Determine What the Reliable, Least-Cost Energy Mix Is 
Because the Utilities’ Plans Are Missing the Requisite Comparative Analysis of  
Costs and Quantified Risks of  All Relevant Energy Resources, Including Supply 
Side and Demand Side. 

 
Commissioner Brown requested clarification of  the Sierra Club’s recommendations for further 
action by the Commission.  In short, we recommended that the Commission defer approval of  the 
plans until the utilities provide the requisite comparative analysis of  the costs and quantified risks of  
all relevant energy resources, including supply side and demand side.  As discussed below, the 
missing analysis is legally required, and it will put the Commission—and the public—in a better 
position to ensure low-cost, low-risk power for Florida, and to understand the reasoning behind the 
investments that are ultimately selected.  Moreover, subjecting such analysis to public notice and 
comment will provide the Commission with a fuller critique of  the strengths and weaknesses of  the 
plans. 
  

a. The Utilities’ Ten-Year Site Plans Must Provide an Analysis of  the Relative Cost 
and Relative Risk of  All Relevant Energy Resources that is Sufficient to Allow the 
Commission to Classify the Plans as Suitable or Unsuitable, Suggest Alternatives 
to the Plans, and Ensure a Reliable, Least Cost Power Supply for Florida. 

 
Ten-year site plans are Florida’s primary vehicle for collecting information about, and preparing for 
future conditions related to, the state’s power supply.  The Commission established the legally 
required data requirements in Form PSC/RAD 43-E (11/97), “Electric Utility Ten-Year Site Plan 

Information and Data Requirements” (“Form”).  See also F.A.C. § 25‐22.072 (incorporating the Form 
by reference).  Notably, the Form requires utilities to describe their planning assumptions, modeling 
methods, and outcomes.  See Form at 4-6 (enumerating these requirements in the section titled 
“Other Planning Assumptions and Information”).  Moreover, each plan must “provide sufficient 
information to assure the Commission that an adequate and reliable supply of  electricity at the 
lowest cost possible is planned for the state’s electric needs.”  Id. at 4.  Here, cost should be 
considered over the life of  the investment, and to ensure at a robust understanding of  potential 
costs, the plans should quantify the risks that could materially affect the costs, including factors 
identified above that are routinely considered by other commissions, such as fuel price surges and 
regulatory risks.   
 
This reading of  cost is supported by the governing Florida statutory provisions, F. S. § 186.601 (Ten-
Year Site Plans) and § 187.201(11)(b)(10) (State Comprehensive Plan), which call for such 
circumspect planning.  Under mandatory statutory criteria, the Commission must reviews each 
utilities’ ten-year site plan for, among other things, “possible alternatives to the proposed plan,” and 
must evaluate and prepare for risks like “disrupted energy supplies or unexpected prices surges.”  See 
F.S. § 186.801 (citing State Comprehensive Plan, F.S. § 187.201).  Without a comparative cost-risk 
analysis, the Commission lacks the prerequisite information to perform this statutorily required 
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planning oversight.  Moreover, as discussed at the Workshop and in our comments, the missing 
analysis hinders the Commission’s ability to fulfill its over-arching statutory duty to maintain 
“sufficient, adequate, and efficient service” and “fair and reasonable rates” for all Floridians.  See, e.g., 
F.S. § 366.03; see also Sierra Club, Comments on 2013 Ten-Year Plan Submittals Comments (2013) 
(“Sierra Club Comments”), Ex. 5.   
 

b. The Utilities’ Ten-Year Site Plans Fail to Provide the Required Analysis of  the 
Relative Cost and Relative Risk Among the Relevant Energy Resources Available 
to Florida. 

 
Our comments and Workshop presentation demonstrated how two utilities in particular have failed 
to include sufficient cost and risk information in their plans.  To recap, Gulf  Power and Duke 
Energy Florida’s plans do not show the following:  
 
◊ Alternative load forecasts, accounting for significant positive errors in historic forecasts; 
◊ Implications, costs, and expected timelines of  upcoming retirement/retrofit decisions;  
◊ Alternative investment scenarios beyond the selected “reference case” or “base expansion case”; 
◊ A sensitivity analysis of  fuel price, carbon price, supply disruptions, and other risks;  
◊ A direct comparison of  levelized cost curves for demand-side and supply-side resources;  
◊ A direct comparison of  the relative risk among all potential energy resource investment; and  
◊ A full accounting of  energy efficiency and renewable resource options, including (but not limited 

to) renewable energy contracts and self-build options for utility scale solar systems.  
 
Without the missing analysis, the Commission cannot meaningfully verify whether the proposed 
investments—such as Duke’s “planned power purchases from 2016 through 2020 and planned 
installation of  combined cycle facilities in 2018 (1,307 MW, winter capacity) and 2020 (another 
1,307 MW) at undesignated sites,” Progress (now Duke) Energy Florida TYSP at 3-2—do in fact 
provide reliable, least-cost power.   

 
c. The Commission Should Require the Utilities to Conduct a Comparative Cost-

Risk Analysis and Subject the Analysis to a Public Comment Period. 
 

As discussed at the Workshop, Florida’s energy system is at a crossroads and planning presents a 
critical opportunity to enhance the understanding of  energy options among all interested parties.  
The Sierra Club urges the Commission to require the utilities to conduct a comparative cost-risk 
analysis and invite interveners’ comments on this analysis.  Doing so now would help the 
Commission address pressing issues, including the need to: (1) plan for significant coal and nuclear 
retirements; (2) appropriately minimize Florida’s exposure to natural gas price shocks and supply 
disruptions; (3) evaluate and seize opportunities to pursue cost competitive energy resources; and 4) 
hedge against the costs and risks of  fossil fuel-burning generation capacity.  
  

i. The Utilities Should Provide a Full Retirement/Retrofit Analysis of  
Existing Generation Capacity to Ensure an Accurate and Meaningful 
Cost-Risk Comparison of  Energy Options Going Forward.  

 
While Gulf  Power and Duke Energy Florida have confirmed the Sierra Club’s retirement predictions 
from last year, we expect (but have not seen plans that address) more coal-burning unit retirements 
within the planning horizon, such as Lansing Smith 1 and 2.  As we have seen, the Federal 
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Government has and may well continue to ratchet down power plant emissions under the Clean Air 
Act to address public health and welfare concerns.  These regulations could impact the economic 
viability of  certain fossil-fuel burning capacity in Florida.  Indeed, the Florida Reliability 
Coordinating Council (FRCC) has acknowledged “potential multiple generation retirements from 
the same site, starting as early as April 2015.”  FRCC, 2013 Load & Resource Reliability Assessment 
Report (2013).  In any event, we continue to urge the Commission to require the utilities to provide 
a straightforward retirement/retrofit analysis, including decommissioning costs and timelines for 
existing generating capacity, as well as their implications for the utilities’ generating needs.  This 
information is critical for developing an accurate cost-risk comparison of  all relevant energy 
resources available to Florida going forward. 
 

ii. The Utilities Should Identify and Analyze Options to Minimize Florida’s 
Exposure to Natural Gas Price Shocks and Supply Disruptions. 
 

One of  the utilities’ plans most troubling defects is their unwarranted reliance on more natural gas 
imports—channeling money out-of-state and worsening Florida’s exposure to natural gas price 
shocks and supply disruptions.  As the Sierra Club has stressed, nowhere do the plans substantiate 
that proceeding this way is cost effective or necessary.  For example, Duke and Gulf  Power 
forecasted load growth near 1% per year over the planning horizon, which is well within the range 
that demand-side management could address at a lower cost.  See Sierra Club Comments. 
 
Moreover, natural gas-burning capacity is risky in ways that alternative (zero fuel cost) energy is not.  
Here, we recap three sources of  risk.  First, the U.S. Energy Information Administration (EIA) 
dramatically revised downward its estimates of  the domestic shale gas reserves, by 42% nationally, 
and by 66% in the Marcellus.  See EIA, Advanced Energy Outlook 2012 Early Release Overview (2012) at 
9.  Second, the natural gas industry is moving quickly to export liquefied natural gas.  See, e.g., Federal 
Energy Regulatory Commission, Proposed/Potential North America LNG Import/Export Terminals, 
available at www.ferc.gov/industries/gas/indus-act/lng/lng-proposed-potential.pdf (last visited 
October 11, 2013).  Both of  these factors—declining supply and increasing demand at international 
market prices—create a risk of  materially higher natural gas prices in the future.  To be sure, 
numerous studies examine the implications of  natural gas exports, and at the Workshop we 
highlighted EIA’s higher risk case predicting that rapid expansion of  gas exports could drive up 
domestic natural gas prices at the wellhead by as much as 54% ($3.23/Mcf) by 2018.  Whether or 
not this particular rate of  price increase comes to pass, it certainly suggests that the Commission 
would benefit from a transparent analysis of  price shock risks before it approves further natural gas 
generation in Florida—an analysis which is lacking in the plans.   
 
Third, Florida’s limited natural gas transport infrastructure raises the specter of  supply disruptions.  
Planning should address such risks and should include the costs of  building additional 
infrastructure, such as additional natural gas pipelines, in evaluating energy investment options.  For 
all these reasons, the Commission should instruct the utilities to identify in their cost-risk 
comparisons all relevant energy resource investment options that minimize Florida’s exposure to 
natural gas prices shocks and supply disruptions.   
 

iii. The Utilities Should Identify and Justify How They Value and Select 
Alternative Energy Resources, Including the Value that Renewable 
Energy And Energy Efficiency Provide For Capacity and Energy Needs, 
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and As A Hedge Against the Risks and Costs of  Further Natural Gas 
Generation. 

 
As we identified at the Workshop, alternative energy investments are low-cost, low-risk, and 
compare favorably to conventional generation.  The Commission would benefit from a full analysis 
of  such resources in the utilities’ ten-year site plans.  Duke Energy Florida’s plan has served as our 
example of  just how little information the utilities have provided on alternative energy investments.  
This dearth of  information prevents the Commission from verifying that cost-effective alternative 
energy investments (demand side and supply side) have been appropriately valued and incorporated 
into the plans.  Duke’s plan states that by March 2013 the utility’s ongoing Request for Renewables 
logged over 310 responses—responses that are not disclosed or described in Duke’s plan.  See Duke 
TYSP at 3-21.  Duke’s plan also omits the option of  self-building renewable energy projects.  The 
plan plainly lacks the requisite comparative cost-risk analysis, and even lacks the statutorily required 
“statement describing how the production and purchase of  renewable energy resources impact the 
utility’s present and future capacity and energy needs.”  See F.S. § 186.801(2)(j).   
 
The Commission should not approve such defective plans, especially since the 2012 legislative study 
determined that Florida has a track record of  cost-effective alternative energy investments that have 
yielded net benefits to Florida’s ratepayers.  See Galligan et al., Evaluation of  Florida’s Energy Efficiency 
and Conservation Act (Dec. 7, 2012) (“FEECA Study”) at 9, 10.  Instead, we continue to strongly 
recommend that the Commission instruct the utilities to provide analyses that identify: (1) how they 
valued and selected alternative energy resources, (2) how these resources impact the utilities’ capacity 
and generation needs, and (3) how the utilities have captured the hedge value of  alternative energy 
resources against the risks associated with further expansion of  fossil fuel-burning generation, 
especially of  natural gas. 
 
III. The Commission Should Demand a Clear and Thorough Analysis of  the 

Comparative Costs and Risks of  Energy Resources, Including Enhanced Energy 
Efficiency and Renewable Energy Investments, Because in Today’s Market, the 
Analysis May Well Show that it is More Prudent to Invest in Energy Efficiency and 
Renewable Energy than Natural Gas. 
 

Although at the Workshop we spent a considerable amount of  time addressing risks of  further 
natural gas development, the other half  of  a cost and risk analysis is cost.  As discussed at the 
Workshop, energy markets—and the costs of  various types of  energy resources, both supply and 
demand—are rapidly changing.  Renewable energy generation continues to plummet in price, while 
coal and nuclear generation continue to increase, and natural gas is showing clear and increasing 
signs of  significant upward pressure.  In this mix, energy efficiency continues to be by far the 
cheapest energy resources in the market today.   
 
As we noted at the Workshop, there are any number of  ways to evaluate such costs.  Below we 
identify some of  the more common means of  evaluating costs, and reiterate information indicating 
what those costs are in today’s market.  

     
a. Levelized Cost of  Electricity Is One Common Comparative Metric of  The 

Costs of  Energy Resources. 
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Levelized cost of  electricity (LCOE) is one key metric for comparing resource costs, and one 
commonly cited source of  LCOE data is the international advisory and asset management firm 
Lazard Ltd, Lazard’s Levelized Cost of  Energy Analysis—Version 7.0 (2013) (“Lazard’s  Analysis”).  At the 
Workshop we emphasized that national LCOE data can reveal cost trends, while resource planning 
best practice is for utilities to create (generally using models) levelized cost curves for demand-side 
resources that are comparable to the levelized cost curves for supply-side resources available within 
the context of  the regional grid.  See, e.g., State and Local Energy Efficiency Action, Using Integrated 
Resource Planning to Encourage Investment in Cost-Effective Energy Efficiency Measures (2011) at 7.   
 
Since we have not seen evidence of  such side-by-side levelized cost comparisons in the ten-year site 
plans, we have cited Lazard’s Analysis:  Energy efficiency programs average $0-$50 MWh, or better, 
since these figures do not fully account for the opportunity cost of  foregone consumption due to 
demand response.  See Lazard’s Analysis at 4.  Renewable resources are becoming increasingly cost 
competitive.  Utility-scale solar photovoltaic systems are approaching “grid parity” without tax 
subsidies and may currently reach “grid parity” under certain conditions.  Id.  As discussed at the 
Workshop, the graph reproduced below plots Lazard’s levelized cost of  electricity data from 2009 to 
2013 to show cost trends of  renewable resources like solar and wind versus conventional fossil fuel-
burning resources like coal and natural gas.      
 

 
 
The trends shown in this graph favor investments in renewable resources like wind and solar 
because they are already cost-competitive with conventional generation resources like coal and gas, 
and their prices keep falling fast—thanks largely to technological advances, such as larger wind 
turbines and cheaper components for solar-power arrays.  As we have noted, the opposite is true for 
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fossil fuel-burning generation; costs are generally increasing due to increasingly stringent pollution 
controls, fuel price volatility, and supply disruption risks.  
 

a. Given Rapidly Changing Electricity Markets, Requests for Proposals are a 
Common, But Not Exclusive, Way of  Identifying Resource Costs. 

 

Commissioner Balbis requested clarification of  the Sierra Club’s suggestion of  using requests for 

proposals (RFPs) to test resource costs for ten-year site planning purposes.  In short, we suggested 

that, as an initial step, the Commission should obtain from the utilities more information about the 

renewable energy bids that they received in response to existing RFPs.  Duke’s plan, for example, 

states that the utility’s ongoing Request for Renewables returned over 310 bids by March 2013.  Bids 

like these are a potential trove of  cost information that would enhance the understanding of  energy 

options among all interested parties.  See Duke TYSP at 3021.  Indeed, the 2012 legislative study 

found that Florida jurisdictional utilities are missing opportunities to share information and best 

practices on saving energy.  See FEECA Study at 13.  Ten-year site planning is where the utilities can 

start to remedy this, and the Commission should instruct the utilities to make the bid information, 

other than the truly sensitive business information, available to the public.   

 

Further, at the Workshop we suggested that a review of  existing RFPs and responsive bids may well 

reveal opportunities for further market testing, perhaps through RFPs, to identify the cost-effective 

resources available to Florida.  For instance, Connecticut recently issued an RFP to identify cost-

effective resources for meeting that state’s energy policy goals.  See Connecticut Department of  

Energy and Environmental Protection, Request for Proposals for Long Term Energy Contracts (2013), 

available at www.ct.gov/deep/cwp/view.asp?a=4405&Q=527812&deepNav_GID=2121.  Notably, Power 

Purchase Agreement Checklist for States and Locals Governments, produced by that National Renewable 

Energy Laboratory, offers guidance on developing RFPs for solar photovoltaic (PV) power purchase 

agreements in particular.  See National Renewable Energy Laboratory, Power Purchase Agreement 

Checklist for States and Locals Governments (2009), Ex. 6. 

 

Alternatively, as we discussed at the Workshop, the Commission could identify resource costs by 

reviewing examples of  recent electricity purchase or production decisions, such as the new solar 

photovoltaic generation in Georgia and Colorado. See Georgia Public Service Commission, PSC 

Approves Agreement to Resolve Georgia Power 2013 Integrated Resource Plan and Expands the Use of  Solar 

Energy (Aug. 2013); Xcel Energy, Xcel Energy Proposes Adding Economic Solar, Wind to Meet Future 

Customer Energy Demands (Sept. 2013).  Additional cost data—especially from local or regional 

electricity markets—is essential for prudent planning, and the Commission should require the 

utilities to include sufficient cost data in their plans to substantiate the cost-effectiveness of  their 

proposed investments. 

 
IV. Conclusion 

 
For all these reasons, the Commission should defer ten-year site plan approval, including approval 
of  planned new gas-burning capacity, until the utilities provide the missing comparative cost-risk 
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analysis.  Moreover, the Sierra Club urges the Commission to follow the best practice of  making the 
comparative cost-risk analysis available for public comment. 
 
Sincerely,  
 
/s/ 
 
Diana Csank 
Associate Attorney  
Sierra Club Environmental Law Program  
50 F St. NW, 8th Floor  
Washington, DC, 20001  
(202)-548-4595  
Diana.Csank@sierraclub.org 
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iii PRACTICING RISK-AWARE ELECTRICITY REGULATION

ABOUT THIS REPORT

AUDIENCE
This report is primarily addressed to state regulatory utility
commissioners, who will preside over some of the most
important investments in the history of the U.S. electric power
sector during perhaps its most challenging and tumultuous
period. This report seeks to provide regulators with a thorough
discussion of risk, and to suggest an approach—“risk-aware
regulation”—whereby regulators can explicitly and proactively
seek to identify, understand and minimize the risks associated
with electric utility resource investment. It is hoped that this
approach will result in the ef#cient deployment of capital, the
continued #nancial health of utilities, and the con#dence and
satisfaction of the customers on whose behalf utilities invest.

Additionally, this report seeks to present a unique discussion of
risk and a perspective on appropriate regulatory approaches for
addressing it that will interest numerous secondary audiences,
including utility managements, !nancial analysts, investors,
electricity consumers, advocates, state legislatures and
energy of!ces, and other stakeholders with a particular interest
in ensuring that electric system resource investments—which
could soon reach unprecedented levels—are made thoughtfully,
transparently and in full consideration of all associated risks.

SCOPE
While we believe that the approach described herein is
applicable to a broad range of decisions facing state
regulators, the report focuses primarily on resource
investment decisions by investor-owned electric utilities
(IOUs), which constitute roughly 70 percent of the U.S.
electric power industry. The #ndings and recommendations
may be of particular interest to regulators in states facing
substantial coal generating capacity retirements and
evaluating a spectrum of resource investment options.

AUTHORS
Ron Binz, the lead author of this report, is a 30-year veteran
of utility and energy policy and principal with Public Policy
Consulting. Most recently, he served for four years as the
Chairman of the Colorado Public Utilities Commission where
he implemented the many policy changes championed by
the Governor and the Legislature to bring forward Colorado’s
“New Energy Economy.” He is the author of several reports
and articles on renewable energy and climate policy has
testi#ed as an expert witness in #fteen states.

Richard Sedano is a principal with the Regulatory Assistance
Project (RAP), a global, non-pro#t team of experts focused
on the long-term economic and environmental sustainability
of the power and natural gas sectors, providing technical and
policy assistance to policymakers and regulators on a broad
range of energy and environmental issues. RAP is widely
viewed as a source of innovative and creative thinking that
yields practical solutions. RAP members meet directly with
government of#cials, regulators and their staffs; lead
technical workshops and training sessions; conduct in-house
research and produce a growing volume of publications
designed to better align energy regulation with economic and
environmental goals.

Denise Furey has over 25 years of experience with #nancial
institutions, structuring and analyzing transactions for energy
and utility companies. In 2011 she founded Regent Square
Advisors, a consulting #rm specializing in #nancial and
regulatory concerns faced by the sector. She worked with
Citigroup covering power and oil & gas companies, and
worked with Fitch Rating, Enron Corporation and MBIA
Insurance Corporation. Ms. Furey also served with the
Securities and Exchange Commission participating in the
regulation of investment companies.

Dan Mullen, Senior Manager for Ceres’ Electric Power
Programs, works to identify and advance solutions that will
transform the U.S. electric utility industry in line with the
urgent goal of sustainably meeting society’s 21st century
energy needs. In addition to developing Ceres’ intellectual
capital and external partnerships, he has engaged with major
U.S. electric utilities on issues related to climate change,
clean energy and stakeholder engagement, with a particular
focus on energy ef#ciency. A Stanford University graduate,
Dan has also raised more than $5 million to support Ceres’
climate change initiatives and organizational development.
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3FOREWORD

FOREWORD
Today’s electric industry faces a stunning investment cycle.
Across the country, the infrastructure is aging, with very old
parts of the power plant "eet and electric and gas delivery
systems needing to be replaced. The regulatory environment
is shifting dramatically as rules tighten on air pollution from
fossil-burning power plants. Fossil fuel price outlooks have
shifted. New options for energy ef#ciency, renewable energy,
distributed generation, and smart grid and consumer
technologies are pressing everyone to think differently about
energy and the companies that provide it. Customers expect
reliable electricity and count on good decisions of others to
provide it.

The critical nature of this moment and the choices ahead are
the subject of this report. It speaks to key decision-makers,
such as: state regulators who have a critical role in determining
utility capital investment decisions; utility executives managing
their businesses in this era of uncertainty; investors who
provide the key capital for utilities; and others involved in
regulatory proceedings and with a stake in their outcomes.

The report lays out a suite of game-changing recommendations
for handling the tremendous investment challenge facing the
industry. As much as $100 billion will be invested each year
for the next 20 years, roughly double recent levels. A large
portion of those investments will be made by non-utility
companies operating in competitive markets. But another
large share will be made by utilities—with their (and their key
investors’) decisions being greatly affected by state regulatory
policies and practices.

This is no time for backward-looking decision making. It is
vital—for electricity consumers and utilities’ own economic
viability—that their investment decisions re"ect the needs of
tomorrow’s cleaner and smarter 21st century infrastructure
and avoid investing in yesterday’s technologies. The authors
provide useful advice to state regulators on how they can
play a more proactive role in helping frame how electric
utilities face these investment challenges. 

A key report conclusion in this regard: sensible, safe investment
strategies, based on the report’s detailed cost and risk analysis
of a wide range of generation resources, should include:

( Diversifying energy resource portfolios rather than
“betting the farm” on a narrow set of options (e.g., fossil
fuel generation technologies and nuclear);

( More emphasis on renewable energy resources such as
onshore wind and distributed and utility-scale solar; 

( More emphasis on energy ef#ciency, which the report
shows is utilities’ lowest-cost, lowest-risk resource.

At its heart, this report is a call for “risk-aware regulation.”
With an estimated $2 trillion of utility capital investment in
long-lived infrastructure on the line over the next 20 years,
regulators must focus unprecedented attention to risk—not
simply keeping costs down today, but minimizing overall costs
over the long term, especially in the face of possible surprises.
And utilities’ use of robust planning tools needs to be sharpened
to incorporate risk identi#cation, analysis, and management.

This report offers some good news amid pervasive uncertainty:
the authors point out that planning the lowest-cost, lowest
risk investment route aligns with a low-carbon future. From 
a risk management standpoint, diversifying utility portfolios
today by expanding investment in clean energy and energy
ef#ciency makes sense regardless of how and when carbon
controls come into play. Placing too many bets on the
conventional basket of generation technologies is the highest-
risk route, in the authors’ analysis.

We’re in a new world now, with many opportunities as well as
risks. More than ever, the true risks and costs of utility
investments should be made explicit and carefully considered
as decisions on multi-billion-dollar commitments are made.

As the industry evolves, so too must its regulatory frameworks.
The authors point out why and offer guidance about how.
This is news regulators and the industry can use.

Susan F. Tierney
Managing Principal
Analysis Group
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1      Forrest Small and Lisa Frantzis, The 21st Century Electric Utility: Positioning for a Low-Carbon Future, Navigant Consulting (Boston, MA: Ceres, 2010), 28, http://www.ceres.org/resources/reports/the-
21st-century-electric-utility-positioning-for-a-low-carbon-future-1.

2       Estimates of U.S. coal-#red generating capacity that could be retired in the 2015-2020 timeframe as a result of forthcoming U.S. Environmental Protection Agency (EPA) air quality regulations range from 10 to
70 gigawatts, or between three and 22 percent of U.S. coal-#red generation capacity. Forthcoming EPA water quality regulations could require the installation of costly cooling towers on more than 400 power
plants that provide more than a quarter of all U.S. electricity generation. See Susan Tierney, “Electric Reliability under New EPA Power Plant Regulations: A Field Guide,” World Resources Institute, January 18,
2011, http://www.wri.org/stories/2011/01/electric-reliability-under-new-epa-power-plant-regulations-#eld-guide.

3      Companies in the sector include investor-owned utilities (IOUs), utility holding companies and non-regulated af#liates.

4      Marc Chupka et al., Transforming America’s Power Industry: The Investment Challenge 2010-2030, The Brattle Group (Washington DC: The Edison Foundation, 2008), vi,
http://www.brattle.com/_documents/UploadLibrary/Upload725.pdf. Brattle’s investment estimates apply to the entire U.S. electric utility industry, including IOUs, electric cooperatives and
government-owned utilities. From 2000-05, overall annual capital expenditures by U.S. IOUs averaged roughly $48 billion; from 2006-10 that number climbed to $74 billion; see Edison Electric
Institute, 2010 Financial Review: Annual Report of the U.S. Shareholder-Owned Electric Utility Industry (Washington DC: Edison Electric Institute, 2011), 18,
http://www.eei.org/whatwedo/DataAnalysis/IndusFinanAnalysis/#nreview/Documents/FR2010_FullReport_web.pdf.

5EXECUTIVE SUMMARY

The U.S. electric utility industry, which has remained largely
stable and predictable during its #rst century of existence,
now faces tremendous challenges. Navigant Consulting
recently observed that “the changes underway in the 21st

century electric power sector create a level and complexity 
of risks that is perhaps unprecedented in the industry’s
history.”1 These challenges include:

( an aging generation "eet and distribution system, and 
a need to expand transmission;

( increasingly stringent environmental regulation limiting
pollutants and greenhouse gases;2

( disruptive changes in the economics of coal and natural gas;

( rapidly evolving smart grid technologies enabling greater
customer control and choice;

( increased policy maker emphasis on demand-side
resources requiring new regulatory approaches and utility
business models;

( competition from growth in distributed generation;

( slow demand growth due to protracted economic
recovery and high unemployment;

( substantially weakened industry #nancial metrics and credit
ratings, with over three-quarters of companies in the sector
rated three notches or less above “junk bond” status.3

Many of these same factors are driving historic levels of utility
investment. It is estimated that the U.S. electricity industry
could invest as much as $100 billion each year for 20
years4—roughly twice recent investment levels. This level of
investment will double the net invested capital in the U.S.
electricity system by 2030. Moreover, these infrastructure
investments are long lived: generation, transmission and
distribution assets can have expected useful lives of 30 or 
40 years or longer. This means that many of these assets 
will likely still be operating in 2050, when electric power
producers may be required to reduce greenhouse gas
emissions by 80 percent or more to avoid potentially
catastrophic impacts from climate change.

EXECUTIVE SUMMARY
CONTEXT: INCREASING CAPITAL INVESTMENT BY 
U.S. ELECTRIC UTILITIES AMID HISTORIC UNCERTAINTY AND RISK
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5      Moody’s Investors Service, Special Comment: The 21st Century Electric Utility (New York: Moody’s Investors Service, 2010). Importantly, customers who currently enjoy the lowest electricity rates can
expect the largest rate increases, in relative terms, as providers of cheap, coal-generated electricity install costly pollution controls or replace old coal-#red units with more expensive new resources.
This dynamic could prove especially challenging for regulators, utilities and consumers in the heavily coal-dependent Midwest.

6       Richard Cortright, “Testimony before the Pennsylvania Public Utility Commission,” Harrisburg, Pennsylvania, November 19, 2009, http://www.puc.state.pa.us/general/RegulatoryInfo/pdf/ARRA_Testimony-SPRS.pdf.

PRACTICING RISK-AWARE ELECTRICITY REGULATION

Greatly increased utility investment combined with minimal,
zero or even declining electricity demand growth means that
retail electricity prices for consumers will rise sharply,
claiming a greater share of household disposable income
and likely leading to ratepayer resistance.5 Because the U.S.
economy was built on relatively cheap electricity—the only
thing many U.S. consumers and businesses have ever
known—credit rating agencies are concerned about what
this dynamic could mean for utilities in the long term. Rating
analysts also point out that the overall credit pro#le for
investor-owned utilities (IOUs) could decline even further
since utilities’ operating cash "ows won’t be suf#cient to
satisfy their ongoing investment needs.6

It falls to state electricity regulators to ensure that the large
amount of capital invested by utilities over the next two
decades is deployed wisely. Poor decisions could harm the
U.S. economy and its global competitiveness; cost
ratepayers, investors and taxpayers hundreds of billions of
dollars; and have costly impacts on the environment and
public health.

To navigate these dif#cult times, it is essential that regulators
understand the risks involved in resource selection, correct
for biases inherent in utility regulation, and keep in mind the
long-term impact that their decisions will have on consumers
and society. To do this, regulators must look outside the
boundaries established by regulatory tradition. 

CHALLENGES TO 
EFFECTIVE REGULATION
To be effective in the 21st century, regulators will need to be
especially attentive to two areas: identifying and addressing
risk; and overcoming regulatory biases. 

Risk arises when there is potential harm from an adverse
event that can occur with some degree of probability. Put
another way, risk is “the expected value of a potential loss.”
Higher risk for a resource or portfolio means that more value
is at stake or that the likelihood of a #nancial loss is greater, 
or both.

Risks for electric system resources have both time-related
and cost-related aspects. Cost risks re"ect the possibility 
that an investment will not cost what one expects, or that
cost recovery for the investment will differ from expectations.
Time risks re"ect the possibility that circumstances will
change over the life of the investment and materially affect
both the cost of the investment and the degree to which it
bene#ts consumers. Figure ES-1 summarizes the many
varieties of risk for utility resource investment.

VARIETIES OF RISK FOR UTILITY RESOURCE INVESTMENT
Cost-related Time-related
 Construction costs higher than anticipated  Construction delays occur
 Availability and cost of capital underestimated  Competitive pressures; market changes
 Operation costs higher than anticipated  Environmental rules change
 Fuel costs exceed original estimates, or alternative fuel costs drop  Load grows less than expected; excess capacity
 Investment so large that it threatens a "rm  Better supply options materialize
 Imprudent management practices occur  Catastrophic loss of plant occurs
 Resource constraints (e.g., water)  Auxiliary resources (e.g., transmission) delayed
 Rate shock: regulators won’t put costs into rates  Other government policy and "scal changes

I Figure ES-1

I
Risk is the expected value of a potential loss. 
Higher risk for a resource or portfolio means that
more value is at stake or that the likelihood of 
a !nancial loss is greater, or both.
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7      These biases, which are discussed further in the report, are information asymmetry; the Averch-Johnson effect; the throughput incentive; “rent-seeking”; and the “bigger-is-better” bias.

8       Frank Huntowski, Neil Fisher, and Aaron Patterson, Embrace Electric Competition or It’s Déjà Vu All Over Again (Concord, MA: The NorthBridge Group, 2008), 18, http://www.nbgroup.com/publications/Embrace_
Electric_Competition_Or_Its_Deja_Vu_All_Over_Again.pdf. The NorthBridge Group estimates that ratepayers, taxpayers and investors were saddled with $200 billion (in 2007 dollars) in “above-market” costs
associated with the build cycle of the 1970s and 80s. Between 1981-91, shareholders lost roughly $19 billion as a result of regulatory disallowances of power plant investments by some regulated utilities; see
Thomas P. Lyon and John W. Mayo, “Regulatory opportunism and investment behavior: evidence from the U.S. electric utility industry,” Rand Journal of Economics, Vol. 36, No. 3 (Autumn 2005): 628–44,
http://webuser.bus.umich.edu/tplyon/PDF/Published%20Papers/Lyon%20Mayo%20RAND%202005.pdf. The potential for negative consequences is probably higher today; since the 1980s, electric demand
has grown signi#cantly while the environmental risks associated with utility operations, the costs of developing new generation resources, and the pace of technology development have all increased substantially.

9       While our analysis of risks and costs of new generation resources may be of most interest to regulators in “vertically-integrated” states (where utilities own or control their own generation), it also has implications for
regulators in restructured states. Regulators in all states can direct electric utilities to invest in cost-effective demand-side resources, which, as this report makes clear, are utilities’ lowest-cost and lowest-risk resources.

10    LCOE indicates the cost per megawatt-hour for electricity over the life of the plant, encompassing all expected costs (e.g., capital, operations and maintenance, and fuel). We primarily reference
LCOE data compiled by the Union of Concerned Scientists (UCS), which aggregates three common sources of largely consensus LCOE data: the U.S. Energy Information Administration (EIA), the
California Energy Commission (CEC) and the investment #rm Lazard; see Barbara Freese et al., A Risky Proposition (Cambridge, MA: Union of Concerned Scientists, 2011),
http://www.ucsusa.org/assets/documents/clean_energy/a-risky-proposition_report.pdf. LCOE costs for technologies not included in UCS’s analysis (viz., biomass co-#ring, combined cycle natural gas
generation with CCS, and distributed solar) were estimated by the authors based on comparable resources referenced by UCS.

7EXECUTIVE SUMMARY

Traditional utility regulation also contains several built-in biases
that effective regulators must overcome.7 These biases, which
result in part from the incentives that traditional regulation
provides to utilities, encourage utilities to invest more than is
optimal for their customers—which is to say, more than is
optimal for the provision of safe, reliable, affordable and
environmentally sustainable electricity—and discourage them
from investing in the lowest-cost, lowest-risk resources (namely,
demand-side resources such as energy ef#ciency) that provide
substantial bene#ts to ratepayers and local economies. Bias
can also lead utilities to seek to exploit regulatory and legislative
processes as a means of increasing pro#ts (rather than, 
for example, improving their own operational ef#ciencies).
Finally, regulators face an inherent information de#cit when
dealing with utility managements. This can hamper effective
collaboration around utility planning, which is arguably the
most important function of electricity regulation today.

Three observations about risk should be stressed:

1. Risk cannot be eliminated, but it can be managed and
minimized. Since risks are de"ned as probabilities, it is 
by de"nition probable that some risks will be realized—
that, sooner or later, risk will translate into dollars for
consumers, investors or both. This report concludes with
recommendations for how regulators can minimize risk by
practicing “risk-aware regulation.”

2. It is unlikely that consumers will bear the full cost of poor
utility resource investment decisions. The very large amount
of capital investment that’s being contemplated and the
resulting upward pressure on electricity rates will make it very
unappealing (or simply untenable) for regulators to burden
ratepayers with the full cost of utility mistakes. As a result, 
it is likely that utility investors (speci"cally shareholders) will
be more exposed to losses resulting from poor utility investment
decisions than in years past. 

3. Ignoring risk is not a viable strategy. Regulators (and utilities)
cannot avoid risk by failing to make decisions or by relying on
fate. Following a practice just because “it’s always been done
that way,” instead of making a fresh assessment of risk and
attempting to limit that risk, is asking for trouble.

RISK

COSTS AND RISKS OF 
NEW GENERATION RESOURCES
We closely examine costs and risks of new generation resources
for several reasons. First, as the largest share of utility spending
in the current build cycle, generation investment is where the
largest amount of consumer and investor dollars is at risk.
Also, today’s decisions about generation investment can
trigger substantial future investments in transmission and
distribution infrastructure. Proposed power plants can be a
lightning rod for controversy, heightening public scrutiny of
regulatory and corporate decision-makers. Finally, poor
investment decisions about generation resources in IOUs’
last major build cycle resulted in tens of billions of dollars of
losses for consumers and shareholders.8 For these and other
reasons, it is especially important that regulators address,
manage and minimize the risks associated with utility
investments in new generation resources.9

I
Ignoring risk is not a viable strategy. Regulators 
(and utilities) cannot avoid risk by failing to make
decisions or by relying on fate.  

Acquiring new electric system resources involves dimensions
of both cost and risk. Of these two dimensions, the tools for
estimating the cost elements of new generation, while
imperfect, are more fully developed than the risk-related
tools. As a starting point for our examination of the relative
cost and risk of new generation resources, we rank a wide
range of supply-side resources and one demand-side
resource (energy ef#ciency) according to their levelized cost
of electricity, or “LCOE” (Figure ES-2, p. 8).10 This ranking 
is based on 2010 data and does not include recent cost
increases for nuclear or cost decreases for solar PV and
wind. Because carbon controls could add signi#cant costs to
certain technologies but the exact timing and extent of these
costs is unknown, we include a moderate estimate for carbon
cost for fossil-fueled resources. And because incentives such
as tax credits and loan guarantees can signi#cantly affect
LCOE, we examine the LCOE range for each technology with
and without incentives where applicable.
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11    Risk exposure in each risk category ranges from “None” to “Very High.” We assigned scores (None = 0, Very High = 4) to each risk category for each resource and then summed them to establish
an indicative quantitative ranking of composite risk. We also tested the robustness of the risk ranking by calculating two additional rankings of the risk scores: one that overweighted the cost-related
risk categories and one that overweighted the environmental-related risk categories.

PRACTICING RISK-AWARE ELECTRICITY REGULATION

But the LCOE ranking tells only part of the story. The price for
any resource in this list does not take into account the relative
risk of acquiring it. To establish relative risk of new generation
resources, we return to the many risks identi#ed in Figure 
ES-1 and compress those risks into seven main categories:

( Construction Cost Risk: includes unplanned cost
increases, delays and imprudent utility actions

( Fuel and Operating Cost Risk: includes fuel cost and
availability, as well as O&M cost risks

( New Regulation Risk: includes air and water quality
rules, waste disposal, land use, and zoning

( Carbon Price Risk: includes state or federal limits on
greenhouse gas emissions

( Water Constraint Risk: includes the availability and cost
of cooling and process water

( Capital Shock Risk: includes availability and cost of
capital, and risk to #rm due to project size 

( Planning Risk: includes risk of inaccurate load forecasts,
competitive pressure

We then evaluate each resource pro#led in the LCOE ranking
and apply our informed judgment to quantify each resource’s
relative exposure to each type of risk.11 This allows us to
establish a composite risk score for each resource (with the
highest score indicating the highest risk) and rank them
according to their relative composite risk pro#le (Figure ES-3).

HIGHEST COMPOSITE RISK 

LOWEST COMPOSITE RISK 

Nuclear

Pulverized Coal

Coal IGCC-CCS

Nuclear w/ incentives

Coal IGCC

Coal IGCC-CCS w/ incentives

Natural Gas CC-CCS

Biomass

Coal IGCC w/ incentives

Natural Gas CC

Biomass w/ incentives

Geothermal

Biomass Co-!ring

Geothermal w/ incentives

Solar Thermal

Solar Thermal w/ incentives

Large Solar PV

Large Solar PV w/ incentives

Onshore Wind

Solar—Distributed

Onshore Wind w/ incentives

Ef!ciency

HIGHEST LEVELIZED COST 
OF ELECTRICITY (2010)

LOWEST LEVELIZED COST 
OF ELECTRICITY (2010)

Solar Thermal

Solar—Distributed*

Large Solar PV*

Coal IGCC-CCS

Solar Thermal w/ incentives

Coal IGCC

Nuclear*

Coal IGCC-CCS w/ incentives

Coal IGCC w/ incentives

Large Solar PV w/ incentives*

Pulverized Coal

Nuclear w/ incentives*

Biomass

Geothermal

Biomass w/ incentives

Natural Gas CC-CCS

Geothermal w/ incentives

Onshore Wind*

Natural Gas CC

Onshore Wind w/ incentives*

Biomass Co-!ring

Ef!ciency

I Figure ES-2 I Figure ES-3

* Cost ranking based on 2010 data. Does not re!ect recent cost increases for nuclear or cost decreases for solar PV and wind.

RELATIVE COST RANKING OF
NEW GENERATION RESOURCES

RELATIVE RISK RANKING OF 
NEW GENERATION RESOURCES
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12    Resources are assumed to come online in 2015.

EXECUTIVE SUMMARY

I Figure ES-4

The risk ranking differs from the cost ranking in several
important ways. First, the risk ranking shows a clear division
between renewable resources and non-renewable resources.
Second, nuclear generation moves from the middle of the
cost ranking to the top of the risk ranking. Notably, energy
ef#ciency ranks lowest in both cost and risk.

With largely consensus quantitative LCOE data, and having
developed indicative composite risk scores for each resource,
we can summarize relative risks and costs of utility
generation resources in a single graph (Figure ES-4).12

I
While this report focuses on new generation
resources, the approach to “risk-aware regulation”
described herein works equally well for the “retire 
or retro!t” decisions concerning existing coal plants
facing regulators and utilities in many states.

While this report focuses on new generation resources, the
approach to “risk-aware regulation” described herein works
equally well for the “retire or retro#t” decisions concerning
existing coal plants facing regulators and utilities in many
states. The question for regulators is whether to approve coal
plant closures in the face of new and future EPA regulations,
or to approve utility investments in costly pollution controls to
keep the plants running. Regulators should treat this much
like an IRP proceeding: utilities should be required to present
multiple scenarios differing in their disposition of the coal
plants. The cost and risk of each scenario should be tested
using sensitivities for fuel costs, environmental requirements,
cost of capital, and so forth. In the end, regulators should
enter a decision that addresses all of the relevant risks.

PROJECTED UTILITY GENERATION RESOURCES IN 2015
Relative Cost and Relative Risk
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13    For example, the use of CWIP #nancing in Florida could result in Progress Energy customers paying the utility more than $1 billion for a new nuclear plant (the Levy County Nuclear Power Plant) that
may never be built. Florida state law prohibits ratepayers from recouping their investment in Levy or other CWIP-#nanced projects.

PRACTICING RISK-AWARE ELECTRICITY REGULATION

DIVERSIFYING UTILITY SUPPLY PORTFOLIOS with an emphasis on low-carbon resources and
energy ef"ciency. Diversi"cation—investing in different asset classes with different risk pro"les—
is what allows investors to reduce risk (or “volatility”) in their investment portfolios. Similarly,
diversifying a utility portfolio by including various supply and demand-side resources that behave
independently from each other in different future scenarios reduces the portfolio’s overall risk. 

UTILIZING ROBUST PLANNING PROCESSES for all utility investment. In many vertically
integrated markets and in some organized markets, regulators use “integrated resource planning”
(IRP) to oversee utilities’ capital investments. IRP is an important tool to ensure that the utilities,
regulators and other stakeholders have a common understanding of a full spectrum of utility
resource options; that the options are examined in a structured, disciplined way; that demand-side
resources get equal consideration alongside supply-side resources; and that the "nal resource plan
is understood by all.

EMPLOYING TRANSPARENT RATEMAKING PRACTICES that reveal risk. For example,
allowing a current return on construction work in progress (CWIP) to enable utilities to "nance large
projects doesn’t actually reduce risk but rather transfers it from the utility to consumers.13 While
analysts and some regulators favor this approach, its use can obscure a project’s risk and create 
a “moral hazard” for utilities to undertake more risky investments. Utility investment in the lowest-
cost and lowest-risk resource, energy ef"ciency, requires regulatory adjustments that may include
decoupling utility revenues from sales and performance-based "nancial incentives.

USING FINANCIAL AND PHYSICAL HEDGES, including long-term contracts. These allow utilities to
lock in a price (e.g., for fuel), thereby avoiding the risk of higher market prices later. But these options
must be used carefully since using them can foreclose an opportunity to enjoy lower market prices.

HOLDING UTILITIES ACCOUNTABLE for their obligations and commitments. This helps to
create a consistent, stable regulatory environment, which is highly valued in the marketplace and
ensures that agreed-upon resource plans become reality.

OPERATING IN ACTIVE, “LEGISLATIVE” MODE, continually seeking out and addressing risk.
In “judicial mode,” a regulator takes in evidence in formal settings and resolves disputes; in
contrast, a regulator operating in “legislative mode” proactively seeks to gather all relevant
information and to "nd solutions to future challenges.

REFORMING AND RE-INVENTING RATEMAKING POLICIES as appropriate. Today’s energy
industry faces disruptions similar to those experienced by the telecommunications industry over the
past two decades, which led regulators to modernize their tools and experiment with various types
of incentive regulation. One area where electricity regulators might pro"tably question existing
practices is rate design; existing pricing structures should be reviewed for the incentives they
provide for customers and the outcomes they create for utilities.

PRACTICING RISK-AWARE REGULATION: 
SEVEN ESSENTIAL STRATEGIES FOR STATE REGULATORS
MANAGING RISK INTELLIGENTLY IS ARGUABLY THE MAIN DUTY OF REGULATORS
WHO OVERSEE UTILITY INVESTMENT. EFFECTIVELY MANAGING RISK IS NOT SIMPLY
ACHIEVING THE LEAST COST TODAY, BUT RATHER IS PART OF A STRATEGY TO
MINIMIZE OVERALL COSTS OVER THE LONG TERM. WE IDENTIFY SEVEN ESSENTIAL
STRATEGIES THAT REGULATORS SHOULD EMPLOY TO MANAGE AND MINIMIZE RISK:

1

2

3

4

5

6

7

APPENDIX A



11

14    Tennessee Valley Authority (TVA), TVA’s Environmental and Energy Future (Knoxville, TN: Tennessee Valley Authority, 2011), 161,
http://www.tva.com/environment/reports/irp/pdf/Final_IRP_complete.pdf.

15    As of spring 2010, TVA’s generation mix consisted mainly of coal (40 percent), natural gas (25 percent) and nuclear (18 percent) (TVA, 73). 

EXECUTIVE SUMMARY

Careful planning is the regulator’s primary risk management
tool. A recently completed IRP by the Tennessee Valley
Authority (TVA) illustrates how robust planning enables risk-
aware resource choices and avoids higher-cost, higher-risk
supply portfolios. TVA considered #ve resource strategies and
subjected each to extensive scenario analysis. Figure ES-5
shows how these strategies mapped out along an “ef#cient
frontier” according to TVA’s analysis of cost and risk.14 The
highest-cost, highest-risk strategies were those that
maintained TVA’s current resource portfolio15 or emphasized
new nuclear plant construction. The lowest-cost, lowest-risk
strategies were the ones that diversi#ed TVA’s resource
portfolio by increasing TVA’s investment in energy ef#ciency
and renewable energy. The TVA analysis is careful and
deliberate; analyses by other utilities that reach signi#cantly
different thematic conclusions must be scrutinized carefully
to examine whether the costs and risks of all resources have
been properly evaluated.

Strategy A: Limited Change in Current Resource Portfolio

Updating traditional practices will require effort and
commitment from regulators and regulatory staff. Is it worth
it? This report identi#es numerous bene#ts from practicing
“risk-aware regulation”:

( Consumer bene!ts from improved regulatory decision-
making and risk management, leading to greater utility
investment in lower-cost, lower-risk resources; 

( Utility bene!ts in the form of a more stable, predictable
business environment that enhances long-term planning
capabilities;

( Investor bene!ts resulting from lowered threats to utility
cost recovery, which simultaneously preserves utility
credit quality and capital markets access and keeps
#nancing costs low, bene#tting all stakeholders;

( Systemic regulatory bene!ts resulting from expanded
transparency, inclusion and sophistication in the
regulatory process, thereby strengthening stakeholder
relationships, building trust and improving policy maker
understanding of energy options—all of which enhances
regulators’ ability to do their jobs;

( Broad societal bene!ts "owing from a cleaner, smarter,
more resilient electricity system.

With two trillion dollars on the line, both the stakes and the
potential bene#ts are high. If history is a guide, fewer than
700 state regulators will serve in of#ce during the next 20
years. Practicing risk-aware regulation will enable them to
avoid expensive mistakes and identify the most important
utility investments for realizing the promise of an advanced
21st century electricity system.

TVA ANALYSIS OF RESOURCE PLAN COSTS & FINANCIAL RISK
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I
Effectively managing risk is not simply achieving 
the least cost today, but rather is part of a strategy 
to minimize overall costs over the long term.
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CONCLUSIONS &
RECOMMENDATIONS

( The U.S. electric utility industry has entered what may
be the most uncertain, complex and risky period in its
history. Several forces will conspire to make the next two
decades especially challenging for electric utilities: large
investment requirements, stricter environmental controls,
decarbonization, changing energy economics, rapidly
evolving technologies and reduced load growth. Succeeding
with this investment challenge—building a smarter,
cleaner, more resilient electric system for the 21st century
at the lowest overall risk and cost—will require
commitment, collaboration, shared understanding,
transparency and accountability among regulators, policy
makers, utilities and a wide range of stakeholders. 

( These challenges call for new utility business models
and new regulatory paradigms. Both regulators and
utilities need to evolve beyond historical practice. Today’s
electricity industry presents challenges that traditional
electricity regulation did not anticipate and cannot fully
address. Similarly, the constraints and opportunities for
electric utilities going forward are very different than they
were a century ago, when the traditional (and still
predominant) utility business model emerged. 

Regulators must recognize the incentives and biases that
attend traditional regulation, and should review and reform
their approaches to resource planning, ratemaking and
utility cost recovery accordingly. Utilities must endorse
regulatory efforts to minimize investment risks on behalf
of consumers and utility shareholders. This means
promoting an inclusive and transparent planning process,
diversifying resource portfolios, supporting forward-looking
regulatory policies, continually reevaluating their strategies
and shaking off “we’ve always done it that way” thinking. 

( Avoiding expensive utility investment mistakes will
require improved approaches to risk management 
in the regulatory process. One of the most important
duties of a 21st century electricity regulator is to
understand, examine and manage the risk inherent in
utility resource selection. Existing regulatory tools often
lack the sophistication to do this effectively.

Higher risk for a resource or portfolio means that more
value is at stake or that the likelihood of a #nancial loss is
greater, or both. Our analysis across seven major risk
categories reveals that, almost without exception, the
riskiest resources—the ones that could cause the most
#nancial harm—are large base load fossil and nuclear
plants. It is therefore especially important that regulators
and utilities explicitly address and manage risk when
considering the development of these resources.

Regulators practicing “risk-aware regulation” must exhaust
lower-risk investment options like energy ef#ciency before
allowing utilities to commit huge sums to higher-risk
projects. Regulators should immediately notify regulated
utilities of their intention to address risks more directly,
and then begin explicitly to include risk assessment in all
decisions about utility resource acquisition.

( More than ever, ratepayer funding is a precious resource.
Large investment requirements coupled with "at or
decreasing load growth will mean higher utility rates for
consumers. Increased consumer and political resistance
to rising electricity bills, and especially to paying for
expensive mistakes, leaves much less room for error in
resource investment decisions and could pose a threat 
to utility earnings.
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CONCLUSIONS & RECOMMENDATIONS

( Risk shifting is not risk minimization. Some regulatory
practices that are commonly perceived to reduce risk
(e.g., construction work in progress #nancing, or “CWIP”)
merely transfer risk from the utility to consumers. This
risk shifting can inhibit the deployment of attractive lower-
cost, lower-risk resources. Regulatory practices that shift
risk must be closely scrutinized to see if they actually
increase risk—for consumers in the short term, and for
utilities and shareholders in the longer term.

( Investors are more vulnerable than in the past. During
the 1980s, power plant construction cost overruns and
#ndings of utility mismanagement led regulators to disallow
more than six percent of utilities’ overall capital investment,
costing shareholders roughly $19 billion. There will be
even less tolerance for errors in the upcoming build cycle
and more pressure on regulators to protect consumers.
Investors should closely monitor utilities’ large capex
decisions and consider how the regulatory practice
addresses the risk of these investments. Investors should
also observe how the business models and resource
portfolios of speci#c utilities are changing, and consider
engaging with utility managements on their business
strategies going forward.

( Cost recovery mechanisms currently viewed positively
by the investment community including the rating
agencies could pose longer-term threats to utilities 
and investors. Mechanisms like CWIP provide utilities
with the assurance of cost recovery before the outlay is
made. This could incentivize utilities to take on higher-
risk projects, possibly threatening ultimate cost recovery
and deteriorating the utility’s regulatory and business
environment in the long run.

( Some successful strategies for managing risk are
already evident. Regulators and utilities should pursue
diversi#cation of utility portfolios, adding energy ef#ciency,
demand response, and renewable energy resources to the
portfolio mix. Including a mix of supply and demand-side
resources, distributed and centralized resources, and
fossil and non-fossil generation provides important risk
management bene#ts to resource portfolios because each
type of resource behaves independently from the others
in different future scenarios. In the other direction, failing
to diversify resources, “betting the farm” on a narrow set
of large resources, and ignoring potentially disruptive
future scenarios is asking for trouble.

I
Including a mix of supply and demand-side resources,
distributed and centralized resources, and fossil 
and non-fossil generation provides important risk
management bene!ts to resource portfolios because
each type of resource behaves independently from
the others in different future scenarios.

( Regulators have important tools at their disposal.
Careful planning is the regulator’s primary tool for risk
mitigation. This is true for regulators in both vertically-
integrated and restructured electricity markets. Effective
resource planning considers a wide variety of resources,
examines possible future scenarios and considers the risk
of various portfolios. Regulators should employ transparent
ratemaking practices that reveal and do not obscure the
level of risk inherent in a resource choice; they should
selectively apply #nancial and physical hedges, including
long-term contracts. Importantly, they must hold utilities
accountable for their obligations and commitments.
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16    See footnote 2.

17    Peter Fox-Penner, Smart Power (Washington DC: Island Press, 2010). The “#rst revolution” was triggered by George Westinghouse, Thomas Edison, Nicola Tesla, Samuel Insull and others more than
a century ago.  

18    Small and Frantzis, The 21st Century Electric Utility, 28.

19    See U.S. Energy Information Administration, “Electric Power Industry Overview 2007,” http://www.eia.gov/cneaf/electricity/page/prim2/toc2.html; National Rural Electric Cooperative Association, 
“Co-op Facts and Figures,” http://www.nreca.coop/members/Co-opFacts/Pages/default.aspx; Edison Electric Institute, “Industry Data,”
http://www.eei.org/whatwedo/DataAnalysis/IndustryData/Pages/default.aspx. Note that these numbers do not include investment by non-utility generators.

20    Edison Electric Institute, 2010 Financial Review, 18.
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INCREASING CAPITAL INVESTMENT BY U.S. ELECTRIC UTILITIES
AMID HISTORIC UNCERTAINTY & RISK
U.S. ELECTRIC UTILITIES ARE FACING A SET OF CHALLENGES UNPARALLELED IN THE INDUSTRY’S
HISTORY, PROVIDING MANY REASONS TO CONCLUDE THAT THE TRADITIONAL PRACTICES OF
UTILITIES AND THEIR REGULATORS MUST BE UPDATED TO ADD A SHARPER FOCUS ON RISK
MANAGEMENT IN THE REGULATORY PROCESS. 

Consider the forces acting on the electricity sector in 2012:

( an aging generation "eet;

( infrastructure upgrades to the distribution system;

( increasingly stringent environmental regulation limiting
pollutants and greenhouse gases;16

( disruptive changes in the economics of coal and natural gas;

( new transmission investments;

( rapidly evolving smart grid technologies enabling greater
customer control and choice;

( increased policy maker emphasis on demand-side
resources requiring new regulatory approaches and utility
business models;

( competition from growth in distributed generation;

( slow demand growth due to protracted economic
recovery and high unemployment;

( tight credit in a dif#cult economy and substantially
weakened industry #nancial metrics and credit ratings.

In a recent book, Peter Fox-Penner, principal and chairman
emeritus of the Brattle Group, concluded that the sum of
these forces is leading to a “second revolution” in the electric
power industry.17 Navigant Consulting has observed that “the
changes underway in the 21st century electric power sector
create a level and complexity of risks that is perhaps
unprecedented in the industry’s history.”18

THE INVESTMENT CHALLENGE
The United States electric utility industry is a network of
approximately 3,300 investor-owned utilities (IOUs), cooperative
associations and government entities. In addition, about 1,100

independent power producers sell power to utilities, either
under contract or through auction markets. The net asset value
of the plant in service for all U.S. electric utilities in 2010 was
about $1.1!trillion, broken down as $765 billion for IOUs, about
$200 billion for municipal (publicly-owned) utilities (or “munis”),
and $112 billion for rural electric cooperatives (or “co-ops”).19

IOUs therefore constitute the largest segment of the U.S.
electric power industry, serving roughly 70 percent of the
U.S. population. Figure 1 illustrates IOUs’ capital
expenditures from 2000-2010 and captures the start of the
current “build cycle,” beginning in 2006.20 Between 2006
and 2010, capital spending by IOUs—for generation,
transmission and distribution systems—was about 10 percent
of the #rms’ net plant in service.

CAPITAL EXPENDITURES BY U.S. INVESTOR-OWNED UTILITIES, 
2000-2010
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21    Chupka et al., Transforming America’s Power Industry, vi. Brattle’s investment estimates apply to the entire U.S. electric utility industry, including IOUs, electric cooperatives and government-owned
utilities. The range in Brattle’s investment estimate is due to its varying assumptions about U.S. climate policy enactment.

22    U.S. Energy Information Administration, “Today in Energy: Age of electric power generators varies widely,” June 16, 2011, http://www.eia.gov/todayinenergy/detail.cfm?id=1830.

23    U.S. Supreme Court, Massachusetts v. Environmental Protection Agency, 549 U.S. 497 (2007), http://www.supremecourt.gov/opinions/06pdf/05-1120.pdf.  
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In 2008, the Brattle Group projected that the collected U.S.
electric utility industry—IOUs, munis, and co-ops—would
need to invest capital at historic levels between 2010 and
2030 to replace aging infrastructure, deploy new
technologies, and meet future consumer needs and
government policy requirements. In all, Brattle predicted that
total industry-wide capital expenditures from 2010 to 2030
would amount to between $1.5 trillion and $2.0 trillion.21

Assuming that the U.S. implements a policy limiting
greenhouse gas emissions, the collected utility industry may
be expected to invest at roughly the same elevated annual
rate as in the 2006-2010 period each year for 20 years.

I
If the U.S. utility industry adds $100 billion each year
between 2010 and 2030, the net value of utility plant
in service will grow from today’s $1.1 trillion to more
than $2.0 trillion—a doubling of net invested capital.

If the U.S. utility industry adds $100 billion each year between
2010 and 2030, the net value of utility plant in service will
grow from today’s $1.1 trillion to more than $2.0 trillion—
a doubling of net invested capital. This growth is considerably
faster than the country has seen in many decades. 

To understand the seriousness of the investment challenge
facing the industry, consider the age of the existing generation
"eet. About 70 percent of U.S. electric generating capacity is
at least 30 years old (Figure 2).22 Much of this older capacity
is coal-based generation subject to signi#cant pressure from
the Clean Air Act (CAA) because of its emissions of traditional
pollutants such as nitrous oxides, sulfur dioxides, mercury
and particulates. Moreover, following a landmark Supreme
Court ruling, the U.S. Environmental Protection Agency (EPA)
is beginning to regulate as pollutants carbon dioxide and
other greenhouse gas emissions from power plants.23 These
regulations will put even more pressure on coal plants, which
produce the most greenhouse gas emissions of any electric
generating technology. The nuclear capacity of the U.S.,
approximately 100,000 megawatts, was built mainly in the
1970s and 80s, with original licenses of 40 years. While the
lives of many nuclear plants are being extended with
additional investment, some of these plants will face
retirement within the next two decades.
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Figure 3 shows the Brattle Group’s investment projections for
new generating capacity for different U.S. regions,24 while
Figure 4 predicts capacity additions for selected U.S. states.
Importantly, the Brattle Group noted that some of this
investment in new power plants could be avoided if regulators
and utilities pursued maximum levels of energy ef#ciency.

DRIVERS OF UTILITY INVESTMENT
Technological change, market pressures and policy imperatives
are driving these historic levels of utility investment. As we will
see, these same forces are interacting to create unprecedented
uncertainty, risk and complexity for utilities and regulators. 

I Figure 3
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24    Chupka et al., Transforming America’s Power Industry, x. Brattle’s Prism RAP Scenario “assumes there is a new federal policy to constrain carbon emissions, and captures the cost of EPRI’s [Electric
Power Research Institute] Prism Analysis projections for generation investments (nuclear, advanced coal, renewables, etc.) that will reduce the growth in carbon emissions. This scenario further
assumes the implementation of RAP [realistically achievable potential] EE/DR programs” (ibid., vi). Brattle used EPRI’s original Prism analysis, published in September 2007; that document and
subsequent updates are available online at http://my.epri.com/portal/server.pt?open=512&objID=216&&PageID=229721&mode=2.

25    State capacity addition predictions are based on Brattle’s regional projections and assume that new capital expenditures will be made in proportion to existing investment levels.

26    State generating capacity data: U.S. Energy Information Administration, “State Electricity Pro#les,” January 30, 2012, http://www.eia.gov/electricity/state/. Percentage is rounded to the nearest whole number.

I Figure 4

PROJECTED GENERATION CAPEX BY REGION

Regional Capacity Additions & Generation Capital Costs 
In Prism RAP Scenario with Carbon Policy (2010-2030)
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Texas 23,400 22%

Florida 12,200 21%

Illinois 11,000 25%

Ohio 8,500 26%

Pennsylvania 6,300 14%

New York 5,400 14%

Colorado 2,500 18%

PROJECTED CAPACITY ADDITIONS BY STATE & 
AS A PERCENTAGE OF 2010 GENERATING CAPACITY

Here are eight factors driving the large investment
requirements: 

THE NEED TO REPLACE AGING GENERATING UNITS. As
mentioned earlier, the average U.S. generating plant 
is more than 30!years old. Many plants, including base
load coal and nuclear plants, are reaching the end of
their lives, necessitating either life-extending investments
or replacement.

ENVIRONMENTAL REQUIREMENTS. Today’s Clean Air Act
(CAA) traces its lineage to a series of federal laws dating
back to 1955. Until recent years, the CAA has enjoyed
broad bipartisan support as it steadily tightened controls
on emissions from U.S. electric power plants. These
actions were taken to achieve science-based health
improvements for people and the human habitat. While
the current set of EPA rules enforcing the CAA has
elicited political resistance, it is unlikely that the #ve-
decade long movement in the United States to reduce
acid rain, smog, ground ozone, particulates and mercury,
among other toxic pollutants, will be derailed. Owners of
many fossil-fueled plants will be forced to decide whether
to make signi#cant capital investments to clean up
emissions and manage available water, or shutter the
plants. Since the capacity is needed to serve consumers’
demand for power (or “load”), these clean air and clean
water policies will stimulate the need for new construction.

1

2
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27    Edison Electric Institute, EEI Survey of Transmission Investment (Washington DC: Edison Electric Institute, 2005), 3, http://www.eei.org/ourissues/ElectricityTransmission/Documents/Trans_Survey_Web.pdf.

28    U.S. Energy Information Administration, AEO2012 Early Release Overview (Washington DC: U.S. Energy Information Administration, 2012), 9, http://www.eia.gov/forecasts/aeo/er/pdf/0383er(2012).pdf.

29    Source: Standard & Poor’s Ratings Service.

30    The difference in the interest rate on an “A” rated utility and BBB is on average over time rarely more than 100 basis points. By contrast, equity #nancing typically costs a utility at least 200 basis
points more than debt #nancing.

31    Companies in the sector include IOUs, utility holding companies and non-regulated af#liates.
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NEW TRANSMISSION LINES AND UPGRADES. Utility
investment in transmission facilities slowed signi#cantly
from 1975 to 1998.27 In recent years, especially after the
creation of deregulated generation markets in about half
of the U.S., it has become clear that the transmission
de#cit will have to be #lled. Adding to the need for more
transmission investment is the construction of wind, solar
and geothermal generation resources, far from customers
in areas with little or no existing generation or transmission.
Regional transmission planning groups have formed
across the country to coordinate the expected push for
new transmission capacity.

NETWORK MODERNIZATION/SMART GRID. The internet is
coming to the electric power industry. From synchrophasors
on the transmission system (which enable system-wide
data measurement in real time), to automated substations;
from smart meters, smart appliances, to new customer
web-based energy management, investments to
“smarten” the grid are fundamentally changing the way
electricity is delivered and used. While much of today’s
activity results from “push” by utilities and regulators,
many observers think a “pull” will evolve as consumers
engage more fully in managing their own energy use.
Additionally, “hardening” the grid against disasters and to
enhance national security will drive further investment in
distribution infrastructure.

HIGHER PRICES FOR CONSTRUCTION MATERIALS. Concrete
and steel are now priced in a world market. The demand
from developing nations is pushing up the cost of materials
needed to build power plants and transmission and
distribution facilities. 

DEMAND GROWTH. Overall U.S. demand for electric power
has slowed with the recent economic recession and is
projected to grow minimally in the intermediate term
(though some areas, like the U.S. Southwest and
Southeast, still project moderate growth). Further, the
expected shift toward electric vehicles has the potential 
to reshape utility load curves, expanding the amount of
energy needed in off-peak hours. 

DEPLOYING NEW TECHNOLOGIES AND SUPPORTING R&D.
To meet future environmental requirements, especially
steep reductions of greenhouse gas emissions by 2050,
utilities will need to develop and deploy new technologies
at many points in the grid. Either directly or indirectly,
utilities will be involved in funding for R&D on carbon
capture and storage, new renewable and ef#ciency
technologies, and electric storage.

NATURAL GAS PRICE OUTLOOK. Natural gas prices have
fallen sharply as estimates of U.S. natural gas reserves
jumped with the development of drilling technologies that
can economically recover gas from shale formations.
Longer-term price estimates have also dropped, inducing
many utilities to consider replacing aging coal units with
new gas-#red units. But in January 2012, the U.S. Energy
Information Administration (EIA) sharply revised downward
its estimates of U.S. shale gas reserves by more than 40
percent and its estimates of shale gas from the Marcellus
region by two-thirds.28 Reduced long-term supplies and 
a signi#cant commitment to natural gas for new electric
generation could obviously lead to upward pressure on
natural gas prices.

FINANCIAL IMPLICATIONS
The credit quality and #nancial "exibility of U.S. investor-
owned electric utilities has declined over the past 40 years,
and especially over the last decade (Figure 5, p. 18).29 The
industry’s #nancial position today is materially weaker than 
it was during the last major “build cycle” that was led by
vertically-integrated utilities, in the 1970s and 80s. Then the
vast majority of IOUs had credit ratings of “A” or higher;
today the average credit rating has fallen to “BBB.”

I
While it is rare for utilities to experience multiple
notch downgrades in a short period of time, the
heightened event risk inherent in the approaching
sizable capital spending cycle could cause the rating
agencies to pursue more aggressive rating actions.

This erosion of credit quality is mainly the result of intentional
decisions by regulators and utility managements, who
determined that maintaining an “A” or “AA” balance sheet
wasn’t worth the additional cost.30 And while there isn’t reason
to believe that most utilities’ capital markets access will
become signi#cantly constrained in the near future, the fact
remains that more than a quarter of companies in the sector
are now one notch above non-investment grade status (also
called “Non-IG,” “high yield” or “junk”), and nearly half of the
companies in the sector are rated only two or three notches
above this threshold.31 While it is rare for utilities to experience
multiple notch downgrades in a short period of time, the
heightened event risk inherent in the approaching sizable
capital spending cycle could cause the rating agencies to
pursue more aggressive rating actions. Dropping below
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32    Cortright, “Testimony.”

33    Standard & Poor’s, The Top 10 Investor Questions for U.S. Regulated Electric Utilities in 2012 (New York: Standard & Poor’s, 2012).

34    Moody’s Investors Service, Industry Outlook: Annual Outlook (New York: Moody’s Investors Service, 2011). 

35    Moody’s Investors Service, Industry Outlook: Annual Outlook (New York: Moody’s Investors Service, 2010).

36    Moody’s, Special Comment: The 21st Century Electric Utility, 12.
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investment grade (or “IG”) triggers a marked rise in interest
rates for debt issuers and a marked drop in demand from
institutional investors, who are largely prohibited from investing
in junk bonds under the investment criteria set by their boards.

According to a Standard & Poor’s analyst, utilities’ capital
expenditure programs will invariably cause them to become
increasingly cash "ow negative, pressuring company balance
sheets, #nancial metrics and credit ratings: “In other words,
utilities will be entering the capital markets for substantial
amounts of both debt and equity to support their infrastructure
investments as operating cash "ows will not come close to
satisfying these infrastructure needs.”32 Speci#c utilities that
S&P has identi#ed as particularly challenged are companies—
such as Ameren, Dominion, FirstEnergy, and PPL—that have
both regulated and merchant generation businesses and must
rely on market pricing to recover environmental capital
expenditures for their merchant "eets.33

Appendix 1 of this report presents an overview of utility #nance.

I
While the growth of rate base presents an earnings
opportunity for regulated utilities and their investors,
the corresponding increase in customer bills could
greatly exacerbate the political and regulatory risks
that threaten utilities’ cost recovery. 

CUSTOMER IMPACTS
The surge in IOU capital investment will translate directly into
higher electric rates paid by consumers. Increased capital
investment means higher annual depreciation expenses as
#rms seek to recover their investment. Greater levels of
investment mean higher revenue requirements calculated to
yield a return on the investment. And since electric sales may
not grow much or at all during the coming two decades, it is
likely that unit prices for electricity will rise sharply.

While the growth of rate base presents an earnings opportunity
for regulated utilities and their investors, the corresponding
increase in customer bills could greatly exacerbate the political
and regulatory risks that threaten utilities’ cost recovery. The
rating agency Moody’s Investors Service has noted that
“consumer tolerance to rising rates is a primary concern”34

and has identi#ed political and regulatory risks as key longer-
term challenges facing the sector.35 

Further, Moody’s anticipates an “in"ection point” where
consumers revolt as electricity bills consume a greater share
of disposable income (Figure 6, p. 19),36 pressuring
legislators and regulators to withhold from utilities the
recovery of even prudently incurred expenses.

S&P Credit Ratings Distribution, U.S. Shareholder-Owned Electric Utilities

U.S. ELECTRIC IOUs CREDIT RATINGS HISTORY, 1970 – 2010
I Figure 5
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37    In 2012, the median number of years served by a state regulator was 3.7 years; see Janice A. Beecher, Ph.D., IPU Research Note: Commissioner Demographics 2012 (East Lansing, MI: Michigan
State University, 2012), http://ipu.msu.edu/research/pdfs/IPU-Commissioner-Demographics-2012.pdf.

I. CONTEXT: INCREASING CAPITAL INVESTMENT BY U.S. ELECTRIC UTILITIES AMID HISTORIC UNCERTAINTY AND RISK

THE IMPORTANCE OF REGULATORS
With this background, the challenge becomes clear: how to
ensure that the large level of capital invested by utilities over
the next two decades is deployed wisely? How to give U.S.
ratepayers, taxpayers and investors the assurance that 
$2 trillion will be spent in the best manner possible? There
are two parts to the answer: effective regulators and the right
incentives for utilities.

If history is a guide, fewer than 700 state regulators will 
serve in of#ce during the next 20 years. Each regulator will,
on average, vote to approve more than $6.5!billion of utility
capital investment during his or her term.37 It is essential that
regulators understand the risks involved in resource
selection, correct for the biases facing utility regulation and
keep in mind the impact their decisions will have on
consumers and society.

Are U.S. regulatory institutions prepared? Consumers,
lawmakers and the #nancial markets are counting on it. 
The authors are con#dent that well-informed, focused state
regulators are up to the task. But energy regulation in the
coming decades will be quite different from much of its
history. The 21st century regulator must be willing to look
outside the boundaries established by regulatory tradition.
Effective regulators must be informed, active, consistent,
curious and often courageous.

This report focuses on techniques to address the risk
associated with utility resource selection. It provides
regulators with some tools needed to understand, identify
and minimize the risks inherent in the industry’s investment
challenge. In short, we hope to help regulators become more
“risk-aware.”

I
If history is a guide, fewer than 700 state 
regulators will serve in of!ce during the next 
20 years. Each regulator will, on average, vote 
to approve more than $6.5 billion of utility capital
investment during his or her term.

MOODY’S PROJECTED “INFLECTION POINT” OF CONSUMER INTOLERANCE FOR RISING ELECTRICITY BILLS

I Figure 6
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RISK INHERENT IN 
UTILITY RESOURCE SELECTION
Risk arises when there is potential harm from an adverse
event that can occur with some degree of probability. Risk
accumulates from multiple sources. In mathematical terms:

Risk = "i Eventi x (Probability of Eventi)

for a situation in which a set of independent events will
cause a loss with some probability. In English, this means
that risk is the sum of each possible loss times the probability
of that loss, assuming the events are independent of each
other. If a #nancial instrument valued at $100 million would
be worth $60!million in bankruptcy, and the probability of
bankruptcy is 2 percent, then the bankruptcy risk associated
with that instrument is said to be ($100!million - $60!million)
x 2%, or $800,000. Thus, risk is the expected value of a
potential loss. There is an obvious tie to insurance premiums;
leaving aside transaction costs and the time value of money,
an investor would be willing to pay up to $800,000 to insure
against the potential bankruptcy loss just described.

Higher risk for a resource or portfolio means a larger expected
value of a potential loss. In other words, higher risk means
that more value is at stake or that the likelihood of a #nancial
loss is greater, or both.

Uncertainty is similar to risk in that it describes a situation
where a deviation from the expected can occur, but it differs
in two respects. First, the probability of the unexpected event
cannot feasibly be determined with any precision. Consider
the potential of much higher costs for natural gas used as 
a generation resource for an electric utility. Such an outcome
is certainly possible (and perhaps even likely, given the
potential for an increased rate of construction of new natural
gas generation). But the likelihood and scope of such a
change would be dif#cult to assess in terms of mathematical
probabilities. Second, unlike risk, uncertainty can result in

2. CHALLENGES 
TO EFFECTIVE REGULATION
THE CHALLENGE FOR U.S. ELECTRIC UTILITIES IS TO RAISE, SPEND AND RECOVER A HISTORIC
AMOUNT OF CAPITAL DURING A PERIOD OF UNPRECEDENTED UNCERTAINTY. THE CHALLENGE FOR
STATE REGULATORS IS TO DO EVERYTHING POSSIBLE TO ENSURE THAT UTILITIES’ INVESTMENTS
ARE MADE WISELY. TO DO THIS EFFECTIVELY, REGULATORS WILL NEED TO BE ESPECIALLY
ATTENTIVE TO TWO AREAS: IDENTIFYING AND ADDRESSING RISK, AND OVERCOMING REGULATORY
BIASES. THIS SECTION DISCUSSES RISK AND BIAS IN MORE DETAIL.

The Historical Basis for Utility Regulation

Utilities aren’t like other private sector businesses. Their
services are essential in today’s world, and society expects
utilities to set up costly infrastructure networks supported
by revenue from electric rates and to serve everyone
without discrimination. Because of their special attributes,
we say that investor-owned utilities are private companies
that are “affected with the public interest.” Indeed, this is
often the statutory de#nition of utilities in state law.

Utility infrastructure networks include very long-lived
assets. Power plants and transmission lines are designed
to last decades; some U.S. transmission facilities are
approaching 100 years old. The high cost of market entry
makes competition impractical, uneconomic or impossible
in many sectors of these markets. And because society
requires universal service, it made economic sense to
grant monopoly status to the owners of these essential
facilities and then to regulate them. 

State regulatory utility commissioners began administering 
a system of oversight for utilities at about the turn of the 20th
century, #lling a role that had previously been accorded to
state legislatures. Regulatory commissions were tasked with
creating a stable business environment for investment while
assuring that customers would be treated “justly and
reasonably” by monopoly utilities. Then as now, consumers
wanted good utility services and didn’t want to pay too
much for them. Rules for accounting were supplemented
by regulatory expectations, which were then followed by a
body of precedents associated with cost recovery. 

Because the sector’s complexity and risks have evolved
considerably since many regulatory precedents were
established, today’s regulators are well-advised to “think
outside the box” and consider reforming past precedent
where appropriate. The last section of this report,
“Practicing Risk-Aware Regulation,” contains speci#c
ideas and recommendations in this regard.
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either upside or downside changes. As we will see later,
uncertainty should be identi#ed, modeled and treated much
like risk when considering utility resource selection. In this
report we will focus on risk and the negative aspect of
uncertainty, and we will simplify by using the term “risk” to
apply to both concepts.

The risks associated with utility resource selection are many
and varied and arise from many possible events, as shown in
Figure 7. There are several ways to classify these risks. One
helpful distinction is made between cost-related risks and
time-related risks. 

Cost risks re"ect the possibility that an investment will not
cost what one expects, or that cost recovery for the
investment will differ from expectations. Construction costs
for a project can increase between regulatory approval and
project completion. Transmission projects are notorious for
this phenomenon due to unexpected obstacles in siting, 
or to unexpected changes in raw material costs. 

Costs can change unexpectedly at any time. For example, 
a catastrophic equipment failure or the adoption of a new
standard for pollution control could present unforeseen costs
that a utility may not be willing to pay to keep an asset
operating. Planned-for cost recovery can be disrupted by
changes in costs for which regulators are unwilling to burden
customers, or for other reasons. If an asset becomes
obsolete, useless or uneconomic before the end of its
predicted economic life, a regulator could #nd that it is no
longer “used and useful” to consumers and remove it from
the utility rate base. In these ways, decisions made by
utilities and their regulators may turn out to be much more
costly than initially expected. For this reason, it is especially
important that regulators and utilities consider a full range of
options and resources at the time a major investment
decision is made. 

Time risks re"ect the possibility that circumstances will
change over the life of the investment and materially affect
both the cost of the investment and the degree to which it

bene#ts consumers. Sometimes this risk can manifest itself
even between the time a utility makes a decision and the
time approval is sought. For example, anticipated load
growth may not materialize, so that a planned generation
resource is not needed, at least not now. 

Time risks also re"ect the fact that, for some investments,
some essential condition may not occur on a schedule
necessary for the investment to be approved and
constructed. Consider the dilemma of the developer who
wishes to build a low cost wind farm in an area with weak
electric transmission. The wind project might require three 
to four years to build, but the transmission capacity needed
to move the power to market may take #ve to seven years to
build—if the development goes relatively smoothly. Investors
may forego the wind farm due to uncertainty that the
transmission will be built, while at the same time the
transmission might not be built because, without the wind
farm, it is simply too speculative.

I
Decisions made by utilities and their regulators
may turn out to be much more costly than initially
expected. For this reason, it is especially important
that regulators and utilities consider a full range 
of options and resources at the time a major
investment decision is made.

In the power sector, investments are so long-lived that time
can be measured in generations. Generally speaking,
regulators consider it most fair if the generation of consumers
that uses an asset is the same one that pays for the asset.
Burdening customers before or after an asset is useful is
often seen as violating the “just and reasonable” standard.
The challenge to the utility, therefore, is to #t cost recovery
for an asset into the timeframe in which it is used. Otherwise,
the utility may bear the risk that regulators or consumers
push back on assuming responsibility for the cost. 

I Figure 7

VARIETIES OF RISK FOR UTILITY RESOURCE INVESTMENT
Cost-related Time-related
 Construction costs higher than anticipated  Construction delays occur
 Availability and cost of capital underestimated  Competitive pressures; market changes
 Operation costs higher than anticipated  Environmental rules change
 Fuel costs exceed original estimates, or alternative fuel costs drop  Load grows less than expected; excess capacity
 Investment so large that it threatens a "rm  Better supply options materialize
 Imprudent management practices occur  Catastrophic loss of plant occurs
 Resource constraints (e.g., water)  Auxiliary resources (e.g., transmission) delayed
 Rate shock: regulators won’t put costs into rates  Other government policy and "scal changes
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ELECTRICITY MARKET 
STRUCTURE AND RISK
Much has changed since non-utility power producers led the
most recent industry build cycle in the 1990s and early
2000s. To begin with, #nancial reforms from Sarbanes-Oxley
legislation, other “Enron #xes,” and now the Dodd-Frank Act
have substantially changed some accounting and corporate
disclosure rules. Investors now receive more detailed and
transparent information about asset value (which is “marked
to market”) and possible risks in contracts with counter-parties. 

These changes, which protect investors, may have the
associated effect of discouraging investments if cumulative
risks are judged to be outsized for the circumstances. This is
especially relevant for markets served by the competitive
generation system that now supplies power to about half of
U.S. consumers. It is unclear whether independent generators
have the tolerance to take on large, risky investments;
experience indicates that there is a frontier beyond which
these companies and their backers may not go. 

This dynamic could raise important questions for regulators
in restructured markets, who need to be aware of the degree
to which investment options might be limited by these
concerns. In vertically-integrated markets, regulators’
concern should be not to expose utilities, customers and
investors to undue risk by approving large projects that
informed market players would not pursue in the absence 
of regulatory approval.

One potentially risky but necessary area of investment is in
low carbon generation technologies. The U.S. power sector,
which has embraced generation competition, is required to
develop these technologies. Some promising technologies—
including coal-#red generation with carbon capture and
storage or sequestration (CCS), advanced nuclear power
technologies and offshore wind—have not reached a
commercial stage or become available at a commercial price. 

Risks requiring special attention are those associated with
investments that “bet the company” on their success.
Gigawatt-sized investments in any generation technology 
may trigger this concern, as can a thousand-mile extra high
voltage transmission line. Any investment measured in
billions of dollars can be proportionately out of scale with
what a utility can endure if things go awry. Regulators should
avoid a situation where the only choices left are a utility
bankruptcy or a waiving of regulatory principles on prudence
and cost recovery in order to save the utility, placing a
necessary but unreasonable cost burden on consumers.

REGULATORS, RATING 
AGENCIES AND RISK
Investor-owned utilities sometimes attempt to get out in front of
the event risk inherent in large investment projects by seeking
pre-approval or automatic rate increase mechanisms. As
discussed later, these approaches don’t actually reduce risk,
but instead shift it to consumers. This may give companies and
investors a false sense of security and induce them to take on
excessive risk. In the long run this could prove problematic for
investors; large projects can trigger correspondingly large rate
increases years later, when regulators may not be as invested
in the initial deal or as willing to burden consumers with the
full rate increase.

Given the in"uence of regulators on the operations and #nances
of IOUs, ratings agencies and investors closely monitor the
interactions between utility executives and regulators.
Constructive relationships between management and regulators
are viewed as credit positive; less-than-constructive
relationships, which can result from regulators’ concerns about
the competence or integrity of utility management, are seen
as a credit negative and harmful to a utility’s business prospects. 

Analysts de#ne a constructive regulatory climate as one that
is likely to produce stable, predictable regulatory outcomes
over time. “Constructive,” then, refers as much to the quality

Perspectives on Risk

Risk means different things to different stakeholders. 
For example:

• For utility management, risks are a threat to the company’s
#nancial health, its growth, even its existence; a threat to the
#rm’s competitiveness, to the #rm’s image, and to its legacy.

• For customers, risk threatens household disposable
income, the pro#tability of businesses, the quality of
energy service, and even comfort and entertainment.

• Investors focus on the safety of the income, value of the
investment (stock or bond holders), or performance of the 

contract (counterparties). In addition, investors value utility
investments based on their expectations of performance.

• Employees are uniquely connected to the utility. Their
employment, safety and welfare is directly related to their
company’s ability to succeed and to avoid #nancial
catastrophes. 

• Society generally has expectations for utilities ranging from
providing reliable, universal service, to aiding in economic
development, to achieving satisfactory environmental and
safety performance. Risk threatens these goals. 
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of regulatory decision-making as it does to the #nancial
reward for the utility. Regulatory decisions that seem overly
generous to utilities could raise red "ags for analysts, since
these decisions could draw #re and destabilize the regulatory
climate. Analysts may also become concerned about the
credit quality of a company if the state regulatory process
appears to become unduly politicized. 

While they intend only to observe and report, ratings agencies
can exert a discipline on utility managements not unlike that
imposed more formally by regulators. For example, ratings
agencies can reveal to utility managements the range of
factors they should consider when formulating an investment

strategy, thereby in"uencing utility decision-making. Both
regulators and ratings agencies set long-term standards and
expectations that utilities are wise to mind; both can provide
utilities with feedback that would discourage one investment
strategy or another.

Since ratings re"ect the issuer’s perceived ability to repay
investors over time, the ratings agencies look negatively on
anything that increases event risk. The larger an undertaking
(e.g., large conventional generation investments), the larger
the fallout if an unforeseen event undermines the project.
The pressure to maintain healthy #nancial metrics may, in
practice, serve to limit utilities’ capital expenditure programs
and thus the size of rate increase requests to regulators. 

NATURAL BIASES AFFECTING 
UTILITY REGULATION
Notwithstanding economic theory, we must admit that utilities
are not perfectly rational actors and that their regulation is not
textbook-perfect, either. Utility regulation faces several built-in
biases, which one can think of as headwinds against which
regulation must sail. For example, under traditional cost-of-
service regulation, a considerable portion of #xed costs (i.e.,
investment in rate base) is often recovered through variable
charges to consumers. In this circumstance, one would expect
utilities to have a bias toward promoting sales of the product
once rates are established—even if increasing sales might
result in increased #nancial, reliability, or environmental risks
and mean the inef#cient use of consumer dollars. 

Here are !ve natural biases that effective utility regulation
must acknowledge and correct for:

( Information asymmetry. Regulators are typically
handicapped by not having the same information that 
is available to the regulated companies. This becomes
especially signi#cant for the utility planning process,
where regulators need to know the full range of potential
options for meeting electric demand in future periods. In
the same vein, regulators do not normally have adequate
information to assess market risks. These are the
considerations of CFOs and boardrooms, and not
routinely available to regulators. Finally, operating utilities
often exist in a holding company with af#liated interests.
The regulator does not have insight into the interplay of
the parent and subsidiary company—the role played by
the utility in the context of the holding company. 

( The Averch-Johnson effect. A second bias is recognized
in the economic literature as the tendency of utilities to
over-invest in capital compared to labor. This effect is
known by the name of the economists who #rst identi#ed
the bias: the Averch-Johnson effect (or simply the “A-J
effect”). The short form of the A-J effect is that permitting

TAKEAWAYS ABOUT RISK
Here are three observations about risk that should 
be stressed:

1. RISK CANNOT BE ELIMINATED—BUT IT CAN BE
MANAGED AND MINIMIZED. Because risks are de"ned in
terms of probabilities, it is (by de"nition) probable that some risk
materializes. In utility resource selection, this means that risk will
eventually "nd its way into costs and then into prices for electricity.
Thus, taking on risk is inevitable, and risk will translate into
consumer or investor costs—into dollars—sooner or later. Later
in this report, we present recommendations to enable regulators
to practice their trade in a “risk-aware” manner—incorporating
the notion of risk into every decision.

2. IT IS UNLIKELY THAT CONSUMERS WILL BEAR THE
FULL COST OF POOR UTILITY RESOURCE INVESTMENT
DECISIONS. Put another way, it is likely that utility investors
(speci"cally shareholders) will be more exposed to losses resulting
from poor utility investments than in years past. In utility regulation,
risk is shared between investors and customers in a complex
manner. To begin, the existence of regulation and a group of
customers who depend on utility service is what makes investors
willing to lend utilities massive amounts of money (since most
customers have few if any choices and must pay for utility service).
But the actualization of a risk, a loss, may be apportioned by
regulators to utility investors, utility consumers, or a combination 
of both. The very large amount of capital investment that’s being
contemplated and the resulting upward pressure on electricity rates
will make it very unappealing (or simply untenable) for regulators
to make ratepayers pay for the full cost of utility mistakes.

3. IGNORING RISK IS NOT A VIABLE STRATEGY.
Regulators (and utilities) cannot avoid risk by failing to make
decisions or by relying on fate. In utility regulation, perhaps
more so than anywhere else, making no choice is itself making
a choice. Following a practice just because “it’s always been
done that way,” instead of making a fresh assessment of risk
and attempting to limit that risk, is asking for trouble.
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38    To be fair, smaller scale resources can add transaction and labor expenses for which the utility would not earn a return under traditional cost of service regulation, which helps to explain limited utility
interest in these options.
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a rate of return on investment will have the predictable
effect of encouraging more investment than is optimal.
This can manifest itself in the “build versus buy”
decisions of integrated utilities and is often cited as a
reason utilities might “gold plate” their assets. This effect
can also be observed in the “invest versus conserve”
decisions that utilities face. Under traditional regulatory
rules, most utilities do not naturally turn toward energy
ef#ciency investment, even though such investments are
usually least cost for customers.

( The throughput incentive. A third bias that can be
observed with utilities is the bias for throughput—selling
more electricity. This is undoubtedly grounded in the vision
that most utilities have traditionally had for themselves:
providers of electricity. Importantly, the regulatory
apparatus in most states reinforces the motivation to sell
more electricity: a utility’s short-run pro#tability and its
ability to cover #xed costs is directly related to the utility’s
level of sales. The price of the marginal unit of electricity
often recovers more than marginal costs, so utilities make
more if they sell more. Only in recent years has the
concept of an energy services provider developed in which
the utility provides or enables energy ef#ciency, in addition
to providing energy.

( Rent-seeking. A fourth bias often cited in the literature is
“rent seeking,” where the regulated company attempts to
use the regulatory or legislative processes as a means of
increasing pro#tability (rather than improving its own
operational ef#ciency or competitive position). This can
occur when #rms use law or regulation to protect markets
that should be open to competition, or to impose costs 
on competitors. 

( “Bigger-is-better” syndrome. Another bias, related to the
Averch-Johnson effect, might be called the “bigger is
better” syndrome. Utilities tend to be conservative
organizations that rely on past strategies and practices.
Making large investments in relatively few resources had
been the rule through the 1980s and into the 1990s.
Because of this history, utilities may not naturally support
smaller scale resources, distributed resources or
programmatic solutions to energy ef#ciency.38

Regulation can compensate for these biases by conducting
clear-headed analysis, using processes that bring forth 
a maximum of relevant information and, very importantly,
identifying the risk that these biases might introduce into
utility resource acquisition. In the next section, we will take 
a close look at the many risks facing generation resource
investments, which involve some of the most important and
complex decisions that regulators and utilities make.
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39    For a discussion of energy portfolio management, see William Steinhurst et al., Energy Portfolio Management: Tools & Resources for State Public Utility Commissions (Cambridge, MA: Synapse
Energy Economics, 2006), http://www.naruc.org/Grants/Documents/NARUC%20PM%20FULL%20DOC%20FINAL1.pdf.

40    The natural gas build-out of the 1990s and early 2000s was led by independent power producers, not regulated utilities.

41    Peter Bradford, Subsidy Without Borders: The Case of Nuclear Power (Cambridge, MA: Harvard Electricity Policy Group, 2008).

42    U.S. Energy Information Administration, An Analysis of Nuclear Power Plant Construction Costs (Washington, DC: U.S. Energy Information Administration, 1986).

43    Huntowski, Fisher and Patterson, Embrace Electric Competition, 18. Estimate is expressed in 2007 dollars.

III. COSTS AND RISKS OF NEW GENERATION RESOURCES

3. COSTS AND RISKS 

In this section we’ll take an in-depth look at costs and risks 
of new generation resources, for several reasons: 

( Generation investment will be the largest share of utility
spending in the current build cycle; this is where the
largest amount of consumer and investor dollars will 
be at stake. 

( Today’s decisions about generation investment can shape
tomorrow’s decisions about transmission and distribution
investment (by reducing or increasing the need for such
investment). 

( Technology breakthroughs—in energy storage, grid
management, solar PV, and elsewhere—could radically
transform our need for base load power within the useful
lives of power plants being built today. 

( Generation resources are among utilities’ most visible and
controversial investments and can be a lightning rod for
protest and media attention, intensifying scrutiny on
regulatory and corporate decision-makers. 

( The industry’s familiarity with traditional generating
resources (e.g., large centralized fossil and nuclear
plants) and relative lack of familiarity with newer
alternatives (e.g., demand-side resources such as energy
ef#ciency and demand response, or smaller, modular
generating resources like combined heat and power)
could lead regulators and utilities to underestimate risks
associated with traditional resources and overestimate
risks of newer resources. 

( Finally, investment decisions about generation resources
(especially nuclear power) during the last major build
cycle that was led by vertically-integrated utilities, in the
1970s and 80s, destroyed tens of billions of dollars of
consumer and shareholder wealth. 

For these and other reasons, a comprehensive look at risks
and costs of today’s generation resources is in order.

While this discussion is most directly applicable to regulators
(and other parties) in vertically-integrated states where electric
utilities build and own generation, it also has implications for
regulators (and other parties) in restructured states. For
example, regulators in some restructured states (e.g.,
Massachusetts) are beginning to allow transmission and
distribution (T&D) utilities to own generation again, speci#cally
small-scale renewable generation to comprise a certain
percentage of a larger renewable portfolio standard. Further,
enhanced appreciation of the risks embedded in T&D utilities’
supply portfolios could induce regulators to require utilities to
employ best practices with regard to portfolio management,
thereby reducing the risks and costs of providing electricity
service.39 Finally, regulators in all states can direct electric
utilities to invest in cost-effective demand-side resources,
which, as the following discussion makes clear, are utilities’
lowest-cost and lowest-risk resources.

PAST AS PROLOGUE: FINANCIAL
DISASTERS FROM THE 1980s
The last time regulated U.S. utilities played a central role in
building signi#cant new generating capacity additions as part 
of a major industry-wide build cycle was during the 1970s and
80s.40 At the time the industry’s overwhelming focus was on
nuclear power, with the Nuclear Regulatory Commission (NRC)
licensing construction of more than 200 nuclear power plants. 

The dif#culties the industry experienced were numerous 
and well-known: more than 100 nuclear plants abandoned 
in various stages of development;41 cost overruns so high 
that the average plant cost three times initial estimates;42 and
total “above-market” costs to society—ratepayers, taxpayers
and shareholders—estimated at more than $200 billion.43

OF NEW GENERATION RESOURCES
THE CAPITAL INVESTED BY U.S. ELECTRIC UTILITIES TO BUILD A SMARTER, CLEANER, MORE
RESILIENT ELECTRICITY SYSTEM OVER THE NEXT TWO DECADES WILL GO TOWARDS UTILITIES’
GENERATION, TRANSMISSION AND DISTRIBUTION SYSTEMS. 
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44    Lyon and Mayo, Regulatory opportunism, 632.

45    Assumes 70 percent of investment is by regulated entities. Illustrative estimates do not include potential losses for utility customers or taxpayers.

46    Fred I. Denny and David E. Dismukes, Power System Operations and Electricity Markets (Boca Raton, FL: CRC Press, 2002), 17.

47    The California Public Utilities Commission Decision is available on the Lexis database at: 1988 Cal. PUC LEXIS 886; 30 CPUC2d 189; 99 P.U.R.4th 141, December 19, 1988; As Amended June 16, 1989.

PRACTICING RISK-AWARE ELECTRICITY REGULATION

While the vast majority of these losses were borne by
ratepayers and taxpayers, utility shareholders were not
immune. Between 1981 and 1991, U.S. regulators
disallowed about $19 billion of investment in power plants by
regulated utilities (Figure 8).44 During this time, the industry
invested approximately $288 billion, so that the
disallowances equated to about 6.6 percent of total
investment. The majority of the disallowances were related to
nuclear plant construction, and most could be traced to a
#nding by regulators that utility management was to blame. 

To put this in perspective for the current build cycle,
consider Figure 9. For illustrative purposes, it shows what
disallowances of 6.6!percent of IOU investment would look
like for shareholders in the current build cycle, using
Brattle’s investment projections for the 2010-2030 timeframe
referenced earlier. The table also shows what shareholder
losses would be if regulators were to disallow investment a) at
half the rate of disallowances of the 1981-91 period; and b)
at twice the rate of that period.45

Obviously, the average disallowance ratio from the 1980s
doesn’t tell the full story. A few companies bore the brunt of
the regulatory action. One of the largest disallowances was for
New York’s Nine Mile Point 2 nuclear plant, where the
$2!billion-plus disallowance was estimated to be 34 percent of
the project’s original capital cost.46 When Niagara Mohawk, the
lead utility partner in the project, wrote down its investment in
the project by $890 million, Standard & Poor’s lowered the
company’s credit rating by two notches, from A- to BBB. Thus
the risk inherent in building the Nine Mile Point 2 plant was
visited on investors, who experienced a loss of value of at least
$890 million, and consumers, who faced potentially higher
interest rates going forward. A major theme of this paper is
how consumer and investor interests are intertwined, and how
both are served by strategies that limit risk.

Another large disallowance was levied on Paci#c Gas and
Electric for the Diablo Canyon nuclear station in California. The
disallowance took the form of a “performance plan” that set
consumers’ price for power at a level that was independent of
the plant’s actual cost. In its 1988 decision, the California
Public Utilities Commission approved a settlement whereby
PG&E would collect $2 billion less, calculated on a net present
value basis, than it had spent to build the plant. The CPUC’s
decision to approve the disallowance was controversial, and
some felt it didn’t go far enough. The California Division of
Ratepayer Advocate (DRA) calculated PG&E’s actual
“imprudence” to be $4.4 billion (about 75 percent of the
plant’s #nal cost), and concluded that customers ultimately
paid $2.4 billion more than was prudent for the plant—even
after the $2!billion disallowance.47

I
A major theme of this paper is how consumer 
and investor interests are intertwined, and how both
are served by strategies that limit risk.

These two large disallowances could be joined by many other
examples where unrecognized risk “came home to roost.”
Consider the destruction of shareholder equity that occurred
when Public Service of New Hampshire (PSNH) declared
bankruptcy in 1988 because of the burden of its investment
in the Seabrook Nuclear Unit, or the enormous debt burden
placed on ratepayers by the failure of New York’s largest utility,
Long Island Lighting Company (LILCO), or the 1983 multi-
billion dollar municipal bond default by the Washington Public
Power Supply System (WPPSS) when it abandoned attempts
to construct #ve nuclear units in southeast Washington.

U.S. UTILITY GENERATION INVESTMENT DISALLOWED 
BY REGULATORS, 1981-1991

ILLUSTRATIVE PROSPECTIVE SHAREHOLDER LOSSES 
DUE TO REGULATORY DISALLOWANCES, 2010-2030
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48    Mark Jaffe, “Xcel Sets World Record for Wind Power Generation,” The Denver Post, November 15, 2011, http://www.denverpost.com/breakingnews/ci_19342896.

III. COSTS AND RISKS OF NEW GENERATION RESOURCES

All of these #nancial disasters share four important traits: 

• a weak planning process;

• the attempted development of large, capital-intensive
central generation resources;

• utility management’s rigid commitment to a preferred
investment course; and

• regulators’ unwillingness to burden consumers with costs
judged retrospectively to be imprudent.

We do not propose to assess blame twenty-#ve years later,
but we do question whether the regulatory process correctly
interpreted the risk involved in the construction of these
plants—whether, with all risks accounted for, these plants
should actually have been part of a “least cost” portfolio for
these utilities. The lesson is clear: both investors and
customers would have been much better served if the
regulators had practiced “risk-aware” regulation.

Finally, while the #nancial calamities mentioned here rank
among the industry’s worst, the potential for negative
consequences is probably higher today. Since the 1980s,
electric demand has grown signi#cantly while the
environmental risks associated with utility operations, the costs
of developing new generation resources, and the pace of
technology development have all increased substantially. And,
as noted earlier, electric utilities have entered the current build
cycle with lower #nancial ratings than they had in the 1980s.

CHARACTERISTICS OF 
GENERATION RESOURCES
A utility’s generation portfolio typically consists of a variety of
resources that vary in their costs and operating characteristics.
Some plants have high capital costs but lower fuel costs (e.g.,
coal and nuclear) or no fuel costs (e.g., hydro, wind, solar PV).
Other plants have lower capital costs but relatively high fuel
and operating costs (e.g., natural gas combined cycle). Some
plants are designed to operate continuously in “base load”
mode, while others are designed to run relatively few hours
each year, ramping up and down quickly. 

Some resources (including demand response) offer #rm
capacity in the sense that they are able to be called upon, 
or “dispatchable,” in real time, while other resources are 
not dispatchable or under the control of the utility or system
operator (e.g., some hydro, wind, solar PV). 

Generation resources also vary widely in their design lives and
exposure to climate regulations, among other differences. 

None of these characteristics per se makes a resource more or
less useful in a utility’s resource “stack.” Some utility systems
operate with a large percentage of generation provided by
base load plants. Other systems employ a large amount of
non-dispatchable generation like wind energy, combined with
"exible gas or hydro generation to supply capacity. What’s
important is how the resources combine in a portfolio.

For example, in 2008 the Colorado Public Utilities Commission
determined that an optimum portfolio for Xcel Energy would
include a large amount of wind production, mixed in with
natural gas generation and older base load coal plants. Xcel
has learned how to manage its system to accommodate large
amounts of wind production even though wind is not a “#rm”
resource. In October 2011, Xcel Energy set a world record for
wind energy deployment by an integrated utility: in a one-hour
period, wind power provided 55.6 percent of the energy
delivered on the Xcel Colorado system.48
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DECIPHERING THE LEVELIZED 
COST OF ELECTRICITY
Despite the differences between generation resources, it’s
possible to summarize and compare their respective costs 
in a single numerical measure. This quantity, called the
“levelized cost of electricity,” or “LCOE,” indicates the cost
per megawatt-hour for electricity over the life of the plant.
LCOE encompasses all expected costs over the life of the
plant, including costs for capital, operations and
maintenance (O&M) and fuel.

Three of the most commonly cited sources of LCOE data for
new U.S. generation resources are the Energy Information
Administration (EIA); the California Energy Commission
(CEC); and the international advisory and asset management
#rm Lazard. In a recent publication, the Union of Concerned
Scientists (UCS) combined the largely consensus LCOE

estimates from these three sources to produce a graphic
illustrating LCOE for a range of resources (Figure 10).49 The
data is expressed in dollars per megawatt-hour, in 2010
dollars, for resources assumed to be online in 2015. 

The UCS chart allows a visual comparison of the relative LCOEs
among the selected group of resources. The width of the bars in
the chart re"ects the uncertainty in the cost of each resource,
including the variation in LCOE that can result in different
regions of the U.S. The UCS report also shows the resources’
relative exposure to future carbon costs—not surprisingly,
coal-based generation would be most heavily affected—as
well as their dependence on federal investment incentives.50

LEVELIZED COST OF ELECTRICITY FOR VARIOUS GENERATION TECHNOLOGIES IN 2015 (2010$)

Source: Union of Concerned Scientists

I Figure 10
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51    For example, in November 2011, the Colorado Public Utilities Commission approved a 25-year power purchase agreement between Xcel Energy and NextEra for wind generation in Colorado. 
The contract price is $27.50 per MWh in the #rst year and escalates at 2 percent per year. The levelized cost of the contract over 25 years is $34.75, less than the assumed lowest price for onshore
wind with incentives in 2015 in Figure 10. For details, see Colorado PUC Decision No. C11-1291, available at http://www.colorado.gov/dora/cse-google-static/?q=C11-1291&cof=FORIDA10&ie=UTF-
8&sa=Search. For more on wind power cost reductions, see Ryan Wiser et al., “Recent Developments in the Levelized Cost of Energy from U.S. Wind Power Projects” (presentation materials funded
by the Wind and Water Power Program of the U.S. Department of Energy, February 2012), http://eetd.lbl.gov/ea/ems/reports/wind-energy-costs-2-2012.pdf. For information on recent PV cost
reductions, see Solar Energy Industries Association (SEIA), U.S. Solar Market Insight Report: 2011 Year in Review: Executive Summary (Washington, DC: Solar Energy Industries Association, 2012),
10-11, http://www.seia.org/cs/research/solarinsight.

III. COSTS AND RISKS OF NEW GENERATION RESOURCES

We’ll use these LCOE estimates to illustrate the combined
attributes of cost and risk for new generation resources. To do
this, we’ll take the midpoint of the cost ranges (including a
medium estimate for costs associated with carbon controls)
for each technology and create an indicative ranking of these
resources by highest to lowest LCOE (Figure 11).

For consistency, we use UCS’s data compilation, which is based
on 2010 cost estimates, without modi#cation. But the actual
cost of nuclear power in 2015 is likely to be sharply higher than
this estimate following the Fukushima nuclear accident and
recent experience with new nuclear projects. For wind and
photovoltaic power, the actual costs in 2015 are likely to be
lower than the estimate due to recent sharp cost declines and
the 2011 market prices for these resources.51

Several observations are in order about this ranking. First, some
of the technologies show a very wide range of costs, notably
geothermal, large solar PV and solar thermal. The breadth of the
range represents, in part, the variation in performance of the
technology in various regions of the country. In other words, the
underlying cost estimates incorporate geographically varying
geothermal and solar energy levels.

Second, the estimates used in this ranking are sensitive to
many assumptions; the use of the midpoint to represent a
technology in this ranking may suggest greater precision than
is warranted. For this reason, the ranking shown in Figure 11
should be considered an indicative ranking. Two resources
that are adjacent in the ranking might switch places under
modest changes in the assumptions. That said, the ranking
is useful for visualizing the relative magnitude of costs
associated with various technologies and how those are
projected to compare in the next few years.

Finally, the LCOE ranking tells only part of the story. The
main point of this paper is that the price for any resource
does not take into account the relative risk of acquiring it. In
the next section we will examine these same technologies
and estimate the composite risk to consumers, the utility and
its investors for each technology.

I
The main point of this paper is that the price for 
any resource does not take into account the relative
risk of acquiring it.

I Figure 11

RELATIVE COST RANKING OF 
NEW GENERATION RESOURCES

HIGHEST LEVELIZED COST 
OF ELECTRICITY (2010)

LOWEST LEVELIZED COST 
OF ELECTRICITY (2010)

Solar Thermal

Solar—Distributed*

Large Solar PV*

Coal IGCC-CCS

Solar Thermal w/ incentives

Coal IGCC

Nuclear*

Coal IGCC-CCS w/ incentives

Coal IGCC w/ incentives

Large Solar PV w/ incentives*

Pulverized Coal

Nuclear w/ incentives*

Biomass

Geothermal

Biomass w/ incentives

Natural Gas CC-CCS

Geothermal w/ incentives

Onshore Wind*

Natural Gas CC

Onshore Wind w/ incentives*

Biomass Co-!ring

Ef!ciency

* Cost ranking based on 2010 data. 
Does not re!ect recent cost increases
for nuclear or cost decreases for solar
PV and wind.
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52    John Russell, “Duke CEO about plant: ‘Yes, it’s expensive,’” The Indianapolis Star, October 27, 2011, http://www.indystar.com/article/20111027/NEWS14/110270360/star-watch-duke-energy-
Edwardsport-iurc.

53    Research conducted by the late economist Shimon Awerbuch demonstrated that adding renewable resources to traditional fossil portfolios lowers portfolio risk by hedging fuel cost variability; see
Awerbuch, “How Wind and Other Renewables Really Affect Generating Costs: A Portfolio Risk Approach” (presentation at the European Forum for Renewable Energy Resources, Edinburgh, UK,
October 7, 2005), http://www.eufores.org/uploads/media/Awerbuch-edinburgh_risk-porto"ios-security-distver-Oct-20051.pdf. For a discussion of using renewable energy to reduce fuel price risk and
environmental compliance in utility portfolios, see Mark Bolinger and Ryan Wiser, Balancing Cost and Risk: The Treatment of Renewable Energy in Western Utility Resource Plans (Berkeley, CA:
Lawrence Berkeley National Laboratory, 2005), http://eetd.lbl.gov/ea/ems/reports/58450.pdf.
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RELATIVE RISK OF 
NEW GENERATION RESOURCES
In Figure 7 on p. 21, we identi#ed many of the time-related
and cost-related risks that attach to a decision to choose a
utility resource. We will now examine various generation
resource choices in light of these risks, grouping those
examples of risk into seven categories:

( Construction Cost Risk: includes unplanned cost
increases, delays and imprudent utility actions

( Fuel and Operating Cost Risk: includes fuel cost and
availability, as well as O&M cost risks

( New Regulation Risk: includes air and water quality
rules, waste disposal, land use, and zoning

( Carbon Price Risk: includes state or federal limits on
greenhouse gas emissions

( Water Constraint Risk: includes the availability and cost
of cooling and process water

( Capital Shock Risk: includes availability and cost of
capital, and risk to #rm due to project size 

( Planning Risk: includes risk of inaccurate load forecasts,
competitive pressure

These risks are discussed in detail below.

CONSTRUCTION COST RISK
Construction cost risk is the risk that the cost to develop,
#nance and construct a generation resource will exceed
initial estimates. This risk depends on several factors,
including the size of the project, the complexity of the
technology, and the experience with developing and building
such projects. The riskiest generation resources in this
regard are technologies still in development, such as
advanced nuclear and fossil-#red plants with carbon capture
and storage. Construction cost risk is especially relevant for
nuclear plants due to their very large size and long lead
times. (Recall that a large percentage of the disallowed
investment during the 1980s was for nuclear plants.)
Transmission line projects are also subject to cost overruns,
as are other large generation facilities. For example, Duke
Energy’s Edwardsport coal gasi#cation power plant in Indiana
has experienced billion-dollar cost overruns that have raised
the installed cost to $5,593 per kilowatt, up from an original
estimate of $3,364 per kilowatt.52

The lowest construction cost risk attaches to energy ef#ciency
and to renewable technologies with known cost histories. In
the middle will be technologies that are variations on known

technologies (e.g., biomass) and resources with familiar
construction regimes (e.g., gas and coal thermal plants).

FUEL AND OPERATING COST RISK
Fossil-fueled and nuclear generation is assigned “medium
risk” for the potential upward trend of costs and the volatility
familiar to natural gas supply.53 Ef#ciency and renewable
generation have no “fuel” risk. Biomass is assigned “medium”
in this risk category because of a degree of uncertainty about
the cost and environmental assessment of that fuel. Plants
with higher labor components (e.g., nuclear, coal) have
higher exposure to in"ationary impacts on labor costs.

Analysts are split on the question of the future price of
natural gas. The large reserves in shale formations and the
ability to tap those resources economically through new
applications of technology suggest that the price of natural
gas may remain relatively low for the future and that the
traditional volatility of natural gas prices will dampen. On the
other hand, there remains substantial uncertainty about the
quantity of economically recoverable shale gas reserves and
controversy about the industrial processes used to develop
these unconventional resources.

Intermittency vs. Risk

Certain resources, like wind, solar, and some hydropower
facilities, are termed “intermittent” or “variable” resources.
This means that while the power produced by them can
be well characterized over the long run and successfully
predicted in the short run, it cannot be precisely scheduled
or dispatched. For that reason, variable resources are
assigned a relatively low “capacity value” compared to base
load power plants. The operating characteristics of any
resource affect how it is integrated into a generation
portfolio, and how its output is balanced by other resources.  

This characteristic, intermittency, should not be confused
with the concept of risk. Recall that risk is the expected
value of a loss. In this case, the “loss” would be that the
plant does not perform as expected—that it does not ful#ll
its role in a generation portfolio. For wind or solar resources,
intermittency is expected and is accommodated in the
portfolio design. Thus, while individual wind towers might be
highly intermittent, and a collection of towers in a wind farm
less so, a wind farm can also be termed highly reliable and
present low risk because it will likely operate as predicted. 
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54    U.S. Energy Information Administration, AEO2012 Early Release Overview, 12-13. 

55    This discussion refers to the availability factor of a resource; the capacity factor of a resource is a different issue, with implications for generation system design and operation.  

56    For a discussion of how larger amounts of energy ef#ciency in a utility portfolio can reduce risk associated with carbon regulation, see Ryan Wiser, Amol Phadke and Charles Goldman, Pursuing
Energy Ef!ciency as a Hedge against Carbon Regulatory Risks: Current Resource Planning Practices in the West, Paper 20 (Washington DC: U.S. Department of Energy Publications, 2008),
http://digitalcommons.unl.edu/usdoepub/20.

III. COSTS AND RISKS OF NEW GENERATION RESOURCES

There is also signi#cant debate at the moment about the
future price of coal. Some sources of low-sulfur coal are
being depleted, raising the specter of higher production costs.
Further, U.S. exports to China and other countries suggest
upward pressure on this traditionally stable-priced fuel. 

In this report we have steered a middle course on natural gas
and coal prices, assuming that the risk of future surprises in
natural gas and coal availability and price to be “medium.” This
is consistent with the price projection for these two generation
fuels used by the Energy Information Administration in its
current long-term energy forecast. In its most recent estimate,
EIA assumes a real annual price escalation between 2010 
and 2035 of about 1.3 percent for coal at the mine mouth and
1.8 percent for natural gas at the wellhead.54

Finally, operating cost risk includes the potential for
catastrophic failure of a resource. This is especially signi#cant
for systems that could be taken down by a single point of
failure. Contrast the impact of the failure of a turbine at a large
steam plant as compared to the failure of a single turbine 
at a 100-turbine wind farm. The #rst failure causes the
unavailability of 100 percent of capacity; the second failure
causes a 1 percent reduction in capacity availability. Even if
the probabilities of the failures are widely different, the size of
the loss (risk) has cost implications for the reserve capacity
(insurance) that must be carried on the large plant. Small
outages are much easier to accommodate than large ones.55

I
Intermittency should not be confused with the
concept of risk… For wind or solar resources,
intermittency is expected and is accommodated 
in the portfolio design.

Modularity and unit size are also relevant to demand-side
resources that are, by their nature, diverse. Designing good
energy ef#ciency programs involves scrutinizing individual
measures for the potential that they may not deliver the
expected level of energy savings over time. This estimate can
be factored into expectations for overall program performance
so that the resource performs as expected. Since it would be
extremely unlikely for individual measure failures to produce
a catastrophic loss of the resource, diverse demand-side
resources are, on this measure, less risky than large
generation-side resources.

NEW REGULATION RISK
Nuclear generation is famously affected by accidents and the
resulting changes in regulations. The recent accident at
Fukushima in Japan illustrates how even a seemingly settled
technology—in this case, GE boiling water reactors—can
receive increased regulatory scrutiny. Further, the future of
nuclear waste disposal remains unclear, even though the
current "eet of reactors is buffered by reserves that are
designed to cover this contingency. For these reasons, we
consider nuclear power to face a high risk of future regulations.

Carbon sequestration and storage (CCS) appears to be
subject to similar elevated risks regarding liability. The
ownership and responsibility for long-term maintenance and
monitoring for carbon storage sites will remain an unknown
risk factor in coal and gas generation proposed with CCS. 

Other thermal generation (e.g., biomass and geothermal) are
also given a “medium” probability due to potential air regulations
and land use regulations. Finally, as noted above, the price of
natural gas, especially shale gas produced using “fracking”
techniques, is at risk of future environmental regulation.

CARBON PRICE RISK
Fossil generation without CCS has a high risk of being
affected by future carbon emission limits. Although there is
no political agreement on the policy mechanism to place a
cost on carbon (i.e., tax or cap), the authors expect that the
scienti#c evidence of climate change will eventually compel
concerted federal action and that greenhouse gas emissions
will be costly for fossil-fueled generation. Energy ef#ciency,
renewable and nuclear resources have no exposure to
carbon risk, at least with respect to emissions at the plant.56

A more complex story appears when we consider the
emissions related to the full life-cycle of generation
technologies and their fuel cycles. For example, nuclear 
fuel production is an energy-intensive and carbon-intensive
process on its own. As the cost of emitting carbon rises, 
we should expect the cost of nuclear fuel to rise.

Similar comments could apply to renewable facilities that
require raw materials and fabrication that will, at least in the
near-term, involve carbon-emitting production processes.
However, these effects are second-order and much smaller
than the carbon impact of primary generation fuels or motive
power (e.g., coal, gas, wind, sun, nuclear reactions). The
exposure of biomass to carbon constraints will depend on 
the eventual interpretation of carbon offsets and life-cycle
analyses. For that reason, biomass and co-#ring with
biomass is assigned a non-zero risk of “low.”
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WATER CONSTRAINT RISK
Electric power generation—speci#cally the cooling of power
plants—consumes about 40 percent of all U.S. freshwater
withdrawals.57 The availability and cost of water required for
electricity generation will vary with geography but attaches to
all of the thermal resources.58 The recent promulgation by
the EPA of the “once-through” cooling rule illustrates the
impact that federal regulation can have on thermal facilities;
one estimate predicts that more than 400 generating plants
providing 27 percent of the nation’s generating capacity may
need to install costly cooling towers to minimize impacts on
water resources.59 One potential approach, especially for
solar thermal, is the use of air-cooling, which signi#cantly
lowers water use at a moderate cost to ef#ciency. Non-
thermal generation and energy ef#ciency have no exposure
to this category of risk.

Water emerged as a signi#cant issue for the U.S. electric
power sector in 2011. A survey of more than 700 U.S. utility
leaders by Black & Veatch indicated “water management was
rated as the business issue that could have the greatest
impact on the utility industry.”60 Texas suffered from record
drought in 2011 at the same time that it experienced all-time
highs in electricity demand. Figure 12 depicts widespread
“exceptional drought” conditions in Texas on August 2, 2011,61

the day before the Electric Reliability Council of Texas (ERCOT)
experienced record-breaking peak demand. ERCOT managed
to avoid rolling blackouts but warned that continued drought
and lack of suf#cient cooling water could lead to generation
outages totaling “several thousand megawatts.”62

I Figure 12

DROUGHT CONDITIONS IN TEXAS, AUGUST 2, 2011

# D0 Abnormally Dry
# D1 Drought - Moderate
# D2 Drought - Severe
# D3 Drought - Extreme
# D4 Drought - Exceptional

http://drought.unl.edu/dm

“Retire or Retro!t” Decisions for Coal-Fired Plants

In this report, we’ve stressed how risk-aware regulation
can improve the outcomes of utility selection of new
resources. But many regulators will be focusing on
existing power plants during the next few years. A key
question facing the industry is whether to close coal plants
in the face of new and future EPA regulations, or spend
money on control systems to clean up some of the plant
emissions and keep them running.

States and utilities are just coming to grips with these sorts
of decisions. In 2010, Colorado implemented the new
Clean Air Clean Jobs Act, under which the Colorado PUC
examined Xcel Energy’s entire coal "eet. The Colorado
Commission entered a single decision addressing the fate
of ten coal units.  Some were closed, some were retro#tted
with pollution controls, and others were converted to burn
natural gas. Elsewhere, Progress Energy Carolinas moved
decisively to address the same issue with eleven coal units
in North Carolina.

We expect that three types of coal plants will emerge in
these analyses: plants that should obviously be closed;
newer coal plants that should be retro#tted and continue
to run; and “plants in the middle.” Decisions about these
plants in the middle will require regulators to assess the
risk of future fuel prices, customer growth, environmental
regulations, capital and variable costs for replacement
capacity, etc.  In short, state commissions will be asked to
assess the risks of various paths forward for the plants for
which the economics are subject to debate.

The tools we describe in this report for new resources
apply equally well to these situations. Regulators should
treat this much like an IRP proceeding (see “Utilizing
Robust Planning Processes” on p. 40). Utilities should be
required to present multiple different scenarios for their
disposition of coal plants. The cost and risk of each
scenario should be tested using sensitivities for fuel costs,
environmental requirements, cost of capital, and so forth.
At the end, regulators should enter a decision that
addresses all of the relevant risks.
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63    For a discussion of how water scarcity could impact municipal water and electric utilities and their bondholders, see Sharlene Leurig, The Ripple Effect: Water Risk in the Municipal Bond Market
(Boston, MA: Ceres, 2010), http://www.ceres.org/resources/reports/water-bonds/at_download/#le. For a framework for managing corporate water risk, see Brooke Barton et al., The Ceres Aqua
Gauge: A Framework for 21st Century Water Risk Management (Boston, MA: Ceres, 2011), http://www.ceres.org/resources/reports/aqua-gauge/at_download/#le.

64    North American Electric Reliability Corporation, Winter Reliability Assessment 2011/2012 (Atlanta, GA: North American Electric Reliability Corporation, 2011), 29,
http://www.nerc.com/#les/2011WA_Report_FINAL.pdf.

65    David Shaffer, “Brand new power plant is idled by economy,” Minneapolis StarTribune, January 9, 2012, http://www.startribune.com/business/134647533.html.

III. COSTS AND RISKS OF NEW GENERATION RESOURCES

In addition to drought, water rights could be an issue for
electricity generators in Texas (and elsewhere).63 The North
American Electric Reliability Corporation (NERC) points out
that in an extreme scenario, up to 9,000 MW of Texas’
generation capacity—over 10 percent of ERCOT’s total
installed capacity—could be at risk of curtailment if
generators’ water rights were recalled.64

CAPITAL SHOCK RISK
This risk is generally proportional to the size of the capital
outlay and the time required for construction of a generating
unit. Simply put, the larger the capital outlay and the longer
that cost recovery is uncertain, the higher the risk to
investors. In this regard, nuclear installations and large new
coal facilities with CCS face the highest risk. Smaller, more
modular additions to capacity and especially resources that
are typically acquired through purchase power agreements
record less risk. Finally, distributed solar generation,
modi#cations to enable biomass co-#ring and ef#ciency 
are accorded low exposure to the risk of capital shock.

PLANNING RISK
This risk relates to the possibility that the underlying
assumptions justifying the choice of a resource may change,
sometimes even before the resource is deployed. This can
occur, for example, when electric demand growth is weaker
than forecast, which can result in a portion of the capacity of
the new resource being excess. In January 2012, lower-than-
anticipated electricity demand, combined with unexpectedly
low natural gas prices, led Minnesota-based wholesale
cooperative Great River Energy to mothball its brand-new,
$437 million Spiritwood coal-#red power plant immediately
upon the plant’s completion. The utility will pay an estimated
$30 million next year in maintenance and debt service for
the idled plant.65

Generation projects with a high ratio of #xed costs and long
construction lead times are most susceptible to planning risk.
This means that the exposure of base load plants is higher
than peaking units, and larger capacity units have more
exposure than smaller plants.

In addition to macroeconomic factors like recessions, the
electric industry of the early 21st century poses four
important unknown factors affecting energy planning. These
are 1) the rate of adoption of electric vehicles; 2) the pace of
energy ef#ciency and demand response deployment; 3) the
rate of growth of customer-owned distributed generation; and
4) progress toward energy storage. These four unknowns
affect various resources in different ways. 

Electric vehicles could increase peak demand if customers
routinely charge their cars after work, during the remaining
hours of the afternoon electrical peak. On the other hand, if
electric vehicle use is coupled with time-of-use pricing, this
new load has the opportunity to provide relatively desirable
nighttime energy loads, making wind generation and nuclear
generation and underutilized fossil generation more valuable
in many parts of the country. 

Energy ef#ciency (EE) and demand response (DR) affect
both electricity (kilowatt-hours) and demand (kilowatts). 
EE and DR programs differ in relatively how much electricity
or demand they conserve. Depending on portfolio design, 
EE and DR may improve or worsen utility load factors, shifting
toward more peaking resources and away from base load
plants. Changing customer habits and new “behavioral” EE
efforts add to the dif#culty in forecasting demand over time.

Distributed generation, especially small solar installation, 
is expanding rapidly, spurred by new #nancing models that
have lowered the capital outlay from consumers. In addition,
we may expect commercial and industrial customers to
continue to pursue combined heat and power applications,
especially if retail electricity rates continue to rise. Both of
these trends will have hard-to-predict impacts on aggregate
utility demand and the relative value of different generation
resources, but also impacts on primary and secondary
distribution investment.

Finally, electric storage at reasonable prices would be 
a proverbial game-changer, increasing the relative value 
of intermittent resources such as wind and solar. Microgrids
with local generation would also be boosted by low-cost
battery storage.
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ESTABLISHING COMPOSITE RISK
In line with the foregoing discussion, the table in Figure 13
summarizes the degree of exposure of various generation
technologies to these seven categories of risk. The
technologies listed are taken from UCS’s LCOE ranking in
Figure 10 on p. 28, plus three more: natural gas combined
cycle with CCS, biomass co-#ring and distributed solar PV
generation. The chart estimates the degree of risk for each
resource across seven major categories of risk, with
estimates ranging from “None” to “Very High.”

Three comments are in order. First, these assignments of
relative risk were made by the authors, and while they are
informed they are also subjective. As we discuss later,
regulators should conduct their own robust examination of
the relative costs and risks including those that are unique to
their jurisdiction. Second, the assessment of risk for each
resource is intended to be relative to each other, and not
absolute in a quantitative sense. Third, while there are likely
some correlations between these risk categories—resources
with low fuel risk will have low carbon price exposure, for
example—other variables exhibit substantial independence. 

I Figure 13

RELATIVE RISK EXPOSURE OF NEW GENERATION RESOURCES

Resource Initial Cost Risk Fuel, O&M 
Cost Risk

New Regulation
Risk

Carbon 
Price Risk

Water 
Constraint Risk

Capital Shock 
Risk Planning Risk

Biomass Medium Medium Medium Medium High Medium Medium
Biomass w/ incentives Medium Medium Medium Medium High Low Medium
Biomass Co-!ring Low Low Medium Low High Low Low
Coal IGCC High Medium Medium Medium High Medium Medium
Coal IGCC w/ incentives High Medium Medium Medium High Low Medium
Coal IGCC-CCS High Medium Medium Low High High High
Coal IGCC-CCS w/ incentives High Medium Medium Low High Medium High
Ef!ciency Low None Low None None Low None
Geothermal Medium None Medium None High Medium Medium
Geothermal w/ incentives Medium None Medium None High Low Medium
Large Solar PV Low None Low None None Medium Low
Large Solar PV w/ incentives Low None Low None None Low Low
Natural Gas CC Medium High Medium Medium Medium Medium Medium
Natural Gas CC-CCS High Medium Medium Low High High Medium
Nuclear Very High Medium High None High Very High High
Nuclear w/ incentives Very High Medium High None High High Medium
Onshore Wind Low None Low None None Low Low
Onshore Wind w/ incentives Low None Low None None None Low
Pulverized Coal Medium Medium High Very High High Medium Medium
Solar - Distributed Low None Low None None Low Low
Solar Thermal Medium None Low None High Medium Medium
Solar Thermal w/ incentives Medium None Low None High Low Medium
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I Figure 15I Figure 14

RELATIVE COST AND RISK RANKINGS OF 
NEW GENERATION RESOURCES WITHOUT INCENTIVES

HIGHEST LEVELIZED COST 
OF ELECTRICITY (2010)

LOWEST LEVELIZED COST 
OF ELECTRICITY (2010)

HIGHEST COMPOSITE RISK

LOWEST COMPOSITE RISK

Solar Thermal

Solar–Distributed*

Large Solar PV*

Coal IGCC-CCS

Coal IGCC

Nuclear*

Pulverized Coal

Biomass

Geothermal

Natural Gas CC-CCS

Onshore Wind*

Natural Gas CC

Biomass Co-!ring

Ef!ciency

Nuclear

Pulverized Coal

Coal IGCC-CCS

Coal IGCC

Natural Gas CC-CCS

Biomass

Natural Gas CC

Geothermal

Biomass Co-!ring

Solar Thermal

Large Solar PV

Onshore Wind

Solar–Distributed

Ef!ciency

To derive a ranking of these resources with respect to risk, 
we assigned numeric values to the estimated degrees of risk
(None=0, Very High=4) and totaled the rating for each
resource. The scores were then renormalized so that the score
of the highest-risk resource is 100 and the others are adjusted
accordingly. The composite relative risk ranking that emerges
is shown in Figure 14, which, for ease of comparison, we
present alongside the relative cost ranking from Figure 11.

The risk ranking differs from the cost ranking in several
important ways. First, the risk ranking shows a clear
difference between renewable resources and non-renewable
resources. Second, nuclear generation moves from the
middle of the cost ranking to the top of the risk ranking.
Notably, energy ef#ciency ranks lowest in both cost and risk.

To illustrate how resources stack up against each other in more
general terms, and for simplicity of viewing, Figure 15 presents
those same rankings without information about incentives.

* Cost ranking based on 2010 data. Does not re!ect recent cost increases for nuclear or
cost decreases for solar PV and wind.

* Cost ranking based on 2010 data. Does not re!ect recent cost increases for nuclear or
cost decreases for solar PV and wind.

RELATIVE COST RANKING AND RELATIVE RISK RANKING 
OF NEW GENERATION RESOURCES

HIGHEST COMPOSITE RISK 

LOWEST COMPOSITE RISK 

Nuclear

Pulverized Coal

Coal IGCC-CCS

Nuclear w/ incentives

Coal IGCC

Coal IGCC-CCS w/ incentives

Natural Gas CC-CCS

Biomass

Coal IGCC w/ incentives

Natural Gas CC

Biomass w/ incentives

Geothermal

Biomass Co-!ring

Geothermal w/ incentives

Solar Thermal

Solar Thermal w/ incentives

Large Solar PV

Large Solar PV w/ incentives

Onshore Wind

Solar—Distributed

Onshore Wind w/ incentives

Ef!ciency

HIGHEST LEVELIZED COST 
OF ELECTRICITY (2010)

LOWEST LEVELIZED COST 
OF ELECTRICITY (2010)

Solar Thermal

Solar—Distributed*

Large Solar PV*

Coal IGCC-CCS

Solar Thermal w/ incentives

Coal IGCC

Nuclear*

Coal IGCC-CCS w/ incentives

Coal IGCC w/ incentives

Large Solar PV w/ incentives*

Pulverized Coal

Nuclear w/ incentives*

Biomass

Geothermal

Biomass w/ incentives

Natural Gas CC-CCS

Geothermal w/ incentives

Onshore Wind*

Natural Gas CC

Onshore Wind w/ incentives*

Biomass Co-!ring

Ef!ciency

I
The risk ranking shows a clear difference between
renewable resources and non-renewable resources.
Nuclear generation moves from the middle of the
cost ranking to the top of the risk ranking. Notably,
energy ef!ciency ranks lowest in both cost and risk.
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To test the robustness of the composite risk ranking, we 
also examined two rankings where the scores were weighted.
In one case, the environmental factors were given double
weight; in the other, the cost factors were given double
weight. As before, the scores were renormalized so that the
highest-scoring resource is set to 100. The results of the
unweighted ranking, together with the two weighted rankings,
are shown in Figure 16. By inspection, one can see that the
rank order changes very little across the three methods, so
that the risk ranking in Figure 14 appears to be relatively
robust. Once again, we emphasize that these #gures are
intended to show the relative risk among the resources, 
not to be absolute measures of risk.66

I Figure 16

SUMMARY OF RISK SCORES FOR NEW GENERATION RESOURCES

Resource Composite 
Score

Environmental
Weighted 

Score

Cost 
Weighted 

Score

Biomass 79 79 72

Biomass w/ incentives 74 76 66

Biomass Co-!ring 53 57 44

Coal IGCC 84 83 79

Coal IGCC w/ incentives 79 79 72

Coal IGCC-CCS 89 84 87

Coal IGCC-CCS w/ incentives 84 81 80

Ef!ciency 16 14 16

Geothermal 58 59 52

Geothermal w/ incentives 53 55 46

Large Solar PV 26 22 28

Large Solar PV w/ incentives 21 19 21

Natural Gas CC 79 76 75

Natural Gas CC-CCS 84 79 82

Nuclear 100 91 100

Nuclear w/ incentives 89 83 89

Onshore Wind 21 19 21

Onshore Wind w/ incentives 16 16 15

Pulverized Coal 95 100 82

Solar - Distributed 21 19 21

Solar Thermal 53 52 49

Solar Thermal w/ incentives 47 48 43

66    Dr. Mark Cooper, a longtime utility sector analyst and supporter of consumer interests, recently arrived at similar conclusions about composite risk; see Cooper, Least-Cost Planning For 21st Century
Electricity Supply (So. Royalton, VT: Vermont Law School, 2011), http://www.vermontlaw.edu/Documents/21st%20Century%20Least%20Cost%20Planning.pdf. Cooper’s analysis incorporated not
only variations in “risk” and “uncertainty,” but also the degrees of “ignorance” and “ambiguity” associated with various resources and the universe of possible future energy scenarios.
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Finally, we can combine the information in the cost ranking
and the risk ranking into a single chart. Figure 17 shows
how resources compare with each other in the two
dimensions of cost and risk. The position of a resource along
the horizontal axis denotes the relative risk of each resource,
while the position on the vertical axis shows the relative cost
of the resource.

I Figure 17

PROJECTED UTILITY GENERATION RESOURCES IN 2015
Relative Cost and Relative Risk
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SEVEN ESSENTIAL STRATEGIES FOR STATE REGULATORS
UTILITY REGULATORS ARE FAMILIAR WITH A SCENE THAT PLAYS OUT IN THE HEARING ROOM:
DIFFERENT INTERESTS—UTILITIES, INVESTORS, CUSTOMER GROUPS, ENVIRONMENTAL
ADVOCATES AND OTHERS—COMPETE TO REDUCE COST AND RISK FOR THEIR SECTOR AT THE
EXPENSE OF THE OTHERS. WHILE THE ADVERSARIAL PROCESS MAY MAKE THIS COMPETITION
SEEM INEVITABLE, AN OVERLOOKED STRATEGY (THAT USUALLY LACKS AN ADVOCATE) IS TO
REDUCE OVERALL RISK TO EVERYONE. MINIMIZING RISK IN THE WAYS DISCUSSED IN THIS
SECTION WILL HELP ENSURE THAT ONLY THE UNAVOIDABLE BATTLES COME BEFORE
REGULATORS AND THAT THE PUBLIC INTEREST IS SERVED FIRST.

Managing risk intelligently is arguably the main duty of
regulators who oversee utility investment. But minimizing risk
isn’t simply achieving the least cost today. It is part of a
strategy to minimize overall long term costs. And, as noted
earlier, while minimizing risk is a worthy goal, eliminating risk
is not an achievable goal. The regulatory process must
provide balance for the interests of utilities, consumers and
investors in the presence of risk.

One of the goals of “risk-aware” regulation is avoiding the kind
of big, costly mistakes in utility resource acquisition that we’ve
seen in the past. But there is another, more af#rmative goal:
ensuring that society’s limited resources (and consumers’
limited dollars) are spent wisely. By routinely examining and
addressing risk in every major decision, regulators will produce
lower cost outcomes in the long run, serving consumers and
the public interest in a very fundamental way.

WE IDENTIFY SEVEN ESSENTIAL
STRATEGIES THAT REGULATORS
CAN EMPLOY TO MINIMIZE RISK:
DIVERSIFYING UTILITY SUPPLY PORTFOLIOS
with an emphasis on low-carbon resources;

UTILIZING ROBUST PLANNING PROCESSES for all
utility investment (i.e., generation, transmission, distribution,
and demand-side resources like energy ef"ciency);

EMPLOYING TRANSPARENT RATEMAKING
PRACTICES that reveal risk; 

USING FINANCIAL AND PHYSICAL HEDGES, 
including long-term contracts;

HOLDING UTILITIES ACCOUNTABLE for their
obligations and commitments;

OPERATING IN ACTIVE, “LEGISLATIVE” MODE,
continually seeking out and addressing risk;

REFORMING AND RE-INVENTING RATEMAKING
POLICIES as appropriate.

1

2

3

4

5

6

7

4. PRACTICING RISK-
AWARE REGULATION:

I
An overlooked strategy (that usually lacks an
advocate) is to reduce overall risk to everyone.
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RISK/RETURN RELATIONSHIPS AMONG DIFFERENT FINANCIAL PORTFOLIOS 
(Illustrative)
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B: 0% stocks, 100% bonds

D: 50% stocks, 50% bonds

E: 60% stocks, 40% bonds

C: 70% stocks, 30% bonds

A: 80% stocks, 20% bonds

75% stocks, 25% bonds

100% stocks, 0% bonds

I Figure 18

67    TVA, a corporation owned by the federal government, provides electricity to nine million people in seven southeastern U.S. states; see http://www.tva.com/abouttva/index.htm.

68    As of spring 2010, TVA’s generation mix consisted mainly of coal (40 percent), natural gas (25 percent) and nuclear (18 percent); see TVA, 73.

We now discuss each of these strategies in more detail.

1. DIVERSIFYING UTILITY SUPPLY PORTFOLIOS
The concept of diversi#cation plays an important role in
#nance theory. Diversi#cation—investing in different asset
classes with different risk pro#les—is what allows a pension
fund, for example, to reduce portfolio volatility and shield it
from outsized swings in value. 

Properly chosen elements in a diversi#ed portfolio can increase
return for the same level of risk, or, conversely, can reduce risk
for a desired level of return. The simple illustration in Figure 18
allows us to consider the relative risk and return for several
portfolios consisting of stocks and bonds. Portfolio A (80%
stocks, 20% bonds) provides a higher predicted return than
Portfolio B (0% stocks, 100% bonds) even though both
portfolios have the same degree of risk. Similarly, Portfolios C
and D produce different returns at an identical level of risk that
is lower than A and B. Portfolio E (60%!stocks, 40% bonds) has
the lowest risk, but at the cost of a lower return than Portfolios A
and C. The curve in Figure 18 (and the corresponding surface
in higher dimensions) is called an ef!cient frontier.

We could complicate the example—by looking at investments
in cash, real estate, physical assets, commodities or credit
default swaps, say, or by distinguishing between domestic and
international stocks, or between bonds of various maturities—
but the general lesson would be the same: diversi#cation helps
to lower the risk in a portfolio. 

Portfolios of utility investments and resource mixes can be
analyzed similarly. Instead of return and risk, the analysis
would examine cost and risk. And instead of stocks, bonds,
real estate and gold, the elements of a utility portfolio are
different types of power plants, energy ef#ciency, purchased
power agreements, and distributed generation, among many
other potential elements. Each of these elements can be
further distinguished by type of fuel, size of plant, length of
contract, operating characteristics, degree of utility dispatch
control, and so forth. Diversi#cation in a utility portfolio means
including various supply and demand-side resources that
behave independently from each other in different future
scenarios. Later we will consider these attributes in greater
detail and discuss what constitutes a diversi#ed utility portfolio. 

For a real-world illustration of how diversifying resources
lowers cost and risk in utility portfolios, consider the #ndings
of the integrated resource plan recently completed by the
Tennessee Valley Authority (TVA).67 TVA evaluated #ve
resource strategies that were ultimately re#ned into a single
“recommended planning direction” that will guide TVA’s resource
investments. The resource strategies that TVA considered were:

( Strategy A: Limited Change in Current Resource Portfolio68

( Strategy B: Baseline Plan Resource Portfolio

( Strategy C: Diversity Focused Resource Portfolio

( Strategy D: Nuclear Focused Resource Portfolio

( Strategy E: EEDR (Energy Ef#ciency/Demand Response)
and Renewables Focused Resource Portfolio
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69    TVA, 161.

70    In the end, TVA settled on a “recommended planning direction” that calls for demand reductions of 3,600 to 5,100 MW, energy ef#ciency savings of 11,400 to 14,400 GWh, and renewable
generating capacity additions of 1,500 to 2,500 MW by 2020. At the same time, TVA plans to retire 2,400 to 4,700 MW of coal-#red capacity by 2017. See TVA, 156.

71    For an example of an IRP that uses sophisticated risk modeling tools, see Paci#Corp, 2011 Integrated Resource Plan (Portland, OR: Paci#Corp, 2011),
http://www.paci#corp.com/content/dam/paci#corp/doc/Energy_Sources/Integrated_Resource_Plan/2011IRP/2011IRP-MainDocFinal_Vol1-FINAL.pdf.

Figure 19 illustrates how these strategies mapped out along an
“ef#cient frontier” according to TVA’s analysis of cost and risk.69

The lowest-cost, lowest-risk strategies were the ones that
diversi#ed TVA’s resource portfolio by increasing TVA’s
investment in energy ef#ciency and renewable energy.70 The
highest-cost, highest-risk strategies were those that maintained
TVA’s current resource portfolio (mostly coal, natural gas and
nuclear) or emphasized new nuclear plant construction. 

The TVA analysis is very careful and deliberate. To the extent
that other analyses reached conclusions thematically different
from TVA’s, we would question whether the costs and risks of
all resources had been properly evaluated. We would also posit
that resource investment strategies that differ directionally from
TVA’s “recommended planning direction” would likely expose
customers (and, to some extent, investors) to undue risk.
Finally, given the industry’s familiarity with traditional
resources—and the possibility that regulators and utilities
may therefore underestimate the costs and risks of those
resources—the TVA example illustrates how careful planning
reveals the costs and risks of maintaining resource portfolios
that rely heavily on large base load fossil and nuclear plants. 

Robust planning processes like TVA’s are therefore essential
to making risk-aware resource choices. It is to these planning
processes that we now turn.

2. UTILIZING ROBUST PLANNING PROCESSES
In the U.S., there are two basic utility market structures:
areas where utilities own or control their own generating
resources (the “vertically integrated” model), and areas
where competitive processes establish wholesale prices (the
“organized market” model). 

In many vertically integrated markets and in some organized
markets, regulators oversee the capital investments of utilities
with a process called “integrated resource planning,” or IRP.
Begun in the 1980s, integrated resource planning is a tool to
ensure that the utilities, regulators and other stakeholders
have a common understanding of a full spectrum of possible
utility resources; that the options are examined in a
structured, disciplined way in administrative proceedings;
that demand-side resources get equal consideration
alongside supply-side resources; and that the #nal resource
plan is understood (if not necessarily accepted) by all.

Elements of a Robust IRP Process

IRP oversight varies in sophistication, importance and
outcomes across the states. Because a robust IRP process is
critical to managing risk in a utility, we describe a model IRP
process that is designed to produce utility portfolios that are
lower risk and lower cost.71

These elements characterize a robust IRP process:

• The terms and signi#cance of the IRP approval (including
implications for cost recovery) are clearly stated at the
outset, often in statute or in a regulatory commission’s rules.

• The regulator reviews and approves the modeling inputs
used by the utility (e.g., demand and energy forecasts,
fuel cost projections, #nancial assumptions, discount rate,
plant costs, fuel costs, energy policy changes, etc.).

• The regulator provides guidance to utility as to the 
policy goals of the IRP, perhaps shaping the set of
portfolios examined.

• Utility analysis produces a set of resource portfolios and
analysis of parameters such as future revenue
requirement, risk, emissions pro#le, and sensitivities
around input assumptions.

• In a transparent public process, the regulator examines
competing portfolios, considering the utility’s analysis as
well as input from other interested parties. 

• Demand resources such as energy ef#ciency and demand
response are accorded equal status with supply resources.

• The regulator approves a plan and the utility is awarded a
“presumption of prudence” for actions that are consistent
with the approved IRP.

• The utility acquires (i.e., builds or buys) the resources
approved in the IRP, possibly through a competitive
bidding regime.

• Future challenges to prudence of utility actions are limited
to the execution of the IRP, not to the selection of resources
approved by the regulator.

TVA ANALYSIS OF RESOURCE PLAN COSTS & FINANCIAL RISK
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A few of these elements deserve more elaboration.

( Signi!cance. The IRP must be meaningful and
enforceable; there must be something valuable at stake for
the utility and for other parties. From the regulator’s point of
view, the resource planning process must review a wide
variety of portfolio choices whose robustness is tested and
compared under different assumptions about the future.
From the utilities’ perspective, acceptance or approval of an
IRP should convey that regulators support the plan’s
direction, even though speci#c elements may evolve as
circumstances change. If a utility ignores the approved IRP
or takes actions that are inconsistent with an IRP without
adequate justi#cation, such actions may receive extra
scrutiny at the point where the utility seeks cost recovery.

( Multiple scenarios. Many different scenarios will allow a
utility to meet its future load obligations to customers. These
scenarios will differ in cost, risk, generation characteristics,
fuel mix, levels of energy ef#ciency, types of resources,
sensitivity to changes in fuel cost, and so forth. While one
scenario might apparently be lowest cost under baseline
assumptions, it may not be very resilient under different
input assumptions. Further, scenarios will differ in levels of

risk and how that risk may be apportioned to different parties
(e.g., consumers or shareholders). Regulators, with input
from interested parties, should specify the types of scenarios
that utilities should model and require utilities to perform
sensitivity analyses, manipulating key variables. 

( Consistent, active regulation. An IRP proceeding can be
a large, complex undertaking that occurs every two or three
years, or even less frequently. It is critical that regulators
become active early in the process and stay active throughout.
The regulator’s involvement should be consistent, even-
handed and focused on the big-ticket items. Of course, details
matter, but the process is most valuable when it ensures that
the utility is headed in the right direction and that its planning
avoids major errors. The regulator should then monitor a
utility’s performance and the utility should be able to trust the
regulator’s commitment to the path forward laid out in the IRP.

( Stakeholder involvement. There are at least two good
reasons to encourage broad stakeholder involvement in an IRP
process. First, parties besides the utility will bring new ideas,
close scrutiny and contrasting analysis to the IRP case, all of
which helps the regulator to make an informed, independent
decision. Second, effective stakeholder involvement can build
support for the IRP that is ultimately approved, heading off
collateral attacks and judicial appeals. An approved IRP will
affect the fortunes of many and will signal the direction that
the regulator wishes the utility to take with its supply-side and
demand-side resources. Because an IRP decision is something
of a political document in addition to being a working plan,
regulators will be well-served to include as broad a group of
stakeholders as possible when developing the IRP. 

I
An approved IRP will affect the fortunes of many 
and will signal the direction that the regulator wishes
the utility to take with its supply-side and demand-
side resources… [R]egulators will be well-served 
to include as broad a group of stakeholders as
possible when developing the IRP.

( Transparency. Regulators must ensure that, to the greatest
extent possible, all parties participating in the IRP process
have timely access to utility data. Certain data may be
competitively sensitive and there is often pressure on the
regulator to restrict unduly the access to such data. One
possible solution to this challenge is to use an “independent
evaluator” who works for the commission, is trusted by all
parties and has access to all the data, including proprietary
data. The independent evaluator can verify the modeling of
the utility and assist the regulator in making an informed
decision. The cost of an independent evaluator will be small
in comparison to the bene#ts (or avoided mistakes) that the
evaluator will enable. An independent evaluator will also add
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IRP: “Accepted” vs. “Approved” Plans

There are two varieties of IRP plans: “accepted plans” 
and “approved plans.” Accepted plans are those where
regulators examine the utility’s process for developing its
proposed plan. This can be a thorough review in which 
the Commission solicits the opinion of other parties as 
to whether the utility undertook a transparent, inclusive,
and interactive process. If the regulator is convinced, the
regulator “accepts” the utility’s plan. This allows the utility
to proceed but does not include any presumption about
the Commission’s future judgment concerning the
prudence of actions taken under the plan.

With an “approved plan” the regulator undertakes a
thorough review of the utility’s preferred plan, possibly
along with competing IRP plans submitted by other
parties. Typically the scrutiny is more detailed and time-
consuming in this version of IRP and the regulatory
agency is immersed in the details of competing plans. At
the end of the process, the regulator “approves” an IRP
plan. This approval typically carries with it a presumption
that actions taken by the utility consistent with the plan
(including its approved amendments) are prudent. Over
time, a Commission that approves an IRP plan will
typically also examine proposed changes to the plan
necessitated by changing circumstances.

In this report, we will focus on the “approved plan”
process, although many of our #ndings apply equally to
regulators that employ the “accepted plan” process. 
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PORTFOLIO ANALYSIS ON ONE PAGE
How Energy Ef!ciency Can Substitute for Generation Resources

Generic coal, gas and nuclear units are
shown at typical project sizes—more
units could be built at comparable cost. 

credibility to the regulators’ decision. In any event, the integrity
of the IRP process will depend on regulators’ ability to craft
processes that are trusted to produce unbiased results.

( Competitive bidding. A successful IRP will lower risk in the
design of a utility resource portfolio. After the planning process,
utilities begin acquiring approved resources. Some states have
found it bene#cial to require the utility to undertake
competitive bidding for all resources acquired by a utility
pursuant to an IRP. If the utility will build the resource itself,
the regulator may require the utility to join the bidding process
or commit to a cap on the construction cost of the asset.72

( Role of Energy Ef!ciency. A robust IRP process will fully
consider the appropriate levels of energy ef#ciency, including
demand response and load management, that a utility should
undertake. Properly viewed and planned for, energy ef#ciency
can be considered as equivalent to a generation resource.
Regulators in some states list projected energy ef#ciency
savings on the “loads and resources table” of the utility,
adjacent to base load and peaking power plants. In Colorado,
energy ef#ciency is accorded a “reserve margin” in the
integrated resource plan, as is done with generation resources.73

Since its inception in 1980, the Northwest Power and
Conservation Council, which develops and maintains a
regional power plan for the Paci#c Northwest, has stressed the
role of energy ef#ciency in meeting customers’ energy needs.
Figure 20 shows the Council’s analysis, demonstrating the
elements of a diversi#ed energy portfolio and the role that
energy ef#ciency (or “conservation”) can play in substituting
for generation resources at various levels of cost.74

Appendix 2 contains additional discussion of some of the
modeling tools available to regulators.

3. EMPLOYING TRANSPARENT RATEMAKING PRACTICES
Economist Alfred Kahn famously observed that “all regulation
is incentive regulation,” meaning that any type of economic
regulation provides a #rm with incentives to make certain
choices. Indeed, utility rate regulation’s greatest effect may
not be its ability to limit prices for consumers in the short run,
but rather the incentives it creates for utilities in the longer run.

I Figure 20

Coal . . . . . . . . $
Conservation. . %
Gas . . . . . . . . . "
Renewables. . . #
Nuclear . . . . . . 

72    For a discussion of the use of competitive bidding in resource acquisition, see Susan F. Tierney and Todd Schatzki, Competitive Procurement of Retail Electricity Supply: Recent Trends in State
Policies and Utility Practices (Boston, MA: Analysis Group, 2008), http://www.analysisgroup.com/uploadedFiles/Publishing/Articles/Competitive_Procurement.pdf.

73    For Xcel Energy in Colorado, energy ef#ciency is listed on the “loads and resources” table as a resource.  As such, it is logical that some fraction of the planned-for load reduction might not
materialize.  That portion is then assigned the standard resource reserve margin of approximately 15 percent.  The planning reserve margin is added to the projected peak load, which must be
covered by the combined supply-side and demand-side resources in the table.

74    Tom Eckman, “The 6th Power Plan… and You” (presentation at the Bonneville Power Administration Utility Energy Ef#ciency Summit, Portland, Ore., March 17, 2010),
http://www.bpa.gov/Energy/N/utilities_sharing_ee/Energy_Smart_Awareness/pdf/0A_EESummit_Gen-Session_Public_Power.pdf.
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There have been many debates through the years about the
incentives that utility cost of service regulation provides. These
range from the academic and formal (e.g., the aforementioned
Averch-Johnson effect, which says that rate-regulated
companies will have an inef#ciently high ratio of capital to
labor) to the common sense (e.g., price cap regulation can
induce companies to reduce quality of service; the throughput
incentive discourages electric utilities from pursuing energy
ef#ciency, etc.).

While regulators may want to limit their role to being a
substitute for the competition that is missing in certain parts
of the electric industry, it is rarely possible to limit regulation’s
effects that way. The question is usually not how to eliminate
stray incentives in decisions, but rather which ones to accept
and address.

To contain risk and meet the daunting investment challenges
facing the electric industry, regulators should take care to
examine exactly what incentives are being conveyed by 
the details of the regulation they practice. We examine 
four components of cost of service regulation that affect 
a utility’s perception of risk, and likely affect its preference 
for different resources.

Current Return on Construction Work in Progress. There is
a long-standing debate about whether a utility commission
should allow a utility to include in its rates investment in 
a plant during the years of its construction. Construction
Work in Progress, or “CWIP,” is universally favored by utility
companies and by some regulators, but almost universally
opposed by advocates for small and large consumers and 
by other regulators. CWIP is against the law in some states,
mandated by law in others.

The main argument against CWIP is that it requires
consumers to pay for a plant often years before it is “used
and useful,” so that there isn’t a careful match between the
customers who pay for a plant and those who bene#t from 
it. Proponents of CWIP point out that permitting a current
return on CWIP lessens the need for the utility to issue debt
and equity, arguably saving customers money, and that 
CWIP eases in the rate increase, compared to the case
where customers feel the full costs of an expensive plant
when the plant enters service. Opponents counter by noting
that customers typically have a higher discount rate than the
utilities’ return on rate base, so that delaying a rate hike is
preferred by consumers, even if the utility borrows more
money to #nance the plant until it enters service.

Setting aside the near-religious debate about the equity 
of permitting CWIP in rate base, there is another relevant
consideration. Because CWIP can help utilities secure
#nancing and phase in rate increases, CWIP is often
misunderstood as a tool for reducing risk. This is not true.

CWIP does nothing to actually reduce the risks associated
with the projects it helps to #nance. Construction cost
overruns can and do still occur (see the text box about
Progress Energy’s Levy County nuclear power plant); O&M
costs for the plant can still be unexpectedly high; anticipated
customer load may not actually materialize; and so forth.
What CWIP does is to reallocate part of the risk from utilities
(and would-be bondholders) to customers. CWIP therefore
provides utilities with both the incentive and the means to
undertake a riskier investment than if CWIP were unavailable.

CWIP, Risk Shifting and Progress Energy’s Levy Nuclear Plant

In late 2006, Progress Energy announced plans to build a
new nuclear facility in Levy County, Florida, a few months
after the state legislature approved construction work in
progress (CWIP) customer #nancing. The site is about 90
miles north of Tampa, near the Gulf of Mexico. In 2009,
Progress customers began paying for the Levy plant,
which was expected to begin service in 2016 and be built
at a cost of $4-6 billion. By the end of 2011, Progress
customers had paid $545 million toward Levy’s
construction expenses.

The Levy plant is now projected to cost up to $22 billion,
roughly four times initial estimates, and that number could
keep climbing. (In March 2012, Progress Energy’s market
value as a company was almost $16 billion; the combined
market value of Duke Energy and Progress Energy, which
are seeking to merge and are pursuing construction of #ve
nuclear facilities between them, is about $44 billion.) Levy’s
expected in-service date has pushed beyond 2021 and
possibly as late as 2027—eighteen years after Progress
customers began paying for the plant. Progress has
estimated that by 2020, Levy-related expenses could add
roughly $50 to the average residential customer’s monthly bill.

The Levy plant’s development appeared to take a step
forward in December 2011 when the Nuclear Regulatory
Commission approved its reactor design. But in February
2012, the Florida Public Service Commission approved 
a settlement agreement allowing Progress to suspend or
cancel Levy’s construction and recover $350 million from
customers through 2017. 

It is unclear whether Levy will ever be built. If the plant is
canceled, Progress customers will have paid more than 
$1 billion in rates for no electricity generation, and Florida
state law prohibits their recouping any portion of that
investment. Such an outcome could help to deteriorate
the political and regulatory climate in which Progress
operates, which could ultimately impact credit ratings and
shareholder value.  
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75    Moody’s Investors Service, Decoupling and 21st Century Rate Making (New York: Moody’s Investors Service, 2011), 4.

76    For a discussion of regulatory approaches to align utility incentives with energy ef#ciency investment, see Val Jensen, Aligning Utility Incentives with Investment in Energy Ef!ciency, ICF International
(Washington, DC: National Action Plan for Energy Ef#ciency, 2007), http://www.epa.gov/cleanenergy/documents/suca/incentives.pdf.

Regulators must be mindful of the implications of allowing 
a current return on CWIP, and should consider limiting its
use to narrow circumstances and carefully drawn conditions
of oversight. Regulators should also pay close attention to
how thoroughly utility management has evaluated the risks
associated with the projects for which it requests CWIP.
Regardless of CWIP’s other merits or faults, an important and
too-often unacknowledged downside is that it can obscure 
a project’s risk by shifting, not reducing, that risk.

Use of Rider Recovery Mechanisms. Another regulatory
issue is the use by utilities of rate “riders” to collect
investment or expenses. This practice speeds up cash "ow
for utilities, providing repayment of capital or expense outlays
more rapidly than would traditional cost of service regulation.
This allows utilities to begin collecting expenses and
recovering capital without needing to capitalize carrying costs
or #le a rate case. Once again, regulators must consider
whether these mechanisms could encourage a utility to
undertake a project with higher risk, for the simple reason
that cost recovery is assured even before the outlay is made. 

Allowing a current return on CWIP, combined with revenue
riders, is favored by many debt and equity analysts, who
perceive these practices as generally bene#cial to investors. And
indeed, these mechanisms allow bondholders and stock owners
to feel more assured of a return of their investment. And they
might marginally reduce the utility’s cost of debt and equity. 
But these mechanisms (which, again, transfer risk rather than
actually reducing it) could create a “moral hazard” for utilities to
undertake more risky investments. A utility might, for example,
proceed with a costly construction project, enabled by CWIP
#nancing, instead of pursuing market purchases of power or
energy ef#ciency projects that would reduce or at least delay
the need for the project. If negative #nancial consequences
of such risky decisions extended beyond customers and
reached investors, the resulting losses would be partially
attributable the same risk-shifting mechanisms that analysts
and investors originally perceived as bene#cial.

Construction Cost Caps. Some regulatory agencies approve
a utility’s proposed infrastructure investments only after a
cap is established for the amount of investment or expense
that will be allowed in rates. Assuming the regulator sticks to
the deal, this action will apportion the risk between consumers
and investors. We wouldn’t conclude that this actually reduces
risk except in the sense that working under a cap might
ensure that utility management stays focused on the project,
avoiding lapses into mismanagement that would raise costs
and likely strain relationships with regulators and stakeholders.

Rewarding Energy Ef!ciency. Another relevant regulatory
practice concerns the treatment of demand-side resources
like energy ef#ciency and demand response. It is well

understood that the “throughput incentive” can work to keep 
a utility from giving proper consideration to energy ef#ciency;
to the extent that a utility collects more than marginal costs in
its unit price for electricity, selling more electricity builds the
bottom line while selling less electricity hurts pro#tability. There
are several adjustments regulation can make, from decoupling
revenues from sales, to giving utilities expedited cost recovery
and incentives for energy ef#ciency performance. Decoupling,
which guarantees that a utility will recover its authorized #xed
costs regardless of its sales volumes, is generally viewed by
ef#ciency experts and advocates as a superior approach
because it neutralizes the “throughput incentive” and enables
utilities to dramatically scale up energy ef#ciency investment
without threatening pro#tability. Ratings agencies view
decoupling mechanisms as credit positive because they provide
assurance of cost recovery, and Moody’s recently observed 
“a marked reduction in a company’s gross pro#t volatility in the
years after implementing a decoupling type mechanism.”75

Whatever the chosen approach, the takeaway here is that
without regulatory intervention, energy ef#ciency will not likely
be accorded its correct role as a low cost and low risk strategy.76

I
Without regulatory intervention, energy ef!ciency 
will not likely be accorded its correct role as 
a low cost and low risk strategy.

4. USING FINANCIAL AND PHYSICAL HEDGES
Another method for limiting risk is the use of #nancial and
physical hedges. These provide the utility an opportunity to
lock in a price, thereby avoiding the risk of higher market
prices later. Of course, this means the utility also foregoes the
opportunity for a lower market price, while paying some
premium to obtain this certainty.

Financial hedges are instruments such as puts, calls, and
other options that a utility can purchase to limit its price
exposure (e.g., for commodity fuels) to a certain pro#le. 
If the price of a commodity goes up, the call option pays off;
if the price goes down, the put option pays off. Putting such
a collar around risk is, of course, not free: the price of an
option includes transaction costs plus a premium re"ecting
the instrument’s value to the purchaser. Collectively these
costs can be viewed as a type of insurance payment. 

Another example of a #nancial hedge is a “temperature”
hedge that can limit a utility’s exposure to the natural gas
price spikes that can accompany extreme weather
conditions. A utility may contract with a counter-party so that,
for an agreed price, the counter-party agrees to pay a utility if
the number of heating-degree-days exceeds a certain level
during a certain winter period. If the event never happens,
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the utility forfeits the payment made for the hedge. If the
event does happen, the utility might still need to purchase
natural gas at an in"ated price; even so, the hedge would
pay off because it has reduced the company’s total outlay.
Simply stated, #nancial hedges can be used by a utility to
preserve an expected value.

An illustration of a physical hedge would be when a utility
purchases natural gas at a certain price and places it into
storage. The cost of that commodity is now immune to future
"uctuations in the market price. Of course, there is a cost to
the utility for the storage, and the utility forgoes the possible
advantage of a future lower price. But in this case the payment
(storage cost) is justi#able because of the protection it affords
against the risk of a price increase.

Long-term contracts can also serve to reduce risk. These
instruments have been used for many years to hedge against
price increases or supply interruptions for coal. Similarly,
long-term contracts are used by utilities to lock in prices paid
to independent power producers. Many power purchase
agreements (PPAs) between distribution utilities and third
party generators lock in the price of capacity, possibly with 
a mutually-agreed price escalator. But due to possible fuel
price "uctuations (especially with natural gas), the fuel-based
portion of the energy charge is not #xed in these contracts.
So PPAs can shield utilities from some of the risks of owning
the plants, but they do not hedge the most volatile portion 
of natural gas generation: the cost of fuel.

Regulated utilities and their regulators must come to an
understanding about whether and how utilities will utilize
these options to manage risk, since using them can foreclose
an opportunity to enjoy lower prices. 

5. HOLDING UTILITIES ACCOUNTABLE
From the market’s perspective, one of the most important
characteristics of a public utilities commission is its
consistency. Consumers don’t like surprises, and neither do
investors. Financial analysts who rate regulatory climates
across the states typically rank stability as one of the highest
virtues for regulators. Indeed, this quality is often viewed to
be as important as the absolute level of return on equity
approved by a commission.

I
Consumers don’t like surprises, and neither do
investors. Financial analysts who rate regulatory
climates across the states typically rank stability 
as one of the highest virtues for regulators.

Effective regulation—regulation that is consistent, predictable,
forward-thinking and “risk-aware”—requires that regulators
hold utilities accountable for their actions. Earlier, we stressed
the value of regulators being actively involved in the utility
resource planning process. But this tool works well only if
regulators follow through—by requiring utilities to comply with
the resource plan, to amend the resource plan if circumstances
change, to live within an investment cap, to adhere to a
construction schedule, and so forth. If the utility doesn’t satisfy
performance standards, regulatory action will be necessary.

This level of activity requires a signi#cant commitment of
resources by the regulatory agency. Utility resource acquisition
plans typically span ten years or more, and a regulator must
establish an oversight administrative structure that spans the
terms of sitting commissioners in addition to clear expectations
for the regulated companies and well-de#ned responsibilities
for the regulatory staff. 

6. OPERATING IN ACTIVE, “LEGISLATIVE” MODE
As every commissioner knows, public utility regulation requires
regulators to exercise a combination of judicial and legislative
duties. In “judicial mode,” a regulator takes in evidence in
formal settings, applies rules of evidence, and decides
questions like the interpretation of a contract or the level of
damages in a complaint case. In contrast, a regulator
operating in “legislative mode” seeks to gather all information
relevant to the inquiry at hand and to #nd solutions to future
challenges. Judicial mode looks to the past, legislative mode 

Long-term Contracts for Natural Gas

In recent decades, utilities have mostly used #nancial
instruments to hedge against volatile natural gas prices,
and natural gas supply used for power generation has not
been sold under long-term contracts. An exception is a
recent long-term contract for natural gas purchased by
Xcel Energy in Colorado. The gas will be used to fuel new
combined cycle units that will replace coal generating
units. The contract between Xcel Energy and Anadarko
contained a formula for pricing that was independent of
the market price of natural gas and runs for 10 years.

The long-term natural gas contract between Xcel Energy 
and Anadarko was made possible by a change in Colorado’s
regulatory law. For years, utilities and gas suppliers had
expressed concern that a long-term contract, even if
approved initially as prudent, might be subject to a reopened
regulatory review if the price paid for gas under the contract
was, at some future date, above the prevailing market price.
Colorado regulators supported legislation making it clear in
law that a #nding of prudence at the outset of a contract
would not be subject to future review if the contract price
was later “out of the money.” An exception to this protection
would be misrepresentation by the contracting parties.
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to the future. In his 1990 essay, former Ohio utilities regulator
Ashley Brown put it this way:

Gathering and processing information is vastly
different in judicial and legislative models. Legislating,
when properly conducted, seeks the broadest data
base possible. Information and opinions are received
and/or sought, heard, and carefully analyzed. The
process occurs at both formal (e.g., hearings) and
informal (e.g., private conversation) levels. The goal is
to provide the decision maker with as much
information from as many perspectives as possible so
that an informed decision can be made. Outside
entities can enhance, but never be in a position to
limit or preclude, the !ow of information. The decision
maker is free to be both a passive recipient of
information and an active solicitor thereof. The latter
is of particular importance in light of the fact that
many of the interests affected by a decision are not
likely to be present in the decision making forum.77

Being a risk-aware regulator requires operating in legislative
mode in regulatory proceedings, and especially in policy-
making proceedings such as rulemakings. But the courts have
also found that ratemaking is a proper legislative function of
the states.78 And since this state legislative authority is typically
delegated by legislatures to state regulators, this means that,
to some extent, regulators may exercise “legislative” initiative
even in rate-setting cases.

In a recent set of essays, Scott Hempling, the former executive
director of the National Regulatory Research Institute, contrasts
regulatory and judicial functions and calls for active regulation
to serve the public interest:

Courts and commissions do have commonalities. Both
make decisions that bind parties. Both base decisions
on evidentiary records created through adversarial
truth-testing. Both exercise powers bounded by
legislative line-drawing. But courts do not seek

problems to solve; they wait for parties’ complaints.
In contrast, a commission’s public interest mandate
means it literally looks for trouble. Courts are
con"ned to violations of law, but commissions are
compelled to advance the public welfare.79

Utility resource planning is one of the best examples of the need
for a regulator to operate in legislative mode. When examining
utilities’ plans for acquiring new resources, regulators must seek
to become as educated as possible. Up to a point, the more
choices the better. The regulator should insist that the utility
present and analyze multiple alternatives. These alternatives
should be characterized fully, fairly, and without bias. The
planning process should seek to discover as much as possible
about future conditions, and the door should be opened to
interveners of all stripes. Knowing all of the options—not
simply the ones that the utility brings forward—is essential 
to making informed, risk-aware regulatory decisions.

I
The planning process should seek to discover as
much as possible about future conditions, and the
door should be opened to interveners of all stripes.
Knowing all of the options—not simply the ones that
the utility brings forward—is essential to making
informed, risk-aware regulatory decisions.

7. REFORM AND RE-INVENT RATEMAKING PRACTICES 
It is increasingly clear that a set of forces is reshaping the
electric utility business model. In addition to the substantial
investment challenge discussed in this report, utilities are
facing challenges from stricter environmental standards,
growth in distributed generation, opportunities and
challenges with the creation of a smarter grid, new load from
electric vehicles, pressure to ramp up energy ef#ciency
efforts—just to mention a few. As electric utilities change,
regulators must be open to new ways of doing things, too. 
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Today’s energy industry faces disruptions similar to those
experienced by the telecommunications industry over the
past two decades. To deal with the digital revolution in
telecommunications and the liberalization of those markets,
regulators modernized their tools to include various types of
incentive regulation, pricing "exibility, lessened regulation in
some markets and a renewed emphasis on quality of service
and customer education.  

One area where electric utility regulators might pro#tably
question existing practices is rate design. Costing and pricing
decisions, especially for residential and small business
customers, have remained virtually unchanged for decades.
The experience in other industries (e.g., telecommunications,
entertainment, music) shows that innovations in pricing are
possible and acceptable to consumers. Existing pricing
structures should be reviewed for the incentives they provide
for customers and the outcomes they create for utilities.

The risk-aware regulator must be willing to think “way
outside the box” when it comes to the techniques and
strategies of effective regulation. Earlier we observed that
effective regulators must be informed, active, consistent,
curious and often courageous. These qualities will be
essential for a regulator to constructively question status quo
regulatory practice in the 21st century.

THE BENEFITS OF 
“RISK-AWARE REGULATION”
We have stressed throughout this report that effective utility
regulators must undertake a lot of hard work and evolve
beyond traditional practice to succeed in a world of changing
energy services, evolving utility companies and consumer
and environmental needs. What can regulators and utilities
reasonably expect from all this effort? What’s the payback if
regulators actively practice “risk-aware regulation”?

( FIRST, there will be bene#ts to consumers. A risk-aware
regulator is much less likely to enter major regulatory
decisions that turn out wrong and hurt consumers. The
most costly regulatory lapses over the decades have been
approval of large investments that cost too much, failed to
operate properly, or weren’t needed once they were built.
It’s too late for any regulator to #x the problem once the
resulting cost jolts consumers.

( SECOND, there will be bene#ts to regulated utilities. Risk
aware regulation will create a more stable, predictable
business environment for utilities and eliminate most
regulatory surprises. It will be easier for these companies
to plan for the longer-term. If regulators use a well-
designed planning process, examining all options and
assessing risks, utilities and their stakeholders will have
greater reliance on the long-term effect of a decision. 

( THIRD, investors will gain as well. Steering utilities away
from costly mistakes, holding the companies responsible
for their commitments and, most importantly, maintaining
a consistent approach across the decades will be “credit-
positive,” reducing threats to cost-recovery. Ratings
agencies will take notice, lowering the cost of debt,
bene#tting all stakeholders.

( FOURTH, governmental regulation itself will bene#t.
Active, risk-aware regulators will involve a wide range of
stakeholders in the regulatory process, building support
for the regulators’ decision. Consistent, transparent,
active regulation will help other state of#cials—governors
and legislators—develop a clearer vision of the options 
for the state’s energy economy.

( FINALLY, our entire society will bene#t as utilities and
their regulators develop a cleaner, smarter, more resilient
electricity system. Regulation that faithfully considers all
risks, including the future environmental risks of various
utility investments, will help society spend its limited
resources most productively. In other words, risk-aware
regulation can improve the economic outcome of these
large investments. 

With two trillion dollars on the line, both the stakes and the
potential bene#ts are high. If history is a guide, fewer than
700 state regulators will serve in of#ce during the next 20
years. Practicing risk-aware regulation will enable them to
avoid expensive mistakes and identify the most important
utility investments for realizing the promise of an advanced
21st century electricity system.
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APPENDIX 1: 
UNDERSTANDING UTILITY FINANCE
MOST INVESTOR-OWNED UTILITIES (IOUS) IN THE UNITED STATES ARE IN A CONSTRUCTION
CYCLE OWING TO THE NEED TO COMPLY WITH MORE STRINGENT AND EVOLVING
ENVIRONMENTAL POLICIES AND TO IMPROVE AGING INFRASTRUCTURE. NEW INFRASTRUCTURE
PROJECTS INCLUDE SMART GRID, NEW GENERATION AND TRANSMISSION. THE IOUS,
THEREFORE, WILL BE LOOKING TO THE CAPITAL MARKETS TO HELP FINANCE THEIR RATHER
LARGE CAPITAL EXPENDITURE PROGRAMS.

DEBT FINANCING 
While the IOUs will be issuing some additional equity, a
higher percentage of the new investment will be #nanced
with debt. In general, utilities tend to be more leveraged than
comparably-rated companies in other sectors (see the Rating
Agencies section below). The electric utility sector’s debt is
primarily publicly issued bonds, including both #rst mortgage
bonds (FMB) and senior unsecured bonds. While the utilities
also issue preferred stock and hybrid debt securities, these
instruments tend to represent a small portion of a company’s
capital structure. Non-recourse project #nance is rare for
utilities, but it is commonly used by unregulated af#liates. 

Most regulated IOUs in the U.S. are owned by holding
companies whose assets are primarily their equity interests 
in their respective subsidiaries. These operating company
subsidiaries are typically wholly owned by the parent, so that
all publicly-held stock is issued by the parent. Because most
of these holding companies are quite large, the market for 
a holding company’s stock is usually highly liquid. 

In contrast to equity, bonds are issued by both the utility
holding company and individual operating subsidiaries.
Typically, holding and operating company bonds are non-
recourse to af#liates. This means that each bond issuer within
the corporate family will have its own credit pro#le that affects
the price of the respective bonds. To illustrate this point,
compare two American Electric Power subsidiaries, Ohio
Power and Indiana Michigan. The companies have different
regulators, generation mix, customer bases and, consequently,
different senior unsecured Moody’s bond ratings of Baa1 and
Baa2, respectively. For this reason, each bond issuance of the
corporate family trades somewhat independently.

Utility bonds trade in secondary markets and are traded over-
the-counter rather than in exchanges like equities. For bond
issuance of less than $300 million, the secondary market is
illiquid and not very robust. Smaller utilities are frequently
forced into the private placement market with their small

issuances and accordingly pay higher interest rates compared
to similarly-rated larger companies. Even if these smaller
issues are placed in the public market, there is a premium
for the expected lack of liquidity. 

Secured debt in the form of FMBs is common in the electric
utility sector. Such bonds are usually secured by an undivided
lien on almost all of the assets of an operating utility. Bond
documentation (called an “indenture”) prohibits the issuance
of such bonds in an amount that exceeds a speci#ed
percentage (usually in the range of 60 percent) of the asset
value of the collateral. The maturities of these bonds are
frequently as long as 30 years, and in rare occasions longer).
While the lien on assets may limit a company’s #nancing
"exibility, the interest rate paid to investors is lower than for
unsecured debt. The proceeds from FMBs are usually used
to #nance or re#nance long-lived assets. 

Senior unsecured bonds can be issued at any maturity, 
but terms of #ve and ten years are most common. These
instruments are “junior” to FMBs, so that, in an event of
default, these debt holders would be repaid only after the
secured debt. But these bonds are “senior” to hybrids and
preferred stock. In a bankruptcy, senior unsecured bonds
are usually deemed equal in standing with trade obligations,
such as unpaid fuel and material bills. 

Utilities typically have “negative trade cycles,” meaning that
cash receipts tend to lag outlays. IOUs’ short-term payables
such as fuel purchases, salaries and employee bene#ts are
due in a matter of days after the obligation is incurred. In
contrast, the utility’s largest short-term assets are usually
customer receivables which are not due for 45—60 days
after the gas or electricity is delivered. Therefore, utilities
have short term cash needs referred to as “working capital”
needs. To #nance these short term needs utilities have bank
credit lines and sometimes trade receivable facilities. 

For larger utility corporate families, these bank lines can
amount to billions of dollars. For example, American Electric
Power has two large bank lines of $1.5 and $1.7 billion that
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mature in 2015 and 2016, respectively. AEP’s lines and most
of those of other utilities are revolving in nature. While
termination dates typically range from one to #ve years for
these lines, the utility usually pays down borrowings in a few
months and accesses the line again when needed. 

Interest on bank lines of credit is paid only when the lines are
used, with a much lower fee paid on the unused portion of
the lines. For #nancially weak utility companies, banks often
require security for bank lines . But because utility operating
companies are rarely rated below BBB-/Baa3, bank lines are,
for the most part, unsecured. 

Some larger utilities have receivable facilities in addition to
revolving bank lines. The lender in a receivables facility usually
purchases the customer receivables. There is an assumed
interest expense in these transactions which is usually lower
than the rate charged by banks for unsecured revolving lines. 

Although preferred stock is a form of equity, it is usually
purchased by a bond investor who is comfortable with the
credit quality of the issuer and willing to take a junior position
in order to get a higher return on its investment. There are also
hybrid securities. Although they are technically debt
instruments, they are so deeply subordinate and with such
long repayment periods that investors and the rating agencies
view these instruments much like equities. Frequently, hybrids
allow the issuer to defer interest payments for a number of
years. Some hybrids can be converted to equity at either the
issuer’s or investor’s option. 

S&P is the most rigorous of the rating agencies in treating the
#xed component of power purchase agreements (PPA) as
debt-like in nature. Also, some Wall Street analysts look at
PPAs as liabilities with debt-like attributes. That being said,
those analysts who do not consider PPAs as debt-like still
incorporate in their analysis the credit implications of these
frequently large obligations. 

EQUITY FINANCING
In order to maintain debt ratings and the goodwill of #xed
income investors, utility managers must #nance some portion
of their projects with equity. Managements are usually reluctant
to go to market with large new stock issuances. Equity investors
often see new stock as being dilutive to their interests, resulting
in a decrease in the market price of the stock. But if a utility has
a large capital expenditure program it may have no choice but
to issue equity in order maintain its credit pro#le. 

For more modest capital expenditure programs, a company
may be able to rely on incremental increases to equity to
maintain a desired debt to equity ratio. While the dividend
payout ratios are high in this sector, they are rarely 100
percent, so that for most companies, equity increases, at
least modestly, through retained earnings. Many companies

issue equity in small incremental amounts every year to ful#ll
commitments to employee pension or rewards programs.
Also, many utility holding companies offer their existing
equity holders the opportunity to reinvest dividends in stock.
For larger companies these programs can add $300 - $500
million annually in additional equity. Since these programs
are incremental, stock prices are usually unaffected.

OTHER FINANCING
Project #nance (PF) can also be used to fund capital
expenditures. These instruments are usually asset-speci#c and
non-recourse to the utility, so that the pricing is higher than
traditional investment-grade utility debt. Project #nance is usually
used by #nancially weaker non-regulated power developers. 

Some companies are looking to PF as a means of #nancing
large projects so that risk to the utility is reduced. However, the
potential of cost overruns, the long construction/development
periods and use of new technology will make it hard to #nd PF
#nancing for projects like new nuclear plants. This also applies
to carbon capture/sequestration projects, as the technology is
not seasoned enough for most PF investors. This means that,
utilities may need to #nance new nuclear and carbon capture/
sequestration projects using their existing balance sheets. 

In order to reduce risk, a utility can pursue projects in
partnership with other companies. Currently proposed large
gas transport and electric transmission projects are being
pursued by utility consortiums. Individual participants in gas
transport projects in particular have used Master Limited
Partnerships (MLPs) as a way to #nance their interests.
MLPs are owned by general and limited partners. Usually 
the general partner is the pipeline utility or a utility holding
company. Limited partner units are sold to passive investors
and are frequently traded on the same stock exchanges that
list the parent company’s common stock. One big difference
between the MLP and an operating company is that earnings
are not subject to corporate income tax. The unit holders pay
personal income tax on the pro#ts. 

Companies have used both capital and operating lease
structures to #nance discrete projects, including power
plants. The primary difference between an operating and
capital lease is that the capital lease is re"ected on the
company’s balance sheet. The commitment of the utility to
the holder of the operating lease is deemed weaker. Most
#xed income analysts, as well as the rating agencies, do not
view these instruments as being materially different and treat
operating leases for power plants as debt.
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80    Standard & Poor’s and Fitch use the same ratings nomenclature. It was designed by Fitch and sold to S&P. For entities rated between AA and CCC the agencies break down each rating category
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BBB category for Moody’s are Baa1, Baa2 and Baa3. The agencies will also provide each rating with an outlook that is stable, positive or negative.
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TYPICAL UTILITY INVESTORS
The largest buyers of utility equities and #xed income
securities are large institutional investors such as insurance
companies, mutual funds and pension plans. As of September
2011, 65 percent of utility equities were owned by institutions.
While insurance companies and pension plans own utility
equities, both trail mutual funds in the level of utility stock
holdings. For example, the #ve largest holders of Exelon
stock are mutual fund complexes. 

Most retail investors own utility stock and bonds indirectly
through mutual funds and 401k plans. But many individual
investors also own utility equities directly, including utility
employees. Small investors tend not to buy utility bonds
because the secondary market in these instruments is rather
illiquid, especially if the transaction size is small.

Common stock mutual funds with more conservative
investment criteria are most interested in utility equities.
While the market price of these stocks can vary, there is a
very low probability of a catastrophic loss. Also, utility stocks
usually have high levels of current income through dividend
distributions. Another attractive attribute of these equities is
that they are highly liquid. Essentially all utilities in the U.S.
are owned by utility holding companies that issue common
stock. Due to extensive consolidation in the sector over the
past 20 years, these holding companies are large and have
signi#cant market capitalization. For these reasons, utility
stocks are highly liquid and can be traded with limited
transaction costs. 

Utility #xed-income investments are far less liquid than equities.
Thus, the typical bond investor holds onto the instruments
much longer than the typical equity investor. Bonds are issued
both by the utility holding company and individual operating
subsidiaries. Because bonds are less liquid in the secondary
market, investors in these instruments, such as pension plans
and insurance companies, tend to have longer time horizons.
Four of the top #ve investors in Exelon Corp bonds due 2035
are pension plans and insurance companies. Mutual bond
funds tend to buy shorter-dated bonds. 

The buyers of #rst mortgage bonds (FMBs) are frequently
buy-and-hold investors. As FMBs are over-collateralized,
bondholders are comfortable that they will be less affected 
by unforeseen negative credit events. It is not unusual for 
a large insurance company to buy a large piece of an FMB
deal at issuance and hold it to maturity. Retail investors in
utility bonds also tend to be buy-and-hold investors, as it is
hard for them to divest their positions which are typically
small compared to the large institutions. The relative illiquidity
of utility bonds means that transaction costs can be high and
greatly reduce the net proceeds from a sale. 

Utility employees frequently own the stock of the companies
for which they work. Employees with de#ned bene#t
pensions, however, are not large holders of utility stocks
because pension plans hold little if any of an employer’s
stock owing to ERISA rules and prudent asset management
practices. Mid-level non-unionized employees frequently
have 401ks that are typically invested in mutual funds or
similar instruments. However, it is not unusual for company
matching of the employees’ 401k contributions to be in
company stock. Finally, senior management’s incentive
compensation is frequently paid in the company’s common
equity, in part to ensure that management’s interests are
aligned with those of the shareholders.

RATING AGENCIES
Most utilities have ratings from three rating agencies:
Moody’s Investors Services, Standard & Poor’s Ratings
Services, and Fitch Ratings. Having three ratings is unlike
other sectors, which frequently use two ratings—Moody’s 
or Standard & Poor’s. Most utility bonds are held by large
institutional investors who demand that issuers have at least
Moody’s and Standard & Poor’s ratings. 

Failing to have two ratings would cause investors to demand
a very high premium on their investments, far more than the
cost to utilities of paying the agencies to rate them. Having a
third rating from Fitch usually slightly lowers the interest rate
further. While investors have become less comfortable with
the rating agencies’ evaluations of structured #nance
transactions, this dissatisfaction has not carried over greatly
into the corporate bond market, and especially not the utility
bond market. 

The agencies usually assign a rating for each company
referred to as an issuer rating. They also rate speci#c debt
issues, which may be higher or lower than the issuer rating.
Typically a secured bond will have a higher rating than its
issuer; preferred stock is assigned a lower rating than the
issuer. Ratings range from AAA to D.80 The “AAA” rating is
reserved for entities that have virtually no probability of
default. A “D” rating indicates that the company is in default. 

The three agencies each take into account both the
probability of default, as well as the prospects of recovery for
the bond investor if there is a default. Utilities traditionally are
considered to have high recovery prospects because they are
asset-heavy companies. In other words, if liquidation were
necessary, bond holders would be protected because their
loans are backed by hard assets that could be sold to cover
the debt. Further, the probability of default is low because
utility rates are regulated, and regulators have frequently
increased rates when utilities have encountered #nancial
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problems owing to events outside of companies’ control.
However, there are a few notable instances where commissions
could not or would not raise rates to avoid defaults including
the bankruptcies of Public Service of New Hampshire and
Paci#c Gas and Electric. 

It is unusual for a utility operating company to have a non-
investment grade rating (Non-IG, also referred to as high
yield, speculative grade, or junk). Typically Non-IG ratings
are the result of companies incurring sizable expenses for
which regulators are not willing or able to give timely or
adequate rate relief. Dropping below IG can be problematic
for utilities because interest rates increase markedly. Large
institutional investors have limited ability to purchase such
bonds under the investment criteria set by their boards.
Another problem with having an Non-IG rating is that the
cost of hedging rises owing to increased collateral
requirements as counterparties demand greater security
from the weakened credit. 

In developing their ratings, the agencies consider both
quantitative and more subjective factors. The quantitative
analysis tends to look at cash "ow “coverage” of total debt and
of annual #xed income payment obligations, as well as overall
debt levels. In contrast, the typical equity analyst focuses on
earnings. The rating agencies are less interested in the allowed
returns granted by regulators than they are in the size of any
rate decrease or increase and its effect on cash "ow. 

That said, the rating agency may look at allowed returns to
evaluate the “quality” of regulation in a given state. All things
being equal, they may give a higher rating to a company in a
state with “constructive” regulation than to a company in a state
with a less favorable regulatory climate. Constructive regulation
to most rating agencies is where regulatory process is
transparent and consistent across issuers in the state. Also, the
agencies favor regulatory constructs that use forward-looking
test years and timely recovery of prudently-incurred expenses.
The agencies consider tracking mechanisms for fuel and
purchased power costs as credit supportive because they help
smooth out cash "uctuations. The agencies believe that while
trackers result in periodic changes in rates for the customer,
these mechanisms are preferable for consumers than the
dramatic change in rates caused by fuel factors being lumped
in with other expenses in a rate case. 

Analysts also will look to see how utility managers interact
with regulators. The agencies deem it a credit positive if
management endeavors to develop construct relationships
with regulators. The agencies may become concerned about
the credit quality of a company if the state regulatory process
becomes overly politicized. This may occur if a commission
renders decisions with more of an eye toward making good
press than applying appropriate utility regulatory standards.
Politicized regulatory environments can also occur when 
a commission is professional and fair, but outside political
forces, such as governors, attorneys general or legislators
challenge a prudently decided case. 

The rating agencies themselves can at times act as de facto
regulators. Because utilities are more highly levered than
most any other sector, interest expenses can be a signi#cant
part of a company’s cost structure. Ratings affect interest
rates. The agencies will look negatively at anything that
increases event risk. The larger an undertaking, the greater
the fallout if an unforeseen event undermines the project. 
A utility embarking on the development of a large facility like
a large generation or transmission project, especially if is not
preapproved by the regulators, might result in a heightened
focus on the company by the agencies. The rating action
could merely be change in outlook from stable to negative,
which could in turn have a negative impact on the market
price of outstanding bonds, interest rates on new issuances
and even on equity prices. Many utility stock investors are
conservative and pay more attention to rating agency
comments and actions than investors with holdings in more
speculative industries.
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APPENDIX 2: 

Three examples of these models are Prosym, licensed by
Henwood Energy Services; Strategist, licensed by Ventyx;
and GE MAPS, licensed by General Electric.

A model typically creates a 20- or 40-year future utility
scenario, based on load projections provided by the user.
The utility’s energy and peak demand is projected for each
hour of the time period, using known relationships about
loads during different hours, days of the week and seasons of
the year. The model then “dispatches” the most economic
combination of existing or hypothetical new resources to
meet the load in every hour of that time period. 

The operating characteristics of each generating resource is
speci#ed as to its availability, fuel ef#ciency, fuel cost,
maintenance schedule, and, in some models, its emissions
pro#le. The resources available to the model will be a mixture
of existing plants, taking note of their future retirement dates,
plus any hypothetical new resources required by load growth.
The model incorporates estimates of regional power purchases
and their price, transmission paths and their constraints, fuel
contracts, the retirement of existing facilities, etc.

In this way, the user of the model can test various
combinations (scenarios) of proposed new generating plants,
including base load plants, intermediate and peaking plants,
intermittent renewable resources, etc. The model will
calculate the utility’s revenue requirement, fuel costs, and
purchased power expenses in each scenario. The model
might be used to estimate the cost of operating the system
with a speci#c hypothetical portfolio, predict the level of
emissions for a portfolio, measure the value of energy
ef#ciency programs, test the relative value of different
resources, measure the reliability of the system, etc. 

The reader might analogize this modeling to “fantasy” baseball,
where hypothetical teams play hypothetical games, yielding
win-loss records, batting averages and pennant races.

As powerful as these modeling tools are, they are production
models, #rst and foremost. As such, they are not particularly
good at dealing with assumptions about energy ef#ciency
and demand response. In using such models, the regulator
must insist that the utility gives appropriate treatment to
demand-side resources. It may be possible to re-work
models to do this, or it may be necessary to conduct extra
sensitivity analyses at varying levels of energy ef#ciency and
demand response. 

IRP SENSITIVITY ANALYSES
A redispatch modeling tool allows a utility and the regulator
to test the resilience of portfolios against different possible
futures. For example, a regulator might want to know how
#ve different generation portfolios behave under situations of
high natural gas prices, or tougher environmental regulations.
By varying the input assumptions while monitoring the
relevant output (e.g., net present value of future revenue
requirements) the regulator can assess the risk that
contending portfolios pose to future rates if, for example, fuel
prices vary from their predicted levels. 

To illustrate this idea, consider the following material from a
case in Colorado. Figure Appendix - 1 is a page excerpted
from Xcel Energy’s 2009 analysis in support of a resource
plan #led before the Colorado Public Utilities Commission.
The page shows the results of sensitivity analyses for the
price of natural gas (high and low) and the cost of carbon
emissions (high and low) for twelve different portfolios being
considered by the Colorado PUC. 

In all, the Colorado PUC studied 48 different generation
portfolios in this IRP case. The portfolios differed based on
how much natural gas generation was added, how much
wind and solar generation was added, the schedule for
closing some existing coal-#red power plants, the level of
energy ef#ciency assumed, etc. (The actual generation units
in each portfolio are not identi#ed in this public document.

TOOLS IN THE IRP PROCESS
REGULATORS HAVE SEVERAL TOOLS AT THEIR DISPOSAL IN THE IRP PROCESS. ONE OF THE MOST
IMPORTANT IS THE UTILITY REDISPATCH MODEL. THIS IS A COMPLEX COMPUTER PROGRAM THAT
SIMULATES THE OPERATION OF A UTILITY’S SYSTEM UNDER INPUT ASSUMPTIONS PROVIDED BY THE
USER. THE TERM “REDISPATCH” REFERS TO THE FACT THAT THE SOFTWARE MIMICS THE OPERATION
OF AN ACTUAL UTILITY SYSTEM, “DISPATCHING” THE HYPOTHETICAL GENERATION RESOURCES
AGAINST A MODEL LOAD SHAPE, OFTEN HOUR-BY-HOUR FOR MOST COMMONLY USED MODELS. 
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Otherwise, it would have created problems for the competitive
bidding process used to award contracts to supply the power
to the utility.)

Each column in the table represents a different portfolio,
numbered 1 to 12. Portfolio 2 is the Xcel’s preferred plan. The
rows show the modeling results for each portfolio. For example,
the Present Value of Revenue Requirements (PVRR) is
calculated for each portfolio and is shown the line indicated
by the #rst PVRR arrow, along with the ranking of that portfolio.
The lower half of the chart shows the cost of each portfolio
under different assumptions about the cost of carbon emissions
(higher or lower than base case predictions) and for natural gas
prices (higher or lower than base case predictions).

CAVEATS
Models are a terri#c way to keep track of all the moving parts
in the operation of a utility portfolio. But it is one thing to
know that each resource has certain operating characteristics;
it is quite another to see these qualities interact with each
other in dynamic fashion. And while utility modeling tools,

such as production cost models can be helpful, care must 
be taken with their use. 

Obviously the models are helpful only to the extent that the
inputs are reasonable and cover the range of possibilities the
regulator wishes to examine. Load forecast must be developed
with care; assumptions about future fuel costs are really
educated guesses, and should be bracketed with ranges 
of sensitivity. 

Because there are so many possible combinations, variations
and sensitivities, the regulator in an IRP case must make a
decision early in the process about the scope of the portfolios
to be examined. The utility should be directed to analyze and
present all scenarios requested by the regulator, together
with any portfolios preferred by the utility. 

Finally, the model’s best use is to inform judgment, not
substitute for it. The amount of data produced by models can
be overwhelming and may give a false sense of accuracy. The
risk-aware regulator will always understand the fundamental
uncertainties that accompany projections of customer demand,
future fuel costs and future environmental requirements. 

EXAMPLE OF IRP SENSITIVITY ANALYSES

I Figure Appendix - 1

Portfolios
1-12

PVRR 
& Rank

PVRR 
& Rank

Base Scenario
Assumption: High Ef!ciency,

Medium Solar

Representative 
of Preferred Plan
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INTRODUCTION	  
Electric utility capital investments often entail significant risk.

1
 They are typically large, irreversible 

investments, with long lifetimes and many alternatives.
2 
They often lead to uncertain cost outcomes 

relative to investment alternatives.
3
 In addition to this inherent risk, electric utilities and utility regulators 

face uncertainty regarding near-term and long-term fuel prices, demand growth, environmental 

regulations, climate policy, and technology development.
4
 Given the $1.5 to $2 trillion dollars in capital 

investments that electric utilities are projected to make over the next 20 years, these conditions imply that 

electric utilities and utility regulators must make difficult decisions in an environment of significant 

uncertainty.
5
 Poor investment decisions could cause ratepayers to face significant rate increases and 

potentially burden utilities with unrecoverable costs.   

Most electric utility planning methods in traditionally regulated, vertically integrated markets strive to 

determine the least-cost investment—or series of investments—to reliably meet load. To accomplish this 

goal, electricity generation planners typically use scenario analysis to account for a range of potential 

futures. However, determining optimal investments is difficult if least-cost investments vary widely 

across scenarios, as is often the case during a time of unprecedented uncertainty in the industry and given 

a wide range of potential market futures. An investment that is least cost in one scenario (or future) may 

be high cost and high risk in another. As a result, utilities and regulators may regret investments, and 

customers could be saddled with higher costs. The wrong investment can reverberate through the local 

economy and ultimately lead to shuttering of incumbent industries and failure to attract new customers.  

Perhaps the most prominent example of a regrettable electricity generation decision is the Shoreham 

nuclear power plant in New York. Long Island Lighting Company (LILCO) conceived the project during 

the 1960s due to growing concerns with fossil fuel supplies. The plant took 20 years to construct and cost 

approximately $6 billion.
6
 Nearly 100 times over budget, the plant was mothballed before entering 

	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
1	  Risk	  is	  defined	  here	  as	  the	  potential	  for	  a	  loss	  or	  negative	  outcome	  from	  an	  uncertain	  event.	  
2	  Electricity	  sector	  capital	  investments	  tend	  to	  have	  low	  salvage	  values,	  meaning	  most	  costs	  are	  sunk	  and	  
unrecoverable	  if	  the	  investment	  does	  not	  operate	  as	  planned.	  See	  Elizabeth	  Olmsted	  Teisberg,	  “Capital	  Investment	  
Strategies	  under	  Uncertain	  Regulation,”	  The	  RAND	  Journal	  of	  Economics	  24,	  no.	  4	  (Winter	  1993):	  591-‐604,	  
http://www.jstor.org/stable/2555747.	  Also	  see	  Table	  8-‐1,	  EPA's	  IPM	  Base	  Case	  v.4.10	  Financial	  Assumptions,	  U.S	  
Environmental	  Protection	  Agency,	  http://www.epa.gov/airmarkets/progsregs/epa-‐ipm/docs/v410/Chapter8.pdf.	  
3	  Dalia	  Patino	  Echeverri	  and	  David	  Hoppock,	  Southeastern	  Association	  of	  Regulatory	  Utility	  Commissioners	  2013	  
Annual	  Conference,	  Asheville,	  North	  Carolina,	  June	  9,	  2013,	  
http://www.naruc.org/Grants/Documents/SEARUC%202013%20Risk%20Workshop.pdf.	  
4	  Fuel	  prices:	  Mark	  Bolinger,	  Revisiting	  the	  Long-‐Term	  Hedge	  Value	  of	  Wind	  Power	  in	  an	  Era	  of	  Low	  Natural	  Gas	  
Prices,	  Lawrence	  Berkeley	  National	  Laboratory	  (March	  2013).	  Demand	  growth:	  Peter	  Fox-‐Penner,	  Smart	  Power:	  
Climate	  Change,	  the	  Smart	  Grid,	  and	  the	  Future	  of	  Electric	  Utilities	  (Washington	  D.C.:	  Island	  Press,	  2011);	  Gregory	  
Aliff,	  The	  Math	  Does	  Not	  Lie:	  Factoring	  the	  Future	  of	  the	  U.S.	  Electric	  Power	  Industry,	  Deloitte	  Center	  for	  Energy	  
Solutions	  (2012).	  Environmental	  regulations	  and	  climate	  policy:	  Ron	  Binz,	  Richard	  Sedano,	  Denise	  Furey,	  and	  Dan	  
Mullen,	  Practicing	  Risk-‐Aware	  Electricity	  Regulation:	  What	  Every	  State	  Regulator	  Needs	  to	  Know	  (Boston:	  CERES,	  
2012).	  Technology	  development:	  Gregory	  Aliff,	  The	  Math	  Does	  Not	  Lie.	  	  
5	  NARUC	  President	  Philip	  Jones,	  2012	  NARUC	  Annual	  Conference,	  
http://www.narucmeetings.org/Presentations/2012jonesspeech.pdf.	  Ron	  Binz	  et	  al.,	  Practicing	  Risk-‐Aware	  
Electricity	  Regulation.	  
6	  Massoud	  Simnad,	  “Has	  the	  Nuclear	  Power	  Industry	  Risen	  and	  Fallen	  or	  Will	  It	  Rise	  Again?”	  Energy	  21	  (1996):	  
1095–1111.	  
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commercial operation.
7
 By the time it was decommissioned in 1995, electricity rates for LILCO 

customers had increased to among the highest in the country. As a result, LILCO was dissolved into 

several entities, including the Long Island Power Authority.
8
 Customers are still paying off an estimated 

$3.5 billion worth of debt related to the project.
9
  

Given current risks and uncertainties, the potential for today’s generation decisions to have similarly 

long-lasting negative impacts is high. For example, the decision to invest in an existing coal plant to 

comply with environmental regulations may be least cost in the near term but high cost over a longer 

horizon, depending on how the federal government regulates greenhouse gas emissions. Similarly, an 

investment in a natural gas plant may be least cost, assuming low natural gas price projections are 

realized, but the investment can significantly increase electricity rates if natural gas prices spike or return 

to the price volatility seen 5 to 10 years ago (Figure 1). Utilities can make investments in renewable 

generation, for example, to hedge against fuel price and other risks, but these investments are often 

relatively high cost in the near term. Moreover, estimating their hedging value with traditional utility 

planning methods is challenging.
10

  

	  

Figure	  1.	  Levelized	  annual	  revenue	  requirements	  for	  natural	  gas	  combined	  cycles	  given	  high	  and	  low	  natural	  gas	  
fuel	  price	  forecasts.	  A	  500	  MW	  combined	  cycle	  operating	  at	  60%	  capacity	  factor	  would	  cost	  $216	  million	  
annually	  if	  fuel	  prices	  from	  the	  Energy	  Information	  Administration’s	  (EIA)	  AEO2013	  Reference	  Case	  are	  realized.	  
In	  comparison,	  annual	  costs	  are	  almost	  $100	  million	  higher	  given	  natural	  gas	  prices	  from	  the	  EIA’s	  AEO2010	  “No	  
New	  Tight	  Gas	  and	  Shale	  Drilling	  after	  2009”	  scenario.	  

To deal with a range of least-cost investments across scenarios, decision makers sometimes assign greater 

weight to certain scenarios, ignore results from scenarios they view as less likely, or choose the 

	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
7	  Malcolm	  Grimston.	  The	  Importance	  of	  Politics	  to	  Nuclear	  New	  Build	  (London:	  Chatham	  House,	  2005).	  	  
8	  H.	  Carl	  McCall,	  Staff	  Study:	  Disposition	  of	  the	  Shoreham	  Nuclear	  Power	  Plant,	  State	  of	  New	  York	  Office	  of	  the	  
State	  Comptroller	  Division	  of	  Management	  Audit,	  Report	  95-‐D-‐38,	  1995.	  
9	  Abby	  Gruen,	  “Rating	  agencies	  to	  NY	  governor	  on	  LIPA	  privatization:	  Do	  the	  math,”	  SNL	  Energy,	  January	  9,	  2013.	  
10	  	  Mark	  Bolinger,	  Revisiting	  the	  Long-‐Term	  Hedge	  Value	  of	  Wind	  Power	  in	  an	  Era	  of	  Low	  Natural	  Gas	  Prices,	  
Lawrence	  Berkeley	  National	  Laboratory,	  March	  2013. 
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investment option that is least cost (or low cost) over the greatest range of scenarios. However, an 

investment option that is least cost over a range of scenarios can create considerable risk in one or more 

of the remaining scenarios.   

One option for overcoming the uncertainty associated with identifying optimal investments is to change 

the planning objective from least cost to a metric that accounts for the wide range of potential outcomes. 

A least-risk metric that also assures low relative costs by “minimizing the maximum regret” of generation 

plans is a potentially attractive alternative approach. Identifying investments for generation plans that are 

low cost and low risk across all scenarios is a strategy utility planners—including those at the Tennessee 

Valley Authority— have begun to use to avoid making decisions that could cause significant regret in the 

future.
11

 Given the current environment of economic and regulatory uncertainty, utility planners and state 

utility regulators may want to supplement their existing planning methods with a least-risk approach to 

determine optimal generation plans.  

ALTERNATIVES	  TO	  TRADITIONAL	  SCENARIO	  ANALYSIS	  PLANNING	  
To overcome the difficulties associated with traditional scenario analysis and decision making under 

uncertainty, utility planning experts, academics, and others have developed methodologies and other tools 

to optimize decision making under uncertainty while quantifying and minimizing risks. These tools 

include robust decision making, real options analysis, utility scenario planning for least-risk outcomes, 

expected value analysis using probabilities, and other stochastic optimization methods.
12

 Some of these 

methods require utility planners and regulators to learn new processes and models.
13

 The least-risk metric 

introduced here can complement current planning methods and is compatible with existing models and 

traditional scenario analysis. 

Utility planners and regulators can create a simple metric to estimate the risk of a decision by calculating 

the “regret” of a decision for each scenario using the outputs of traditional scenario analysis. Minimizing 

the maximum regret is a decision analysis methodology that minimizes forecast regret for the range of 

	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
11	  In	  its	  2011	  Integrated	  Resource	  Plan,	  TVA	  states,	  “When	  faced	  with	  a	  challenge	  like	  planning	  the	  power	  system	  
for	  the	  next	  20	  years,	  a	  ‘no-‐regrets’	  decision-‐making	  framework	  is	  generally	  the	  best	  approach.	  A	  ‘no-‐regrets’	  
framework	  is	  one	  in	  which	  decision	  makers…	  weigh	  the	  likelihood	  and	  consequence	  of	  the	  risks	  and	  challenges	  
that	  could	  surface	  so	  that	  decisions	  have	  a	  high	  likelihood	  of	  being	  sound	  in	  many	  possible	  states	  of	  the	  world.”	  
TVA,	  Integrated	  Resource	  Plan:	  TVA’s	  Environmental	  &	  Energy	  Future	  (2011),	  
http://www.tva.com/environment/reports/irp/pdf/Final_IRP_complete.pdf.	  	  
12	  Robust	  decision-‐making:	  Robert	  J.	  Lembert,	  Steven	  W.	  Popper,	  and	  Steven	  C.	  Banks,	  Shaping	  the	  Next	  100	  Years	  
New	  Methods	  for	  Long-‐Term,	  Quantitative	  Policy	  Analysis	  (Santa	  Monica,	  CA:	  RAND,	  2003).	  Real	  options	  analysis:	  
Avinosh	  K.	  Dixit	  and	  Robert	  S.	  Pindyck,	  Investment	  under	  Uncertainty	  (Princeton,	  NJ:	  Princeton	  University	  Press,	  
1994).	  Utility	  scenario	  planning:	  David	  M.	  Boonin,	  Utility	  Scenario	  Planning:	  Always	  Acceptable	  vs.	  the	  Optimal	  
Solution,	  National	  Regulatory	  Research	  Institute	  (March	  2011),	  
http://www.nrri.org/pubs/multiutility/NRRI_utility_scenario_planning_mar11-‐07.pdf.	  Expected	  value	  analysis	  
using	  probabilities:	  David	  Hoppock,	  Dalia	  Patino	  Echeverri,	  and	  Etan	  Gumerman,	  Determining	  the	  Least-‐Cost	  
Investment	  for	  an	  Existing	  Coal	  Plant	  to	  Comply	  with	  EPA	  Regulations	  under	  Uncertainty,	  Nicholas	  Institute	  for	  
Environmental	  Policy	  Solutions	  at	  Duke	  University	  (February	  2012),	  
http://nicholasinstitute.duke.edu/climate/lowcarbontech/determining-‐the-‐least-‐cost-‐investment-‐for-‐an-‐existing-‐
coal-‐plant-‐to-‐comply-‐with-‐epa-‐regulations-‐under-‐uncertainty#.UdTWY9LvtJQ.	  
13	  Given	  significant	  uncertainty	  in	  the	  utility	  sector	  and	  the	  scale	  of	  the	  investment	  decisions,	  use	  of	  new	  
methodologies	  and	  models	  is	  worth	  exploring.	  
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investment options and scenarios analyzed.
14

 In other words, minimizing the maximum (minimax) regret 

identifies a generation plan that is relatively low cost for the utility—and ultimately, ratepayers—no 

matter how the future unfolds.   

Decision theory states that investment decisions should reflect the risk preferences of the decision 

maker.
15

 Therefore, minimizing potential regrets is a particularly attractive approach for regulated utilities 

and is compatible with their objectives and those of utility regulators. In traditionally regulated states, 

utility rates of return on capital investments are 

authorized by state regulators and assessed on prudently 

incurred investments.
16

 Because the utility’s return on 

investment is set by the state and based on costs and 

performance, the objective of the utility is to minimize 

the total cost of service while maintaining a high level of 

reliability, rather than attempting to maximize profit. 

Moreover, electric utilities provide an essential service to 

society and the economy. The expected and required 

reliability of the bulk power system in the United States 

makes end-use customers and utility regulators wary of 

high-risk investments and is important in attracting low-

cost capital for investments. Thus, traditionally regulated 

utilities are typically risk averse, because their 

investments are capital intensive, long lived, and subject 

to scrutiny by regulators and ratepayers, including post-

investment prudency review.  

Minimax regret analysis is considered a sound decision-

making method under uncertainty, because it is neither 

too optimistic nor too pessimistic about future 

outcomes.
17

 Some utilities have begun moving toward 

this method of planning. For example, the 2011 

Integrated Resource Plan of the Tennessee Valley 

Authority (TVA) used a similar “no regrets” analysis 

that “balances competing objectives while reducing costs 

and risk and retaining the flexibility to respond to future 

risks and opportunities.”
18

 The approach overcomes the 

decision-making dilemma many utilities and regulators 

face when evaluating numerous scenarios and 

	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
14	  David	  R.	  Anderson,	  Dennis	  J.	  Sweeney,	  Thomas	  A.	  Williams,	  and	  Kipp	  Martin,	  An	  Introduction	  to	  Management	  
Science:	  Quantitative	  Approaches	  to	  Decision	  Making,	  12th	  ed.	  (Mason,	  Ohio:	  Thomson	  South-‐western,	  2008).	  
15	  Robert	  T.	  Clemen	  and	  Terence	  Reilly,	  Making	  Hard	  Decisions	  (Pacific	  Grove,	  CA:	  Duxbury,	  2001).	  
16	  Utility	  regulators	  do	  not	  set	  a	  guaranteed	  profit;	  they	  set	  a	  rate	  of	  return	  based	  on	  a	  test	  year.	  Actual	  returns	  
vary	  on	  the	  basis	  of	  sales	  and	  cumulative	  costs.	  
17	  A.	  Colman,	  Game	  Theory	  and	  Its	  Applications	  (New	  York:	  Routledge	  Press,	  1995).	  	  
18	  TVA.	  Integrated	  Resource	  Plan:	  TVA’s	  Environmental	  and	  Energy	  Future	  (2011),	  
http://www.tva.com/environment/reports/irp/pdf/Final_IRP_complete.pdf.	  

Minimizing the Maximum Regret 

Step 1: Calculate the net present value 

of total system cost (net present value 

revenue requirement) for each 

investment option or investment 

portfolio across all scenarios. 

Step 2: Create a matrix of total costs 

for each investment option in every 

scenario. Determine the least-cost 

investment option in each scenario. 

Step 3: Calculate a regret score for 

each investment option across all 

scenarios by subtracting the least-cost 

option from each investment option 

within each scenario. Create a matrix 

of regret scores. 

Step 4: Determine the maximum 

regret of each investment option by 

selecting the maximum regret score 

for each investment option across all 

scenarios. Determine the investment 

option with the lowest maximum 

regret. This option minimizes the 

maximum forecast regret. 
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investment alternatives: is this significant investment in the best interest of our ratepayers, or will we 

come to regret the decision?  

MINIMIZING	  MAXIMUM	  REGRET	  
Although utilities and state regulators typically evaluate large electric system investment decisions using 

scenario analysis, they do not use the scenario analysis outputs to forecast potential regrets, even though 

the calculation is relatively easy. A simplified example illustrates the methodology. In this example, a 

utility evaluates three investment alternatives across four scenarios of future market conditions.
19

 It 

simulates system operations resulting from Investment A in scenarios 1-4, and then those for investments 

B and C. Utility planners then typically create a matrix populated with the net present value (NPV) total 

system costs over 20 years for each investment and scenario combination (Table 1).   

Table	  1.	  An	  example	  of	  a	  typical	  utility	  generation	  planning	  scenario	  analysis	  output,	  depicting	  NPV	  total	  system	  
costs	  over	  20	  years	  for	  each	  investment	  scenario	  combination.	  	  

	  

In Table 1, Investment A appears to be the best choice, because it is the least-cost option in three of the 

four scenarios. Investment B is never the least-cost alternative, and Investment C is only least cost in one 

scenario.   

The utility in this simplified example has several investment options—but in reality, utilities choose from 

dozens if not hundreds of generation plan alternatives. Although they can choose their investments, they 

cannot control future market conditions, and therein lies the uncertainty and decision maker’s dilemma. 

Although Investment A is the least-cost alternative in three of the four scenarios, is it really the utility’s 

best choice?  

Manipulating the matrix with a minimax regret analysis to determine the lower-risk, least regrettable 

decision yields a different answer. To calculate the regrets of each investment, utility planners would 

identify the least-cost outcome in each scenario (Table 2).  

	  

	  

	  

	  

	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
19	  The	  four	  scenarios	  represent	  a	  set	  of	  assumptions	  about	  and	  forecasts	  for	  key	  variables,	  such	  as	  fuel	  prices,	  
environmental	  regulations,	  and	  electricity	  demand.	  	  

Scenario	  1 Scenario	  2 Scenario	  3 Scenario	  4

Investment	  A $	  100	  B $120	  B $125	  B $140	  B

Investment	  B $103	  B $123	  B $127	  B $131	  B

Investment	  C $110	  B $125	  B $128	  B $130	  B
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Table	  2.	  The	  least-‐cost	  investment	  for	  each	  future	  scenario	  is	  highlighted	  in	  red.	  	  

	  

The regret of each investment in a scenario is calculated as the difference between an investment’s cost 

and the lowest-cost option in the same scenario. For example, Investment A has a regret of $0 in Scenario 

1, because it resulted in the best possible outcome for that particular future ($100 B – $100 B). 

Investment B yields a $3 billion regret ($103 B – $100 B), and Investment C results in a $10 billion regret 

($110 B – $100 B). In other words, if the utility made Investment B or C, and the future ends up as 

forecast in Scenario 1, it would regret the decision, because a cheaper alternative existed, and ratepayers 

ultimately paid higher prices than they could have.   

Populating a regret matrix makes identifying potential risks relatively easy. Although Investment A is the 

least-cost option in three scenarios, Table 3 shows that it can also result in a maximum regret of $10 

billion. Investment C is the least-cost option in the remaining scenario, but it can also result in a regret of 

up to $10 billion. Costs for Investment B, on the other hand, never deviate significantly from the least-

cost option and do not exceed a regret of $3 billion. Therefore, according to a minimax regret analysis, 

Investment B is the optimal investment, because it minimizes the maximum regret of the decision. It may 

not be the least-cost option, but its additional cost acts as a hedge and results in stable, relatively 

predictable costs for customers. 

Table	  3.	  A	  regrets	  (additional	  cost	  above	  the	  optimal	  investment	  in	  each	  scenario)	  table	  derived	  from	  tables	  1	  
and	  2	  quantifies	  the	  potential	  risk	  for	  each	  investment	  and	  identifies	  the	  alternative	  that	  minimizes	  the	  
maximum	  regret.	  	  

	  

Applying	  minimax	  regret	  analysis	  to	  utility	  planning	  
Minimizing the maximum regret is not only a simple approach compatible with existing tools and data, 

but also a useful method for identifying trends, risks, and opportunities related to various generation plans 

(such as building new units and retiring others) and future market conditions. The value of this planning 

method can be illustrated with a more detailed set of generation plan options and scenarios for a 

hypothetical electric utility.  

Scenario	  1 Scenario	  2 Scenario	  3 Scenario	  4

Investment	  A $	  100	  B $120	  B $125	  B $140	  B

Investment	  B $103	  B $123	  B $127	  B $131	  B

Investment	  C $110	  B $125	  B $128	  B $130	  B

Scenario	  1 Scenario	  2 Scenario	  3 Scenario	  4
Maximum	  Regret	  of	  
Each	  Investment

Investment	  A $	  0	  B $0	  B $0	  B $10	  B $10	  B

Investment	  B $3	  B $3	  B $2	  B $1	  B $3	  B

Investment	  C $10	  B $5	  B $3	  B $0	  B $10	  B
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Model	  Background	  and	  Assumptions	  
For this example, the 20-year NPV total system costs of four generation plans is calculated for four 

scenarios for a total of 16 assessments. The total costs are the discounted revenue requirements for the 

utility, which include system production costs (fuel, variable operations and maintenance, emissions) and 

fixed costs (costs of new power plants or retrofits, including financing charges to cover debt payments 

and returns for equity investors). Utilities simulate their systems and quantify their costs in this manner. 

After a total cost matrix is created, a regret matrix is developed to compare generation plans and 

understand risks and opportunities associated with different assets.  

For this analysis, a simplified production cost model was developed using Microsoft Excel’s Solver 

tool.
20

 The resulting linear program optimizes the economic dispatch of a generation portfolio to minimize 

annual production costs over a 20-year period given a set of unit characteristics and 8,760 hours/year load 

data. Unit characteristics include heat rate, variable operations and maintenance (O&M) costs, emissions 

rate, and availability (to account for annual maintenance and outage rates, or in the case of solar and 

wind, the availability of the resource). Fuel and emissions costs assumptions were included to develop 

different scenarios and to calculate each unit’s production cost rate in dollars per megawatt-hour 

($/MWh). The optimization was subject to constraints of unit availability and needed to meet load 

obligations while maintaining a 15% reserve margin.    

Following each model run, the annual production cost output was added to the annual fixed costs for the 

electricity generating system. Fixed costs include fixed O&M for existing and new units and the annual 

stream of revenue required for building and financing new power plants or environmental controls. 

Assumptions for unit characteristics, new unit capital costs and O&M, and environmental control costs 

were based on Energy Information Administration (EIA) and Edison Electric Institute estimates.
21

 The 

annual sum of fixed and variable revenue requirements was discounted by a weighted after-tax cost of 

capital of 8.36% to determine the 20-year NPV of total system costs for the utility and its ratepayers.
22

  

The hypothetical electric utility included 29 units with a total installed capacity of about 6,800 megawatts 

(MW) in 2013. Unit types included coal, nuclear, diesel combustion turbines (CTs), natural gas CTs, 

natural gas combined cycle turbines (CCs), wind, solar, hydro, and demand-side resources. Wind capacity 

and solar capacity were discounted for reserve margin purposes to account for their intermittency and 

probable availability during peak demand periods.
23

  

	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
20	  The	  authors	  did	  not	  have	  access	  to	  proprietary	  production	  cost	  models	  typically	  used	  by	  electric	  utilities.	  
21	  EIA	  unit	  assumptions	  are	  from	  Updated	  Capital	  Cost	  Estimates	  for	  Utility	  Scale	  Electricity	  Generating	  Plants	  
(2013),	  http://www.eia.gov/forecasts/capitalcost/pdf/updated_capcost.pdf.	  EEI	  environmental	  control	  cost	  
assumptions	  are	  from	  EEI/ICF,	  Potential	  Impacts	  of	  Environmental	  Regulation	  on	  the	  U.S.	  Generation	  Fleet	  (2011),	  
http://www.pacificorp.com/content/dam/pacificorp/doc/Energy_Sources/Integrated_Resource_Plan/2011IRP/EEI
ModelingReportFinal-‐28January2011.pdf.	  	  
22	  The	  after-‐tax	  weighted	  cost	  of	  capital	  assumes	  a	  50:50	  ratio	  of	  debt	  and	  equity	  financing,	  with	  a	  6%	  debt	  interest	  
rate,	  13%	  return	  on	  equity,	  and	  a	  38%	  corporate	  tax	  rate.	  	  
23	  Installed	  wind	  capacity	  received	  15%	  credit	  toward	  the	  reserve	  margin,	  and	  solar	  capacity	  received	  35%	  credit.	  
See	  http://www.wind-‐energy-‐the-‐facts.org/en/part-‐2-‐grid-‐integration/chapter-‐6-‐wind-‐power-‐contribution-‐to-‐
system-‐adequacy/capacity-‐credit-‐of-‐wind-‐power/capacity-‐credit-‐values-‐of-‐wind-‐power.html	  for	  example	  wind	  
capacity	  credits	  in	  Germany.	  An	  Evaluation	  of	  Solar	  Valuation	  Methods	  Used	  in	  Utility	  Planning	  and	  
Procurement	  Processes	  (LBNL	  2012)	  presents	  a	  range	  of	  solar	  capacity	  credits	  used	  by	  U.S.	  utilities	  in	  recent	  
planning	  documents.	  	  
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Using several years of publicly available load data from the PJM interconnection, an indicative 8,760 

hourly load shape was developed for the hypothetical system.
24

 For all scenarios, peak demand was 

assumed to be 5,500 MW in 2013 and to grow 0.5% annually.    

Generation	  Plans	  Evaluated	  
Four generation plans were developed to simulate the wide variety of choices available to utilities and to 

identify a low-risk plan. Because peak demand in each scenario remains static, each generation plan adds 

the same amount of reserve margin capacity during the same periods. For risk-based assessments like this, 

utilities typically analyze only their near- to medium-term generation decisions, for example, a decision in 

2013 to build a combined cycle unit that comes online in 2018 or a nuclear unit that begins commercial 

operation in 2020. Decisions about what to build to satisfy expected demand far in the future are deferred 

to allow the utility to adapt to changing market conditions. However, to simplify the present analysis and 

to illustrate the impacts of shifting to distinct generation portfolios over time, expansion plan decisions 

are exogenously determined for later years. 

The four generation plans vary in terms of coal retirements and types and quantities of resources added in 

the future (Table 4). Generation plans 1 and 3 rely solely on natural gas units to satisfy future needs. 

Generation plans 2 and 4 have more diversified expansion plans that augment new natural gas capacity 

with other resources. Generation Plan 2 adds new wind, nuclear, energy efficiency, and demand response 

as well as natural gas CCs and CTs. Generation Plan 4 does not build new nuclear capacity, and instead 

supplements the portfolio with greater wind, solar, energy efficiency, and demand response, along with 

new natural gas capacity.  

Table	  4.	  Generation	  plan	  assumptions.	  FGD	  =	  flue	  gas	  desulfurization;	  SCR	  =	  selective	  catalytic	  reduction;	  CCR	  =	  
coal	  combustion	  residuals.	  	  

	  

The capacity mix of each generation plan changes significantly over the 20-year study period (Figure 2) 

even though natural gas-fired capacity dominates the mix from the beginning to the end of each plan. The 

resource diversity differences among plans are evident when comparing plans 1 and 3 with plans 2 and 4. 

	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
24	  Hourly	  historical	  load	  data	  for	  the	  PJM	  Interconnection	  and	  associated	  electric	  distribution	  companies	  are	  
available	  from	  http://www.pjm.com/markets-‐and-‐operations/ops-‐analysis/historical-‐load-‐data.aspx.	  	  

Generation	  Plan	  1 Generation	  Plan	  2 Generation	  Plan	  3 Generation	  Plan	  4
850	  MW	  Retire	  in	  2015 850	  MW	  Retire	  in	  2015 1275	  MW	  Retire	  in	  2015 1275	  MW	  Retire	  in	  2015
425	  MW	  Install	  SCR/FGD	  in	  2016 425	  MW	  Install	  SCR/FGD	  in	  2016 500	  MW	  CCR	  Upgrades	  in	  2018 500	  MW	  CCR	  Upgrades	  in	  2018
925	  MW	  CCR	  Upgrades	  in	  2018 925	  MW	  CCR	  Upgrades	  in	  2018

300	  MW	  Natural	  Gas	  CT 275	  MW	  Natural	  Gas	  CT 400	  MW	  Natural	  Gas	  CT 600	  MW	  Natural	  Gas	  CT
700	  MW	  Natural	  Gas	  CC 600	  MW	  Natural	  Gas	  CC 1000	  MW	  Natural	  Gas	  CC 475	  MW	  Natural	  Gas	  CC

250	  MW	  Wind 50	  MW	  Solar
50	  MW	  Energy	  Efficiency 200	  MW	  Wind
50	  MW	  Demand	  Response 125	  MW	  Energy	  Efficiency

150	  MW	  Demand	  Response
300	  MW	  Natural	  Gas	  CC 300	  MW	  Nuclear 300	  MW	  Natural	  Gas	  CC 100	  MW	  Demand	  Response

150	  MW	  Energy	  Efficiency
100	  MW	  Solar
300	  MW	  Wind

150	  MW	  Natural	  Gas	  CT 150	  MW	  Natural	  Gas	  CT 150	  MW	  Natural	  Gas	  CT 50	  MW	  Energy	  Efficiency
100	  MW	  Natural	  Gas	  CT

Coal	  fleet	  
assumptions

New	  Unit	  Assumptions

2016

2020

2029
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Figure	  2.	  Installed	  capacity	  mix	  in	  2013	  and	  2030	  for	  each	  generation	  plan.	  	  	  

Scenarios	  
Scenario selection is important in minimax regret analysis, because if the selected scenarios do not 

capture the plausible range of futures for all investment options, the inclusion or exclusion of certain 

scenarios can predetermine the regret calculations. For example, a minimax regret analysis with a high 

natural gas price scenario but without a scenario with nuclear cost escalation or other implementation 

difficulties would lead to high regret scores for natural gas generation investments and likely to low regret 

scores for a nuclear investment. Therefore, evaluating a wide range of potential scenarios that fully 

capture the realistic range of all relevant sources of uncertainty is critical. 

To simplify the present analysis, each generation plan was simulated through four scenarios of future 

market conditions. The scenarios and their associated fuel and emissions price data are from the EIA’s 

Annual Energy Outlook 2013 (AEO).
25

 The first scenario is the AEO “Reference Case,” which portrays a 

business-as-usual future. Because natural gas prices are having a profound impact on the electric industry 

and will play a growing role in the sector, the analysis includes two scenarios with natural gas prices 

above and below the Reference Case prices. These scenarios are based on the AEO “High Oil & Gas 

Potential” case and “Low Oil & Gas Potential” case. Also included is the AEO “Greenhouse Gas $25” 

case. This scenario shows the indicative impacts of carbon prices. 

Results	  
To simulate how each generation plan performs in each potential future, scenario fuel and emissions price 

assumptions were embedded into the production cost model, along with each generation plan, resulting in 

	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
25	  EIA,	  Annual	  Energy	  Outlook	  2013,	  http://www.eia.gov/forecasts/aeo/pdf/0383(2013).pdf.	  	  
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16-generation plan-scenario combination model runs. For example, the analysis “hard codes” Generation 

Plan 1 into the production cost model and then optimizes its economic dispatch in a Reference Case 

world, in high and low natural gas price environments, and with a GHG policy. The process is repeated 

with each generation plan, and the subsequent production cost outputs are added to each generation plan’s 

fixed costs to calculate a 20-year NPV of total cost—or revenue requirements (Table 5).  

Table	  5.	  Twenty-‐year	  NPV	  of	  total	  cost	  for	  each	  generation	  plan	  and	  scenario	  combination.	  

	  

Determining the least-cost option among the four plan options would be difficult if cost were the only 

consideration. Generation Plan 3 is the least-cost option in the Reference Case and in the low natural gas 

price environment, whereas Generation Plan 4 is the least cost option in the remaining two scenarios. 

Utility planners and regulators may approve Generation Plan 3, because they view the Reference Case 

and low gas price scenarios as most plausible. However, low-probability events—“black swans”—

typically have greater impacts. By failing to account for the less plausible high gas price and greenhouse 

gas price scenarios, the utility and its regulators may leave customers at risk for higher costs in the 

future.
26

   

To quantify the risks of regret for each generation plan, a regrets matrix is created by subtracting the 

lowest-cost plan in every scenario from the cost of each generation plan in that same scenario (Table 6).  

Generation Plan 1, for example, can result in a regret of $180 million given the Reference Case future. 

The regret is the additional cost borne by ratepayers as a result of the utility not choosing the optimal plan 

for that particular future. This method reveals that the maximum regret for generation plans 1, 2, 3, and 4 

are $850 million, $1.44 billion, $560 million, and $470 million, respectively, for the given scenarios.   

 

 

	  

	  

	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
26	  Nassim	  Nicholas	  Taleb,	  The	  Black	  Swan	  (New	  York:	  Random	  House,	  2007).	  	  

AEO	  2013	  
Reference	  Case

AEO	  2013	  High	  Oil	  
&	  Gas	  Resources	  
(Low	  Prices)

AEO	  2013	  Low	  Oil	  &	  
Gas	  Resources	  
(High	  Prices)

AEO	  2013	  
Greenhouse	  Gas	  

$25

Generation	  Plan	  1 14,130,000,000$	  	  	   12,050,000,000$	  	  	   15,590,000,000$	  	  	   20,570,000,000$	  	  	  

Generation	  Plan	  2 15,000,000,000$	  	  	   13,230,000,000$	  	  	   16,220,000,000$	  	  	   20,860,000,000$	  	  	  

Generation	  Plan	  3 13,950,000,000$	  	  	   11,790,000,000$	  	  	   15,610,000,000$	  	  	   20,280,000,000$	  	  	  

Generation	  Plan	  4 14,050,000,000$	  	  	   12,260,000,000$	  	  	   15,430,000,000$	  	  	   19,720,000,000$	  	  	  

Least-‐Cost	  
Generation	  Plan	  in	  

Each	  Scenario
13,950,000,000$	  	  	   11,790,000,000$	  	  	   15,430,000,000$	  	  	   19,720,000,000$	  	  	  
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Table	  6.	  Regrets	  matrix	  showing	  the	  risks	  of	  incremental	  costs	  (regrets)	  of	  each	  generation	  plan.	  

	  

Therefore, Generation Plan 4 is the optimal investment, because it has the lowest possible regret across 

the scenarios. Moving forward with this plan may not yield the lowest cost in a reference case or low gas 

price environment, but its costs do not deviate widely from the lowest-cost option, and it will not yield the 

highest costs.   

Why does Generation Plan 4 perform well across all scenarios? The diversity and flexibility of its 

resources. A minimax regret analysis essentially optimizes the system to create a portfolio that hedges 

against a range of risks and avoids the perils that can arise from overreliance on a particular resource.
27

 

Generation Plan 4 allows the utility to respond to changing market conditions by switching generation 

from one fuel resource to another. Thus, the utility can mitigate risks associated with rising fuel prices or 

take advantage of falling fuel prices. Generation Plan 4 does not build enough natural gas capacity to take 

full advantage of a low gas price environment, but it does offer protection against rising fuel prices and 

potential GHG rules. The portfolio in essence becomes a hedge. The additional costs of Generation Plan 4 

in certain scenarios can be viewed as an insurance premium for cost certainty and reduced cost volatility. 

Using this methodology also ensures a balance between capital cost and operating cost risks. The majority 

of risks with fossil fuel plants like coal and natural gas are on the operating side of the equation.  If 

natural gas prices increase, customers will pay higher prices. With renewables like wind and solar, 

however, the risk is on the capital cost, because production costs are predictable and close to $0/MWh. 

Because the analysis takes into account the total costs of building and operating an electric system, it 

ensures that utilities and their regulators do not overbuild wind and solar resources. Doing so would 

increase the capital cost requirements of their plan and potentially lead to regrets, as evidenced by 

Generation Plan 2, which called for an expansion plan similar to that of Generation Plan 4. However, 

Generation Plan 2 included a nuclear investment, which increased the capital costs and total cost of the 

plan, leading to greater possible regrets than Generation Plan 4. 

	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  
27	  In	  a	  minimizing	  the	  maximum	  regret	  analysis,	  failing	  to	  include	  scenarios	  that	  cover	  the	  full	  range	  of	  
uncertainties	  for	  all	  investment	  options	  and	  generation	  portfolios	  will	  likely	  result	  in	  undervaluation	  of	  the	  risk	  of	  
select	  investment	  options	  and	  generation	  portfolios.	  

AEO	  2013	  
Reference	  Case

AEO	  2013	  High	  Oil	  
&	  Gas	  Resources	  
(Low	  Prices)

AEO	  2013	  Low	  Oil	  &	  
Gas	  Resources	  
(High	  Prices)

AEO	  2013	  
Greenhouse	  Gas	  

$25

Maximum	  Regret	  of	  
Each	  Generation	  

Plan

Generation	  Plan	  1 180,000,000$	  	  	  	  	  	  	  	  	  	   260,000,000$	  	  	  	  	  	  	  	  	  	   160,000,000$	  	  	  	  	  	  	  	  	  	   850,000,000$	  	  	  	  	  	  	  	  	  	   850,000,000$	  	  	  	  	  

Generation	  Plan	  2 1,050,000,000$	  	  	  	  	  	   1,440,000,000$	  	  	  	  	  	   790,000,000$	  	  	  	  	  	  	  	  	  	   1,140,000,000$	  	  	  	  	  	   1,440,000,000$	  

Generation	  Plan	  3 -‐$	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	   -‐$	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	   180,000,000$	  	  	  	  	  	  	  	  	  	   560,000,000$	  	  	  	  	  	  	  	  	  	   560,000,000$	  	  	  	  	  

Generation	  Plan	  4 100,000,000$	  	  	  	  	  	  	  	  	  	   470,000,000$	  	  	  	  	  	  	  	  	  	   -‐$	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	   -‐$	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	  	   470,000,000$	  	  	  	  	  
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Generation Plan 4 reflects the optimal mix of renewables, energy efficiency, and traditional resources as 

well as the optimal mix of capital and operating costs. It highlights the innate hedging capabilities of 

wind, solar, and energy efficiency resources—capabilities that regret scores can quantify, unlike 

traditional scenario analysis. By capturing the hedging value of wind, solar, and energy efficiency, a 

minimax regret analysis can increase adoption of these resources.    

CONCLUSIONS	  	  
Current lowest-cost planning techniques adopted by utilities and utility regulators may inadequately 

account for potential future cost risks. Identifying a single least-cost plan using traditional planning 

methods is often impossible given uncertain and quickly evolving conditions in the electric power sector. 

The least-cost plan in one scenario can lead to high costs in another scenario. Utilities and their regulators 

may come to regret some of the investments they make today and ultimately saddle ratepayers with higher 

costs than they otherwise would have. 

Shifting the planning approach from a lowest-cost metric to a lowest-risk metric can reduce risks of 

regrets and incremental ratepayer costs. Some uncertainty planning methods, such as stochastic 

optimization and robust decision-making, require new tools and methodologies. By contrast, a minimax 

regret analysis is compatible with existing planning techniques. It takes outputs, such as production costs 

and fixed costs, from existing scenario analyses and evaluates them in light of a balance of low-cost and 

low-risk considerations, rather than from the perspective of a least-cost objective.   

The example above shows how utilities and regulators can adopt this method and indicates the benefits of 

doing so. By analyzing several potential generation plan options across a wide range (such as 10 to 15) 

scenarios, utilities and regulators can avoid making investments that reduce the flexibility of the electric 

system to respond to changing market conditions. Utilities and regulators may find minimax regret 

analysis is an attractive approach to supplement their current planning efforts.  

Minimax regret analysis can identify the optimal blend of resources to create a diverse, resilient portfolio 

that ensures utilities do not rely too heavily on one resource over another. Even if the optimal plan in a 

minimax regret analysis does not result in the lowest-cost option, it will give utilities, regulators, and 

ratepayers increased price certainty, because it will reduce cost volatility. Moreover, that cost certainty 

can help attract new businesses and industries by allowing them to efficiently plan their own investments. 

Minimizing the maximum regret is also a useful tool for assessing the risk-reduction benefits of energy 

efficiency programs, renewable resources like wind and solar, and generation diversity in general. In 

some regions, these investments have difficulty overcoming the least-cost barrier due to their upfront 

capital costs, which are higher than those of traditional electricity generating facilities. The minimax 

regret analysis accounts for these higher capital costs but also highlights the value that the investments 

add by hedging fuel price risks and creating a resilient system.  
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An integrated resource plan is a utility plan for 
meeting forecasted annual peak and energy 
demand, plus some established reserve margin, 
through a combination of supply-side and 

demand-side resources over a specified future period. 
For utilities, integrated resource planning is often quite 
time- and resource-intensive. Its benefits are so great, 
however, particularly to consumers, that utilities are 
frequently required by state legislation or regulation to 
undertake planning efforts that are then reviewed by state 
public utilities commissions (PUCs). (In this document, 
the acronym IRP is used, depending on the context, to 
denote either an integrated resource plan or the process of 
integrated resource planning.)

IRP rules governing utilities have been created in a 
number of ways. Bills that mandate integrated resource 
planning have been passed into law by state legislatures; 
rules have been codified under state administrative code; 
and state utility commissions have adopted IRP regulations 
as part of their administrative rules, or have ordered it to be 
done as a result of docketed proceedings. Although some 
state IRP rules have remained unchanged since they were 
first implemented, other states have amended, repealed, 
and in some cases reinstated their IRP rules. Examples can 
be found in the rules of Arizona, Colorado, and Oregon. 
Rules that have been amended recently often reflect current 
concerns in the electric industry—e.g., fuel costs and 

Executive Summary

volatility, the effects of power generation on air and water, 
issues of national security, electricity market conditions, 
and climate change, as well as individual state concerns. 

There are, however, certain subject-matter areas 
that are essential to resource planning on which state 
regulations are silent. Utilities must use their discretion 
in determining how best to address these areas in their 
resource plans. This paper provides utilities, commissions, 
and legislatures  with guidance on these subject-matter 
areas. Section III summarizes three recent utility IRPs 
from the states mentioned above, in an effort to determine 
both best practices in integrated resource planning 
and ways in which utilities can improve their planning 
processes and outcomes. Section IV then presents a series 
of recommendations, developed from these examples, for 
integrated resource planning and its resulting plans.

For an IRP process to be deemed successful, it should 
include both a meaningful stakeholder process and 
oversight from an engaged public utilities commission. 
A successful utility’s resource plan should include 
consideration in detail of the following elements: a load 
forecast, reserves and reliability, demand-side management, 
supply options, fuel prices, environmental costs and 
constraints, evaluation of existing resources, integrated 
analysis, time frame, uncertainty, valuing and selecting 
plans, action plan, and documentation. Section IV describes 
in detail the elements of both the process and the plan.
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As energy demand across the United States rises 
and falls and the generation fleet ages, utilities 
must plan to add and retire resources in the most 
cost-effective manner while meeting regional 

reliability standards. Integrated resource planning began 
in the late 1980s, as states looked for a way to respond to 
the oil embargos and nuclear cost overruns of the previous 
decade—and ever since, it has been an accepted way in 
which utilities can create long-term resource plans. State 
requirements for resource plans vary in terms, among 
other things, of planning horizon, the frequency with 
which plans must be updated, the resources required to be 
considered, stakeholder involvement, and the actions that 
public utilities commissions should take in reference to the 
plan (review, acknowledge, and accept or reject the plan). 

As the electric industry began to restructure in the mid-
1990s, integrated resource planning rules in many states 
were repealed or ignored. Some states have since made 
an effort to update IRP rules to make them applicable 
to current industry conditions, while other states have 
continued to use rules that are now out of date. This 
report describes IRP requirements in three states that have 
recently updated their regulations governing the planning 
process, and it reviews the most recent resource plan 

Introduction

from the largest utility in each of those states. Rules from 
Arizona, Colorado and Oregon are described in detail, 
in order to demonstrate ways in which states can require 
comprehensive planning processes and resource plan 
outcomes from the utilities under their jurisdictions. 

These particular states were chosen not only because 
their rules have recently been updated, but also because the 
guidance they provide to electric utilities offers examples 
of best practices in integrated resource planning. The 
updated rules have been designed to give thoughtful 
consideration to specific resources that have traditionally 
been ignored, and to produce outcomes that are in the 
best interests of both ratepayers and society as a whole. 
Utility resource plans from Arizona Public Service, Public 
Service Company of Colorado, and PacifiCorp utilize 
progressive methodologies and contain modern elements 
that contribute to the production of high-quality plans that 
are useful examples of superior resource planning efforts. 

This report is intended to be helpful to policymakers, 
public utility commissions and their staff, ratepayer 
advocates, and the general public as they each consider the 
ways in which utility resource planning can best serve the 
public interest.
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An integrated resource plan, or IRP, is a utility 
plan for meeting forecasted annual peak and 
energy demand, plus some established reserve 
margin, through a combination of supply-side 

and demand-side resources over a specified future period. 
Steps taken in the creation of an IRP include: 

• forecasting future loads, 
• identifying potential resource options to meet those 

future loads, 
• determining the optimal mix of resources based on 

the goal of minimizing future electric system costs, 
• receiving and responding to public participation 

(where applicable), and 
• creating and implementing the resource plan. 
Figure 1 shows these steps in a flow chart.

I.  The Purpose and Use of 
Integrated Resource Planning

 Integrated resource planning has many benefits 
to consumers, and other positive impacts on the 
environment. This is a planning process that, if correctly 
implemented, locates the lowest practical costs at which a 
utility can deliver reliable energy services to its customers. 
IRP differs from traditional planning in that it requires 
utilities to use analytical tools that are capable of fairly 
evaluating and comparing the costs and benefits of both 
demand- and supply-side resources.2 The result is an 
opportunity to achieve lower overall costs than might 
result from considering only supply-side options. In 
particular, the inclusion of demand-side options presents 
more possibilities for saving fuel and reducing negative 
environmental impacts than might be possible if only 
supply-side options were considered.3  

Figure 1

Flow Chart for Integrated Resource Planning1

1 Hirst, E. A Good Integrated Resource 
Plan: Guidelines for Electric Utilities 
and Regulators. Oak Ridge National 
Laboratory. December 1992. Page 
5. As it appears in Harrington, C., 
Moskovitz, D., Austin, T., Weinberg, 
C., & Holt, E.  Integrated Resource 
Planning for State Utility Regulators. 
The Regulatory Assistance Project. 
June 1994.

2 Integrated Resource Planning for 
State Utility Regulators. Available at: 
http://www.raponline.org/document/
download/id/817

3 Kushler, M. & York, D. Utility Initia-
tives: Integrated Resource Planning. 
July 2010. American Council for an 
Energy-Efficient Economy. Available 
at: http://aceee.org/policy-brief/util-
ity-initiatives-integrated-resource-
planning
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4 Id footnote 2. 

5 Hopper, C. & Goldman, N. Review of Utility Resource 
Plans in the West. Lawrence Berkeley National Laboratory. 
Presentation at the New Mexico PRC IRP Workshop, Santa 
Fe. June 8, 2006. Slide 17.

In general, IRP focuses on minimizing customers’ bills 
rather than on rates—but an overall reduction in total 
resource cost achieved through the efficient use of energy 
will lower average energy bills. As a result, all customers 
benefit from the lower system costs that IRP achieves.4 

Alternatives examined by system planners in an IRP set-
ting include adding generating capacity (thermal, renewable, 
customer-owned, or combined heat and power), adding 
transmission and distribution lines, and implementing ener-
gy efficiency (EE) and demand response programs. Common 
risks that are addressed by scenario or sensitivity analyses 

Figure 2

States with Integrated Resource Planning or Similar Processes

Alabama

Arizona
Arkansas

Colorado

Delaware

Georgia

Idaho

Illinois Indiana

Iowa

Kansas

Kentucky

Louisiana

Maine

Maryland

Minnesota

Mississippi

Missouri

Montana

NebraskaNevada

NH

MA

New Jersey

New Mexico

New York

North Carolina

North
Dakota

Oklahoma

Oregon

Rhode Island

South
Carolina

South
Dakota

Tennessee

Utah

VT

CT

Virginia

Washington

West
Virginia

Wyoming

Alaska

Hawaii

California

Florida

Michigan

Ohio

Pennsylvania

Texas

Wisconsin

State has an IRP rule and filing requirement

State is developing or revising an IRP rule and filing 
requirement

State has a filing requirement for long-term plans

State does not have filing requirements for long-term plans

in IRPs include fuel prices (coal, oil, and natural gas), load 
growth, electricity spot prices, variability of hydro resources, 
market structure, environmental regulations, and regulations 
on carbon dioxide (CO2) and other emissions.5

Resource planning requirements exist in many states, 
but may differ significantly from state to state. Utilities that 
create more than one resource plan in the same state may 
have different processes for creating those plans and may 
arrive at significantly different conclusions, despite being 
governed by the same regulations. Figure 2 shows the states 
that have IRP or long-term planning requirements.6

6 For a complete list of the rules and regulations associated with 
integrated resource planning in the states, see Appendix 1.
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State IRP rules have been established in a number 
of ways. In certain states, legislatures have passed 
bills into law mandating that utilities engage in 
resource planning; in others, IRP rules have been 

codified under state administrative code. Some state utility 
commissions have adopted integrated resource planning 
regulations as part of their administrative rules, or have 
ordered it through docketed proceedings. Rules can also 
be developed through a combination of these processes. 
Various state IRP rules and their individual requirements 
are discussed in the sections below.

A.  IRP Planning Horizons
Integrated resource plans are long-term in nature, but 

these planning periods vary according to state regulations. 
Table 1 lists the length of planning horizons typically found 
in IRP rules, as well as the states that have implemented 

II. Examples of State Integrated Resource 
Planning Statutes and Regulations

Table 1

Planning Horizons Found in IRP Rules

Planning Horizon

10 years

15 years

20 years

Multiple periods

Utility determined

Not specified

Planning Horizon

Every two years

Every three years

Every four years

Every five years

Not specified

States with Specified Planning Horizon

Arkansas, Delaware, Oklahoma, South 
Dakota, Wyoming

Arizona, Kentucky, Minnesota, North 
Carolina, South Carolina, Virginia

Georgia, Hawaii, Idaho, Indiana, 
Louisiana, Missouri, Nebraska, Nevada, 
New Mexico, North Dakota, Oregon, 

Utah, Vermont, Washington

Montana

Colorado

New Hampshire

States with Specified Planning Horizon

Arizona, Delaware, Idaho, Indiana, 
Minnesota, Montana, New Hampshire, 

North Carolina, North Dakota, 
Oregon, South Dakota, Utah, Virginia, 

Washington

Arkansas, Georgia, Hawaii, Kentucky, 
Louisiana, Montana, Missouri, Nevada, 

New Mexico, Oklahoma, South 
Carolina, Vermont

Colorado

Nebraska

Wyoming

these various planning horizons as a part of their rules.
The most common planning horizon spans a 20 year 

period, with half of the IRP states mandating this planning 
period. 

B.  Frequency of Updates
Utility integrated resource plans must be updated 

periodically to reflect changing conditions with respect to 
load forecasts, fuel prices, capital costs, conditions in the 
electricity markets, environmental regulations, and other 
factors. IRP updates are typically required every two to 
three years, as shown in Table 2, below.

Montana appears twice in Table 2, as traditional utilities 
are required to file IRPs every two years, while restructured 
utilities are required to file updates every three years. There 
are some exceptions to the typical update requirements of 

Table 2

Frequency of IRP Updates, as 
Determined by State Rules
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two to three years. Nebraska, for example, has a five year 
requirement for updates and is the only state to be made up 
entirely of public power utilities, many of which are custom-
ers of the Western Area Power Administration (WAPA).  
Pursuant to the Energy Policy Act of 1992, municipally-
owned utilities are required to prepare resource plans every 
five years, but do not have to make those plans publicly 
available. Most Nebraska utilities must comply with both 
WAPA IRP requirements as well as state IRP requirements. 

C.  Resources Evaluated in Integrated 
Resource Planning

Generally, state rules mandate that utilities consider 
all feasible supply-side, demand-side, and transmission 
resources that are expected to be available within the 
specified planning period. Many state IRP requirements 
make no specifications for resources that must be evaluated 
beyond this. Other states have gone into further detail 
about the resources that should be investigated, including:

• Delaware – utilities shall identify and evaluate 
all resource options, including: generation and 
transmission service; supply contracts; short and long-
term procurement from demand-side management 
(DSM), demand response (DR) and customer sited 
generation; resources that utilize new or innovative 
baseload technologies; resources that provide short 
or long-term environmental benefits; facilities that 
have existing fuel and transmission infrastructure; 
facilities that utilize existing brownfield or industrial 
sites; resources that promote fuel diversity; resources 
or facilities that support or improve reliability; and 
resources that encourage price stability.7

• Indiana – utilities shall examine: all existing supply 
and demand-side resources and existing transmission; 
all potential new utility electric plant options and trans-
mission facilities; all technologies and designs expected 
to be available within the twenty-year planning period, 
either on a commercial scale or demonstration scale; 
and a comprehensive array of demand side measures, 
including innovative rate design.8

• Kentucky – utilities shall evaluate improvements in 
operating efficiency of existing facilities, demand-
side programs, nonutility sources of generation, new 
power plants, transmission improvements, bulk 
power purchases and sales, and interconnections with 
other utilities.9

There are state IRP rules that specify not only the resourc-
es that must be evaluated, but also the amount of weight 
given to a particular resource by either the utilities or the 
Public Service/Utilities Commissions. Colorado is one such 
state, and is described in more detail in later sections.

In almost all cases, state integrated resource planning 
rules have specific requirements for the planning horizons 
that should be covered, the frequency with which utility 
plans must be updated, and the generating resources that 
should be considered. Some states require nothing more, 
while others might also require, for example: 1) a certain  
number or a certain type of scenario analysis; 2) that 
certain types of resource cost tests be used to evaluate 
demand-side management policies; or  3) that externalities 
be considered by utilities when creating resource plans. 
Requirements for generating unit retirements and 
associated decommissioning costs are another example of 
something that some states might include in integrated 
resource planning rules, while others might not. The next 
section describes the discussion of this type of requirement 
in state IRP regulations.

D.  Retirements and Decommissioning
Integrated resource planning is generally understood to 

be primarily concerned with the addition of resources in 
order to meet growing demand for electricity, and very few 
IRP rules mandate that utilities address end-of-life issues 
for generating units in their resource plans. In a summary 
document on integrated resource planning, the Regulatory 
Assistance Project states that “as utilities compare the cost 
of each supply- and demand-side option, they need to 
capture the entire life-cycle cost. This life-cycle cost means 
the fixed and variable costs incurred over the life of the 
investments: construction, operation, maintenance, and 
fuel costs.”10 This description does not represent the full 

7 HB 6, the Delaware Electric Utility Retail Customer Supply 
Act of 2006.

8 170 Indiana Administrative Code 4-7-1: Guidelines for 
Integrated Resource Planning by an Electric Utility.

9 Kentucky Administrative Regulation 807 KAR 5:058: 
Integrated resource planning by electric utilities. 

10 Harrington, et al. Integrated Resource Planning for State 
Utility Regulators.  The Regulatory Assistance Project. June 
1994. Page 14.
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life of the investment, however, as it does not specifically 
include the costs associated with the retirement and 
decommissioning of a resource.

State IRP rules and utility filings reflect this incomplete 
assessment of life-cycle costs. Twenty-seven states have 
IRP rules and 20 of them are silent with respect to unit 
retirements. Utah and Colorado require that utility filings 
include information about the life expectancies of the 
generating units in the resource plans. Three states – New 
Mexico, North Carolina, and South Dakota – are slightly 
more specific, and mandate that utilities provide expected 
retirement dates for generating facilities. Specifically, the 
utilities in each of the states are required to do the following:

• Utah – include the life expectancy of generating 
resources

• Colorado – provide the estimated remaining 
useful lives of existing generation facilities without 
significant new investment or maintenance expense

• New Mexico – give the expected retirement dates for 
existing generating units

• North Carolina – provide a list of units to be retired 
from service (applies to both existing and planned 
generating facilities), with the location, capacity and 
expected date of retirement

• South Dakota – include those facilities to be 
removed from service during the planning period, 
along with the projected date of removal from service 
and the reason for removal

There are only two state rules that make any mention of 
decommissioning costs:

• Arizona rules state that if the discontinuation, 
decommissioning, or mothballing of any power source 
or the permanent derating of any generating facility is 
expected, the utility must provide: 
“i. Identification of each power source or generating 

unit involved, 
ii. The costs and spending schedule for each 

discontinuation, decommissioning, mothballing, 
or derating, and 

iii. The reasons for each discontinuation, 
decommissioning, mothballing, or derating.”11

• Georgia laws and rules state that “Total cost estimates 
for proposed projects must include construction 
and non-construction related costs incurred through 
commercial operation, including decommissioning/
dismantlement costs.”12

Rather than being addressed in utility integrated 
resource plans, generating unit retirements and associated 
decommissioning costs are largely left to be dealt with in 
other cases and proceedings that are brought before Public 
Utilities/Service Commissions.

E.  Long-term Procurement Planning 
Requirements

As the electric industry began to restructure in the mid-
1990s, many states that had integrated resource planning 
requirements either repealed them with restructuring laws, 
or simply began to ignore them. Some states eventually 
replaced integrated resource planning laws with rules for 
resource procurement plans. A document designed to 
inform California’s 2010 Long-Term Procurement Plan 
(LTPP) requirement surveys the ways in which utilities 
in other states create their resource plans. The document 
states that “[w]hile California utilities have not undertaken 
a full integrated resource planning effort in many years, 
the 2010 LTPP proceeding is considering the appropriate 
role of utility resource planning in procuring the resources 
needed to meet state policy goals.”13 

Requirements for procurement plan filings differ from 
requirements for integrated resource plans. Planning 
periods are typically ten years, with some states requiring 
only a five year planning period. Procurement plans are 
usually required to be updated every year. Because utilities 

11 Arizona Corporation Commission Decision No. 71722, in 
Docket No. RE-00000A-09-0249. June 3, 2010. Page 13. 
Amends Arizona Administrative Code Title 14, Chapter 2, 
Article 7, “Resource Planning.” Available at: http://images.
edocket.azcc.gov/docketpdf/0000112475.pdf

12 Integrated Resource Planning Act of 1991 (O.C.G.A. § 
46-3A-1), Amended. See also: Georgia Public Service 
Commission, General Rules, Integrated Resource 
Planning 515-3-4. Available at: http://rules.sos.state.
ga.us/cgi-bin/page.cgi?g=GEORGIA_PUBLIC_SERVICE_
COMMISSION%2FGENERAL_RULES%2FINTEGRATED_
RESOURCE_PLANNING%2Findex.html&d=1

13 Aspen Environmental Group and Energy and Environmental 
Economics, Inc. Survey of Utility Resource Planning and 
Procurement Practices for Application to Long-Term 
Procurement Planning in California -  DRAFT. Prepared for 
the California Public Utilities Commission. September 2008. 
Page 1.
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in these states operate in a deregulated market and do not 
own generation, procurement plans evaluate purchases for 
capacity and energy, as well as energy efficiency and other 
demand-side management programs.

Connecticut is one such state that used to have an 
integrated resource planning requirement, and now has 
a requirement for procurement plans. The state had IRP 
regulations in place by the late 1980s, but this requirement 
was repealed when the restructuring law (Public Act 98-28) 
was passed in 1998. A long-term procurement planning 
law then became effective in 2007 (Public Act 07-242). 
Plans submitted to the Connecticut Energy Advisory Board 
in compliance with the 2007 law have much in common 
with utility IRPs and have even been called “Integrated 
Resource Plans,” though they are technically long-term 
procurement plans.

The following section describes the ways in which IRP 
rules have been made in Arizona, Colorado, and Oregon, 
and presents some of the specifics of each of those rules.

1.  Arizona
The Arizona Corporation Commission (ACC) has 

been given both constitutional and statutory authority to 
oversee the operations of electric utilities, and to engage 
in rulemaking that includes the establishment of IRP 
regulations. Article 15 of the Arizona Constitution created 
the ACC, which oversees the operations of all public service 
corporations in the state, including investor-owned electric 
utilities. The Commission is given exclusive authority to 
establish rates, enact rules that are reasonably necessary 
in ratemaking, and determine what sort of regulation 
is reasonably necessary for effective ratemaking,14 as 
established in Article 15, §3:

The Corporation Commission shall have full power to, 
and shall, prescribe just and reasonable classifications to 
be used and just and reasonable rates and charges to be 
made and collected, by public service corporations within 
the State for service rendered therein, and make reasonable 
rules, regulations, and orders, by which such corporations 
shall be governed in the transaction of business within the 
State…and make and enforce reasonable rules, regulations, 
and orders for the convenience, comfort, and safety, and the 
preservation of the health, of the employees and patrons of 
such corporations…
Utility practices in Arizona are not governed by 

legislation or by statute, but rather through administrative 

code created by rulemaking proceedings of the Arizona 
Corporation Commission. Renewable energy requirements, 
distributed energy resource requirements, and integrated 
resource planning reporting requirements have all been 
established in this way.

The ACC has the authority to require that electric 
utilities provide reports concerning both past business 
activities and future plans. Integrated resource plans 
fall into this category. Article 15, §13 of the Arizona 
Constitution states that “[a]ll public service corporations…
shall make such reports to the Corporation Commission, 
under oath, and provide such information concerning their 
acts and operations as may be required by law, or by the 
Corporation Commission.” Arizona Revised Statute §40-
204(A) expands on this requirement, stating that:

Every public service corporation shall furnish to the 
Commission, in the form and detail the Commission 
prescribes, tabulations, computations, annual reports, 
monthly or periodical reports of earnings and expenses, and 
all other information required by it to carry into effect the 
provisions of this title and shall make specific answers to all 
questions submitted by the Commission.
Regulating and requesting information regarding the 

resource portfolios of electric utilities is one way in which 
the ACC meets its constitutional and statutory obligations 
to ensure that just and reasonable rates are being charged to 
consumers of electricity. In this pursuit, the ACC adopted 
the state’s first Resource Planning and Procurement Rules 
in February 1989, requiring that utilities owning electric 
generation facilities file historical data every year, and 
10-year resource plans every three years. The rules also 
provide for a Commission hearing to review these filings. 
In accordance with the rules, the first round of utility 
IRPs were filed in 1992 and hearings were held. In 1995, 
however, the Commission suspended the obligation of the 
electric utilities to file future resource plans until IRP rules 
could be modified to be consistent with impending electric 
industry competition and the passage of the retail electric 
competition rules.15 

14 Arizona Corporation Comm’n v. Woods, 171 Ariz. 286, 294 
(“Woods”).

15 The Commission adopted retail electric competition rules in 
Decision No. 59943, dated December 26, 1996.
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In revising the IRP rules, Commission staff were 
required to hold workshops, open to all stakeholders and 
to the public, on specific resource planning topics. These 
workshops:

Were to focus on developing needed infrastructure and a 
flexible, timely, and fair competitive procurement process; 
and were to consider whether and to what extent competitive 
procurement should include consideration of a diverse 
portfolio of purchased power, utility-owned generation, 
renewables, demand-side management, and distributed 
generation.16

Following the workshops, a docket was opened for 
proposed rulemaking regarding resource planning, and 
on June 3, 2010 in Decision No. 71722, the Commission 
amended the Arizona Administrative Code Title 14, 
Chapter 2, Article 7, Resource Planning. In the most 
significant changes, compared to the original rules, the 
revised IRP rules:

• Extend the forecasting and planning horizon from 10 
years to 15 years;

• Require submissions of utility IRPs every even-
numbered year rather than every third year;

• Require load-serving entities to include, in their IRP, 
data regarding air emissions, water consumption, and 
tons of coal ash produced;

• Require that environmental impacts related to air 
emissions, solid waste, and other environmental 
factors and reduction of water consumption be 
analyzed and addressed in utility plans;

• Require that plans address costs for compliance with 
current and projected environmental regulations;

• Require that the resource plans include energy 
efficiency, to meet Commission-specified percentages;

• Require that the resource plans include renewable 
resources, to meet the specified percentages in 
Arizona Administrative Code R14-2-1804;

• Require that the resource plans include distributed 
energy resources, to meet the specified percentages in 
Arizona Administrative Code R14-2-1805;

• Require that utilities submit a work plan in every 
odd year that outlines the upcoming 15-year 
resource plan, and lays out: 1) the utility’s method 
for assessing potential resources; 2) the sources of 
its current assumptions; and 3) a general outline of 
the procedures it will follow for public input, which 
includes an outline of the timing and extent of public 

participation and advisory group meetings that will 
be held before the resource plan is completed and 
filed.17 Before they file the resource plan, utilities are 
required to provide an opportunity for public input. 
ACC practice also allows for public comment on the 
completed resource plan after it has been filed by the 
utility.

In the revised rulemaking proceedings emphasis was 
placed on diversifying the resource base in utilities’ 
generation portfolios; on lowering costs through decreased 
reliance on volatile fossil-fuel based generation; and on 
considering and addressing environmental impacts, such 
as air emissions, coal ash, and water consumption.18 
Utilities must also submit a set of analyses to identify 
and assess the errors, risks, and uncertainties in: demand 
forecasts; the costs of DSM measures and power supply; 
the availability of sources of power; the costs of compliance 
with current and future environmental regulations; fuel 
prices and availability; construction costs, capital costs and 
operating costs; and any other factors the utility wishes to 
consider. This assessment should be done using sensitivity 
analysis and probabilistic modeling analysis.19 The utility 
should provide a description of the ways in which these 
errors, risks, and uncertainties can be managed (e.g., by 
obtaining additional information, liming risk exposure, 
using incentives, creating additional options, incorporating 
flexibility, and participating in regional generation and 
transmission projects), along with a plan to do so.20

Following the review of the utility IRP, the Commission 
is required to file an order that either acknowledges the 
resource plan (with or without amendment) or states the 
reasons for not acknowledging it.

The first electric utility IRPs filed under the revised 
rules were submitted to the ACC in 2012. The filing from 
Arizona Public Service (APS) is discussed in later sections.

16 Arizona Corporation Commission. Decision No. 71722. 
Docket No. RE-00000A-09-0249. June 3, 2010.

17 Id.

18 Id. Page 12.

19 Arizona Corporation Commission. Decision No. 71722. 
Docket No. RE-00000A-09-0249. June 3, 2010. Exhibit A: 
Notice of Proposed Rulemaking. Page 42.

20 Id. Page 43.
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2.  Colorado
Title 40 of the Colorado Revised Statutes establishes the 

state Public Utilities Commission and gives it authority 
to regulate the public utilities located within the state, 
specifically with regard to “the adequacy, installation, and 
extension of the power services and the facilities necessary 
to supply, extend, and connect the same.”21 Title 40 also 
contains all of the legislative requirements with which 
Colorado’s public utilities must comply, and prescribes 
the general methods by which the PUC should evaluate 
compliance.

The evaluation process is described in more detail 
in 4 Code of Colorado Regulations (CCR) 723-3: Rules 
Regulating Electric Utilities. This section of the code 
describes the rules promulgated by the Public Utilities 
Commission to establish the process for determining the 
need for additional electric resources by those electric 
utilities subject to the Commission’s jurisdiction, and 
for developing cost-effective resource portfolios to meet 
such need reliably.22 The rules, in their current form, were 
adopted in 2003 and were referred to as least-cost planning 
rules. Beginning in 2003, utilities were required to file 
resource plans every four years, and may file an interim 
plan if changed circumstances justify the filing. 

Utilities may choose their own planning period, but 
that period must be at least 20 and no more than 40 years. 
Utilities may also specify the resource acquisition period 
they will follow, which will be between the first six and ten 
years of the planning period. The planning period is both 
the time frame for which the resource plan is developed, 
and the long-term period over which the net present 
value of revenue requirements is calculated. The resource 
acquisition period represents the near-term period in which 
the utility must actually acquire resources to meet system 
energy and demand requirements. For any resources they 
propose to acquire, utilities file needs assessments and 
draft requests for proposals (RFPs). The PUC may approve, 
deny, or order modifications to utility plans. Following 
PUC approval, utilities then begin the competitive bidding 
process to acquire the new resources needed to meet load 
and reserve requirements.

Over the past decade, the PUC has opened several 
docketed proceedings and issued emergency rules 
revising the least-cost planning rules to provide specific 
guidelines for utilities, and to ensure compliance with 
new legislation adopted by Colorado state government. 

In Decision No. C07-0829 of September 19, 2007, the 
PUC adopted emergency rules modifying LCP rules as 
required by bills enacted in the 2006 and 2007 sessions of 
the Colorado Legislature. In general, these bills required 
the PUC to consider not only the costs of new generation 
resources as prescribed in least-cost planning rules, but 
also various benefits, requiring more technical expertise 
and involvement from the PUC in the resource selection 
process.23 

Specifically, the following bills required the associated 
changes:

• HB07-1037 establishes requirements for energy 
efficiency and demand-side management resources, 
and requires the PUC to shift from a least-cost 
planning standard to a more subjective consideration 
of multiple criteria “which will require substantially 
more Commission involvement in the resource 
selection process.”24 The criteria shift applies to the 
evaluation of all resources, not only demand-side 
management (DSM)25 measures.

• HB07-1281 increases the renewable energy resources 
that electric utilities must acquire, necessitating 
greater integration between the resource planning 
rules and the new Renewable Energy Standards.

• SB07-100 is intended to improve the economic 
viability of rural renewable resources. The bill 
provides for the designation of energy resource zones, 
and for the construction of transmission infrastructure 
to bring energy from these zones to load centers.

• HB06-1281 requires the Commission “to give the 
fullest possible consideration to new clean and 
energy efficient technologies…(and) provides an 

21 Colorado Revised Statutes 40-1-103.

22 4 Code of Colorado Regulations 723-3. Part 3: Rules 
Regulating Electric Utilities. Electric Resource Planning: 
3601.

23 Colorado Public Utilities Commission. Decision No. C07-
0829. Docket No. 07R-0368E. September 19, 2007.

24 Id. Page 7.

25 Demand-side management , or DSM, measures involve 
reducing electricity use through activities or programs that 
promote electric energy efficiency or conservation, or more 
efficient management of electric energy loads. 
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example of how the Commission can give such 
consideration to resources that may be in the public 
interest when accounting for the benefits of advancing 
the development of a particular resource, or when 
accounting for other benefits outside of a strict cost 
perspective.”26

The statutory language describes some of those benefits: 
The Commission shall give the fullest possible 

consideration to the cost-effective implementation of 
new clean energy and energy-efficient technologies in its 
consideration of generation acquisitions for electric utilities, 
bearing in mind the beneficial contributions such technologies 
make to Colorado’s energy security, economic prosperity, 
environmental protection, and insulation from fuel price 
increases. The Commission shall consider utility investments 
in energy efficiency to be an acceptable use of ratepayer 
moneys.27

As a result of the various bills described above, the PUC 
chose to strike the term “least-cost” from the rules in all 
instances, changing their title to Resource Planning Rules. 
It also introduced the term cost-effective into the rules, 
defining it as “the reasonableness of costs and rate impacts 
in consideration of the benefits offered by new clean energy 
and energy-efficient technologies.”28 These and other 
emergency rules were adopted on a permanent basis in 
Decision No. C07-1101 in Docket No. 07R-419E.

Other significant changes to the Resource Planning 
Rules were adopted by the PUC in 2010 in response to the 
passage of HB10-1365, known as the Clean Air-Clean Jobs 
Act (CACJA). The legislative declaration of the Act states 
that:

The general assembly hereby finds, determines, and 
declares that the federal “Clean Air Act,” 42 U.S.C. sec. 
7401 et seq., will likely require reductions in emissions from 
coal-fired power plants operated by rate-regulated utilities 
in Colorado. A coordinated plan of emission reductions from 
these coal-fired power plants will enable Colorado rate-
regulated utilities to meet the requirements of the federal act 
and protect public health and the environment at a lower cost 
than a piecemeal approach. A coordinated plan of reduction 
of emissions for Colorado’s rate-regulated utilities will also 
result in reductions in many air pollutants and promote the 
use of natural gas and other low-emitting resources to meet 
Colorado’s electricity needs, which will in turn promote 
development of Colorado’s economy and industry.29

The Act required that all utilities owning or operating 

coal-fired generating units in Colorado file an emissions 
reductions plan, which may include the following elements: 
emission control equipment, retirement of coal-fired units, 
conversion of coal units to natural gas, long-term fuel 
agreements, new natural gas pipelines, increased utilization 
of existing natural gas resources, and new transmission 
infrastructure. The CO Department of Public Health and 
the Environment and the PUC were tasked with reviewing 
the utility filings. 

Approval of the plans is contingent on several factors, 
including whether required emissions reductions would 
be achieved; whether the plan promotes economic 
development in the state; whether reliable electric service 
is preserved; and the degree to which the plan increases 
the utilization of natural gas or relies on energy efficiency 
or other low-emitting resources. Plans were to be filed by 
August 15, 2010, and full implementation is to occur by 
December 31, 2017.30

While required emissions reduction plans were separate 
from Electric Resource Plans, the PUC opted to revise and 
clarify Electric Resource Planning (ERP) rules to make them 
more consistent with the CACJA. The PUC adopted revised 
rules on July 29, 2010 in Decision No. C10-0958 as part 
of Docket No. 10R-214E. Significant changes to the rules 
include:

• Adoption as the policy of the state of Colorado that 
the PUC give the fullest possible consideration to the 
cost-effective implementation of new clean energy and 
energy-efficient technologies.

• Inclusion in the resource plan of the annual water 
withdrawals and consumption for each new resource, 
and the water intensity of the generating system as a 
whole.

• Inclusion of the projected emissions of sulfur dioxide, 
nitrogen oxides, particulate matter, mercury, and 

26 Id. Page 9.

27 Colorado Revised Statutes 40-2-123(1)(a).

28 Colorado Public Utilities Commission. Decision No. C07-
0829. Docket No. 07R-0368E. September 19, 2007. Page 20.

29 Colorado Revised Statutes 40-3.2-203(1).

30 General Assembly of the State of Colorado. House Bill 10-
1365.
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31 Colorado Public Utilities Commission. Decision No. C10-
0958. Docket No. 10R-214E. July 29, 2010.

32 4 Code of Colorado Regulations 723-3. Part 3: Rules Regu-
lating Electric Utilities. Electric Resource Planning: 3613(b).

33 4 Code of Colorado Regulations 723-3. Part 3: Rules Regu-
lating Electric Utilities. Electric Resource Planning: 3613(e).

34 Public Utility Commission of Oregon. Order No. 89-507. 
Docket No. UM 180. April 20, 1989.

35 Id. Page 3.

36 Id. Page 7.

carbon dioxide for new and existing generating 
resources.

• The Commission must consider the likelihood of new 
environmental regulations, and the risk of higher 
future costs associated with greenhouse gases, when it 
considers utility proposals.

• Descriptions of at least three alternate resources plans 
that meet the same resource need as the base plan 
but include proportionally more renewable energy 
or demand-side resources. For the purpose of risk 
analysis, a range of possible future scenarios and 
input sensitivities should be proposed for testing the 
robustness of the alternative plans.

• Permission for the utilities to implement cost-effective 
demand-side resources to reduce the need for 
additional resources that would otherwise need to be 
obtained through a competitive acquisition process.31

Colorado’s IRP rules do not mandate public participation 
prior to the filing of the IRP. The rules are, however, unique 
in requiring that the utility, Commission staff, and the 
Office of Consumer Counsel agree upon an entity to act 
as an independent evaluator (paid for by the utility) and 
advisor to the Commission. The independent evaluator 
reviews all documents and data used by the utility in 
developing its resource plan, and submits a report to the 
Commission that contains its analysis of “whether the 
utility conducted a fair bid solicitation and bid evaluation 
process, with any deficiencies specifically reported.”32 

Following the filing of the utility’s resource plan, the IRP 
rules state that parties in the proceeding have 45 days to file 
comments on the plan and on the independent evaluator’s 
report. The utility has a chance to respond to comments, 
after which the Commission is required to issue a written 
decision approving, conditioning, modifying, or rejecting 
the utility’s preferred cost-effective resource plan, “which 
decision shall establish the final cost-effective resource 
plan.”33 In 2011 the Colorado electric utilities filed the first 
electric resource plans that were consistent with these revised 
rules. The plan from Public Service Company of Colorado 
(“Public Service”) is discussed in section III of this report.

3.  Oregon
Oregon’s IRP rules are the most straightforward of the 

three states examined here. The state first established 
resource planning rules in 1989, in Public Utility 
Commission Order 89-507. The order directs all energy 

utilities in Oregon to undertake least-cost planning, which 
the Commission defines in a somewhat unique way, stating 
that: 

Least-cost planning differs from traditional planning in 
three major respects. It requires integration of supply and 
demand side options. It requires consideration of other than 
internal costs to the utility in determining what is least-cost. 
And it involves the Commission, the customers, and the public 
prior to the making of resource decisions rather than after the 
fact. …Least-cost planning as mandated by this order will 
allow the public as well as the Commission to participate in 
the planning process at its earliest stages.34

The PUC thus identifies one of the key procedural 
elements of least-cost planning as allowance for significant 
involvement from the public and other utilities in 
the preparation of the resource plan, which includes 
opportunities for the public to contribute information and 
ideas as well as to receive information. The Commission’s 
order states that “the open and collaborative character of 
least-cost planning may foster elevated confidence among 
those affected by the decisions and may make the process 
more responsive to demonstrated needs.”35 Substantive 
elements of least-cost planning are similar to those found 
in other states, with the PUC emphasizing the evaluation of 
conservation in a manner that is consistent and comparable 
to that of supply-side resources,36 and with the analysis of 
economic, environmental, and social uncertainties.

The order also includes a concurring opinion from 
Commissioner Myron B. Katz, in which he discusses 
whether commissions, in the context of least-cost planning, 
should be interested in costs to utilities and ratepayers 
alone, or in overall costs to society. Katz suggests that 
utilities should seek to determine the costs for resources 
that include any externalities associated with those 
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resources, stating that “[a] resource should be deemed cost-
effective and thus eligible for selection if its costs are lower 
than the costs of alternative resources assuming a market in 
which all costs, including environmental costs, are reflected 
in resource price tags.”37

Subsequent PUC Orders 07-002, 08-339, and 09-041 
(which became O.A.R. 860-027-0400) updated planning 
guidelines and requirements, and changed least-cost 
planning terminology to integrated resource planning, 
in recognition of the fact that there are many risks and 
uncertainties associated with any portfolio that must be 
weighed, and that least-cost is not the only criterion for 
selecting the best resource portfolio. This emphasis on the 
importance of risk in integrated resource planning is one 
way in which Oregon differs from some other states. The 
emphasis is placed in the forefront of the revised rules, 
with Guideline 1(b) stating that “(r)isk and uncertainty 
must be considered.”38 Risk is defined as a measure of 
the bad outcomes associated with a resource plan, while 
uncertainty is a measure of the quality of information about 
an event or outcome. Recognizing risks that are general to 
the electric industry and those that are specific to Oregon, 
the rules specify that, at a minimum, the following sources 
of risk must be considered in utility resource plans: load 
requirements, hydroelectric generation, plant forced 
outages, fuel prices, electricity prices, and costs to comply 
with any regulation of greenhouse gases, as well as any 
additional sources of risk and uncertainty.39 

In order to quantify these risks, utilities should calculate 
two different measures of the present value of revenue 
requirement risk (PVRR). The first should measure the 
variability of resulting PVRR costs under the different 
scenarios, and the second should measure the severity of 
any bad outcomes.40 The primary goal of Oregon’s IRP 
planning process is thus “the selection of a portfolio of 
resources with the best combination of expected costs 
and associated risks and uncertainties for the utility and 
its customers.”41 A portfolio of resources with the lowest 
expected cost before the inclusion of various risks may in 
fact have higher costs than other resource portfolios once 
those risks are considered. 

The goal of the Oregon PUC in amending its rules was 
for utilities to identify the lowest-cost resource plan over 
the specified planning horizon by balancing both cost 
and risk. The Commission declines to mandate how the 
measures of PVRR risk be defined, instead leaving it up to 

37 Id. Page 12.

38 Public Utility Commission of Oregon. Order No. 07-002. 
Docket No. UM 1056. January 8, 2007. Appendix A. Page 1.

39 Id.

40 Id. Appendix A. Page 2.

41 Id. Appendix A. Pages 1-2.

42 Id. Page 7.

43 From zero to $40 (1990$), as established in Order No. 93-695.

44 Public Utility Commission of Oregon. Order No. 07-002. 
Docket No. UM 1056. January 8, 2007.

45 Id. Page 8.

the utilities and to “the interactive process of developing 
an IRP to make the best assessment of appropriate risk 
measures.”42 Unlike in Arizona, which requires that utilities 
create a plan to manage specific risks, Oregon requires that 
utilities take risks, their probabilities of occurrence, and the 
likelihood of bad outcomes into their choice of preferred 
resource plan.

These subsequent orders make few other substantive 
changes to the rules established in order 89-507, but 
instead add detail on the information and analysis that 
the PUC wanted in order to acknowledge utility resource 
plans. Notable changes include:

• The requirement that each utility ensure that a 
conservation potential study is done periodically for 
its entire service territory.

• The requirement that demand response and 
distributed generation be evaluated similarly to more 
traditional supply-side resources.

• The requirement that utilities include the expected 
regulatory compliance costs for various pollutants, 
that a range of potential CO2 costs be analyzed,43 and 
that sensitivity analyses be performed on a range of 
costs for nitrogen oxides, sulfur oxides, and mercury, 
if applicable.44

Order 07-002 also details the nature of public 
involvement in the IRP process, stating that the public and 
other utilities should be allowed significant involvement 
in the preparation of an IRP—that they should be allowed 
to contribute information and ideas, and to make relevant 
inquiries of the utility formulating the plan. The utility 
should also make a draft IRP available for public review 
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46 Id. Page 9.

47 Id. Page 2.

and comment before filing a final version with the PUC.45

Following submission of the integrated resource plan, 
intervening parties and Commission staff have six months 
to complete and file written comments on it. In advance 
of the deadline for written comments, the utility must also 
present the results of its resource plan to the Commission 
at a public meeting. The Commission then acknowledges 
the plan or returns it to the utility with comments. It may 
allow the utility to revise its resource plan before issuing an 
acknowledgement order.46 

The IRP rules are careful to point out that 
acknowledgement of the IRP does not guarantee 

favorable ratemaking treatment later on, but that 
the acknowledgement simply means the plan 
seemed reasonable at the time it was reviewed by the 
Commission.47 PacifiCorp, operating in Oregon as Pacific 
Power, is expected to file its 2013 IRP this year, but that 
plan was not available in time for inclusion in this paper. 
PacifiCorp’s 2011 IRP is discussed in later sections.
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48 Arizona Public Service. 2012 Integrated Resource Plan. 
March 2012. Page 2.

49 Id. Page 25.

50 Id.

III.  Examples of Best Practices in 
Utility Integrated Resource Plans

A. Arizona Public Service

Arizona Public Service (APS) is the state’s largest 
electric utility, and has been serving retail and 
wholesale consumers since 1886. In March 
2012, APS filed the first formal resource plan in 

17 years with the Arizona Corporation Commission. This 
IRP was also the first to be filed under the ACC’s revised 
rules, as described in section II.A. 

From the time when the Corporation Commission issued 
the final IRP rules to the date that APS filed its resource 
plan, the utility was “engaging key stakeholders to gain an 
understanding and appreciate of their areas of concern.”48  
A series of workshops held during 2010 and 2011 
sought to both inform and gather input from interested 
stakeholders on future resource decisions. The workshop 
topics included the resource fleet and transmission system; 
load forecasts; energy efficiency; smart grid; demand 
response; utility water consumption; fuel supplies and 
markets; technology options and costs; externalities; 
resource procurement; portfolios and sensitivities; and 
metrics and monetization costs for water, sulfur oxides, 
particulate matter, and nitrogen oxides. Approximately 35 
to 50 stakeholders participated in each meeting, and several 
stakeholders were also invited to give presentations in some 
of the topic areas mentioned above.49 

APS also contracted with the Morrison Institute at 
Arizona State University to conduct a series of four 
“Informed Perception Project” surveys on customer 
preferences and concerns regarding the energy resource 
options available to APS. Results showed that APS 
customers “favored an increase in the use of renewable 
energy resources, such as solar and wind, and were 
interested in both the environmental impacts and reliability 
of energy choices.”50

Over the course of the 15-year planning period, with 
the assumption that migration to the state and individual 
electricity consumption will return to historic highs, 

APS has forecast 3% average annual growth in nominal 
electricity requirements through 2027. Energy efficiency 
and distributed generation, in the form of rooftop solar 
installations, will help offset some of this growth, but APS 
expects that it will need to add additional conventional 
supply-side resources, in the form of natural gas-fired 
generation, in 2019. APS created four resource portfolios 
to evaluate: a base case, a “four corners contingency,” an 
“enhanced renewable” case, and a “coal retirement” case. 
Figure 3 shows the details of those plans.

Each of the resource plans created by APS were analyzed 
using a production simulation model, PROMOD IV, which 
dispatches the energy resources in each of the portfolios 
and generates system costs, or the likely future revenue 
requirements, associated with each. Calculation of system 
revenue requirements demonstrated that the APS base case 
portfolio was the most cost-effective of the resource plans 
evaluated. APS also monitors specific metrics to provide 
a context for comparing and evaluating the portfolios. In 
addition to revenue requirements, those metrics include 
fuel diversity, capital expenditures, natural gas burn, water 
use, and CO2 emissions.

APS selected major cost inputs and evaluated several 
sensitivity scenarios, setting the assumptions for these 
variables higher and/or lower to test the impacts on the 
specific metrics being evaluated. These major cost inputs 
include natural gas prices, CO2 prices, production and 
investment tax credits for renewable resources, energy 
efficiency costs, and monetization of SO2, NOx, PM, and 
water. APS also created low-cost and high-cost scenarios, 

APPENDIX A



17

Best Practices in Electric Utility Integrated Resource Planning

51 Id. Page 44. Arizona Public Service Company hired Black 
and Veatch Corporation to conduct a Solar Photovoltaic (PV) 
Integration Cost Study report that provides the company 
with an estimate for the incremental operating reserves 
necessary to integrate geographically diverse PV development 
in the APS service territory, and quantifies the anticipated 
incremental cost to provide the reserve capacity and energy 
services. “Solar Photovoltaic Integration Cost Study,” B&V 
Project No. 174880 (November 2012).

Description

Nuclear

Coal

Natural Gas and 
Demand Response

Renewable Energy 
(RE) & Distributed 
Energy (DE)

Energy Efficiency 
(EE)

Base Case  
(2012 Resource Plan)

Plan includes APS closing 
Four Corners units 1-3 and 
purchasing SCE’s share of 
units 4-5; continues the 
current trajectory of EE 

and RE compliance

1,146 MW
18.7%MWh

1,932 MW
26% MWh

7,424 MW
26.3% MWh

1,141 MW
13.7% MWh

1,525 MW
15.4% MWh

Four Corners 
Contingency

Contingency plan depicting 
the retirement of the 

Four Corners coal-fired 
plant; energy replaced 

by additional natural gas 
resources

1,146 MW
18.7% MWh

962 MW
12.7% MWh

8,394 MW
39.6% MWh

1,141 MW
13.7% MWh

1,525 MW
15.4% MWh

Enhanced 
Renewable

Assumes 30%  
(after EE/DE) of energy 
needs met by renewable 
resources; include the 
consummation of the 

Four Corners transaction

1,146 MW
18.7% MWh

1,932 MW
26% MWh

7,138 MW
20.7%MWh

1,427 MW
22.8% MWh

1,525 MW
15.4% MWh

Coal 
Retirement

Assumes APS retires all 
coal-fired generation; 
energy replaced with a 
combination of natural 

gas and renewable 
resources

1,146 MW
18.7% MWh

0MW
0MWh

9,188 MW
46.3% MWh

1,308 MW
19.7% MWh

1,525 MW
15.4% MWh

Resource Contributions (2027 Peak Capacity Contribution/ % Energy Mix)

which incorporate the low and high values for all of the 
variables mentioned above rather than testing them on 
an individual basis. The results of the sensitivity analysis 
showed that the four corners contingency and coal 
retirement portfolios have the most variability in terms of 
net present value of revenue requirements, which fluctuate 
11-12% as compared to 6-7% for the base case and 
enhanced renewable portfolios. Natural gas price changes 
caused the largest impact on sensitivity results.

Under the base case plan, APS achieves compliance 
with energy efficiency requirements and slightly exceeds 
compliance levels for renewable energy. Consistent with 
the intent of the revised rules, APS’s reliance on coal-fired 
generating resources drops by 12% between 2012 and 
2027. Use of natural gas increases slightly over the course 
of the planning period under this scenario, but by 2027, no 
single fuel source makes up more than approximately 26% 
of the APS resource mix. Figure 4 shows the energy mix in 
2027 compared to 2012 under the base case portfolio.

Figure 3: 

Portfolios Considered in the APS 2012 IRP51

APS had approximately 600 MW of excess capacity 
in 2012, heading into the summer peak. In the short 
term—over the next three years—the company planned to 
continue to pursue energy efficiency and renewable energy 
resources. During the intermediate term, years four to 15 
of the planning period, APS plans to add 3,700 MW of 
natural gas capacity and 749 MW of renewable capacity. 
However, “[i]n the event that solar, wind, geothermal, or 
other renewable resources change in value and become a 
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more viable and cost-effect option than natural gas, future 
resource plans may reflect a balance more commensurate to 
the enhanced renewable portfolio.”53

APS should be commended for several elements of 
its 2012 IRP. The first of those is the comprehensive 
stakeholder process, which included workshops covering 
most, if not all, of the topic areas that are vital to 
comprehensive integrated resource plans. Not only were 
stakeholders invited to listen and offer feedback, they were 
also invited to present their points of view on a subset of 
these important issues. In the IRP itself, APS provides all 
non-confidential input and output data for stakeholder 
review. 

Second, APS continues to pursue energy efficiency, 
renewable energy, and distributed generation resources 
in each of the resource portfolios it analyzed, meeting or 
exceeding ACC-specified goals and consistent with the 
Commission finding that: 

Continued reliance on fossil generation resources without 
the addition of renewable generation resources is inadequate 
and insufficient to promote and safeguard the security, 
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Figure 4

Energy Mix Under The APS Base Case Portfolio52

EE

RE & DE

Nuclear

Gas

Coal

4.7%
4.9%

28.8%

23.7%

38.0%

15.4%

13.7%

18.7%

26.3%

26.0%

2012 2027

52 Id. Page 45.

53 Id. Page 64.

54 Arizona Public Service. 2012 Integrated Resource Plan.  
Page 13.

55 Id. Page 18.

convenience, health, and safety of electric utilities’ customers 
and the Arizona public and is thus unjust, unreasonable, 
unsafe, and improper.54

APS has also analyzed portfolios that meet the 
Commission goals of promoting fuel and technology 
diversity as the utility lowers its reliance on coal-fired 
generation and increases its use of energy efficiency and 
renewable energy resources. 

Third, APS takes environmental costs into account 
when evaluating its resource plans. The company uses a 
CO2 adder consistent with the assumption that federal 
regulation of CO2 will occur within the 15-year planning 
period. In sensitivity scenarios, APS analyzes alternative 
prices for CO2 emissions, and also includes adders for 
SO2, NOx, PM, and water. Emissions cost and water 
consumption are also two metrics by which APS evaluates 
its resource portfolios. Water in particular is a resource that 
has not been given much consideration in utility integrated 
resource planning in past decades, in this and in other 
jurisdictions—but it is especially important for Arizona 
and other states in the arid parts of the country, as it may 
at times act as a constraining resource on electric power 
generation.

While APS has indeed done an admirable job in its 2012 
Integrated Resource Plan, there are several areas in which 
the utility can still improve. The first is with respect to its 
load forecast. APS assumes a return to very high levels of 
load growth, at 3% per year for a total of 55% growth in 
energy consumption over the planning period. Load growth 
is one variable that can be highly uncertain. APS even 
states that “weather, population growth, economic trends, 
and energy consumptions behaviors are among the key 
variables that impact the Company’s view of future resource 
needs. Accurately forecasting any one of these variables 
over a 15-year period is a challenge. Accurately forecasting 
them all is impossible.”55 
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56 Id. Page 20.

57 Id. Page 18.

Changes in the forecast can lead to significant changes 
in the quantity and type of resources needed in a utility’s 
portfolio. For this reason, utilities engaged in resource 
planning typically analyze sensitivity cases that use at 
least two (low and high) alternative load forecasts. APS 
admitted that “a challenge more specific to the APS service 
territory is load-growth uncertainty,”56 and yet the company 
analyzed only a single load forecast—one that the company 
admits is more than triple the average growth of electricity 
demand in the United States.57

The second improvement that APS could make to its 
IRP process relates to the creation of the utility’s resource 
portfolios. Often, in integrated resource planning, utilities 
will use resource optimization models—e.g., EGEAS, 
Strategist, or System Optimizer—to create resource 
portfolios. The user inputs data on peak and energy 
demand, reserve margins, fuel prices, emissions prices, 
capital and operating cost of both supply and demand 
resources, etc., and the optimization model will select 
the number and type of resources to be added over time 
to make up the least-cost plan. These models will also 
perform a simplified system dispatch in order to generate 
system revenue requirements over the planning period. 
Rather than using an optimization model to select the 
ideal resource portfolios, APS hand-selected the resource 
mix for each portfolio. Under this method, it is possible 
that a lower-cost resource plan exists that APS has not 
identified. 

This is particularly true in the sensitivity analyses 
that the company conducted. As described above, 
natural gas prices led to the greatest variance in system 
revenue requirements in the sensitivity analyses. Had an 
optimization model been used to evaluate scenarios with 
high natural gas prices, one might see the model select 
fewer natural gas-fired resources in favor of increased 
renewable or energy efficiency. Similarly, in sensitivity 
scenarios that look at decreased costs for energy efficiency, 
an optimization model might select additional quantities 
of energy efficiency to be added to the resource mix. Some 
of the supply-side resources selected using base EE costs 
might then not be required, as additional EE would lower 
both peak and energy demand. 

On page 104 of its IRP, APS presents a table of residential 
and non-residential EE programs that were rejected because 
program costs were higher than benefits. In sensitivity 
scenarios where lower EE costs were evaluated, some of 

these measures that were rejected may have met cost-
effectiveness tests and been selected for inclusion in utility 
resource portfolios.

B. Public Service Company of Colorado
The October 2011 IRP filing from Public Service 

Company of Colorado (“Public Service”) was filed shortly 
after the company’s filing that addressed the Clean Air-
Clean Jobs Act. In the CACJA plan ultimately approved 
by the Colorado PUC, Public Service will retire 600 MW 
of base-load coal generation, fuel switch from coal to 
natural gas at another 450 MW of coal generation, and 
install emission controls at three other coal units by the 
year 2017. Additionally, as part of two separate filings, 
the company planned for the installation of 900 MW of 
additional wind and 30 MW of new solar by the end of 
2012. These additions, repowerings, and retirements, along 
with the current weak growth in Colorado’s economy, led 
Public Service to project a resource need of only 292 MW 
of additional generation capacity by 2018.

Public Service developed a “least-cost baseline case” 
resource portfolio, designed to meet resource needs during 
the Resource Acquisition Period from 2012 to 2018 at 
the lowest measurement of present value of revenue 
requirements. The utility also developed eight alternative 
plans that evaluate increasing amounts of renewable and 
distributed generation resources. These resource portfolios 
were evaluated using the Strategist model from the period 
of 2011-2050, and are shown in Figure 5.

Public Service evaluated the baseline case and the eight 
alternative cases under several sensitivity scenarios, altering 
the price of CO2 emissions, renewable tax incentives, 
natural gas prices, and level of sales. Figure 6 shows the 
results of the analysis for the first three variables.

Public Service concludes from its analysis that existing 
and planned resources would be sufficient to meet the 
forecasted energy requirements of its system, but that 
natural gas-fired combustion turbines (CTs) would be 
required to provide the capacity necessary to maintain 
reserve margins. The company also concludes that adding 
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Figure 5

Least-Cost Baseline Case and Alternative Plans During the Resource Acquisition Period (RAP) 
From Public Service Company of Colorado’s 2011 IRP58

Figure 6

Sensitivity Results for Co2, Tax Incentives, and Gas Prices From 
Public Service Company of Colorado’s 2011 IRP59
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58 Public Service Company of Colorado. 2011 Electric 
Resource Plan: Volume 1. October 31, 2011. Pp. 1-38.

59 Id. Pp. 1-41.
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renewable generating resources would increase system 
costs under both baseline and sensitivity assumptions.60 
The results of the sensitivity analysis shown in Figure 6 
seem to indicate, however, that if the production tax credit 
(PTC)61 for wind were to be extended, there would be some 
benefit to adding additional wind generation, as shown by 
the decline in present value of revenue requirements in this 
scenario relative to the base case.

Given the results of the resource analysis, Public Service 
proposes to utilize a competitive All-Source Solicitation 
to acquire the resources needed to meet planning reserve 
margin targets. The solicitation would seek both short-
term and long-term power supply proposals, with a 
preference for short-term contracts. Public Service lists 
several uncertainties that it will face over the coming years: 
future environmental regulations, changing technology 
costs, tax credits that impact the relative costs of generation 
alternatives, fuel prices, and economic growth in its service 
territory.62 Given these uncertainties and the relatively 
small resource need, the shorter-term power urchase 
agreements would allow the utility to wait and see if and 
how uncertainties can be resolved before adding new 
generation facilities to its resource mix. The company will 
also offer enough self-build power supply proposals into 
the solicitation process to meet the needs over the resource 
acquisition period. 

These proposals would ensure that at least one portfolio 
could be developed with company-owned facilities, and 
that generating capacity will be expanded at existing sites. 
Public Service requests that the PUC allow it to conduct 
periodic solicitations for additional renewable energy, if 
and when markets become most favorable to customers; 
but it reports no plans to add additional renewables over 
the acquisition period. The company states that, “[t]o the 
extent the Commission desires to see portfolios from the 
Phase 2 process that contain increasing levels of renewable 
or Section 123 Resources the Commission should direct the 
Company to do so in its Phase 1 order.”63

Public Service’s 2011 IRP is comprehensive, thorough, 
and a good example of effective resource planning. 
Resource planning in Colorado is driven by: 1) the state 
Legislature, as statutes dictate the content of state IRP rules; 
2) by interveners, whose comments and suggestions during 
IRP processes can lead to changes in both rules and content 
of utility resource plans; and 3) by the PUC, which oversees 
the process and may require that utilities revise resource 

60 Id. Pp. 1-43.

61 The federal renewable energy production tax credit (PTC) 
provides a per-kilowatt-hour tax credit for electricity 
generating by various types of renewable energy resources 
and sold by the taxpayer to an unrelated person during the 
taxable year. The PTC was originally enacted in 1992 and has 
been extended several times, most recently in January 2013 
as part of the American Taxpayer Relief Act of 2012 (H.R. 6, 
Sec 407). Currently, the PTC for wind resources for which 
construction began prior to December 31, 2013 is 2.3 cents/
kWh.

62 Id. Pp. 1-5.

63 Id. Pp. 1-49.

64 Id. Pp. 1-59.

plans in specific ways prior to receiving Commission 
approval. The input and oversight from these three entities, 
combined with the utilities’ expertise, leads to the inclusion 
of several notable elements in the resource plan that 
demonstrate additional issues of concern in Colorado. 

First, recognizing that acquiring necessary resources 
does not always go according to plan, the utility creates 
and describes a series of the more common contingency 
events—e.g., bidders withdrawing proposals, transmission 
development delays, higher than anticipated electric 
demand, etc.—and develops plans to address them if they 
occur.64 

Second, Public Service acknowledges that its planned 
volume of wind installations (2,100 MW by 2012) creates 
specific challenges and requirements that much lower 
volumes of renewables would not. Because wind output 
can be variable and uncertain, there may be additional 
flexibility requirements on an electric system—i.e., there 
must be a certain amount of generation that can be brought 
on-line within a 30-minute period in order to respond to 
changes in renewable output. Public Service conducts an 
assessment of the need for flexible resources in its IRP’s 
general assessment of need. 

Flexibility studies are not a part of traditional integrated 
resource planning, but Public Service is responding 
to unique circumstances in its service territory by 
incorporating this type of study in its resource planning. 
Utilities sometimes cite the variability and uncertainty of 
wind and other renewables as reasons not to pursue these 
types of resources in their portfolios; Public Service shows, 
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65 Chupka, M,, Murphy, D. & Newell, S. Reviving Integrated 
Resource Planning for Electric Utilities: New Challenges and 
Innovative Approaches. Brattle Group. 2008. Page 2.

66 Public Service Company of Colorado. 2011 Electric Resource 
Plan: Volume 1. October 31, 2011. Pp. 1-5.

67 Wyoming does not have its own IRP obligation, but instead 
mandates that any utility serving in the state that is required 
to submit an IRP in another jurisdiction also file that IRP 
with the Wyoming PSC.

68 Id. Page 8.

however, that these challenges can be planned for in a 
reasonable way and are not a reason to avoid renewable 
additions. 

Finally, traditional integrated resource planning does not 
pursue short-term strategies, such as market purchases that 
may buy time in the hope that some uncertainties will be 
resolved.”65 The Public Service IRP does just that, however, 
by making shorter-term resource acquisition decisions and 
preserving “decisions involving new generation facilities to 
a point in the future when we see how these uncertainties 
are resolved.”66

While Public Service should be applauded for its 
integration of renewables to date, it is unclear from the 
company’s IRP whether it truly views renewable generating 
technologies as a system resource as opposed to an 
obligation established by the state legislature and the 
PUC. As mentioned above, Public Service has no plans 
to pursue additional renewable acquisitions during the 
next seven years, even though sensitivity analyses show 
that additional wind generation may be beneficial to 
ratepayers if the production tax credit were to be extended. 
The company does ask that it be granted permission to 
conduct solicitations for renewables outside of the resource 
planning process if it determines that market conditions are 
“favorable,” but it gives no indication as to what favorable 
market conditions might look like. An evaluation of the 
market conditions favorable to renewables would be very 
helpful in the context of resource planning, and could be 

included in future IRPs or updates from Public Service.

C. PacifiCorp
Of the three utilities examined here, PacifiCorp is unique 

in that it operates across six states—Oregon, Washington, 
California, Idaho, Utah, and Wyoming, five of which have 
IRP or other long-term planning requirements.67 This 
gives PacifiCorp the additional challenge of planning on 
a system-wide basis while meeting each of the resource-
acquisition mandates and policies in the states where it 
operates. The company evaluates a 20-year study period, 
but focuses on the first ten years (2011-2020) in its 
assessment of resource need. 

In that ten-year planning period, PacifiCorp forecasts 
that system peak load will grow at 2.1% per year (2.4% for 

 Capacity (MW)

Resource 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 Total

CCCT F Class - - - 625 - 597 - - - - 1,222

CCCT H Class - - - - - - - - 475 - 475

Coal Plan Turbine Upgrades 12 19 6 - - 18 - 8 - - 63

Wind, Wyoming - - - - - - - 300 300 200 800

CHP-Biomass 5 5 5 5 5 5 5 5 5 5 50

DSM, Class 1 6 70 57 20 97 - - - - - 250

DSM, Class 2 108 114 110 118 122 124 126 120 122 125 1,189

Oregon Solar Programs 4 4 4 3 3 - - - - - 18

Micro Solar – Water Heating - 4 4 4 4 4 4 4 - - 28

Firm Market Purchases 350 1,240 1,429 1,190 1,149 775 822 967 695 995 N/A

Figure 7

Resource Additions in the Preferred Portfolio—PacifiCorp’s 2011 IRP68
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69 PacifiCorp. 2011 Integrated Resource Plan: Volume 1.  
March 31, 2011. Page 83.

70 Id. Page 10.

71 Id. Page 13.

the eastern system peak and 1.4% for the western system 
peak), and that energy requirements will grow by 1.8% 
per year. Resource deficits will begin in the first year, with 
PacifiCorp being short 326 MW in 2011. This deficit grows 
to 3,852 MW by 2020. In the near-term, shortages will 
be met with DSM, renewables, and market purchases, but 
new baseload and intermediate generating units begin to 
be added to the resource mix in 2014.69 Figure 7 shows the 
proposed resource additions.

If PacifiCorp were to proceed with these proposed 
resource additions, by 2020 its capacity mix would be as 
shown in Figure 8. In this scenario, traditional thermal 
resources still make up two-thirds of PacifiCorp’s capacity 
mix; DSM makes up just over 13%, and renewables make 
up 2.6%.

As Figure 9 shows, PacifiCorp’s energy mix looks slightly 
different under its preferred portfolio. The percentage of 
total energy generated from coal-fired resources drops 
by 26% between 2011 and 2020, while the amount of 
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Figure 8

Capacity Mix Under the PacifiCorp 
Preferred  Portfolio70

Figure 9

Energy Mix Under the PacifiCorp 
Preferred  Portfolio71
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energy from gas-fired resources more than doubles. Even 
with the significant drop in generation from coal, energy 
from thermal resources makes up 61% of PacifiCorp’s 
total energy. DSM makes up 11% of the energy mix, 
with another 11% coming from renewable resources. 
Hydroelectric power and energy purchases make up the 
bulk of the remaining energy.

Of the three utilities examined in this report, PacifiCorp’s 
portfolio modeling process is the most comprehensive. 
It uses a model called System Optimizer, which has the 
capability to determine capacity expansion plans, to run a 
production cost simulation of each optimized portfolio, and 
to perform a risk assessment on these portfolios. 
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Altogether, PacifiCorp defined 67 input scenarios 
for portfolio development. These looked at alternative 
transmission configurations, CO2 price levels and 
regulation types, natural gas prices, and renewable resource 
policies. Sensitivity cases examined additional incremental 
costs for coal plants, alternative load forecasts, renewable 
generation costs and incentives, and DSM resource 
availability. Top resource portfolios were determined on the 
basis of the combination of lowest average portfolio cost 
and worst-case portfolio cost resulting from 100 simulation 
runs. Final portfolios were selected after considering such 

Figure 10

Pacificorp Modeling and Risk Analysis Process73

criteria as risk-adjusted portfolio cost, 10-year customer 
rate impact, CO2 emissions, supply reliability, resource 
diversity, and uncertainty and risk surrounding greenhouse 
gas and RPS policies.72 

Figure 10 shows PacifiCorp’s schematic of its modeling 
process. PacifiCorp is one of the only utilities in the 
country that models energy efficiency resources as supply-
side resources, rather than as load modifiers. The utility 
provides the model with specific quantities of energy 
efficiency at given costs, and allows those efficiency 
resources to compete against the other resources from 

Phase 1: Case Definition

Phase 2: Price Forecast 
Development

Phase 3: Optimized 
Portfolio Development

Phase 4: Monte Carlo 
Production Cost Simulation 

Phase 5: Top-performing 
Portfolio Selection

Phase 6: Deterministic 
Risk Assessment 

Phase 7: Preferred Portfolio 
Selection/Acquisition Risk 

Analysis

Optimized 
Resource Portfolios

Final Screen

Electricity prices 
Gas prices 

Emission prices

Planning and Risk Model Runs 
(Three CO2 scenario runs 

per portfolio)

System Optimizer Runs 
(Least-cost dispatch with 
fixed resources for each 
set of case assumptions)

System Optimizer Runs 
(Procurement scenarios)

System 
Optimizer Runs

Initial Screen
Efficient Frontier Portfolios

CO2 Cost 
Assumptions

Gas 
Prices

IPM model runs 
(National)

CO2 cost responses: 
Gas basis differentials 

and SO2 prices

MIDAS model runs 
(Western)

CO2 tax scenarios 
($/ton, 2015-2030):

None, $0, 
Medium, $20 to $62, 

Low to Very High $12 to $95

Stochastic costs, risk, 
and supply reliability 

measures

Core case 
subset

Portfolio cost for 
each case

Core 
Cases

Sensitivity 
Cases

72 Id. Page 153. 73 Id. Page 155.
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which the model is able to select. PacifiCorp’s efficiency 
resource information in its 2011 IRP is based on a 2010 
energy efficiency potential study that provided an estimate 
of the size, type, timing, location, and cost of the demand-
side resources that are technically available in PacifiCorp’s 
service territory. Data for more than 18,000 measures were 
available after the resources were separated by customer 
segment, facility type, and unique EE measures. 

Energy efficiency measures are called Class 2 DSM, 
while capacity-based measures are separated into two 
categories: Class 1 DSM includes dispatchable demand-
response programs, and Class 3 DSM includes pricing 
programs. Focusing on Class 2 DSM measures, PacifiCorp 
consolidated them into nine cost bundles grouped by 
levelized cost for inclusion in the modeling, and 1,400 
supply curves were modeled for the IRP.74 

Energy efficiency measures performed well in the 
modeling, representing the largest resource added through 
2030 across all portfolios with cumulative capacity 
additions exceeding 2,500 MW in the preferred portfolio. 
The inclusion of such large quantities of energy efficiency 
creates huge cost savings to ratepayers. If energy efficiency 
were not included in PacifiCorp’s resource portfolio, the 
utility would have to meet electric load by adding 2,500 
MW of supply-side resources at much greater cost.

Although PacifiCorp’s portfolio modeling process 
is comprehensive and well-executed, system resource 
modeling in general is only as good as the input assumptions 
used to generate the portfolios. The most significant area 
in need of improvement in the PacifiCorp IRP process 
relates to the input assumptions and analysis regarding 
the company’s coal fleet—or, rather, the lack of analysis 
presented on this in the IRP. This lack of analysis began 
during the stakeholder process. In comments that it 
submitted, the Sierra Club states that it actively participated 
in the stakeholder input process, and raised many of the 
issues discussed in those comments. “The company did 
not respond to any requests for data related to the topics 
addressed in these comments, choosing instead to provide 
only a small amount of materials in the final draft, just days 
before the company submitted the final IRP.”75 

PacifiCorp’s 26 coal-fired boilers make up almost two 
thirds of its generation. To keep these units running 
while meeting stricter federal air pollution standards, 

the company would have to spend $1.57 billion in 
environmental capital cost from 2011 to 2020, in addition 
to $1.2 billion that it invested before 2011. Operating costs 
would raise the total cost to customers to $4.2 billion, or 
$360 million on an annual basis by 2030.76 PacifiCorp, 
however, makes no mention of these current compliance 
obligations or any future costs in the 2011 IRP or its 
appendices. The utility failed to disclose the costs that 
would be faced by its coal fleet in its 2011 IRP, and failed 
to do a comprehensive analysis of the economics of each 
of its coal-fired generating units. Absent this analysis, the 
resource portfolios analyzed by the company cannot be 
considered to be truly “optimized.”

It is highly likely that PacifiCorp could add additional 
renewable resources to its portfolio. As discussed above, 
Public Service Company of Colorado had 2,100 MW of 
wind capacity alone on its system at the end of 2012, 
and they are a single utility operating in one state. 
PacifiCorp’s territory covers portions of six states, many 
with large amounts of renewable potential. PacifiCorp’s 
service territory also borders other states with large 
amounts of renewable potential, and the company could 
enter into long-term contracts for renewable energy. The 
company states in the IRP that it commissioned a study 
on geothermal potential, yet its resource portfolio does 
not include any anticipated geothermal energy or capacity 
during the study period.
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IV. Recommendations for 
Prudent Integrated Resource Planning

Prudent integrated resource planning involves both 
the process of creating and sharing the resource 
plan with stakeholders, and the elements that 
are analyzed and included in the plan itself. 

This section provides recommendations, for both the IRP 
process and the resulting resource plan, that are designed to 
result in responsible and comprehensive utility integrated 
resource plans.

A. Integrated Resource Planning Process
Integrated resource planning processes differ from state 

to state. The ideal process begins with the determination 
of the IRP guidelines or rules. Integrated resource planning 
rules were first established in many states in the late 1980s 
or early 1990s; Oregon’s first rules, for example, were 
established by PUC order in 1989. Significant changes have 
occurred since then. During the mid- to late 1990s, electric 
restructuring moved many utilities away from traditional 
resource planning in favor of market-based provision of 
electric supply; and today, climate change, national security, 
and volatility in fuel and commodity markets can make 
it difficult to determine the best way in which to supply 
electricity to consumers. Integrated resource planning rules 
should thus be reexamined periodically, to make sure they 
reflect the current conditions and challenges associated 
with providing reliable electric service at reasonable costs. 

Arizona began the process of changing its rules after 
retail competition was instituted in the state by the 
Corporation Commission—and although the rules took 
over a decade to be revised and put into effect, the current 
regulations have been designed to address the issues that 
are of concern today. When IRP rules are reexamined, state 
commissions should open proceedings that are open to 
the public, and stakeholders should be allowed to offer 
input on the ways in which rules should be revised, as 
well as to review and comment on any draft documents 
that are issued. All three of the state IRP rules examined 
here have gone through this process, and in drafting 

revised rules, each of the state commissions carefully 
considered the feedback offered by interveners and adopted 
recommendations from both public interest groups and 
utilities.

1. Resource Plan Development
Stakeholder group involvement is equally important 

when it is time for a utility to develop its integrated 
resource plan. As was discussed in section III.A., APS 
detailed its stakeholder process in its 2012 IRP. During the 
two-year period that preceded the filing of the plan, the 
utility held various workshops where stakeholders received 
updates on the inputs to be used, and were able to offer 
feedback and even give presentations on these various 
inputs. Stakeholders were also surveyed to determine their 
preferences with regard to the energy resources selected 
by APS. Not only does this stakeholder process inform the 
content of the resource plan that is ultimately filed by the 
utility; it can also help to inform the review process once 
the filing has been made. 

Other states have also recognized the benefits of 
stakeholder involvement in IRP and developed model 
processes. In its Resource Planning Guidelines for Electric 
Utilities, the Arkansas Public Service Commission 
suggests that utilities establish a Stakeholder Committee 
to assist in preparing resource plans that “should be 
broadly representative of retail and wholesale customers, 
independent power suppliers, marketers, and other 
interested entities in the service area.”77 The members 
of this committee would review utility objectives, 
assumptions, and estimated needs early in the planning 
cycle, and would submit a report along with the utility’s 
resource plan. Committee members may also submit 
additional comments to the Commission, which may 
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require the utility to re-evaluate its plan to address these 
comments.78

In Hawaii, IRP rules were designed to attempt to 
maximize public participation in the planning process. In 
each county within its service territory, the utility is required 
to organize advisory groups made up of representatives of 
public and private entities whose interests are affected by the 
utility’s resource plan—including state and county agencies 
and environmental, cultural, business, and community 
interest groups. The rules specify that “(a)n advisory group 
should be representative of as broad a spectrum of interests 
as possible.”79

Whether required by IRP rules or not, it is good practice 
for a utility to convene a stakeholder group, or to hold 
public meetings that are open to all interested parties, 
before creating and submitting its resource plan. These 
meetings are useful both to provide information and invite  
feedback on the input assumptions and the process that the 
utility is using in its resource planning, and to help ensure 
that the resulting plan is relevant and reflects the interests 
of ratepayers and the general public. 

2. Resource Plan Review
Many state utility commissions are quasi-judicial boards 

that rely on the rules of civil procedure and allow for 
participation and intervention from different organizations 
and members of the public (provided they have standing 
in the proceeding, or an ability to assist the commission 
in making decisions). After a utility has filed its resource 
plan, the state PUC should open a proceeding that allows 
stakeholders to review and submit written comments on 
the filing. This feedback should be taken into account 
during the review by the PUC and its staff. Commissions 
should take an active role in assessing the validity of the 
inputs used by the utilities in their filings, the resulting 
outcomes, and whether these are consistent with both the 
IRP rules and the state’s energy policies and goals. 

In Kentucky, for example, the IRP rules specify that once 
a utility’s IRP has been received, the Commission should 
develop a procedural schedule allowing for submission 
of written interrogatories to the utility by commission 
staff and any interveners, written comments by staff and 
interveners, and responses to these interrogatories and 
comments by the utility. The Commission may convene 
conferences to discuss the filed IRP if it wishes to do so. 
Following a review of the plan and intervener comments, 

Commission staff will issue a report summarizing its review 
and offering recommendations to the utility for subsequent 
IRP filings.80

Of the states examined in this report, the Colorado 
PUC has taken on a particularly active role in determining 
whether utility resource choices were in the public interest. 
The PUC did so, for example, in its review of Public Service 
Company of Colorado’s 2010 DSM Plan, when it rejected 
the energy efficiency goals proposed by the company and 
instead asked that the utility adopt goals recommended by 
an intervener—the Southwest Energy Efficiency Project—
that were approximately 130% of the goals in place at the 
time.81 These EE goals were then incorporated into the 
2011 IRP, in the calculation of resource need as one of the 
input modeling assumptions.82

Many states, though not all, require that utility plans 
be available to interveners and/or members of the public 
for review and participation in resource planning dockets. 
This signals to both stakeholders and utilities that the IRP 
process should be collaborative, and that stakeholders 
can and do offer valuable insights and opinions into 
resource planning that should be taken into account by 
utilities when developing their plans. Active oversight 
and participation by the state PUC is critical to ensuring 
that comments and proposals by interveners are reviewed, 
considered fully, and incorporated into utility resource 
plans when reasonable.
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B. Integrated Resource Plans
A good electric system IRP should include, at a 

minimum:

Load forecast
A company’s load forecast (annual peak and energy) 

is one of the major determinants of the quantity and 
type of resources that must be added in a utility’s service 
territory over a given time period, and has always been 
the starting point for resource planning. Projections of 
future load should be based on realistic assumptions about 
local population changes and local economic factors83 and 
should be fully documented. Resource needs can rise or fall 
dramatically over a short period of time, and frequent, up-
to-date load forecasts are necessary for utilities to be able 
to adequately assess the quantity and type of additional 
resources that might be needed in a specific planning 
period. 

In Colorado, for example, at the time of Public Service’s 
CACJA filing in mid-2010, the company was projecting 
a resource need of approximately 1,000 MW by 2018. At 
the time of its IRP filing in October 2011, the projection 
of resource need had dropped to 292 MW as a result of 
the economic recession and the success of DSM and solar 
programs.84 In order to help plan for any future changes 
in load, utilities should model a range of possible load 
forecasts, not just a reference case.

Reserves and reliability
Reliability is typically defined as having capacity equal to 

the forecasted peak demand, plus a reserve margin during 
the hours in which that peak demand is expected to occur. 
Reserve requirements should provide for adequate capacity 
based on a rigorous analysis of system characteristics and 

proper treatment of intermittent resources. The system 
characteristics affecting reliability and reserve requirements 
include load shape, generating unit forced-outage rates, 
generating unit maintenance-outage requirements, 
number and size of the generating units in a region or 
service territory, transmission interties with neighboring 
utilities, and availability and effectiveness of intervention 
procedures.85

Demand-Side Management
Many state IRP statutes or regulations include in the 

definition of integrated resource planning an evaluation 
of energy conservation and efficiency. Even so, “[w]hile 
demand-side resources have always been a conceptual part 
of IRP, in practice they have not always been an important 
focus.”86, 87 As generation from traditional supply-side 
resources is growing more costly and energy efficiency 
measures are becoming less expensive, however, demand-
side alternatives have gained a greater number of advocates 
across the United States. 

Not only is energy efficiency often the lowest-
cost resource available to system planners, it can also 
mitigate a variety of risks, such as that of impending 
carbon legislation and other environmental regulations 
affecting air and water quality. In addition to offsetting 
energy consumption, implementing EE measures can 
lead to a deferral in costly transmission and distribution 
investments.88

In the IRPs of most utilities, demand-side resources are 
included only up to the point that statutory goals are met, 
or mandatory levels of investment are included. Resource 
planners often incorporate the effects of those demand-side 
policies as adjustments (“decrements”) to their forecasts of 
future load requirements. However, 

86 Chupka, M., Murphy D. & Newell, S. Reviving Integrated 
Resource Planning for Electric Utilities: New Challenges and 
Innovative Approaches. Brattle Group. 2008. Page 3.

87 Demand response, which is another type of demand-side 
resource, is considered in utility IRPs even less frequently 
than is efficiency. A full discussion of how demand response 
is included or excluded in IRPs is beyond the scope of this 
report.

88 The Treatment of Energy Efficiency in Integrated Resource Plans. 
Page 15.
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“The best IRPs create levelized cost curves for 
demand-side resources that are comparable to the 
levelized cost curves for supply-side resources. …
By developing cost curves for demand-side options, 
planners allow the model to choose an optimum 
level of investment. So if demand-side resources can 
meet customer demand for less cost than supply-side 
resources, as is frequently the case, this approach may 
result in more than the minimum investment levels 
required under other policies.”89

The three integrated resource plans discussed in this 
report each deal with energy efficiency in different ways. In 
Arizona, the Corporation Commission has set a demand-
side management standard, and each of the portfolios 
analyzed in the IRP from Arizona Public Service assume 
full compliance with that standard.90 Public utilities are 
required to achieve annual energy savings of at least 
22% by 2020, and savings (measured as a percent of 
retail energy sales) should increase incrementally in each 
calendar year prior to 2020.91 In its IRP, APS has calculated 
the number of MWh of energy savings needed to be 
compliant with Commission standards, and has imported 
these targets into the IRP as a load decrement over the 
planning horizon.

Colorado’s Energy Efficiency Resource Standard (EERS) 
was established by Colorado House Bill 07-1037 and 
codified under the Code of Colorado Regulations §40-3.2-
104. The law requires that the Colorado Commission set 
savings goals for energy and peak demand for the state’s 
investor-owned utilities, but specifies minimum savings 
goals of at least 5% of both retail energy sales and peak 
demand from a 2006 baseline. Utilities are required to 

submit DSM plans, which are then reviewed and approved 
by the Commision, or approved with modifications. The 
plan that is ultimately approved may require levels of DSM 
that are higher than the minimum savings goals that have 
previously been established. Similar to APS, in its most 
recent IRP, Public Service took the most recent utility-
specific DSM goals approved by the Commission and 
imported them into the IRP process as a load decrement, 
reducing the resource need over the planning period.

PacifiCorp is subject to EERS requirements in 
Washington and California. In 2006 in Washington, 
voters passed Initiative 937, which requires that electric 
utilities serving more than 25,000 customers undertake 
all cost-effective energy conservation. Beginning in 2010, 
utilities must do an assessment of all the achievable cost-
effective conservation potential in even-numbered years.92 
Alternatively, efficiency targets may be based on a utility’s 
most recent integrated resource plan, provided that plan is 
consistent with the resource plan for the Northwest Power 
and Conservation Council.93 

California Assembly Bill 2021, enacted in 2006, called 
for a 10% reduction in electricity consumption within 
10 years. It also required that the California Energy 
Commission (CEC), California Public Utilities Commission 
(CPUC), and other interested parties develop a statewide 
estimate of all cost-effective electricity savings, develop 
efficiency and demand reduction targets for the next 10 
years, and update the study every three years. Goals were 
developed by the CPUC in 2008 for years 2012 through 
2020, and each of the three investor-owned utilities in the 
state has distinct requirements for electricity savings and 
demand reduction.94 

Northwest ensure an affordable and reliable energy system 
while maintaining fish and wildlife health in the Columbia 
River Basin. One responsibility of the NWPCC is to publish 
a 20-year electric plan that serves as a guide for Bonneville 
Power and its customer utilities in the region. The regional 
plan drives best practices in energy efficiency and is a 
reference against which utility plans may be measured. 
In the Sixth Power Plan, published in 2010, the NWPCC 
recommended that energy efficiency be deployed aggressively 
such that it meets 85% of new demand for electricity over 
the next 20 years.

94 California Public Utilities Commission. Decision 08-07-047. 
Rulemaking 06-04-010. July 31, 2008.
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In California, PacifiCorp is also subject to a separate 
“loading order” requirement that requires utilities to first 
meet growth in energy demand through energy efficiency 
and demand response. Only after all cost-effective demand-
side measures have been taken should the utilities consider 
adding conventional generation technologies.95 PacifiCorp’s 
2011 IRP creates levelized cost curves for demand-side 
resources, as described above and in previous sections, 
and is a good example of this type of energy efficiency 
modeling effort. This type of modeling may be too costly 
to be feasible for some utilities, but it is important that 
consideration of various levels of DSM savings be given in 
integrated resource planning in order to give stakeholders 
confidence that all cost-effective DSM has been included in 
utility resource plans.

Supply options
A full range of supply alternatives should be considered 

in utility IRPs, with reasonable assumptions about the 
costs, performance, and availability of each resource. There 
can be uncertainties regarding the availability and costs of 
raw materials and skilled labor, construction schedules, 
and future regulations. Because these cost uncertainties 
can affect technologies in different ways, it is prudent to 
model a range of possible costs and construction lead times 
for supply alternatives. And because planning periods 
examined in IRPs are typically a decade or more, it is 
also prudent to evaluate supply technologies that are not 
currently feasible from a cost perspective, but may become 
so later in the planning period.

Fuel prices
Coal prices have been on the rise in recent years, and 

natural gas prices have historically been quite volatile. 
Fuel prices can shift as a result of demand growth, climate 
legislation, development of export infrastructure, and 
supply conditions.96 It is thus extremely important to use 
reasonable, recent, and consistent projections of fuel prices 
in integrated resource planning.

Environmental costs and constraints 
Utility IRPs should include a projection of environmental 

compliance costs—including recognition, and evaluation 
where possible—of all reasonably expected future 
regulations. At this time, the EPA has announced several 
upcoming environmental regulations. A final version of the 

Mercury and Air Toxics Standards (the “MATS” Rule) has 
been released, and rules are pending for Coal Combustion 
Residuals (“CCR”), cooling water intake structures under 
the Clean Water Act (“316(b)”), updates to the National 
Ambient Air Quality Standards (“NAAQS”), and new 
Effluent Limitation Guidelines. 

Within the next three to five years, certain generating 
units may also become subject to new requirements under 
the Clean Air Act’s Regional Haze Program, sometimes 
known as the BART rule because it requires installation 
of “best available retrofit technology.” The Cross-State Air 
Pollution Rule, which would have required emissions 
reductions of SO2 and NOx in many states but was vacated 
by the US Court of Appeals for the DC Circuit in 2012, 
may return in a revised form at some point in the future.97 
Finally, greenhouse-gas emissions limits for electric 
generating units may come into effect in the next decade.98 

These rules, both individually and in combination, have 
the potential to dramatically change the electric power 
industry. Utilities, in their IRP filings, need to acknowledge 
these rules and prepare for them as best they can through 
evaluations of emissions allowance costs, emission controls, 
and changes to resource portfolios. Few utilities now 
do this in a comprehensive manner. Of those discussed 
here, APS does the best job in its IRP by providing a 
discussion of each of the rules and its potential impacts on 
APS operations. The process could be improved through 
analysis of different compliance strategy scenarios.

Existing resources
Examination of existing resources in utility IRPs has 

become especially important as the mandated emission 

95 See California Assembly Bills 1890 and 995. Similar loading 
order requirements exist in a few other states. See for 
example Connecticut Public Act No. 07-242, Section 51:  
An Act Concerning Electricity and Energy Efficiency.

96 Reviving Integrated Resource Planning. Page 6.

97 Colburn, K., et al. “Least-Risk Planning: The Homer City 
Decision Increases Uncertainty—but Rewards Forward 
Thinking.” Public Utilities Fortnightly, November 2012.

98 EPA has proposed but not yet finalized greenhouse gas 
emission limits for newly constructed power plants. After 
those rules are finalized, EPA is required under the Clean Air 
Act to develop standards for existing power plants.
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reductions associated with the MATS rule, discussed 
above, have led to utility decisions across the country to 
install pollution control retrofits, repower, or retire their 
coal units. PacifiCorp drew the ire of stakeholders and the 
Oregon PUC by not including this type of analysis for its 
coal-fired units in its 2011 IRP. All types of modifications to 
existing resources should be included in a utility’s analysis 
of the optimum resource portfolio.

Integrated analysis
There are various reasonable ways to model plans, 

generally requiring the use of optimization or simulation 
models. Common models used throughout the industry 
include Strategist, EGEAS, System Optimizer, MIDAS, 
AURORA, PROMOD, and Market Analytics. These models 
are supplied to utilities by various third-party vendors.

It is important that the integrated model does not 
inadvertently exclude combinations of options that deserve 
consideration. This might occur in one of two ways. The 
first is in the instances that future resource portfolios are 
user-defined, rather than selected by an industry model. 
This is one of the criticisms of the Arizona Public Service 
IRP: the use of production cost modeling without an 
optimization component may have resulted in a less than 
optimal addition of supply- and demand-side resources 
over time. 

The second way in which this may occur is if users 
constrain optimization models so that a model may not, 
given the cost, select the quantity of a specific resource that 
it may want. For example, a utility may constrain a model 
in such a way that it is only allowed to add 100 MW of 
wind generation over the resource planning period; but 
depending on the nature of the utility’s electric system, the 

model may want to add additional wind resources. In this 
way, a combination of resources that deserves consideration 
may be excluded.

Time frame
The study period for IRP analysis should be sufficiently 

long to incorporate much of the operating lives of any new 
resource options that may be added to a utility’s portfolio—
typically at least 20 years—and should consider an “end 
effects” period to avoid a bias against adding generating 
units late in the planning period. Arizona rules require 
a 15-year planning period, Oregon a 20-year planning 
period, and Colorado a utility-specified planning period of 
between 20 and 40 years. Of the rules examined here, only 
Oregon explicitly states that an end effects period should be 
considered.

Uncertainty
At a minimum, important and uncertain input 

assumptions should be tested with high and low cases 
to assess the sensitivity of results to changes in input 
values. These assumptions include, but are not limited 
to, load forecasts, fuel prices, emissions allowance prices, 
environmental regulatory regimes, costs and availability 
of demand-side management measures, and capital and 
operating costs for new generating units.99 The types of 
inputs listed are common to most utilities across the United 
States, but there are additional input assumptions that are 
regional or local in nature. 

As discussed in the section on Oregon’s IRP rules, its 
PUC requires utilities to model cases that vary the amount 
of hydroelectric output in the region. Utilities in states like 
Arizona, New Mexico, or Florida may want to examine 

99 Decisions in the face of uncertainty come with degrees of 
risk.  A recent study by CERES entitled, “Practicing Risk-
Aware Electricity Regulation: What Every State Regulator 
Needs to Know (How State Regulatory Policies Can 
Recognize and Address the Risk in Electric Utility Resource 
Selection) concludes that it is “essential that regulators 
understand the risks involved in resource selection, correct 
for biases inherent in utility regulation, and keep in mind 
the long-term impact that their decisions will have on 
consumers and society.  To do this, regulators must look 
outside the boundaries established by regulatory tradition.” 
According to CERES, “risk arises when there is potential 

harm from an adverse event that can occur with some degree 
of probability.”  Risks for electric system resources have 
both time-related (i.e., the possibility that circumstances 
will change over the life of the investment and materially 
affect both the cost of the investment and the degree to 
which it benefits consumers) and cost-related aspects (the 
possibility that an investment will not cost what one expects, 
or that cost recovery for the investment will differ from 
expectations). Practicing Risk-Aware Regulation (April 2012) 
at 20-21  http://www.ceres.org/resources/reports/practicing-
risk-aware-electricity-regulation
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cases that vary the amount of solar output when doing 
long-term planning. Utilities located in arid regions, or 
those owning a significant number of generation assets 
that are dependent on the availability of a water source 
for power plant cooling, may want to analyze scenarios 
where water is scarce or is at too high a temperature to be 
useful for cooling. Individual utilities must determine those 
input assumptions that are subject to variability, and model 
sensitivity cases accordingly to properly account for risks 
and uncertainties that they face.

Performing single-factor sensitivities may not, however, 
be very informative. Many cases may warrant more 
sophisticated techniques, such as probabilistic techniques 
or those that combine uncertainties. “Testing candidate 
resource solutions against scenarios that address the range 
of plausible future trajectories of external factors, and their 
interrelationships, can more effectively support planning in 
an uncertain environment.”100

Valuing and selecting plans
There are often multiple stages of running scenarios 

and screening in developing an IRP, and there are various 
reasonable ways to approach this. Traditionally, the present 
value of revenue requirements is the primary metric that is 
analyzed, and minimized, in utility IRPs. This metric alone 
may not, however, sufficiently address uncertainties. It may 
be useful also to evaluate plans along other dimensions 
like environmental cost or impact, fuel diversity, impact on 
reliability, rate or bill increases, or minimization of risk. 

It is essential that the IRP process be executed in a 
manner that applies the selected metrics in a reasonably 
transparent and logical manner, without inappropriately 
screening out resources options or plans that deserve 
consideration at the next stage. Note also that it is highly 

unlikely that a single resource portfolio will be the best 
choice on every metric evaluated. A resource portfolio that 
performs well across several metrics, but perhaps is not the 
top performer on any single metric, may in fact be the best 
choice for utility planners.

Action plan
Even though IRPs should have a longer study period, 

a good plan will include a specific discussion of the 
implications of the analysis for near-term decisions and 
actions, and will also include specific plans for getting those 
near-term items accomplished. Demand-side measures 
take time to implement, and supply-side resources require 
months or years of lead time to permit and construct. 
Utilities must thus provide a thorough discussion of the 
steps they plan to take to implement, acquire, or construct 
resources that will meet energy and peak demand needs 
in their service territories in the three- to five-year period 
after the plan is filed. The availability of these near-term 
resources has a direct effect on the resources needed 
throughout the remainder of the planning period; so it is 
prudent for the utility to detail the ways in which it will go 
about acquiring the resources described in its IRP.

Documentation
A proper IRP will include discussion of the inputs and 

results, and appendices with full technical details. Only 
items that are truly sensitive business information should 
be treated as confidential, because such treatment can 
hinder important stakeholder input processes.
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V.  Conclusion

Utility integrated resource planning has been in 
effect in various parts of the United States for 
more than 25 years. While some utilities are 
regulated by the original IRP rules developed 

more than a decade ago, many states have updated their 
IRP rules to reflect current conditions and concerns in 
regional and national electricity markets. In states where 
this has occurred, IRPs filed by utilities tend to be more 
comprehensive and to exhibit more of the “best practices” 

in utility resource planning that have been described in this 
report. 

Nonetheless, there are still many ways in which utilities 
can improve both their resource planning processes and 
the plans that are generated as a result of these processes. 
Engaged stakeholders and state public utilities commissions 
can provide oversight to this process, helping to promote 
resource choices that lead to positive outcomes for society 
as a whole.
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Arizona
 Arizona Corporation Commission Decision No. 71722, in 

Docket No. RE-00000A-09-0249. June 3, 2010.101 

Arkansas
 Arkansas PSC. “Resource Planning Guidelines for Electric 

Utilities.” Approved in Docket 06-028-R. January 4, 2007.102 
Rules are currently under review and updates have been 
proposed.

Colorado
 Colorado PUC. 4 CCR 723-3, Part 3: Rules Regulating 

Electric Utilities. Decision No. C10-1111. Docket No. 
10R-214E. November 22, 2010.103

Delaware
 HB 6, the Delaware Electric Utility Retail Customer Supply 

Act of 2006.104

Georgia
 Integrated Resource Planning Act of 1991 (O.C.G.A. § 46-

3A-1), Amended.105

 Georgia Public Service Commission. General Rules. 
Integrated Resource Planning 515-3-4.106

Hawaii
 Public Utilities Commission, State of Hawaii, A Framework 

for Integrated Resource Planning, March 9, 1992.107 

Idaho
 Idaho Public Utilities Commission Order No. 22299, in  

Case No. U-1500-165.108

Indiana
 170 Indiana Administrative Code 4-7-1: Guidelines for 

Integrated Resource Planning by an Electric Utility.  New 
draft rules have been proposed in docket IURC RM 11-07.109

Kentucky
 KY Administrative Regulation 807 KAR 5:058. Integrated 

Resource Planning by Electric Utilities. Relates to KRS 
Chapter 278.110

Louisiana
 Louisiana Public Service Commission Corrected General 

Order. Docket No. R-30021. Decided at the Commission’s 
March 21, 2012 Business and Executive Session.111

Minnesota
 MN Statute §216B.2422.112

 MN Rules Part 7843.113

Missouri
 Rules of Dept. of Economic Development. Division 240 - 

PSC. Chapter 22—Electric Utility Resource Planning (4 CSR 
240.22).115

Montana
 Montana’s Integrated Least-Cost Resource Planning and 

Acquisition Act (§§ 69-3-1201-1206, Montana Code 
Annotated).116 

 Administrative Rules of Montana 38.5.2001-2016, adopted 
by the Montana PSC, for traditional utilities.117 

 Administrative Rules of Montana 38.5.8201-8227, adopted 
by the Montana PSC, for restructured utilities.118 

Nebraska
 Nebraska Revised Statute 66-1060.119

Nevada
 NRS 704.741.120

New Hampshire
 Title XXXIV Public Utilities, Chapter 378: Rates and Charges, 

Section 38: Least Cost Energy Planning.121

New Mexico
 Integrated Resource Plans for Electric Utilities, Title 17, 

Chapter 7, Part 3.122

North Carolina
 North Carolina Utilities Commission Rule R8-60: Integrated 

Resource Planning and Filings.123

North Dakota
 North Dakota PSC Order issued on January 27, 1987 in Case 

No. 10,799. Amended on March 11, 1992 in Case No. PU-
399-91-689.124

Oklahoma
 Title 165: Oklahoma Corporation Commission. Chapter 25: 

Electric Utility Rules, Subchapter 37: Integrated Resource 
Planning.125

Oregon
 Oregon PUC Order No. 07-002, Entered January 8, 2007.126

Appendix: State IRP Statutes and Rules

APPENDIX A



35

Best Practices in Electric Utility Integrated Resource Planning

101 This Decision amends Arizona Administrative Code, Title 
14, Chapter 2, Article 7: Resource Planning. It is available at: 
http://images.edocket.azcc.gov/docketpdf/0000112475.pdf

102 Arkansas guidelines available at: http://www.sosweb.state.
ar.us/elections/elections_pdfs/register/june_07/126.03.07-
003.pdf

103 Colorado PUC Decision available at: https://www.dora.state.
co.us/pls/efi/EFI.Show_Docket?p_session_id=&p_docket_
id=10R-214E

104 Delaware legislation available at: http://legis.delaware.gov/
LIS/lis143.nsf/vwLegislation/HB+6/$file/legis.html?open

105 Georgia annotated code available at: http://www.lexisnexis.
com/hottopics/gacode/Default.asp

106 Georgia PSC rules available at: http://rules.sos.state.
ga.us/cgi-bin/page.cgi?g=GEORGIA_PUBLIC_SERVICE_
COMMISSION%2FGENERAL_RULES%2FINTEGRATED_
RESOURCE_PLANNING%2Findex.html&d=1

107 Hawaii PUC Framework available at: http://www.heco.
com/vcmcontent/Integrated%20Resource/IRP/PDF/IRP_
Framework_052292.pdf

108 Idaho PUC Order available at: http://www.puc.state.id.us/
search/orders/dtsearch.html

109 Indiana Administrative Code available at: http://www.in.gov/
legislative/iac/title170.html

110 Indiana docket RM#11-07 available at: http://www.in.gov/
iurc/2689.htm

111 Kentucky Administrative Regulation available at: http://www.
lrc.ky.gov/kar/807/005/058.htm

112 Louisiana PUC Order available at: Rules from Arizona, 
Colorado and Oregon are described in detail in order to 
demonstrate ways in which states require comprehensive 
planning processes and resource plan outcomes from the 
utilities under their jurisdictions.

113 Minnesota Statute available at: https://www.revisor.mn.gov/
statutes/?id=216B.2422

114 Minnesota rules available at: https://www.revisor.mn.gov/
rules/?id=7843

115 Missouri rules available at: http://www.sos.mo.gov/adrules/
csr/current/4csr/4c240-22.pdf, Final Order of Rulemaking 
was issued on March 3, 2011, as part of the Missouri Public 
Service Commission Rulemaking Case No. EX-2010-0254. 
That amendment is available at: https://www.efis.psc.
mo.gov/mpsc/commoncomponents/view_itemno_details.
asp?caseno=EX-2010-0254&attach_id=2011015905

116 Montana Annotated Code available at: http://data.opi.mt.gov/
bills/mca_toc/69_3_12.htm

117 Montana Administrative Rules available at: http://www.
mtrules.org/gateway/ChapterHome.asp?Chapter=38.5

118 Montana Administrative Rules available at: http://www.
mtrules.org/gateway/ChapterHome.asp?Chapter=38.5

119 Nebraska Statute available at: http://nebraskalegislature.gov/
laws/statutes.php?statute=66-1060

120 Nevada Statute available at: http://www.leg.state.nv.us/nrs/
NRS-704.html#NRS704Sec741

121 New Hampshire Statute available at: http://www.gencourt.
state.nh.us/rsa/html/NHTOC/NHTOC-XXXIV-378.htm

South Carolina
 Code of Laws of South Carolina, Chapter 37, Section 58 37 

40. Integrated resource plans.127 

 Public Service Commission of South Carolina Order No.  
91-885 in Docket No. 87-223-E. October 21, 1991.128

South Dakota
 SL 1977, Ch. 390, § 23. Chapter 49-41B-3.129 

 Administrative Rule Chapter 20:10:21, Energy Facility 
Plans.130 

Utah
 Report and Order on Standards and Guidelines. Docket No. 

90-2035-01. Issued June 18, 1992.131

Vermont
 30VSA Sec 218c - Statute establishing least-cost integrated 

resource planning.132 

 Public Service Board Order of 4/16/1990 initiating the IRP 
progress (Docket No. 5270).133

 Public Service Board Order of 7/16/2002  
(Docket No. 6290).134 

Virginia
 Code of Virginia § 56-597 - § 56-599.135

Washington
 Washington Administrative Code 480-100-238: Integrated 

Resource Planning.136

Wyoming
 Wyoming Public Service Commission Rule 253 (submitted 

July 22, 2009), and associated Guidelines for Staff Review.137
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122 New Mexico PRC Rule available at: http://www.pnm.com/
regulatory/pdf_electricity/irp_electricity.pdf

123 North Carolina PUC Rule available at: http://ncrules.state.
nc.us/ncac/title%2004%20-%20commerce/chapter%20
11%20-%20utilities%20commission/04%20ncac%2011%20
r08-60.pdf

124 North Dakota PSC Order available at: http://www.raponline.
org/docs/RAP_NDElectricResourceLongRangePlanningSurvey 
2005_09_17.pdf

125 Oklahoma Rule available at: http://www.occeweb.com/rules/2
010Ch35ElectricpermanentMasterRuleseff7-11-10searchable.
pdf

126 Oregon PUC Order available at: http://apps.puc.state.or.us/
orders/2007ords/07-002.pdf

127 South Carolina Code available at: www.scstatehouse.gov/
code/t58c037.docx

128 South Carolina PSC Order available at: http://dms.psc.sc.gov/
pdf/orders/DF4FC4A9-EB41-2CB4-D44614AD02D02B8D.
pdf

129 South Dakota Statute available at: http://legis.state.sd.us/
statutes/DisplayStatute.aspx?Statute=49-41B-3&Type=Statute

130 South Dakota Rule available at: http://legis.state.sd.us/rules/
DisplayRule.aspx?Rule=20:10:21

131 Utah Order available at: http://www.airquality.utah.
gov/Public-Interest/Current-Issues/Regionalhazesip/
RegionalHazeTSDdocs/Utah_PSC_Integrated_Planning_
Rules.pdf

132 Vermont Statute available at: http://www.leg.state.vt.us/
statutes/fullsection.cfm?Title=30&Chapter=005&Section=00
218c

133 Public Service Board Orders issued prior to 1996 are not 
available online.

134 Vermont PSB Order available at: http://www.state.vt.us/psb/
orders/2002/files/6290phaseIIextensionorder.pdf

135 Virginia Statute - content begins at: http://leg1.state.va.us/
cgi-bin/legp504.exe?000+cod+56-597

136 Washington Administrative Code available at: http://apps.leg.
wa.gov/wac/default.aspx?cite=480-100-238

137 Wyoming PSC Rule available at: http://legisweb.state.
wy.us/ARULES/2009/AR09-043.htm; Guidelines for Staff 
Review available at: http://psc.state.wy.us/htdocs/electric/
ElectricIRPGuidelines7-10.pdf
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The Regulatory Assistance Project (RAP) is a global, non-profit team of experts focused on the
long-term economic and environmental sustainability of the power and natural gas sectors. We provide
technical and policy assistance on regulatory and market policies that promote economic efficiency,
environmental protection, system reliability, and the fair allocation of system benefits among consumers.
We work extensively in the US, China, the European Union, and India.
Visit our website at www.raponline.org to learn more about our work.
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List of Acronyms 
 

BPA Bonneville Power Administration 

EPA  Environmental Protection Agency  

IRP integrated resource plan  

MW megawatt 

NYSERDA New York State Energy Research and Development Authority  

PM portfolio management 

PUC Public Utility Commission  
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Executive Summary 

An integrated resource plan (IRP) is a long-range utility plan for meeting the forecasted demand for energy within 
a defined geographic area through a combination of supply side resources and demand side resources. Generally 
speaking, the goal of an IRP is to identify the mix of resources that will minimize future energy system costs while 
ensuring safe and reliable operation of the system. 

Thirty-four states currently require some sort of IRP process for electricity planning. Thirteen of those states also 
use IRP processes for natural gas planning. Significant variation exists concerning whether IRPs are acknowledged 
or approved by each state’s public utility commission (PUC) and the authority accorded to the plans. 

In the process of developing an IRP for electricity, planners may consider adding generation capacity, encouraging 
customer-owned generation and combined heat and power facilities, adding transmission and distribution lines, 
reducing line losses in the transmission and distribution system, implementing demand response programs, and 
investing in energy efficiency programs to reduce future demand. Analogous supply side and demand side options 
exist for natural gas planning.  

An IRP can be a powerful impetus for energy efficiency and other demand management alternatives to new 
supply, especially where the planning process is mandatory and overseen by a PUC, because the IRP may require 
utilities to consider demand side resources that benefit ratepayers even if those resources do not benefit utility 
shareholders. The availability of energy efficiency and other demand side resources at very low costs and in 
significant quantities was often ignored in traditional planning processes that focused exclusively on supply side 
resources. 

For an IRP process to successfully encourage all cost-effective energy efficiency, the process must at a minimum be 
built upon credible load forecasts; use credible information about the costs and availability of new generation 
assets, transmission and distribution lines, and demand side measures; and evaluate demand side resources 
equally and fairly in relation to supply side resources. In addition, the very best IRP processes employ most or all of 
the practices in the left-hand column of Table 1. The right-hand column shows resources for more information on 
the best practices. 
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Table 1. Best Practices to Encourage All Cost-Effective Energy Efficiency in an IRP Process 
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Federal and state policies can strongly influence the extent to which IRPs and other similar planning processes are 
used as well as how effective they are at promoting energy efficiency. As of the end of 2009, only six states had 
active policies in place that required fair consideration of demand side resources, not just in electric generation 
planning but also in electric transmission and distribution planning and natural gas planning. In addition to 
considering state policy changes, all stakeholders can seek to improve existing planning processes by replicating 
the best practices described above and by learning from successful examples of IRP processes in other 
jurisdictions. 

IRP processes are not appropriate for all utility types, but alternative planning processes exist to effectively 
promote energy efficiency services in those cases. In the fifteen states that have restructured their electric industry 
to promote retail competition, consumers may choose from whom to buy their power. Regulated distribution 
utilities —as the “default” provider or the “provider of last resort”—are typically responsible for procuring power 
on behalf of consumers who do not choose a competitive generation supplier. Because of the more limited 
responsibilities of utilities in competitive retail markets, comprehensive IRP processes are generally not 
appropriate. Instead, distribution utilities in these markets can effectively promote energy efficiency through at 
least three alternative, but similar, planning processes: 

 One option is for the distribution utility to use a “portfolio management” process for default services, 
whereby energy needs are planned for and procured by evaluating a variety of demand side and supply 
side resources, or energy suppliers are required to include demand side resources in their offers. Under 
this option, only default service customers may receive energy efficiency services.  

 A second option is for the distribution utility to employ a scaled-down version of IRP, where demand side 
resources are evaluated as alternatives to transmission and distribution facilities.  

 The third option is for the distribution utility to be responsible for implementing cost-effective energy 
efficiency programs relative to generation, transmission, and distribution facilities, regardless of the fact 
that generation services are provided through the competitive market. This option can be combined with 
the second option and enables all utility customers to participate in energy efficiency. 

Three successful efforts are summarized to provide examples of best practices.  

 The Northwest Power and Conservation Council developed an IRP in 2010 for the Bonneville Power 
Administration after evaluating the costs and risks of thousands of possible resource portfolios against 
750 different future scenarios, all over a 20-year planning horizon. Through the IRP process, the council 
determined that 85% of its projected growth in demand over the next 20 years can be met through 
energy efficiency. 

 PacifiCorp, a utility serving 1.7 million customers, filed its latest IRP with regulators in six western states in 
2011. This IRP is based on recent (2010) potential studies that developed levelized cost curves for the 
agricultural, residential, commercial, and industrial sectors specific to each state served by the company, 
and here again energy efficiency represents the largest resource added through 2030.  

 Con Edison provides an example of a successful alternative planning process from a distribution utility 
that operates in a competitive retail market. In 2003, Con Edison saw that specific parts of its distribution 
network were approaching capacity limits while load continued to grow. Even though the utility was not 
subject to an IRP or similar planning mandate, managers decided that demand side resources should be 
compared on an equal basis to supply side resources. Following a request for proposals, Con Edison 
contracted with energy service companies that succeeded in procuring 89 megawatts (MW) of targeted 
savings and saved over $223 million in capital expenditures. 
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The Purpose and Use of Integrated Resource Planning 

The National Action Plan for Energy Efficiency (the Action Plan) was developed by a broad group of stakeholders in 
2008 because “improving the energy efficiency of homes, businesses, schools, governments, and industries—
which consume more than 70% of the natural gas and electricity used in the United States—is one of the most 
constructive, cost-effective ways to address the challenges of high energy prices, energy security and 
independence, environmental concerns, and global climate change in the near term.”

1
 The State and Local Energy 

Efficiency Action Network (SEE Action) builds on the foundation of the Action Plan and broadens the effort, with a 
goal of taking energy efficiency to scale and achieving all cost-effective energy efficiency by 2020. The primary goal 
of this paper is to explain how integrated resource planning can serve as an effective tool for promoting energy 
efficiency and other demand side resources. Some of the alternatives to an integrated resource plan (IRP) that 
have proven effective in states with competitive retail markets are also briefly explained. 

What is an Integrated Resource Plan? 

An IRP is a long-range utility plan for meeting the forecasted demand for energy within a defined geographic area 
through a combination of supply side resources and demand side resources.

2
 Generally speaking, the goal of an IRP 

is to identify the mix of resources that will minimize future energy system costs while ensuring safe and reliable 
operation of the system. 

IRP processes are commonly used to analyze alternatives for meeting future demand for electricity. Less 
commonly, IRP processes are used to ensure that adequate, reliable, and affordable supplies of natural gas will be 
available as well. Because the planning process is more complex with respect to electricity, most of the emphasis in 
this paper will be on IRPs for electricity. 

An IRP may be developed by a utility or power marketing administration for its service territory in one or more 
states, by a utility commission for its entire state, or by a regional transmission organization or independent 
transmission system operator (ISO) for a multistate region. In some states, utility plans serve as a blueprint for 
resource acquisition decisions and are subject to approval by the public utility commission (PUC). Plans covering a 
multistate area are more likely to be used for educational purposes only.  

What Kinds of Alternatives are Considered in an IRP? 

In the process of developing an IRP, planners may consider a wide range of alternatives to meet future energy 
needs. For electricity plans, the alternatives can include adding generation capacity, encouraging customer-owned 
generation and combined heat and power facilities, adding transmission and distribution lines, reducing line losses 
in the transmission and distribution system, and implementing demand response programs. But the primary focus 
of this paper is another alternative, which is now included in IRP processes in more than 30 states, and that is 
investing in energy efficiency programs to reduce future demand when it is cost effective to do so. Analogous 
supply side and demand side options exist for natural gas planning.

3
  

In planning to meet future energy needs, nearly all utilities and utility regulators across the country have practiced 
least-cost resource planning for decades. In many cases, these least-cost resource plans exclusively considered 
procurement of supply side resources. The availability of energy efficiency and other demand side resources at 
very low costs and in significant quantities was often ignored in the planning process. An IRP can be very similar to 
a traditional least-cost resource plan, with the distinction that a process or plan that doesn’t consider demand side 
resources is not an IRP. 

                                                 
1 National Action Plan for Energy Efficiency, Vision for 2025: A Framework for Change, available at 
http://www.epa.gov/cleanenergy/documents/suca/vision.pdf.  
2 Demand side resources can include energy efficiency, demand response, and customer-owned generation sized to meet the customer’s 
needs. The term demand side management (DSM) has essentially the same meaning and is commonly used, but that term may hinder one of 
the goals of this paper, which is to encourage planners to treat demand side and supply side resources equally. 
3 Not every IRP considers every alternative listed. The alternatives considered will vary based on state and local regulatory requirements and 
based on what type of entity is developing the plan. 
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Distinction between Uses of IRP as a Regulatory or Non-regulatory Planning Tool 

Resource planning requirements are not consistent across the United States. Some states require utilities to 
develop IRPs, whereas others do not. Planning requirements may be embodied in state statutes, administrative 
rules, or PUC orders. It should also be understood that all utilities do some sort of long-range planning based on 
least-cost procurement of resources, and some may develop an IRP even in the absence of a regulatory 
requirement. Figure 1 indicates those states that have adopted IRP requirements. 

The 34 states shown in blue in Figure 1 require IRP or some sort of similar process for electricity planning. Although 
not indicated on the map, thirteen (13) of those states also use IRP processes for natural gas planning.

4
 

Figure 1. States with integrated resource planning or similar processes5 
 

In states that require some form of IRP, there is significant variation in the role assigned to the PUC. The PUC may 
perform any of the following: 

                                                 
4 Some of the states that do not require an IRP process nevertheless have strong energy efficiency policies. IRP is only one of many effective 
policy tools for encouraging energy efficiency. 
5 Source: http://raponline.org/document/download/id/4447. Because actual requirements vary widely from state to state, readers are 
encouraged to refer to the source document for details. 
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3 

 Develop an IRP based on data provided by utilities 

 Acknowledge receipt of IRPs developed by utilities  

 Approve IRPs filed by utilities, with modifications if necessary 

 Convene an IRP process with opportunities for stakeholders to intervene prior to a PUC decision 

Another area of significant variation is the official status or treatment of an IRP that has been approved or 
acknowledged by a PUC. At one end of the spectrum is Nevada, where PUC approval of an IRP is tantamount to 
approval for the utility to construct or acquire the resources (supply side or demand side) described in the plan.  

More commonly, IRP approval by the PUC does not relieve a utility from the need to ultimately demonstrate that 
its investments are optimal and consistent with the plan given actual (as opposed to forecast) conditions. PUC 
approval may, however, convey a rebuttable presumption that the projects described in the plan are necessary 
and prudent. In Oregon, for example: “Consistency with the plan may be evidence in support of favorable rate-
making treatment of the action, although it is not a guarantee of favorable treatment. Similarly, inconsistency with 
the plan will not necessarily lead to unfavorable rate-making treatment, although the utility will need to explain 
and justify why it took an action inconsistent with the plan.”

6
 Similarly, in Idaho the PUC stated that it would 

"continue to hold that the plans are not to be given the force and effect of law, [but] we presume that utilities 
intend to follow the plans after they have been filed for our acceptance. Deviations from the integrated resource 
plans must be explained. The appropriate place to determine the prudence of an electric utility's plan or the 
prudence of an electric utility's following or failing to follow a plan will be in general rate case or other proceeding 
in which the issue is noticed."

7
 

Finally, there are states in which a PUC-acknowledged IRP serves more as a reference document than as an actual 
plan. In Wisconsin, for example, utility IRPs are not required, but funding levels for mandatory utility investments 
in energy efficiency are determined by the Public Service Commission through a quadrennial planning process. The 
results of that process are then incorporated into biennial, statewide Strategic Energy Assessments developed by 
the Commission with input from utilities and other stakeholders. These assessments evaluate most of the same 
supply, demand, and transmission questions that underlie an IRP. They guide the Commission in a variety of 
general policy discussions, and they provide the public with useful information. But utility supply side resource 
investments are reviewed in separate cases, and Wisconsin statutes ensure that the Strategic Energy Assessments 
have no binding significance in those cases. 

How IRPs Can Promote Energy Efficiency and other Demand Side Resources 

An IRP can be a powerful impetus for promoting energy efficiency and other demand management alternatives to 
new supply. Although the amount of available cost-effective energy efficiency will vary based on local 
circumstances, some quantity will probably always be available at a lower levelized cost per megawatt-hour than 
supply side alternatives.8 Thus, because of this basic economic fact, any planning process that requires utilities to 
consider demand side resources as part of an integrated strategy to meet customer demand is likely to promote 
energy efficiency. This is especially true where IRP processes are mandatory and overseen by a PUC, because the 
IRP requirement may require utilities to consider demand side programs that benefit ratepayers even if the 
programs do not benefit shareholders. In some circumstances, cost-effective energy efficiency measures may even 
be available in sufficient quantities to satisfy all of the projected load growth within the planning timeframe.

9
 

                                                 
6 Oregon PUC Order No. 89-507 at 7. 
7 Order 25260 from Case #GNR-E-93-3. 
8 See, for example, the Lazard estimates presented to the National Association of Regulatory Utility Commissioners in June 2008, available at 
http://www.narucmeetings.org/Presentations/2008%20EMP%20Levelized%20Cost%20of%20Energy%20-
%20Master%20June%202008%20(2).pdf.  
9 The Vermont Energy Investment Corporation, which administers ratepayer-funded programs throughout that state, reported in 2008 that 
energy efficiency measures had for the first time turned load growth negative in 2007. Since very few states even attempt to achieve all cost-
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Approaches for Including Demand Side Resources in an IRP 

Planners can use at least three different approaches for including demand side resources in an IRP. The first two 
approaches incorporate these resources in forecasts of future demand for energy, whereas the third approach 
treats these resources as assets that can be deployed to meet forecasted demand if doing so is less costly than 
deploying supply side resources. 

One way for planners to include demand side resources in the future load forecast is to build in the effects of an 
energy efficiency policy as a defined model input. For example, if a state has a requirement that utilities achieve 
annual energy savings equal to 1% of the prior year’s load, planners can adjust their future demand forecast to 
ensure that the results of the policy are included. This approach is the simplest of the three approaches described 
in this paper and may be the best option in cases where planners have limited information about the costs of 
demand side resources. This approach, however, will not necessarily result in the least-cost resource plan, because 
it presupposes a certain level of demand side resources before evaluating the cost-effectiveness of all options for 
meeting demand. It also will not encourage investments in energy efficiency beyond the minimum level specified 
by the policy. 

A better option for including demand side resources in the future load forecast is to evaluate supply side options 
against multiple load forecasts. For example, planners can develop one forecast based on the minimum level of 
efficiency investments required by state policies, another forecast based on increased investments, and a third 
based on investing in all cost-effective efficiency measures. The costs of “minimum efficiency,” “more efficiency,” 
or “all cost-effective efficiency” are then added to the costs of supply side resources to evaluate plans. This 
approach is preferable to the first option because it allows planners to consider the overall system cost 
implications of different levels of energy efficiency investments; it presupposes, however, that credible 
information is available on the costs of achieving each level of load reduction. 

Finally, planners can develop a forecast of future energy demand that assumes no demand side resource 
investments beyond the ongoing impacts of existing policies and programs. Instead, additional demand side 
investments are treated as resources that can “generate” negative energy and demand at specified costs. Thus, a 
kilowatt of demand or a kilowatt-hour of energy can be served through either demand side resources or supply 
side resources. This approach will not only result in a true least-cost plan and (in most cases) high levels of energy 
efficiency investment, it will also provide useful information about the true value of demand side resources as an 
alternative to supply side resources. This approach would normally be considered the best option, provided that 
cost curves are available for supply side and demand side resources alike.  

Recommendations for Successful Integrated Resource Planning 

The goal of the State and Local Energy Efficiency Action Network (SEE Action) is to achieve all cost-effective energy 
efficiency by 2020. Integrated resource planning is one way to take a comprehensive look at cost-effectiveness. In 
an IRP, the central question is not “does this efficiency measure pay for itself?” but rather “is efficiency likely to be 
less costly than other alternatives for meeting customer demand, taking into account uncertainty and risk?” 

Prerequisites for a Successful IRP 

The process of developing an IRP can be a powerful force for encouraging investment in demand side resources. It 
is perhaps noteworthy that 17 of the top 20 states, in terms of per capita utility investments in energy efficiency, 

                                                                                                                                                             
effective energy efficiency, it is not known how replicable that result might be. Refer to: 
http://eec.ucdavis.edu/ACEEE/2008/data/papers/10_355.pdf.  
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have IRP requirements.
10

 For an IRP process to successfully encourage all cost-effective energy efficiency, however, 
there are certain prerequisites that must be met. 

Credible Load Forecasts 
To begin with, projections of future load should be based on realistic assumptions about local population changes 
and local economic factors. Because of demographic and economic considerations, load growth will vary across 
utility service territories, from state to state within a region, and from region to region across the country. Locally 
relevant data are needed. The load forecast used in an IRP process must also take into consideration policies and 
programs that are already on the books. In states where energy efficiency policies and programs are well 
established and stable, future load growth might look very similar to recent past load growth. But in states that 
have newly adopted demand side policies and programs, estimates of the impacts of those policies and programs 
must be developed and incorporated into future load forecasts. 

Credible Information about Costs and Availability of Resources 
In most cases, planners will determine that load is expected to grow and will find that current supply side and 
demand side resources are not sufficient to meet future energy needs. Additional resources will need to be 
acquired. To determine the types and amounts of resources to acquire, planners need the best possible 
information about the availability and expected costs of new generation assets, transmission and distribution lines, 
and demand side measures. In the case of energy efficiency, it is critically important to have a potential study or 
other assessment in order to know how much demand reduction can realistically be achieved.

11
 

Fair and Equal Consideration of All Resources 
An IRP will not be truly integrated and won’t encourage energy efficiency unless demand side resources receive 
fair consideration. Most investor-owned utilities have the opportunity to earn a return on their investment when 
they build new supply side resources, but not when they purchase or fund demand side resources. Unless the IRP 
process itself is one that requires the utility to treat these resources equally, the utility might have an inherent 
preference for the more profitable supply side resources.

12
 

IRP Best Practices 

The goal of an IRP is to identify the portfolio of resources that performs best with respect to a stated objective, 
such as “minimize net present value system cost while meeting all system reliability requirements,” under a wide 
variety of possible future scenarios.

13
 To maximize the chance of successfully attaining this goal, it is not enough to 

merely satisfy the minimum prerequisites listed above. All of the following ideas can be replicated across the 
country to improve IRP processes. 

Load 
The best IRP processes model a range of possible load forecasts, not just the one most likely forecast (i.e., the 
“reference case”). Probabilities can be assigned to each forecast for risk analysis purposes. This is the most 
straightforward way to acknowledge and address uncertainty about future energy prices, and the induced effect 
on demand, as well as uncertainty about demographic and economic variables. The process need not be 
complicated; for example, planners can develop a low load growth forecast and a high load growth forecast as 

                                                 
10 http://www.cee1.org/ee-pe/docs/Table%206.pdf.  
11 For more information on this topic, see the National Action Plan for Energy Efficiency Guide for Conducting Energy Efficiency Potential 
Studies, available at http://www.epa.gov/cleanenergy/energy-programs/suca/resources.html.  
12 The National Association of Regulatory Utility Commissioners has long recognized the importance of overcoming a utility’s inherent 
disincentive to invest in energy efficiency, adopting a resolution in 1989 to “reform regulation so that successful implementation of a utility’s 
least-cost plan is its most profitable course of action.” For more information on this topic, see the National Action Plan for Energy Efficiency 
Aligning Utility Incentives with Investment in Energy Efficiency, available at http://www.epa.gov/cleanenergy/energy-
programs/suca/resources.html. 
13 Because the optimum portfolio may vary from one scenario to the next, planners seek to identify a robust portfolio that performs relatively 
well across all scenarios. 
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alternatives to their reference case, making use of low-end and high-end estimates of local load growth in industry 
or government reports.

14
  

Generation Resources 
Rather than using only a single reference value for the assumed cost and availability of each generation 
technology, the best IRP processes model a range of possible costs, considering uncertainties in the availability and 
costs of raw materials and skilled labor, construction schedules, and future regulations. A good IRP process will 
consider multiple scenarios entailing a range of possibilities.  

Transmission and Distribution Resources 
Some IRPs do not evaluate these resources on a comparable basis to generation or demand side resources. The 
best IRPs, however, not only consider new lines as a possible resource but also consider distribution system 
improvements as a way to reduce line losses and reduce the need for generation. 

Energy Efficiency and Other Demand Side Resources 
In many IRP processes, demand side resources are considered only to the extent that mandatory investments or 
standards are factored into future load forecasts. The very best IRPs either supplement this approach or take a 
completely different approach. Specifically, the best IRPs create levelized cost curves for demand side resources 
that are comparable to the levelized cost curves for supply side resources.

15 
In the case of energy efficiency, these 

curves should be derived from recent, local potential studies developed consistent with the Action Plan Guide for 
Conducting Energy Efficiency Potential Studies.

16
 Developing a locally specific potential study may be more costly 

than applying the results from a potential study for a broader geographic area, or a nearby area, but it can also 
produce data of much higher quality and value. By developing cost curves for demand side options, planners allow 
the model to choose an optimum level of investment.

17
 So if demand side resources can meet customer demand 

for less cost than supply side resources, as is frequently the case, this approach may result in more than the 
minimum investment levels required under other policies. 

Model 
All IRP efforts use simulation models to identify a least-cost (in terms of net present value) resource portfolio 
based on assumptions about the future values of variables, i.e., the reference case. In most cases, planners will 
then evaluate multiple alternative scenarios, with each scenario representing a different set of assumptions about 
some of the model inputs that have more uncertain future values. This consideration of multiple scenarios allows 
planners to identify a portfolio of resources that has low costs across most or all scenarios, instead of 
automatically choosing the one portfolio that looks best under the reference case. The very best IRP efforts, 
however, take this idea even further. The best efforts use simulation models that evaluate the cost and risk of 
multiple possible portfolios under dozens or even hundreds of future scenarios. Risk, in this context, might be 
measured by looking at how often each portfolio ends up being one of the most expensive of all the portfolios. 
With this kind of modeling, planners can choose a resource portfolio that is “robust” in the sense that its average 
cost across all scenarios is low, and in very few scenarios does it fare much worse than other possible portfolios.  

                                                 
14 Note that the multiple load forecasts described here are based solely on different economic and demographic assumptions for the 
geographic area covered by the IRP. Variations in load that might arise from assumptions about demand side investments will be discussed 
separately. 
15 Recent experience with energy efficiency cost curves indicates that the costs of some measures can vary significantly depending on program 
design and delivery methods. For example, the cost of an integrated, whole-building approach to energy efficiency retrofits may differ from the 
aggregated costs of discreet building efficiency measures. Economies of scale may also affect cost curves. Planners and other stakeholders 
should seek to understand any assumptions about program design, delivery, or scale that are built into the cost curves. 
16 http://www.epa.gov/cleanenergy/documents/suca/potential_guide.pdf.  
17 Potential studies will normally distinguish between the technical or theoretical potential for energy savings, the economic or cost-effective 
potential, and the achievable potential considering real-world practicalities. Determining what level of savings is realistically achievable can be a 
contentious issue. If the cost curves are based on technical or economic potential, the model may identify an optimum level of investment that 
exceeds achievable potential. In this case, planners may feel that it is necessary to include a suboptimal level of energy efficiency in the 
portfolio, whereas some stakeholders may feel that such a decision undermines the results.  
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Environmental Regulations 
Rather than assuming that the regulatory landscape never changes, or assuming that future regulations are utterly 
predictable, the best IRPs are developed after considering a range of possible future regulations. For example, the 
Environmental Protection Agency (EPA) is currently considering whether to regulate coal ash as a hazardous waste. 
If EPA does so, the cost of disposing coal ash may be significantly greater than otherwise. Another obvious example 
relates to the stringency of future federal or state greenhouse gas regulations. These regulations will make fossil 
fuel generation more expensive in at least some cases, but it is too early to know which sources will be affected 
and how costly it will be to comply. Although planners cannot know for sure what future regulations will be 
implemented, the best efforts assess the potential costs of a range of possibilities and consider those costs in their 
modeling. 

Stakeholder Participation 
The best IRP processes provide opportunities for consumer advocates and other stakeholders to review the 
modeling assumptions and the list of scenarios to be modeled and suggest changes or additions. These 
stakeholders frequently identify problems and opportunities that planners may have overlooked. Furthermore, 
stakeholders should have the chance to review modeling results before the IRP is finalized and (where applicable) 
approved by regulators. In general, the entire process should be conducted with a reasonable level of 
transparency, while of course respecting any confidential utility information that is included. Without transparency 
and stakeholder participation, public confidence in the IRP may be in jeopardy, and this could have negative 
ramifications when the plan is implemented. 

Scale 
With few exceptions, utilities operate within the context of a regional electricity grid where the cost and value of 
supply side and demand side resources cross service territories and state boundaries. The optimal way to meet 
customer demand for an entire regional electricity grid is likely to be different from what appears to be optimal 
when planning occurs only at the utility or state level. Because of this simple fact, regional resource planning 
represents another best practice, provided that it is done in a way that complements rather than supersedes more 
localized planning. 
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The Impact of Applying IRP Best Practices 

An IRP process that is based on the best practices described above is very likely to result in the selection of a 
portfolio that includes a substantial amount of energy efficiency, if not all cost-effective efficiency. There are two 
factors above all others that lead to that result. First, some amount of energy efficiency is virtually always 
achievable at a cost that is less expensive than new generation resources. When given a chance to compete on a 
fair basis with supply side resources, those energy efficiency measures will emerge as a preferred resource on cost 
alone. In fact, any IRP process that does not allow demand side resources to compete fairly is unlikely to identify a 
true “least-cost” portfolio. Second, the models that evaluate risk tend to find that demand side resources are much 
less risky than supply side options.  

Finally, it is important to note that an IRP process that fairly considers demand side resources will help planners 
and stakeholders see those resources in a new light. For many utilities, investments in energy efficiency get 
expensed and end up as a rider on retail rates. It is typical and understandable in these cases for some 
stakeholders to resist such investments on the argument that retail rates will increase in the near term. What the 
best IRP processes do, however, is demonstrate in a rigorous fashion that investments in energy efficiency can play 
a large role in the “least-cost” resource portfolio for the long term. In other words, when energy efficiency is 
treated as an add-on to the resource portfolio, via a rider added to the base rates, it appears to be unfavorable 
from a “least-rate” perspective. But when efficiency is treated as an integrated part of the resource portfolio via an 
IRP, it proves to be preferable from a more comprehensive “least-cost” perspective. 

Federal and State Policies that Create a Supportive Framework for Best Practice IRPs 

A number of states have adopted public policies – through statute, regulation, or PUC order – that require utilities 
or some other entity to engage in IRP or similar planning processes. In addition, federal laws and policies include 
similar requirements for some federally established regional power authorities. 

One of the metrics used to measure progress in implementing the Action Plan Vision for 2025 is to identify 
whether states have adopted policies that recognize energy efficiency as a high-priority resource. More 
specifically, progress is measured based on whether state policy requires energy efficiency to be integrated into an 
active IRP, portfolio management (PM), or other planning process; whether energy efficiency is procured as a 
resource for default service/standard offer customers in restructured markets; and whether energy efficiency is 
considered as an alternative to transmission based on a long-term transparent integrated resource planning or 
transmission system plan.

18
 

As of the end of 2009, only six states had active policies in place that required fair consideration of energy 
efficiency not just in electric generation planning, but also in electric transmission and distribution planning and 
natural gas planning: California, Montana, Oregon, Utah, Washington, and Vermont.

19
 In terms of the 

comprehensive scope of the planning mandate, these states stand out as leaders in policy adoption. This does not 
necessarily mean that the IRP processes mandated in these states always conform to best practices. It may also be 
that the IRP processes in some other states are less comprehensive in scope but conform to best practices. 

A good example of federal policy affecting regional power authorities is the Pacific Northwest Electric Power 
Planning and Conservation Act of 1980, which gives an even more powerful boost to demand side resources in 
planning processes. That law requires the Northwest Power and Conservation Council to develop IRPs that don’t 
merely put demand side resources on an even footing with supply side resources but make energy efficiency the 
highest-priority resource for meeting electricity demand and assign it an assumed 10% cost advantage over supply 
side resources. 

                                                 
18 Refer to Appendix D at http://www.epa.gov/cleanenergy/documents/suca/vision.pdf.  
19 Again refer to http://www.raponline.org/Feature.asp?select=116.  
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Alternatives to IRP in States with Competitive Retail Electricity Markets 

In the United States, individual states are sometimes referred to as having “restructured” or “competitive” retail 
electricity markets if the state allows consumers to choose from whom to buy their power.

20
 Prior to restructuring, 

which began in the 1990s, consumers across the country had no choice but to buy electricity from their local 
electric utility, whose rates reflected the cost of generating (or purchasing) power as well as transmission and 
distribution costs. This is still the norm in the majority of states. But now, in restructured states, companies 
compete to serve the power needs of consumers, and the role of the utility is limited to delivering power from the 
supplier of choice to the consumer.

21
 

In competitive retail markets, distribution utilities have an obligation to serve customers regardless of which 
supplier the consumer chooses. The investments, expenditures, and rates of distribution utilities are still regulated 
by PUCs, but those of competitive suppliers are not. In addition, distribution utilities are also required in most 
restructured states to offer “default service” to customers who, for whatever reason, do not actually choose a 
supplier or cannot obtain service from a competitive supplier.

22
 The prices and terms of this default service are 

also regulated by the PUC. 

Because of the more limited responsibilities of utilities in competitive retail markets, comprehensive IRP processes 
are generally not appropriate. Instead, distribution utilities in these markets can promote energy efficiency 
through at least three different alternative processes, described below. 

One option is to consider energy efficiency as part of a default service PM process. In recent years, the term 
“portfolio management” has been used in the electric industry to describe approaches that can be used by 
distribution companies to plan for and procure default services by purchasing a mix of supply side and demand 
side resources, using contracts with varying terms. The concept of PM as applied to default services is based on the 
concept of portfolio management for financial investments; i.e., it is based on the theory that a balanced portfolio 
is likely to reduce the customer’s risk relative to placing all financial investments (or power purchases) into a very 
small, undiversified portfolio. In the context of power purchases, a balanced portfolio might mean, for example, (a) 
a mix of demand side and supply side resources; (b) a mix of short-term, medium-term, and long-term contracts; 
(c) a mix of fixed price contracts and indexed contracts; and (d) renewable contracts with fixed prices and fewer 
environmental risks. PM is based on the concept that many customers purchasing default service are not able or 
are not likely to switch to competitive retail suppliers, and, therefore, the distribution company has an obligation 
to provide those default customers with safe, reliable, low-cost power at stable prices. PM planning practices can 
resemble IRP practices in many ways, particularly in the way that demand side resources are compared on an 
equitable basis with supply side resources. Eight states with competitive retail markets currently require 
distribution utilities to procure energy efficiency as a resource for default service customers. In four of those 
states—Ohio, Delaware, Connecticut and Rhode Island—a PM or IRP approach is specifically required.

23
 Under this 

option, only default service customers may receive energy efficiency services. 

Another option is to employ IRP practices to transmission and distribution facilities only. Distribution companies 
need to ensure that they can provide low-cost, reliable transmission and distribution services to their customers, 
regardless of whether they provide any form of generation service. Some utilities may view this obligation entirely 
from a perspective of the need to build, maintain, and operate distribution lines and substations. But an increasing 
number of distribution utilities are adopting IRP or planning practices where demand side resources are seen as a 

                                                 
20 Fifteen states plus the District of Columbia currently have competitive retail markets. Refer to 
http://www.eia.gov/cneaf/electricity/page/restructuring/restructure_elect.html. In half of these restructured markets, some form of IRP or an 
alternative process is mandatory, whereas more than two-thirds of the unrestructured states require some form of planning. 
21 In nearly all cases in the United States, customer service and billing is managed by the distribution utility. The utility purchases power from 
the competitive supplier and adds that cost to its own costs on the consumer’s bill. 
22 Depending on the state, default service may be called “standard offer,” “provider of last resort,” or “basic generation service.” 
23 Based on Action Plan Policy Grid Updates compiled by Regulatory Assistance Project through 2009. Refer to 
http://www.raponline.org/Feature.asp?select=116.  
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potential alternative to transmission and distribution facilities. One example of this, from Con Edison in New York, 
is summarized in the section “Examples of Successful IRP or Alternative Planning Efforts” below.  

A third option is for the distribution utility to be given full responsibility for implementing all energy efficiency 
resources that are cost-effective relative to generation, transmission, and distribution facilities. Although the 
distribution utility may have a limited role or no role at all in providing generation services (through default 
service), it is still considered appropriate for them to implement the energy efficiency associated with avoided 
generation costs as well as avoided transmission and distribution costs, because they are in the best position to 
implement those efficiency resources. Distribution companies can utilize a system benefits charge applied to all 
distribution customers, provide efficiency services to those same distribution customers, and act as a centralized, 
regulated agency with the public policy mandate to achieve all of the energy efficiency that is cost-effective for 
those customers. This approach has been used very successfully in California and Massachusetts, for example. It 
can be combined with the second option, and it enables all utility customers to participate in energy efficiency. 

In the case of a distribution utility operating in a competitive retail market, some of the IRP best practices 
described above will not always be fully applicable. What matters, however, is that the utility takes an integrated 
approach where demand side resources have the opportunity to compete on a cost and risk basis with supply side 
and transmission and distribution assets.

24
 

Examples of Successful IRP or Alternative Planning Efforts 

Three very different examples of successful IRP efforts are noted below. They are presented to illustrate some of 
the concepts and all of the best practices described in this white paper. The processes and the results of these 
efforts will only be briefly summarized, but interested readers are encouraged to delve deeply into the documents 
referenced in footnotes for more detail and illumination. 

Northwest Power and Conservation Council 

As previously noted, the federal Pacific Northwest Electric Power Planning and Conservation Act of 1980 requires 
the Northwest Power and Conservation Council, a regional planning organization, to develop IRPs for the BPA that 
don’t merely put demand side resources on an even footing with supply side resources but make energy efficiency 
the highest-priority resource for meeting electricity demand and assign it an assumed 10% cost advantage over 
supply side resources. These plans have a profound effect on the operations of BPA in Washington, Oregon, Idaho, 
and Montana.

25
 

The council adopted its Sixth Northwest Conservation and Electric Power Plan in February 2010 at the end of an 
IRP process that began in December 2007.

26
 This plan provides an excellent example of all of the IRP best practices 

noted in this paper. 

To begin with, the council acknowledged uncertainty about demographic and economic variables by developing 
three separate forecasts of future load—a baseline case as well as “high-” and “low-” growth cases. Planners also 
tested how sensitive their results were to a range of possible adoption levels for electric vehicles. 

Detailed information was then developed about the levelized costs of generation, transmission, distribution, and 
energy storage resources, including consideration about cost uncertainties. Energy efficiency resource potential 

                                                 
24 From the perspective of state policymakers, it can be uncomfortable to feel no control over the resource mix serving the state. This has led 
restructured states like Illinois, Maryland, and New Jersey to consider initiatives that would give the state some role in resource planning and 
acquisition. 
25 The council is funded by wholesale power revenues from the BPA, the federal agency that markets the electricity generated at federal dams 
on the Columbia River. 
26 http://www.nwcouncil.org/energy/powerplan/6/final/SixthPowerPlan.pdf.  
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was estimated for the agricultural, residential, commercial, and industrial sectors, as well as for utility distribution 
systems and consumer electronics. Levelized cost curves were produced for each resource category. 

The council’s IRP included an evaluation of the costs and risks of thousands of possible resource portfolios against 
750 different future scenarios, all over a 20-year planning horizon. This analysis included consideration, for 
example, of many different scenarios for the cost of complying with greenhouse gas regulations—ranging from no 
regulation ($0 per ton of carbon dioxide emitted) to $100 per ton emitted. 

Finally, the planning effort was regional in scale, meetings were open to the public, documents were available on a 
Web site, and stakeholders were given the opportunity to review and comment on a draft plan before final 
decisions were made. 

Through the IRP process, the council determined that 85% of its projected growth in demand over the next 20 
years can be met through energy efficiency. On average, the council expects energy efficiency investments to cost 
just half as much as comparable supply side investments. The approved IRP includes 1,200 MW of energy 
efficiency savings in the first five years, and 5,900 MW over 20 years – the most aggressive targets in the nation. 

The council has good reason to be confident that the Sixth Plan is not overly optimistic. Its evaluation of efficiency 
efforts from 1980 through 2008 found that nearly 4,000 MW of savings had been achieved, cutting demand 
growth in half and saving consumers $1.8 billion on electric bills.  

PacifiCorp 

PacifiCorp is a large utility serving 1.7 million customers in six western states. Five of those states—Utah, 
Washington, Oregon, Idaho, and California—require utilities like PacifiCorp to file an IRP with the state PUC. 
Wyoming is an unusual case in that it requires utilities to file an IRP with the PUC only if the utility is required to file 
an IRP in another state, as is the case for PacifiCorp. So this company files its IRP in all six states. 

In March 2011, PacifiCorp filed its 11
th

 IRP with state regulators.
27

 Although it is too soon to know how the latest 
plan will be received by regulators, the planning process offers a good illustration of some of the best practices 
noted in this paper.  

PacifiCorp, like the Northwest Power and Conservation Council, developed a baseline load growth forecast, along 
with low-growth and high-growth forecasts. For supply side resources, the company developed separate cost data 
for the eastern and western parts of its territory.  

In terms of demand side resources, the IRP is based on recent (2010) potential studies that developed levelized 
cost curves for the agricultural, residential, commercial, and industrial sectors. The cost information is specific to 
each state served by the company. The IRP process undertaken by PacifiCorp is also interesting because in most of 
its service territory it administers energy efficiency programs, whereas in Oregon those programs are administered 
by a third party. Consequently, PacifiCorp used a hybrid approach to evaluating energy efficiency potential, 
combining data from the Energy Trust of Oregon with a separate potential study it commissioned for the rest of its 
territory. 

PacifiCorp defined 67 separate scenarios for portfolio development, covering a range of alternative transmission 
configurations, greenhouse gas regulation costs, natural gas prices, renewable energy requirements and costs, 
load forecasts, and demand side resource availability. Each portfolio was modeled using three natural gas price 
forecasts. PacifiCorp then ran 100 simulations before selecting a preferred portfolio, based on low average cost 
(across runs), low worst-case cost, and other considerations. 

PacifiCorp provided numerous opportunities for stakeholder input into the IRP. Five meetings and three 
conference calls were open to the public. To encourage broad participation, meetings were held jointly in Salt Lake 
City and Portland, with telephone and videoconference access as well. 

                                                 
27 The 2011 Plan and the approved plan from 2008 are available at http://www.pacificorp.com/es/irp.html. 
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Finally, it is worth noting that PacifiCorp’s IRP had a regional perspective; it was not an aggregation of six different 
state-specific plans. 

The results of PacifiCorp’s 2011 IRP are eye-catching. Energy efficiency represents the largest resource added 
through 2030 across all portfolios, with cumulative capacity additions exceeding 2,500 MW in the preferred 
portfolio. The preferred portfolio also adds over 250 MW of demand response in the first five years.  

Con Edison 

Con Edison is an electric distribution utility in the New York City area that operates in a competitive retail market. 
In 2003, Con Edison saw that specific parts of its distribution network were approaching capacity limits while load 
continued to grow. Building new lines and substations promised to be an incredibly expensive engineering 
challenge. Instead, building on its experience delivering broad-based energy efficiency programs, Con Edison 
launched a targeted demand management program focused on the nearly overloaded portions of its network. 
Even though the utility was not subject to an IRP or similar planning mandate, managers decided that demand side 
resources should be compared on an equal basis to supply side resources. The decision was made that wherever 
energy efficiency proved to be more cost-effective than transmission and distribution system infrastructure 
investments, efficiency would be implemented as the one and only solution. 

Con Edison’s planners began by estimating potential future peak loads throughout the network. A plan was 
created to address any forecasted shortfalls at the transmission, subtransmission, and area substation levels 
through load relief projects, e.g., by installing transformer cooling or an entirely new substation. Planners 
estimated the cost of each such project and then issued a request for proposals for energy efficiency services 
targeted to address the same shortfalls. Where viable bids were received at a cost less than the cost of the 
infrastructure project, energy efficiency was procured through a contract. Otherwise, the infrastructure project 
was executed.  

Over the five years that followed, Con Edison contracted with energy service companies that succeeded in 
procuring 89 MW of targeted savings at a benefit/cost ratio of 2.8. These efforts saved the utility over $223 million 
in capital expenditures.

28
 This example shows the value that utilities in competitive retail markets can derive from 

an IRP or similar planning process that values demand side resources, irrespective of any obligation to provide 
generation service. It is also a good example of best practices for looking at transmission, distribution, and demand 
side solutions in an integrated fashion. 

Interaction of IRP and Alternative Planning Processes with Other Energy 
Efficiency Policies and Program Designs 

The implementation of a best practice IRP process is compatible with mandatory energy savings targets, and it 
remains relevant in states where utilities do not administer energy efficiency programs.  

IRP Processes in States with Mandatory Energy Efficiency Goals or Mandatory Demand 
Response Programs 

In states that have mandatory demand side goals or programs, planners have options for how to develop an IRP 
that have already been mentioned. One good option is to include the effects of the mandates in load forecasts and 
then allow the model to consider supplemental demand side resources as an alternative to supply side resources. 
With this approach, it may be necessary to develop levelized cost curves that acknowledge potential differences 
between the mandated programs and the supplemental resources. An even better option is to include none of the 
demand side resources in the load forecasts but apply a single set of levelized cost curves to all the scenarios and 

                                                 
28 http://eec.ucdavis.edu/ACEEE/2010/data/papers/2059.pdf.  
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let the model determine the optimum level of investment. This approach can provide helpful insights to planners 
and policymakers, such as insights on which measures are most valuable in terms of total system costs. For 
example, this approach may reveal situations where a resource that reduces demand during peak hours, or in an 
area of congested transmission, is more valuable in terms of total system cost than a less expensive measure that 
saves an equal amount of energy in a different time or place.

29
  

IRP Processes in States with Third Party-Administered Energy Efficiency Programs 

Some mandated energy efficiency programs are not administered by utilities but instead by a state entity or a third 
party that manages funds collected from utility ratepayers and/or taxpayers. New York offers the best known 
example of a state-run program, while Oregon, Vermont, and Hawaii offer examples of states that contract with a 
nongovernmental third party. Depending on the state, utilities may be specifically authorized to fully or partially 
opt out of the centralized program and administer their own program, or they may be authorized to supplement 
the centralized program with their own efforts.

30
 

An IRP or PM process in these states need not be much different from those in states where utilities manage all of 
the energy efficiency programs. One difference is that planners will benefit from involving the program 
administrator in the development of model inputs, certainly with respect to cost curves and possibly with respect 
to load forecasts as well. For example, in Vermont the organization that currently administers efficiency programs 
(Vermont Energy Investment Corporation) also develops energy efficiency potential studies, which are a key input 
used by utilities in developing their mandatory IRPs. Another, more significant, difference may come if and when 
the IRP is implemented. If the IRP identifies an optimum portfolio that includes more energy efficiency than is 
mandated, a decision will need to be made as to whether the additional resources will be acquired by the utility 
independently or through the centralized program administrator. 

Conclusion  

IRP processes can stimulate investment in energy efficiency and other demand side resources by allowing those 
resources to compete on a fair and equal basis with supply side resources. The best IRP processes consider a range 
of possible values for the future cost and availability of all types of resources, as well as a range of possible future 
scenarios for demographic, economic, and regulatory changes.   

IRP processes are most often found in states that have not introduced retail electric competition, where it is 
mandated by the legislature or PUC. In states with competitive retail markets, similar planning processes can be 
used to encourage distribution utilities to evaluate demand side and supply side resources on a comparable basis. 

State policymakers can promote the Action Plan goal of all cost-effective energy efficiency by adopting IRP, PM, or 
other similar planning requirements where they do not currently exist or by improving existing planning processes 
to conform to best practices. 

Additional Resources 

The resources listed below may be useful to assist stakeholders with the integrated resource planning issues 
outlined in this paper.  

                                                 
29 Compare the relative impacts of an efficient air conditioner and an efficient light bulb. In terms of meeting a mandatory goal for energy 
savings, each kWh saved from each measure looks the same. But a resource planning perspective can reveal that a kilowatt-hour saved by the 
air conditioner on a hot summer day, when electric demand and costs are highest, is worth more than a kilowatt-hour saved by the light bulb 
on a cool fall evening, when demand and costs are low.  
30 In New York, responsibility for administering mandated programs is shared by NYSERDA (New York State Energy Research and Development 
Authority) and utilities. Hybrid models of shared responsibility are found in a few other states, and no states currently have a 100% 
government-administered program. 
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Webinar 

Messenger, M.; Eckman, T. (August 2010). “Integrating the Impact of Energy Efficiency Programs into Resource 
Planning.” Hosted by the Regulatory Assistance Project. 
http://go.webpresentnow.com/2753647/vmeetings/7193406/viewer.php?&user=Mike%20Messenger&brand_url
=http://go.webpresentnow.com.   

Publications 

National Action Plan for Energy Efficiency (November 2007). Guide to Resource Planning with Energy Efficiency. 
Prepared by Snuller Price et al., Energy and Environmental Economics, Inc.  
www.epa.gov/cleanenergy/documents/suca/resource_planning.pdf. 

Steinhurst, W.; White, D.; Roschelle, A.; Napoleon, A.; Hornby, R.; Biewald, B. (October 2006). “Energy Portfolio 
Management: Tools and Resources for State Public Utility Commissions.” Cambridge, MA: Synapse Energy 
Economics. www.naruc.org/Publications/NARUC%20PM%20FULL%20DOC%20FINAL1.pdf.  

SEE Action Driving Ratepayer-Funded Efficiency through Regulatory Policies Working Group. (September 2011). 
Setting Energy Savings Targets for Utilities. 
www1.eere.energy.gov/seeaction/pdfs/ratepayer_efficiency_targets.pdf.  
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The Driving Ratepayer-Funded Efficiency through Regulatory Policies Working Group of the State and Local Energy Efficiency Action Network 
is committed to taking action to increase investment in cost-effective energy efficiency. This document was developed under the guidance of 
and with input from the working group. The document does not necessarily represent an endorsement by the individuals or organizations of 
Driving Ratepayer-Funded Efficiency through Regulatory Policies Working Group members or the federal government. However, the working 
group members do urge consideration of these materials as they believe that the information contained within will promote the deployment of 
cost-effective energy efficiency. 
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Mr. Phillip O. Ellis 
Strategic Analysis & Government Affairs 
Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, FL 32399-0850 
pellis@psc.state.fl.us 
 
CC: Traci Matthews 
tmatthew@psc.state.fl.us 
 
Re: Comments on 2013 Ten-Year Plan Submittals 
 
Dear Mr. Ellis and Ms Matthews: 
 
Thank you for accepting these comments on behalf of the Sierra Club and its nearly 27,000 Florida 
members and on behalf of Earthjustice.  We appreciated the opportunity to participate in the Public 
Service Commission (PSC)’s Ten-Year Plan review process in 2012, and are happy to continue our 
participation this year. 

 
In last year’s comments,1 we asked that the PSC consider the implications of the retirement of Duke 
(then Progress) Energy’s Crystal River Units 1 & 2, and of Gulf Power’s Lansing Smith Units 1 & 2.  
We advised the PSC that the units had significant environmental compliance obligations which 
rendered them noneconomic to run in the near-term, but that neither company had included full 
analysis of that possibility in its submittal.   

 
We appreciate that the PSC addressed these retirement issues in its review of the 2012 plans. See, e.g., 
PSC, Review of the 2012 Ten-Year Site Plans (“2012 Review”) at 3.  We respectfully submit that that 
analysis should continue in further depth this year because both utilities have now confirmed our 
retirement predictions from last year.  Duke has committed to retiring Crystal River 1 & 2 for 
economic reasons and Gulf, though it has not made a final decision, has deferred further 
environmental compliance work on Lansing Smith and has requested PSC approval for transmission 
upgrades which would allow for Lansing Smith 1 & 2 to shut down. 

 
In its review, the PSC assumed that the capacity of these retiring units would be replaced by natural 
gas, which would increase natural gas’s share in Florida’s  electric generation to 62.9% by 2022 (up 
from 56.7% without the retirements, and from 57.7% in 2011). Id.  The PSC states that it views “the 
growing lack of fuel diversity” within Florida as a “major strategic concern.” Id. at 39.  Although we 
certainly welcome the retirements of these dangerous coal plants, we share this fuel diversity 
concern: Undue dependence on natural gas leaves the state overly vulnerable to fuel price volatility, 
even as potential LNG exports and other shifts in the gas market seem likely to increase gas prices in 
the medium term.  For this reason, we strongly suggest that the PSC consider planning scenarios 
which employ other, less risky, resources to make up some or all of the share of generation now 
served by the retiring plants.   

 

                                                           
1 Attached as Exhibits 1 & 2, for your reference. 
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In particular, we believe that demand-side management measures, including energy efficiency, other 
demand  response programs, and demand-side renewable energy, can make up a significant portion 
of any resource gap left by the likely retirements.  Increased supply side renewable energy can also 
increase the diversity of the state’s resource mix. Because the PSC will be considering new goals for 
both Duke and Gulf under the Florida Energy Efficiency and Conservation Act (FEECA) this year, 
this is a particularly good time to develop the data needed for sensible planning. 

 
I. Coal Retirements  

 
Both Duke and Gulf have confirmed that retirement is likely in the cards for their economically 
vulnerable plants, though Duke has gone further and confirmed that Crystal River 1 & 2 will 
certainly retire.  Duke appears to be planning to address these retirements largely through adding 
new generating capacity.  Gulf intends to rely on power imports in the near term. 
 
Duke/Progress  
 
Duke has confirmed “expected retirement of Crystal River 1 & 2 in 2016.” Duke TYSP at 3-2.  As 
Duke explains in testimony filed in the Environmental Cost Recovery Docket, the lifecycle projected 
system cost for retiring units 1 & 2 is far lower than the cost of retrofitting the units to comply with 
environmental compliance obligations: The difference between the retirement and retrofit scenarios 
is $ 1.32 billion in Duke’s base case analysis; retrofit is unfavorable only in the extremely unlikely 
case of very high gas prices and no CO2 regulation. Direct Testimony of Benjamin M. H. Borsch on 
Behalf of Progress Energy Florida (Apr. 1, 2013) at 4, Docket No. 130007-EI; see also Progress 
Energy Florida, Review of Integrated Clean Air Compliance Plan (Apr. 1, 2013) (“Duke Compliance Plan”) at 
25-26. 
 
To be sure, Duke has held out the option of making short-term fuel mix adjustments which might 
allow the units to continue operating, perhaps as long as 2020.  Duke Compliance Plan at 21.  
Continued operation would plainly be economically imprudent.  As we demonstrated in our 
comments and workshop presentation on last year’s plan, and as the figure below shows, the Crystal 
River units already verge on noneconomic when compared even against the substantial expense of 
constructing a new combined cycle natural gas plant to replace their capacity, much less against 
more sensible options, including demand side programs.2 
 

                                                           
2 This figure is drawn from our 2012 workshop presentation and is based on work by Synapse Energy Economics, using 
public cost estimates from the Energy Information Administration’s cost reporting forms and the EPA’s Integrated 
Planning Model, developed by Sargent & Lundy.   
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Because Crystal River 1 & 2 are uneconomic by almost any measure (as Duke acknowledges), the 
pertinent question is how best to replace any portion of their 965 MW in nameplate capacity which 
will be required going forward.  (In practice, this lost capacity is smaller: both units have been 
relatively little used in recent years.)  Lost capacity from the 860 MW Crystal River 3, the retired 
nuclear unit at the site, will also play a substantial role in system planning, of course. 
 
Over the period from 2013 to 2022, Duke expects its firm summer peak demand to grow by 1287 
MW, TYSP at 3-7, and increase of just shy of 15% over the next decade, or about 1.5% per year. At 
present, Duke reports that it intends to make up necessary capacity to match this growth through 
“planned power purchases from 2016 through 2020 and planned installation of combined cycle 
facilities in 2018 and 2020 at undesignated sites.”  Id. at 3-2.  According to Duke, these energy 
imports are likely to grow an additional 1470 MW above its current ~ 1900 MW of imported 
capacity, id. at Schedule 7.1.  The addition of a 1307 MW (winter capacity) combined cycle facility in 
2018, and a second 1307 MW facility in 2020 then replaces these imports.   See id. at 3-7, 3-10 – 3-11.  
This additional capacity is 764 MW greater than the capacity which Duke is losing, leading to a 21% 
reserve margin by 2022. 
 
As we discuss below, Duke’s strategy of increasing its built generating capacity substantially in 
response to projected growth, and relying on natural gas generation to do so, is not the prudent one 
for either the company or for Florida.   
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Gulf Power 
 
As the figure above indicates, Lansing Smith 1 & 2 are even less economically attractive to operate 
than the uncontrolled Crystal River coal units.  Gulf has not yet committed to retirement publicly, 
but its filings in this docket and in the Environmental Cost Recovery docket make clear that it is 
preserving that option. 
 
Specifically, Gulf has requested the PSC approve a $77 million transmission upgrade project, which 
it explains is necessary to ensure that Lansing Smith is not a must run unit. Gulf Power, Third 
Supplemental Petition of Gulf Power Company Regarding its Environmental Compliance Program, Docket No. 
13007-EI (Mar. 29, 2013) at 8.  According to Gulf, these upgrades will allow Plant Smith to run at 
lower levels or to close, and would be “required if these units retire or are controlled as a result of 
[the mercury and air toxics rule].” Id. at 8.  Gulf, thus, maintains that it intends to “reserve the 
decision to install … controls or to retire the two units for a future time when more is known with 
regard to costs of compliance requirements associated with additional environmental regulations.” 
Id. 
 
Because Gulf Power – unlike Duke – has not shared cost information with the public comparing the 
cost of controlling versus retiring the plant, see Gulf Power, Environmental Compliance Program 
Update, Docket No. 13007-EI (Mar, 29, 2013) at 22-27, it is clear that it anticipates considerable 
additional compliance obligations at Plant Smith, including additional air, water, and waste rules. Id. 
at 22.   Although Gulf has not provided economic analysis of a retirement option, it is clear that 
operating costs from the mercury rule alone would “greatly increase the variable operating cost of 
Smith Units 1 and 2,” id. at 23, enough so that spending $77 million on transmission to reduce the 
operating need for the plant is more economic than continuing to run it, id. at 26.   
 
 We certainly agree that it is better to run Plant Smith less.  The truth, however, is that Plant Smith is 
not economic to run at all under current conditions.  It is certainly not economic to run going 
forward as environmental compliance costs increase.  The appropriate course for Gulf Power is to 
retire the facility, rather than simply building transmission which will allow it to operate the costly 
plant somewhat less.  Its transmission project, apparently, will enable that retirement, which remains 
an option.  We urge the PSC to continue to analyze retirement possibilities. 
 
In this regard, Gulf’s Ten Year Site Plan submission does not clearly discuss all the implications of 
Plant Smith.  It acknowledges, again, that “potential incremental capital expenditures for compliance 
may be substantial,” Gulf TYSP at 3, but does not yet appear to provide a straightforward 
retirement analysis.   Gulf anticipates 575 MW in summer peak demand growth by 2022 (about 20% 
growth over that period, or, according to Gulf, a 1.9% annual increase over the next decade). See 
Gulf TYSP at Schedule 3.1.  
 
Gulf’s plan indicates that capacity additions are not necessary to manage this projected growth.  Gulf 
reports that a power purchase agreement (PPA) which it has signed with Shell Energy for use of 885 
MW of capacity from an existing gas combined cycle plant will meet its needs through 2023, after 
which it will construct additional in-system capacity. Id. at 2-3.  For this reason, the PSC’s projection 
last year that Lansing Smith’s retirement will lead to gas generation increases in Florida appears to be 
incorrect in the near term.  As with Crystal River’s retirement, however, we believe that demand-side 
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options and other non-gas resources should be emphasized to meet any capacity needs that 
eventually arise. 
 

II. Implications for the Ten-Year Plan and FEECA Goal-Setting Processes 
 
Because the PSC will shortly move fully into the FEECA goal-setting process for the next five years, 
this is a particularly appropriate time to consider alternate futures for the Duke and Gulf power 
networks, with an emphasis on resources which the Legislature designed FEECA to encourage.  The 
cost of adding new fossil capacity will almost always be higher than the cost of demand-side 
measures.  The savings possible through an efficiency-focused strategy, coupled with efficiency’s 
potential to help Florida avoid the undue dependence on natural gas which the PSC is seeking to 
avoid, argue strongly for a careful analysis of these questions in this year’s Ten-Year Site Plan 
Review. 
 
The Legislature has determined that it is “critical to utilize the most efficient and cost-effective 
demand-side renewable energy systems and conservation systems in order to protect the health, 
prosperity, and general welfare of the state and its citizens.” Section 366.81, F.S.  A study 
commissioned by the Legislature this past year confirmed these findings, concluding that “FEECA 
appears to provide a positive net benefit to ratepayers.”  Galligan et al., Evaluation of Florida’s Energy 
Efficiency and Conservation Act (Dec. 7, 2012) (“FEECA Study”) at 9. 
 
Despite these benefits, the PSC has, in the past, opted to suspend further program expansion for 
Duke and FPL, on cost grounds.  See, e.g., Re: Progress Energy Florida, Inc., Docket No. 1000160-EG, 
2001 WL 3659327 (Aug. 6, 2011).  The PSC should revisit this position during this year’s goal-
setting process in view of the positive findings of the legislative study, and the pressing need to 
address the retirements of vulnerable coal units in ways that best protect the ratepayers from further 
risk from fossil fuel price shifts and regulatory uncertainty.  Ratepayers will face costs associated 
with new capacity and loss of fuel supply diversity which are far greater than those imposed by 
demand-side programs --- programs which the legislative study have determined have net benefits. 
 
In particular, the PSC should view with skepticism Duke’s proposal to construct 2614 MW of 
natural gas generation in just the next few years in order to cope with a 1.5% annual average growth 
rate in its predicted demand.  Initially, Duke has a history of significant positive errors in its 
forecasts.  As the PSC explained in its 2012 Ten Year Site Plan Review, Duke overestimated net 
energy for load forecasts by 11.36% on average between 2007 and 2011, and by 6.17% between 
2006 and 2010.  2012 Review at 19.  Certainly the recession contributed to some of this overage, but 
the size of the error should give the PSC pause. 
 
More importantly, however, the 1.6% demand growth rate which Duke forecasts, even if accurate, is 
within the range of load growth rates which demand-side management can address.  According to 
the legislative FEECA study, many states require annual reductions far greater.  See FEECA Study at 
177-180.  States requiring savings of at least 1% a year, according to that study, include Arizona, 
Indiana, Maine, Maryland, Michigan, Minnesota, New York, Ohio, and Texas, with many other 
states not far behind (still other states, including California, are listed as having very large reduction 
goals, but a percentage reduction is not specified).  See id.  Such reduction rates would entirely offset 
Duke’s projected load growth, obviating the need for much, if not all, of its projected capacity needs 
in light of the Crystal River retirements.   
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Duke plainly has the potential to greatly expand its programs.  It reports that only 25% (405,000 
customers out of 1.6 million) take part in its demand response program, for instance. Duke TYSP at 
1-1.  This low participation is likely one reason  that Duke is well below its FEECA goals for 
summer MW and annual GWh reductions – missing the annual target by more than 60%. See PSC, 
Annual Report on Activities Pursuant to [FEECA] (Feb. 2013) at 19.  Duke has told the PSC that it was 
unable to reach its performance levels because “of the Commission decision to not approve a new 
DSM plan” for the company. Id. at 20.  Thus, if the PSC engages with Duke to approve an improved 
plan, Duke may well be able to increase efficiency programs sufficiently to greatly decrease its 
capacity needs. 
 
This analysis also applies to Gulf.  Although Gulf does not plan new capacity for the next decade, it, 
too, has potential for further improvements, failing to meet even its modest existing FEECA goal by 
12%. Id. at 19.  If Gulf were performing at the level of nationally leading utilities – saving more than 
1.5% of its demand per year – it could likely avoid those projected capacity additions. 
 
Such enhanced performance could help Florida, as a whole, to meet the Legislature’s directive in 
FEECA.  At present, Florida ranks in the bottom half of the states with regard to energy efficiency.  
See American Council for an Energy-Efficient Economy, State Scorecard 2012 (ranking Florida #29).3  
The coal retirements before the PSC provide a strong incentive to do better. 
 
We understand that the PSC will be conducting substantial analysis on this front during its FEECA 
goal-setting process, see Section 366.82, F.S., which requires careful consideration of the “full 
technical potential” of demand-side programs.  We suggest that the PSC conduct that analysis in 
tandem with its Ten-Year Site Plan review, valuing demand-side programs as a resource which can 
be used to address capacity and energy issues arising from the coal retirements announced or likely 
in the site plan docket.  Thus, in its 2013 Ten-Year Site Plan Review, the PSC could profitably 
evaluate the several different scenarios post-retirement, including scenarios in which capacity is 
replaced with more aggressive demand side measures. Other scenarios should also, of course, 
explore the potential of other energy sources, including enhanced in-state renewables, including 
solar, and out-of-state PPAs for renewable (and hence zero fuel cost) energy.  In the FEECA 
process, meanwhile, the PSC can consider the costs and benefits of such measures, especially as 
compared with costly and risky new gas capacity.  The two processes can and should reinforce each 
other as the PSC works to find ways to minimize risks and costs to ratepayers. 
 

III. Conclusion 
 
 
Last year, we cautioned that a significant amount of coal-fired capacity in Florida was set for 
retirement.  That process has continued.  To manage any ratepayer risk from these retirements and 
the possible over-dependence on natural gas which they may promote, the PSC should emphasize 
demand-side management options as alternatives to gas-fired capacity.  We look forward to working 
with the Commission to ensure that Florida ratepayers secure healthier air and a more reliable and 
efficient electricity system. 
 
Sincerely, 

 

                                                           
3 Available at: http://aceee.org/energy-efficiency-sector/state-policy/aceee-state-scorecard-ranking. 

APPENDIX A



7 

 

Craig Segall 
Staff Attorney 
Sierra Club Environmental Law Program 
50 F St NW 
Washington, DC, 20001 
(202)-548-4597 
Craig.Segall@sierraclub.org 

APPENDIX A



This fact sheet provides information and guidance on the 
solar photovoltaic (PV) power purchase agreement (PPA), 
which is a financing mechanism that state and local govern-
ment entities can use to acquire clean, renewable energy. We 
address the financial, logistical, and legal questions relevant 
to implementing a PPA, but we do not examine the technical 
details—those can be discussed later with the developer/con-
tractor. This fact sheet is written to support decision makers 
in U.S. state and local governments who are aware of solar 
PPAs and may have a cursory knowledge of their structure 
but they still require further information before committing 
to a particular project.

Overview of PPA Financing
The PPA financing model is a “third-party” ownership 
model, which requires a separate, taxable entity (“system 
owner”) to procure, install, and operate the solar PV system 
on a consumer’s premises (i.e., the government agency). 
The government agency enters into a long-term contract 
(typically referred to as the PPA) to purchase 100% of the 
electricity generated by the system from the system owner. 
Figure 1 illustrates the financial and power flows among the 
consumer, system owner, and the utility. Renewable energy 

certificates (RECs), interconnection, and net metering are dis-
cussed later. Basic terms for three example PPAs are included 
at the end of this fact sheet.

The system owner is often a third-party investor (“tax inves-
tor”) who provides investment capital to the project in return 
for tax benefits. The tax investor is usually a limited liability 
corporation (LLC) backed by one or more financial institu-
tions. In addition to receiving revenues from electricity sales, 
they can also benefit from federal tax incentives. These tax 
incentives can account for approximately 50% of the project’s 
financial return (Bolinger 2009, Rahus 2008). Without the 
PPA structure, the government agency could not benefit from 
these federal incentives due to its tax-exempt status.1 

The developer and the system owner often are distinct and 
separate legal entities. In this case, the developer structures 
the deal and is simply paid for its services.  However, the 
developer will make the ownership structure transparent to 
the government agency and will be the only contact through-
out the process. For this reason, this fact sheet will refer to 
“system owner” and developer as one in the same. 

While there are other mechanisms to finance solar PV 
systems, this publication focuses solely on PPA financing 
because of its important advantages:2

1.  No/low up-front cost.

2.  Ability for tax-exempt entity to enjoy lower 
electricity prices thanks to savings passed on from 
federal tax incentives.

3.  A predictable cost of electricity over 15–25 years.

4.  No need to deal with complex system design and 
permitting process.

5.  No operating and maintenance responsibilities.

1   Clean renewable energy bonds (CREBs) are also available to municipalities 
and other public entities as an alternative means of benefiting from federal tax 
benefits.

2   For a full discussion of alternative financing mechanisms, see Cory et al. 
2009.

Figure 1
Contracts and Cash Flow in Third-Party 
Ownership/PPA Model
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Power Purchase Agreement Checklist

High-Level Project Plan for Solar PV with 
PPA Financing
Implementing power purchase agreements involves many 
facets of an organization: decision maker, energy manager, 
facilities manager, contracting officer, attorney, budget offi-
cial, real estate manager, environmental and safety experts, 
and potentially others (Shah 2009). While it is understood 
that some employees may hold several of these roles, it is 
important that all skill sets are engaged early in the process. 
Execution of a PPA requires the following project coordina-
tion efforts, although some may be concurrent:3

Step 1. Identify Potential Locations
Identify approximate area available for PV installation 
including any potential shading. The areas may be either 
on rooftops or on the ground. A general guideline for solar 
installations is 5–10 watts (W) per square foot of usable 
rooftop or other space.4 In the planning stages, it is useful to 
create a CD that contains site plans and to use Google Earth 
software to capture photos of the proposed sites (Pechman 
2008). In addition, it is helpful to identify current electricity 
costs. Estimating System Size (this page) discusses the online 
tools used to evaluate system performance for U.S. buildings. 

Step 2. Issue a Request for Proposal (RFP) to Competitively 
Select a Developer
If the aggregated sites are 500 kW or more in electricity 
demand, then the request for proposal (RFP) process will 
likely be the best way to proceed. If the aggregate demand is 
significantly less, then it may not receive sufficient response 
rates from developers or it may receive responses with 
expensive electricity pricing. For smaller sites, government 
entities should either 1) seek to aggregate multiple sites into 
a single RFP or 2) contact developers directly to receive bids 
without a formal RFP process (if legally permissible within 
the jurisdiction).

Links to sample RFP documents (and other useful docu-
ments) can be found at the end of this fact sheet. The materi-
als generated in Step 1 should be included in the RFP along 
with any language or requirements for the contract. In 
addition, the logistical information that bidders may require 
to create their proposals (described later) should be included. 
It is also worthwhile to create a process for site visits.

3   Adapted from a report by GreenTech Media (Guice 2008) and from conver-
sations with Bob Westby, NREL technology manager for the Federal Energy 
Management Program (FEMP).

4   This range represents both lower efficiency thin-film and higher efficiency 
crystalline solar installations. The location of the array (rooftop or ground) can 
also affect the power density. Source: http://www.solarbuzz.com/Consumer/
FastFacts.htm

Renewable industry associations can help identify Web sites 
that accept RFPs. Each bidder will respond with an initial 
proposal including a term sheet specifying estimated output, 
pricing terms, ownership of environmental attributes (i.e., 
RECs) and any perceived engineering issues. 

Step 3. Contract Development
After a winning bid is selected, the contracts must be negoti-
ated—this is a time-sensitive process. In addition to the PPA 
between the government agency and the system owner, there 
will be a lease or easement specifying terms for access to the 
property (both for construction and maintenance). REC sales 
may be included in the PPA or as an annex to it (see Page 6 
for details on RECs). Insurance and potential municipal law 
issues that may be pertinent to contract development are on 
Page 8.

Step 4. Permitting and Rebate Processing
The system owner (developer) will usually be responsible 
for filing permits and rebates in a timely manner. However, 
the government agency should note filing deadlines for 
state-level incentives because there may be limited windows 
or auction processes. The Database of State Incentives for 
Renewables and Efficiency (http://www.dsireusa.org/) is a 
useful resource to help understand the process for your state.

Step 5. Project Design, Procurement, Construction, and 
Commissioning
The developer will complete a detailed design based on 
the term sheet and more precise measurements; it will then 
procure, install, and commission the solar PV equipment. The 
commissioning step certifies interconnection with the utility 
and permits system startup. Once again, this needs to be done 
within the timing determined by the state incentives. Failure 
to meet the deadlines may result in forfeiture of benefits, 
which will likely change the electricity price to the govern-
ment agency in the contract. The PPA should firmly establish 
realistic developer responsibilities along with a process for 
determining monetary damages for failure to perform.

Financial and Contractual Considerations
The developer’s proposal should include detailed projections 
of all financial considerations. This section helps the govern-
ment agency become a more informed purchaser by explain-
ing key components that are needed for a complete proposal.

Estimating System Size
One of the first steps for determining the financial feasibility 
of a PPA is to estimate the available roof and ground space, 
and to approximate the size of the PV system or systems. 
NREL provides a free online tool called In My Backyard 
(IMBY) to make this assessment—the program can be found 
at http://www.nrel.gov/eis/imby/

Page 2
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The IMBY tool, which uses a Google Maps interface, allows 
users to zoom-in on a particular building or location and 
trace the approximate perimeter of the potential solar array. 
From this information, IMBY simulates financial and tech-
nical aspects of the system; the results provide a first-level 
estimate and might not capture the exact situation (system 
performance, system cost, or utility bills) at a particular loca-
tion (an example is shown in Figure 2). IMBY estimates the 
system size and annual electricity production as well as the 
monetary value of the electricity generated by the photovol-
taic system. Users can adjust primary technical and financial 
inputs to simulate more specific conditions. The amount of 
electricity generated by the solar system can be compared to 
the facility’s monthly utility electric bills to estimate potential 
offset capacity of the PV system.5 

PPA Pricing
A key advantage of power purchase agreements is the 
predictable cost of electricity over the life of a 15- to 25-year 
contract. This avoids unpredictable price fluctuations from 
utility rates, which are typically dependent on fossil fuel 
prices in most of the United States. The approval of climate 
change legislation also may cause utility electricity rates to 

5   It is important to be cognizant of any planned or potential changes to the
facility that could affect the electrical demand (and, therefore, electricity 
offset) such as the additions to the facility.

increase significantly; thus, the projected savings may 
be further accentuated. In a PPA, the electricity rates are 
predetermined, explicitly spelled out in the contract, and 
legally binding with no dependency on fossil fuel or climate 
change legislation.

The most common PPA pricing scenarios are fixed price 
and fixed escalator. In a fixed-price scheme, electricity 
produced by the PV system is sold to the government agency 
at a fixed rate over the life of the contract (see Figure 3 for 
an example of this scenario). Note that it is possible for the 
PPA price to be higher than the utility rate at the beginning. 
However, over time, the utility rate is expected to overtake 
the PPA price such that the PPA generates positive savings 
over the life of the contract. This structure is most favorable 
when there is concern that the utility rates will increase 
significantly. 

In a fixed-escalator scheme, electricity produced by the sys-
tem is sold to the government agency at a price that increases 
at a predetermined rate, usually 2–5% (see Figure 4 for an 
example of this scenario). Some system owners will offer a 
rate structure that escalates for a time period (e.g., 10 years) 
and then remains fixed for the remainder of the contract. 
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A less common PPA pricing model involves the PPA price 
based on the utility rate with a predetermined discount. 
While this ensures that the PPA price is always lower than 
utility rates, it is complicated to structure and it undermines 
the price-predictability advantage of a PPA.

A recently emerging PPA structure has consumers either 1) 
prepay for a portion of the power to be generated by the PV 
system or 2) make certain investments at the site to lower 
the installed cost of the system. Either method can reduce 
the cost of electricity agreed to in the PPA itself. This struc-
ture takes advantage of a governmental entity’s ability to 
issue tax-exempt debt or to tap other sources of funding to 
buy-down the cost of the project. Prepayments can improve 
economics for both parties and provide greater price stability 
over the life of the contract. Boulder County exercised this 
option by making investments to lower the project costs (see 
the table on Page 10, which provides examples of PPA pricing 
and structures from state and local government projects in 
California and Colorado).

Interconnection and Net Metering
Interconnection to the existing electrical grid and net meter-
ing are important policies to consider.6 Interconnection 
standards vary according to state-mandated rules (and 
sometimes by utility), which regulate the process by which 
renewable energy systems are connected to the electrical 
grid. Federal policy mandates that utilities accept intercon-
nection from solar power stations, but each utility’s process 
varies. The system owner and utility develop an interconnec-
tion agreement, which spells out the conditions, equipment, 
and processes. Such conditions may include standby charges, 
which are fees that utilities impose on solar system owners to 
account for the cost of maintaining resources in case the solar 
system is not generating. Additionally, the project host and 
developer should consider utility tariff charges applicable to 
electricity purchased in backup mode—contact your local 
utility to fully comprehend the process of interconnection in 
the early stages of RFP development. The Interstate Renew-
able Energy Council has a report on state-specific intercon-
nection standards, which is available at http://www.irecusa.
org/index.php?id=86.

6   The 2008 Edition of Freeing the Grid, issued by the Network for New Energy 
Choices, provides a listing of the best and worst practices in state net-meter-
ing policies and interconnection standards. Much of the report discusses 
the technical aspects, which your developer should be able to address. 
http://www.newenergychoices.org/uploads/FreeingTheGrid2008_report.pdf
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Net metering is a policy that allows a solar-system owner 
to receive credit on his/her electricity bill for surplus solar 
electricity sent back to the utility. The electricity meter 
“spins backward,” accurately tracking the excess electricity. 
Net-metering regulations vary by state but typically include 
specifications for the amount of excess electricity that the 
utility can count, the rate at which the utility can produce the 
credit, and the duration of the agreement (Rahus Institute 
2008). States that do not have net-metering guidelines may 
require the system owner to install a second meter. 

States differ on their net-metering pricing scheme, but they 
fall into three basic categories: (1) retail rate (the rate consum-
ers pay), (2) the wholesale rate (market rate), or (3) the utili-
ties’ avoided-generation rate. Time of use (TOU) net metering 
is a system of indexing net-metering credits to the value of 
the power sold on the market during that time period. This 
is advantageous to solar power because it is strongest during 
electricity peak demand times (Rahus Institute 2008). Figure 
5 shows the states with net-metering policies in place. 

Sizing PV systems for specific locations/applications depends 
highly on energy demand schedules as well as net-metering 
laws. When sizing a PV system, it is important to avoid 
the potential for overproduction. If there are unanticipated 
changes in demand, or if electricity production is not coinci-
dent with electricity consumption at the site, the PV system 
may generate more electricity than the utility can credit the 
customer for—some net-metering laws cap this amount. 
The risk is overproducing and sending electricity to the 
grid without compensation. A facility can produce a 
disproportionate amount of energy during peak periods 
and may not make up for this discrepancy during off-peak 
periods (Pechman 2008).

Federal Tax Incentives for the System Owner
An important aspect of the PPA structure is that a system 
owner can take advantage of federal tax incentives that a tax-
exempt entity cannot. The two most significant tax benefits 
are the investment tax credit (ITC) and accelerated deprecia-
tion. The ITC offers tax-paying entities a 30% tax credit on the 
total cost of their solar system.7 Accelerated depreciation is an 
accounting practice used to allocate the cost of wear and tear 
on a piece of equipment over time – in this case, more quickly 
than the expected system life. The Internal Revenue Service 
(IRS) allows a five-year modified accelerated cost recovery sys-
tem (MACRS) for commercial PV systems. Although a solar 
array may produce power during the entirety of a 20-year 
PPA, the system owner can take advantage of the entire tax 
benefit within the first five years. Both of these incentives 

7   Under the American Recovery and Reinvestment Act (Recovery Act),
tax-paying entities can elect to recover the ITC using a Department of 
Treasury grant, once project construction is complete. This is expected 
to improve the financial benefits of the incentive.

alleviate a great deal of financial risk for system owners, 
encourage project development, and help make renewable 
energy an affordable alternative to fossil fuel energy sources. 

The Value of Renewable Energy Certificates
Twenty-nine states and the District of Columbia have imple-
mented renewable portfolio standard (RPS) policies. An RPS 
requires utilities to provide their customers with a minimum 
percentage of renewable generation by statutory target dates. 
Failure to meet these requirements usually results in compli-
ance penalties. Figure 6 shows these RPS policies by state. 

Utilities typically prove RPS compliance using renewable 
energy certificates (RECs), which represent 1 megawatt-hour 
(MWh) of electricity produced from a renewable source. In 
many states, RECs can be traded separately from the electric-
ity. In these cases, the RECs represent the environmental 
attributes of renewable energy. In addition, some states offer 
carve-outs for solar renewable energy certificates (SRECs) or 
distributed generation (DG) (see Figure 6). These states create 
separate markets for these RECs (usually at higher prices) or 
offer multiple credits for each megawatt-hour. For example, 
a 3x multiplier allows the utility to count each REC from 
solar electricity as 3 MWh for compliance purposes.8 

States with RPS policies are known as “compliance markets.” 
In these markets, utilities can include purchased RECs in 
demonstration of compliance with state energy mandates. 
This can provide an important source of cash flow to PV 
system owners. In addition, states with carve-outs for solar 
or DG can realize even higher prices for SRECs.

“Voluntary markets” also exist in which residential, commer-
cial, and industrial consumers can buy SRECs from system 
owners to claim their energy is produced from renewable 
technologies. The advantage is that consumers do not have 
to develop renewable projects but still can claim the environ-
mental benefits (Cory 2008).

In general, PPAs are structured so that the RECs remain with 
the system owner. However, the host can negotiate to buy the 
RECs along with the electricity. This will drive up the price 
per kilowatt-hour in the PPA to compensate the system owner 
for the RECs. If the host does not buy the RECs, it is important 
to manage the claims made regarding the PV system. The 
government agency can say it is hosting a renewable energy 
project but it cannot say that it is powered by renewable 
energy. One option is an SREC swap. In this case, the host 
would decide against buying the solar RECs from the PPA 
provider and instead buy cheaper replacement RECs (wind 
or biomass, for example) in the voluntary market (Coughlin 
2009). REC prices in the voluntary markets are substantially 

8   Under the Waxman-Markey bill (as of July 2009), Congress is considering
a federal solar multiplier of 3x for all distributed generation projects.
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lower than in the compliance market. This REC swap would 
allow the host to claim green power benefits (but not solar 
power because the replacement RECs were not SRECs).

State and Utility Cash Incentives
Other important state-level programs are those that provide 
cash incentives for system installation. These programs 
(often called “buy-down” or “rebate” programs) come in 
two varieties. The capacity-based incentive (CBI) provides a 
dollar amount per installed watt of PV. Incentives can also be 
structured as performance-based incentives (PBI). They do 
not provide up-front payments, but rather provide ongoing 
payments for each kilowatt-hour of electricity produced over 
a time period (e.g., five years). Consumers will normally pre-
fer CBIs because of the up-front cash. However, some states 

prefer PBIs because they encourage better performance. 
The downside of these more recent programs is that the 
government agency must finance a large part of system 
costs (if not under a solar PPA) and incur performance risk 
(Bolinger 2009).

Approximately 20 states and 100 utilities offer financial 
incentives for solar photovoltaic projects. Depending on the 
state and local programs, these incentives can cover 20-50% 
of a project’s cost (DSIRE 2009). Specifics for individual state 
programs can be found on the Database of State Incentives 
for Renewables and Efficiency (http://www.dsireusa.org/). 
Additional government incentives include state tax credits, 
sales tax exemptions, and property tax exemptions, which 
can be important under the solar PPA model.
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System Purchase Options
If the host prefers, the solar PPA can include provisions for a 
consumer to buy the PV system. This can occur at any point 
during the life of the contract but almost always after the 
sixth year because of tax recapture issues related to the ITC. 
The buyout clause is phrased as the greater of fair market 
value (FMV) or some “termination” value (that is higher than 
the FMV). This termination value often includes the pres-
ent value of the electricity that would have been generated 
under the remaining life of the PPA. Buyout options are more 
readily available in third-party PPAs in which the investors 
are motivated by the tax incentives rather than long-term 
electricity revenues. A different set of investors may have 
a longer-term investment horizon and may be less likely to 
favor early system-purchase options.

When issuing RFPs and evaluating bids, it is important to 
understand the project goals of the potential developers 
and decide which most closely align with those of your 
organization. From the government agency’s point of view, 
there are both benefits and responsibilities that come with 
owning the system. The obvious benefit is that the electric-
ity generated by the PV system can now be consumed by 
the host at no cost (financing charges notwithstanding); the 
costs and responsibilities revolve around the need to operate 
and maintain the PV system. Owner’s costs include physical 
maintenance (including inverter replacement, which can be 
costly) and monitoring, as well as financial aspects such as 
insurance.

Although PPAs are inherently structured as a contract by 
which a government agency can buy electricity, system own-
ership may be a viable option at some point. If the buyout 
option is not available or not exercised by the end of the 
contract life, the government agency can purchase the system 
at “fair market value,” extend the PPA, or request the system 
owner remove the system (Rahus 2008). Government hosts 
may want to consider requiring (in the RPF and the PPA) that 
the system owner pay for the cost of equipment removal at 
contract maturity. 

Logistical Considerations
Appropriate roof or land areas must be identified, and there 
are also important logistical requirements to consider. The 
issues discussed in this section should be included in the 
RFP because they will allow the developer to provide a 
firmer bid with less assumptions and contingencies.

Rooftop Mounted Arrays
After the RFP, the winning bidder will conduct a structural 
analysis to determine whether the roof can sustain the load. 
By documenting the condition in the RFP, you may avoid 
potential adjustments. It is important to assess the following 
information:

•	Roof structure and type (flat, angled, metal, wood, etc.) – 
determines the attachment methods that may be used. 

•	Orientation of the roof – especially important if it is
a sloped roof. Southern facing roofs are ideal but not 
necessarily mandatory. 

•	Roof manufacturer’s warranty – usually lasts a minimum 
of 10 years but can extend over 20 years. Before installing 
solar panels, it is important to ensure that the solar installa-
tion will not void the warranty. Systems that do not pen-
etrate the roof surface or membrane are usually acceptable, 
but it is important to obtain this allowance in writing prior 
to moving forward with the solar project. 

•	Planned roof replacement – if it is to be scheduled within 
a few years, it a good idea to combine projects, which will 
cut costs and minimize facility disturbance. 

•	Potential leak concern – if this exists, you may opt for a 
formal roof survey to assess and document the condition of 
the roof prior to the solar installation. 

•	Obstructions on the roof – items such as roof vents and 
HVAC equipment can hinder the project.

•	Shade from adjacent trees or buildings – can reduce
solar potential.

Ground-Mounted Systems
Ground-mounted photovoltaic systems are advantageous in 
some situations because they can be cheaper and easier to 
install and can be scaled-up more easily. This reduces the 
cost per kilowatt-hour and translates into cheaper energy 
costs for the consumer. Additionally, ground systems offer 
flexibility in the type of technology that can be used. For 
example, the project may have tracking technologies, which 
can result in higher energy output and better project eco-
nomics. One of the key logistical issues for ground-mounted 
systems is the wind speed the system is designed to with-
stand, which depends primarily on the location of the project 
site (e.g., hurricane risks); the soil type and strength charac-
teristics are also important. To obtain more accurate bids, 
consumers often will have a third-party conduct soil sample 
tests prior to issuing an RFP. Wind and soil conditions can 
greatly influence the design and cost of a project. Perimeter 
fencing and site monitoring should be specified in the RFP to 
ensure security, safety, and compliance with local codes.
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General Logistical Considerations
Electrical upgrades or changes may affect the system design 
and potential interconnection to the electrical grid. Any 
planned changes should be documented within the RFP.

For proper maintenance, accessibility to the inverter and 
solar array will be important to the system owners through-
out the life of the project. 

Fire departments will have building accessibility require-
ments, particularly for roof-mounted systems. Some jurisdic-
tions formally specify these standards and will confirm that 
the system meets the requirements during the permitting 
phase and final approval process. In states that do not have 
such requirements, it is important for the government agency 
and the system owner to gain fire department approval early 
in the process. 

Contractually, operation and ongoing maintenance of the 
solar system is typically the responsibility of the system 
owner unless otherwise specified.

Insurance9 
While many governmental entities may be able to self-insure, 
it is important to investigate the minimum insurance required 
by your utility’s interconnection rules. The requirements may 
necessitate additional coverage through private insurance. 

Unfortunately, insurance underwriters charge fairly high 
premiums for PV installations. These premiums can repre-
sent approximately 25% of the annual operating budget and 
may be as large as 0.25% to 0.50% of the project installed 
costs. According to discussions with developers, the cost of 
insurance can increase energy pricing by 5–10%. The high 
premiums are due to two underlying reasons: 1) Insurance 
underwriters still view PV as a risky technology due to 
its lack of long operating history, and 2) the relatively low 
number of projects do not allow underwriters to average risk 
across a large number of installations (i.e., “the law of large 
numbers”). Until recently, Lloyds of London was the only 
underwriter for PV in the United States; however, Munich Re, 
AIG, Zurich Insurance Group, ACE Ltd., and Chubb are also 
actively pursuing renewable energy policies. Reportedly, a 
fifth underwriter is developing a PV product, but no public 
announcements have been made (Kollins et al., forthcoming).

9   Much of this section is adopted from a forthcoming NREL paper:
“Insuring Solar Photovoltaics: Challenges and Possible Solutions”; 
Speer, B.; Mendelsohn, M.; and Cory, K.

In general, insurance is the responsibility of the system 
owner (developer). At a minimum, the system owner should 
be expected to carry both general liability and property 
insurance. Additional considerations may be given to sepa-
rate policies for location-specific risks (e.g., hurricane cover-
age in Florida), property-equivalent policies (which cover 
engineering), and environmental risk (inclusive of pre-exist-
ing conditions). If covered by the system owner, the cost of 
insurance will be factored into the PPA cost of electricity and 
not passed through separately. Thus, a fairly recent realiza-
tion is that it may be cheaper for the government agency to 
insure the system directly, although they don’t actually own 
the system. Then, the system owner is named as an addi-
tional insured party on the policy and agrees to reimburse 
the government agency for the premiums. Insurance com-
panies have agreed to this in previous PPAs (Boylston 2008). 
Because this can reduce overall project costs, this arrange-
ment deserves further investigation with a provider.

One final note concerns indemnification for bad-acts and 
pre-existing structural or environmental risks. Whether 
contractual or not, the government agency may want to 
acquire its own insurance to protect itself from the potential 
of future liabilities.

Potential Deal Constraints Embedded in 
Municipal Laws10

Municipal laws were written before PV installations were 
even a remote consideration. While each jurisdiction operates 
under its own unique statutes, this section lists some common 
constraints that may be encountered. Listed below are the 
categories that may require investigation. More detail on the 
following specific issues is provided at the end of this fact sheet:

1. Debt limitations in city codes, state statutes,
and constitutions

2. Restrictions on contracting power in city codes and
state statutes

3. Budgeting, public purpose, and credit-lending issues

4. Public utility rules

5. Authority to grant site interests and buy electricity

10   Much of this section is adapted from the transcript of a June 12, 2008, 
NREL conference call led by Patrick Boylston of Stoel Rives LLP.
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Conclusions
Financing solar PV through a power purchase agreement 
allows state and local governments to benefit from clean 
renewable energy while minimizing up-front expenditures 
and outsourcing O&M responsibilities. Also important, a 
PPA provides a predictable electricity cost over the length of 
the contract. 

This fact sheet is a concise guide that will help states and 
municipalities with the solar PPA process. The following five 
steps are recommended to formally launch a project (and are 
described in this brief):

Step 1: Identify Potential Locations

Step 2:  Issue a Request for Proposal (RFP) to Competitively 
Select a Developer

Step 3: Contract Development

Step 4: Permitting and Rebate Processing

Step 5:  Project Design, Procurement, Construction, and 
Commissioning

The U.S. Department of Energy (DOE) can help facilitate the 
process by providing quick, short-term access to expertise on 
renewable energy and energy efficiency programs. This is 
coordinated through the Technical Assistance Project (TAP) 
for state and local officials.11 More information on the program 
can be found at http://apps1.eere.energy.gov/wip/tap.cfm.
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Sample Terms of Executed Power Purchase Agreements (PPAs)

Government Level State County City

Name Caltrans District 10 Solar Project Boulder County Solar Project Denver Airport Solar Project

Location Stockton, California Boulder County Denver, Colorado

Customer California Department of 
Transportation

Boulder County Denver International Airport

Utility Pacific Gas & Electric Xcel Energy Xcel Energy

Size (DC) 248 kW 615 kW 2,000 kW

Annual Production 347,407 kWh 869,100 kWh 3,000,000 kWh

Type 123 kW rooftop, 125 kW carport 570 kW rooftop, 45 kW ground Ground-mount, single-axis tracking

Location Maintenance Warehouse 
Maintenance Shop 
Parking Lot Canopy

Recycling Center 
Courthouse 
Clerk and Recorder 
Addiction Recovery Center 
Justice Center 
Walden Ponds (ground-mount) 
Sundquist

Ground of the Denver International 
Airport

Area 22,200 sq ft 8 county buildings 7.5 acres

Developer Sun Edison, LLC Bella Energy World Water & Solar Technologies

Owner Sun Edison, LLC Rockwell Financial MMA Renewable Ventures

PPA Terms 20 years, 5.5% discount from 
utility rates

20 years, fixed-price 6.5 ¢/kWh 
for first 7 years, renegotiate price 
and buyout option at beginning 
of year 8

25 years, fixed-price 6 ¢/kWh for first 5 
years, buyout option at beginning of year 
6 or price increases to 10.5 ¢/kWh

Status Completed September 2007 Completed January 2009 Completed August 2008

Contact Patrick McCoy 
(916) 375-5988 
patrick.mccoy@dgs.ca.gov

Ann Livington 
(303) 441-3517 
alivingston@bouldercounty.org

Woods Allee 
(303) 342-2632 
woods.allee@flydenver.com

Source: NREL
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Potential Deal Constraints Embedded in Municipal Laws
This table lists potential constraints posed by municipal laws. Not all issues will pertain to your jurisdiction; however, this 
table can serve as a short checklist for use in your investigation. The request for proposal (RFP) issue column is meant to 
qualify each issue as to whether it needs to be highlighted in the RFP. 

Category RFP 
Issue? Issue Implication General Findings and Next Steps

1.  Debt Limitations 
in City Codes, 
State Statutes, 
and Constitutions

No Is PPA debt or 
contingent liability?

Debt would require public vote 
for approval.

Contingent liability is allowed 
under purchasing authority 
without a vote.

Most states see as purchasing only what is 
consumed. Thus, a vote not is required.

PPA agreements usually called “energy services 
agreement” to avoid any appearance of debt.

Must be wary of “take or pay provisions” in PPA 
requiring payments regardless of use.

Also, be careful to size so as to not over-
produce based on net-metering rules 

No Is system purchase 
option debt?

A vote will be required to 
approve debt for system 
purchase.

It is important that the PPA deems the purchase 
as optional at fair market value so that a vote is 
not needed until the option is exercised.

2.  Restrictions 
on Contracting 
Power in City 
Codes and State 
Statutes

Yes Contract Tenor 
statutes (e.g., 
limited to 10 yrs 
or 15 yrs)

May limit choice of developers 
based on investment goals.

Research of local rules and precedents may be 
required.

Yes Ability to buy/sell 
RECs

When codes and statutes 
were created, RECs were 
not envisioned.

May determine where 
beneficial REC ownership is 
assigned in PPA.

Each jurisdiction will be different. Research of 
local rules and precedents is required. 

Is there enough general authority under 
electricity purchases (or other) to justify REC 
trading?

Yes Public bidding 
laws

May preclude RFP process 
unless there is an applicable 
exemption to public bidding 
laws.

Research of local rules and precedents may 
be required.

Developer will ask for representation and 
warranty that the contract is exempt from public 
bidding rules.

3.  Public Purpose 
and Lending of 
Credit Issues

Yes Pre-paying for 
electricity

Is this a grant to a for-profit 
LLC that owns the PV system?

In most states, authority exists (such as 
in the opinion of attorneys general) that it 
is permissible if the entities are fulfilling a 
government purpose. 

Research may be required if pre-payment 
is envisioned.

4.  Public Utility 
Rules

Yes How many entities 
will be buying 
electricity (i.e., 
city, county, and/or 
other government 
entities occupy 
site)?

Most state laws and/or rules 
clarify that if you are selling 
electricity to a certain number of 
consumers, then you are a utility 
and subject to Public Utility 
Commission (PUC) regulation.12

This can be prohibitively 
expensive for the developer.

Developers will generally want to contract 
only with a single entity that owns the meter. 
The costs can then be divided among various 
entities.

If the entities are all behind the meter, then they 
would not be subject to PUC regulations.

5.  Authority to Grant 
Site Interests 
and Purchase 
Electricity

No Lease or 
easement?

A lease can have problems 
with disposal and interest in 
public property, which may 
require a public-bidding or 
offering process.

Framing the document as an “easement” 
instead of a “lease” has worked well. Works 
much like a lease except without ability 
to transfer it—except in accordance with 
agreement (usually restricted).

Source: Boylston 2008
12 The threshold is set differently by each state. Most are in the two-five range.
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Sources for Sample Documents 
Samples of requests for proposals can be found using 
simple Web searches—the links below will get you started 
in your search.

NV Energy (Nevada Power Company) is a good source 
for documents which have been previously tested in 
the marketplace:
http://www.nvenergy.com/company/doingbusiness/rfps/

Oregon University System
http://www.ous.edu/bapp/contractfiles/20090522_1545_
Photovoltaic%20Power%20Purchase%20Agreement/ 
RFP%202009-06%20Solar%20PPA.doc

City of Santa Ana
http://www.ci.santa-ana.ca.us/pwa/documents/ 
RFP-SolarProjectandGuideline.pdf

The U.S. Navy recently released an RFP that is very 
thorough in its specifications:
http://www.allenmatkins.com/emails/Renewable/ 
Img/NAVY.pdf

Example RFPs from several California municipalities:
http://www.lgc.org/spire/rfps.html

A current federal government RFP: 
https://www.desc.dla.mil/DCM/DCMSolic.
asp?SolicID=1533

Other Useful Documents:

The documents below are more detailed, in-depth solar 
financing guides.

The Customer’s Guide to Solar Power Purchase 
Agreements, by the Rahus Institute
http://www.californiasolarcenter.org/sppa.html

Solar Photovoltaic Financing: Deployment on Public 
Property by State and Local Governments, by Karlynn 
Cory, Jason Coughlin, and Charles Coggeshall. This NREL 
report (May 2008) examines ways that state and local 
governments can optimize the financial structure of 
deploying solar PV for public uses. It can be accessed at 
http://www.nrel.gov/docs/fy08osti/43115.pdf 

Solar Photovoltaic Financing: Residential Sector 
Deployment, by Jason Coughlin and Karlynn Cory.
This NREL technical report (March 2009) can be accessed 
at http://www.nrel.gov/docs/fy09osti/44853.pdf.

Solar Photovoltaic Financing: Deployment by Federal 
Government Agencies, by Karlynn Cory, Charles
Coggeshall, Jason Coughlin, and Claire Kreycik. This 
NREL technical report (August 2009) can be accessed at 
http://www.nrel.gov/docs/fy09osti/46397.pdf

Contacts 
This fact sheet was written by Karlynn Cory, Brendan 
Canavan, and Ronald Koenig of NREL. For more informa-
tion, contact Karlynn Cory at Karlynn.Cory@nrel.gov. 

National Renewable Energy Laboratory 
1617 Cole Boulevard, Golden, Colorado 80401 
303-275-3000  •  www.nrel.gov

NREL is a national laboratory of the U.S. Department of Energy 
Office of Energy Efficiency and Renewable Energy  
Operated by the Alliance for Sustainable Energy, LLC

NREL/FS-6A2-46668  •  October 2009
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Executive Summary 
 
Pursuant to Section 186.801(1), Florida Statutes (F.S.), each generating electric utility must 
submit to the Florida Public Service Commission (Commission) a Ten-Year Site Plan (TYSP or 
Plan) which estimates the utility’s power generating needs and the general locations of its 
proposed power plant sites over a ten-year planning horizon.  The Ten-Year Site Plans of 
Florida’s electric utilities are designed to give state, regional, and local agencies advance notice 
of proposed power plants and transmission facilities.  In accordance with Section 186.801(2), the 
Commission is required to perform a preliminary study of each plan and classify each one as 
either “suitable” or “unsuitable.”  This document represents the study of the 2014 Ten-Year Site 
Plans for Florida’s electric utilities, filed by 11 reporting utilities.1 
 
All findings of the Commission are made available to the Florida Department of Environmental 
Protection for its consideration at any subsequent certification proceedings pursuant to the Power 
Plant Siting Act or the Transmission Line Siting Act.2  In addition, this document is forwarded to 
the Florida Department of Agriculture and Consumer Services pursuant to Section 377.703(2)(e), 
F.S., which requires the Commission to provide a report on electricity and natural gas forecasts. 
 
Review of the 2014 Ten-Year Site Plans 
 
The Commission has divided this review into two portions: a Statewide Perspective, which 
covers the whole State of Florida, and Utility Perspectives, which address each of the reporting 
utilities.  From a Statewide Perspective, the Commission has reviewed the implications of the 
combined trends of Florida’s electric utilities regarding load forecasting, renewable generation, 
and traditional generation. 
 
Load Forecasting 
 
Forecasting load growth is an important component of system planning for Florida’s electric 
utilities.  Over the past ten years, the total number of electric customers has increased by 9.46 
percent above 2004.  However, growth in the number of customers has not necessarily resulted 
in growth in customer load.  As of 2013, retail energy sales have only increased 0.52 percent 
above 2004, down from a historic 2007 peak.  Florida’s electric utilities project the economy to 
recover over the planning period, with growth remaining slower than before the financial crisis.  
Based on current projections, Florida’s electric utilities anticipate exceeding the historic 2007 
peak by 2017.  Figure 1 below, details these trends. 

                                                 
1 Investor-owned utilities filing 2014 TYSPs include Florida Power & Light Company (FPL), Duke Energy Florida, 
Inc. (DEF), Tampa Electric Company (TECO), and Gulf Power Company (GPC).  Municipal utilities filing 2014 
TYSPs include Florida Municipal Power Agency (FMPA), Gainesville Regional Utilities (GRU), JEA (formerly 
Jacksonville Electric Authority), Lakeland Electric (LAK), Orlando Utilities Commission (OUC), and City of 
Tallahassee Utilities (TAL).  Seminole Electric Cooperative (SEC) also filed a 2014 TYSP. 
2 The Power Plant Siting Act is Sections 403.501 through 403.518, F.S.  Pursuant to Section 403.519, F.S., the 
Commission is the exclusive forum for the determination of need for an electrical power plant.  The Transmission 
Line Siting Act is Sections 403.52 through 403.5365, F.S.  Pursuant to Section 403.537, F.S., the Commission is the 
sole forum for the determination of need for a transmission line. 
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Figure 1:  Florida Growth in Customers and Sales 

 
Source: FRCC 2014 Load & Resource Plan 
  
 
Florida’s electric utilities reduce the rate of growth in customer peak demand and annual energy 
consumption through demand-side management.  The Commission, through its authority granted 
by Sections 366.80 through 366.85 and Section 403.519, F.S., otherwise known as the Florida 
Energy Efficiency and Conservation Act (FEECA), encourages demand-side management by 
establishing goals for the reduction of seasonal peak demand and annual energy consumption for 
those utilities under its jurisdiction.  The Commission establishes goals at least once every five 
years, and is scheduled to establish goals by the end of 2014, which would be reflected in the 
2015 Ten-Year Site Plans. 
 
Based on current proposals, Florida’s electric utilities project that by 2023 demand-side 
management programs will reduce the system’s total summer peak demand by approximately 
8,000 megawatts (MW), and annual energy consumption by over 11,000 gigawatt-hours (GWh).  
Including these reductions, Florida is forecasted to experience by 2023 a net firm summer peak 
demand of 52,633 MW and annual net energy for load of 270,773 GWh. 
 
Renewable Generation 
 
Renewable resources continue to expand in Florida, with approximately 1,620 MW of renewable 
generating capacity currently installed in Florida.  The majority of installed renewable capacity is 
represented by biomass and municipal solid waste, making up approximately 60 percent of 
Florida’s renewables.  Other major renewable types, in order of capacity contribution, include 
waste heat, solar, hydroelectric, and landfill gas.  Notably, Florida had 63 MW of demand-side 
renewable energy systems installed and using net metering by the end of 2013, an increase in 
capacity of 50 percent from 2012. 
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Over the next ten years, Florida’s electric utilities have reported that 722 MW of additional 
renewable generation is planned in Florida, excluding any potential net metering additions.  
Almost half of the projected capacity additions are solar generation, the remainder consisting of 
solid biomass, municipal solid waste, and landfill gas.  While these new projects represent a 
significant increase from the existing total, renewable generation continues to provide a 
relatively small contribution towards the reduction of the state’s reliance upon fossil fuels. 
 
Traditional Generation 
 
Natural gas remains the dominant fuel over the planning horizon, with usage in 2013 at 
approximately 60 percent of the state’s net energy for load (NEL).  Figure 2 below, illustrates the 
use of natural gas as a generating fuel for electricity production in Florida.  Natural gas usage is 
expected to remain approximately at its current level, on a percentage basis, and decline 
somewhat at the end of the planning period due to an increase in nuclear generation.   
 
 

Figure 2:  Natural Gas Contribution to Florida Energy Consumption 

 
Source: 2005-2014 FRCC Load & Resource Plans 
 
 
Generating capacity within the state of Florida is anticipated to grow to meet the increase in 
customer demand, with approximately 12,570 MW of new utility-owned generation added over 
the planning horizon.  This figure represents an increase from the previous year, which estimated 
the need for about 9,960 MW new generation.  Based on the 2014 Ten-Year Site Plans, Figure 3 
below, illustrates the present and future aggregate capacity mix of the state of Florida.  The 
capacity values in Figure 3 incorporate all proposed additions, changes, and retirements planned 
during the ten-year period.  As in previous planning cycles, natural gas-fired generating units 
make up a majority of the generation additions and now represent a majority of capacity within 
the state. 
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Figure 3:  Florida Current and Projected Installed Capacity by Fuel and Technology 

 
Source: 2014 FRCC Load & Resource Plan and TYSP Utilities Data Responses 
 
 
As noted previously, the primary purpose of this review of the utilities’ plans is to provide 
information regarding new electric power plants for local and state agencies to assist in the 
certification process.  Table 1 below, displays those generation facilities that had not yet received 
from the Commission a certification under the Power Plant Siting Act.  A petition for a 
determination of need is generally anticipated at four years in advance of the in-service date for a 
natural gas-fired combined cycle unit.  The Commission most recently approved a determination 
of need for DEF’s proposed Citrus plant, which will still have to seek approval from DEP and 
the Siting Board.   
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Table 1:  Planned Units Requiring a Determination of Need 

In-Service 
Year 

Utility 
Name 

Plant Name 
& Unit Number 

Unit Type 
Net Capacity 

(MW) Notes 
Sum Win 

2018 DEF Citrus Combined Cycle 1,640 1,820 
See Order No. 

PSC-14-0557-FOF-EI 

2019 FPL Unsited Combined Cycle 1,269 1,429 
 

2020 SEC Unsited Combined Cycle 440 523 
 

2021 DEF Unsited Combined Cycle 793 866 
 

Source: 2014 Ten-Year Site Plans 
 
 
While the Commission certifies transmission lines under the Transmission Line Siting Act 
(TLSA), there are none projected during the planning period that have not already been approved 
by the Commission. 
 
Future Concerns  
 
Florida’s electric utilities must also consider environmental concerns associated with existing 
generators and planned generation to meet Florida’s electric needs.  The U.S. Environmental 
Protection Agency (EPA) has finalized or proposed several new rules in recent years that have a 
sizeable impact on Florida’s existing generation fleet, as well as on its proposed new facilities. 
 
Notably, the EPA proposed a rule in June 2014 associated with carbon pollution for existing 
power plants, also known as the Clean Power Plan.  Due to the timing of the Ten-Year Site Plan 
filings, these proposed EPA Rules, though they may have a large effect on Florida’s electric 
utilities, are not considered as part of this review.  The Commission anticipates that the 2015 
Ten-Year Site Plan will include more discussion of potential impacts to Florida’s electric utilities 
from the Clean Power Plan, but uncertainty would remain as Florida’s implementation plan 
would not be completed. 
 
Regarding reliability, FPL is proposing using a third reliability criterion, a generation only 
planning reserve margin that excludes the benefits of demand response and incremental energy 
efficiency programs.  While the proposed criterion has only a minor effect in the 2014 TYSP, it 
generally would result in higher installed or purchased capacity requirements for FPL to meet 
summer peak demand.  At this time, FPL has not requested approval of this criterion, nor has the 
Commission approved its use.  The Commission will continue to monitor annually FPL’s reserve 
margin, demand response, and energy efficiency accomplishments.  The Commission will have 
an opportunity to review FPL’s proposed metric if it becomes a controlling factor for a 
determination of need of a new electrical power plant. 
 
Conclusion 
 
The Commission has reviewed the 2014 Ten-Year Site Plans and finds that the projections of 
load growth appear reasonable.  The reporting utilities have identified sufficient additional 
generation facilities to maintain an adequate supply of electricity at a reasonable cost.  The 
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Commission will continue to monitor the impact of current and proposed EPA Rules and the 
state’s dependence on natural gas for electricity production. 
 
Based on its review, the Commission finds the 2014 Ten-Year Site Plans to be suitable for 
planning purposes.  Since the Plans are not a binding plan of action for electric utilities, the 
Commission’s classification of these Plans as suitable or unsuitable does not constitute a finding 
or determination in docketed matters before the Commission.  The Commission may address any 
concerns raised by a utility’s Ten-Year Site Plan at a public hearing. 
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Introduction 
The Ten-Year Site Plans of Florida’s electric utilities are designed to give state, regional, and 
local agencies advance notice of proposed power plants and transmission facilities.  The 
Commission receives comments from these agencies regarding any issues with which they may 
have concerns.  The Plans are planning documents that contain tentative data that is subject to 
change by the utilities upon written notification to the Commission.   
 
For any new proposed power plants and transmission facilities, certification proceedings under 
the Power Plant Siting Act, Sections 403.501 through 403.518, Florida Statutes (F.S.) or the 
Transmission Line Siting Act, Sections 403.52 through 403.5365, F.S., will include more 
detailed information than is provided in the Plans.  The Commission is the exclusive forum for 
determination of need for electrical power plants, pursuant to Section 403.519, F.S., and for 
transmission lines, pursuant to Section 403.537, F.S.  The Plans are not intended to be 
comprehensive, and therefore may not have sufficient information to allow regional planning 
councils, water management districts, and other reviewing state and local agencies to evaluate 
site-specific issues within their respective jurisdictions.  Other regulatory processes may require 
the electric utilities to provide additional information as needed. 
 
Statutory Authority 
 
All major generating electric utilities are required by Section 186.801, F.S., to annually submit 
for review a Ten-Year Site Plan to the Commission.  Based on these filings, the Commission 
performs a preliminary study of each plan and makes a non-binding determination as to whether 
it is suitable or unsuitable.  The results of the Commission’s study are contained in this report, 
the Review of the 2014 Ten-Year Site Plans, and are forwarded to the Florida Department of 
Environmental Protection for use in subsequent proceedings.  In addition, Section 377.703(2)(e), 
F.S., requires the Department of Agriculture and Consumer Services in consultation with the 
Commission to collect and analyze energy forecasts.  The Commission has adopted Rules 25-
22.070 through 25-22.072, Florida Administrative Code (F.A.C.) in order to fulfill these 
statutory requirements. 
 
Applicable Utilities 
 
Florida is served by 58 electric utilities, including 5 investor-owned utilities, 35 municipal 
utilities, and 18 rural electric cooperatives.  Pursuant to Rule 25-22.071(1), F.A.C., only 
generating electric utilities with an existing capacity above 250 megawatts (MW) or a planned 
unit with a capacity of 75 MW or greater are required to file with the Commission a Ten-Year 
Site Plan, at least once every two years. 
 
In 2014, 11 utilities met these requirements and filed a Ten-Year Site Plan, including 4 investor-
owned utilities, 6 municipal utilities, and 1 rural electric cooperative.  The investor-owned 
utilities, in order of size, are Florida Power & Light Company (FPL), Duke Energy Florida, Inc. 
(DEF), Tampa Electric Company (TECO), and Gulf Power Company (GPC).  The municipal 
utilities, in alphabetical order, are Florida Municipal Power Agency (FMPA), Gainesville 
Regional Utilities (GRU), JEA (formerly Jacksonville Electric Authority), Lakeland Electric 
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(LAK), Orlando Utilities Commission (OUC), and City of Tallahassee Utilities (TAL).  The sole 
rural electric cooperative filing a 2014 Plan is Seminole Electric Cooperative (SEC).  
Collectively, these utilities are referred to as the Ten-Year Site Plan Utilities (TYSP Utilities). 
 
Figure 4 below, illustrates the comparative size of the TYSP Utilities, in terms of each utility’s 
percentage share of the state’s retail energy sales in 2013.  Combined, the reporting investor-
owned utilities account for 77.7 percent of the state’s retail energy sales.  Non-reporting utilities 
make up approximately 1.5 percent of the State’s retail energy sales. 
 
 

Figure 4:  Comparison of Reporting Electric Utility Size 

 
Source: 2014 Ten-Year Site Plans, 2014 Load & Resource Plan 
 
Required Content 
 
The Commission requires each reporting utility to provide information on a variety of topics.  
Schedules describe the utility’s existing generation fleet, customer composition, demand and 
energy forecasts, fuel requirements, reserve margins, changes to existing capacity, and proposed 
power plants and transmission lines.  The utilities also provide a narrative documenting the 
methodologies used to forecast customer demand and the identification of resources to meet that 
demand over the ten-year planning period.  This information, supplemented by additional data 
requests, provides the basis of the Commission’s review. 
 
Additional Resources 
 
The Commission’s Rule also task the reporting electric utilities with collecting information on 
both a statewide basis and for Peninsular Florida, which excludes the area east of the 
Apalachicola River.  The Florida Reliability Coordinating Council (FRCC) provides this 
aggregate data for the Commission’s review.  Each year, the FRCC publishes a Regional Load 
and Resource Plan, which contains historic and forecast data on demand and energy, capacity 
and reserves, and proposed new generating units and transmission line additions.  In addition, the 
FRCC publishes an annual Reliability Report which is also relied upon by the Commission. 
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For certain comparisons additional data from various governmental agencies is relied upon, 
including the Energy Information Administration and the Florida Department of Highway Safety 
and Motor Vehicles. 
 
The Commission held a public workshop on August 12, 2014, to facilitate discussion of the 
annual planning process and allow for public comments.  A presentation was conducted by the 
FRCC summarizing the 2014 Load and Resource Plan and other related matters, including fuel 
reliability, environmental regulations, and physical security of infrastructure.  Public comments 
were provided by the Sierra Club, which focused on the need to evaluate alternative energy 
options, planning for compliance with existing and future environmental regulations, and fuel 
diversity. 
 
Structure of the Commission’s Review 
 
The Commission’s review is divided into multiple sections.  The Statewide Perspective provides 
an overview of the State of Florida as a whole, including discussions of load forecasting, 
renewable generation, and traditional generation.  The Utility Perspectives provide more focus, 
discussing the various issues facing each electric utility and its unique situation.  Lastly, the 
comments collected from various review agencies, local governments, and other organizations 
are included as Appendix A. 
 
Conclusion 
 
Based on its review, the Commission finds all 11 reporting utilities’ 2014 Ten-Year Site Plans to 
be suitable for planning purposes.  During its review, the Commission has determined that the 
projections for load growth appear reasonable and that the reporting utilities have identified 
sufficient generation facilities to maintain an adequate supply of electricity at a reasonable cost. 
 
The Commission notes that, as the Ten-Year Site Plans are non-binding, the classification of 
suitable does not constitute a finding or determination in any docketed matter before the 
Commission, nor an approval of all planning assumptions contained within the Ten-Year Site 
Plans.  The Commission may address any concerns raised by a utility’s Ten-Year Site Plan at a 
public hearing. 
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Load Forecasting 

 
Forecasting load growth is an important component of system planning for Florida’s electric 
utilities.  In order to maintain system reliability, utilities must be prepared for future changes in 
electricity consumption, including changes to the number of electric customers, customer usage 
patterns, building codes and appliance efficiency standards, new technologies such as electric 
vehicles, and the role of demand-side management. 
 
Electric Customer Composition 
 
The residential class represent the majority in terms of number of customers, at 88.7 percent of 
customers, and retail energy sales, at 52.3 percent of sales, for the three major customer classes, 
as illustrated in Figure 5 below.  Both commercial and industrial customers make up a sizeable 
percentage of energy sales, due to each class’ higher energy usage per customer account. 
 
 

Figure 5:  Florida Electric Customer Composition in 2013 

 
Source: FRCC 2014 Load & Resource Plan 
 
 
Florida’s residential customers make up a larger portion of retail energy sales than the United 
States as a whole, with a national average of 38 percent for residential retail sales.  As a result, 
Florida’s utilities are impacted more by trends in residential energy usage, which tend to be 
associated with weather conditions.  Florida’s residential customers rely more upon electricity 
for heating than the national average, with only a small portion using alternate fuels such as 
natural gas or oil for home heating needs. 
 
Florida’s unique climate plays an important role in electric utility planning.  Florida is an outlier 
in terms of climate, with the highest number of cooling degree days and lowest number of 
heating degree days within the continental United States, as shown below by Figure 6.  Other 
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states tend to rely upon alternative fuels for heating, but Florida’s heavy use of electricity results 
in high winter peak demand. 
 
 

Figure 6:  Climate Data by State (Continental US) 

 
Source: National Oceanic & Atmospheric Administration, Historical Climatology Series 5-1 and 
5-2 (30 year period) 
 
 
Growth Projections 
 
Florida traditionally has been a high growth state, with significant annual increases in both 
customers and retail energy sales.  The financial crisis and resulting economic impact to Florida 
resulted in a freezing of customer growth and decline in retail energy sales from the 2007 peak.  
While customer growth has resumed, albeit at a slower pace, retail sales have declined since 
2007 excluding a spike in usage associated with extreme winter weather in 2010.  The result of 
both of these trends has been that over the last ten year period, the number of Florida’s electric 
customers have risen 9.46 percent, while retail energy sales have risen only 0.52 percent.  Since 
2004, the effective average annual growth rate for electric sales during the past ten years was 
0.06 percent.  These trends are illustrated in Figure 7, below. 
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Figure 7:  Florida Growth in Customers and Sales 

 
Source: FRCC 2014 Load & Resource Plan 
 
 
For the next ten-year period, Florida’s customer base and retail sales are anticipated by the 
reporting utilities to grow at a faster pace than the last few years, reversing a trend of small 
population increases with declining retail sales.  While this rate remains below those experienced 
before the financial crisis, it would set the state on track to exceed its previous 2007 retail sales 
peak in 2017.  The current divide between customers and retail sales is anticipated to remain 
similar over the ten-year period, with customers growing at an average annual rate of 1.41 
percent while retail sales increase by 1.36 percent annually.  Florida’s electric utilities are 
projecting an increase in economic growth in the state, but at levels below those experienced 
before the financial crisis. 
 
Peak Demand 
 
The aggregation of each individual customer’s electric consumption must be met at all times by 
Florida’s electric utilities to ensure reliable service.  The time at which customers demand the 
most energy simultaneously is referred to as peak demand.  While retail energy sales primarily 
vary the amount of fuel consumed by the electric utilities to deliver energy, peak demand 
determines the amount of generating capacity required to deliver that energy at a single moment 
in time. 
 
A primary factor in this is seasonal weather patterns, with peak demands calculated separately 
for the summer and winter periods annually.  The influence of residential customers is evident in 
the determination of these seasonal peaks, as they correspond to times of increased usage to meet 
home heating (winter) and cooling (summer) demand.  Figure 8 below, illustrates a daily load 
curve for a typical day for each season.  In the summer, air-conditioning needs increase 
throughout the day, climbing steadily until a peak is reached in the late afternoon and then 
declining into the evening.  In the winter, electric heat and electric water heating produces a 
higher base level of usage, with a large spike in the morning and a smaller spike in the evening. 
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Figure 8:  Example Daily Load Curves 

 
Source: TYSP Utility Data Responses 
 
 
Florida is typically a summer-peaking state, meaning that the summer peak demand generally 
exceeds winter peak demand, and therefore controls the amount of generation required.  Weather 
conditions impact generation capacity in ways that cause summer demand to control.  Higher 
temperatures in the summer reduce the efficiency of generation, with high water temperatures 
reducing the quality of cooling provided, and can sometimes limit the quantity as units may be 
required to operate at reduced power or go offline based on environmental permits.  Conversely, 
in the winter, utilities can take advantage of lower ambient air and water temperatures to produce 
more electricity from a power plant. 
 
As daily load varies, so do seasonal loads.  Figure 9 below, illustrates this for 2013, showing the 
daily peak demand as a percentage of the annual peak demand for the reporting investor-owned 
utilities combined.  As 2013 featured a mild winter, so summer peak demand set the annual peak 
demand.  Typically, winter peaks are short events while summer demand tends to stay at near 
peak levels for longer periods.  The periods between seasonal peaks are referred to as shoulder 
months, in which the utilities take advantage of lower demand to perform maintenance without 
impacting their ability to meet daily peak demand.  
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Figure 9:  Daily Peak Demand (2013 Actual) 

Source: TYSP Utilities Data Responses (Investor-Owned Utilities Only) 
 
 
While the utilities assume normalized weather in forecasts of peak demand, during operation of 
the system utilities continuously monitor the short-term weather patterns.  Utilities adjust 
maintenance schedules to ensure the highest unit availability during the utility’s projected peak 
demand, bringing units back online if necessary or delaying maintenance until after a weather 
system has passed. 
 
Electric Vehicles 
 
Utilities also examine other trends that may impact the amount of customer peak demand and 
energy consumption.  This includes new sources of energy consumption, such as electric 
vehicles, which can be considered analogous to a home air conditioning system in terms of 
system load.  The reporting electric utilities estimate approximately 8,000 electric plug-in 
vehicles were operating in Florida by the end of 2013.  The Florida Department of Highway 
Safety and Motor Vehicles lists the number of registered vehicles in Florida as of December 31, 
2013, as 18.9 million vehicles, resulting in 0.042 percent penetration rate of electric vehicles of 
Florida’s registered vehicle fleet. 
 
Florida’s electric utilities anticipate growth in the electric vehicle market, as illustrated in Table 
2 below.  Electric vehicles are anticipated to grow rapidly throughout the planning period, 
resulting in almost a half-million electric vehicles operating within the electric service territories 
by the end of 2023.  The projected increase in electric vehicle ownership would result in 
approximately 2 percent share of Florida’s vehicles being fueled by electricity. 
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Table 2:  Estimated Number of Electric Vehicles by Service Territory 
Year FPL DEF TECO GPC JEA OUC TAL Total 

2013 4,603 1,647 382 196 111 1,030 24 7,993 

2014 8,787 3,125 N/A 445 173 1,624 36 14,190 

2015 14,662 5,256 N/A 873 212 2,689 45 23,737 

2016 22,628 8,273 N/A 1,442 282 4,037 54 36,716 

2017 35,374 12,273 N/A 2,053 385 5,685 65 55,835 
2018 48,200 17,482 N/A 2,836 520 7,646 84 76,768 
2019 64,525 24,228 N/A 3,693 689 9,937 110 103,182 

2020 97,425 32,893 N/A 4,626 891 12,574 142 148,551 

2021 146,771 43,882 N/A 5,684 1,156 15,570 185 213,248 

2022 220,792 57,338 N/A 6,872 1,485 18,859 250 305,596 

2023 331,824 73,187 N/A 8,111 1,879 22,630 325 437,956 
Source: TYSP Utilities Data Responses 
 
 
In terms of energy consumed by electric vehicles, Table 3 below, illustrates the estimates 
provided by the reporting utilities.  The anticipated growth would result in an annual energy 
consumption of 2,266 GWh, or approximately 0.9 percent of retail sales for the state of Florida. 
 
 

Table 3:  Estimates for Electric Vehicle Annual Energy Consumption (GWh) 
Year FPL DEF TECO GPC JEA OUC TAL Total 

2013 22 9 N/A 1 1 0 8 41 

2014 42 21    N/A  2 1 1 12 79 

2015 70 41 N/A  4 1 2 15 133 

2016 108 70 N/A  7 2 2 18 207 

2017 169 107 N/A  10 3 3 22 314 

2018 230 152 N/A  13 5 5 28 433 

2019 309 207 N/A  17 7 6 37 583 

2020 466 273 N/A  21 9 8 48 825 

2021 702 349 N/A  26 13 9 62 1,162 

2022 1,056 421 N/A  32 17 11 84 1,621 

2023 1,587 495 N/A  37 23 14 110 2,266 
Source: TYSP Utilities Data Responses 
 
 
The effect of increased electric vehicle ownership on peak demand is more difficult to determine.  
While comparable in electric demand to a home air conditioning system, the time of charging 
and whether charging would be shifted away from periods of peak demand are uncertainties that 
must be clarified to determine impact on system peak.  As electric vehicle ownership increases, 
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the effects of electric vehicles on system peak should become clearer and able to be addressed by 
the electric utilities. 
 
Demand-Side Management 
 
Florida’s electric utilities also must consider how the efficiency of customer energy consumption 
changes over the planning period.  Changes in government mandates, such as building codes and 
appliance efficiency standards, reduce the amount of energy consumption for new construction 
and electric equipment.  Electric customers, through the power of choice, can elect to engage in 
behaviors that decrease peak load or annual energy usage.  Examples include, turning off lights 
and fans in vacant rooms, increasing thermostat settings, and purchasing appliances that go 
beyond efficiency standards.  While a certain portion of customers will engage in these activities 
without incentives due to economic, aesthetic, or environmental concerns, other customers may 
lack information or require additional incentives.  Demand-side management represents an area 
where Florida’s electric utilities can empower and educate its customers to make choices that 
reduce peak load and annual energy consumption. 
 
Florida Energy Efficiency and Conservation Act (FEECA) 
 
The Florida Legislature has directed the Commission to encourage utilities to decrease the 
growth in seasonal peak demand and annual energy consumption by FEECA, which consists of 
Sections 366.80 through 366.85 and Section 403.519, F.S.  Under FEECA, the Commission is 
required to set goals for seasonal demand and annual energy reduction for seven electric utilities, 
known as the FEECA Utilities.  These include the five investor-owned electric utilities 
(including Florida Public Utility Company, which is a non-generating utility and therefore does 
not file a Ten-Year Site Plan) and two municipal electric utilities (JEA and OUC).  The FEECA 
utilities represented approximately 86 percent of 2013 retail sales in Florida. 
 
The FEECA utilities currently offer demand-side management programs for residential, 
commercial, and industrial customers.  Energy audit programs are designed to provide an 
overview of customer energy usage and to evaluate conservation opportunities, including 
behavioral changes, low-cost measures customers can undertake themselves, and participation in 
utility-sponsored DSM programs. 
 
The last FEECA goal-setting proceeding was completed in December 2009, establishing goals 
for the period 2010 through 2019.  As the Commission is required to establish goals once every 
five years, the Commission opened dockets in 2013 to begin the review process, and held a 
hearing in July 2014, with a final decision on annual goals reached on November 25, 2014.  Each 
FEECA Utility’s 2014 Ten-Year Site Plan includes either a continuation of existing programs or 
the utility’s proposed goals.  The 2015 Ten-Year Site Plans should reflect the impact of the goals 
established by the Commission for the period 2015 through 2024. 
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Demand Side Management Programs 
 
DSM Programs generally are divided into three categories: interruptible load, load management, 
and energy efficiency.  The first two are considered dispatchable, and are collectively known as 
demand response, meaning that the utility can call upon them during a period of peak demand or 
other reliability concerns, but otherwise they are not utilized.  In contrast, energy efficiency 
measures are considered passive and are always working to reduce customer demand and energy 
consumption. 
 
Interruptible load is achieved through the use of agreements with large customers to allow the 
utility to interrupt the customer’s load, reducing the generation required to meet system demand.  
Interrupted customers may use back-up generation to fill their energy needs, or cease operation 
until the interruption has passed.  A subtype of interruptible customers is curtailable customers, 
which allow the utility to interrupt only a portion of the customer’s load.  In exchange for the 
ability to interrupt these customers, the utility offers a discounted rate for energy or other credits 
which are paid for by all ratepayers. 
 
Load management is similar to interruptible customers, but focuses on smaller customers and 
targets individual appliances.  The utility installs a device on an electric appliance, such as a 
water heater or air conditioner that allows for remote deactivation for a short period of time.  
Load management activations tend to have less advanced notice than those for interruptible 
customers, but tend to be activated only for short periods and are cycled through groups of 
customers to reduce the impact to any single customer.  Due to the focus on specific appliances, 
certain appliances would be more appropriate for addressing certain seasonal demands.  For 
example, load management programs targeting air conditioning units would be more effective to 
reduce a summer peak, while water heaters are more effective for reducing a winter peak.  As of 
2014, demand response available for reduction of peak load is 3,105 MW for summer peak and 
2,987 MW for winter peak.  Demand response is anticipated to increase to approximately 3,500 
for summer peak and 3,300 for winter peak by the end of the planning period in 2023. 
 
Energy efficiency or conservation measures also have an impact on peak demand, and due to 
their passive nature do not require activation by the utility.  Conservation measures include 
improvements in a home or business’ building envelope to reduce heating or cooling needs, or 
the installation of more efficient appliances.  By installing additional insulation, energy-efficient 
windows or window films, and more efficient appliances, customers can reduce both their peak 
demand and annual energy consumption, leading to reductions in customer bills.  Demand-side 
management programs work in conjunction with building codes and appliance efficiency 
standards to increase energy savings above the minimum required by local, state, or federal 
regulations.  As of 2014, energy efficiency is responsible for peak load reduction of 3,766 MW 
for summer peak and 3,519 MW for winter peak.  Energy Efficiency is anticipated to increase to 
approximately 4,454 MW for summer peak and 4,223 MW for winter peak by the end of the 
planning period in 2023. 
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Forecast Load & Peak Demand 
 
The historic and forecasted seasonal peak demand and annual energy consumption values for the 
state of Florida are illustrated below in Figure 10.  It should be noted that the forecasts shown 
below are based upon normalized weather conditions, while the historic demand and energy 
values represent the actual impact of weather conditions on Florida’s electric customers.  Florida 
relies heavily upon both air conditioning in the summer and electric heating in the winter, so 
both seasons experience a great deal of variability due to severe weather conditions. 
 
Demand-side management, including demand response and energy efficiency, along with self-
service generation is included in each figure for seasonal peak demand and annual energy for 
load.  The total demand or total energy for load represents what otherwise would need to be 
served if not for the impact of these programs and self-service generators.  The net firm demand 
is used as a planning number for the calculation of generating reserves and determination of 
generation needs for Florida’s electric utilities. 
 
Demand response is included in Figure 10 below, in two different ways based upon the time 
period considered.  For historic values of seasonal demand, the actual rates of demand response 
activation are shown, not the full amount demand response that was available at the time.  
Overall, demand response has only been partially activated as sufficient generation assets were 
available during the annual peak.  Residential load management has been called upon to a limited 
degree during peak periods, with a lesser amount of interruptible load activated.  The primary 
exception to this trend was the summer of 2008 and winter of 2009, when a larger portion of the 
available demand response resources were called upon. 
 
For forecast values of seasonal demand, it is assumed that all demand response resources will be 
activated during peak.  The assumption of all demand response being activated reduces 
generation planning need.  Based on operating conditions in the future, if an electric utility has 
sufficient generating units and it is economic to serve all customer load demand response would 
not be activated or only partially activated in the future. 
 
As previously discussed, Florida is normally summer-peaking.  Only three of the past ten years 
have had higher winter net firm demand than summer, and all ten of the forecast years are 
anticipated to be summer peaking.  Based upon current forecasts using normalized weather data, 
Florida’s electric utilities do not anticipate exceeding the winter 2009 peak during the planning 
period. 
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Figure 10:  Historic and Forecast for Statewide Seasonal Peak Demand and Annual Energy 

 

 

 
Source: 2014 FRCC Load & Resource Plan 
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Forecast Methodology  
 
Florida’s electric utilities perform forecasts of peak demand and annual energy sales using 
historical data from several variables to infer relationships through multiple linear regressions.  
These variables include historic energy consumption, customer data such as square footage of 
housing, climate data such as cooling-degree-days or heating-degree days, and economic 
indicators such as income and employment.  For some customer classes, such as industrial 
customers, surveys may periodically be conducted to determine the customer’s expectations for 
their own future electricity consumption. 
 
Florida’s electric utilities rely upon econometric techniques for load forecasting, incorporating a 
variety of tools such as advanced software and analysis from independent experts from public 
and private sources for historic and forecast values of specific variables.  Public resources such 
as the University of Florida’s Bureau of Economic and Business Research, which provides data 
on population growth, and the Bureau of Labor Statistics, which publishes the Consumer Price 
Index, are utilized along with private forecasts for economic growth from macroeconomic 
experts.  By combining historic and forecast macroeconomic data with customer and climate 
data, Florida’s electric utilities project future load conditions. 
 
Through multiple linear regressions, Florida’s electric utilities demonstrate historical 
relationships between dependent variables such as load and retail energy sales, and independent 
variables such as economic conditions and climate.  Projecting peak loads is more 
mathematically complicated and depends on the interrelationships between these variables. 
 
Overall, while each of Florida’s electric utilities forecast peak load and retail energy sales 
differently, the econometric techniques utilized appear to be sound.  The forecasts allow each 
electric utility to evaluate its individual needs for new generation, transmission, and distribution 
resources to meet customers’ current and future needs reliably and affordably. 
 
Historic Forecast Accuracy 
 
For each reporting electric utility, the Commission reviewed the historic forecast accuracy of 
past retail energy sales forecasts.  The review methodology, previously used by the Commission, 
involves comparing actual retail sales for a given year to energy sales forecasts made three, four, 
and five years prior.  For example, the actual 2013 retail energy sales were compared to the 
forecasts made in 2010, 2009, and 2008.  These differences, expressed as a percentage error rate, 
are used to determine each utility’s historic forecast accuracy using a five year rolling average.  
An average error with a negative value indicates an under-forecast, while a positive value 
represents an over-forecast.  An absolute average error provides an indication of the total 
magnitude of error, regardless of the tendency to under or over forecast. 
 
For the 2014 Ten-Year Site Plans, determining the accuracy of the five-year rolling average 
forecasts involves comparing the actual retail energy sales for the period 2013 through 2009 to 
forecasts made between 2010 and 2004.  As discussed previously, the period before the financial 
crisis experienced a higher annual growth rate for retail energy sales than the post-crisis period.  
As most electric utilities and macroeconomic forecasters did not predict the financial crisis, the 
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economic impact and its resulting effect on retail energy sales of Florida’s electric utilities was 
not included in these projections.  Therefore, the use of a metric that compares pre-crisis 
forecasts with post-crisis actual data has a high rate of error.   
 
Table 4 below, confirms that the forecast error is increasing with time due to the unexpected 
impact of the financial crisis on retail energy sales in Florida due to decreased population 
growth, decreased economic growth, and decreased usage of electricity per capita.  However, the 
forecast error should start to return to its historically normal lower levels as utility retail sales 
forecasts include more years after the financial crisis. 
 
 

Table 4:  TYSP Utilities – Accuracy of Retail Energy Sales Forecasts 

TYSP 
Year 

Five Year 
Analysis 
Period 

Forecast 
Years 

Analyzed 

Forecast Error (%) 

Average Absolute 
Average 

2009 2008 - 2004 2005-1999 1.74% 3.56% 
2010 2009 - 2005 2006-2000 4.98% 5.70% 
2011 2010 - 2006 2007-2001 8.28% 8.29% 
2012 2011 - 2007 2008-2002 11.93% 11.93% 
2013 2012 - 2008 2009-2003 15.13% 15.13% 
2014 2013 - 2009 2010-2004 16.16% 16.16% 

Source: 1999-2014 Ten-Year Site Plans 
 
 
To verify whether more recent forecasts lowered these error rates, an additional analysis was 
conducted to determine with more detail the source of high error rates in terms of forecast 
timing.  Table 5 below, provides the forecast error rate for forecasts made between one and six 
years prior, along with the average and absolute average error rates for the three- to five-year 
period used in the analysis above.   
 
 

Table 5:  TYSP Utilities – Accuracy of Retail Energy Sales Forecasts – Annual Analysis 

Year 
Annual Forecast Error Rate (%) 3-5 Year Error (%) 

Years Prior 
Average 

Absolute 
Average 6 5 4 3 2 1 

2004 - -5.08% -3.18% 0.19% -0.59% 0.93% -2.69% 2.81% 
2005 -5.82% -4.03% -0.69% -0.64% 0.71% 0.90% -1.79% 1.79% 
2006 -3.29% -0.03% 1.03% 2.30% 2.43% 2.37% 1.10% 1.12% 
2007 0.57% 2.26% 3.49% 3.59% 4.20% 3.05% 3.11% 3.11% 
2008 7.02% 8.40% 8.56% 9.97% 9.24% 8.34% 8.98% 8.98% 
2009 11.95% 12.15% 14.48% 13.91% 12.68% 10.18% 13.51% 13.51% 
2010 12.93% 15.57% 14.89% 13.70% 10.55% -0.73% 14.72% 14.72% 
2011 21.56% 20.79% 20.09% 17.02% 3.79% 0.08% 19.30% 19.30% 
2012 26.31% 25.97% 23.04% 8.47% 3.90% 3.71% 19.16% 19.16% 
2013 28.55% 26.29% 10.00% 5.98% 5.58% 2.97% 14.09% 14.09% 

Source: 1999-2014 Ten-Year Site Plans 
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As displayed in Table 5, the companies retail energy sales forecasts show a consistent positive 
error rate beginning in 2007 and extending through 2013 for forecasts prepared two to six years 
prior.  However, 2013 sales forecasted in 2009 and 2010 reveal that three and four year error 
rates (5.98 percent and 10.00 percent, respectively) have declined considerably compared to the 
three and four year forecast error rates associated with 2009-2012 sales.  The fact that three and 
four year forecast errors started to decline in 2009 and 2010 forecasts is not surprising because 
by 2009 the inputs to the utilities’ forecast models reflected the impacts of the financial crisis and 
population growth decline. 
 
On a going forward basis (2014 and beyond), average forecasted energy sales error rates for 
forecasts prepared three to five years prior are likely to continue to decline as the older forecasts 
drop out of the analysis.  Florida’s electric utilities, however, have responded to the recent 
declines in customer load growth by delaying and cancelling new generation, and by taking 
opportunities to modernize existing plants, as discussed in previous annual reviews of the Ten-
Year Site Plans. 
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Renewable Generation 
 
Pursuant to Section 366.91, F.S., it is in the public interest to promote the development of 
renewable energy resources in Florida.  Section 366.91(2)(d), F.S., defines renewable energy in 
part, as follows: 
  

“Renewable energy” means electrical energy produced from a method that uses 
one or more of the following fuels or energy sources:  hydrogen produced from 
sources other than fossil fuels, biomass, solar energy, geothermal energy, wind 
energy, ocean energy, and hydroelectric power.  

 
Although not considered a traditional renewable resource, some industrial plants take advantage 
of waste heat, produced in production processes, to also provide electrical power via 
cogeneration.  Phosphate fertilizer plants, which produce large amounts of heat in the 
manufacturing of phosphate from the input stocks of sulfuric acid, are a notable example of this 
type of renewable resource.  The Section 366.91(2) (b), F.S., definition also includes the 
following language which recognizes the aforementioned cogeneration process:  
 

The term [Renewable Energy] includes the alternative energy resource, waste 
heat, from sulfuric acid manufacturing operations and electrical energy produced 
using pipeline-quality synthetic gas produced from waste petroleum coke with 
carbon capture and sequestration. 

 
Existing Renewable Resources 
 
Currently, renewable energy facilities provide approximately 1,617 MW of firm and non-firm 
generation capacity, which represents 2.8 percent of Florida’s overall generation capacity of 
57,375 MW in 2013.  Table 6 below, is a table that summarizes Florida’s existing renewable 
energy sources. 
 
 

 
Table 6:  State of Florida - Existing Renewable Resources 

Renewable Type MW % Total 
Municipal Solid Waste 398 24.6% 
Waste Heat 308 19.0% 
Solar 218 13.5% 
Hydro 64 3.9% 
Wind 0 0.0% 
Solid Biomass 581 35.9% 
Landfill Gas 49 3.1% 
Total of All 1,617 100.0% 

 Source: FRCC 2014 Load & Resource Plan and TYSP Utilities Data Responses 
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Of the total 1,617 MW of renewable generation, approximately 490 MW are considered firm 
based on either operational characteristics or contractual agreement.  Firm renewable generation 
can be relied on to serve customers and can contribute toward the deferral of new fossil fueled 
power plant construction.   
 
The remaining renewable generation can generate energy on an as-available basis or for internal 
use (self-service).  As-available energy is considered non-firm, and cannot be counted on for 
reliability purposes; however, it can contribute to the avoidance of burning fossil fuels in existing 
generators.  Self-Service generation reduces demand on Florida’s utilities.  
 
Non-Utility Renewable Generation 
 
The majority of Florida’s existing renewable energy generation, approximately 84 percent, 
comes from non-utility generators.  In 1978, the US Congress enacted the Public Utility 
Regulatory Policies Act (PURPA).  PURPA requires utilities to purchase electricity from 
cogeneration facilities and renewable energy power plants with a capacity no greater than 80 
MW (collectively referred to as Qualifying Facilities or QFs).  PURPA required utilities to buy 
electricity from qualifying QFs at the utility’s full avoided cost.  These costs are defined in 
Section 366.051, F.S., which provides in part that:  
 

A utility’s “full avoided costs” are the incremental costs to the utility of the 
electric energy or capacity, or both, which, but for the purchase from cogenerators 
or small power producers, such utility would generate itself or purchase from 
another source.  

 
If a renewable energy generator can meet certain deliverability requirements, it can be paid for 
by its capacity and energy output under a firm contract.  Rule 25-17.250, F.A.C., requires each 
IOU to establish a standard offer contract with timing and rate of payments based on each fossil-
fueled generating unit type identified in the utility’s TYSP.  In order to promote renewable 
energy generation, the Commission requires the IOUs to offer multiple options for capacity 
payments, including the options to receive early (prior to the in-service date of the avoided-unit) 
or levelized payments.  The different payment options allow renewable energy providers the 
option to select the payment option that best fits its financing requirements and provides a basis 
from which negotiated contracts can be developed.  On July 8, 2014, the Commission approved 
standard offer contracts resulting in the continuous offering of nearly 3,484 MW for Florida’s 
four largest IOUs.   
 
As previously discussed, large amounts of renewable energy is generated on an as-available 
basis.  As-available energy is energy produced and sold by a renewable energy generator on an 
hour-by-hour basis for which contractual commitments as to the quantity and time of delivery are 
not required.  As-available energy is purchased at a rate equal to the utility’s hourly incremental 
system fuel cost, which reflects the highest fuel cost of generation each hour.  
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Utility Owned Renewable Generation 
 
Utility owned renewable generation also contributes to the State’s total renewable capacity.  The 
majority of this generation is from solar facilities.  Due to the intermittent nature of solar 
resources, capacity from these facilities is considered non-firm for planning purposes.  
 
In 2008, Section 366.92(4), F.S., was enacted and provides, in part, the following:  
 

In order to demonstrate the feasibility and viability of clean energy systems, the 
commission shall provide for full cost recovery under the environmental cost-
recovery clause of all reasonable and prudent costs incurred by a provider for 
renewable energy projects that are zero greenhouse gas emitting at the point of the 
generation, up to a total of 110 MW statewide.  

 
In 2008, the Commission approved a petition by FPL seeking installation of the full 110 MW 
across three solar energy facilities.  The solar projects consisted of, a pair of solar PV facilities 
and a single solar thermal facility.  In response to staff interrogatories, FPL estimated that the 
three solar facilities would cost an additional $573 million above traditional generation costs 
over the life of the facilities.  In 2012, Section 366.92, F.S., was revised and no longer includes 
the passage described above. 
 
Based on actual data provided by FPL, the combined cost of generation of the three solar 
facilities was $.45/kWh in 2013.  These facilities make up a significant portion of the utility 
owned renewable generation.  Since full operation began, the two solar PV facilities have 
operated largely as expected; however, the solar thermal facility has experienced multiple 
outages which have hindered its performance.  Based on actual data collected from the three 
facilities, the maximum output does not appear to be coincident with the system’s peak demand.  
 
Hydroelectric units at two sites, one owned by the City of Tallahassee Utilities, and one operated 
by the Federal government, supply 63 MW of renewable capacity.  Because of Florida’s 
geography, however, new hydroelectric power generation is largely limited.   
 
Customer Owned Renewable Generation 
 
With respect to customer owned renewable generation, Rule 25-6.065, F.A.C., requires the IOUs 
to offer net metering for all types of renewable generation up to 2 MW in capacity and a standard 
interconnection agreement with an expedited interconnection process.  Net metering allows a 
customer, with renewable generation capability, to offset their energy usage.  In 2008, the 
effective year of the discussed Rule, customer owned renewable generation accounted for 3 MW 
of renewable capacity.  As of 2013, approximately 63 MW of renewable capacity from nearly 
6,700 systems has been installed statewide.  Table 7 below, summarizes the growth of customer 
owned renewable generation interconnections.  
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Table 7:  State of Florida - Net Metering Growth 
Year 2008 2009 2010 2011 2012 2013 

Number of Installations 577 1,625 2,833 3,994 5,302 6,697 

Installed Capacity (MW)  2.8 13.0 19.9 28.4 42.2 63.0 
Source: Annual Net Metering Reports 
 
Planned Renewable Additions 
 
Florida’s utilities plan to construct or purchase an additional 722 MW of renewable generation 
over the ten-year planning period.  Table 8 below, summarizes the planned renewable capacity 
increases by generation type. 
 
 

Table 8:  State of Florida - Planned Renewable Resources 
Renewable Type MW % Total 

Municipal Solid Waste 90 12.4% 
Waste Heat 0 0.0% 
Solar 332 46.1% 
Hydro 0 0.0% 
Wind 0 0.0% 
Solid Biomass 272 37.6% 
Landfill Gas 28 3.9% 
Total of All 722 100% 

Source: FRCC 2014 Load & Resource Plan and TYSP Utilities Data Responses 
 
 
Of the 722 MW of planned renewable capacity, 361.5 MW is projected to be from firm 
resources.  All of the projected firm capacity additions are from renewable contracts with non-
utility generators.  Table 9 below, summarizes the firm capacity renewable resources that are 
planned over the ten-year planning horizon.  The remaining planned capacity from renewable 
resources is projected to be from non-firm resources including several 50 MW solar facilities.  
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Table 9:  Planned Firm Renewables 
Purchasing 

Utility 
Facility Name 

Fuel 
Type 

Capacity 
(MW) 

In-Service 
Date 

JEA Trailridge LFG 9.0 2014 

JEA Sarasota County LFG 6.4 2014 

RCI Harvest Power OBS 2.4 2014 

GPC Perdido LFG 1.5 2015 

JEA New River LFG 3.2 2015 

OUC Shaw Environmental LFG 9.0 2015 

FPL 
Solid Waste Authority of Palm Beach 
County 

MSW 90.0 2015 

DEF Unknown - US EcoGen WDS 60.0 2017 

FPL Ecogen Clay OBS 60.0 2021 

FPL Ecogen Martin OBS 60.0 2021 

FPL Ecogen Okeechobee OBS 60.0 2021 

Total of All 361.5  

Source: FRCC 2014 Load & Resource Plan and TYSP Utilities Data Responses 
 
More than 170 MWs of contracted firm renewable capacity are projected to expire within the 
ten-year planning.  If new contracts are signed in the future to replace those that expire, these 
resources will once again be included in the state’s capacity mix to serve future demand.  If these 
contracts are not extended, the renewable facilities could still deliver energy on an as-available 
basis.  
 
Renewable Outlook  
 
The Commission, in conjunction with the U.S. Department of Energy and the Lawrence 
Berkeley National Laboratory, retained Navigant Consulting, Inc. (Navigant) to prepare a 
detailed assessment of Florida’s renewable potential in 2008.  Navigant’s assessment identified 
several key drivers that impact renewable energy development in Florida.  Three of the “key 
drivers” were the cost of the natural gas, the cost of CO2, and the adoption of a Renewable 
Portfolio Standard (RPS).   
 
Under the scenario considered to be favorable in fostering renewable generation, Navigant 
assumed natural gas prices between $11-$14/MMBTU, CO2 emission costs ($2/ton initially, 
then scaling to $50/ton by 2020) and the adoption of an RPS in Florida.  At this time, natural gas 
prices are projected at $4.40/MMBTU in 2014, there is no current federal pricing for CO2 
emissions, and no RPS legislation has been enacted.  Therefore, current market conditions do not 
favor the development of renewable generation. 
 
Even with these difficulties, Florida’s renewable generation is projected to increase over the 
planning period.  Renewable generation contributes to the state’s fuel diversity and reduces 
dependence on fossil fuels.  While current economic conditions may prevent more expensive 
forms of renewable generation, those cost-effective forms of renewable generation will continue 
to increase the state’s share of renewable generation.  
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Traditional Generation 
 
While renewable generation increases its contribution to the state’s generating capacity, a 
majority of generation is projected to come from traditional sources, such as fossil-fueled steam 
and turbine generators that have been added to Florida’s electric grid over the last several 
decades.  Due to forecasted increases in peak demand, further traditional resources are 
anticipated over the planning period. 
 
Florida’s electric utilities have historically relied upon several different fuel types to serve 
customer load.  Previous to the oil embargo, Florida used oil-fired generation as its primary 
source of electricity until the increase in oil prices made this undesirable.  Since that time, 
Florida’s electric utilities have sought a variety of other fuel sources to diversify the state’s 
generation fleet to more reliably and affordably serve customers.  Numerous factors, including 
swings in fuel prices, availability, environmental concerns, and other factors have resulted in a 
variety of capacity on Florida’s electric grid.  Solid fuels such as coal and nuclear increased 
during the shift away from oil-fired generation, and more recently natural gas has emerged as the 
dominant fuel type in Florida. 
 
Existing Generation 
 
Florida’s generating fleet includes incremental new additions to a historic base fleet, with units 
retiring as they become uneconomical to operate or maintain.  Currently, Florida’s existing 
capacity ranges greatly in age and fuel type, and legacy investments continue.  The weighted 
average age of Florida’s generating units is 23 years.  While the original commercial in-service 
date may be in excess of 60 years for some units, they are constantly maintained as necessary in 
order to ensure safe and reliable operation, including uprates from existing capacity which may 
have been added after the original in-service date.  Figure 11 below, illustrates the decade 
currently operating generating capacity was originally added to the grid, with the largest 
additions occurring in the 2000s. 
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Figure 11:  Florida Electric Utility Installed Capacity by Decade 

 

 
Source: 2014 FRCC Load & Resource Plan 
 
 
The existing generating fleet will be impacted by several events over the planning period.  New 
and proposed environmental regulations may require changes in unit dispatch, fuel switching, or 
installation of pollution control equipment which may reduce net capacity.  Modernizations will 
allow more efficient resources to replace older generation while potentially reusing power plant 
assets such as transmission and other facilities, switching to more economic fuel types, or uprates 
at existing facilities to improve power output.  Lastly, retirements of units which can no longer 
be economically operated and maintained or meet environmental requirements will reduce the 
existing generation. 
 
Impact of EPA Rules 
 
In addition to maintaining a fuel efficient and diverse fleet, Florida’s utilities must also comply 
with changing environmental requirements.  During the past several years, the U.S. 
Environmental Protection Agency (EPA) has finalized or proposed several rules which will 
impact both existing and planned generating units in the state.  Environmental requirements and 
associated costs must be considered to fully evaluate any new supply-side resources, as well as 
the operation of existing generating units. 
 
Six EPA rules are anticipated to affect electric generation in Florida: 
 

• Carbon Pollution Emissions Standards for Modified and Reconstructed Secondary 
Sources: Electric Utility Generating Units – Sets carbon dioxide emissions limits for 
modified or reconstructed electric generators.  These limits vary by type of fuel 
(coal/IGCC or natural gas), size of unit (less than or above approximately 100 
megawatts), and whether the unit is modified or reconstructed.  This rule was proposed 
by the EPA on June 18, 2014, and has not yet been finalized. 
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• Carbon Pollution Emission Guideline for Existing Electric Generating Units – Requires 

each state to submit a plan to EPA that outlines how the state’s existing electric 
generation fleet will meet a series of goals, in terms of pounds of carbon dioxide emitted 
per generated megawatt-hour, to reduce the state’s carbon dioxide emissions.  The 
guidelines will apply to a statewide average of all generating units over 25 megawatts.  
EPA proposed this rule on June 18, 2014, and anticipates finalizing it by June 2015, with 
state plans to be filed by June 2016, with possible one-year extensions.  The Commission 
has sought comments from interested parties to be filed with the EPA, which has 
extended the period to file comments until December 1, 2014. 

 
• Mercury and Air Toxics Standards (MATS) - Sets limits for air emissions from existing 

and new coal- and oil-fired electric generators with a capacity greater than 25 megawatts.  
Covered emissions include: mercury and other metals, acid gases, and organic air toxics 
for all generators, as well as particulate matter, sulfur dioxide, and nitrogen oxide from 
new and modified coal and oil units.  On April 15, 2014, U.S. Court of Appeals for the 
D.C. Circuit fully upheld the rule.  This decision will not become active, however, until 
all appeals have been resolved. 

 
• Cross-State Air Pollution Rule (CSAPR) - Requires 28 states, including Florida, to 

reduce air emissions that contribute to ozone and/or fine particulate pollution in other 
states.  The rule applies to all fossil-fueled (i.e., coal, oil, and natural gas) electric 
generators with a capacity over 25 megawatts within these states.  Florida is only subject 
to the rule’s seasonal NOx emissions requirements.  On April 29, 2014, the U.S. Supreme 
Court upheld the rule by a 6-2 vote.  On June 26, 2014, EPA asked the U.S. Court of 
Appeals for the D.C. Circuit to lift its stay on the rule.  The court has not yet acted on this 
request, and it is not clear at this time if or when the stay will be lifted.   

 
• Cooling Water Intake Structures (CWIS) - Sets impingement standards to reduce harm to 

aquatic wildlife pinned against cooling water intake structures at electric generating 
facilities.  All existing electric generators that use water for cooling with an intake 
velocity of at least two million gallons per day must meet impingement standards.  
Generating units with higher intake velocity may have additional requirements to reduce 
the damage to aquatic wildlife due to entrapment in the cooling water system 
(entrainment).  On May 28, 2014, the final rule was published in the Federal Register. 

 
• Coal Combustion Residuals (CCR) - Requires liners and ground monitoring to be 

installed on new landfills in which coal ash is deposited.  A Consent Decree, filed 
January 29, 2014, in the U.S. District Court for the District of Columbia, requires EPA to 
publish notice of a final action by December 19, 2014. 

 
For many of the units that will remain in operation, these new rules will result in an increased 
cost of operations.  Each utility will need to evaluate whether these additional costs or new 
operational limitations allow the continued economic operation of each affected unit, and 
whether installation of emissions control equipment, fuel switching, or retirement is the proper 
course of action. 
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Modernization and Efficiency Improvements 
 
Modernizations involve removing existing generator units that may no longer be economical to 
operate, such as oil-fired steam units, and reusing the power plant site’s transmission or fuel 
handling facilities with a new set of generating units.  The modernization of existing plant sites 
allows for significant improvement in both performance and emissions, typically at a lower price 
than new construction at a greenfield site.  Not all sites are candidates for modernization due to 
site layout and other concerns, and to minimize rate impacts, modernization of existing units 
should be considered along with new construction at greenfield sites. 
 
The Commission has previously granted determinations of need for several conversations of oil-
fired steam units to natural gas-fired combined cycle units, including FPL’s Cape Canaveral, 
Riviera, and Port Everglades power plants.  DEF has also recently conducted a conversion of its 
Bartow power plant, but this did not require a determination of need from the Commission. 
 
Utilities also plan several efficiency improvements to existing generating units.  An example is 
the conversion of existing simple cycle combustion turbines into a combined cycle unit, which 
captures the waste heat and uses it to generate additional electricity using a steam turbine.  The 
Commission has granted a determination of need for the conversion of TECO’s Polk Units 2 
through 5 to a single combined cycle unit.  FPL plans on upgrades to its existing combined cycle 
fleet by improving the performance of the integrated combustion turbines at many of its current 
and planned power plants.  DEF plans to upgrade the capacity of its Hines combined cycle units 
by installing chiller modules. 
 
Planned Retirements 
 
Power plant retirements occur when the electric utility is unable to economically operate or 
maintain a generating unit due to environmental, economic, or technical concerns.  Table 10 
below, lists the 4,252 MW of existing generation that is scheduled to be retired during the 
planning period and a majority of which is natural gas-fired peaking units.  Approximately 1,260 
MW of the planned retirements are three dozen small peaking units at two power plant sites 
operated by FPL. 
 
A notable retirement is DEF’s Crystal River Units 1 and 2.  Originally scheduled to retire in 
2016, the retirement of these units have been delayed until 2018.  This delay is due in part to a 
temporary averaging of emissions across the existing four units at the Crystal River site to meet 
environmental regulations, as Crystal River Units 4 and 5 have pollution controls installed. 
 
Some retired units will continue operation in a different form.  FPL intends to retire Turkey Point 
1, a large oil-fired steam unit, and convert it to a synchronous condenser to support the 
transmission system and provide voltage regulation.  FPL previously converted Turkey Point 2 to 
operate as a synchronous condenser.  
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Table 10:  Electric Generating Units to be Retired 

Year 
Utility 
Name 

Plant Name 
& Unit Number 

Unit Type Fuel Type 

Net 
Summer 
Capacity 

(MW) 

2014 NSB Smith (3-4,6-11) Internal Combustion Oil 13  

2014 NSB Swoope Station (2-4) Internal Combustion Oil 5  

2014 DEF G. E. Turner P3 Combustion Turbine Oil 53  

2014 JEA Girvin Landfill Internal Combustion Landfill Gas 1  

 2014 Subtotal 72  

2015 FPL Municipal Plant 1 & 3-4 Steam Natural Gas 94  

2015 JEA Northside Steam Natural Gas 524  

2015 TAL Hopkins GT1 Combustion Turbine Natural Gas 12  

2015 TAL Purdom GT1&2 Combustion Turbine Natural Gas 20  

2015 FPL Putnam 1 & 2 Combined Cycle Natural Gas 498  

2015 GULF Scholz 1 & 2 Steam Coal 92  

 2015 Subtotal 1,240  

2016 DEF Avon Park P2 Combustion Turbine Oil 24  

2016 DEF Rio Pinar P1 Combustion Turbine Oil 12  

2016 DEF G. E. Turner P1&2 Combustion Turbine Oil 20  

2016 DEF Avon Park Combustion Turbine Natural Gas 24  

 2016 Subtotal 80  

2017 FPL Turkey Point 1 Steam Oil 396  

2017 TAL Hopkins GT2 Combustion Turbine Natural Gas 24  

 2017 Subtotal 420  

2018 DEF Crystal River 1 & 2 Steam Coal 740  

2018 DEF Suwannee River 1-3 Steam Natural Gas 128  

2018 GPC Pea Ridge 1-3 Combustion Turbine Natural Gas 12  

2018 FPL Lauderdale 1-24 Combustion Turbine Natural Gas 840  

2018 FPL Port Everglades 1-12 Combustion Turbine Natural Gas 420  

2018 FPL Municipal Plant 2&5 Combined Cycle Natural Gas 44  

 2018 Subtotal 2,184  

2020 DEF Higgins P1-4 Combustion Turbine Natural Gas 105  

2020 TAL Hopkins Steam Natural Gas 76  

 2020 Subtotal 181  

2022 GRU Deerhaven Steam Natural Gas 75  

 2022 Subtotal 75  

Total Retirements 4,252  
Source: 2014 FRCC Load & Resource Plan, 2014 Ten-Year Site Plans 
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JEA’s Northside 5, a natural gas and oil-fired steam unit, was scheduled for retirement in 2019 in 
the utility’s Ten-Year Site Plan, but subsequently JEA announced that the retirement would be 
accelerated by four years to 2015. 
 
Reliability Requirements 
 
Florida’s electric utilities are expected to have enough generating assets available at the time of 
peak demand to meet forecasted customer demand.  Potential instabilities could occur if 
customer demand exceeds the forecast or if generating units are unavailable due to maintenance 
or forced outages.  To address these circumstances, utilities are required to maintain additional 
planned generating capacity above the forecasted customer demand, referred to as the reserve 
margin. 
 
Electric utilities within the FRCC region, which consists of Peninsular Florida, must maintain a 
minimum of 15 percent reserve margin for planning purposes.  Certain utilities have elected to 
have a higher reserve margin, either on an annual or seasonal basis.  The three largest reporting 
electric utilities, FPL, DEF, and TECO, are party to a stipulation approved by the Commission 
that utilizes a 20 percent reserve margin for planning.   
 
While Florida’s electric utilities are separately responsible for maintaining an adequate planning 
reserve margin, a statewide view illustrates the degree to which capacity may be available for 
purchases during periods of high demand or unit outages.  Figure 12 below, is a projection of the 
statewide seasonal reserve margin including all proposed power plants. 
 
Role of Demand Response in Reserve Margin 
 
The Commission also considers the planning reserve margin without demand response.  As 
illustrated in Figure 12 below, the statewide seasonal reserve margin exceeds the FRCC’s 
required 15 percent planning reserve margin without activation of demand response.  Demand 
response activation increases the reserve margin in the summer by 8 percent on average, and 
represents 30 percent of the planning reserve margin. 
 
Demand response participants receive discounted rates or credits regardless of activation, with 
these costs recovered from all ratepayers.  Because of the voluntary nature of demand response, a 
concern exists that a heavy reliance upon this resource would make participants eschew the 
discounted rates or credits for firm service.  For interruptible customers, participants must 
provide notice that they intend to leave the demand response program, with a notice period of 
three or more years being typical.  For load management participants, usually residential or small 
commercial customers, no advanced notice is typically required to leave.  Historically, demand 
response participants have rarely been called upon during the peak hours, but are more 
frequently called upon during off-peak periods due to other reliability concerns.  This trend is 
assumed to continue during the planning period. 
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Figure 12:  State of Florida Reserve Margin with New Units 

 

 
Source: 2014 FRCC Load & Resource Plan 
 
Fuel Price Forecast 
 
In general, the capital cost of a power plant is inversely proportional to the cost of the fuel used 
to generate electricity from that unit.  However, fuel price is an important economic factor 
affecting the dispatch of the existing generating fleet and the selection of new generating units.  
The major fuels consumed by Florida’s electric utilities are natural gas, coal, uranium, and oil.  
Figure 13 below, illustrates the weighted average fuel price history and forecasts for the 
reporting electric utilities. 
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Figure 13:  Average Reporting Electric Utility Fuel Price 

 
Source: 2014 TYSP Utilities Data Responses 
 
 
As Figure 14 below, shows the price of natural gas declined rapidly after the financial crisis, and 
is forecasted to remain near historically low levels.  The smaller differential and higher 
efficiency of natural gas has shifted the dispatch order, with natural gas units displacing coal 
units.  The trend has also encouraged utilities to modify existing units to be capable of burning 
natural gas, either as a starter fuel, supplemental fuel, or primary fuel. 
 
 

Figure 14:  Fuel Price Comparison for Coal and Natural Gas 

 
Source: 2014 TYSP Utilities Data Responses 
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Fuel Diversity 
  
The volatility of natural gas in the early 2000s led to concern regarding escalating customer bills 
and an expectation that natural gas prices would remain high.  While Florida’s electric utilities 
made plans to build coal-fired units rather than continuing to increase the reliance on natural gas, 
concerns regarding potential environmental regulations and other projected costs lead to 
cancellation of new coal-fired generation.  Traditionally, coal was the lowest cost fuel besides 
nuclear and was dispatched before most natural gas-fired units.  Natural gas has since risen to 
become the dominant fuel in Florida within the last ten years, displacing coal, and since 2010 has 
generated more net energy for load than all other fuels combined.  As Figure 15 illustrates, 
natural gas is the source of approximately 60 percent of electric energy consumed in Florida, 
down from its peak in 2012 of 65 percent.  The 2012 spike in natural gas usage was associated 
with extended outages at FPL’s nuclear plants for uprates, with gas usage decreasing as the 
nuclear units returned to operation.  Natural gas generation is anticipated to serve future growth 
until the end of the planning period, when additional nuclear generation comes online. 
 
 

Figure 15:  Natural Gas Contribution to Florida Energy Consumption 

 
Source: 2005-2014 FRCC Load & Resource Plans 
 
 
Because a balanced fuel supply can enhance system reliability and mitigate the effects of 
volatility in fuel price fluctuations, it is important that utilities have a level of flexibility in their 
generation mix.  Maintaining fuel diversity on Florida’s system faces several difficulties.  
Existing coal units will require additional emissions control equipment leading to reduced 
output, or retirement, if the emissions controls are uneconomic to install or operate.  New solid 
fuel generating units such as nuclear and coal have long lead times and high capital costs.  New 
coal units face challenges relating to new environmental compliance requirements, making it 
unlikely they could be permitted without novel emissions control technology. 
 
Figure 16 below, shows Florida’s historic and forecast percent net energy for load by fuel type 
for the actual years 2003 and 2013, and forecast year 2023.  Oil has declined significantly, with 
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its uses reduced to start-up fuel, peaking, and back-up for dual-fuel units in case of a fuel outage.  
Nuclear generation was reduced beginning in 2010 by the outage and eventual retirement of 
Crystal River 3 and extended outages for uprates at FPL’s St. Lucie and Turkey Point power 
plants.  The uprates of Florida’s four remaining nuclear units were completed by 2013, and 
added approximately 520 MW of capacity, reducing the impact of the loss of Crystal River 3.  
While coal generation has declined somewhat, it is expected to rebound slightly and remain at a 
plateau throughout the planning period.  This rebound was based upon the Utility’s filings before 
the announcement of the EPA’s Clean Power Plan.  The 2015 Ten-Year Site Plans should 
include some considerations of the potential impacts of this regulation on each utility’s fuel 
consumption.  Natural gas has been the primary fuel used to meet the growth energy 
consumption, and this trend is anticipated to continue throughout the planning period. 
 
 

Figure 16:  Florida Historic and Forecast Fuel Consumption 

 
Source: 2005-2014 FRCC Load & Resource Plans 
 
 
New Generation Planned 
 
Current demand and energy forecasts continue to indicate that in spite of increased levels of 
conservation, energy efficiency, renewable generation, and existing traditional generation 
resources, the need for additional generating capacity still exists.  While reductions in demand 
have been significant, the total demand for electricity is expected to increase, making the 
addition of traditional generating units necessary to satisfy reliability requirements and provide 
sufficient electric energy to Florida’s consumers.  Because any capacity addition has certain 
economic impacts based on the capital required for the project, and due to increasing 
environmental concerns relating to solid fuel-fired generating units, Florida’s utilities must 
carefully weigh the factors involved in selecting a supply-side resource for future traditional 
generation projects.  
 
In addition to traditional economic analyses, utilities also consider several strategic factors, such 
as fuel availability, generation mix, and environmental compliance prior to selecting a new 



40 
 

supply-side resource.  Limited supplies, access to water or rail delivery points, pipeline capacity, 
water supply and consumption, land area limitations, cost of environmental controls, and 
fluctuating fuel costs are all important considerations.  
 
Figure 17 below, illustrates the present and future aggregate capacity mix.  The capacity values 
in Figure 17 incorporate all proposed additions, changes, and retirements contained in the 
reporting utilities’ 2014 Ten-Year Site Plans and the FRCC’s 2014 Load and Resource Plan. 
 
 

Figure 17:  Florida Current and Projected Installed Capacity by Fuel and Technology 

 
Source: 2014 FRCC Load & Resource Plan and TYSP Utilities Data Responses 
 
 
New Power Plants by Fuel Type 
 
Nuclear 
 
Nuclear capacity, while an alternative to natural gas-fired generation, is capital-intensive and 
requires a long lead time to construct.  Only a single Florida electric utility, FPL, is projecting 
additional nuclear power plants during the planning period.  Table 11 below, lists the two new 
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nuclear units anticipated in the planning period, Turkey Point Units 6 and 7.  FPL had previously 
uprated its existing four nuclear generating units, with the last uprate completed in early 2013.  
While DEF had previously projected the addition of two nuclear units, Levy Units 1 and 2, it has 
discontinued this project but continues its efforts to obtain a combined operating license from the 
Nuclear Regulatory Commission. 
 
 

Table 11:  Planned Nuclear Units 

In-Service 
Year 

Utility 
Name 

Plant Name 
& Unit Number 

Unit Type 
Net Capacity 

(MW) 

Sum Win 

2022 FPL Turkey Point 6 Nuclear Steam 1,100 1,100 

2023 FPL Turkey Point 7 Nuclear Steam 1,100 1,100 

Source: 2014 Ten-Year Site Plans 
 
 
Natural Gas 
 
All remaining new utility-owned power plants are natural gas-fired combustion turbines or 
combined cycle units.  Natural gas-fired combined cycle units represent 39.1 percent of installed 
capacity in 2013.  Combustion turbines, which run in simple cycle mode as peaking units, 
represent the third most abundant type of generating capacity, behind only coal-fired steam 
generation.  Because combustion turbines are not a form of steam generation, they do not require 
siting under the Power Plant Siting Act.  Table 12 below, lists the approximate 10,363 MW net 
summer capacity of proposed new natural gas-fired generation included in the 2014 Ten-Year 
Site Plans. 
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Table 12:  Planned Natural Gas Units 

In-Service 
Year 

Utility 
Name 

Plant Name 
& Unit Number 

Unit Type 
Net Capacity 

(MW) 

Sum Win 

2014 FPL Riviera Beach Combined Cycle 1,212 1,344 

2016 FPL Port Everglades Combined Cycle 1,237 1,346 

2017 TECO Polk Combined Cycle 459 463 

2018 DEF Citrus Combined Cycle 1,640 1,820 

2019 FPL Unsited Combined Cycle 1,269 1,429 

2020 SEC Unsited Combined Cycle 440 523 

2021 DEF Unsited Combined Cycle 793 866 

Combined Cycle Subtotal 7,050 7,791 

2016 DEF Suwannee River 3 & 4 Combustion Turbine 316 375 

2019 FPL Lauderdale CT1-5 Combustion Turbine 1,005 1,000 

2020 TAL Hopkins 5 Combustion Turbine 46 48 

2020 TECO Future CT1 Combustion Turbine 190 220 

2020 SEC Unsited CT 1 & 2 Combustion Turbine 402 450 

2021 SEC Unsited CT 3-7 Combustion Turbine 1,005 1,125 

2023 GPC Unsited CT Combustion Turbine 349 360 

Combustion Turbine Subtotal 3,313 3,578 

Total Planned Natural Gas Units 10,363 11,369 

Source: 2014 Ten-Year Site Plans 
 
 
Commission’s Authority over Siting 
 
The Commission has been given exclusive jurisdiction to determine the need for new electric 
power plants by the Legislature through the Power Plant Siting Act (PPSA) at Section 403.519, 
F.S.  Any proposed steam or solar generating unit of at least 75 MW requires a certification 
under the PPSA.  Upon receipt of a determination of need, the electric utility would then seek 
approval from the Florida Department of Environmental Protection, which addresses land use 
and environmental concerns.  Finally, the Governor and Cabinet, sitting as the Siting Board, 
must approve or deny the overall certification of a proposed power plant. 
 
Approximately 12,565 MW of new utility-owned generating units are planned to enter service 
over the next ten-year period, with 74 percent of that capacity, 9,250 MW, subject to the PPSA.  
However, a majority of the proposed units have already received a determination of need from 
the Commission.  The Commission most recently approved the determination of need for DEF’s 
proposed Citrus plant, which will still have to seek approval from DEP and the Siting Board.  A 
total of 2,502 MW still requires a determination of need, as shown in Table 13 below. 
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Table 13:  Planned Units Requiring a Determination of Need 

In-Service 
Year 

Utility 
Name 

Plant Name 
& Unit Number 

Unit Type 
Net Capacity 

(MW) Notes 
Sum Win 

2018 DEF Citrus Combined Cycle 1,640 1,820 
See Order No. 

PSC-14-0557-FOF-EI 

2019 FPL Unsited Combined Cycle 1,269 1,429 
 

2020 SEC Unsited Combined Cycle 440 523 
 

2021 DEF Unsited Combined Cycle 793 866 
 

 Source: 2014 Ten-Year Site Plans 
 
 
Transmission 
 
The Commission has been given broad authority pursuant to Chapter 366, F.S., to require 
reliability within Florida’s coordinated electric grid and to ensure the planning, development, and 
maintenance of adequate generation, transmission, and distribution facilities within the state.  As 
generation capacity increases, the transmission system must grow accordingly to maintain the 
capability of delivering energy to end users.   
 
The Commission has been given sole jurisdiction to determine the need for new electric 
transmission lines by the Legislature through the Florida Electric Transmission Line Siting Act 
(TLSA) at Section 403.537, F.S.  To require certification under Florida’s TLSA, a proposed 
transmission line must meet the following criteria:  a nominal voltage rating of at least 230 kV, 
crossing a county line, and a length of at least 15 miles.  Proposed lines in an existing corridor 
are exempt from TLSA requirements.  The Commission determines the reliability need and the 
proposed starting and end points for lines requiring TLSA certification.  The proposed corridor 
route is subsequently determined by the Florida DEP during the certification process.  Much like 
the PPSA, the Governor and Cabinet sitting as the Siting Board ultimately must approve or deny 
the overall certification of a proposed line. 
 
Table 14 below, lists all proposed transmission lines in the 2014 Ten-Year Site Plans that require 
TLSA certification.  All planned lines have already received the approval of the Commission, 
either independently or as part of a PPSA determination of need. 
 
 

Table 14 : Planned Transmission Lines 

Utility Transmission Line 

Line  Nominal  Date Date In-Service 

Length Voltage Need TLSA Date 

(Miles) (kV) Approved Certified   

FPL Manatee – Bobwhite 30 230 8/28/2006 11/06/2008 12/01/2014 
FPL St Johns – Pringle 25 230 5/13/2005 4/01/2006 12/01/2018 

TECO Thonotosassa - Wheeler 8 230 6/22/2007 8/08/2008 TBD 
TECO Wheeler - Willow Oak 17 230 6/23/2007 8/09/2008 TBD 

 Source: 2014 Ten-Year Site Plans 
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Florida Power & Light Company (FPL) 
 
FPL is an investor-owned utility and Florida’s largest electric utility.  The utility’s service 
territory is within the FRCC region and is primarily in south Florida and along the east coast.  As 
an investor-owned utility, the Commission has regulatory authority over all aspects of 
operations, including rates, reliability, and safety.  Pursuant to Section 186.801(2), F.S., the 
Commission finds FPL’s 2014 Ten-Year Site Plan suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, FPL had approximately 4,627,000 customers and annual retail energy sales of 102,784 
GWh, or approximately 47.4 percent of Florida’s annual retail energy sales.  Figure 18 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, FPL’s customer base has 
increased by 9.5 percent, while retail sales have grown by only 3.7 percent.  Since 2009, FPL has 
been outperforming the state average in retail energy sale growth, a trend it projects to continue 
into the future.  As illustrated below, retail energy sales are anticipated to exceed their historic 
2007 peak in 2014, three years faster than the state as a whole.  This forecast includes FPL’s 
acquisition of the Vero Beach electric system beginning in 2015, which is estimated to represent 
0.6 percent of FPL’s 2023 net energy for load. 
 
 

Figure 18:  FPL Growth Rate 

 Source: 2014 Ten-Year Site Plan 
 
The three graphs in Figure 19 below, shows FPL’s seasonal peak demand and net energy for load 
for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  These graphs 
include the impact of demand-side management, and for future years assume that all available 
demand response resources will be activated during the seasonal peak.  Historically, demand 
response was not activated during the seasonal peak demand, excluding the winters of 2010 and 
2011. 
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Figure 19:  FPL Demand and Energy Forecasts 

 
 

 
 

 
 Source: 2014 Ten-Year Site Plan and Data Responses 
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As an investor-owned utility, FPL is subject to FEECA and currently offers energy efficiency 
and demand response programs to customers to reduce peak demand and annual energy 
consumption.  For planning purposes, FPL utilized its proposed demand-side management goals 
for the forecast period.  The utility’s 2015 Ten-Year Site Plan should include revised values that 
would reflect the Commission’s decision in the currently open FEECA goal-setting Docket No. 
130199-EI. 
 
Fuel Diversity 
 
Table 15 below, shows FPL’s actual net energy for load by fuel type as of 2013, and the 
projected fuel mix for 2023.  FPL relies primarily upon natural gas and nuclear for energy 
generation, making up approximately 90 percent of net energy for load. 
 

Table 15:  FPL Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2013 2023 

GWh % GWh % 

Natural Gas 75,208 67.4% 76,379 57.7% 

Coal 5,981 5.4% 6,779 5.1% 

Nuclear 25,243 22.6% 42,915 32.4% 

Oil 196 0.2% 123 0.1% 

Renewable 155 0.1% 192 0.1% 

Interchange 4,445 4.0% 0 0.0% 

NUG & Other 428 0.4% 5,968 4.5% 

Total 111,656   132,356   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
Reliability Requirements 
 
While previously only reserve margin has been discussed, Florida’s utilities use multiple indices 
to determine the reliability of the electric supply.  An additional metric is the Loss of Load 
Probability (LOLP), which is a probabilistic assessment of the duration of time electric customer 
demand will exceed electric supply, and is measured in units of days per year.  FPL uses a 
maximum LOLP of no more than 0.1 days per year, or approximately 1 day of outage per ten 
years.  Between the two reliability indices, LOLP and reserve margin, the reserve margin 
requirement is typically the controlling factor for the addition of capacity. 
 
Since 1999, FPL has utilized a 20 percent planning reserve margin criterion.  Figure 20 below, 
displays the forecast planning reserve margin for FPL through the planning period for both 
seasons, with and without the use of demand response.  As shown in the figure, FPL’s generation 
needs are controlled by its summer peak throughout the planning period. 
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Figure 20:  FPL Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
Proposed Third Reliability Requirement 
 
 
In addition to these two reliability indices, FPL is proposing in its 2014 Ten-Year Site Plan to 
introduce a third reliability criterion.  FPL’s proposed requirement would be to have available 
firm capacity 10 percent greater than the sum of customer seasonal demand, without 
consideration of incremental energy efficiency and all existing and incremental demand response 
resources.  FPL refers to this as its 10 percent generation-only reserve margin.  Currently, no 
other utility has proposed a similar metric.  While TECO includes a minimum supply-side 
contribution in its planning methodology, TECO uses a lower value of seven percent and 
incremental energy efficiency is included in its calculation. 
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While FPL proposes to not include incremental energy efficiency resources and cumulative 
demand response in its resource planning for the proposed metric, the utility would remain 
subject to FEECA and the conservation goals established by the Commission.  FPL would 
continue paying rebates and other incentives to participants, which are collected from all 
ratepayers through the Energy Conservation Cost Recovery Clause, but would not consider the 
potential capacity reductions of any future participation in energy efficiency or demand response 
programs during the ten-year planning period for planning purposes with this new reliability 
criterion only.   
 
Energy efficiency, which includes installation of equipment designed to reduce peak demand and 
annual energy consumption, is considered a passive resource.  While demand response must be 
activated by the utility, energy efficiency provides benefits consistently for the duration of the 
installation, reducing annual energy consumption, and if usage is coincident with system peak, 
peak demand.  Customers do not remove building envelope improvements or newly installed 
equipment until the end of its service life for replacement. 
 
As noted in the Statewide Perspective, the Commission does review the impact on reserve 
margin of demand response resources.  At this time, FPL offers two types of demand response 
programs.  The first type is interruptible and curtailable load programs, consisting of the 
Commercial/Industrial Load Control Program (CILC) and Commercial/Industrial Demand 
Reduction Rider (CDR) tariffs.  The second type is load management programs, including the 
Residential On-Call and Business On-Call Programs. 
 
FPL expresses an over-reliance upon demand response will result in frequent customer 
interruptions, which will in turn, cause customers to end their voluntary participation, which 
could negatively impact reliability.  FPL addresses this concern for large commercial and 
industrial customers by including minimum noticing requirements for customers to leave the 
CILC and CDR tariffs.  Customers must provide five years notice before the customer is able to 
end participation, excluding special provisions.  This is sufficient time for a utility to plan a unit 
to provide firm capacity.  In contrast, the Residential On-Call and Business On-Call programs 
have only a seven day advanced notice requirement.  However, each individual customer’s 
demand reduction for these programs is much smaller. 
 
As previously noted, FPL has historically not activated demand response customers during 
seasonal peaks, excluding two winter peaks in which only CILC and CDR customers were 
activated.  Regardless of whether or not demand response capacity is activated, participants 
receive bill credits or discounted rates.  It should be noted that peak reductions during annual 
peaks, which is the focus of a reserve margin, are not the only use for demand response.  In fact, 
FPL reports a total of 144 activations within the past ten years of its demand response resources, 
with an average 11 activations per summer and 4 activations per winter.  Only seven of the 144 
activations included CILC and CDR participants. 
 
While FPL’s proposed generation-only reserve margin would increase the amount of capacity 
required for all years of the planning period, based upon the timing of other unit additions, it is 
the controlling factor for two years of the ten-year planning period.  In 2020 and 2021, FPL 
would increase firm capacity purchases by 113 MW and 130 MW, respectively, to meet the 
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proposed metric.  At this time, FPL has not yet entered into purchased power agreements for this 
additional capacity.  Without these additional purchases, FPL’s generation only reserve margin, 
excluding demand response and incremental energy efficiency would be 9.6 percent in 2020 and 
9.5 percent in 2021.  During the years of 2020 and 2021, the statewide summer reserve margin 
would be in excess of 17 percent without activating demand response, so it is likely that 
additional power would be available for purchase in case of high demand. 
 
As part of FEECA, the Commission annually publishes a report on the accomplishments of the 
FEECA Utilities, of which FPL is one, towards meeting conservation goals established by the 
Commission.  The Commission monitors and tracks the anticipated and actual program 
participation and savings associated with the utility’s conservation programs, including energy 
efficiency and demand response.  If participation in a program is less than anticipated, the utility 
has the opportunity to respond by modifying the program.  This annual review mechanism would 
therefore alert the Commission if a utility were not meeting its conservation goals and allow 
steps to be taken to adjust as necessary. 
 
At this time, while FPL has noted its use of this metric in several dockets before the 
Commission, the utility has not requested approval to use this metric or its value, nor does the 
Commission’s suitability finding of FPL’s 2014 Ten-Year Site Plan constitute approval.  The 
Commission will have an opportunity to review FPL’s proposed metric if it becomes a 
controlling factor for a determination of need of a new electrical power plant. 
 
Generation Resources 
 
FPL plans multiple unit retirements and additions during the planning period, as described below 
in Table 16.  Three dozen of the retirements are small natural gas-fired combustion turbines used 
as peakers, to be replaced by five new units that will offer superior efficiency and emissions 
profiles.  FPL’s 2014 Ten-Year Site Plan includes the acquisition of Vero Beach’s generating 
units, which are all planned for retirement by 2018.  Lastly, FPL is converting Turkey Point 1 to 
operate as a synchronous condenser to support the transmission system in South Florida.   
 
In addition to the peaking units discussed above, FPL included the addition of three new natural 
gas-fired combined cycle units and two new nuclear steam units.  Only one of the combined 
cycles has yet to receive a determination of need from the Commission, with a filing anticipated 
sometime during 2015. 
 
 



52 
 

Table 16:  FPL Unit Retirements and Additions 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 

Sum Win 
 

Retiring Units 

Oil 

2017 Turkey Point 1 Steam 396  398  Synchronous Condenser 
Natural Gas 

2015 Municipal Plant 1 & 3-4 Steam 94  98  From Vero Beach 
2015 Putnam 1 & 2 Combined Cycle 498  529    
2018 Lauderdale 1-24 Combustion Turbine 840  917    
2018 Port Everglades 1-12 Combustion Turbine 420  458    
2018 Municipal Plant 2&5 Combined Cycle 44  46  From Vero Beach 
 

New Units 
Natural Gas 

2014 Riviera Beach Energy Center Combined Cycle 1,212  1,344  In Service 
2016 Port Everglades Modernization Combined Cycle 1,237  1,346  Previously Approved 
2019 Unsited Combined Cycle Combined Cycle 1,269  1,429  Requires Approval 
2019 Lauderdale CT1-5 Combustion Turbine 1,005  1,000    

Nuclear 
2022 Turkey Point 6 Steam 1,100  1,100  Previously Approved 
2023 Turkey Point 7 Steam 1,100  1,100  Previously Approved 

Source: 2014 Ten-Year Site Plan and Data Responses 
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Duke Energy Florida, Inc. (DEF) 
 
DEF is an investor-owned utility and Florida’s second largest electric utility.  The utility’s 
service territory is within the FRCC region and is primarily in central and west central Florida.  
As an investor-owned utility, the Commission has regulatory authority over all aspects of 
operations, including rates, reliability, and safety.  Pursuant to Section 186.801(2), F.S., the 
Commission finds DEF’s 2014 Ten-Year Site Plan suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, DEF had approximately 1,657,000 customers and annual retail energy sales of 36,616 
GWh, or approximately 16.9 percent of Florida’s annual retail energy sales.  Figure 21 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, DEF’s customer base has 
increased by 6.88 percent, while retail sales have declined by 4.13 percent.  As illustrated below, 
retail energy sales are anticipated to exceed the historic 2006 peak by 2020, three years later than 
the state as a whole. 
 

Figure 21:  DEF Growth Rate 

 
Source: 2014 Ten-Year Site Plan 
 
The three graphs in Figure 22 below, show DEF’s seasonal peak demand and net energy for load 
for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  These graphs 
include the full impact of demand-side management, and assume that all available demand 
response resources were or will be activated during the seasonal peak.  Historically, demand 
response has not been activated during seasonal peak demand excluding extreme weather events.  
As an investor-owned utility, DEF is subject to FEECA and currently offers energy efficiency 
and demand response programs to customers to reduce peak demand and annual energy 
consumption.  DEF based its estimated conservation values off of its existing demand-side 
management portfolio.  The utility’s 2015 Ten-Year Site Plan should include revised values that 
would reflect the Commission’s decision in the currently open FEECA goal-setting docket. 
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Figure 22:  DEF Demand and Energy Forecasts 

 
 

 
 

 
Source: 2014 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
 
Table 17 below, shows DEF’s actual net energy for load by fuel type as of 2014 and the 
projected fuel mix for 2023.  DEF relies primarily upon natural gas and coal for energy 
generation, making up approximately 80 percent of net energy for load.  DEF plans to 
substantially reduce coal usage over the planning period, but coal usage will be greater than all 
other energy types excluding natural gas. 
 
 

Table 17:  DEF Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2013 2023 
GWh % GWh % 

Natural Gas 23,061 56.6% 35,370 77.8% 

Coal 10,577 25.9% 6,585 14.5% 

Nuclear 0 0.0% 0 0.0% 

Oil 220 0.5% 57 0.1% 

Renewable 1,132 2.8% 1,256 2.8% 

Interchange 1,409 3.5% 687 1.5% 

NUG & Other 4,373 10.7% 1,505 3.3% 

Total 40,772   45,459   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
Reliability Requirements 
 
Since 1999, DEF has utilized a 20 percent planning reserve margin criterion.  Figure 23 below, 
displays the forecast planning reserve margin for DEF through the planning period for both 
seasons, with and without the use of demand response.  As shown in the figure, DEF’s 
generation needs are controlled by its summer peaking throughout the planning period.  While 
the utility’s summer planning reserve margin dips below 20 percent in 2018, the deficiency is 
only 19.6 MW and is anticipated to be resolved by 2019. 
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Figure 23:  DEF Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
Generation Resources 
 
DEF plans multiple unit retirements and additions during the planning period, as described below 
in Table 18.  DEF’s 2014 Ten-Year Site Plan includes the retirement of the coal-fired Crystal 
River Units 1 and 2, to be replaced by a pair of natural gas-fired combined cycle units.  DEF’s 
Plan also includes the addition of two combustion turbines at the Suwannee River plant site, but 
this is subject to change based upon the outcome of a potential purchase of merchant capacity. 
 
In addition to the units discussed above, DEF includes the retirement of five oil-fired units and 
eight natural gas-fired units at multiple power plant sites.  An additional new combined cycle is 
planned for 2021 which will require a determination of need from the Commission 
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Table 18:  DEF Unit Retirements and Additions 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 

Sum Win 
 

Retiring Units 

Coal 

2018 Crystal River 1 & 2 Steam 740  743   

Oil 

2014 G. E. Turner P3 Combustion Turbine 53  77   
2016 Avon Park P2 Combustion Turbine 24  35   
2016 Rio Pinar P1 Combustion Turbine 12  15   
2016 G. E. Turner P1&2 Combustion Turbine 20  26   

Natural Gas 
2016 Avon Park Combustion Turbine 24  35   
2018 Suwannee River 1-3 Steam 128  129   
2020 Higgins P1-4 Combustion Turbine 105  116   
 

New Units 
Natural Gas 

2016 Suwannee River Combustion Turbine 316  375  Docket No. 140111-EI 
2018 Citrus Combined Cycle Combined Cycle 1,640  1,820  Docket No. 140110-EI 
2021 Unsited Combined Cycle Combined Cycle 793  866  Requires Approval 

Source: 2014 Ten-Year Site Plan 
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Tampa Electric Company (TECO) 
 
TECO is an investor-owned utility and Florida’s third largest electric utility.  The utility’s 
service territory is within the FRCC region and consists primarily of the Tampa metropolitan 
area.  As an investor-owned utility, the Commission has regulatory authority over all aspects of 
operations, including rates, reliability, and safety.  Pursuant to Section 186.801(2), F.S., the 
Commission finds TECO’s 2014 Ten-Year Site Plan suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, TECO had approximately 695,000 customers and annual retail energy sales of 18,418 
GWh, or approximately 8.5 percent of Florida’s annual retail energy sales.  Figure 24 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, TECO’s customer base has 
increased by 12.01 percent, while retail sales have declined by 0.10 percent.  As illustrated 
below, retail energy sales are anticipated to exceed the historic 2007 peak by 2020, three years 
later than the state as a whole. 
 
 

Figure 24:  TECO Growth Rate 

 
Source: 2014 Ten-Year Site Plan 
 
The three graphs in Figure 25 below, shows TECO’s seasonal peak demand and net energy for 
load for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  These 
graphs include the full impact of demand-side management, and assume that all available 
demand response resources were or will be activated during the seasonal peak.  Historically, 
demand response has not been activated during seasonal peak demand excluding extreme 
weather events.  
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Figure 25:  TECO Demand and Energy Forecasts 

 
 

 
 

 
Source: 2014 Ten-Year Site Plan and Data Responses 
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As an investor-owned utility, TECO is subject to FEECA and currently offers energy efficiency 
and demand response programs to customers to reduce peak demand and annual energy 
consumption.  The utility’s 2015 Ten-Year Site Plan should include revised values that would 
reflect the Commission’s decision in the currently open FEECA goal-setting docket. 
 
Fuel Diversity 
 
Table 19 below, shows TECO’s actual net energy for load by fuel type as of 2014 and the 
projected fuel mix for 2023.  TECO uses coal for a majority of energy generation, and based on 
the 2014 Ten-Year Site Plan, energy from coal is anticipated to be equal to all other sources 
combined.  Natural gas is the second largest source of energy for the utility, at approximately 40 
percent of net energy for load. 
 
 

Table 19:  TECO Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2013 2023 

GWh % GWh % 

Natural Gas 7,601 39.6% 9,009 42.4% 

Coal 9,647 50.3% 10,650 50.1% 

Nuclear 0 0.0% 0 0.0% 

Oil 8 0.0% 0 0.0% 

Renewable 0 0.0% 0 0.0% 

Interchange 200 1.0% 0 0.0% 

NUG & Other 1,720 9.0% 1,604 7.5% 

Total 19,177   21,263   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
 
Reliability Requirements 
 
Since 1999, TECO has utilized a 20 percent planning reserve margin criterion.  TECO also elects 
to maintain a minimum supply-side reserve margin of 7 percent.  Figure 26 below, displays the 
forecast planning reserve margin for TECO through the planning period for both seasons, with 
and without the use of demand response.  As shown in the figure, TECO’s generation needs are 
controlled by its summer peaking throughout the planning period. 
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Figure 26:  TECO Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
Generation Resources 
 
TECO plans a pair of unit additions during the planning period, as described below in Table 20.  
TECO plans to convert a set of four natural gas-fired simple cycle combustion turbines at its 
Polk power plant to combined cycle operation.  The additional capacity associated with the 
modernization is listed below, and has already been certified through the Power Plant Siting Act.  
TECO also plans the addition of a peaking unit, a natural gas-fired combustion turbine in 2020.   
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Table 20:  TECO Unit Additions 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 

Sum Win 
 

New Units 
Natural Gas 

2017 Polk  CC Conversion Combined Cycle 459  463  Previously Approved 
2020 Future CT1 Combustion Turbine 190  220    

Source: 2014 Ten-Year Site Plan 
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Gulf Power Company (GPC) 
 
GPC is an investor owned utility, and is Florida’s sixth largest electric utility.  It represents the 
smallest of the generating investor-owned utilities, and the only one inside the Southern 
Company electric system.  As GPC plans and operates its system in conjunction with the other 
Southern Company utilities, not all of the energy generated by GPC is consumed within Florida.  
As an investor-owned utility, the Commission has regulatory authority over all aspects of 
operations, including rates, reliability, and safety.  Pursuant to Section 186.801(2), F.S., the 
Commission finds GPC’s 2014 Ten-Year Site Plan suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, GPC had approximately 438,000 customers and annual retail energy sales of 10,620 
GWh, or approximately 4.9 percent of Florida’s annual retail energy sales.  Figure 27 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, GPC’s customer base has 
increased by 9.90 percent, while retail sales have declined by 3.86 percent.  As illustrated below, 
retail energy sales are anticipated to exceed the historic 2008 peak by 2020, three years later than 
the state as a whole. 
 
 

Figure 27:  GPC Growth Rate 

 
Source: 2014 Ten-Year Site Plan 
 
 
The three graphs in Figure 28 below, shows GPC’s seasonal peak demand and net energy for 
load for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  These 
graphs include the full impact of demand-side management. 
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Figure 28:  GPC Demand and Energy Forecasts 

 
 

 
 

 
Source: 2014 Ten-Year Site Plan and Data Responses 
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As an investor-owned utility, GPC is subject to FEECA and currently offers energy efficiency 
and demand response programs to customers to reduce peak demand and annual energy 
consumption.  The utility’s 2015 Ten-Year Site Plan should include revised values that would 
reflect the Commission’s decision in the currently open FEECA goal-setting docket. 
 
Fuel Diversity 
 
Table 21 below, shows GPC’s actual net energy for load by fuel type as of 2013, and the 
projected fuel mix for 2023.  GPC is an energy exporter, producing over a quarter more energy 
than it requires for native load.  While natural gas was the dominant fuel source in 2013, coal 
made up approximately half of energy produced.  By 2023, GPC’s 2014 Ten-Year Site Plan 
projects a decline in sales to only 11.1 percent of native load, with coal representing 
approximately 70 percent of system energy.  GPC projects a greater percent of energy 
consumption from coal in 2023 than any other investor-owned utility and all but two other TYSP 
Utilities, JEA and OUC.  
 
 

Table 21:  GPC Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2013 2023 

GWh % GWh % 

Natural Gas 8,834 76.5% 5,258 39.9% 

Coal 5,601 48.5% 9,078 68.9% 

Nuclear 0 0.0% 0 0.0% 

Oil 1 0.0% 1 0.0% 

Renewable 0 0.0% 0 0.0% 

Interchange -3,174 -27.5% -1,469 -11.1% 

NUG & Other 290 2.5% 311 2.4% 

Total 11,552   13,179   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
 
Reliability Requirements 
 
As previously noted, GPC is the only Ten-Year Site Plan Utility outside of the FRCC region.  As 
part of Southern Company’s electric system, GPC plans to maintain a 15 percent seasonal 
planning reserve margin beginning in 2017.  Figure 29 below, displays the forecast planning 
reserve margin for GPC through the planning period for both seasons, including the impact of 
energy efficiency programs.  As shown in the figure, GPC’s generation needs are typically 
determined by its summer peak, but in 2014 the winter peak is the controlling factor.  Notably, 
GPC’s 2014 Ten-Year Site Plan projects a low reserve margin for its summer 2023 period, with 
a reserve margin of only 1.1 percent.  The decline in reserve margin is associated with the 
expiration of a purchased power agreement of approximately 885 MW of natural gas-fired 
generation in June 2023.  It is anticipated that GPC would either construct additional generation 
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beyond the units identified above or contract for purchased power to meet its planning reserve 
requirement in 2023. 
 
 

Figure 29:  GPC Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
Generation Resources 
 
GPC plans multiple unit retirements and additions during the planning period, as described 
below in Table 22.  A pair of coal-fired steam units and three natural gas-fired combustion 
turbines would be retired during the planning period.  Based on its 2014 Ten-Year Site Plan, 
GPC plans to add a single natural gas-fired combustion turbine in 2023, after the expiration of a 
purchased power agreement expires.  In addition, GPC plans on the addition of utility-owned 
renewable generation from a landfill gas-fired internal combustion unit, which would provide 
firm capacity. 
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Table 22:  GPC Unit Retirements and Additions 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 

Sum Win 
 

Retiring Units 

Coal 

2015 Scholz 1 & 2 Steam 92  92   
Natural Gas 

2018 Pea Ridge 1-3 Combustion Turbine 12  15   
 

New Units 
Natural Gas 

2023 Unsited CT Combustion Turbine 349  360   
Landfill Gas 

2015 Perdido Internal Combustion 2  2   

Source: 2014 Ten-Year Site Plan 
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Florida Municipal Power Agency (FMPA) 
 
FMPA is a governmental wholesale power company owned by several Florida municipal utilities 
throughout Florida.  Collectively, FMPA is Florida’s eighth largest electric utility and third 
largest municipal electric utility.  While FMPA has 31 member systems, only those members 
who are participants of the All-Requirements Power Supply Project (ARP) are addressed in the 
utility’s Ten-Year Site Plan.  FMPA is responsible for planning activities associated with ARP 
member systems.  As a municipal utility, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning.  
Pursuant to Section 186.801(2), F.S., the Commission finds FMPA’s 2014 Ten-Year Site Plan 
suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, FMPA had approximately 267,000 customers and annual retail energy sales of 5,688 
GWh, or approximately 2.6 percent of Florida’s annual retail energy sales.  Figure 30 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, FMPA’s customer base has 
decreased by 3.68 percent, while retail sales have decreased by 14.04 percent.  As illustrated 
below, retail energy sales are not anticipated to exceed the historic 2007 peak during the 
planning period, and will, in fact, be below 2004 retail energy sale levels by 7.56 percent.  The 
reduction in sales is associated with several ARP member systems modifying their contractual 
agreements with FMPA, such that FMPA no longer provides for the system’s capacity and 
energy needs.  Those member systems modifying agreements include the City of Vero Beach in 
2010, the City of Lake Worth in 2014, and the City of Fort Meade in 2015. 
 
 

Figure 30:  FMPA Growth Rate 

 
Source: 2014 Ten-Year Site Plan 
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Figure 31:  FMPA Demand and Energy Forecasts 

 
 

 
 

 
Source: 2014 Ten-Year Site Plan and Data Responses 
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The three graphs in Figure 31 above, shows FMPA’s seasonal peak demand and net energy for 
load for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  As 
FMPA is a wholesale power company, it does not directly engage in energy efficiency or 
demand response programs.  ARP member systems do offer demand-side management 
programs, the impacts of which are included in the graphs below. 
 
Fuel Diversity 
 
Table 23 below, shows FMPA’s actual net energy for load by fuel type as of 2014 and the 
projected fuel mix for 2023.  FMPA uses natural gas as its primary fuel, supplemented by coal 
and nuclear generation.  FMPA projects an increase in purchased power and energy from coal in 
2023, but 70 percent of energy would still be sourced from natural gas and nuclear. 
 
 

Table 23:  FMPA Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2013 2023 

GWh % GWh % 

Natural Gas 4,527 73.8% 4,336 66.8% 

Coal 734 12.0% 960 14.8% 

Nuclear 618 10.1% 287 4.4% 

Oil 2 0.0% 1 0.0% 

Renewable 46 0.8% 23 0.4% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 206 3.4% 881 13.6% 

Total 6,133   6,488   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
 
Reliability Requirements 
 
FMPA utilizes an 18 percent planning reserve margin criterion for summer peak demand, and a 
15 percent planning reserve margin criterion for winter peak demand.  Figure 32 below, displays 
the forecast planning reserve margin for FMPA through the planning period for both seasons, 
with the impact of energy efficiency programs.  As shown in the figure, FMPA’s generation 
needs are controlled by its summer peak throughout the planning period. 
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Figure 32:  FMPA Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
Generation Resources 
 
FMPA plans no unit additions or retirements during the planning period.  However, as discussed 
above, several ARP member systems have elected to modify their contractual agreements with 
FMPA, such that FMPA no longer utilizes the member system’s generation resources. 
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Gainesville Regional Utilities (GRU) 
 
GRU is a municipal utility and the smallest electric utility required to file a Ten-Year Site Plan.  
The utility’s service territory is within the FRCC region and consists of the City of Gainesville 
and its surrounding area.  GRU also provides wholesale power to the City of Alachua and Clay 
Electric Cooperative.  As a municipal utility, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning.  
Pursuant to Section 186.801(2), F.S., the Commission finds GRU’s 2014 Ten-Year Site Plan 
suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, GRU had approximately 93,000 customers and annual retail energy sales of 1,694 
GWh, or approximately 0.8 percent of Florida’s annual retail energy sales.  Figure 33 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, GRU’s customer base has 
increased by 7.96 percent, while retail sales have decreased by 7.41 percent.  As illustrated 
below, retail energy sales are not anticipated to exceed their historic 2007 peak during the 
planning period. 
 
 

Figure 33:  GRU Growth Rate 

 
Source: 2014 Ten-Year Site Plan 
 
 
The three graphs in Figure 34 below, shows GRU’s seasonal peak demand and net energy for 
load for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  GRU 
engages in multiple energy efficiency programs to reduce customer peak demand and annual 
energy for load.  The graphs in Figure 34 include the impact of these demand-side management 
programs. 
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Figure 34:  GRU Demand and Energy Forecasts 

 
 

 
 

 
Source: 2014 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
 
Table 24 below, shows GRU’s actual net energy for load by fuel type as of 2013 and the 
projected fuel mix for 2023.  In 2013, natural gas and coal were approximately equal in terms of 
contribution to net energy for load, with the remaining energy split between renewable 
generation and non-utility generators.  By 2023, GRU projects a decline in natural gas and an 
increase in renewable energy to over 40 percent of net energy for load.  This increase in 
renewables is primarily associated with the Gainesville Renewable Energy Center, a biomass 
facility that GRU has a long-term purchased power agreement with for approximately 100 MW 
of firm capacity and energy. 
 
 

Table 24:  GRU Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2013 2023 

GWh % GWh % 

Natural Gas 696 37.1% 426 20.5% 

Coal 626 33.4% 756 36.3% 

Nuclear 81 4.3% 0 0.0% 

Oil 0 0.0% 0 0.0% 

Renewable 215 11.5% 901 43.3% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 255 13.6% 0 0.0% 

Total 1,873   2,083   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
 
Reliability Requirements 
 
 
GRU utilizes a 15 percent planning reserve margin criterion for seasonal peak demand.  Figure 
35 below, displays the forecast planning reserve margin for GRU through the planning period for 
both seasons, including the impacts of demand-side management.  As shown in the figure, 
GRU’s generation needs are controlled by its summer peak throughout the planning period.  As a 
smaller utility, the reserve margin is an imperfect measure of reliability due to the relatively large 
impact a single unit may have on reserve margin.  For example, GRU’s largest single unit, 
Deerhaven 2, a coal-fired steam unit, represents 56.3 percent of summer net firm peak demand in 
2014, almost the entirety of the utility’s reserve margin. 
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Figure 35:  GRU Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
Generation Resources 
 
GRU currently plans to retire a natural gas-fired steam unit towards the end of the planning 
period, as described below in Table 25.  As a smaller utility, single units can have a large impact 
upon reserve margin, discussed below.  GRU does not plan to add additional generating capacity 
during the planning period. 
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Table 25:  GRU Unit Retirements 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 

Sum Win 
 

Retiring Units 

Natural Gas 

2022 Deerhaven Steam 75  75   

Source: 2014 Ten-Year Site Plan 
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JEA 
 
JEA, formerly known as Jacksonville Electric Authority, is Florida’s largest municipal utility and 
fifth largest electric utility.  JEA’s service territory is within the FRCC region, and includes all of 
Duval County as well as portions of Clay and St. Johns Counties.  As a municipal utility, the 
Commission’s regulatory authority is limited to safety, rate structure, territorial boundaries, bulk 
power supply, operations, and planning.  Pursuant to Section 186.801(2), F.S., the Commission 
finds JEA’s 2014 Ten-Year Site Plan suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, JEA had approximately 425,000 customers and annual retail energy sales of 11,556 
GWh, or approximately 5.3 percent of Florida’s annual retail energy sales.  Figure 36 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, JEA’s customer base has 
increased by 11.36 percent, while retail sales have declined by 6.14 percent.  As illustrated 
below, JEA exceeded its 2007 peak for retail energy sales in 2010, but does not forecast 
returning to that level of energy sales during the planning period. 
 
 

Figure 36:  JEA Growth Rate 

 
Source: 2014 Ten-Year Site Plan and 2014 FRCC Load & Resource Plan 
 
 
The three graphs in Figure 37 below, shows JEA’s seasonal peak demand and net energy for load 
for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  These graphs 
include the full impact of demand-side management, and assume that all available demand 
response resources were or will be activated during the seasonal peak. 
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Figure 37:  JEA Demand and Energy Forecasts 

 
 

 
 

 
Source: 2014 Ten-Year Site Plan and Data Responses 
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While a municipal utility, JEA is subject to FEECA and currently offers energy efficiency and 
demand response programs to customers to reduce peak demand and annual energy 
consumption.  The utility’s 2015 Ten-Year Site Plan should include revised values that would 
reflect the Commission’s decision in the currently open FEECA goal-setting docket. 
 
Fuel Diversity 
 
Table 26 below, shows JEA’s actual net energy for load by fuel type as of 2013 and the projected 
fuel mix for 2023.  In 2013, a majority JEA’s net energy for load came from coal and petroleum 
coke, which is listed in the “NUG & Other” category in Table 26.  While the utility plans on 
eliminating petroleum coke usage over the planning period, JEA projects the highest percent 
energy consumption from coal in 2023 of the Ten-Year Site Plan utilities, almost doubling its 
usage of the solid fuel. 
 
 

Table 26:  JEA Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2013 2023 

GWh % GWh % 

Natural Gas 3,890 31.7% 1,090 8.2% 

Coal 5,376 43.8% 10,440 78.6% 

Nuclear 0 0.0% 0 0.0% 

Oil 3 0.0% 2 0.0% 

Renewable 92 0.7% 101 0.8% 

Interchange 841 6.8% 1,654 12.4% 

NUG & Other 2,084 17.0% 0 0.0% 

Total 12,286   13,286   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
 
Reliability Requirements 
 
JEA utilizes a 15 percent planning reserve margin criterion for seasonal peak demand.  Figure 38 
below, displays the forecast planning reserve margin for JEA through the planning period for 
both seasons, with and without the use of demand response.  As shown in the figure, JEA’s 
generation needs are controlled by its summer peak throughout the planning period. 
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Figure 38:  JEA Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
Generation Resources 
 
JEA plans to retire a pair of units during the planning period, as described below in Table 27.  
The Northside Unit 3, a natural gas-fired steam unit is planned for retirement in 2019 based on 
the utility’s Ten-Year Site Plan, but JEA subsequently announced that its retirement would be 
accelerated to 2015.  JEA also has retired its Girvin landfill units due to a decline in gas flows. 
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Table 27:  JEA Unit Retirements 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 

Sum Win 
 

Retiring Units 

Natural Gas 

2019 Northside Steam 524  524  Accelerated to 2015 
Landfill Gas 

2014 Girvin Landfill Internal Combustion 1  1  2014 

Source: 2014 Ten-Year Site Plan 
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Lakeland Electric (LAK) 
 
LAK is a municipal utility and the state’s third smallest electric utility required to file a Ten-Year 
Site Plan.  The utility’s service territory is within the FRCC region and consists of the City of 
Lakeland and surrounding areas.  As a municipal utility, the Commission’s regulatory authority 
is limited to safety, rate structure, territorial boundaries, bulk power supply, operations, and 
planning.  Pursuant to Section 186.801(2), F.S., the Commission finds LAK’s 2014 Ten-Year 
Site Plan suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, LAK had approximately 123,000 customers and annual retail energy sales of 2,831 
GWh, or approximately 1.3 percent of Florida’s annual retail energy sales.  Figure 39 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, LAK’s customer base has 
increased by 7.82 percent, while retail sales have grown by 3.47 percent.  As illustrated below, 
retail energy sales exceed their historic 2007 peak in 2010, and are anticipated to again exceed 
this value in 2015. 
 
 

Figure 39:  LAK Growth Rate 

 
Source: 2014 Ten-Year Site Plan 
 
 
The three graphs in Figure 40 below, shows LAK’s seasonal peak demand and net energy for 
load for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  LAK 
offers energy efficiency programs, the impacts of which are included in the graphs below. 
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Figure 40:  LAK Demand and Energy Forecasts 

 
 

 
 

 
Source: 2014 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
 
Table 28 below, shows LAK’s actual net energy for load by fuel type as of 2013 and the 
projected fuel mix for 2023.  LAK uses natural gas as its primary fuel type for energy, with coal 
representing slightly more than a quarter of net energy for load.  While natural gas usage is 
anticipated to increase somewhat as a percent of net energy for load, coal is projected to remain 
at a similar level to 2013. 
 
 

Table 28:  LAK Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2013 2023 

GWh % GWh % 

Natural Gas 2,018 69.1% 2,705 80.6% 

Coal 786 26.9% 926 27.6% 

Nuclear 0 0.0% 0 0.0% 

Oil 0 0.0% 0 0.0% 

Renewable 6 0.2% 21 0.6% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 109 3.7% -297 -8.9% 

Total 2,919   3,355   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
 
Reliability Requirements 
 
LAK utilizes a 15 percent planning reserve margin criterion for seasonal peak demand.  Figure 
41 below, displays the forecast planning reserve margin for LAK through the planning period for 
both seasons, including the impacts of demand-side management.  As shown in the figure, 
LAK’s generation needs are controlled by its winter peak throughout the planning period.  As a 
smaller utility, the reserve margin is an imperfect measure of reliability due to the relatively large 
impact a single unit may have on reserve margin.  For example, LAK’s largest single unit, 
McIntosh 5, a natural gas-fired combined cycle unit, represents 51.4 percent of winter net firm 
peak demand in 2014, in excess of the utility’s reserve margin. 
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Figure 41:  LAK Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
New Units 
 
LAK plans no unit additions or retirements during the planning period. 
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Orlando Utilities Commission (OUC) 
 
OUC is a municipal utility and Florida’s seventh largest electric utility and second largest 
municipal utility.  The utility’s service territory is within the FRCC region and primarily consists 
of the Orlando metropolitan area.  As a municipal utility, the Commission’s regulatory authority 
is limited to safety, rate structure, territorial boundaries, bulk power supply, operations, and 
planning.  Pursuant to Section 186.801(2), F.S., the Commission finds OUC’s 2014 Ten-Year 
Site Plan suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, OUC had approximately 215,000 customers and annual retail energy sales of 6,025 
GWh, or approximately 2.8 percent of Florida’s annual retail energy sales.  Figure 42 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, OUC’s customer base has 
increased by 17.28 percent, while retail sales have grown by 6.62 percent.  As illustrated below, 
retail energy sales are anticipated to exceed their historic 2008 peak in 2015. 
 
 

Figure 42:  OUC Growth Rate 

 
Source: 2014 Ten-Year Site Plan 
 
 
The three graphs in Figure 43 below, shows OUC’s seasonal peak demand and net energy for 
load for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  These 
graphs include the impact of the utility’s demand side management programs.  While a 
municipal utility, OUC is subject to FEECA and currently offers energy efficiency and demand 
response programs to customers to reduce peak demand and annual energy consumption.  The 
utility’s 2015 Ten-Year Site Plan should include revised values that would reflect the 
Commission’s decision in the currently open FEECA goal-setting docket. 
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Figure 43:  OUC Demand and Energy Forecasts 

 
 

 
 

 
Source: 2014 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
 
Table 29 below, shows OUC’s actual net energy for load by fuel type as of 2013 and the 
projected fuel mix for 2023.  In 2013, OUC used approximately equal portions of natural gas and 
coal as fuel to meet the utility’s net energy for load.  However, OUC projects to significantly 
increase the quantity of energy consumed from coal, while decreasing natural gas usage by 2023.  
Based upon this projection, OUC as a percent of net energy for load would be the second largest 
user of coal in Florida by 2023. 
 
 

Table 29:  OUC Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2013 2023 

GWh % GWh % 

Natural Gas 3,040 43.0% 839 12.4% 

Coal 3,030 42.9% 5,284 77.9% 

Nuclear 569 8.1% 462 6.8% 

Oil 0 0.0% 0 0.0% 

Renewable 91 1.3% 194 2.9% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 336 4.8% 0 0.0% 

Total 7,065   6,779   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
 
Reliability Requirements 
 
OUC utilizes a 15 percent planning reserve margin criterion for seasonal peak demand.  Figure 
44 below, displays the forecast planning reserve margin for OUC through the planning period for 
both seasons, including the impact of demand-side management programs.  As shown in the 
figure, OUC’s generation needs are controlled by its summer peak demand throughout the 
planning period. 
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Figure 44:  OUC Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
Generation Resources 
 
OUC plans no unit additions or retirements during the planning period. 
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Seminole Electric Cooperative (SEC) 
 
SEC is a generation and transmission rural electric cooperative that serves its member 
cooperatives, and is collectively Florida’s fourth largest utility.  SEC’s generation and member 
cooperatives are within the FRCC region, with member cooperatives located in central and north 
Florida.  As a rural electric cooperative, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning.  
Pursuant to Section 186.801(2), F.S., the Commission finds SEC’s 2014 Ten-Year Site Plan 
suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, SEC had approximately 865,000 customers and annual retail energy sales of 14,631 
GWh, or approximately 6.7 percent of Florida’s annual retail energy sales.  Figure 45 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, SEC’s customer base has 
increased by 9.15 percent, while retail sales have grown by only 0.67 percent.  As illustrated 
below, retail energy sales are anticipated to exceed their historic 2007 peak by 2022, 
approximately five years later than Florida as a whole.  The decline shown in 2014 is associated 
with one member cooperative, Lee County Electric Cooperative, electing to end its membership 
with SEC. 
 
 

Figure 45:  SEC Growth Rate 

 
Source: 2014 Ten-Year Site Plan 
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Figure 46:  SEC Demand and Energy Forecasts 

 
 

 
 

 
Source: 2014 Ten-Year Site Plan and Data Responses 
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The three graphs in Figure 46 above, shows SEC’s seasonal peak demand and net energy for 
load for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  As SEC 
is a generation and transmission company, it does not directly engage in energy efficiency or 
demand response programs.  Member cooperatives do offer demand-side management programs, 
the impacts of which are included in the graphs below. 
 
Fuel Diversity 
 
Table 30 below, shows SEC’s actual net energy for load by fuel type as of 2013 and the 
projected fuel mix for 2023.  In 2013, SEC uses a combination of coal and natural gas to meet its 
member cooperatives’ net energy for load, with coal use slightly higher than natural gas.  By 
2023, SEC projects this to reverse, with natural gas usage somewhat higher than coal. 
 
 

Table 30:  SEC Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2013 2023 

GWh % GWh % 

Natural Gas 7,071 44.7% 9,814 53.7% 

Coal 7,725 48.9% 7,859 43.0% 

Nuclear 0 0.0% 0 0.0% 

Oil 54 0.3% 61 0.3% 

Renewable 962 6.1% 550 3.0% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 0 0.0% 0 0.0% 

Total 15,812   18,284   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
 
Reliability Requirements 
 
SEC utilizes a 15 percent planning reserve margin criterion for seasonal peak demand.  Figure 47 
below, displays the forecast planning reserve margin for SEC through the planning period for 
both seasons, with and without the use of demand response.  Member cooperatives allow SEC to 
coordinate demand response resources to maintain reliability.  As shown in the figure, SEC’s 
generation needs are determined by winter peak demand more often than summer peak demand 
during the planning period. 
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Figure 47:  SEC Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
Generation Resources 
 
SEC plans the addition of several generating units during the planning period, as described 
below in Table 31.  All unsited natural gas-fired units, SEC plans the addition of a total of seven 
combustion turbines and a single combined cycle unit over the planning period. 
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Table 31:  SEC Unit Retirements and Additions 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 

Sum Win 
 

New Units 

 
2020 Unsited Combined Cycle Combined Cycle 440  523  Requires Approval 
2020 Unsited CT 1 &2 Combustion Turbine 402  450    
2021 Unsited CT 3-7 Combustion Turbine 1,005  1,125    

Source: 2014 Ten-Year Site Plan 
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City of Tallahassee Utilities (TAL) 
 
TAL is a municipal utility and the second smallest electric utility and municipal electric utility.  
The utility’s service territory is within the FRCC region and primarily consists of the City of 
Tallahassee and surrounding areas.  As a municipal utility, the Commission’s regulatory 
authority is limited to safety, rate structure, territorial boundaries, bulk power supply, operations, 
and planning.  Pursuant to Section 186.801(2), F.S., the Commission finds TAL’s 2014 Ten-
Year Site Plan suitable for planning purposes. 
 
Load & Energy Forecasts 
 
In 2013, TAL had approximately 116,000 customers and annual retail energy sales of 2,558 
GWh, or approximately 1.2 percent of Florida’s annual retail energy sales.  Figure 48 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2004.  Over the last ten years, TAL’s customer base has 
increased by 12.59 percent, while retail sales have declined by 4.63 percent.  As illustrated 
below, retail energy sales are not anticipated to exceed their historic 2007 peak until 2023, six 
years later than the state as a whole. 
 
 

Figure 48:  TAL Growth Rate 

 
Source: 2014 Ten-Year Site Plan 
 
 
The three graphs in Figure 49 below, shows TAL’s seasonal peak demand and net energy for 
load for the historic years of 2004 through 2013 and forecast years 2014 through 2023.  These 
graphs include the impact of demand-side management, and for future years assume that all 
available demand response resources will be activated during the seasonal peak.  TAL offers 
energy efficiency and demand response programs to customers to reduce peak demand and 
annual energy consumption.  Currently TAL only offers demand response programs targeting 
appliances that contribute to summer peak, and therefore have no effect upon winter peak. 
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Figure 49:  TAL Demand and Energy Forecasts 

 
 

 
 

 
Source: 2014 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
 
Table 32 below, shows TAL’s actual net energy for load by fuel type as of 2013 and the 
projected fuel mix for 2023.  TAL relies almost exclusively on natural gas for its generation, 
excluding some purchases from other utilities and qualifying facilities and the use of oil as a 
backup fuel.  Natural gas is anticipated to remain the sole fuel on the system, with only natural 
gas-fired generation to be added.  
 
 

Table 32:  TAL Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2013 2023 

GWh % GWh % 

Natural Gas 2,662 99.2% 2,903 99.5% 

Coal 0 0.0% 0 0.0% 

Nuclear 0 0.0% 0 0.0% 

Oil 2 0.1% 0 0.0% 

Renewable 23 0.8% 11 0.4% 

Interchange 1 0.0% 27 0.9% 

NUG & Other -3 -0.1% -23 -0.8% 

Total 2,684   2,918   

Source: 2014 Ten-Year Site Plan and Data Responses 
 
 
Reliability Requirements 
 
TAL utilizes a 17 percent planning reserve margin criterion for seasonal peak demand.  Figure 
50 below, displays the forecast planning reserve margin for TAL through the planning period for 
both seasons, with and without the use of demand response.  As discussed above, TAL only 
offers demand response programs applicable to the summer peak.  As shown in the figure, 
TAL’s generation needs are controlled by its summer peak throughout the planning period. 
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Figure 50:  TAL Reserve Margin Forecast 

 
 

 
Source: 2014 Ten-Year Site Plan 
 
 
Generation Resources 
 
TAL plans multiple unit retirements and a single addition during the planning period, as 
described below in Table 33.  Several older combustion turbines at two plant sites and a single 
steam unit, all natural gas-fired, are anticipated to be retired during the planning period.  Based 
upon its current planning, TAL intends to add a new natural gas-fired combustion turbine in 
2020. 
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Table 33:  TAL Unit Retirements and Additions 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 

Sum Win 
 

Retiring Units 

Natural Gas 

2015 Hopkins GT1 Combustion Turbine 12  14   
2015 Purdom GT1&2 Combustion Turbine 20  20   
2017 Hopkins GT2 Combustion Turbine 24  26   
2020 Hopkins Steam 76  78   
 

New Units 
Natural Gas 

2020 Hopkins 5 Combustion Turbine 46  48   

Source: 2014 Ten-Year Site Plan 
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Executive Summary 
Integrated resource planning (IRP) is a utility process that includes a cost-effective combination 
of demand-side resources and supply-side resources. While each utility has slightly different 
approaches to IRP, some things are consistent across the industry. Each utility must update their 
load forecast assumptions based on Commission decisions in various dockets, such as demand-
side management goals. Changes in government mandates, such as appliance efficiency 
standards, building codes, and environmental requirements, must also be considered. Other input 
assumptions such as demographics, financial parameters, generating unit operating 
characteristics, etc. are more fluid and do not require prior approval by the Commission. Each 
utility then conducts a reliability analysis to determine when resources may be needed to meet 
expected load. Next, an initial screening of demand-side and supply-side resources is performed 
to find candidates that meet the expected resource need. The demand-side and supply-side 
resources are combined in various scenarios to decide which combination meets the need most 
cost-effectively. After the completion of all these components, utility management reviews the 
results of the varying analyses and a utility’s Ten-Year Site Plan is produced as the culmination 
of the IRP process. Commission Rules also require the utilities to provide aggregate data which 
provides an overview of the State of Florida electric grid. 
 
The Commission’s annual review of utility Ten-Year Site Plans is non-binding but it does 
provide state, regional, and local agencies advance notice of proposed power plants and 
transmission facilities. Any concerns identified during the review of the utilities’ Ten-Year Site 
Plans may be addressed by the Commission at a formal public hearing, such as a power plant 
need determination proceeding. While Florida Statutes and Commission Rules do not 
specifically define IRP, they do provide a solid framework for flexible, cost-effective utility 
resource planning. In this way, the Commission fulfills its oversight and regulatory 
responsibilities while leaving day-to-day planning and operations to utility management. 
 
Pursuant to Section 186.801(1), Florida Statutes (F.S.), each generating electric utility must 
submit to the Florida Public Service Commission (Commission) a Ten-Year Site Plan which 
estimates the utility’s power generating needs and the general locations of its proposed power 
plant sites over a ten-year planning horizon. The Ten-Year Site Plans of Florida’s electric 
utilities summarize the results of each utility’s IRP process and are designed to give state, 
regional, and local agencies advance notice of proposed power plants and transmission facilities. 
The Commission is required to perform a preliminary study of each plan and classify each one as 
either “suitable” or “unsuitable.” This document represents the review of the 2015 Ten-Year Site 
Plans for Florida’s electric utilities, filed by eleven reporting utilities.1 
  
All findings of the Commission are made available to the Florida Department of Environmental 
Protection (DEP) for its consideration at any subsequent certification proceedings pursuant to the 

                                                 
1 Investor-owned utilities filing 2015 TYSPs include Florida Power & Light Company (FPL), Duke Energy Florida, 
Inc. (DEF), Tampa Electric Company (TECO), and Gulf Power Company (GPC). Municipal utilities filing 2015 
TYSPs include Florida Municipal Power Agency (FMPA), Gainesville Regional Utilities (GRU), JEA (formerly 
Jacksonville Electric Authority), Lakeland Electric (LAK), Orlando Utilities Commission (OUC), and City of 
Tallahassee Utilities (TAL). Seminole Electric Cooperative (SEC) also filed a 2015 TYSP. 



2 

Power Plant Siting Act or the Transmission Line Siting Act.2 In addition, this document is also 
provided to the Florida Department of Agriculture and Consumer Services pursuant to Section 
377.703(2)(e), F.S., which requires the Commission to provide a report on electricity and natural 
gas forecasts. 
 
 

Review of the 2015 Ten-Year Site Plans 
The Commission has divided this review into two portions: a Statewide Perspective, which 
covers the whole of Florida, and Utility Perspectives, which address each of the reporting 
utilities. From a statewide perspective, the Commission has reviewed the implications of the 
combined trends of Florida’s electric utilities regarding load forecasting, renewable generation, 
and traditional generation. 
 
Load Forecasting 
Forecasting load growth is an important component of the IRP process for Florida’s electric 
utilities. Florida’s electric utilities reduce the rate of growth in customer peak demand and annual 
energy consumption through demand-side management. The Commission, through its authority 
granted by Sections 366.80 through 366.85 and Section 403.519, F.S., otherwise known as the 
Florida Energy Efficiency and Conservation Act (FEECA), encourages demand-side 
management by establishing goals for the reduction of seasonal peak demand and annual energy 
consumption for those utilities under its jurisdiction. Based on current projections, Florida’s 
electric utilities anticipate exceeding the historic 2007 peak by 2017. Figure 1 below, details 
these trends.  
 
 

Figure 1: State of Florida - Growth in Customers and Sales  

 
Source: 2015 FRCC Load and Resource Plan  

                                                 
2 The Power Plant Siting Act is Sections 403.501 through 403.518, F.S. Pursuant to Section 403.519, F.S., the 
Commission is the exclusive forum for the determination of need for an electrical power plant. The Transmission 
Line Siting Act is Sections 403.52 through 403.5365, F.S. Pursuant to Section 403.537, F.S., the Commission is the 
sole forum for the determination of need for a transmission line. 

-5%

0%

5%

10%

15%

20%

25%

20
05

20
06

20
07

20
08

20
09

20
10

20
11

20
12

20
13

20
14

20
15

20
16

20
17

20
18

20
19

20
20

20
21

20
22

20
23

20
24

Actual Projected

P
er

ce
n

t 
C

h
an

ge
 S

in
ce

 2
00

4 

Number of Customers Retail Energy Sales Historic Sales Peak



3 

 
Renewable Generation 
Renewable resources continue to expand in Florida, with approximately 1,640 MW of renewable 
generating capacity currently installed in Florida. The majority of installed renewable capacity is 
represented by biomass and municipal solid waste, making up approximately 60 percent of 
Florida’s renewables. Other major renewable types, in order of capacity contribution, include 
waste, heat, solar, hydroelectric, and landfill gas. Notably, Florida had 80 MW of demand-side 
renewable energy systems installed and using net metering by the end of 2014, an increase in 
capacity of 27 percent from 2013. 
 
Over the next 10 years, Florida’s electric utilities have reported that 1,566 MW of additional 
renewable generation is planned in Florida, excluding any potential net metering additions. Over 
1,100 MW of the projected capacity additions are solar facilities, which is the largest amount 
ever included in the utilities’ Ten-Year Site Plans. Some utilities are including a portion of these 
solar resources as a firm resource for reliability considerations for the first time. Reasons given 
for these changes are a continued reduction in the price of solar facilities, availability of utility 
property with access to the grid, and actual performance data obtained from some pilot programs. 
If these conditions continue, cost-effective forms of renewable generation will continue to 
improve the state’s fuel diversity and reduce dependence on fossil fuels. 
 
Traditional Generation 
 Generating capacity within the State of Florida is anticipated to grow to meet the increase in 
customer demand, with approximately 11,548 MW of new utility-owned generation added over 
the planning horizon. This figure represents a decrease from the previous year, which estimated 
the need for about 12,570 MW new generation. Natural gas remains the dominant fuel over the 
planning horizon, with usage in 2014 at approximately 60 percent of the state’s net energy for 
load (NEL). Figure 2 illustrates the use of natural gas as a generating fuel for electricity 
production in Florida. Natural gas usage is expected to grow slowly.  
 

 
Figure 2: State of Florida - Natural Gas Contribution to Energy Consumption 

 
Source:2005-2015 FRCC Load and Resource Plan  
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Based on the 2015 Ten-Year Site Plans, Figure 3, below illustrates the present and future 
aggregate capacity mix of the State of Florida. The capacity values in Figure 3 incorporate all 
proposed additions, changes, and retirements planned during the ten-year period. As in previous 
planning cycles, natural gas-fired generating units make up a majority of the generation additions 
and now represent a majority of capacity within the state. 
 
 

Figure 3: State of Florida - Current and Projected Installed Capacity by Fuel 

 
Source:2015 FRCC Load and Resource Plan and TYSP Data Responses  
 
 
As noted previously, the primary purpose of this review of the utilities’ plans is to provide 
information regarding new electric power plants for local and state agencies to assist in the 
certification process. Table 1 below, displays those generation facilities that have not yet 
received from the Commission, a determination of need. A petition for a determination of need is 
generally anticipated at four years in advance of the in-service date for a natural gas-fired 
combined cycle unit. 
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Table 1: State of Florida - Planned Units Requiring a Determination of Need 

Year 
Utility 
Name 

Unit 
Name 

Fuel & Unit Type 
Net 

Capacity 
(Sum MW) 

Notes 
 

2019 FPL Okeechobee Natural Gas Combined Cycle 1,622 Docket No. 150196-EI 
2021 SEC Unnamed Natural Gas Combined Cycle 649   
2023 FPL Unknown Natural Gas Combined Cycle 1,317   
2023 OUC Unknown Natural Gas Combined Cycle 285   

Source: 2015 Ten Year Site Plans  
 
 

Future Concerns 
Florida’s electric utilities must also consider environmental concerns associated with existing 
generators and planned generation to meet Florida’s electric needs. The U.S. Environmental 
Protection Agency (EPA) has finalized or proposed several new rules in recent years that have a 
sizeable impact on Florida’s existing generation fleet, as well as on its proposed new facilities. 
 
Notably, the EPA finalized a rule in August 2015, associated with carbon pollution for existing 
power plants, also known as the Clean Power Plan. Because of the Clean Power Plan’s 
implementation schedules, these EPA Rules, though they may have a significant effect on 
Florida’s electric utilities, are not considered as part of this review. The Commission anticipates 
that the utilities’ 2016 Ten-Year Site Plans will include more discussion of potential impacts 
from the Clean Power Plan. 
 

Conclusion 
The Commission has reviewed the 2015 Ten-Year Site Plans and finds that the projections of 
load growth appear reasonable. The reporting utilities have identified sufficient additional 
generation facilities to maintain an adequate supply of electricity at a reasonable cost. The 
Commission will continue to monitor the impact of current and proposed EPA Rules and the 
state’s dependence on natural gas for electricity production. 
 
Based on its review, the Commission finds the 2015 Ten-Year Site Plans to be suitable for 
planning purposes. Since the Plans are not a binding plan of action for electric utilities, the 
Commission’s classification of these Plans as suitable or unsuitable does not constitute a finding 
or determination in docketed matters before the Commission. The Commission may address any 
concerns raised by a utility’s Ten-Year Site Plan at a public hearing. 
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Introduction 
Integrated resource planning (IRP) is a term used to describe a utility planning process to insure 
reliable and affordable electric service. Each utility must periodically update their load forecast 
assumptions and combine demand-side and supply-side resources in various scenarios to decide 
which combination meets the need most cost-effectively. The Ten-Year Site Plans (TYSPs or 
Plans) of Florida’s electric utilities are the culmination of an integrated resource plan which is 
designed to give state, regional, and local agencies advance notice of proposed power plants and 
transmission facilities. The Commission receives comments from these agencies regarding any 
issues with which they may have concerns. The Plans are planning documents that contain 
tentative data that is subject to change by the utilities upon written notification to the 
Commission.  
 
For any new proposed power plants and transmission facilities, certification proceedings under 
the Power Plant Siting Act, Sections 403.501 through 403.518, Florida Statutes (F.S.), or the 
Transmission Line Siting Act, Sections 403.52 through 403.5365, F.S., will include more 
detailed information than is provided in the Plans. The Commission is the exclusive forum for 
determination of need for electrical power plants, pursuant to Section 403.519, F.S., and for 
transmission lines, pursuant to Section 403.537, F.S. The Plans are not intended to be 
comprehensive, and therefore may not have sufficient information to allow regional planning 
councils, water management districts, and other reviewing state and local agencies to evaluate 
site-specific issues within their respective jurisdictions. Other regulatory processes may require 
the electric utilities to provide additional information as needed. 
 

Statutory Authority 
All major generating electric utilities are required by Section 186.801, F.S., to submit at least 
every two years, for review a Ten-Year Site Plan to the Commission. Based on these filings, the 
Commission performs a preliminary study of each Plan and makes a non-binding determination 
as to whether it is suitable or unsuitable. The results of the Commission’s study are contained in 
this report, the Review of the 2015 Ten-Year Site Plans, and are forwarded to the Florida 
Department of Environmental Protection for use in subsequent proceedings. In addition, Section 
377.703(2)(e), F.S., requires the Commission to collect and analyze energy forecasts, specifically 
for electricity and natural gas, along with the Department of Agriculture and Consumer Services. 
The Commission has adopted Rules 25-22.070 through 25-22.072, Florida Administrative Code 
(F.A.C.) in order to fulfill these statutory requirements and provide a solid framework for 
flexible, cost-effective utility resource planning. In this way, the Commission fulfills its 
oversight and regulatory responsibilities while leaving day-to-day planning and operations to 
utility management. 
 
Applicable Utilities 
Florida is served by 58 electric utilities, including 5 investor-owned utilities, 35 municipal 
utilities, and 18 rural electric cooperatives. Pursuant to Rule 25-22.071(1), F.A.C., only 
generating electric utilities with an existing capacity above 250 megawatts (MW) or a planned 
unit with a capacity of 75 MW or greater are required to file with the Commission a Ten-Year 
Site Plan every year.  
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In 2015, 11 utilities met these requirements and filed a Ten-Year Site Plan, including 4 investor-
owned utilities, 6 municipal utilities, and 1 rural electric cooperative. The investor-owned 
utilities, in order of size, are Florida Power & Light Company (FPL), Duke Energy Florida, Inc. 
(DEF), Tampa Electric Company (TECO), and Gulf Power Company (GPC). The municipal 
utilities, in alphabetical order, are Florida Municipal Power Agency (FMPA), Gainesville 
Regional Utilities (GRU), JEA (formerly Jacksonville Electric Authority), Lakeland Electric 
(LAK), Orlando Utilities Commission (OUC), and City of Tallahassee Utilities (TAL). The sole 
rural electric cooperative filing a 2015 Plan is Seminole Electric Cooperative (SEC). 
Collectively, these utilities are referred to as the Ten-Year Site Plan Utilities (TYSP Utilities). 
 
Figure 4 below, illustrates the comparative size of the TYSP Utilities, in terms of each utility’s 
percentage share of the state’s retail energy sales in 2014. Combined, the reporting investor-
owned utilities account for 78.3 percent of the state’s retail energy sales. Non-reporting utilities 
make up approximately 1.8 percent of the State’s retail energy sales. 
 
 

Figure 4: TYSP Utilities - Comparison of Reporting Electric Utility Size 

 
Source: 2015 Ten-Year Site Plans, 2015 Load & Resource Plan 
 
 
Required Content 
The Commission requires each reporting utility to provide information on a variety of topics. 
Schedules describe the utility’s existing generation fleet, customer composition, demand and 
energy forecasts, fuel requirements, reserve margins, changes to existing capacity, and proposed 
power plants and transmission lines. The utilities also provide a narrative documenting the 
methodologies used to forecast customer demand and the identification of resources to meet that 
demand over the ten-year planning period. This information, supplemented by additional data 
requests, provides the basis of the Commission’s review. 
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Additional Resources 
The Commission’s Rules also task the reporting electric utilities with collecting information on 
both a statewide basis and for Peninsular Florida, which excludes the area east of the 
Apalachicola River. The Florida Reliability Coordinating Council (FRCC) provides this 
aggregate data for the Commission’s review. Each year, the FRCC publishes a Regional Load 
and Resource Plan, which contains historic and forecast data on demand and energy, capacity 
and reserves, and proposed new generating units and transmission line additions. In addition, the 
FRCC publishes an annual Reliability Report which is also relied upon by the Commission. 
 
For certain comparisons additional data from various government agencies is relied upon, 
including the Energy Information Administration and the Florida Department of Highway Safety 
and Motor Vehicles. 
 
The Commission held a public workshop on September 15, 2015, to facilitate discussion of the 
annual planning process and allow for public comments. A presentation was conducted by the 
FRCC summarizing the 2015 Load and Resource Plan and other related matters, including fuel 
reliability, environmental regulations, and physical security of infrastructure. Presentations were 
also conducted by the four IOU’s FPL, DEF, TECO and GPC, discussing upcoming solar 
installations. Public comments from Office of Public Counsel, Southern Alliance for Clean 
Energy and Sierra Club were also given at the workshop.  
 

Structure of the Commission’s Review 
The Commission’s review is divided into multiple sections. The Statewide Perspective provides 
an overview of the State of Florida as a whole, including discussions of load forecasting, 
renewable generation, and traditional generation. The Utility Perspectives provides more focus, 
discussing the various issues facing each electric utility and its unique situation. Lastly, the 
comments collected from various review agencies, local governments, and other organizations 
are included as Appendix A. 
 

Conclusion 
Based on its review, the Commission finds all 11 reporting utility’s 2015 Ten-Year Site Plans to 
be suitable for planning purposes. During its review, the Commission has determined that the 
projections for load growth appear reasonable and that the reporting utilities have identified 
sufficient generation facilities to maintain an adequate supply of electricity at a reasonable cost. 
 
The Commission notes that, as the Ten-Year Site Plans are non-binding, the classification of 
suitable does not constitute a finding or determination in any docketed matter before the 
Commission, nor an approval of all planning assumptions contained within the Ten-Year Site 
Plans. The Commission may address any concerns raised by a utility’s Ten-Year Site Plan at a 
public hearing. 
 
 
  



10



Statewide Perspective

11



12 

Load Forecasting 

 
Forecasting load growth is an important component of the IRP process for Florida’s electric 
utilities. In order to maintain system reliability, utilities must be prepared for future changes in 
electricity consumption, including changes to the number of electric customers, customer usage 
patterns, building codes and appliance efficiency standards, new technologies such as electric 
vehicles, and the role of demand-side management. 
 

Electric Customer Composition 
The residential class represent the majority in terms of number of customers at 88.7 percent of 
customers , and retail energy sales for the three major customer classes, as illustrated in Figure 5 
below. Both commercial and industrial customers make up a sizeable percentage of energy sales, 
due to each class’ higher energy usage per customer account. 
 
 

Figure 5: State of Florida - Electric Customer Composition in 2014 

 
Source: FRCC 2015 Load and Resource Plan  
 
 
Florida’s residential customers make up a larger portion of retail energy sales than the United 
States as a whole, with a national average of 38 percent for residential retail sales. As a result, 
Florida’s utilities are impacted more by trends in residential energy usage, which tend to be 
associated with weather conditions. Florida’s residential customers rely more upon electricity for 
heating than the national average, with only a small portion using alternate fuels such as natural 
gas or oil for home heating needs.  
 
Florida’s unique climate plays an important role in electric utility planning. Florida is an outlier 
in terms of climate, with the highest number of cooling degree days and lowest number of 
heating degree days within the continental United States, as shown below in Figure 6. Other 
states tend to rely upon alternative fuels for heating, but Florida’s heavy use of electricity results 
in high winter peak demand.  
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Figure 6: National - Climate Data by State (Continental US) 

 
Source: National Oceanic & Atmospheric Administration, Historical Climatology Series 5-1 and 
5-2 
 

Growth Projections  
For the next ten year period, Florida’s customer base and retail sales are anticipated by the 
reporting utilities to grow at a faster pace than the last few years, reversing a trend of small 
population increases with declining retail sales. While this rate remains below those experienced 
before the financial crisis, it would set the State on track to exceed its previous 2007 retail sales 
peak in 2017. The current divide between customers and retail sales is anticipated to remain 
similar over the ten-year period, with customers growing at an average annual rate of 1.40 
percent while retail sales increase by 1.18 percent annually. Florida’s electric utilities are 
projecting an increase in economic growth in the state, but at levels below those experienced 
before the financial crisis. The trends are showcased in Figure 7 below.  
 

Figure 7: State of Florida - Growth in Customers and Sales 

 
Source: FRCC 2015 Load and Resource Plan 
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Peak Demand 
The aggregation of each individual customer’s electric consumption must be met at all times by 
Florida’s electric utilities to ensure reliable service. The time at which customers demand the 
most energy simultaneously is referred to as peak demand. While retail energy sales primarily 
vary the amount of fuel consumed by the electric utilities to deliver energy, peak demand 
determines the amount of generating capacity required to deliver that energy at a single moment 
in time. 
 
A primary factor in this is seasonal weather patterns, with peak demands calculated separately 
for the summer and winter periods annually. The influence of residential customers is evident in 
the determination of these seasonal peaks, as they correspond to times of increased usage to meet 
home heating (winter) and cooling (summer) demand. Figure 8 below, illustrates a daily load 
curve for a typical day for each season. In summer, air-conditioning needs increase throughout 
the day, climbing steadily until a peak is reached in the late afternoon and then declining into the 
evening. In winter, electric heat and electric water heating produce a higher base level of usage, 
with a large spike in the morning and a smaller spike in the evening. 
 

 
Figure 8: TYSP Utilities - Example Daily Load Curves 

 
Source: TYSP Utilities Data Responses 
 
 
Florida is typically a summer-peaking state, meaning that the summer peak demand generally 
exceeds winter peak demand, and therefore controls the amount of generation required. Higher 
temperatures in summer also reduce the efficiency of generation, with high water temperatures 
reducing the quality of cooling provided, and can sometimes limit the quantity as units may be 
required to operate at reduced power or go offline based on environmental permits. Conversely, 
in winter, utilities can take advantage of lower ambient air and water temperatures to produce 
more electricity from a power plant. 

 
As daily load varies, so do seasonal loads. Figure 9 below, illustrates this for 2014, showing the 
daily peak demand as a percentage of the annual peak demand for the reporting investor-owned 
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utilities combined. Typically, winter peaks are short events while summer demand tends to stay 
at near peak levels for longer periods. The periods between seasonal peaks are referred to as 
shoulder months, in which the utilities take advantage of lower demand to perform maintenance 
without impacting their ability to meet daily peak demand.  
 
 

Figure 9: TYSP Utilities - Daily Peak Demand (2014 Actual) 

 
Source: TYSP Utilities Data Responses (Investor-Owned Utilities Only) 
 
 
While the utilities assume normalized weather in forecasts of peak demand, during operation of 
the system, utilities continuously monitor the short-term weather patterns. Utilities adjust 
maintenance schedules to ensure the highest unit availability during the utility’s projected peak 
demand, bringing units back online if necessary or delaying maintenance until after a weather 
system has passed. 
 

Electric Vehicles 
Utilities also examine other trends that may impact the amount of customer peak demand and 
energy consumption. This includes new sources of energy consumption, such as electric 
vehicles, which can be considered analogous to a home air conditioning system in terms of 
system load. At present, the reporting electric utilities estimate approximately 12,000 electric 
plug-in vehicles were operating in Florida by the end of 2014. The Florida Department of 
Highway Safety and Motor Vehicles lists the number of registered vehicles in Florida as of 
December 31, 2014, as 13.9 million vehicles, resulting in 0.047 percent penetration rate of 
electric vehicles of Florida’s registered vehicle fleet. 
 
Florida’s electric utilities anticipate growth in the electric vehicle market, as illustrated in Table 
2.below Electric vehicles are anticipated to grow rapidly throughout the planning period, 
resulting in almost a quarter-million electric vehicles operating within the electric service 
territories by the end of 2024. The projected increase in electric vehicle ownership would result 
in approximately 2 percent share of Florida’s vehicles being fueled by electricity. 
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Table 2: TYSP Utilities - Estimated Number of Electric Vehicles by Service Territory 
Year FPL DEF TECO GULF JEA OUC TAL Total 
2014 6,576 2,099 827 219 248 2,355 36 12,360 
2015 9,395 4,194 1,432 453 372 4,504 43 20,393 
2016 13,341 6,922 1,909 864 532 6,470 52 30,090 
2017 17,702 10,701 2,328 1,443 733 8,409 67 41,383 
2018 22,658 15,722 2,907 2,226 978 10,496 88 55,075 
2019 29,002 22,321 3,273 3,227 1,263 12,428 114 71,628 
2020 39,153 30,888 3,580 4,471 1,588 14,343 148 94,171 
2021 52,857 41,801 3,879 5,972 1,950 16,278 192 122,929 
2022 71,357 55,198 4,398 7,733 2,347 18,439 260 159,732 
2023 96,332 70,992 5,076 9,720 2,777 20,762 351 206,010 

Source: TYSP 2015 Data Responses 
 
 
In terms of energy consumed by electric vehicles, Table 3 below, illustrates the estimates 
provided by the reporting utilities. The anticipated growth would result in an annual energy 
consumption of 765.6 GWh. 
 
 
Table 3: TYSP Utilities - Estimated Electric Vehicle Annual Energy Consumption (GWh) 

Year FPL DEF TECO GULF JEA OUC TAL Total 
2014 3.1 4.4 3.3 1.0 1.6 2.7 0.1 16.2 
2015 17.4 10.9 5.8 2.0 2.5 5.2 0.2 43.9 
2016 36.3 20.7 7.7 3.8 3.7 7.2 0.2 79.5 
2017 57.1 33.8 9.3 6.4 5.4 9.2 0.2 121.3 
2018 80.7 50.6 11.7 9.8 7.5 11.4 0.3 172.0 
2019 111.0 72.0 13.1 14.3 10.3 13.5 0.4 234.6 
2020 159.5 99.4 14.4 19.8 13.6 15.6 0.5 322.8 
2021 224.9 133.2 15.6 26.4 17.5 17.7 0.7 435.9 
2022 313.2 173.4 17.7 34.2 22.0 20.1 0.9 581.4 
2023 432.4 218.7 20.4 43.0 27.2 22.7 1.2 765.6 

Source: TYSP 2015 Data Responses 
 
 
The effect of increased electric vehicle ownership on peak demand is more difficult to determine. 
While comparable in electric demand to a home air conditioning system, the time of charging 
and whether charging would be shifted away from periods of peak demand are uncertainties that 
must be clarified to determine impact on system peak. As electric vehicle ownership increases, 
the effects of electric vehicles on system peak should become clearer and be able to be addressed 
by electric utilities.  
 

Demand-Side Management 
Florida’s electric utilities also must consider how the efficiency of customer energy consumption 
changes over the planning period. Changes in government mandates, such as building codes and 
appliance efficiency standards, reduce the amount of energy consumption for new construction 
and electric equipment. Electric customers, through the power of choice, can elect to engage in 
behaviors that decrease peak load or annual energy usage. Examples include, turning off lights 
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and fans in vacant rooms, increasing thermostat settings, and purchasing appliances that go 
beyond efficiency standards. While a certain portion of customers will engage in these activities 
without incentives due to economic, aesthetic, or environmental concerns, other customers may 
lack information or require additional incentives. Demand-side management represents an area 
where Florida’s electric utilities can empower and educate its customers to make choices that 
reduce peak load and annual energy consumption. 

Florida Energy Efficiency and Conservation Act (FEECA) 
The Florida Legislature has directed the Commission to encourage utilities to decrease the 
growth in seasonal peak demand and annual energy consumption by FEECA, which consists of 
Sections 366.80 through 366.85 and Section 403.519, F.S. Under FEECA, the Commission is 
required to set goals for seasonal demand and annual energy reduction for seven electric utilities, 
known as the FEECA Utilities. These include the five investor-owned electric utilities (including 
Florida Public Utility Company, which is a non-generating utility and therefore does not file a 
Ten-Year Site Plan) and two municipal electric utilities (JEA and OUC). The FEECA utilities 
represented approximately 86.5 percent of 2014 retail sales in Florida. 
 
The FEECA utilities currently offer demand-side management programs for residential, 
commercial, and industrial customers which are integral to the utilities’ IRP process. Energy 
audit programs are designed to provide an overview of customer energy usage and to evaluate 
conservation opportunities, including behavioral changes, low-cost measures customers can 
undertake themselves, and participation in utility-sponsored DSM programs. 
 
The last FEECA goal-setting proceeding was completed in December 2014, establishing goals 
for the period 2015 through 2024. The 2015 Ten-Year Site Plans incorporate the impacts of the 
goals established by the Commission for the planning period. During 2015, the Commission 
reviewed the FEECA Utility’s proposed DSM Plans to comply with the established goals, 
approving the plans with some modifications in July, 2015.  

DSM Programs 
DSM Programs generally are divided into three categories: interruptible load, load management, 
and energy efficiency. The first two are considered dispatchable, and are collectively known as 
demand response, meaning that the utility can call upon them during a period of peak demand or 
other reliability concerns, but otherwise they are not utilized. In contrast, energy efficiency 
measures are considered passive and are always working to reduce customer demand and energy 
consumption. 
 
Interruptible load is achieved through the use of agreements with large customers to allow the 
utility to interrupt the customer’s load, reducing the generation required to meet system demand. 
Interrupted customers may use back-up generation to fill their energy needs, or cease operation 
until the interruption has passed. A subtype of interruptible customers is curtailable customers, 
which allow the utility to interrupt only a portion of the customer’s load. In exchange for the 
ability to interrupt these customers, the utility offers a discounted rate for energy or other credits 
which are paid for by all ratepayers. 
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Load management is similar to interruptible customers, but focuses on smaller customers and 
targets individual appliances. The utility installs a device on an electric appliance, such as a 
water heater or air conditioner that allows for remote deactivation for a short period of time. 
Load management activations tend to have less advanced notice than those for interruptible 
customers, but tend to be activated only for short periods and are cycled through groups of 
customers to reduce the impact to any single customer. Due to the focus on specific appliances, 
certain appliances would be more appropriate for addressing certain seasonal demands. For 
example, load management programs targeting air conditioning units would be more effective to 
reduce a summer peak, while water heaters are more effective for reducing a winter peak. 
 
 As of 2015, demand response available for reduction of peak load is 3,110 MW for summer 
peak and 2,985 MW for winter peak. Demand response is anticipated to increase to 
approximately 3,458 for summer peak and 3,263 for winter peak by the end of the planning 
period in 2024. 
 
Energy efficiency or conservation measures also have an impact on peak demand, and due to 
their passive nature do not require activation by the utility. Conservation measures include 
improvements in a home or business’ building envelope to reduce heating or cooling needs, or 
the installation of more efficient appliances. By installing additional insulation, energy-efficient 
windows or window films, and more efficient appliances, customers can reduce both their peak 
demand and annual energy consumption, leading to reductions in customer bills. Demand-side 
management programs work in conjunction with building codes and appliance efficiency 
standards to increase energy savings above the minimum required by local, state, or federal 
regulations. As of 2015, energy efficiency is responsible for peak load reduction of 3,970 MW 
for summer peak and 3,611 MW for winter peak. Energy efficiency is anticipated to increase to 
approximately 4,757 MW for summer peak and 4,361 MW for winter peak by the end of the 
planning period in 2024. 
 

Forecast Load & Peak Demand 
The historic and forecasted seasonal peak demand and annual energy consumption values for the 
State of Florida are illustrated below, in Figure 10. It should be noted, that the forecasts shown 
below are based upon normalized weather conditions, while the historic demand and energy 
values represent the actual impact of weather conditions on Florida’s electric customers. Florida 
relies heavily upon both air conditioning in the summer and electric heating in the winter, so 
both seasons experience a great deal of variability due to severe weather conditions. 
 
Demand-side management, including demand response and energy efficiency, along with self-
service generation is included in each figure for seasonal peak demand and annual energy for 
load. The total demand or total energy for load represents what otherwise would need to be 
served if not for the impact of these programs and self-service generators. The net firm demand 
is used as a planning number for the calculation of generating reserves and determination of 
generation needs for Florida’s electric utilities. 
 
Demand response is included in Figure 10 below, in two different ways based upon the time 
period considered. For historic values of seasonal demand, the actual rates of demand response 
activation are shown, not the full amount demand response that was available at the time. 
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Overall, demand response has only been partially activated as sufficient generation assets were 
available during the annual peak. Residential load management has been called upon to a limited 
degree during peak periods, with a lesser amount of interruptible load activated. The primary 
exception to this trend was the summer of 2008 and winter of 2009, when a larger portion of the 
available demand response resources were called upon. 
 
For forecast values of seasonal demand, it is assumed that all demand response resources will be 
activated during peak. The assumption of all demand response being activated reduces 
generation planning need. Based on operating conditions in the future, if an electric utility has 
sufficient generating units, and it is economical to serve all customer load demand, response 
would not be activated or only partially activated in the future. 
 
As previously discussed, Florida is normally a summer-peaking state. Only three of the past 10 
years have had higher winter net firm demand than summer, and all 10 of the forecast years are 
anticipated to be summer peaking. Based upon current forecasts using normalized weather data, 
Florida’s electric utilities do not anticipate exceeding the winter 2009 peak during the planning 
period. 
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Figure 10: State of Florida - Historic & Forecast Seasonal Peak Demand & Annual Energy 

 

 

 
Source: 2015 FRCC Load & Resource Plan 
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Forecast Methodology  
Florida’s electric utilities perform forecasts of peak demand and annual energy sales using 
various forecasting models, including econometric and end-use models, and other forecasting 
techniques such as surveys. In the development of econometric models, the utilities use historical 
data sets including dependent variables (e.g. summer peak demand per customer, residential 
energy use per customer) and independent variables (e.g. cooling degree days, real personal 
income, etc.) to infer relationships between the two types of variables. These historical 
relationships, combined with available forecasts of the independent variables and the utilities’ 
forecasts of customers, are then used to forecast the peak demand and energy sales. For some 
customer classes, such as industrial customers, surveys may be conducted to determine the 
customer’s expectations for their own future electricity consumption. Commonly, the results of 
the models must be adjusted to take into account exogenous impacts, such as the impact of the 
recent growth in plug-in electric vehicles and distributed generation. End-use models are often 
used to project energy use in conjunction with econometric models. End use models are used to 
capture trends in appliance and equipment saturation and efficiency, as well as building size and 
thermal efficiency, on residential and commercial energy use. 
 
Florida’s electric utilities rely upon data sourced from public and private entities for historic and 
forecast values of specific independent variables used in econometric modeling. Public resources 
such as the University of Florida’s Bureau of Economic and Business Research, which provides 
county-level data on population growth, and the U.S. Department of Commerce’s Bureau of 
Labor Statistics, which publishes the Consumer Price Index, are utilized along with private 
forecasts for economic growth from macroeconomic experts, such as Moody’s Analytics. By 
combining historic and forecast macroeconomic data with customer and climate data, Florida’s 
electric utilities project future load conditions. 
 
The various forecast models and techniques used by Florida’s electric utilities are commonly 
used throughout the industry, and each utility has developed its own individualized approach to 
projecting load. The resulting forecasts allow each electric utility to evaluate its individual needs 
for new generation, transmission, and distribution resources to meet customers’ current and 
future needs reliably and affordably. 
 
Historic Forecast Accuracy 
For each reporting electric utility, the Commission reviewed the historic forecast accuracy of 
past retail energy sales forecasts. The review methodology, previously used by the Commission, 
involves comparing actual retail sales for a given year to energy sales forecasts made three, four, 
and five years prior. For example, the actual 2014 retail energy sales were compared to the 
forecasts made in 2011, 2010, and 2009. These differences, expressed as a percentage error rate, 
are used to determine each utility’s historic forecast accuracy using a five year rolling average. 
An average error with a negative value indicates an under-forecast, while a positive value 
represents an over-forecast. An absolute average error provides an indication of the total 
magnitude of error, regardless of the tendency to under or over forecast. 
 
For the 2015 Ten-Year Site Plans, determining the accuracy of the five-year rolling average 
forecasts involves comparing the actual retail energy sales for the period 2014 through 2010 to 
forecasts made between 2011 and 2005. As discussed previously, the period before the financial 
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crisis experienced a higher annual growth rate for retail energy sales than the post-crisis period. 
As most electric utilities and macroeconomic forecasters did not predict the financial crisis, the 
economic impact and its resulting effect on retail energy sales of Florida’s electric utilities was 
not included in these projections. Therefore, the use of a metric that compares pre-crisis forecasts 
with post-crisis actual data has a high rate of error.  
 
Table 4 below, shows that the forecast error is increasing with time starting 2010 due to the 
unexpected impact of the financial crisis on retail energy sales in Florida due to decreased 
population growth, decreased economic growth, and decreased usage of electricity per capita. 
However, the forecast error should start to return to its historically normal lower levels as utility 
retail sales forecasts include more years after the financial crisis. This has been confirmed by the 
most recent data provided in the current TYSP. The forecasting errors (both average and absolute 
average) generated by comparing actual 2014 retail energy sales to the 2013 forecast of 2014 
energy sales are reduced.  
 
 

Table 4: TYSP Utilities – Accuracy of Retail Energy Sales Forecasts 

TYSP 
Year 

Five Year 
Analysis 
Period 

Forecast 
Years 

Analyzed 

Forecast Error (%) 

Average Absolute 
Average 

2010 2009 - 2005 2006-2000 4.98% 5.70% 
2011 2010 - 2006 2007-2001 8.28% 8.29% 
2012 2011 - 2007 2008-2002 11.93% 11.93% 
2013 2012 - 2008 2009-2003 15.13% 15.13% 
2014 2013 - 2009 2010-2004 16.16% 16.16% 
2015 2014 - 2010 2011-2005 14.90% 14.90% 

Source: 2000-2015 Ten-Year Site Plans 
 
 
To verify whether more recent forecasts lowered the error rates, an additional analysis was 
conducted to determine with more detail, the source of high error rates in terms of forecast 
timing. Table 5 below, provides the forecast error rate for forecasts made between one and six 
years prior, along with the average and absolute average error rates for the three- to five-year 
period used in the analysis above.  
 
As displayed in Table 5 below, the companies’ retail energy sales forecasts show a consistent 
positive error rate beginning in 2007 and extending through 2014, for forecasts prepared two to 
six years prior. However, 2014 sales forecasted in 2010 and 2011, reveal that three and four year 
error rates (6.10 percent and 5.73 percent, respectively) have declined considerably compared to 
the three and four year forecast error rates associated with 2010-2013 sales. The fact that three 
and four year forecast errors started to decline in 2009 and 2010 forecasts is not surprising 
because, by 2009, the inputs to the utilities’ forecast models reflected the impacts of the financial 
crisis and population growth decline. 
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Table 5: TYSP Utilities – Accuracy of Retail Energy Sales Forecasts – Annual Analysis 

Year 
Annual Forecast Error Rate (%) 3-5 Year Error (%) 

Years Prior 
Average 

Absolute 
Average 6 5 4 3 2 1 

2005 -5.82% -4.03% -0.69% -0.64% 0.71% 0.90% -1.79% 1.79% 
2006 -3.29% -0.03% 1.03% 2.30% 2.43% 2.37% 1.10% 1.12% 
2007 0.57% 2.26% 3.49% 3.59% 4.20% 3.05% 3.11% 3.11% 
2008 7.02% 8.40% 8.56% 9.97% 9.24% 8.34% 8.98% 8.98% 
2009 11.95% 12.15% 14.48% 13.91% 12.68% 10.18% 13.51% 13.51% 
2010 12.93% 15.57% 14.89% 13.70% 10.55% -0.73% 14.72% 14.72% 
2011 21.56% 20.79% 20.09% 17.02% 3.79% 0.08% 19.30% 19.30% 
2012 26.31% 25.97% 23.04% 8.47% 3.90% 3.71% 19.16% 19.16% 
2013 28.55% 26.29% 10.00% 5.98% 5.58% 2.97% 14.09% 14.09% 
2014 27.285% 9.8% 6.10% 5.73% 2.84% 2.21% 7.21% 7.21% 

Source: 2000-2015 Ten-Year Site Plans 
 
 
On a going forward basis (2015 and beyond), average forecasted energy sales error rates for 
forecasts prepared three to five years prior, are likely to continue to decline as the older forecasts 
drop out of the analysis. For several years, Florida’s electric utilities responded to the declines in 
customer load growth by delaying and cancelling new generation, and by taking opportunities to 
modernize existing plants, as discussed in previous annual reviews of the Ten-Year Site Plans. 
The dynamic nature of the state and national economies, actual and projected, continue to exert a 
significant impact on Florida utilities’ load forecasts and, ultimately, the accuracy of such 
forecasts. 
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Renewable Generation 
 
Pursuant to Section 366.91, F.S., it is in the public interest to promote the development of 
renewable energy resources in Florida. Section 366.91(2)(d), F.S., defines renewable energy in 
part, as follows: 
  

“Renewable energy” means electrical energy produced from a method that uses 
one or more of the following fuels or energy sources:  hydrogen produced from 
sources other than fossil fuels, biomass, solar energy, geothermal energy, wind 
energy, ocean energy, and hydroelectric power.  

 
Although not considered a traditional renewable resource, some industrial plants take advantage 
of waste heat, produced in production processes, to also provide electrical power via 
cogeneration. Phosphate fertilizer plants, which produce large amounts of heat in the 
manufacturing of phosphate from the input stocks of sulfuric acid, are a notable example of this 
type of renewable resource. The Section 366.91(2) (b), F.S., definition also includes the 
following language which recognizes the aforementioned cogeneration process:  
 

The term [Renewable Energy] includes the alternative energy resource, waste 
heat, from sulfuric acid manufacturing operations and electrical energy produced 
using pipeline-quality synthetic gas produced from waste petroleum coke with 
carbon capture and sequestration. 

 

Existing Renewable Resources 
Currently, renewable energy facilities provide approximately 1,638 MW of firm and non-firm 
generation capacity, which represents 2.8 percent of Florida’s overall generation capacity of 
58,148 MW in 2014. Table 6 below, summarizes the contribution by renewable type of Florida’s 
existing renewable energy sources.  
 
 

Table 6: State of Florida - Existing Renewable Resources 
Renewable Type MW % Total 

Biomass 581  35.5% 
Municipal Solid Waste 400  24.4% 
Waste Heat 308  18.8% 
Solar 228  13.9% 
Hydro 64  3.9% 
Landfill Gas 47  2.9% 
Wind 10  0.6% 
Renewable Total 1,638 100.0% 

Source: FRCC 2015 Load & Resource Plan and TYSP Utilities Data Responses 
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Of the total 1,638 MW of renewable generation, approximately 570 MW are considered firm, 
based on either operational characteristics or contractual agreement. Firm renewable generation 
can be relied on to serve customers and can contribute toward the deferral of new fossil fueled 
power plant construction. Solar generation contributes 33 MW to this total, based upon the 
coincidence of solar generation and summer peak demand. Changes in timing of peak demand 
may influence the firm contributions of renewable resources such as solar and wind. 
 
The remaining renewable generation can generate energy on an as-available basis or for internal 
use (self-service). As-available energy is considered non-firm, and cannot be counted on for 
reliability purposes; however, it can contribute to the avoidance of burning fossil fuels in existing 
generators. Self-service generation reduces demand on Florida’s utilities.  
 

Non-Utility Renewable Generation 
The majority of Florida’s existing renewable energy generation, approximately 87 percent, 
comes from non-utility generators. In 1978, the US Congress enacted the Public Utility 
Regulatory Policies Act (PURPA). PURPA requires utilities to purchase electricity from 
cogeneration facilities and renewable energy power plants with a capacity no greater than 80 
MW (collectively referred to as Qualifying Facilities or QFs). PURPA required utilities to buy 
electricity from qualifying QFs at the utility’s full avoided cost. These costs are defined in 
Section 366.051, F.S., which provides in part that:  
 

A utility’s “full avoided costs” are the incremental costs to the utility of the 
electric energy or capacity, or both, which, but for the purchase from cogenerators 
or small power producers, such utility would generate itself or purchase from 
another source.  

 
If a renewable energy generator can meet certain deliverability requirements, it can be paid for 
its capacity and energy output under a firm contract. Rule 25-17.250, F.A.C., requires each IOU 
to establish a standard offer contract with timing and rate of payments based on each fossil-
fueled generating unit type identified in the utility’s TYSP. In order to promote renewable 
energy generation, the Commission requires the IOUs to offer multiple options for capacity 
payments, including the options to receive early (prior to the in-service date of the avoided-unit) 
or levelized payments. The different payment options allow renewable energy providers the 
option to select the payment option that best fits its financing requirements, and provides a basis 
from which negotiated contracts can be developed. 
 
As previously discussed, large amounts of renewable energy is generated on an as-available 
basis. As-available energy is energy produced and sold by a renewable energy generator on an 
hour-by-hour basis for which contractual commitments as to the quantity and time of delivery are 
not required. As-available energy is purchased at a rate equal to the utility’s hourly incremental 
system fuel cost, which reflects the highest fuel cost of generation each hour. 
 

Customer Owned Generation 
With respect to customer owned renewable generation, Rule 25-6.065, F.A.C., requires the IOUs 
to offer net metering for all types of renewable generation up to 2 MW in capacity and a standard 
interconnection agreement with an expedited interconnection process. Net metering allows a 
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customer, with renewable generation capability, to offset their energy usage. In 2008, the 
effective year of Rule 25-6.065, F.A.C., customer owned renewable generation accounted for 3 
MW of renewable capacity. As of the end of 2014, approximately 80 MW of renewable capacity 
from nearly 8,600 systems has been installed statewide. Table 7 below, summarizes the growth 
of customer owned renewable generation interconnections. Almost all installations under net 
metering are solar, with non-solar generation accounting for only 35 installations and 5.7 MW of 
installed capacity. The renewable generators in this category include wind turbines and anaerobic 
digesters. 
 
 

Table 7: State of Florida - Net Metering Growth 
Year 2008 2009 2010 2011 2012 2013 2014 

Number of Installations 577 1,625 2,833 3,994 5,302 6,697 8,581 

Installed Capacity (MW)  2.8 13.0 19.9 28.4 42.2 63.0 79.8 

Source: Annual Net Metering Reports 
 
 

Utility-Owned Renewable Generation 
Utility owned renewable generation also contributes to the State’s total renewable capacity. The 
majority of this generation is from solar facilities. Due to the intermittent nature of solar 
resources, capacity from these facilities has previously been considered non-firm for planning 
purposes. 
 
In 2008, Section 366.92(4), F.S., was enacted and provides, in part, the following:  
 

In order to demonstrate the feasibility and viability of clean energy systems, the 
commission shall provide for full cost recovery under the environmental cost-
recovery clause of all reasonable and prudent costs incurred by a provider for 
renewable energy projects that are zero greenhouse gas emitting at the point of the 
generation, up to a total of 110 MW statewide.  

 
In 2008, the Commission approved a petition by FPL seeking installation of the full 110 MW 
across three solar energy facilities. The solar projects consisted of, a pair of solar PV facilities 
and a single solar thermal facility. In response to staff interrogatories, FPL estimated that the 
three solar facilities would cost an additional $573 million, above traditional generation costs 
over the life of the facilities. In 2012, Section 366.92, F.S., was revised and no longer includes 
the passage described above. 
 
Based on actual data provided by FPL, the combined cost of generation of the three solar 
facilities was $0.37/kWh in 2014. These facilities make up a significant portion of the utility 
owned renewable generation. Since full operation began, the two solar PV facilities have 
operated largely as expected; however, the solar thermal facility has experienced multiple 
outages which have hindered its performance. In FPL’s 2015 TYSP, FPL claims that the Desoto 
and Space Coast solar facilities contributed approximately 46 percent and 32 percent, 
respectively, of the system’s installed capacity to summer peak demand. No contribution to 
winter peak demand as determined from either facility. 



27 

 
Hydroelectric units at two sites, one owned by the City of Tallahassee Utilities, and one operated 
by the federal government, supply 63 MW of renewable capacity. Due to operational constraints, 
the City of Tallahassee does not consider its 12.3 MW of hydroelectric generation firm. Because 
of Florida’s geography, however, new hydroelectric power generation is largely limited.  
 

Planned Renewable Resources 
Florida’s utilities plan to construct or purchase an additional 1,566 MW of renewable generation 
over the ten-year planning period, a significant increase from last year’s estimated 722 MW 
projection. Figure 11 below, summarizes the existing and projected renewable capacity by 
generation type. Solar generation is projected to have the greatest increase over the planning 
horizon.  
 
 

Figure 11: State of Florida - Current and Projected Renewable Resources 

 
Source: 2015 FRCC Load & Resource Plan, TYSP Utilities Data Responses 
 
 
Of the 1,566 MW of planned renewable capacity, 432 MW is projected to be from firm 
resources, including 116 MW from solar generation. The projected firm capacity additions are 
from a combination of renewable contracts with non-utility generators, primarily biomass, and 
several utility-owned solar facilities. The remaining planned capacity from renewable resources 
is projected to be from non-firm resources. 
 
For some existing renewable facilities, contracts for firm capacity are projected to expire within 
the ten-year planning. If new contracts are signed in the future to replace those that expire, these 
resources will once again be included in the state’s capacity mix to serve future demand. If these 
contracts are not extended, the renewable facilities could still deliver energy on an as-available 
basis. 
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As noted above, solar generation is anticipated to increase significantly over the ten-year period, 
with a total of 1,185 MW to be installed. This consists of 730 MW of utility-owned solar, 155 
MW of contracted solar and 300 MW of as-available energy contract solar facilities. Table 8 
below, lists some of the utility-scale (greater than 2 MW) solar installations with in-service dates 
within the planning period. 
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Table 8: TYSP Utilities - Planned Solar Installations 

Year Utility Facility Name Type Capacity (MW) 

2015 LAK SunEdison Sutton Purchased 6.0 

2015 LAK SunEdison East Main Purchased 6.0 

2015 DEF Solar 1 & 2 Utility Owned 5.0 

2015 LAK SunEdison Airport Purchased 3.2 

 2015 Subtotal 20.2 

2016 FPL Babcock Solar Energy Center Utility Owned 74.5 

2016 FPL Citrus Solar Energy Center Utility Owned 74.5 

2016 FPL Manatee Solar Utility Owned 74.5 

2016 OUC Stanton Solar Phase 2 Purchased 12.0 

2016 DEF Solar 3, 4 & 5 Utility Owned 10.0 

 2016 Subtotal 245.5 

2017 GULF Gulf Coast Solar Center I Eglin Purchased 30.0 

2017 GULF Gulf Coast Solar Center II Holley Purchased 40.0 

2017 GULF Gulf Coast Solar Center III Saufley Purchased 50.0 

2017 DEF Solar 6 & 7 Utility Owned 10.0 

 2017 Subtotal 130.0 

2018 DEF Solar 8 Utility Owned 10.0 

 2018 Subtotal 10.0 

2019 DEF Solar 9 Utility Owned 50.0 

 2019 Subtotal 50.0 

2020 DEF Solar 10 & 11 Utility Owned 130.0 

 2020 Subtotal 130.0 

2021 DEF Solar 12 Utility Owned 35.0 

 2021 Subtotal 35.0 

2022 DEF Solar 13 Utility Owned 50.0 

 2022 Subtotal 50.0 

2023 DEF Solar 14 & 15 Utility Owned 75.0 

 2023 Subtotal 75.0 

2024 DEF Solar 16 & 17 Utility Owned 125.0 

 2024 Subtotal 125.0 

TBD DEF Blue Chip Energy Lake Mary Purchased 10.0 

TBD DEF Blue Chip Energy Sorrento Purchased 40.0 

TBD DEF National Solar Gadsden Purchased 50.0 

TBD DEF National Solar Hardee Purchased 50.0 

TBD DEF National Solar Suwannee Purchased 50.0 

TBD DEF National Solar Highlands Purchased 50.0 

TBD DEF National Solar Osceola Purchased 50.0 

 TBD Subtotal 300.0 

Source: FRCC Load & Resource Plan, TYSP Utilities Data Responses 
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Renewable Outlook 
Florida’s renewable generation is projected to increase over the planning period. This is the first 
time significant solar facilities have been included in the utilities TYSP. Also, the first time that 
some are including a portion of solar capacity as a firm resource for reliability considerations. 
Reasons given for this change are the continual reduction in price of solar facilities, availability 
of utility property with access to the grid, and actual performance data from FPL’s pilot program. 
If these conditions remain, the cost-effective forms of renewable generation will continue to 
improve the state’s fuel diversity and reduce dependence on fossil fuels.  
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Traditional Generation 
 
While renewable generation increases its contribution to the state’s generating capacity, a 
majority of generation is projected to come from traditional sources, such as fossil-fueled steam 
and turbine generators, that have been added to Florida’s electric grid over the last several 
decades. Due to forecasted increases in peak demand, further traditional resources are anticipated 
over the planning period. 
 
Florida’s electric utilities have historically relied upon several different fuel types to serve 
customer load. Previous to the oil embargo, Florida used oil-fired generation as its primary 
source of electricity until the increase in oil prices made this undesirable. Since that time, 
Florida’s electric utilities have sought a variety of other fuel sources to diversify the state’s 
generation fleet and more reliably and affordably serve customers. Numerous factors, including 
swings in fuel prices, availability, environmental concerns, and other factors have resulted in a 
variety of capacity on Florida’s electric grid. Solid fuels, such as coal and nuclear, increased 
during the shift away from oil-fired generation, and more recently natural gas has emerged as the 
dominant fuel type in Florida. 
 

Existing Generation 
Florida’s generating fleet includes incremental new additions to a historic base fleet, with units 
retiring as they become uneconomical to operate or maintain. Currently, Florida’s existing 
capacity ranges greatly in age and fuel type, and legacy investments continue. The weighted 
average age of Florida’s generating units is 23 years. While the original commercial in-service 
date may be in excess of 60 years for some units, they are constantly maintained as necessary in 
order to ensure safe and reliable operation, including uprates from existing capacity, which may 
have been added after the original in-service date. Figure 12 below, illustrates the decade current 
operating generating capacity was originally added to the grid, with the largest additions 
occurring in the 2000s. 
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Figure 12: State of Florida - Electric Utility Installed Capacity by Decade 

 
Source: 2015 FRCC Load & Resource Plan 
 
 
The existing generating fleet will be impacted by several events over the planning period. New 
and proposed environmental regulations may require changes in unit dispatch, fuel switching, or 
installation of pollution control equipment which may reduce net capacity. Modernizations will 
allow more efficient resources to replace older generation, while potentially reusing power plant 
assets such as transmission and other facilities, switching to more economic fuel types, or uprates 
at existing facilities to improve power output. Lastly, retirements of units which can no longer be 
economically operated and maintained or meet environmental requirements will reduce the 
existing generation. 
 

Impact of EPA Rules 
In addition to maintaining a fuel efficient and diverse fleet, Florida’s utilities must also comply 
with changing environmental requirements. During the past several years, the U.S. 
Environmental Protection Agency (EPA) has finalized or proposed several rules which will 
impact both existing and planned generating units in the state. Environmental requirements and 
associated costs must be considered to fully evaluate any new supply-side resources, as well as 
the operation of existing generating units. 
 
Six EPA rules are anticipated to affect electric generation in Florida: 
 

• Carbon Pollution Emissions Standards for Modified and Reconstructed Secondary 
Sources: Electric Utility Generating Units – Sets carbon dioxide emission limits for 
modified or reconstructed electric generators. These limits vary by type of fuel 
(coal/IGCC or natural gas), size of unit (less than or above approximately 100 
megawatts), and whether the unit is modified or reconstructed. EPA issued the final rule 
on August 3, 2015, and published in the Federal Register on October 23, 2015.  
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• Carbon Pollution Emission Guideline for Existing Electric Generating Units – Requires 
each state to submit a plan to EPA that outlines how the state’s existing electric 
generation fleet will meet a series of goals, in terms of pounds of carbon dioxide emitted 
per generated megawatt-hour, to reduce the state’s carbon dioxide emissions. The 
guidelines will apply to a statewide average of all generating units over 25 megawatts. 
EPA issued the final rule on August 3, 2015,and  published in the Federal Register on 
October 23, 2015 

 
• Mercury and Air Toxics Standards (MATS) - Sets limits for air emissions from existing 

and new coal- and oil-fired electric generators with a capacity greater than 25 megawatts. 
Covered emissions include: mercury and other metals, acid gases, and organic air toxics 
for all generators, as well as particulate matter, sulfur dioxide, and nitrogen oxide from 
new and modified coal and oil units. On June 29, 2015, the U.S. Supreme Court found in 
a 5-4 decision that the EPA acted improperly by not considering the costs of compliance 
in deciding whether regulation of mercury and air toxics is appropriate and necessary. 
The court did not explicitly vacate the rule, and remanded the case back to the U.S. Court 
of Appeals for the D.C. Circuit for further proceedings consistent with its opinion. 

 
• Cross-State Air Pollution Rule (CSAPR) - Requires 28 states, including Florida, to 

reduce air emissions that contribute to ozone and/or fine particulate pollution in other 
states. The rule applies to all fossil-fueled (i.e., coal, oil, and natural gas) electric 
generators with a capacity over 25 megawatts within these states. Florida is only subject 
to the rule’s seasonal NOx emissions requirements. On July 28, 2015, the U.S. Court of 
Appeals for the D.C. Circuit issued its opinion on the remaining issues raised with respect 
to CSAPR, keeping CSAPR in place. 

 
• Cooling Water Intake Structures (CWIS) - Sets impingement standards to reduce harm to 

aquatic wildlife pinned against cooling water intake structures at electric generating 
facilities. All existing electric generators that use water for cooling with an intake 
velocity of at least two million gallons per day must meet impingement standards. 
Generating units with higher intake velocity may have additional requirements to reduce 
the damage to aquatic wildlife due to entrapment in the cooling water system 
(entrainment). The rule became effective on October 14, 2014. 

 
• Coal Combustion Residuals (CCR) - Requires liners and ground monitoring to be 

installed on new landfills in which coal ash is deposited. On December 19, 2014, the EPA 
Administrator signed the Disposal of Coal Combustion Residuals from Electric Utilities 
final rule. The rule will become effective on October 14, 2015  

 
For many of the units that will remain in operation, these new rules will result in an increased 
cost of operations. Each utility will need to evaluate whether these additional costs or new 
operational limitations allow the continued economic operation of each affected unit, and 
whether installation of emissions control equipment, fuel switching, or retirement is the proper 
course of action. 
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Modernization and Efficiency Improvements 
Modernizations involve removing existing generator units that may no longer be economical to 
operate, such as oil-fired steam units, and reusing the power plant site’s transmission or fuel 
handling facilities with a new set of generating units. The modernization of existing plant sites, 
allows for significant improvement in both performance and emissions, typically at a lower price 
than new construction at a greenfield site. Not all sites are candidates for modernization due to 
site layout and other concerns, and to minimize rate impacts, modernization of existing units 
should be considered along with new construction at greenfield sites.  
 
The Commission has previously granted determinations of need for several conversations of oil-
fired steam units to natural gas-fired combined cycle units, including FPL’s Cape Canaveral, 
Riviera, and Port Everglades power plants. DEF has also recently conducted a conversion of its 
Bartow power plant, but this did not require a determination of need from the Commission.  
 
Utilities also plan several efficiency improvements to existing generating units. An example is 
the conversion of existing simple cycle combustion turbines into a combined cycle unit, which 
captures the waste heat and uses it to generate additional electricity using a steam turbine. The 
Commission has granted a determination of need for the conversion of TECO’s Polk Units 2 
through 5 to a single combined cycle unit. FPL plans on upgrades to its existing combined cycle 
fleet by improving the performance of the integrated combustion turbines at many of its current 
and planned power plants. 
 

Planned Retirements 
Power plant retirements occur when the electric utility is unable to economically operate or 
maintain a generating unit due to environmental, economic, or technical concerns. Table 9 
below, lists the 4,252 MW of existing generation that is scheduled to be retired during the 
planning period, a majority of which are natural gas-fired peaking units. Approximately 1,260 
MW of the planned retirements are three dozen small peaking units at two power plant sites 
operated by FPL. 
 
A notable retirement is DEF’s Crystal River Units 1 and 2. Originally scheduled to retire in 
2016, the retirement of these units have been delayed until 2018. This delay is due in part to a 
temporary averaging of emissions across the existing four units at the Crystal River site to meet 
environmental regulations, as Crystal River Units 4 and 5 have pollution controls installed. 
 
Some retired units will continue operation in a different form. FPL intends to retire Turkey Point 
1, a large oil-fired steam unit, and convert it to a synchronous condenser to support the 
transmission system and provide voltage regulation. FPL previously converted Turkey Point 2 to 
operate as a synchronous condenser.  
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Table 9: State of Florida - Electric Generating Units to be Retired 

Year 
Utility 
Name 

Unit Name Fuel & Unit Type 
Net 

Capacity 
(Sum MW) 

2015 GPC Scholz 1 & 2 Coal Steam 92.0 
2015 DEF G. E. Turner P1 - P4 Distillate Oil Combustion Turbine 132.0 

2015 Subtotal 224.0 
2016 FPL Cedar Bay Coal Steam 250.0 
2016 GPC Lansing Smith 2 Coal Steam 0.0 
2016 FPL Turkey Point 1 [Condensor] Residual Oil Steam 396.0 
2016 JEA Northside 3 [Reserve Storage] Natural Gas Steam 524.0 
2016 DEF Avon Park 2 Distillate Oil Combustion Turbine 24.0 
2016 DEF Rio Pinar 1 Distillate Oil Combustion Turbine 12.0 
2016 FPL Ft. Myers 1 - 10 Distillate Oil Combustion Turbine 540.0 
2016 DEF Avon Park 1 Natural Gas Combustion Turbine 24.0 
2016 FPL Lauderdale 1 - 22 Natural Gas Combustion Turbine 754.0 
2016 FPL Port Everglades 1 - 12 Natural Gas Combustion Turbine 408.0 
2016 TAL Hopkins GT1 Natural Gas Combustion Turbine 12.0 
2016 TAL Purdom GT1 & GT2 Natural Gas Combustion Turbine 20.0 

2016 Subtotal 2,964.0 
2017 DEF Suwannee River 1 - 2 Natural Gas Steam 57.0 
2017 TAL Hopkins GT2 Natural Gas Combustion Turbine 24.0 

2017 Subtotal 81.0 
2018 DEF Crystal River 1 & 2 Coal Steam 740.0 
2018 DEF Suwannee River 3 Natural Gas Steam 71.0 
2018 GPC Pea Ridge 1 - 3 Natural Gas Combustion Turbine 12.0 

2018 Subtotal 823.0 
2020 DEF Higgins 1 - 4 Natural Gas Combustion Turbine 109.0 

2020 Subtotal 109.0 
2021 TAL Hopkins 1 Natural Gas Steam 76.0 

2021 Subtotal 76.0 
2022 GRU Deerhaven FS01 Natural Gas Steam 75.0 

 2022 Subtotal 75.0 
 Total Retirements 4,352  

Source: 2015 Ten-Year Site Plans 
 
 

Reliability Requirements 
Florida’s electric utilities are expected to have enough generating assets available at the time of 
peak demand to meet forecasted customer demand. If utilities only had sufficient generating 
capacity to meet forecasted peak demand, potential instabilities could occur if customer demand 
exceeds the forecast, or if generating units are unavailable due to maintenance or forced outages. 
To address these circumstances, utilities are required to maintain additional planned generating 
capacity above the forecast customer demand, referred to as the reserve margin. 
 
Electric utilities within the Florida Reliability Coordinating Council region, which consists of 
Peninsular Florida, must maintain a minimum of 15 percent reserve margin for planning 
purposes. Certain utilities have elected to have a higher reserve margin, either on an annual or 
seasonal basis. The three largest reporting electric utilities, FPL, DEF, and TECO, are party to a 
stipulation approved by the Commission that utilizes a 20 percent reserve margin for planning.  
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While Florida’s electric utilities are separately responsible for maintaining an adequate planning 
reserve margin, a statewide view illustrates the degree to which capacity may be available for 
purchases during periods of high demand or unit outages. Figure 13 below, is a projection of the 
statewide seasonal reserve margin including all proposed power plants. 
 
 

Figure 13: State of Florida - Projected Reserve Margin by Season  

 

 
Source: 2015 FRCC Load & Resource Plan 
 
 
Role of Demand Response in Reserve Margin 
The Commission also considers the planning reserve margin without demand response. As 
illustrated in Figure 13 above, the statewide seasonal reserve margin exceeds the FRCC’s 
required 15 percent planning reserve margin without activation of demand response. Demand 
response activation increases the reserve margin in summer by 8 percent on average, and 
represents 30 percent of the planning reserve margin. 
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Demand response participants receive discounted rates or credits regardless of activation, with 
these costs recovered from all ratepayers. Because of the voluntary nature of demand response, a 
concern exists that a heavy reliance upon this resource would make participants eschew the 
discounted rates or credits for firm service. For interruptible customers, participants must provide 
notice that they intend to leave the demand response program, with a notice period of three or 
more years being typical. For load management participants, usually residential or small 
commercial customers, no advanced notice is typically required to leave. Historically, demand 
response participants have rarely been called upon during the peak hour, but are more frequently 
called upon during off-peak periods due to unusual weather conditions.  
 

Fuel Price Forecast 
Fuel price is an important economic factor affecting the dispatch of the existing generating fleet 
and the selection of new generating units. In general, the capital cost of a power plant is 
inversely proportional to the cost of the fuel used to generate electricity from that unit. The major 
fuels consumed by Florida’s electric utilities are natural gas, coal, uranium, and oil. Figure 14 
below, illustrates the weighted average fuel price history and forecasts for the reporting electric 
utilities. 
 
 

Figure 14: TYSP Utilities - Average Reporting Electric Utility Fuel Price 

 
Source: TYSP Utilities Data Responses 
 
 
From 2003 to 2005, the price of natural gas was substantially higher than utilities had forecast. 
This natural gas price volatility led to concern regarding escalating customer bills and an 
expectation that natural gas prices would remain high. As a result, Florida’s electric utilities 
began making plans to build coal-fired units rather than continuing to increase the reliance on 
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natural gas. Concerns regarding potential environmental regulations, and other projected costs, 
lead to this coal-fired generation to not materialize. Traditionally, coal was the lowest cost fuel 
besides uranium and was dispatched before most natural gas-fired units. While natural gas-fired 
units have the advantage of a lower heat rate, and therefore consume less units of thermal energy 
per unit of electrical energy produced, the fuel price differential allowed coal to remain dominant 
until 2008. 
 
As Figure 15 below shows, the price of natural gas declined rapidly after the financial crisis, and 
is forecasted to remain at historically low levels. The smaller differential and higher efficiency of 
natural gas has shifted the dispatch order, with natural gas units displacing some coal units. The 
trend has also encouraged utilities to modify existing units to be capable of burning natural gas, 
either as a starter fuel, supplemental fuel, or primary fuel. 
 
 

Figure 15: TYSP Utilities - Fuel Price Comparison for Coal and Natural Gas 

 
Source: TYSP Utilities Data Responses 
 
 

Fuel Diversity 
Natural gas has risen to become the dominant fuel in Florida within the last ten years, displacing 
coal, and since 2010 has generated more net energy for load than all other fuels combined. As 
Figure 16 below illustrates, natural gas is the source of approximately 60 percent of electric 
energy consumed in Florida, down from its peak in 2012 of 65 percent. The 2012 spike in usage 
was associated with extended outages at FPL’s nuclear plants for uprates. Natural gas generation 
is anticipated to remain somewhat steady at its current level until the end of the planning period.  
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Figure 16: State of Florida - Natural Gas Contribution to Energy Consumption 

 
Source: 2006-2015 FRCC Load & Resource Plans 
 
 
Because a balanced fuel supply can enhance system reliability and mitigate the effects of 
volatility in fuel price fluctuations, it is important that utilities have a level of flexibility in their 
generation mix. Maintaining fuel diversity on Florida’s system faces several difficulties. Existing 
coal units will require additional emissions control equipment leading to reduced output, or 
retirement if the emissions controls are uneconomic to install or operate. New solid fuel 
generating units such as nuclear and coal have long lead times and high capital costs. New coal 
units face challenges relating to new environmental compliance requirements, making it unlikely 
they could be permitted without novel emissions control technology. 
 
Figure 17 below shows, Florida’s historic and forecast percent net energy for load by fuel type 
for the actual years 2004 and 2014, and forecast year 2024. Oil has declined significantly, with 
its uses reduced to start-up fuel, peaking, and back-up for dual-fuel units in case of a fuel outage. 
Nuclear generation was reduced beginning in 2010 by the outage and eventual retirement of 
Crystal River 3 and extended outages for uprates at FPL’s St. Lucie and Turkey Point power 
plants. The resulting capacity leaves Florida’s contribution from nuclear approximately the same 
even with the loss of one of five nuclear units. While coal generation has declined somewhat, it 
is expected to rebound slightly and remain at a plateau throughout the planning period. Natural 
gas has been the primary fuel used to meet the growth energy consumption, and this trend is 
anticipated to continue throughout the planning period. 
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Figure 17: State of Florida - Historic and Forecast Fuel Consumption 

 
Source: 2005-2015 FRCC Load & Resource Plans 
 
 
Based on 2012 EIA data, Florida ranks fourth place in terms of the total volume natural gas 
consumption compared to the rest of the United States. For volume of natural gas consumed for 
electric generation, Florida ranks second, behind Texas.  
 
Florida’s percentage of natural gas consumption for electric generation is the highest in the 
country, with 86 percent of all natural gas consumed in the state for electricity. However, these 
figures do not consider population. On a per capita basis, Florida’s total consumption of natural 
gas ranks 30th, while natural gas consumption for electricity ranks 6th. Natural gas is not used as a 
heating fuel in most of Florida’s homes and businesses, which rely instead upon electricity that is 
increasingly being generated by natural gas. This leads to Florida’s per capita consumption of 
natural gas being 15 percent less than the national average, but twice the national average per 
capita consumption of natural gas for electricity. As Florida has very little natural gas production 
and no gas storage capacity, the State is reliant upon out-of-state production and storage to 
satisfy the growing electric demands of the state.  
 

New Generation Planned 
Current demand and energy forecasts continue to indicate that in spite of increased levels of 
conservation, energy efficiency, renewable generation, and existing traditional generation 
resources, the need for additional generating capacity still exists. While reductions in demand 
have been significant, the total demand for electricity is expected to increase, making the 
addition of traditional generating units necessary to satisfy reliability requirements and provide 
sufficient electric energy to Florida’s consumers. Because any capacity addition has certain 
economic impacts based on the capital required for the project, and due to increasing 
environmental concerns relating to solid fuel-fired generating units, Florida’s utilities must 
carefully weigh the factors involved in selecting a supply-side resource for future traditional 
generation projects.  
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In addition to traditional economic analyses, utilities also consider several strategic factors, such 
as fuel availability, generation mix, and environmental compliance prior to selecting a new 
supply-side resource. Limited supplies, access to water or rail delivery points, pipeline capacity, 
water supply and consumption, land area limitations, cost of environmental controls, and 
fluctuating fuel costs are all important considerations to the utilities’ IRP process. 
 
Figure 18 below, illustrates the present and future aggregate capacity mix. The capacity values in 
Figure 18 incorporate all proposed additions, changes, and retirements contained in the reporting 
utilities’ 2015 Ten-Year Site Plans and the FRCC’s 2015 Load and Resource Plan. 
 
 

Figure 18: State of Florida - Current and Projected Installed Capacity by Fuel 

 
Source: 2015 FRCC Load & Resource Plan and TYSP Utilities Data Responses 
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New Power Plants by Fuel Type 
 
Nuclear 
Nuclear capacity, while an alternative to natural gas-fired generation, is capital-intensive and 
requires a long lead time to construct. Previously, FPL had two nuclear projects at Turkey Point 
that have moved out of the planning horizon for the 2015 TYSP. Florida Power & Light had 
previously uprated its existing four nuclear generating units, with the last uprate completed in 
early 2013. While Duke Energy Florida had previously projected the addition of two nuclear 
units, Levy 1 and 2, it has discontinued this project but continues its efforts to obtain a combined 
operating license from the Nuclear Regulatory Commission. 
 
Natural Gas 
Excluding renewable and nuclear generation, all remaining new power plants are natural gas-
fired combustion turbines or combined cycle units. Combustion turbines run in simple cycle 
mode as peaking units represent the third most abundant type of generating capacity, behind only 
coal-fired steam generation. Because combustion turbines are not a form of steam generation, 
unless part of a combined cycle unit, they do not require siting under the Power Plant Siting Act. 
Table 10 below, summarizes the approximately 11,548 MW of proposed new natural gas-fired 
generation included in the 2015 Ten-Year Site Plans. 
 

Commission’s Authority over Siting 
The Commission has been given exclusive jurisdiction to determine the need for new electric 
power plants by the Legislature, through the Power Plant Siting Act, contained in Sections 
403.501 through 403.518, F.S. Any proposed steam or solar generating unit of at least 75 MW 
requires a certification under the Power Plant Siting Act. Upon receipt of a determination of 
need, the electric utility would then seek approval from the Florida Department of Environmental 
Protection, which addresses land use and environmental concerns. Finally, the Governor and 
Cabinet, sitting as the Siting Board, ultimate must approve or deny the overall certification of a 
proposed power plant. 
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Table 10: State of Florida - Planned Natural Gas Units 

Year 
Utility 
Name 

Plant Name 
& Unit Number 

Fuel & Unit Type 
Net 

Capacity 
(MW) 

Notes 

Previously Approved New Units 
2016 FPL Port Everglades Natural Gas Combined Cycle 1,237  Docket No. 110309-EI 
2017 TEC Polk CC Conversion Natural Gas Combined Cycle 459  Docket No. 120234-EI 
2018 DEF Citrus Natural Gas Combined Cycle 1,640  Docket No. 140110-EI 

New Units Requiring PPSA Approval 
2019 FPL Okeechobee Natural Gas Combined Cycle 1,622  Docket No. 150196-EI 
2021 SEC Unnamed CC Natural Gas Combined Cycle 649    
2023 FPL Combined Cycle Unit Natural Gas Combined Cycle 1,317    
2023 OUC Unknown Natural Gas Combined Cycle 285    

New Units Not Requiring PPSA Approval 
2016 FPL Ft. Myers 4A & 4B Natural Gas Combustion Turbines 462    
2016 FPL Lauderdale 6A - 6E Natural Gas Combustion Turbines 1,155    

2021 TAL Hopkins Natural Gas Combustion Turbines 46    
2021 TEC Future CT 1 Natural Gas Combustion Turbines 204    
2022 PEC Mcintosh Natural Gas Combined Cycle 191  Outside Florida 
2022 SEC Unnamed CT 1 Natural Gas Combustion Turbines 201    
2023 SEC Unnamed CT 2 Natural Gas Combustion Turbines 201    
2023 GPC Combustion Turbines Natural Gas Combustion Turbines 866    
2024 SEC Unnamed CT 3 Natural Gas Combustion Turbines 201    
2024 DEF Unknown P1 - P4 Natural Gas Combustion Turbines 812    

Source: 2015 Ten-Year Site Plans 
 
 

Transmission 
As generation capacity increases, the transmission system must grow accordingly to maintain the 
capability of delivering energy to end users. The Commission has been given broad authority 
pursuant to Chapter 366, F.S., to require reliability within Florida’s coordinated electric grid and 
to ensure the planning, development, and maintenance of adequate generation, transmission, and 
distribution facilities within the state. 
 
The Commission has authority over certain proposed transmission lines under the Transmission 
Line Siting Act (TLSA), contained in Sections 403.52 through 403.5365, F.S. To require 
certification under Florida’s TLSA, a proposed transmission line must meet the following 
criteria: a nominal voltage rating of at least 230 kV, crossing a county line, and a length of at 
least 15 miles. Proposed lines in an existing corridor are also exempt from TLSA requirements. 
The Commission determines the reliability need and the proposed starting and end points for 
lines requiring TLSA certification. The proposed corridor route is subsequently determined by 
the Florida Department of Environmental Protection during the certification process. Much like 
the PPSA, the Governor and Cabinet sitting as the Siting Board ultimately must approve or deny 
the overall certification of a proposed line. 
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Table 11 below, lists all proposed transmission lines in the 2015 Ten-Year Site Plans that require 
TLSA certification. All planned lines have already received the approval of the Commission, 
either independently or as part of a PPSA determination of need. 
 
 

Table 11: State of Florida - Planned Transmission Lines 

Utility Transmission Line 
Line 

Length 
Nominal 
Voltage 

Date Need 
Approved 

Date 
TLSA 

Certified 

In-Service 
Date 

(miles) (kV) 
FPL St Johns - Pringle 25 230 - 04/21/2006 12/01/2018 
FPL Levee - Midway 150 500   04/20/1990 06/01/2023 

Source: 2015 Ten-Year Site Plans 
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Florida Power & Light Company (FPL) 
 
FPL is an investor-owned utility and Florida’s largest electric utility. The utility’s service 
territory is within the FRCC region and is primarily in south Florida and along the east coast. As 
an investor-owned utility, the Commission has regulatory authority over all aspects of 
operations, including rates, reliability, and safety. Pursuant to Section 186.801(2), F.S., the 
Commission finds FPL’s 2015 Ten-Year Site Plan suitable for planning purposes. 
 

Load and Energy Forecasts  
In 2014, FPL had approximately 4,708,829 customers and annual retail energy sales of 104,389 
GWh or approximately 47.7 percent of Florida’s annual retail energy sales. Figure 19 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2005. Over the past ten years, FPL’s customer base has 
increased by 8.95 percent, while retail sales have grown by 2.05 percent. Since 2009, FPL has 
been outperforming the state average in retail energy sales growth, a trend it projects to continue 
into the future.  
 
 

Figure 19: FPL Growth Rate 

 
Source: 2015 Ten Year Site Plan  
 
 
The three graphs in Figure 20 below, show’s FPL’s seasonal peak demand and net energy for 
load, for the historic years 2005 through 2014 and forecast years 2015 through 2024. These 
graphs include the impact of demand-side management, and for future years assume that all 
available demand response resources will be activated during the seasonal peak. Historically, 
demand response was not activated during the seasonal peak demand, excluding the winters of 
2010 and 2011.  
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As an investor owned utility, FPL is subject to FEECA and currently offers energy efficiency 
and demand response programs to customers to reduce peak demand and annual energy 
consumption. The utility's 2015 Ten-Year Site Plan reflects the recently revised demand-side 
management goals established by the Commission in December 2014. 
 

 
Figure 20: FPL Demand and Energy Forecasts 

 

 

 
Source: 2015 Ten-Year Site Plan and Data Responses 
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Fuel Diversity  
Table 12 below, shows FPL’s actual net energy for load for fuel type for 2014, and the projected 
fuel mix for 2024. FPL relies primarily upon natural gas and nuclear for energy generation, 
making up approximately 90 percent of net energy for load.  
 
 

Table 12: FPL Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 79,102 68.2% 96,618 72.5% 

Coal 4,482 3.9% 3,087 2.3% 

Nuclear 26,812 23.1% 28,637 21.5% 

Oil 359 0.3% 136 0.1% 

Renewable 177 0.2% 691 0.5% 

Interchange 4,908 4.2% 0 0.0% 

NUG & Other 127 0.1% 4,107 3.1% 

Total 115,968   133,276   
Source: 2015 Ten Year Site Plan 
 
 

Reliability Requirements  
While previously only reserve margin has been discussed, Florida’s utilities use multiple indices 
to determine the reliability of the electric supply. An additional metric is the Loss of Load 
Probability (LOLP), which is a probabilistic assessment of the duration of time electric customer 
demand will exceed electric supply, and is measured in units of days per year. FPL uses a 
maximum LOLP of no more than 0.1 days per year, or approximately 1 day of outage per ten 
years. Between the two reliability indices, LOLP and reserve margin, the reserve margin 
requirement is typically the controlling factor for the addition of capacity. 
 
Since 1999, FPL has utilized a 20 percent planning reserve margin criterion. Figure 21 below, 
displays the forecast planning reserve margin for FPL through the planning period for both 
seasons, with and without the use of demand response. As shown in the figure, FPL’s generation 
needs are controlled by its summer peak throughout the planning period. 
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Figure 21: FPL Reserve Margin Forecast 

 

 
Source: 2015 Ten Year Site Plan 
 
 
In addition to LOLP and the reserve margin, FPL utilizes a third reliability criterion. FPL’s 
criterion would be to have available firm capacity 10 percent greater than the sum of customer 
seasonal demand, without consideration of incremental energy efficiency and all existing and 
incremental demand response resources. FPL refers to this as its 10 percent generation-only 
reserve margin. Currently, no other utility utilizes this same metric. While TECO includes a 
minimum supply-side contribution in its planning methodology, TECO uses a lower value of 
seven percent and incremental energy efficiency is included in its calculation.  
 
While FPL does not include incremental energy efficiency resources and cumulative demand 
response in its resource planning for the generation-only reserve margin criterion, the utility 
would remain subject to FEECA and the conservation goals established by the Commission. FPL 
would continue paying rebates and other incentives to participants, which are collected from all 
ratepayers through the Energy Conservation Cost Recovery Clause, but would not consider the 
potential capacity reductions of any future participation in energy efficiency or demand response 
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programs during the ten-year planning period for planning purposes with this new reliability 
criterion only.  
 
Energy efficiency, which includes installation of equipment designed to reduce peak demand and 
annual energy consumption, is considered a passive resource. While demand response must be 
activated by the utility, energy efficiency provides benefits consistently for the duration of the 
installation, reducing annual energy consumption, and if usage is coincident with system peak, 
peak demand. Customers do not remove building envelope improvements or newly installed 
equipment until the end of its service life for replacement. 
 
As noted in the Statewide Perspective, the Commission does review the impact on reserve 
margin of demand response resources. At this time, FPL offers two types of demand response 
programs. The first type is interruptible and curtailable load programs, consisting of the 
Commercial/Industrial Load Control Program (CILC) and Commercial/Industrial Demand 
Reduction Rider (CDR) tariffs. The second type is load management programs, including the 
Residential On-Call and Business On-Call Programs. FPL utilizes load management programs on 
residential customers more often than commercial/industrial customers.  
 
 FPL’s generation-only reserve margin is not the controlling factor for any planned unit 
additions. However, it does provide useful information regarding the assurance that the projected 
20% reserve margin will be realized.  
 

Generation Resources  
FPL plans multiple unit retirements and additions during the planning period, as described in 
Table 13 below. FPL’s 2014 Ten Year Site Plan included the acquisition of Vero Beach’s 
generating units. FPL’s 2015 plan does not include this acquisition. The projected in-service 
dates of FPL’s new planned nuclear units are now outside the 10-year planning period of 2015’s 
Ten Year Site Plan. FPL included the addition of three new natural gas-fired combined cycle 
unit. Port Everglades combined cycle is expected to come online in 2016. FPL filed a need 
determination with the Commission for the Okeechobee Unit on September 3, 2015.  
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Table 13: FPL Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net 
Capacity 

(Sum MW) 

Notes 
 

     
Retiring Units 

2016 Turkey Point 1 Residual Oil Steam 396 Synchronous Condenser 
2016 Ft. Myers 1 - 10 Distillate Oil Combustion Turbine 540   
2016 Cedar Bay Coal Steam 250 Docket 150075-EI 
2016 Lauderdale 1 - 22 Natural Gas Combustion Turbine 754   
2016 Port Everglades 1 - 12 Natural Gas Combustion Turbine 408   

Retiring Units Total 2,348  
     

New Units 
2016 Ft. Myers 4A & 4B Natural Gas Combustion Turbine 462    
2016 Lauderdale 6A - 6E Natural Gas Combustion Turbine 1,155    
2016 Port Everglades Natural Gas Combined Cycle 1,237  Docket No. 110309-EI 
2019 Okeechobee Natural Gas Combined Cycle 1,622  Docket No. 150196-EI 
2023 Unsited Unit Natural Gas Combined Cycle 1,317  Requires PPSA 

New Units Total 5,793   
     

Net Additions 3,445   

Source: 2015 Ten Year Site Plan 
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Duke Energy Florida, Inc. (DEF) 
 
DEF is an investor-owned utility and Florida’s second largest electric utility. The utility’s service 
territory is within the FRCC region and is primarily in central and west central Florida. As an 
investor-owned utility, the Commission has regulatory authority over all aspects of operations, 
including rates, reliability, and safety. Pursuant to Section 186.801(2), F.S., the Commission 
finds DEF’s 2015 Ten-Year Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2014, DEF had approximately 1,683,454 customers and annual retail energy sales of 37,240 
GWh or approximately 16.9 percent of Florida’s annual retail energy sales. Figure 22 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2005. Over the last ten years, DEF’s customer base has 
increased by 6.88 percent, while retail sales have declined by 4.13 percent. As illustrated retail 
energy sales are anticipated to exceed the historic 2006 peak by 2020, three years later than the 
state as a whole. 
 
 
Figure 22: DEF Growth Rate 

 
Source: 2015 Ten-Year Site Plan 
 
 
The three graphs in Figure 23 below shows, DEF’s seasonal peak demand and net energy for 
load for the historic years of 2005 through 2014 and forecast years 2015 through 2024. These 
graphs include the full impact of demand-side management, and assume that all available 
demand response resources were or will be activated during the seasonal peak. Historically, 
demand response has not been activated during seasonal peak demand, excluding extreme 
weather events. As an investor-owned utility, DEF is subject to FEECA, and currently offers 
energy efficiency and demand response programs to customers to reduce peak demand and 
annual energy consumption. The utility's 2015 Ten-Year Site Plan reflects the recently revised 
demand-side management goals established by the Commission in December 2014.  
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Figure 23: DEF Demand and Energy Forecasts 

 

 

 
Source: 2015 Ten-Year Site Plan and Data Responses 
 
  

Fuel Diversity 
Table 14 below shows, DEF’s actual net energy for load by fuel type as of 2014 and the 
projected fuel mix for 2024. DEF relies primarily upon natural gas and coal for energy 
generation, making up approximately 80 percent of net energy for load. DEF plans to 
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substantially reduce coal usage over the planning period, but coal usage will be greater than all 
other energy types excluding natural gas. 
 
 

Table 14: DEF Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 22,962 56.0% 36,559 80.3% 

Coal 11,760 28.7% 5,214 11.4% 

Nuclear 0 0.0% 0 0.0% 

Oil 38 0.1% 24 0.1% 

Renewable 927 2.3% 2,152 4.7% 

Interchange 1,755 4.3% 183 0.4% 

NUG & Other 3,533 8.6% 1,412 3.1% 

Total 40,975   45,543   
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
Since 1999, DEF has utilized a 20 percent planning reserve margin criterion. Figure 24 below 
displays, the forecast planning reserve margin for DEF through the planning period for both 
seasons, with and without the use of demand response. As shown in the figure, DEF’s generation 
needs are controlled by its summer peaking throughout the planning period. While the utility’s 
summer planning reserve margin dips below 20 percent in 2018, the deficiency is only 19.6 MW 
and is anticipated to be resolved by 2019. 
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Figure 24: DEF Reserve Margin Forecast 

 

 
Source: 2015 Ten-Year Site Plan 
 
 

Generation Resources 
DEF plans multiple unit retirements and additions during the planning period, as described below 
in Table 15. DEF’s 2015 Ten-Year Site Plan includes the retirement of the coal-fired Crystal 
River Units 1 and 2, to be replaced by a pair of natural gas-fired combined cycle units.  
 
In addition to the units discussed above, DEF includes the retirement of five oil-fired units and 
eight natural gas-fired units at multiple power plant sites. An additional new combined cycle is 
planned for 2021 which will require a determination of need from the Commission 
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Table 15: DEF Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net 
Capacity 

(Sum MW) 

Notes 
 

     
Retiring Units 

2015 G. E. Turner P1 - P4 Distillate Oil Combustion Turbine 132    
2016 Avon Park 2 Distillate Oil Combustion Turbine 24    
2016 Rio Pinar 1 Distillate Oil Combustion Turbine 12    
2016 Avon Park 1 Natural Gas Combustion Turbine 24    
2017 Suwannee River 1 - 2 Natural Gas Steam 57    
2018 Suwannee River 3 Natural Gas Steam 71    
2018 Crystal River 1 & 2 Coal Steam 740    
2020 Higgins 1 - 4 Natural Gas Combustion Turbine 109    

Retiring Units Total 1,169  
     

New Units 
2018 Citrus Natural Gas Combined Cycle 1,640  Docket No. 140110-EI 
2024 Unknown P1 - P4 Natural Gas Combustion Turbine 812    

New Units Total 2,452   
     

Net Additions 1,283   

Source: 2015 Ten-Year Site Plan 
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Tampa Electric Company (TECO) 
 
TECO is an investor-owned utility and Florida’s third largest electric utility. The utility’s service 
territory is within the FRCC region and consists primarily of the Tampa metropolitan area. As an 
investor-owned utility, the Commission has regulatory authority over all aspects of operations, 
including rates, reliability, and safety. Pursuant to Section 186.801(2), F.S., the Commission 
finds TECO’s 2015 Ten-Year Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2014, TECO had approximately 706,161 customers and annual retail energy sales of 18,526 
GWh or approximately 8.5 percent of Florida’s annual retail energy sales. Figure 25 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2005. Over the last 10 years, TECO’s customer base has 
increased by 11 percent, while retail sales have declined by 2.06 percent. As illustrated retail 
energy sales are anticipated to exceed the historic 2007 peak by 2020, three years later than the 
state as a whole. 
 
 

Figure 25: TECO Growth Rate 

 
Source: 2015 Ten-Year Site Plan 
 
 
The three graphs in Figure 26 below, shows TECO’s seasonal peak demand and net energy for 
load for the historic years of 2005 through 2014 and forecast years 2015 through 2024. These 
graphs include the full impact of demand-side management, and assume that all available 
demand response resources were or will be activated during the seasonal peak. Historically, 
demand response has not been activated during seasonal peak demand excluding extreme 
weather events.  
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Figure 26: TECO Demand and Energy Forecasts 

 

 

 
 Source: 2015 Ten-Year Site Plan and Data Responses 
 
 
As an investor-owned utility, TECO is subject to FEECA and currently offers energy efficiency 
and demand response programs to customers to reduce peak demand and annual energy 
consumption. The utility's 2015 Ten-Year Site Plan reflects the recently revised demand-side 
management goals established by the Commission in December 2014.  
 

 2,500

 3,000

 3,500

 4,000

 4,500

 5,000

 5,500

20
05

20
06

20
07

20
08

20
09

20
10

20
11

20
12

20
13

20
14

20
15

20
16

20
17

20
18

20
19

20
20

20
21

20
22

20
23

20
24

Actual ProjectedS
u

m
m

er
 P

ea
k 

D
em

an
d

 (
M

W
) 

Conservation & Self-Service Demand Response Total Demand Net Firm Demand

 2,500

 3,000

 3,500

 4,000

 4,500

 5,000

 5,500

20
05

20
06

20
07

20
08

20
09

20
10

20
11

20
12

20
13

20
14

20
15

20
16

20
17

20
18

20
19

20
20

20
21

20
22

20
23

20
24

Actual ProjectedW
in

te
r 

P
ea

k 
D

em
an

d
 (

M
W

) 

Conservation & Self-Service Demand Response Total Demand Net Firm Demand

 18,000

 19,000

 20,000

 21,000

 22,000

 23,000

 24,000

20
05

20
06

20
07

20
08

20
09

20
10

20
11

20
12

20
13

20
14

20
15

20
16

20
17

20
18

20
19

20
20

20
21

20
22

20
23

20
24

Actual ProjectedN
et

 E
n

er
gy

 f
or

 L
oa

d
 (

G
W

H
) 

Conservation & Self-Service Total Energy for Load Net Energy for Load



60 

Fuel Diversity 
Table 16 below, shows TECO’s actual net energy for load by fuel type as of 2014 and the 
projected fuel mix for 2024. TECO uses coal for a majority of energy generation, and based on 
the 2015 Ten-Year Site Plan, actual energy from coal equal to all other sources combined. 
Natural gas is the second largest source of energy for the utility, at approximately 40 percent of 
net energy for load. In the future, TECO projects that energy from coal and gas will be 
approximately the same.  
 
 

Table 16: TECO Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 7,116 36.8% 10,197 47.9% 

Coal 10,383 53.8% 9,755 45.8% 

Nuclear 0 0.0% 0 0.0% 

Oil 0 0.0% 0 0.0% 

Renewable 272 1.4% 183 0.9% 

Interchange 194 1.0% 0 0.0% 

NUG & Other 1,351 7.0% 1,153 5.4% 

Total 19,315   21,288   
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
Since 1999, TECO has utilized a 20 percent planning reserve margin criterion. TECO also elects 
to maintain a minimum supply-side reserve margin of 7 percent. Figure 27 below, displays the 
forecast planning reserve margin for TECO through the planning period for both seasons, with 
and without the use of demand response. As shown in the figure, TECO’s generation needs are 
controlled by its summer peaking throughout the planning period. 
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Figure 27: TECO Reserve Margin Forecast 

 

 
Source: 2015 Ten-Year Site Plan 
 
 

Generation Resources 
TECO plans a pair of unit additions during the planning period, as described in Table 17 below. 
TECO plans to convert a set of four natural gas-fired simple cycle combustion turbines at its 
Polk power plant to combined cycle operation. The additional capacity associated with the 
modernization is listed below, and has already been certified through the Power Plant Siting Act. 
TECO also plans the addition of a peaking unit, a natural gas-fired combustion turbine in 2021.  
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Table 17: TECO Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net 
Capacity 

(Sum MW) 

Notes 
 

     
New Units 

2017 Polk CC Conversion Natural Gas Combined Cycle 459  Docket No. 120234-EI 
2021 Future CT 1 Natural Gas Combustion Turbine 204    

New Units Total 663   
     

Net Additions 663   

Source: 2015 Ten-Year Site Plan 
 
 
  



63 

Gulf Power Company (GPC) 
 
GPC is an investor owned utility, and is Florida’s sixth largest electric utility. It represents the 
smallest of the generating investor-owned utilities, and the only one inside the Southern 
Company electric system. As GPC plans and operates its system in conjunction with the other 
Southern Company utilities, not all of the energy generated by GPC is consumed within Florida. 
As an investor-owned utility, the Commission has regulatory authority over all aspects of 
operations, including rates, reliability, and safety. Pursuant to Section 186.801(2), F.S., the 
Commission finds GPC’s 2015 Ten-Year Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2014, GPC had approximately 442,370 customers and annual retail energy sales of 11,075 
GWh or approximately 5.1 percent of Florida’s annual retail energy sales. Figure 28 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2005. Over the last ten years, GPC’s customer base has 
increased by 9.47 percent, while retail sales have declined by 1.46 percent. As illustrated retail 
energy sales are anticipated to exceed the historic 2008 peak by 2022, six years later than the 
state as a whole. 
 
 

Figure 28: GPC Growth Rate 

 
Source: 2015 Ten-Year Site Plan 
 
 
The three graphs in Figure 29 below, shows GPC’s seasonal peak demand and net energy for 
load for the historic years of 2005 through 2014 and forecast years 2015 through 2024. These 
graphs include the full impact of demand-side management. 
 
 
 
 



64 

Figure 29: GPC Demand and Energy Forecasts 

 

 
 

 
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 
As an investor-owned utility, GPC is subject to FEECA and currently offers energy efficiency 
and demand response programs to customers to reduce peak demand and annual energy 
consumption. The utility's 2015 Ten-Year Site Plan reflects the recently revised demand-side 
management goals established by the Commission in December 2014.  
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Fuel Diversity 
Table 18 below, shows GPC’s actual net energy for load by fuel type as of 2014, and the 
projected fuel mix for 2024. GPC is an energy exporter, producing over a quarter more energy 
than it requires for native load. While natural gas was the dominant fuel source in 2014, coal 
made up approximately half of energy produced. By 2024, GPC’s 2015 Ten-Year Site Plan 
projects a decline in sales to only 10.2 percent of native load, with coal representing 
approximately 84 percent of system energy. GPC projects a greater percent of energy 
consumption from coal in 2024 than any other investor-owned utility and all but two other TYSP 
Utilities, JEA and OUC.  
 
 

Table 18: GPC Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 8,207 68.1% 3,116 24.4% 

Coal 7,394 61.4% 10,714 84.0% 

Nuclear 0 0.0% 0 0.0% 

Oil 1 0.0% 1 0.0% 

Renewable 0 0.0% 0 0.0% 

Interchange -3,760 -31.2% -1,296 -10.2% 

NUG & Other 210 1.7% 214 1.7% 

Total 12,052   12,749   
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
As previously noted, GPC is the only Ten-Year Site Plan utility outside of the FRCC region. As 
part of Southern Company’s electric system, GPC plans to maintain a 15 percent seasonal 
planning reserve margin beginning in 2017. Figure 30 below, displays the forecast planning 
reserve margin for GPC through the planning period for both seasons, including the impact of 
energy efficiency programs. As shown in the figure, GPC’s generation needs are typically 
determined by its summer peak. It is anticipated that GPC would either construct additional 
generation beyond the units identified above or contract for purchased power to meet its planning 
reserve requirement in 2024. 
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Figure 30: GPC Reserve Margin Forecast 

 

 
Source: 2015 Ten-Year Site Plan 
 
 

Generation Resources 
GPC plans multiple unit retirements and additions during the planning period, as described in 
Table 19 below. A pair of coal-fired steam units and three natural gas-fired combustion turbines 
would be retired during the planning period. Based on its 2015 Ten-Year Site Plan, GPC plans to 
add a single natural gas-fired combustion turbine in 2023, after the expiration of a purchased 
power agreement expires. In addition, GPC plans on the addition of utility-owned renewable 
generation from a landfill gas-fired internal combustion unit, which would provide firm capacity. 
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Table 19: GPC Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net 
Capacity 

(Sum MW) 

Notes 
 

     
Retiring Units 

2015 Scholz 1 & 2 Coal Steam 92    
2016 Lansing Smith 2 Coal Steam 195    
2018 Pea Ridge 1 - 3 Natural Gas Combustion Turbine 12    

Retiring Units Total 299  
     

New Units 
2023 Combustion Turbines Natural Gas Combustion Turbine 866   

New Units Total 866   
     

Net Additions 567   

Source: 2015 Ten-Year Site Plan 
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Florida Municipal Power Agency (FMPA) 
 
FMPA is a governmental wholesale power company owned by several Florida municipal utilities 
throughout Florida. Collectively, FMPA is Florida’s eighth largest electric utility and third 
largest municipal electric utility. While FMPA has 31 member systems, only those members who 
are participants of the All-Requirements Power Supply Project (ARP) are addressed in the 
utility’s Ten-Year Site Plan. FMPA is responsible for planning activities associated with ARP 
member systems. As a municipal utility, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning. 
Pursuant to Section 186.801(2), F.S., the Commission finds FMPA’s 2015 Ten-Year Site Plan 
suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2014, FMPA had approximately 245,664 customers and annual retail energy sales of 5,353 
GWh or approximately 2.4 percent of Florida’s annual retail energy sales. Figure 31 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2005. Over the last ten years, FMPA’s customer base has 
decreased by 12.95 percent, while retail sales have decreased by 20.97 percent. As illustrated 
retail energy sales are not anticipated to exceed the historic 2007 peak during the planning 
period, and will, in fact, be below 2004 retail energy sale levels by 7.56 percent. The reduction in 
sales is associated with several ARP member systems modifying their contractual agreements 
with FMPA, such that FMPA no longer provides for the system’s capacity and energy needs. 
Those member systems modifying agreements include the City of Vero Beach in 2010, the City 
of Lake Worth in 2014, and the City of Fort Meade in 2015. 
 
 

Figure 31: FMPA Growth Rate 

 
Source: 2015 Ten-Year Site Plan 
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Figure 32: FMPA Demand and Energy Forecasts 

 

 

 
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 
The three graphs in Figure 32 above, shows FMPA’s seasonal peak demand and net energy for 
load for the historic years of 2005 through 2014 and forecast years 2015 through 2024. As 
FMPA is a wholesale power company, it does not directly engage in energy efficiency or 
demand response programs. ARP member systems do offer demand-side management programs, 
the impacts of which are included in the graphs above. 
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Fuel Diversity 
Table 20 below, shows FMPA’s actual net energy for load by fuel type as of 2014 and the 
projected fuel mix for 2024. FMPA uses natural gas as its primary fuel, supplemented by coal 
and nuclear generation. FMPA projects an increase in purchased power and energy from coal in 
2024, but 85 percent of energy would still be sourced from natural gas and nuclear. 
 
 

Table 20: FMPA Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 4,596 79.3% 5,273 80.0% 

Coal 837 14.4% 1,011 15.3% 

Nuclear 286 4.9% 286 4.3% 

Oil 3 0.1% 0 0.0% 

Renewable 32 0.6% 23 0.3% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 42 0.7% 0 0.0% 

Total 5,796   6,593   
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
FMPA utilizes an 18 percent planning reserve margin criterion for summer peak demand, and a 
15 percent planning reserve margin criterion for winter peak demand. Figure 33 below, displays 
the forecast planning reserve margin for FMPA through the planning period for both seasons, 
with the impact of energy efficiency programs. As shown in the figure, FMPA’s generation 
needs are controlled by its summer peak throughout the planning period. 
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Figure 33: FMPA Reserve Margin Forecast 

 

 
Source: 2015 Ten-Year Site Plan 
 
 

Generation Resources 
FMPA plans no unit additions or retirements during the planning period. However, as discussed 
above, several ARP member systems have elected to modify their contractual agreements with 
FMPA, such that FMPA no longer utilizes the member system’s generation resources. 
 
 
  



72 

Gainesville Regional Utilities (GRU) 
 
GRU is a municipal utility and the smallest electric utility required to file a Ten-Year Site Plan. 
The utility’s service territory is within the FRCC region and consists of the City of Gainesville 
and its surrounding area. GRU also provides wholesale power to the City of Alachua and Clay 
Electric Cooperative. As a municipal utility, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning. 
Pursuant to Section 186.801(2), F.S., the Commission finds GRU’s 2015 Ten-Year Site Plan 
suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2014, GRU had approximately 93,855 customers and annual retail energy sales of 1,709 GWh 
or approximately 0.8 percent of Florida’s annual retail energy sales. Figure 34 below, illustrates 
the company’s historic and forecast number of customers and retail energy sales, in terms of 
percentage growth from 2005. Over the last ten years, GRU’s customer base has increased by 
7.19 percent, while retail sales have decreased by 7.81 percent. As illustrated retail energy sales 
are not anticipated to exceed their historic 2007 peak during the planning period. 
 
 

Figure 34: GRU Growth Rate 

 
Source: 2015 Ten-Year Site Plan 
 
 
The three graphs in Figure 35 below, shows GRU’s seasonal peak demand and net energy for 
load for the historic years of 2005 through 2014 and forecast years 2015 through 2024. GRU 
engages in multiple energy efficiency programs to reduce customer peak demand and annual 
energy for load. The graphs in Figure 35 include the impact of these demand-side management 
programs. 
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Figure 35: GRU Demand and Energy Forecasts 

 

 

 
Source: 2015 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 21 below, shows GRU’s actual net energy for load by fuel type as of 2014 and the 
projected fuel mix for 2024. In 2014 coal was approximately two times natural gas in terms of 
contribution to net energy for load, with the remaining energy split between renewable 
generation and non-utility generators. By 2024, GRU projects a decline in natural gas and an 
increase in renewable energy to almost 40 percent of net energy for load. This increase in 
renewables is primarily associated with the Gainesville Renewable Energy Center, a biomass 
facility that GRU has a long-term purchased power agreement with for approximately 100 MW 
of firm capacity and energy. 
 
 

Table 21: GRU Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 315 16.8% 284 13.5% 

Coal 820 43.7% 820 39.0% 

Nuclear 0 0.0% 0 0.0% 

Oil 0 0.0% 0 0.0% 

Renewable 635 33.9% 835 39.7% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 105 5.6% 166 7.9% 

Total 1,875   2,105   
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
GRU utilizes a 15 percent planning reserve margin criterion for seasonal peak demand. Figure 36 
below, displays the forecast planning reserve margin for GRU through the planning period for 
both seasons, including the impacts of demand-side management. As shown in the figure, GRU’s 
generation needs are controlled by its summer peak throughout the planning period. As a smaller 
utility, the reserve margin is an imperfect measure of reliability due to the relatively large impact 
a single unit may have on reserve margin. For example, GRU’s largest single unit, Deerhaven 2, 
a coal-fired steam unit, represents 56.3 percent of summer net firm peak demand in 2014, almost 
the entirety of the utility’s reserve margin. 
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Figure 36: GRU Reserve Margin Forecast 

 

 
Source: 2015 Ten-Year Site Plan 
 
 

Generation Resources 
GRU currently plans to retire a natural gas-fired steam unit towards the end of the planning 
period, as described in Table 22 below. As a smaller utility, single units can have a large impact 
upon reserve margin, discussed below. GRU does not plan to add additional generating capacity 
during the planning period. 
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Table 22: GRU Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net 
Capacity 

(Sum MW) 

Notes 
 

     
Retiring Units 

2022 Deerhaven FS01 Natural Gas Steam 75   
Retiring Units Total 75  

     
Net Additions (75)  

Source: 2015 Ten-Year Site Plan 
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JEA 
 
JEA, formerly known as Jacksonville Electric Authority, is Florida’s largest municipal utility and 
fifth largest electric utility. JEA’s service territory is within the FRCC region, and includes all of 
Duval County as well as portions of Clay and St. Johns Counties. As a municipal utility, the 
Commission’s regulatory authority is limited to safety, rate structure, territorial boundaries, bulk 
power supply, operations, and planning. Pursuant to Section 186.801(2), F.S., the Commission 
finds JEA’s 2015 Ten-Year Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2014, JEA had approximately 433,578 customers and annual retail energy sales of 11,713 
GWh or approximately 5.3 percent of Florida’s annual retail energy sales. Figure 37 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2005. Over the last ten years, JEA’s customer base has 
increased by 10.85 percent, while retail sales have declined by 6.36 percent. As illustrated JEA 
exceeded its 2007 peak for retail energy sales in 2010, but does not forecast returning to that 
level of energy sales during the planning period. 
 
 

Figure 37: JEA Growth Rate 

 
Source: 2015 Ten-Year Site Plan and 2015 FRCC Load & Resource Plan 
 
 
The three graphs in Figure 38 below, shows JEA’s seasonal peak demand and net energy for load 
for the historic years of 2005 through 2014 and forecast years 2015 through 2024. These graphs 
include the full impact of demand-side management, and assume that all available demand 
response resources were or will be activated during the seasonal peak. 
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Figure 38: JEA Demand and Energy Forecasts 

 

 

 
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 
While a municipal utility, JEA is subject to FEECA and currently offers energy efficiency and 
demand response programs to customers to reduce peak demand and annual energy 
consumption. The utility's 2015 Ten-Year Site Plan reflects the recently revised demand-side 
management goals established by the Commission in December 2014. 
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Fuel Diversity 
Table 23 below, shows JEA’s actual net energy for load by fuel type as of 2014 and the projected 
fuel mix for 2024. In 2014, a majority JEA’s net energy for load came from coal and petroleum 
coke, which is listed in the “NUG & Other” category in Table 23. While the utility plans on 
eliminating petroleum coke usage over the planning period, JEA projects the highest percent 
energy consumption from coal in 2024 of the Ten-Year Site Plan utilities. 
 
 

Table 23: JEA Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 3,993 31.5% 1,128 8.4% 

Coal 7,012 55.4% 8,301 62.1% 

Nuclear 0 0.0% 0 0.0% 

Oil 9 0.1% 2 0.0% 

Renewable 91 0.7% 72 0.5% 

Interchange 477 3.8% 1,610 12.0% 

NUG & Other 1,075 8.5% 2,258 16.9% 

Total 12,656   13,371   
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
JEA utilizes a 15 percent planning reserve margin criterion for seasonal peak demand. Figure 39 
below, displays the forecast planning reserve margin for JEA through the planning period for 
both seasons, with and without the use of demand response. As shown in the figure, JEA’s 
generation needs are controlled by its summer peak throughout the planning period. 
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Figure 39: JEA Reserve Margin Forecast 

 

 
Source: 2015 Ten-Year Site Plan 
 
 

Generation Resources 
JEA plans to retire one unit during the planning period, as described in Table 24 below. The 
Northside Unit 3, a natural gas-fired steam unit is planned for retirement in 2016 based on the 
utility’s Ten-Year Site Plan. 
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Table 24: JEA Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net 
Capacity 

(Sum MW) 

Notes 
 

     
Retiring Units 

2016 Northside 3 Natural Gas Steam 524  Reserve Storage 
     

Retiring Units Total 524  
     

Net Additions (524)  

Source: 2015 Ten-Year Site Plan 
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Lakeland Electric (LAK) 
 
LAK is a municipal utility and the state’s third smallest electric utility required to file a Ten-Year 
Site Plan. The utility’s service territory is within the FRCC region and consists of the City of 
Lakeland and surrounding areas. As a municipal utility, the Commission’s regulatory authority is 
limited to safety, rate structure, territorial boundaries, bulk power supply, operations, and 
planning. Pursuant to Section 186.801(2), F.S., the Commission finds LAK’s 2015 Ten-Year Site 
Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2014, LAK had approximately 124,021 customers and annual retail energy sales of 2,904 
GWh or approximately 1.3 percent of Florida’s annual retail energy sales. Figure 40 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2005. Over the last 10 years, LAK’s customer base has 
increased by 5.10 percent, while retail sales have grown by 3.38 percent. As illustrated below, 
retail energy sales exceed their historic 2007 peak in 2010, and are anticipated to again exceed 
this value in 2015. 
 
 

Figure 40: LAK Growth Rate 

 
Source: 2015 Ten-Year Site Plan 
 
 
The three graphs in Figure 41 below, shows LAK’s seasonal peak demand and net energy for 
load for the historic years of 2005 through 2014 and forecast years 2015 through 2024. LAK 
offers energy efficiency programs, the impacts of which are included in the graphs below. 
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Figure 41: LAK Demand and Energy Forecasts 

 

 

 
Source: 2015 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 25 below, shows LAK’s actual net energy for load by fuel type as of 2014 and the 
projected fuel mix for 2024. LAK uses natural gas as its primary fuel type for energy, with coal 
representing about 10 percent net energy for load. While natural gas usage is anticipated to 
increase somewhat as a percent of net energy for load, coal is projected triple in 2024.  
 
 

Table 25: LAK Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 1,714 57.0% 2,524 75.3% 

Coal 278 9.2% 1,131 33.8% 

Nuclear 0 0.0% 0 0.0% 

Oil 0 0.0% 1 0.0% 

Renewable 12 0.4% 37 1.1% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 1,002 33.3% -342 -10.2% 

Total 3,006   3,351   

Source: 2015 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
LAK utilizes a 15 percent planning reserve margin criterion for seasonal peak demand. Figure 42 
below, displays the forecast planning reserve margin for LAK through the planning period for 
both seasons, including the impacts of demand-side management. As a smaller utility, the reserve 
margin is an imperfect measure of reliability due to the relatively large impact a single unit may 
have on reserve margin. For example, LAK’s largest single unit, McIntosh 5, a natural gas-fired 
combined cycle unit, represents 51.4 percent of winter net firm peak demand in 2014, in excess 
of the utility’s reserve margin. 
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Figure 42: LAK Reserve Margin Forecast 

 

 
Source: 2015 Ten-Year Site Plan 
 
 

Generation Resources 
LAK plans no unit additions or retirements during the planning period. 
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Orlando Utilities Commission (OUC) 
 
OUC is a municipal utility and Florida’s seventh largest electric utility and second largest 
municipal utility. The utility’s service territory is within the FRCC region and primarily consists 
of the Orlando metropolitan area. As a municipal utility, the Commission’s regulatory authority 
is limited to safety, rate structure, territorial boundaries, bulk power supply, operations, and 
planning. Pursuant to Section 186.801(2), F.S., the Commission finds OUC’s 2015 Ten-Year 
Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2014, OUC had approximately 219,272 customers and annual retail energy sales of 6,191 
GWh or approximately 2.8 percent of Florida’s annual retail energy sales. Figure 43 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2005. Over the last 10 years, OUC’s customer base has 
increased by 14.94 percent, while retail sales have grown by 5.79 percent. As illustrated retail 
energy sales are anticipated to exceed their historic 2008 peak in 2015. 
 
 

Figure 43: OUC Growth Rate 

 
Source: 2015 Ten-Year Site Plan 
 
 
The three graphs in Figure 44 below, shows OUC’s seasonal peak demand and net energy for 
load for the historic years of 2005 through 2014 and forecast years 2015 through 2024. These 
graphs include the impact of the utility’s demand side management programs. While a municipal 
utility, OUC is subject to FEECA and currently offers energy efficiency and demand response 
programs to customers to reduce peak demand and annual energy consumption.  
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Figure 44: OUC Demand and Energy Forecasts 

 

 

 
Source: 2015 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 26 below, shows OUC’s actual net energy for load by fuel type as of 2014 and the 
projected fuel mix for 2024. In 2014, OUC used approximately equal portions of natural gas and 
coal as fuel to meet the utility’s net energy for load. However, OUC projects to significantly 
increase the quantity of energy consumed from coal, while decreasing natural gas usage by 2024. 
Based upon this projection, OUC as a percent of net energy for load would be the second largest 
user of coal in Florida by 2024. 
 
 

Table 26: OUC Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 3,405 45.3% 443 5.7% 

Coal 3,534 47.0% 6,644 86.1% 

Nuclear 472 6.3% 459 6.0% 

Oil 1 0.0% 0 0.0% 

Renewable 109 1.4% 168 2.2% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 0 0.0% 0 0.0% 

Total 7,521   7,714   
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
OUC utilizes a 15 percent planning reserve margin criterion for seasonal peak demand. Figure 45 
below, displays the forecast planning reserve margin for OUC through the planning period for 
both seasons, including the impact of demand-side management programs. As shown in the 
figure, OUC’s generation needs are controlled by its summer peak demand throughout the 
planning period. 
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Figure 45: OUC Reserve Margin Forecast 

 

 
Source: 2015 Ten-Year Site Plan 
 
 

Generation Resources 
Based upon current planning OUC is adding a combined cycle in 2023 using natural gas. The 
unit as shown, in Table 27 below, will be a 285 MW Natural Gas Unit and will require a 
determination of need from FPSC.  
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Table 27: OUC Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net 
Capacity 

(Sum MW) 

Notes 
 

     
New Units 

2023 Unknown Natural Gas Combined Cycle 285  Requires PPSA 
New Units Total 285  

     
Net Additions 285  

Source: 2015 Ten-Year Site Plan 
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Seminole Electric Cooperative (SEC) 
 
SEC is a generation and transmission rural electric cooperative that serves its member 
cooperatives, and is collectively Florida’s fourth largest utility. SEC’s generation and member 
cooperatives are within the FRCC region, with member cooperatives located in central and north 
Florida. As a rural electric cooperative, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning. 
Pursuant to Section 186.801(2), F.S., the Commission finds SEC’s 2015 Ten-Year Site Plan 
suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2014, SEC had approximately 740,566 customers and annual retail energy sales of 12,960 
GWh or approximately 6.7 percent of Florida’s annual retail energy sales. Figure 46 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2005. Over the last 10 years, SEC’s customer base has 
decreased by 10.5 percent, while retail sales have decreased 5.39 percent. As illustrated retail 
energy sales are anticipated to exceed their historic 2007 peak by 2022, approximately five years 
later than Florida as a whole. The decline shown in 2014 is associated with one member 
cooperative, Lee County Electric Cooperative, electing to end its membership with SEC. 
 
 

Figure 46: SEC Growth Rate 

 
Source: 2015 Ten-Year Site Plan 
 
 
 
 
 
 
 



92 

Figure 47: SEC Demand and Energy Forecasts 

 

 

 
Source: 2015 Ten-Year Site Plan and Data Responses 
 
The three graphs in Figure 47 above, shows SEC’s seasonal peak demand and net energy for 
load for the historic years of 2005 through 2014 and forecast years 2015 through 2024. As SEC 
is a generation and transmission company, it does not directly engage in energy efficiency or 
demand response programs. Member cooperatives do offer demand-side management programs, 
the impacts of which are included in the graphs below. 
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Fuel Diversity 
Table 28 below, shows SEC’s actual net energy for load by fuel type as of 2014 and the 
projected fuel mix for 2024. In 2014, SEC uses a combination of coal and natural gas to meet its 
member cooperatives’ net energy for load, with coal use slightly higher than natural gas. By 
2024, SEC projects this to reverse, with natural gas usage somewhat higher than coal. 
 
 

Table 28: SEC Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 4,737 34.2% 7,504 47.2% 

Coal 8,159 58.9% 7,571 47.6% 

Nuclear 0 0.0% 0 0.0% 

Oil 35 0.3% 48 0.3% 

Renewable 923 6.7% 780 4.9% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 0 0.0% 0 0.0% 

Total 13,854   15,903   
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
SEC utilizes a 15 percent planning reserve margin criterion for seasonal peak demand. Figure 48 
below, displays the forecast planning reserve margin for SEC through the planning period for 
both seasons, with and without the use of demand response. Member cooperatives allow SEC to 
coordinate demand response resources to maintain reliability. As shown in the figure, SEC’s 
generation needs are determined by winter peak demand more often than summer peak demand 
during the planning period. 
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Figure 48: SEC Reserve Margin Forecast 

 
Source: 2015 Ten-Year Site Plan 
 
 

Generation Resources 
SEC plans the addition of several generating units during the planning period, as described in 
Table 29 below. All unsited natural gas-fired units, SEC plans the addition of a total of seven 
combustion turbines and a single combined cycle unit over the planning period. 
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Table 29: SEC Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net 
Capacity 

(Sum MW) 

Notes 
 

     
New Units 

2021 Unnamed CC Natural Gas Combined Cycle 649  Requires PPSA 
2022 Unnamed CT 1 Natural Gas Combustion Turbine 201    
2023 Unnamed CT 2 Natural Gas Combustion Turbine 201    
2024 Unnamed CT 3 Natural Gas Combustion Turbine 201    

New Units Total 1,252  
     

Net Additions 1,252  

Source: 2015 Ten-Year Site Plan 
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City of Tallahassee Utilities (TAL) 
 
TAL is a municipal utility and the second smallest electric utility and municipal electric utility. 
The utility’s service territory is within the FRCC region and primarily consists of the City of 
Tallahassee and surrounding areas. As a municipal utility, the Commission’s regulatory authority 
is limited to safety, rate structure, territorial boundaries, bulk power supply, operations, and 
planning. Pursuant to Section 186.801(2), F.S., the Commission finds TAL’s 2015 Ten-Year Site 
Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2014, TAL had approximately 116,708 customers and annual retail energy sales of 2,638 
GWh or approximately 1.2 percent of Florida’s annual retail energy sales. Figure 49 below, 
illustrates the company’s historic and forecast number of customers and retail energy sales, in 
terms of percentage growth from 2005. Over the last 10 years, TAL’s customer base has 
increased by 8.28 percent, while retail sales have declined by 3.16 percent. As illustrated retail 
energy sales are not anticipated to exceed their historic 2007 peak until 2023, six years later than 
the state as a whole. 
 
 

Figure 49: TAL Growth Rate 

 
Source: 2015 Ten-Year Site Plan 
 
 
The three graphs in Figure 50 below, shows TAL’s seasonal peak demand and net energy for 
load for the historic years of 2005 through 2014 and forecast years 2015 through 2024. These 
graphs include the impact of demand-side management, and for future years assume that all 
available demand response resources will be activated during the seasonal peak. TAL offers 
energy efficiency and demand response programs to customers to reduce peak demand and 
annual energy consumption. Currently TAL only offers demand response programs targeting 
appliances that contribute to summer peak, and therefore have no effect upon winter peak. 
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Figure 50: TAL Demand and Energy Forecasts 

 

 

 
Source: 2015 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 30 below, shows TAL’s actual net energy for load by fuel type as of 2013 and the 
projected fuel mix for 2023. TAL relies almost exclusively on natural gas for its generation, 
excluding some purchases from other utilities and qualifying facilities and the use of oil as a 
backup fuel. Natural gas is anticipated to remain the sole fuel on the system, with only natural 
gas-fired generation to be added.  
 
 

Table 30: TAL Energy Consumption by Fuel Type 

Fuel Type 
Net Energy for Load 

2014 2024 
GWh % GWh % 

Natural Gas 2,788 101.3% 2,917 99.4% 

Coal 0 0.0% 0 0.0% 

Nuclear 0 0.0% 0 0.0% 
Oil 0 0.0% 0 0.0% 

Renewable 20 0.7% 14 0.5% 

Interchange 0 0.0% 29 1.0% 

NUG & Other -56 -2.0% -24 -0.8% 

Total 2,751   2,935   
Source: 2015 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
TAL utilizes a 17 percent planning reserve margin criterion for seasonal peak demand. Figure 51 
below, displays the forecast planning reserve margin for TAL through the planning period for 
both seasons, with and without the use of demand response. As discussed above, TAL only 
offers demand response programs applicable to the summer peak. As shown in the figure, TAL’s 
generation needs are controlled by its summer peak throughout the planning period. 
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Figure 51: TAL Reserve Margin Forecast 

 

 
Source: 2015 Ten-Year Site Plan 
 
 

Generation Resources 
TAL plans multiple unit retirements and a single addition during the planning period, as 
described in Table 31 below. Several older combustion turbines at two plant sites and a single 
steam unit, all natural gas-fired, are anticipated to be retired during the planning period. Based 
upon its current planning, TAL intends to add a new natural gas-fired combustion turbine in 
2020. 
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Table 31: TAL Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net 
Capacity 

(Sum MW) 

Notes 
 

     
Retiring Units 

2016 Hopkins GT1 Natural Gas Combustion Turbine 12   
2016 Purdom GT1 & GT2 Natural Gas Combustion Turbine 20   
2017 Hopkins GT2 Natural Gas Combustion Turbine 24   
2021 Hopkins 1 Natural Gas Steam 76   

Retiring Units Total 132  
     

New Units 
2021 Hopkins Natural Gas Combustion Turbine 46   

New Units Total 46   
     

Net Additions (86)  

Source: 2015 Ten-Year Site Plan 
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Executive Summary 
Integrated resource planning (IRP) is a utility process that includes a cost-effective combination 
of demand-side resources and supply-side resources. While each utility has slightly different 
approaches to IRP, some things are consistent across the industry. Each utility must update its 
load forecast assumptions based on Florida Public Service Commission (Commission) decisions 
in various dockets, such as demand-side management goals. Changes in government mandates, 
such as appliance efficiency standards, building codes and environmental requirements, must 
also be considered. Other input assumptions such as demographics, financial parameters, 
generating unit operating characteristics, fuel costs, etc. are more fluid and do not require prior 
approval by the Commission. Each utility then conducts a reliability analysis to determine when 
resources may be needed to meet expected load. Next, an initial screening of demand-side and 
supply-side resources is performed to find candidates that meet the expected resource need. The 
demand-side and supply-side resources are combined in various scenarios to decide which 
combination meets the need most cost-effectively. After the completion of all these components, 
utility management reviews the results of the varying analyses and the utility’s Ten-Year Site 
Plan is produced as the culmination of the IRP process. Commission Rules also require the 
utilities to provide aggregate data which provides an overview of the State of Florida electric 
grid.  
 
The Commission’s annual review of utility Ten-Year Site Plans is non-binding but it does 
provide state, regional, and local agencies advance notice of proposed power plants and 
transmission facilities. Any concerns identified during the review of the utilities’ Ten-Year Site 
Plans may be addressed by the Commission at a formal public hearing, such as a power plant 
need determination proceeding. While Florida Statutes and Commission Rules do not 
specifically define IRP, they do provide a solid framework for flexible, cost-effective utility 
resource planning. In this way, the Commission fulfills its oversight and regulatory 
responsibilities while leaving day-to-day planning and operations to utility management. 
 
Pursuant to Section 186.801, Florida Statutes (F.S.), each generating electric utility must submit 
to the Commission a Ten-Year Site Plan which estimates the utility’s power generating needs 
and the general locations of its proposed power plant sites over a 10-year planning horizon. The 
Ten-Year Site Plans of Florida’s electric utilities summarize the results of each utility’s IRP 
process and identifies proposed power plants and transmission facilities. The Commission is 
required to perform a preliminary study of each plan and classify each one as either “suitable” or 
“unsuitable.” This document represents the review of the 2016 Ten-Year Site Plans for Florida’s 
electric utilities, filed by 11 reporting utilities.1 
  
All findings of the Commission are made available to the Florida Department of Environmental 
Protection (DEP) for its consideration at any subsequent certification proceeding pursuant to the 

                                                 
1Investor-owned utilities filing 2016 TYSPs include Florida Power & Light Company (FPL), Duke Energy Florida, 
LLC. (DEF), Tampa Electric Company (TECO), and Gulf Power Company (GPC). Municipal utilities filing 2016 
TYSPs include Florida Municipal Power Agency (FMPA), Gainesville Regional Utilities (GRU), JEA (formerly 
Jacksonville Electric Authority), Lakeland Electric (LAK), Orlando Utilities Commission (OUC), and City of 
Tallahassee Utilities (TAL). Seminole Electric Cooperative (SEC) also filed a 2016 TYSP. 
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Electrical Power Plant Siting Act or the Electric Transmission Line Siting Act.2 In addition, this 
document is sent to the Florida Department of Agriculture and Consumer Services pursuant to 
Section 377.703(2)(e), F.S., which requires the Commission provide a report on electricity and 
natural gas forecasts. 
 

Review of the 2016 Ten-Year Site Plans 
The Commission has divided this review into two portions: (1) a Statewide Perspective, which 
covers the whole of Florida; and (2) Utility Perspectives, which address each of the reporting 
utilities. From a statewide perspective, the Commission has reviewed the implications of the 
combined trends of Florida’s electric utilities regarding load forecasting, renewable generation, 
and traditional generation. 
  
Load Forecasting 
Forecasting load growth is an important component of system planning for Florida’s electric 
utilities. Florida’s electric utilities reduce the rate of growth in customer peak demand and annual 
energy consumption through demand-side management programs. The Commission, through its 
authority granted by Sections 366.80 through 366.83 and Section 403.519, F.S., otherwise 
known as the Florida Energy Efficiency and Conservation Act (FEECA), encourages demand-
side management by establishing goals for the reduction of seasonal peak demand and annual 
energy consumption for those utilities under its jurisdiction. Based on current projections, 
Florida’s electric utilities anticipate exceeding the historic 2007 peak by 2019. Figure 1 below 
details these trends.  
 

Figure 1: State of Florida - Growth in Customers and Sales  

 
Source: 2016 FRCC Load and Resource Plan  

                                                 
2The Electrical Power Plant Siting Act is Sections 403.501 through 403.518, F.S. Pursuant to Section 403.519, F.S., 
the Commission is the exclusive forum for the determination of need for an electrical power plant. The 
ElectricTransmission Line Siting Act is Sections 403.52 through 403.5365, F.S. Pursuant to Section 403.537, F.S., 
the Commission is the sole forum for the determination of need for a transmission line. 
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Renewable Generation 
Renewable resources continue to expand in Florida, with approximately 1,860 MW of renewable 
generating capacity currently installed in Florida. The majority of installed renewable capacity is 
represented by biomass and municipal solid waste, making up approximately 60 percent of 
Florida’s renewables. Other major renewable types, in order of capacity contribution, include 
waste heat, solar, hydroelectric, and landfill gas. Notably, Florida had 108 MW of demand-side 
renewable energy systems installed and using net metering at the end of 2015, an increase in 
capacity of 34.7 percent from 2014. 
 
Over the next 10 years, Florida’s electric utilities have reported that 2,005 MW of additional 
renewable generation is planned in Florida, excluding any potential demand-side renewable 
energy additions. Over three-quarters of the projected capacity additions are solar photovoltaic 
generation. Some utilities are including a portion of these solar resources (124 MW) as a firm 
resource for reliability considerations. Reasons given for these additions are a continued 
reduction in the price of solar facilities, availability of utility property with access to the grid, and 
actual performance data obtained solar demonstration projects. If these conditions continue, cost-
effective forms of renewable generation will continue to improve the state’s fuel diversity and 
reduce dependence on fossil fuels.  
 
Traditional Generation 
Generating capacity within the State of Florida is anticipated to grow to meet the increase in 
customer demand, with approximately 12,127 MW of new utility-owned generation added over 
the planning horizon. This figure represents an increase from the previous year, which estimated 
the need for about 11,548 MW new generation. Natural gas remains the dominant fuel over the 
planning horizon, with usage in 2015 at approximately 63 percent of the state’s net energy for 
load (NEL). Figure 2 below illustrates the use of natural gas as a generating fuel for electricity 
production in Florida. Natural gas usage is expected to grow slowly.  
 
 

Figure 2: State of Florida - Natural Gas Contribution to Energy Consumption 

 
Source: 2006-2016 FRCC Load and Resource Plan  
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Based on the 2016 Ten-Year Site Plans, Figure 3 below illustrates the present and future 
aggregate capacity mix of the State of Florida. The capacity values in Figure 3 incorporate all 
proposed additions, changes, and retirements planned during the 10-year period. As in previous 
planning cycles, natural gas-fired generating units make up a majority of the generation additions 
and now represent a majority of capacity within the state. 
 
 

Figure 3: State of Florida - Current and Projected Installed Capacity by Fuel 

 
Source: 2016 FRCC Load and Resource Plan and TYSP Data Responses  
 
 
As noted previously, the primary purpose of this review of the utilities’ plans is to provide 
information regarding proposed electric power plants for local and state agencies to assist in the 
certification process. Table 1 below displays those planned generation facilities that have not yet 
received a determination of need from the Commission. A petition for a determination of need is 
generally anticipated four years in advance of the in-service date for a natural gas-fired combined 
cycle unit. 
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Table 1: State of Florida - Planned Units Requiring a Determination of Need 

Year 
Utility 
Name 

Unit 
Name 

Fuel & Unit Type 
Net 

Capacity 
(Sum MW) 

2021 SEC Unnamed CC Natural Gas Combined Cycle 649 
2023 OUC Unspecified CC Natural Gas Combined Cycle 300 
2024 FPL Combined Cycle Unit Natural Gas Combined Cycle 1,317 

Source: 2016 Ten-Year Site Plans  
 
 

Future Concerns 
Florida’s electric utilities must also consider environmental concerns associated with existing 
generators and planned generation to meet Florida’s electric needs.  The U.S. Environmental 
Protection Agency (EPA) has finalized several new rules that are expected to have a sizeable 
impact on Florida’s existing generation fleet, as well as on its proposed new facilities. 
 
Notably, EPA published final rules in October 2015 associated with carbon pollution for existing 
power plants, also known as the Clean Power Plan. On the same date, EPA also published final 
rules setting carbon emissions from new facilities. These rules have been appealed. The U.S. 
Supreme Court has stayed the Clean Power Plan during the appeal process. Consequently, the 
potential effects on Florida’s electric utilities are not considered as part of this review. 
 

Conclusion 
The Commission has reviewed the 2016 Ten-Year Site Plans and finds that the projections of 
load growth appear reasonable. The reporting utilities have identified sufficient additional 
generation facilities to maintain an adequate supply of electricity at a reasonable cost. The 
Commission will continue to monitor the impact of current and proposed EPA Rules and the 
state’s dependence on natural gas for electricity production. 
 
Based on its review, the Commission finds the 2016 Ten-Year Site Plans to be suitable for 
planning purposes. Since the Plans are not a binding plan of action for electric utilities, the 
Commission’s classification of these Plans as suitable or unsuitable does not constitute a finding 
or determination in docketed matters before the Commission. The Commission may address any 
concerns raised by a utility’s Ten-Year Site Plan at a public hearing. 
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Introduction 
The Ten-Year Site Plans (TYSPs or Plans) of Florida’s electric utilities are the culmination of an 
integrated resource plan which is designed to give state, regional, and local agencies advance 
notice of proposed power plants and transmission facilities. The Commission receives comments 
from these agencies regarding any issues with which they may have concerns. The Plans are 
planning documents that contain tentative data that is subject to change by the utilities upon 
written notification to the Commission.  
 
For any new proposed power plants and transmission facilities, certification proceedings under 
the Florida Electrical Power Plant Siting Act, Sections 403.501 through 403.518, Florida Statutes 
(F.S.), or the Florida Electric Transmission Line Siting Act, Sections 403.52 through 403.5365, 
F.S., will include more detailed information than is provided in the Plans. The Commission is the 
exclusive forum for determination of need for electrical power plants, pursuant to Section 
403.519, F.S., and for transmission lines, pursuant to Section 403.537, F.S. The Plans are not 
intended to be comprehensive, and therefore may not have sufficient information to allow 
regional planning councils, water management districts, and other reviewing state and local 
agencies to evaluate site-specific issues within their respective jurisdictions. Other regulatory 
processes may require the electric utilities to provide additional information as needed. 

 
Statutory Authority 
All major generating electric utilities are required by Section 186.801, F.S., to submit at least 
every two years, for review, a Ten-Year Site Plan to the Commission. Based on these filings, the 
Commission performs a preliminary study of each Plan and makes a non-binding determination 
as to whether it is suitable or unsuitable. The results of the Commission’s study are contained in 
this report, the Review of the 2016 Ten-Year Site Plans, and are forwarded to the Florida 
Department of Environmental Protection for use in subsequent proceedings. In addition, Section 
377.703(2)(e), F.S., requires the Commission to collect and analyze energy forecasts, specifically 
for electricity and natural gas, along with the Department of Agriculture and Consumer Services. 
The Commission has adopted Rules 25-22.070 through 25-22.072, Florida Administrative Code 
(F.A.C.) in order to fulfill these statutory requirements and provide a solid framework for 
flexible, cost-effective utility resource planning. In this way, the Commission fulfills its 
oversight and regulatory responsibilities while leaving day-to-day planning and operations to 
utility management. 
 
Applicable Utilities 
Florida is served by 58 electric utilities, including 5 investor-owned utilities, 35 municipal 
utilities, and 18 rural electric cooperatives. Pursuant to Rule 25-22.071(1), F.A.C., only 
generating electric utilities with an existing capacity above 250 megawatts (MW) or a planned 
unit with a capacity of 75 MW or greater are required to file with the Commission a Ten-Year 
Site Plan every year.  
 
In 2016, 11 utilities met these requirements and filed a Ten-Year Site Plan, including 4 investor-
owned utilities, 6 municipal utilities, and 1 rural electric cooperative. The investor-owned 
utilities, in order of size, are Florida Power & Light Company (FPL), Duke Energy Florida, LLC 
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(DEF), Tampa Electric Company (TECO), and Gulf Power Company (GPC). The municipal 
utilities, in alphabetical order, are Florida Municipal Power Agency (FMPA), Gainesville 
Regional Utilities (GRU), JEA (formerly Jacksonville Electric Authority), Lakeland Electric 
(LAK), Orlando Utilities Commission (OUC), and City of Tallahassee Utilities (TAL). The sole 
rural electric cooperative filing a 2016 Plan is Seminole Electric Cooperative (SEC). 
Collectively, these utilities are referred to as the Ten-Year Site Plan Utilities (TYSP Utilities). 
 
Figure 4 below illustrates the comparative size of the TYSP utilities, in terms of each utility’s 
percentage share of the state’s retail energy sales in 2015. Combined, the reporting investor-
owned utilities account for 78.6 percent of the state’s retail energy sales. The reporting municipal 
and cooperative utilities make up approximately 19.8 percent of the State’s retail energy sales. 
 
 

Figure 4: TYSP Utilities - Comparison of Reporting Electric Utility Size 

 
Source: 2016 Ten-Year Site Plans, 2016 Load & Resource Plan 
 
 
Required Content 
The Commission requires each reporting utility to provide information on a variety of topics. 
Schedules describe the utility’s existing generation fleet, customer composition, demand and 
energy forecasts, fuel requirements, reserve margins, changes to existing capacity, and proposed 
power plants and transmission lines. The utilities also provide a narrative documenting the 
methodologies used to forecast customer demand and the identification of resources to meet that 
demand over the 10-year planning period. This information, supplemented by additional data 
requests, provides the basis of the Commission’s review. 
 

Additional Resources 
The Commission’s Rules also task the reporting electric utilities with collecting information on 
both a statewide basis and for Peninsular Florida, which excludes the area west of the 
Apalachicola River. The Florida Reliability Coordinating Council (FRCC) provides this 
aggregate data for the Commission’s review. Each year, the FRCC publishes a Regional Load 
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and Resource Plan, which contains historic and forecast data on demand and energy, capacity 
and reserves, and proposed new generating units and transmission line additions. In addition, the 
FRCC publishes an annual Reliability Report which is also relied upon by the Commission. 
 
For certain comparisons additional data from various government agencies is relied upon, 
including the Energy Information Administration and the Florida Department of Highway Safety 
and Motor Vehicles. 
 
The Commission held a public workshop on September 14, 2016, to facilitate discussion of the 
annual planning process and allow for public comments. A presentation was conducted by the 
FRCC summarizing the 2016 Load and Resource Plan and other related matters, including fuel 
reliability, environmental regulations, and physical security of infrastructure. Presentations were 
also conducted by the four IOU’s FPL, DEF, TECO, and GPC to discuss their planning process. 
Comments from Southern Alliance for Clean Energy and Sierra Club were also given at the 
workshop.  

 
Structure of the Commission’s Review 
The Commission’s review is divided into multiple sections. The Statewide Perspective provides 
an overview of the State of Florida as a whole, including discussions of load forecasting, 
renewable generation, and traditional generation. The Utility Perspectives provides more focus, 
discussing the various issues facing each electric utility and its unique situation. Lastly, the 
comments collected from various review agencies, local governments, and other organizations 
are included as Appendix A. 
 

Conclusion 
Based on its review, the Commission finds all 11 reporting utility’s 2016 Ten-Year Site Plans to 
be suitable for planning purposes. During its review, the Commission has determined that the 
projections for load growth appear reasonable and that the reporting utilities have identified 
sufficient generation facilities to maintain an adequate supply of electricity at a reasonable cost. 
 
The Commission notes that, as the Ten-Year Site Plans are non-binding, the classification of 
suitable does not constitute a finding or determination in any docketed matter before the 
Commission, nor an approval of all planning assumptions contained within the Ten-Year Site 
Plans. The Commission may address any concerns raised by a utility’s Ten-Year Site Plan at a 
public hearing. 
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Load Forecasting 

Forecasting load growth is an important component of the IRP process for Florida’s electric 
utilities. In order to maintain system reliability, utilities must be prepared for future changes in 
electricity consumption, including changes to the number of electric customers, customer usage 
patterns, building codes and appliance efficiency standards, new technologies such as electric 
vehicles, and the role of demand-side management. 
 

Electric Customer Composition 
Residential customers represent the majority in terms of number of customers at 88.7 percent of 
customers, and retail energy sales for the three major customer classes, as illustrated in Figure 5 
below. Both commercial and industrial customers make up a sizeable percentage of energy sales, 
due to each class’ higher energy usage per customer account. 
 
 

Figure 5: State of Florida - Electric Customer Composition in 2015 

 
Source: FRCC 2016 Load and Resource Plan  
 
 
Florida’s residential customers make up a larger portion of retail energy sales than the United 
States as a whole, with a national average of 36 percent for residential retail sales. As a result, 
Florida’s utilities are impacted more by trends in residential energy usage, which tend to be 
associated with weather conditions. Florida’s residential customers rely more upon electricity for 
heating than the national average, with only a small portion using alternate fuels such as natural 
gas or oil for home heating needs.  
 
Florida’s unique climate plays an important role in electric utility planning. Florida is an outlier 
in terms of climate, with the highest number of cooling degree days and lowest number of 
heating degree days within the continental United States, as shown below in Figure 6. Other 
states tend to rely upon alternative fuels for heating, but Florida’s heavy use of electricity results 
in high winter peak demand. 
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Figure 6: National - Climate Data by State (Continental US) 

 
Source: National Oceanic & Atmospheric Administration, Historical Climatology Series 5-1 and 5-2 
 
 

Growth Projections  
For the next 10-year period, Florida’s customer base and retail sales are anticipated by the 
reporting utilities to grow at a faster pace than the last few years, reversing a trend of small 
population increases with declining retail sales. While this rate remains below those experienced 
before the financial crisis, it would set the State on track to exceed its previous 2007 retail sales 
peak in 2019. The current divide between customers and retail sales is anticipated to remain 
similar over the 10-year period, with customers growing at an average annual rate of about 1.6 
percent while retail sales increase by about 0.90 percent annually. Florida’s electric utilities are 
projecting an increase in economic growth in the state, but at levels below those experienced 
before the financial crisis. The trends are showcased in Figure 7 below.  
 

Figure 7: State of Florida - Growth in Customers and Sales 

 
Source: FRCC 2016 Load and Resource Plan 
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Peak Demand 
The aggregation of each individual customer’s electric consumption must be met at all times by 
Florida’s electric utilities to ensure reliable service. The time at which customers demand the 
most energy simultaneously is referred to as peak demand. While retail energy sales primarily 
vary the amount of fuel consumed by the electric utilities to deliver energy, peak demand 
determines the amount of generating capacity required to deliver that energy at a single moment 
in time. 
 
A primary factor in this is seasonal weather patterns, with peak demands calculated separately 
for the summer and winter periods annually. The influence of residential customers is evident in 
the determination of these seasonal peaks, as they correspond to times of increased usage to meet 
home heating (winter) and cooling (summer) demand. Figure 8 below illustrates a daily load 
curve for a typical day for each season. In summer, air-conditioning needs increase throughout 
the day, climbing steadily until a peak is reached in the late afternoon and then declining into the 
evening. In winter, electric heat and electric water heating produce a higher base level of usage, 
with a large spike in the morning and a smaller spike in the evening. 
 
 

Figure 8: TYSP Utilities - Example Daily Load Curves 

 
Source: TYSP Utilities Data Responses 
 
 
Florida is typically a summer-peaking state, meaning that the summer peak demand generally 
exceeds winter peak demand, and therefore controls the amount of generation required. Higher 
temperatures in summer also reduce the efficiency of generation, with high water temperatures 
reducing the quality of cooling provided, and can sometimes limit the quantity as units may be 
required to operate at reduced power or go offline based on environmental permits. Conversely, 
in winter, utilities can take advantage of lower ambient air and water temperatures to produce 
more electricity from a power plant. 

 
As daily load varies, so do seasonal loads. Figure 9 below illustrates this for 2015, showing the 
daily peak demand as a percentage of the annual peak demand for the reporting investor-owned 
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utilities combined. Typically, winter peaks are short events while summer demand tends to stay 
at near peak levels for longer periods. The periods between seasonal peaks are referred to as 
shoulder months, in which the utilities take advantage of lower demand to perform maintenance 
without impacting their ability to meet daily peak demand.  
 
 

Figure 9: TYSP Utilities - Daily Peak Demand (2015 Actual) 

 
Source: TYSP Utilities Data Responses (Investor-Owned Utilities Only) 
 
 
While the utilities assume normalized weather in forecasts of peak demand, during operation of 
the system, utilities continuously monitor the short-term weather patterns. Utilities adjust 
maintenance schedules to ensure the highest unit availability during the utility’s projected peak 
demand, bringing units back online if necessary or delaying maintenance until after a weather 
system has passed. 

 
Electric Vehicles 
Utilities also examine other trends that may impact the amount of customer peak demand and 
energy consumption. This includes new sources of energy consumption, such as electric 
vehicles, which can be considered analogous to a home air conditioning system in terms of 
system load. At present, the reporting electric utilities estimate approximately 15,300 electric 
plug-in vehicles were operating in Florida at the end of 2015. The Florida Department of 
Highway Safety and Motor Vehicles lists the number of registered vehicles in Florida as of 
December 31, 2015, as 19.7 million vehicles, resulting in 0.077 percent penetration rate of 
electric vehicles of Florida’s registered vehicle fleet. 
 
Florida’s electric utilities anticipate growth in the electric vehicle market, as illustrated in Table 
2 below. Electric vehicles are anticipated to grow rapidly throughout the planning period, 
resulting in over 300,000 electric vehicles operating within the electric service territories by the 
end of 2025. The projected increase in electric vehicle ownership would result in approximately 
2 percent share of Florida’s vehicles being fueled by electricity. 
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Table 2: TYSP Utilities - Estimated Number of Electric Vehicles by Service Territory 
Year FPL DEF TECO GULF JEA OUC TAL Total 

2015  10,466   2,819   1,052   450   386   -   88   15,261  

2016  15,474   3,982   1,176   860   520   -   106   22,118  

2017  23,683   5,683   1,345   1,450   683   -   137   32,981  

2018  41,035   8,194   1,680   2,290   861   -   178   54,238  

2019  61,552   11,626   1,820   3,410   1,066   -   232   79,706  

2020  83,094   16,205   1,890   4,910   1,297   -   302   107,698  

2021  108,023   21,732   1,941   6,900   1,558   -   392   140,546  

2022  135,029   28,217   2,193   9,500   1,850   -   529   177,318  

2023  167,437   35,502   2,633   12,910   2,175   -   715   221,372  

2024  209,295   43,490   3,316   17,410   2,537   -   965   277,013  

2025  251,154   52,180   4,615   23,660   2,938   -   1,351   335,898  

Source: TYSP 2016 Data Responses 
 
 
In terms of energy consumed by electric vehicles, Table 3 below illustrates the estimates 
provided by the reporting utilities. The anticipated growth would result in an annual energy 
consumption of 1,424.3 GWh. 
 
 
Table 3: TYSP Utilities - Estimated Electric Vehicle Annual Energy Consumption (GWh) 

Year FPL DEF TECO GULF JEA OUC TAL Total 

2015  5.6   10.3   4.4   2.0   2.7   0.1  0.4   25.5  

2016  28.2   14.3   5.0   3.8   3.8   -   0.5   55.6  

2017  65.2   19.8   5.7   6.4   5.2   -   0.6   102.9  

2018  143.4   27.9   7.1   10.1   6.9   -   0.8   196.2  

2019  235.9   38.9   7.7   15.1   8.9   -   1.1   307.6  

2020  333.0   53.5   8.0   21.7   11.4   -   1.4   429.0  

2021  445.4   70.9   8.2   30.5   14.4   -   1.9   571.3  

2022  567.2   91.8   9.3   42.0   17.9   -   2.5   730.7  

2023  713.3   115.6   11.2   57.0   21.9   -   3.4   922.4  

2024  902.0   142.3   14.1   76.9   26.7   -   4.6   1,166.6  

2025  1,090.7   171.0   19.6   104.5   32.2   -   6.4   1,424.3  

 Source: TYSP 2016 Data Responses 
 
 
The effect of increased electric vehicle ownership on peak demand is more difficult to determine. 
While comparable in electric demand to a home air conditioning system, the time of charging 
and whether charging would be shifted away from periods of peak demand are uncertainties that 
must be clarified to determine impact on system peak. As electric vehicle ownership increases, 
the effects of electric vehicles on system peak should become clearer and be able to be addressed 
by electric utilities.  
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Demand-Side Management 
Florida’s electric utilities also must consider how the efficiency of customer energy consumption 
changes over the planning period. Changes in government mandates, such as building codes and 
appliance efficiency standards, reduce the amount of energy consumption for new construction 
and electric equipment. Electric customers, through the power of choice, can elect to engage in 
behaviors that decrease peak load or annual energy usage. Examples include, turning off lights 
and fans in vacant rooms, increasing thermostat settings, and purchasing appliances that go 
beyond efficiency standards. While a certain portion of customers will engage in these activities 
without incentives due to economic, aesthetic, or environmental concerns, other customers may 
lack information or require additional incentives. Demand-side management represents an area 
where Florida’s electric utilities can empower and educate its customers to make choices that 
reduce peak load and annual energy consumption. 

Florida Energy Efficiency and Conservation Act (FEECA) 
The Florida Legislature has directed the Commission to encourage utilities to decrease the 
growth rates in seasonal peak demand and annual energy consumption by FEECA, which 
consists of Sections 366.80 through 366.83 and Section 403.519, F.S. Under FEECA, the 
Commission is required to set goals for seasonal demand and annual energy reduction for seven 
electric utilities, known as the FEECA Utilities. These include the five investor-owned electric 
utilities (including Florida Public Utility Company, which is a non-generating utility and 
therefore does not file a Ten-Year Site Plan) and two municipal electric utilities (JEA and OUC). 
The FEECA utilities represented approximately 86 percent of 2015 retail sales in Florida. 
 
The FEECA utilities currently offer demand-side management programs for residential, 
commercial, and industrial customers. Energy audit programs are designed to provide an 
overview of customer energy usage and to evaluate conservation opportunities, including 
behavioral changes, low-cost measures customers can undertake themselves, and participation in 
utility-sponsored DSM programs. 
 
The last FEECA goal-setting proceeding was completed in December 2014, establishing goals 
for the period 2015 through 2024. During 2015, the Commission reviewed the FEECA Utility’s 
proposed DSM Plans to comply with the established goals, approving the plans with some 
modifications in July 2015. The 2016 Ten-Year Site Plans incorporate the impacts of the DSM 
Plans established by the Commission for the planning period. 

DSM Programs 
DSM Programs generally are divided into three categories: interruptible load, load management, 
and energy efficiency. The first two are considered dispatchable, and are collectively known as 
demand response, meaning that the utility can call upon them during a period of peak demand or 
other reliability concerns, but otherwise they are not utilized. In contrast, energy efficiency 
measures are considered passive and are always working to reduce customer demand and energy 
consumption. 
 
Interruptible load is achieved through the use of agreements with large customers to allow the 
utility to interrupt the customer’s load, reducing the generation required to meet system demand. 
Interrupted customers may use back-up generation to fill their energy needs, or cease operation 
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until the interruption has passed. A subtype of interruptible load is curtailable load, which allow 
the utility to interrupt only a portion of the customer’s load. In exchange for the ability to 
interrupt these customers, the utility offers a discounted rate for energy or other credits which are 
paid for by all ratepayers. 
 
Load management is similar to interruptible load, but focuses on smaller customers and targets 
individual appliances. The utility installs a device on an electric appliance, such as a water heater 
or air conditioner, which allows for remote deactivation for a short period of time. Load 
management activations tend to have less advanced notice than those for interruptible customers, 
but tend to be activated only for short periods and are cycled through groups of customers to 
reduce the impact to any single customer. Due to the focus on specific appliances, certain 
appliances would be more appropriate for addressing certain seasonal demands. For example, 
load management programs targeting air conditioning units would be more effective to reduce a 
summer peak, while water heaters are more effective for reducing a winter peak. 
 
As of 2016, demand response available for reduction of peak load is 2,924 MW for summer peak 
and 2,885 MW for winter peak. Demand response is anticipated to increase to approximately 
3,304 for summer peak and 3,178 for winter peak by the end of the planning period in 2025. 
 
Energy efficiency or conservation measures also have an impact on peak demand, and due to 
their passive nature do not require activation by the utility. Conservation measures include 
improvements in a home or business’ building envelope to reduce heating or cooling needs, or 
the installation of more efficient appliances. By installing additional insulation, energy-efficient 
windows or window films, and more efficient appliances, customers can reduce both their peak 
demand and annual energy consumption, leading to reductions in customer bills. Demand-side 
management programs work in conjunction with building codes and appliance efficiency 
standards to increase energy savings above the minimum required by local, state, or federal 
regulations. As of 2016, energy efficiency is responsible for peak load reduction of 4,024 MW 
for summer peak and 3,597 MW for winter peak. Energy efficiency is anticipated to increase to 
approximately 4,799 MW for summer peak and 4,165 MW for winter peak by the end of the 
planning period in 2025. 
 

Forecast Load & Peak Demand 
The historic and forecasted seasonal peak demand and annual energy consumption values for the 
State of Florida are illustrated below, in Figure 10. It should be noted, that the forecasts shown 
below are based upon normalized weather conditions, while the historic demand and energy 
values represent the actual impact of weather conditions on Florida’s electric customers. Florida 
relies heavily upon both air conditioning in the summer and electric heating in the winter, so 
both seasons experience a great deal of variability due to severe weather conditions. 
 
Demand-side management, including demand response and energy efficiency, along with self-
service generation is included in each figure for seasonal peak demand and annual energy for 
load. The total demand or total energy for load represents what otherwise would need to be 
served if not for the impact of these programs and self-service generators. The net firm demand 
is used as a planning number for the calculation of generating reserves and determination of 
generation needs for Florida’s electric utilities. 
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Demand response is included in Figure 10 below, in two different ways based upon the time 
period considered. For historic values of seasonal demand, the actual rates of demand response 
activation are shown, not the full amount demand response that was available at the time. 
Overall, demand response has only been partially activated as sufficient generation assets were 
available during the annual peak. Residential load management has been called upon to a limited 
degree during peak periods, with a lesser amount of interruptible load activated. The primary 
exception to this trend was the summer of 2008 and winter of 2009, when a larger portion of the 
available demand response resources were called upon. 
 
For forecast values of seasonal demand, it is assumed that all demand response resources will be 
activated during peak. The assumption of all demand response being activated reduces 
generation planning need. Based on operating conditions in the future, if an electric utility has 
sufficient generating units, and it is economical to serve all customers load demand, response 
would not be activated or only partially activated in the future. 
 
As previously discussed, Florida is normally a summer-peaking state. Only three of the past ten 
years have had higher winter net firm demand than summer, and all ten of the forecast years are 
anticipated to be summer peaking. Based upon current forecasts using normalized weather data, 
Florida’s electric utilities do not anticipate exceeding the winter 2009 peak during the planning 
period. 
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Figure 10: State of Florida - Historic & Forecast Seasonal Peak Demand & Annual Energy 

 

 

 
Source: 2016 FRCC Load & Resource Plan 
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Forecast Methodology  
Florida’s electric utilities perform forecasts of peak demand and annual energy sales using 
various forecasting models, including econometric and end-use models, and other forecasting 
techniques such as surveys. In the development of econometric models, the utilities use historical 
data sets including dependent variables (e.g. summer peak demand per customer, residential 
energy use per customer) and independent variables (e.g. cooling degree days, real personal 
income, etc.) to infer relationships between the two types of variables. These historical 
relationships, combined with available forecasts of the independent variables and the utilities’ 
forecasts of customers, are then used to forecast the peak demand and energy sales. For some 
customer classes, such as industrial customers, surveys may be conducted to determine the 
customers’ expectations for their own future electricity consumption.  
 
The forecasts also account for demand-side management programs. Sales models are prepared by 
revenue class (e.g. residential, small and large commercial, small and large industrial, etc.). 
Commonly, the results of the models must be adjusted to take into account exogenous impacts, 
such as the impact of the recent growth in plug-in electric vehicles and distributed generation.  
 
End-use models are sometimes used to project energy use in conjunction with econometric 
models. End use models are used to capture trends in appliance and equipment saturation and 
efficiency, as well as building size and thermal efficiency, on residential and commercial energy 
use. If such end use models are not used, the econometric models for energy often include an 
index comprised of efficiency standards for air conditioning, heating, and appliances, as well as 
construction codes for recently built homes and commercial buildings. 
 
Florida’s electric utilities rely upon data sourced from public and private entities for historic and 
forecast values of specific independent variables used in econometric modeling. Public resources 
such as the University of Florida’s Bureau of Economic and Business Research, which provides 
county-level data on population growth, and the U.S. Department of Commerce’s Bureau of 
Labor Statistics, which publishes the Consumer Price Index, are utilized along with private 
forecasts for economic growth from macroeconomic experts, such as Moody’s Analytics. By 
combining historic and forecast macroeconomic data with customer and climate data, Florida’s 
electric utilities project future load conditions. 
 
The various forecast models and techniques used by Florida’s electric utilities are commonly 
used throughout the industry, and each utility has developed its own individualized approach to 
projecting load. The resulting forecasts allow each electric utility to evaluate its individual needs 
for new generation, transmission, and distribution resources to meet customers’ current and 
future needs reliably and affordably. 
 
For each reporting electric utility, the Commission reviewed the historic forecast accuracy of 
past retail energy sales forecasts. The review methodology, previously used by the Commission, 
involves comparing actual retail sales for a given year to energy sales forecasts made three, four, 
and five years prior. For example, the actual 2015 retail energy sales were compared to the 
forecasts made in 2012, 2011, and 2010. These differences, expressed as a percentage error rate, 
are used to determine each utility’s historic forecast accuracy using a five-year rolling average. 
An average error with a negative value indicates an under-forecast, while a positive value 
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represents an over-forecast. An absolute average error provides an indication of the total 
magnitude of error, regardless of the tendency to under or over forecast. 
 
For the 2016 Ten-Year Site Plans, determining the accuracy of the five-year rolling average 
forecasts involves comparing the actual retail energy sales for the period 2015 through 2011 to 
forecasts made between 2012 and 2006. As discussed previously, the period before the financial 
crisis, known as the Great Recession, experienced a higher annual growth rate for retail energy 
sales than the post-crisis period. As most electric utilities and macroeconomic forecasters did not 
predict the financial crisis, the economic impact and its resulting effect on retail energy sales of 
Florida’s electric utilities was not included in these projections. Therefore, the use of a metric 
that compares pre-crisis forecasts with post-crisis actual data has a high rate of error.  
 
Table 4 below shows that the forecast errors are increasing with time starting in 2011 due to the 
unexpected impact of the Great Recession and its impact on retail energy sales in Florida. 
However, the forecast errors have started to return to lower levels as utility retail sales forecasts 
include more post-recession years. This was indicated by the data provided in last year’s TYSPs; 
and it is confirmed by the data provided in the current TYSPs. The forecasting error rates (both 
average and absolute average) generated by comparing actual 2015 retail energy sales to the 
2014 forecast of 2015 energy sales are further reduced from the error rates generated by 
comparing actual 2014 sales to the 2013 forecast of 2014 sales.  
 
 

Table 4: TYSP Utilities - Accuracy of Retail Energy Sales Forecasts 

TYSP 
Year 

Five-Year 
Analysis 
Period 

Forecast 
Years 

Analyzed 

Forecast Error (%) 

Average 
Absolute 
Average 

2011 2010 - 2006 2007-2001 8.28% 8.29% 
2012 2011 - 2007 2008-2002 11.93% 11.93% 
2013 2012 - 2008 2009-2003 15.13% 15.13% 
2014 2013 - 2009 2010-2004 16.16% 16.16% 
2015 2014 - 2010 2011-2005 14.90% 14.90% 
2016 2015 - 2011 2012-2006 12.48% 12.48% 

Source: 2001-2016 Ten-Year Site Plans 
 
 
To verify whether more recent forecasts lowered the error rates, an additional analysis was 
conducted to determine with more detail, the source of high error rates in terms of forecast 
timing. Table 5 below provides the forecast error rate for forecasts made between one and six 
years prior, along with the average and absolute average error rates for the three- to five-year 
period used in the analysis above.  
 
As displayed in Table 5 below the companies’ retail energy sales forecasts show a consistent 
positive error rate beginning in 2007 and extending through 2014 for forecasts prepared two to 
six years prior. However, 2014 sales forecasted in 2010 and 2011, reveal that three and four year 
error rates (6.10 percent and 5.73 percent, respectively) have declined considerably compared to 
the three and four year forecast error rates associated with 2010-2013 sales. The error rates 
calculated based on the data provided in the current TYSPs continues showing across the board 
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declines in forecast error rates made between one and six years prior, with the one-year ahead 
forecast showing a negative error rate (under-forecast). 
 
 

Table 5: TYSP Utilities - Accuracy of Retail Energy Sales Forecasts – Annual Analysis 

Year 
Annual Forecast Error Rate (%) 3-5 Year Error (%) 

Years Prior 
Average 

Absolute 
Average 6 5 4 3 2 1 

2006 -3.29% -0.03% 1.03% 2.30% 2.43% 2.37% 1.10% 1.12% 
2007 0.57% 2.26% 3.49% 3.59% 4.20% 3.05% 3.11% 3.11% 
2008 7.02% 8.40% 8.56% 9.97% 9.24% 8.34% 8.98% 8.98% 
2009 11.95% 12.15% 14.48% 13.91% 12.68% 10.18% 13.51% 13.51% 
2010 12.93% 15.57% 14.89% 13.70% 10.55% -0.73% 14.72% 14.72% 
2011 21.56% 20.79% 20.09% 17.02% 3.79% 0.08% 19.30% 19.30% 
2012 26.31% 25.97% 23.04% 8.47% 3.90% 3.71% 19.16% 19.16% 
2013 28.55% 26.29% 10.00% 5.98% 5.58% 2.97% 14.09% 14.09% 
2014 27.28% 9.80% 6.10% 5.73% 2.84% 2.21% 7.21% 7.21% 
2015 7.29% 3.63% 3.23% 1.02% 0.00% -1.17% 2.63% 2.63% 

 
Source: 2001-2016 Ten-Year Site Plans 
 
Barring any unforeseen economic crises or atypical weather patterns, average forecasted energy 
sales error rates in the next few years are likely to be more reflective of the error rates shown for 
2015 in Table 5 than the significantly higher error rates shown in earlier years. It is important to 
recognize that the dynamic nature of the economy and the weather continue to present a degree 
of uncertainty for Florida utilities’ load forecasts, ultimately impacting the accuracy of such 
forecasts. 
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Renewable Generation 

Pursuant to Section 366.91, F.S., it is in the public interest to promote the development of 
renewable energy resources in Florida. Section 366.91(2)(d), F.S., defines renewable energy in 
part, as follows: 
  

“Renewable energy” means electrical energy produced from a method that uses 
one or more of the following fuels or energy sources:  hydrogen produced from 
sources other than fossil fuels, biomass, solar energy, geothermal energy, wind 
energy, ocean energy, and hydroelectric power.  

 
Although not considered a traditional renewable resource, some industrial plants take advantage 
of waste heat, produced in production processes, to also provide electrical power via 
cogeneration. Phosphate fertilizer plants, which produce large amounts of heat in the 
manufacturing of phosphate from the input stocks of sulfuric acid, are a notable example of this 
type of renewable resource. The Section 366.91(2)(d), F.S., definition also includes the following 
language which recognizes the aforementioned cogeneration process:  
 

The term [Renewable Energy] includes the alternative energy resource, waste 
heat, from sulfuric acid manufacturing operations and electrical energy produced 
using pipeline-quality synthetic gas produced from waste petroleum coke with 
carbon capture and sequestration. 

 

Existing Renewable Resources 
Currently, renewable energy facilities provide approximately 1,860 MW of firm and non-firm 
generation capacity, which represents 3.1 percent of Florida’s overall generation capacity of 
58,421 MW in 2015. Table 6 below summarizes the contribution by renewable type of Florida’s 
existing renewable energy sources.  
 
 

Table 6: State of Florida - Existing Renewable Resources 
Renewable Type MW % Total 

Biomass 582 31.3% 

Municipal Solid Waste 545 29.3% 

Waste Heat 310 16.7% 

Solar 263 14.2% 

Landfill Gas 87 4.7% 

Hydro 63 3.4% 

Wind3 10 0.5% 

Renewable Total 1,860 100.00% 

Source: FRCC 2016 Load & Resource Plan and TYSP Utilities Data Responses 
 

                                                 
3JEA’s wind resources are not present in-state. 
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Of the total 1,860 MW of renewable generation, approximately 598 MW are considered firm, 
based on either operational characteristics or contractual agreement. Firm renewable generation 
can be relied on to serve customers and can contribute toward the deferral of new fossil fueled 
power plant construction. Solar generation contributes 34 MW to this total, based upon the 
coincidence of solar generation and summer peak demand. Changes in timing of peak demand 
may influence the firm contributions of renewable resources such as solar and wind. 
 
The remaining renewable generation can generate energy on an as-available basis or for internal 
use (self-service). As-available energy is considered non-firm, and cannot be counted on for 
reliability purposes; however, it can contribute to the avoidance of burning fossil fuels in existing 
generators. Self-service generation reduces demand on Florida’s utilities.  
 

Non-Utility Renewable Generation 
The majority of Florida’s existing renewable energy generation, approximately 89 percent, 
comes from non-utility generators. In 1978, the US Congress enacted the Public Utility 
Regulatory Policies Act (PURPA). PURPA requires utilities to purchase electricity from 
cogeneration facilities and renewable energy power plants with a capacity no greater than 80 
MW (collectively referred to as Qualifying Facilities or QFs). PURPA required utilities to buy 
electricity from QFs at the utility’s full avoided cost. These costs are defined in Section 366.051, 
F.S., which provides in part that:  
 

A utility’s “full avoided costs” are the incremental costs to the utility of the 
electric energy or capacity, or both, which, but for the purchase from cogenerators 
or small power producers, such utility would generate itself or purchase from 
another source.  

 
If a renewable energy generator can meet certain deliverability requirements, it can be paid for 
its capacity and energy output under a firm contract. Rule 25-17.250, F.A.C., requires each IOU 
to establish a standard offer contract with timing and rate of payments based on each fossil-
fueled generating unit type identified in the utility’s TYSP. In order to promote renewable 
energy generation, the Commission requires the IOUs to offer multiple options for capacity 
payments, including the options to receive early (prior to the in-service date of the avoided-unit) 
or levelized payments. The different payment options allow renewable energy providers the 
option to select the payment option that best fits its financing requirements, and provides a basis 
from which negotiated contracts can be developed. 
 
As previously discussed, large amounts of renewable energy is generated on an as-available 
basis. As-available energy is energy produced and sold by a renewable energy generator on an 
hour-by-hour basis for which contractual commitments as to the quantity and time of delivery are 
not required. As-available energy is purchased at a rate equal to the utility’s hourly incremental 
system fuel cost, which reflects the highest fuel cost of generation each hour. 
 

Customer Owned Renewable Generation 
With respect to customer-owned renewable generation, Rule 25-6.065, F.A.C., requires the IOUs 
to offer net metering for all types of renewable generation up to 2 MW in capacity and a standard 
interconnection agreement with an expedited interconnection process. Net metering allows a 
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customer, with renewable generation capability, to offset their energy usage. In 2008, the 
effective year of Rule 25-6.065, F.A.C., customer owned renewable generation accounted for 3 
MW of renewable capacity. As of the end of 2015, approximately 108 MW of renewable 
capacity from nearly 11,650 systems has been installed statewide. Table 7 below summarizes the 
growth of customer owned renewable generation interconnections. Almost all installations are 
solar, with non-solar generation accounting for only 35 installations and 5.7 MW of installed 
capacity. The renewable generators in this category include wind turbines and anaerobic 
digesters. 
 
 

Table 7: State of Florida - Customer-Owned Renewable Growth 
Year 2008 2009 2010 2011 2012 2013 2014 2015 

Number of Installations 577 1,625 2,833 3,994 5,302 6,697 8,581 11,626 

Installed Capacity (MW) 2.8 13.0 19.9 28.4 42.2 63.0 79.8 107.5 

Source: Annual Utility Reports 
 
 

Utility-Owned Renewable Generation 
Utility-owned renewable generation also contributes to the state’s total renewable capacity. The 
majority of this generation is from solar facilities. Due to the intermittent nature of solar 
resources, capacity from these facilities has previously been considered non-firm for planning 
purposes. 
 
In 2008, Section 366.92(4), F.S., was enacted and provides, in part, the following:  
 

In order to demonstrate the feasibility and viability of clean energy systems, the 
commission shall provide for full cost recovery under the environmental cost-
recovery clause of all reasonable and prudent costs incurred by a provider for 
renewable energy projects that are zero greenhouse gas emitting at the point of the 
generation, up to a total of 110 MW statewide.  

 
In 2008, the Commission approved a petition by FPL seeking installation of the full 110 MW 
across three solar energy facilities. The solar projects consisted of, a pair of solar PV facilities 
and a single solar thermal facility. In response to staff interrogatories, FPL estimated that the 
three solar facilities would cost an additional $573 million, above traditional generation costs 
over the life of the facilities. In 2012, Section 366.92, F.S., was revised and no longer includes 
the passage described above. 
 
Based on actual data provided by FPL, the combined cost of generation of the three solar 
facilities was $0.41/kWh in 2016. These facilities make up a significant portion of the utility 
owned renewable generation. Since full operation began, the two solar PV facilities have 
operated largely as expected; however, the solar thermal facility has experienced multiple 
outages which have hindered its performance. In FPL’s 2016 TYSP, FPL included that the 
Desoto and Space Coast solar facilities contributed approximately 46 percent and 32 percent, 
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respectively, of the system’s installed capacity to summer peak demand. No contribution to 
winter peak demand as determined from either facility. 
 
Hydroelectric units at two sites, one owned by the City of Tallahassee Utilities, and one operated 
by the federal government, supply 63 MW of renewable capacity. Due to operational constraints, 
the City of Tallahassee does not consider its 12.3 MW of hydroelectric generation firm. Because 
of Florida’s geography, however, new hydroelectric power generation is largely limited.  
 

Planned Renewable Resources 
Florida’s utilities plan to construct or purchase an additional 2,005 MW of renewable generation 
over the 10-year planning period, an increase from last year’s estimated 1,566 MW projections. 
Figure 11 below summarizes the existing and projected renewable capacity by generation type. 
Solar generation is projected to have the greatest increase over the planning horizon.  
 
 

Figure 11: State of Florida - Current and Projected Renewable Resources4 

 
Source: 2016 FRCC Load & Resource Plan, TYSP Utilities Data Responses 
 
 
Of the 2,005 MW of planned renewable capacity, 365 MW is projected to be from firm resources 
with 124 MW of that firm amount coming from solar generation. The projected firm capacity 
additions are from a combination of renewable contracts with non-utility generators, primarily 
biomass, and several utility-owned solar facilities. The remaining planned capacity from 
renewable resources is projected to be from non-firm resources. 
 
For some existing renewable facilities, contracts for firm capacity are projected to expire within 
the 10-year planning horizon. If new contracts are signed in the future to replace those that 
expire, these resources will once again be included in the state’s capacity mix to serve future 

                                                 
4JEA and Gulf’s wind resources are not present in-state. 
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demand. If these contracts are not extended, the renewable facilities could still deliver energy on 
an as-available basis. 
 
As noted above, solar generation is anticipated to increase significantly over the 10-year period, 
with a total of 1,586 MW to be installed. This consists of 1,102 MW of utility-owned solar, 184 
MW of contracted solar and 300 MW of as-available energy contract solar facilities. Table 8 
below lists some of the utility-scale (greater than 10 MW) solar installations with in-service dates 
within the planning period. 
 
Gulf has entered into purchase power agreements linked to 272 MW of wind energy produced by 
facilities located in Oklahoma. While the energy from the facilities may not be delivered to 
Gulf’s system, the renewable attributes for their output are retained by the utility for the benefit 
of Gulf’s customers.   
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Table 8: TYSP Utilities - Planned Solar Installations 
Year Utility Facility Name Type Capacity (MW) 

2016 FPL Babcock Solar Energy Center Utility Owned 74.5 

2016 FPL Citrus Solar Energy Center Utility Owned 74.5 

2016 FPL Manatee Solar Utility Owned 74.5 

2016 OUC Stanton Solar Phase 2 Purchased 12 

  2016 Subtotal 235.5 

2017 GULF Gulf Coast Solar Center I Eglin Purchased 30 

2017 GULF Gulf Coast Solar Center II Holley Purchased 40 

2017 GULF Gulf Coast Solar Center III Saufley Purchased 50 

2017 DEF Solar 3 Utility Owned 10 

2017 DEF Solar 4 Utility Owned 10 

2017 TAL Airport 1 Purchased 20 

2017 TECO Big Bend Utility Owned 18 

  2017 Subtotal 178 

2018 DEF Solar 5 Utility Owned 10 

  2018 Subtotal 10 

2019 DEF Solar 6&7 Utility Owned 50 

  2019 Subtotal 50 

2020 DEF Solar 8 & 9 Utility Owned 130 

2020 FPL Unsited Projects Utility Owned 300 

  2020 Subtotal 430 

2021 DEF Solar 10 Utility Owned 35 

  2021 Subtotal 35 

2022 DEF Solar 11 Utility Owned 50 

  2022 Subtotal 50 

2023 DEF Solar 12 Utility Owned 75 

  2023 Subtotal 75 

2024 DEF Solar 13 & 14 Utility Owned 125 

  2024 Subtotal 125 

2025 DEF Solar 15 Utility Owned 50 

  2025 Subtotal 50 

TBD DEF Blue Chip Energy Lake Mary Purchased 10 

TBD DEF Blue Chip Energy Sorrento Purchased 40 

TBD DEF National Solar Gadsden Purchased 50 

TBD DEF National Solar Hardee Purchased 50 

TBD DEF National Solar Suwannee Purchased 50 

TBD DEF National Solar Highlands Purchased 50 

TBD DEF National Solar Osceola Purchased 50 

  TBD Subtotal 300 

Source: 2016 FRCC Load & Resource Plan, TYSP Utilities Data Responses 
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Renewable Outlook 
Florida’s renewable generation is projected to increase over the planning period. Some utilities 
are including a portion of solar capacity as a firm resource for reliability considerations. Reasons 
given for these additions are the continued reduction in price of solar facilities, availability of 
utility property with access to the grid, and actual performance data from FPL’s pilot program. If 
these conditions remain, the cost-effective forms of renewable generation will continue to 
improve the state’s fuel diversity and reduce dependence on fossil fuels.  
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Traditional Generation 
While renewable generation increases its contribution to the state’s generating capacity, a 
majority of generation is projected to come from traditional sources, such as fossil-fueled steam 
and turbine generators, that have been added to Florida’s electric grid over the last several 
decades. Due to forecasted increases in peak demand, further traditional resources are anticipated 
over the planning period. 
 
Florida’s electric utilities have historically relied upon several different fuel types to serve 
customer load. Previous to the oil embargo, Florida used oil-fired generation as its primary 
source of electricity until the increase in oil prices made this undesirable. Since that time, 
Florida’s electric utilities have sought a variety of other fuel sources to diversify the state’s 
generation fleet and more reliably and affordably serve customers. Numerous factors, including 
swings in fuel prices, availability, environmental concerns, and other factors have resulted in a 
variety of capacity on Florida’s electric grid. Solid fuels, such as coal and nuclear, increased 
during the shift away from oil-fired generation, and more recently natural gas has emerged as the 
dominant fuel type in Florida. 
 

Existing Generation 
Florida’s generating fleet includes incremental new additions to a historic base fleet, with units 
retiring as they become uneconomical to operate or maintain. Currently, Florida’s existing 
capacity ranges greatly in age and fuel type, and legacy investments continue. The weighted 
average age of Florida’s generating units is 23 years. While the original commercial in-service 
date may be in excess of 60 years for some units, they are constantly maintained as necessary in 
order to ensure safe and reliable operation, including uprates from existing capacity, which may 
have been added after the original in-service date. Figure 12 below illustrates the decade current 
operating generating capacity was originally added to the grid, with the largest additions 
occurring in the 2000s. 
 
 

Figure 12: State of Florida - Electric Utility Installed Capacity by Decade  

 
Source: 2016 FRCC Load & Resource Plan 
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The existing generating fleet will be impacted by several events over the planning period. New 
and proposed environmental regulations may require changes in unit dispatch, fuel switching, or 
installation of pollution control equipment which may reduce net capacity. Modernizations will 
allow more efficient resources to replace older generation, while potentially reusing power plant 
assets such as transmission and other facilities, switching to more economic fuel types, or uprates 
at existing facilities to improve power output. Lastly, retirements of units which can no longer be 
economically operated and maintained or meet environmental requirements will reduce the 
existing generation. 
 

Impact of EPA Rules 
In addition to maintaining a fuel efficient and diverse fleet, Florida’s utilities must also comply 
with environmental requirements that impose incremental costs or operational constraints.  
During the planning period, six EPA rules were anticipated to affect electric generation in 
Florida: 
 

• Carbon Pollution Emissions Standards for New, Modified and Reconstructed Secondary 
Sources: Electric Utility Generating Units - Sets carbon dioxide emissions limits for new, 
modified or reconstructed electric generators. These limits vary by type of fuel (coal or 
natural gas). New units are those built after January 18, 2014. Units that undergo 
modifications or reconstructions after June 18, 2014, that materially alter their air 
emissions are subject to the specified limits. This rule has been appealed.  

 
• Carbon Pollution Emission Guideline for Existing Electric Generating Units (Clean 

Power Plan) - Requires each state to submit a plan to EPA that outlines how the state’s 
existing electric generation fleet over 25 megawatts will meet a series of goals, in terms 
of pounds of carbon dioxide emitted per generated megawatt-hour, to reduce the state’s 
carbon dioxide emissions. The guidelines include increased use of renewable generation 
and decreased use of coal-fired generation by 2030. This rule has been stayed pending an 
appeal review.  

 
• Mercury and Air Toxics Standards (MATS) - Sets limits for air emissions from existing 

and new coal- and oil-fired electric generators with a capacity greater than 25 megawatts. 
Covered emissions include: mercury and other metals, acid gases, and organic air toxics 
for all generators, as well as particulate matter, sulfur dioxide, and nitrogen oxide from 
new and modified coal and oil units. 

 
• Cross-State Air Pollution Rule (CSAPR) - Requires certain states to reduce air emissions 

that contribute to ozone and/or fine particulate pollution in other states. The rule applies 
to all fossil-fueled (i.e., coal, oil, and natural gas) electric generators with a capacity over 
25 megawatts within the upwind states. Originally, the Rule included Florida, however, 
the final Rule, issued September 7, 2016, removes North Carolina, South Carolina, and 
Florida from the program because modeling for the final Rule indicates that these states 
do not contribute significantly to ozone air quality problems in downwind states. 

 
• Cooling Water Intake Structures (CWIS) - Sets impingement standards to reduce harm to 

aquatic wildlife pinned against cooling water intake structures at electric generating 
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facilities. All electric generators that use state or federal waters for cooling with an intake 
velocity of at least two million gallons per day must meet impingement standards. 
Generating units with higher intake velocity may have additional requirements to reduce 
the damage to aquatic wildlife due to entrapment in the cooling water system.  

 
• Coal Combustion Residuals (CCR) - Requires liners and ground monitoring to be 

installed on new landfills in which coal ash is deposited.  
 
Each utility will need to evaluate whether these additional costs or operational limitations allow 
the continued economic operation of each affected unit, and whether installation of emissions 
control equipment, fuel switching, or retirement is the proper course of action. 
 

Modernization and Efficiency Improvements 
Modernizations involve removing existing generator units that may no longer be economical to 
operate, such as oil-fired steam units, and reusing the power plant site’s transmission or fuel 
handling facilities with a new set of generating units. The modernization of existing plant sites, 
allows for significant improvement in both performance and emissions, typically at a lower price 
than new construction at a greenfield site. Not all sites are candidates for modernization due to 
site layout and other concerns, and to minimize rate impacts, modernization of existing units 
should be considered along with new construction at greenfield sites.  
 
The Commission has previously granted determinations of need for several conversations of oil-
fired steam units to natural gas-fired combined cycle units, including FPL’s Cape Canaveral, 
Riviera, and Port Everglades power plants. DEF has also conducted a conversion of its Bartow 
power plant, but this did not require a determination of need from the Commission.  
 
Utilities also plan several efficiency improvements to existing generating units. For example, the 
conversion of existing simple cycle combustion turbines into a combined cycle unit, which 
captures the waste heat and uses it to generate additional electricity using a steam turbine. The 
Commission has granted a determination of need for the conversion of TECO’s Polk Units 2 
through 5 to a single combined cycle unit.5 FPL plans on upgrading its existing combined cycle 
fleet by improving the performance of the integrated combustion turbines at many of its current 
and planned power plants. By 2018, DEF plans to increase the summer capacity rating at the 
Hines Energy Center through the installation of Inlet Chilling. 
  

Planned Retirements 
Power plant retirements occur when the electric utility is unable to economically operate or 
maintain a generating unit due to environmental, economic, or technical concerns. Table 9 below 
lists the 4,610 MW of existing generation that is scheduled to be retired during the planning 
period, a majority of which are natural gas-fired peaking units. Approximately 1,160 MW of the 
planned retirements are three dozen small peaking units at two power plant sites operated by 
FPL. 
 

                                                 
5
Order No. PSC-13-0014-FOF-EI, issued January 8, 2013, in Docket No. 120234-EI, In re: Petition to determine 

need for Polk 2-5 combined cycle conversion, by Tampa Electric Company. 
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Table 9: State of Florida - Electric Generating Units to be Retired 

Year 
Utility 
Name 

Plant Name 
& Unit Number 

Unit Type Fuel Type 
Net Capacity (MW) 

Sum 

2016 DEF G. E. Turner P1 - P4 CT Distillate Fuel Oil 132.0 

2016 GPC Lansing Smith 2 Steam Coal 0.0 

2016 FPL Turkey Point 1 Steam Residual Fuel Oil 396.0 

2016 DEF Rio Pinar 1 CT Distillate Fuel Oil 12.0 

2016 FPL Ft. Myers 1 - 10 CT Distillate Fuel Oil 540.0 

2016 FPL Lauderdale 1 - 22 CT Natural Gas 754.0 

2016 FPL Port Everglades 1 - 12 CT Natural Gas 408.0 

    2016 Subtotal 
  

2,242.0 

2017 DEF Suwannee River 1 - 2 Steam Natural Gas 57.0 

2017 FPL Cedar Bay Steam Coal 250.0 

2017 TAL Hopkins GT1 CT Natural Gas 12.0 

2017 TAL Purdom GT1 & GT2 CT Natural Gas 20.0 

    2017 Subtotal   339.0 

2018 DEF Crystal River 1 & 2 Steam Coal 740.0 

2018 DEF Suwannee River 3 Steam Natural Gas 71.0 

2018 GPC Pea Ridge 1 - 3 CT Natural Gas 12.0 

2018 TAL Hopkins GT2 CT Natural Gas 24.0 

    2018 Subtotal 
  

847.0 

2019 JEA Northside 3 [Reserve Storage] Steam Natural Gas 524.0 

    2019 Subtotal 
  

524.0 

2020 DEF Higgins 1 - 4 CT Natural Gas 459.0 

2020 DEF Avon Park 1 CT Natural Gas 24.0 

2020 DEF Avon Park 2 CT Distillate Fuel Oil 24.0 

    2020 Subtotal 
  

507.0 

2021 TAL Hopkins 1 Steam Natural Gas 76.0 

    2021 Subtotal 
  

76.0 

2022 GRU Deerhaven FS01 Steam Natural Gas 75.0 

    2022 Subtotal 
  

75.0 

    Total Retirements 
  

4,610  

Source: 2016 Ten-Year Site Plans 
 
 
A notable retirement is DEF’s Crystal River Units 1 and 2. Originally scheduled to retire in 
2016, the retirement of these units have been delayed until 2018. This delay is due in part to a 
temporary averaging of emissions across the existing four units at the Crystal River site to meet 
environmental regulations, as Crystal River Units 4 and 5 have pollution controls installed. 
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Some retired units will continue operation in a different form. FPL intends to retire Turkey Point 
1, a large oil-fired steam unit, and convert it to a synchronous condenser to support the 
transmission system and provide voltage regulation. FPL previously converted Turkey Point 2 to 
operate as a synchronous condenser.  
 

Reliability Requirements 
Florida’s electric utilities are expected to have enough generating assets available at the time of 
peak demand to meet forecasted customer demand. If utilities only had sufficient generating 
capacity to meet forecasted peak demand, then potential instabilities could occur if customer 
demand exceeds the forecast, or if generating units are unavailable due to maintenance or forced 
outages. To address these circumstances, utilities are required to maintain additional planned 
generating capacity above the forecast customer demand, referred to as the reserve margin. 
 
Electric utilities within the Florida Reliability Coordinating Council region, which consists of 
Peninsular Florida, must maintain a minimum of 15 percent reserve margin for planning 
purposes. Certain utilities have elected to have a higher reserve margin, either on an annual or 
seasonal basis. The three largest reporting electric utilities, FPL, DEF, and TECO, are party to a 
stipulation approved by the Commission that utilizes a 20 percent reserve margin for planning.  
 
While Florida’s electric utilities are separately responsible for maintaining an adequate planning 
reserve margin, a statewide view illustrates the degree to which capacity may be available for 
purchases during periods of high demand or unit outages. Figure 13 below is a projection of the 
statewide seasonal reserve margin including all proposed power plants. 
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Figure 13: State of Florida - Projected Reserve Margin by Season  

 

 
Source: 2016 FRCC Load & Resource Plan 
 
 
Role of Demand Response in Reserve Margin 
The Commission also considers the planning reserve margin without demand response. As 
illustrated above in Figure 13, the statewide seasonal reserve margin exceeds the FRCC’s 
required 15 percent planning reserve margin without activation of demand response. Demand 
response activation increases the reserve margin in summer by 7.5 percent on average, and 
represents 25 percent of the planning reserve margin. 
 
Demand response participants receive discounted rates or credits regardless of activation, with 
these costs recovered from all ratepayers. Because of the voluntary nature of demand response, a 
concern exists that a heavy reliance upon this resource would make participants eschew the 
discounted rates or credits for firm service. For interruptible customers, participants must provide 
notice that they intend to leave the demand response program, with a notice period of three or 
more years being typical. For load management participants, usually residential or small 
commercial customers, no advanced notice is typically required to leave. Historically, demand 
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response participants have rarely been called upon during the peak hour, but are more frequently 
called upon during off-peak periods due to unusual weather conditions.  
 

Fuel Price Forecast 
Fuel price is an important economic factor affecting the dispatch of the existing generating fleet 
and the selection of new generating units. In general, the capital cost of a power plant is 
inversely proportional to the cost of the fuel used to generate electricity from that unit. The major 
fuels consumed by Florida’s electric utilities are natural gas, coal, uranium, and oil. Figure 14 
below illustrates the weighted average fuel price history and forecasts for the reporting electric 
utilities. While there has been a recent projected decrease in fuel oil prices, it remains the most 
expensive fuel and suitable primarily for backup and peaking purposes only.  
 
 

Figure 14: TYSP Utilities - Average Reporting Electric Utility Fuel Price  

 
Source: TYSP Utilities Data Responses 
 
 
From 2003 to 2005, the price of natural gas was substantially higher than utilities had forecast. 
This natural gas price volatility led to concern regarding escalating customer bills and an 
expectation that natural gas prices would remain high. As a result, Florida’s electric utilities 
began making plans to build coal-fired units rather than continuing to increase the reliance on 
natural gas. Concerns regarding potential environmental regulations, and other projected costs, 
lead to this coal-fired generation to not materialize. Traditionally, coal was the lowest cost fuel 
besides uranium and was dispatched before most natural gas-fired units. While natural gas-fired 
units have the advantage of a lower heat rate, and therefore consume less units of thermal energy 
per unit of electrical energy produced, the fuel price differential allowed coal to remain dominant 
until 2008.  
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As shown below in Figure 15, the price of natural gas declined rapidly after the financial crisis, 
and is forecasted to remain at historically low levels. The smaller differential and higher 
efficiency of natural gas has shifted the dispatch order, with natural gas units displacing some 
coal units. The trend has also encouraged utilities to modify existing units to be capable of 
burning natural gas, either as a starter fuel, supplemental fuel, or primary fuel.  
 
 

Figure 15: TYSP Utilities - Fuel Price Comparison for Coal and Natural Gas 

 
Source: TYSP Utilities Data Responses 
 
 

Fuel Diversity 
Natural gas has risen to become the dominant fuel in Florida within the last 10 years, displacing 
coal, and since 2010 has generated more net energy for load than all other fuels combined. As 
Figure 16 below illustrates, natural gas is the source of approximately 63 percent of electric 
energy consumed in Florida, down from its peak in 2012 of 65 percent. The 2012 spike in usage 
was associated with extended outages at FPL’s nuclear plants for uprates. Natural gas generation 
is anticipated to remain somewhat steady at its current level until the end of the planning period.  
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Figure 16: State of Florida - Natural Gas Contribution to Energy Consumption 

 
Source: 2006-2016 FRCC Load & Resource Plans 
 
 
Because a balanced fuel supply can enhance system reliability and mitigate the effects of 
volatility in fuel price fluctuations, it is important that utilities have a level of flexibility in their 
generation mix. Maintaining fuel diversity on Florida’s system faces several difficulties. Existing 
coal units will require additional emissions control equipment leading to reduced output, or 
retirement if the emissions controls are uneconomic to install or operate. New solid fuel 
generating units such as nuclear and coal have long lead times and high capital costs. New coal 
units face challenges relating to new environmental compliance requirements, making it unlikely 
they could be permitted without novel emissions control technology. 
 
Figure 17 below shows Florida’s historic and forecast percent net energy for load by fuel type for 
the actual years 2005 and 2015, and forecast year 2025. Oil has declined significantly, with its 
uses reduced to start-up fuel, peaking, and back-up for dual-fuel units in case of a fuel outage. 
Nuclear generation was reduced beginning in 2010 by the outage and eventual retirement of 
Crystal River 3 and extended outages for uprates at FPL’s St. Lucie and Turkey Point power 
plants. The resulting capacity leaves Florida’s contribution from nuclear approximately the same 
even with the loss of one of five nuclear units. While coal generation has declined somewhat, it 
is expected to rebound slightly and remain at a plateau throughout the planning period. Natural 
gas has been the primary fuel used to meet the growth energy consumption, and this trend is 
anticipated to continue throughout the planning period. 
 



 

42 

Figure 17: State of Florida - Historic and Forecast Fuel Consumption 

 
Source: 2006-2016 FRCC Load & Resource Plans 
 
 
Based on 2014 Energy Information Administration (EIA) data, Florida ranks fourth place in 
terms of the total volume natural gas consumption compared to the rest of the United States. For 
volume of natural gas consumed for electric generation, Florida ranks second, behind Texas.  
 
Florida’s percentage of natural gas consumption for electric generation is the highest in the 
country, with 90 percent of all natural gas consumed in the state for electricity. However, these 
figures do not consider population. On a per capita basis, Florida’s total consumption of natural 
gas ranks thirtieth, while natural gas consumption for electricity ranks sixth. Natural gas is not 
used as a heating fuel in most of Florida’s homes and businesses, which rely instead upon 
electricity that is increasingly being generated by natural gas. This leads to Florida’s per capita 
consumption of natural gas being 15 percent less than the national average, but twice the national 
average per capita consumption of natural gas for electricity. As Florida has very little natural 
gas production and no gas storage capacity, the State is reliant upon out-of-state production and 
storage to satisfy the growing electric demands of the state.  
 

New Generation Planned 
Current demand and energy forecasts continue to indicate that in spite of increased levels of 
conservation, energy efficiency, renewable generation, and existing traditional generation 
resources, the need for additional generating capacity still exists. While reductions in demand 
have been significant, the total demand for electricity is expected to increase, making the 
addition of traditional generating units necessary to satisfy reliability requirements and provide 
sufficient electric energy to Florida’s consumers. Because any capacity addition has certain 
economic impacts based on the capital required for the project, and due to increasing 
environmental concerns relating to solid fuel-fired generating units, Florida’s utilities must 
carefully weigh the factors involved in selecting a supply-side resource for future traditional 
generation projects.  
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In addition to traditional economic analyses, utilities also consider several strategic factors, such 
as fuel availability, generation mix, and environmental compliance prior to selecting a new 
supply-side resource. Limited supplies, access to water or rail delivery points, pipeline capacity, 
water supply and consumption, land area limitations, cost of environmental controls, and 
fluctuating fuel costs are all important considerations to the utilities’ IRP process. 
 
Figure 18 below illustrates the present and future aggregate capacity mix. The capacity values in 
Figure 18 incorporate all proposed additions, changes, and retirements contained in the reporting 
utilities’ 2016 Ten-Year Site Plans and the FRCC’s 2016 Load and Resource Plan. 
 
 

Figure 18: State of Florida - Current and Projected Installed Capacity by Fuel 

 
Source: 2016 FRCC Load & Resource Plan and TYSP Utilities Data Responses 
 
 

New Power Plants by Fuel Type 
 
Nuclear 
Nuclear capacity, while an alternative to natural gas-fired generation, is capital-intensive and 
requires a long lead time to construct. FPL has two nuclear projects at Turkey Point that were 
moved out of the planning horizon for the 2016 TYSP. FPL had previously uprated its existing 
four nuclear generating units, with the last uprate completed in early 2013. DEF obtained a 
combined operating license from the Nuclear Regulatory Commission, for two nuclear units, 
Levy 1 and 2, but has not included them in their planning at this time.  
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Natural Gas 
Excluding renewable and nuclear generation uprates, all remaining new power plants are natural 
gas-fired combustion turbines or combined cycle units. Combustion turbines run in simple cycle 
mode as peaking units represent the third most abundant type of generating capacity, behind only 
coal-fired steam generation. Because combustion turbines are not a form of steam generation, 
unless part of a combined cycle unit, they do not require siting under the Power Plant Siting Act. 
Table 10 below summarizes the approximately 12,127 MW of proposed new natural gas-fired 
generation included in the 2016 Ten-Year Site Plans. 
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Table 10: State of Florida - Planned Natural Gas Units 

In-Service 
Year 

Utility 
Name 

Plant Name 
& Unit Number 

Fuel & Unit Type Net Capacity (MW) Notes 

Previously Approved New Units 

2016 FPL Port Everglades Modern. Natural Gas CC 1,237 Docket No. 110309-EI 

2017 TEC Polk CC Conversion Natural Gas CC 459 Docket No. 120234-EI 

2018 DEF Citrus Natural Gas CC 1,640 Docket No. 140110-EI 

2019 FPL Okeechobee Energy Center Natural Gas CC 1,622 Docket No. 150196-EI 

Previously Approved New Units Subtotal 4,958  

New Units Requiring Approval 

  2021 SEC Unnamed CC Natural Gas CC 649    

  2023 OUC Unspecified CC  Natural Gas CC 300    

  2024 FPL Combined Cycle Unit Natural Gas CC 1,622    

 New Units Requiring Approval Subtotal 2,571  

New Units Not Requiring PPSA Approval 

  2016 FPL Ft. Myers 4A & 4B Natural Gas CT 462    

  2016 FPL Lauderdale 6A through 6E Natural Gas CT 1,155    

  2018 GRU South Energy Center Natural Gas CC 8    

  2018 TAL Sub 12 DG Natural Gas CT 18    

  2021 TAL Hopkins Natural Gas CT 37    

  2021 TAL Purdom Natural Gas CT 37    

  2021 TEC Future CT 1 Natural Gas CT 204    

  2022 SEC Unnamed CT 1 Natural Gas CT 201    

  2023 SEC Unnamed CT 2 Natural Gas CT 201    

  2023 GPC Combustion Turbines Natural Gas CT 654    

  2023 TEC Future CT 2 Natural Gas CT 204    

  2024 SEC Unnamed CT 3 & CT 4 Natural Gas CT 402    

  2024 DEF Unknown P1 - P4 Natural Gas CT 812    

  2025 DEF Unknown P5 Natural Gas CT 203    

New Units Not Requiring PPSA Approval Subtotal 4,598  

Total Planned Natural Gas Capacity 12,127  

 Source: 2016 Ten-Year Site Plans 
 
 

Commission’s Authority over Siting 
The Commission has been given exclusive jurisdiction to determine the need for new electric 
power plants by the Legislature, through the Electrical Power Plant Siting Act (PPSA), contained 
in Sections 403.501 through 403.518, F.S. Any proposed steam or solar generating unit greater 
than 75 MW requires a certification under the PPSA. Upon receipt of a determination of need, 
the electric utility would then seek approval from the Florida Department of Environmental 
Protection, which addresses land use and environmental concerns. Finally, the Governor and 
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Cabinet, sitting as the Siting Board, ultimately must approve or deny the overall certification of a 
proposed power plant. As shown in Table 10 above, there is approximately 2,571 MW of 
generation that would require certification under the PPSA in the years 2021–2024.  
 

Transmission 
As generation capacity increases, the transmission system must grow accordingly to maintain the 
capability of delivering energy to end users. The Commission has been given broad authority 
pursuant to Chapter 366, F.S., to require reliability within Florida’s coordinated electric grid and 
to ensure the planning, development, and maintenance of adequate generation, transmission, and 
distribution facilities within the state. 
 
The Commission has authority over certain proposed transmission lines under the Electric 
Transmission Line Siting Act (TLSA), contained in Sections 403.52 through 403.5365, F.S. To 
require certification under Florida’s TLSA, a proposed transmission line must meet the following 
criteria: a nominal voltage rating of at least 230 kV, crossing a county line, and a length of at 
least 15 miles. Proposed lines in an existing corridor are also exempt from TLSA requirements. 
The Commission determines the reliability need and the proposed starting and end points for 
lines requiring TLSA certification. The proposed corridor route is subsequently determined by 
the Florida Department of Environmental Protection during the certification process. Much like 
the PPSA, the Governor and Cabinet sitting as the Siting Board ultimately must approve or deny 
the overall certification of a proposed line. 
 
Table 11 below lists all proposed transmission lines in the 2016 Ten-Year Site Plans that require 
TLSA certification. All planned lines have already received the approval of the Commission, 
either independently or as part of a PPSA determination of need. 
 
 

Table 11: State of Florida - Planned Transmission Lines 

Utility Transmission Line 

Line  Nominal  Date Date In-Service 

Length Voltage Need TLSA Date 

(Miles) (kV) Approved Certified   

FPL St Johns – Pringle 25 230 05/13/2005 04/21/2006 12/01/2018 

FPL Levee-Midway  150 500 05/28/1988 04/20/1990 06/01/2023 

FPL Duval - Raven 45 230 02/25/2016 In Progress 12/01/2019 

TECO Thonotosassa  Wheeler 8.0 230 06/21/2007 08/07/2008 TBD 

TECO Wheeler to Willow Oak 17.0 230 06/21/2007 08/07/2008 TBD 

Source: 2016 Ten-Year Site Plans 
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Florida Power & Light Company (FPL) 
 
FPL is an investor-owned utility and Florida’s largest electric utility. The Utility’s service 
territory is within the FRCC region and is primarily in south Florida and along the east coast. As 
an investor-owned utility, the Commission has regulatory authority over all aspects of FPL’s 
operations, including rates, reliability, and safety. Pursuant to Section 186.801(2), F.S., the 
Commission finds FPL’s 2016 Ten-Year Site Plan suitable for planning purposes. 
 

Load and Energy Forecasts  
In 2015, FPL had approximately 4,775,382 customers and annual retail energy sales of 109,820 
GWh or approximately 48.3 percent of Florida’s annual retail energy sales. Figure 19 below 
illustrates the Utility’s historic and forecast number of customers and retail energy sales, in terms 
of percentage growth from 2006. Over the past 10 years, FPL’s customer base has increased by 
8.30 percent, while retail sales have grown by 5.94 percent. FPL exceeded its 2007 peak in 2015. 
FPL expects a slight decline before exceeding its 2015 peak in 2020. Since 2009, FPL has been 
outperforming the state average in retail energy sales growth, a trend it projects to continue into 
the future.  
 
 

Figure 19: FPL Growth Rate 

 
Source: 2016 Ten-Year Site Plan  
 
 
The three graphs in Figure 20 below shows FPL’s seasonal peak demand and net energy for load, 
for the historic years 2006 through 2015 and forecast years 2016 through 2025. These graphs 
include the impact of demand-side management, and for future years assume that all available 
demand response resources will be activated during the seasonal peak. Historically, demand 
response was not activated during the seasonal peak demand, excluding the winters of 2010 and 
2011. As an investor owned utility, FPL is subject to FEECA and currently offers energy 
efficiency and demand response programs to customers to reduce peak demand and annual 
energy consumption. The Utility’s 2016 Ten-Year Site Plan reflects the revised demand-side 
management goals established by the Commission in December 2014. 
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Figure 20: FPL Demand and Energy Forecasts 

 

 

 
Source: 2016 Ten-Year Site Plan and Data Responses 
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Fuel Diversity  
Table 12 below shows FPL’s actual net energy for load by fuel type for 2015, and the projected 
fuel mix for 2025. FPL relies primarily upon natural gas and nuclear for energy generation, 
making up approximately 90 percent of net energy for load.  
 
 

Table 12: FPL Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 

Natural Gas 85,797 69.9% 87,435 69.9% 

Coal 5,275 4.3% 3,388 2.7% 

Nuclear 27,045 22.0% 28,871 23.1% 

Oil 462 0.4% 49 0.0% 

Renewable 157 0.1% 1,362 1.1% 

Interchange 4,730 3.9% 0 0.0% 

NUG & Other -710 -0.6% 3,956 3.2% 

Total 122,757   125,062   

Source: 2016 Ten-Year Site Plan 
 
 

Reliability Requirements  
While previously only reserve margin has been discussed, Florida’s utilities use multiple indices 
to determine the reliability of the electric supply. An additional metric is the Loss of Load 
Probability (LOLP), which is a probabilistic assessment of the duration of time electric customer 
demand will exceed electric supply, and is measured in units of days per year. FPL uses a 
maximum LOLP of no more than 0.1 days per year, or approximately 1 day of outage per 10 
years. Between the two reliability indices, LOLP and reserve margin, the reserve margin 
requirement is typically the controlling factor for the addition of capacity. 
 
Since 1999, FPL has utilized a 20 percent planning reserve margin criterion. Figure 21 below 
displays the forecast planning reserve margin for FPL through the planning period for both 
seasons, with and without the use of demand response. As shown in the figure, FPL’s generation 
needs are controlled by its summer peak throughout the planning period. 
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Figure 21: FPL Reserve Margin Forecast  

 

 
Source: 2016 Ten-Year Site Plan 
 
 
In addition to LOLP and the reserve margin, FPL utilizes a third reliability criterion. FPL’s 
criterion would be to have available firm capacity 10 percent greater than the sum of customer 
seasonal demand, without consideration of incremental energy efficiency and all existing and 
incremental demand response resources. FPL refers to this as its 10 percent generation-only 
reserve margin. Currently, no other utility utilizes this same metric. While TECO includes a 
minimum supply-side contribution in its planning methodology, TECO uses a lower value of 7 
percent and incremental energy efficiency is included in its calculation. FPL’s generation-only 
reserve margin is not the controlling factor for any planned unit additions. However, it does 
provide useful information regarding the assurance that the projected 20 percent reserve margin 
will be realized.  
 
While FPL does not include incremental energy efficiency resources and cumulative demand 
response in its resource planning for the generation-only reserve margin criterion, the Utility 
would remain subject to FEECA and the conservation goals established by the Commission. FPL 
would continue paying rebates and other incentives to participants, which are collected from all 
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ratepayers through the Energy Conservation Cost Recovery Clause, but would not consider the 
potential capacity reductions of any future participation in energy efficiency or demand response 
programs during the 10-year planning period for planning purposes with this new reliability 
criterion only.  
 
Energy efficiency, which includes installation of equipment designed to reduce peak demand and 
annual energy consumption, is considered a passive resource. While demand response must be 
activated by the utility, energy efficiency provides benefits consistently for the duration of the 
installation, reducing annual energy consumption, and if usage is coincident with system peak, 
peak demand. Customers do not remove building envelope improvements or newly installed 
equipment until the end of its service life for replacement. 
 
As noted in the Statewide Perspective, the Commission does review the impact on reserve 
margin of demand response resources. At this time, FPL offers two types of demand response 
programs. The first type is interruptible and curtailable load programs, consisting of the 
Commercial/Industrial Load Control Program (CILC) and Commercial/Industrial Demand 
Reduction Rider (CDR) tariffs. The second type is load management programs, including the 
Residential On-Call and Business On-Call Programs. FPL utilizes load management programs on 
residential customers more often than commercial/industrial customers.  

 
Generation Resources  
FPL plans multiple unit retirements and additions during the planning period, as described in 
Table 13 below. The projected in-service dates of FPL’s new planned nuclear units are now 
outside the 10-year planning period. FPL included the addition of three new natural gas-fired 
combined cycle units and also plans to partially replace its older gas turbine peaking capacity 
with new combustion turbine capacity at its Lauderdale and Fort Myers sites. On September 3, 
2015, FPL filed a need determination with the Commission for the Okeechobee Unit which was 
granted on January 19, 2016. 
 
As highlighted during the 2016 Ten-Year Site Plan Workshop, FPL’s lower peak demand, 
natural gas, and CO2 price forecasts all have the impact of reducing the need for additional 
generation or reducing the cost-effectiveness of non-fossil fueled generation over the planning 
horizon. However, FPL’s 2016 TYSP includes an additional 300 MW of solar generation 
capacity in 2020 that was not included in its 2015 TYSP. Since FPL’s current planning 
assumptions suggest a reduction in the cost-effectiveness for adding solar generation, additional 
information may be needed to assess the reasonableness of such unit additions at this time. 
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Table 13: FPL Generation Resource Changes 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) 

Notes 
Sum 

     Retiring Units 

2016 FT. Myers GT 2-7,10-12 Distillate Oil Gas Turbine 486    

2016 Lauderdale GT 1-2, 4, 6-22 Natural Gas Gas Turbine 755    

2016 Port Everglades 1 - 12 Natural Gas Gas Turbine 412    

2016 Turkey Point 1 Residual Oil Steam Turbine 396    

2017 Cedar Bay 1 Coal Steam Turbine 250    

Total Retirements 2,299    

     New Units 

2016 Babcock Solar Energy Center Photovoltaic  75    

2016 Citrus Solar Energy Center Photovoltaic 75    

2016 Ft. Myers 4A & 4B Natural Gas Combustion Turbine 462    

2016 Lauderdale 6A-6E Natural Gas Combustion Turbine 1,155    

2016 Manatee Solar Energy Center Photovoltaic  75    

2016 Port Everglades Modern. Natural Gas Combined Cycle 1,237  Docket No. 110309-EI 

2019 Okeechobee Energy Center Natural Gas Combined Cycle 1,633  Docket No. 150196-EI 

2020 Unsited Solar Photovoltaic  300    

2024 Unsited Unit Natural Gas Combined Cycle 1,622  Requires PPSA 

Total New Units 6,633    

     Net Additions 4,334    

Source: 2016 Ten-Year Site Plan 
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Duke Energy Florida, LLC (DEF) 
 
DEF is an investor-owned utility and Florida’s second largest electric utility. The Utility’s 
service territory is within the FRCC region and is primarily in central and west central Florida. 
As an investor-owned utility, the Commission has regulatory authority over all aspects of 
operations, including rates, reliability, and safety. Pursuant to Section 186.801(2), F.S., the 
Commission finds DEF’s 2016 Ten-Year Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2015, DEF had approximately 1,721,861 customers and annual retail energy sales of 38,553 
GWh or approximately 17 percent of Florida’s annual retail energy sales. Figure 22 below 
illustrates the Utility’s historic and forecast number of customers and retail energy sales, in terms 
of percentage growth from 2006. Over the last 10 years, DEF’s customer base has increased by 
6.26 percent, while retail sales have declined by 2.23 percent. As illustrated, retail energy sales 
are anticipated to exceed the historic 2006 peak by 2019, the same time as the state as a whole. 
 
 

Figure 22: DEF Growth Rate 

 
Source: 2016 Ten-Year Site Plan 
 
 
The three graphs in Figure 23 below show DEF’s seasonal peak demand and net energy for load 
for the historic years of 2006 through 2015 and forecast years 2016 through 2025. These graphs 
include the full impact of demand-side management and assume that all available demand 
response resources were or will be activated during the seasonal peak. Historically, demand 
response has not been activated during seasonal peak demand, excluding extreme weather 
events. As an investor-owned utility, DEF is subject to FEECA, and currently offers energy 
efficiency and demand response programs to customers to reduce peak demand and annual 
energy consumption. The Utility’s 2016 Ten-Year Site Plan reflects the revised demand-side 
management goals established by the Commission in December 2014.   
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Figure 23: DEF Demand and Energy Forecasts 

 
Source: 2016 Ten-Year Site Plan and Data Responses 



 

57 

Fuel Diversity 
Table 14 below shows DEF’s actual net energy for load by fuel type as of 2015 and the projected 
fuel mix for 2025. DEF relies primarily upon natural gas and coal for energy generation, making 
up approximately 80 percent of net energy for load. DEF plans to substantially reduce coal usage 
over the planning period, but coal usage will be greater than all other energy types excluding 
natural gas. 
 
 

Table 14: DEF Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 

Natural Gas 25,227 59.7% 36,828 81.4% 

Coal 9,718 23.0% 5,704 12.6% 

Nuclear 0 0.0% 0 0.0% 

Oil 73 0.2% 2 0.0% 

Renewable 1,063 2.5% 2,243 5.0% 

Interchange 2,390 5.7% 62 0.1% 

NUG & Other 3,809 9.0% 389 0.9% 

Total 42,280   45,228   

Source: 2016 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
Since 1999, DEF has utilized a 20 percent planning reserve margin criterion. Figure 24 below 
displays the forecast planning reserve margin for DEF through the planning period for both 
seasons, with and without the use of demand response. As shown in the figure, DEF’s generation 
needs are controlled by its summer peaking throughout the planning period. The Utility’s 
summer peak percentage is projected to be slightly below its 20 percent planned reserve margin 
during the last three years of the planning period. The deficiency is approximately 0.5 percent 
which is reasonable for planning purposes. 
 



 

58 

Figure 24: DEF Reserve Margin Forecast 

 

 
Source: 2016 Ten-Year Site Plan 
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Generation Resources 
DEF plans multiple unit retirements and additions during the planning period, as described below 
in Table 15. DEF’s 2016 Ten-Year Site Plan includes the retirement of the coal-fired Crystal 
River Units 1 and 2, to be replaced by a pair of natural gas-fired combined cycle units. In 
addition to the units discussed above, DEF includes the retirement of seven gas-fired units at 
multiple power plant sites. DEF’s planned additions include a combined cycle facility in 2018 in 
Citrus County, a purchase and proposed acquisition of the Calpine Osprey Energy Combined 
Cycle Unit in Auburndale and five planned Combustion Turbine Units at an undesignated site(s) 
with four units in 2024 and one unit in 2025. 
 
 

Table 15: DEF Generation Resource Changes 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 
Sum 

     Retiring Units 

2016 Turner P1-2, 4 Distillate Oil Combustion Turbine 79    

2016 Suwannee River 1-3 Natural Gas Steam Turbine 128    

2016 Rio Pinar P1 Distillate Oil Combustion Turbine 12    

2018 Crystal River 1 & 2 Coal Steam Turbine 773    

2020 Avon Park P1-2 Distillate Oil Combustion Turbine 48    

2020 Higgins P1-4 Natural Gas Combustion Turbine 109    

Total Retirements 1,149    

     New Units 

2017 Osprey CC 1 Natural Gas Combined Cycle 244  Docket No. 150043-EI 

2018 Citrus Natural Gas Combined Cycle 1,640  Docket No. 140110-EI 

2018 Solar 5 Photovoltaic  10    

2019 Solar 6 & 7 Photovoltaic  50    

2020 Solar 8 & 9 Photovoltaic  130    

2021 Solar 10 Photovoltaic  35    

2022 Solar 11 Photovoltaic  50    

2023 Solar 12 Photovoltaic  75    

2024 Solar 13 & 14 Photovoltaic  125    

2024 Unknown P1 - P4 Natural Gas Combustion Turbine 849    

2025 Solar 15 Photovoltaic  50    
2025 Undesignated CT P5 Natural Gas Combustion Turbine 212   

Total New Units 3,470    

     Net Additions 2,321    

Source: 2016 Ten-Year Site Plan 
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Tampa Electric Company (TECO) 
 
TECO is an investor-owned utility and Florida’s third largest electric utility. The Utility’s service 
territory is within the FRCC region and consists primarily of the Tampa metropolitan area. As an 
investor-owned utility, the Commission has regulatory authority over all aspects of operations, 
including rates, reliability, and safety. Pursuant to Section 186.801(2), F.S., the Commission 
finds TECO’s 2016 Ten-Year Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2015, TECO had approximately 718,713 customers and annual retail energy sales of 19,006 
GWh or approximately 8.4 percent of Florida’s annual retail energy sales. Figure 25 below 
illustrates the Utility’s historic and forecast number of customers and retail energy sales, in terms 
of percentage growth from 2006. Over the last 10 years, TECO’s customer base has increased by 
9.9 percent, while retail sales have declined by 0.10 percent. As illustrated, retail energy sales are 
anticipated to exceed the historic 2007 peak by 2020, one year later than the state as a whole. 
 
 

Figure 25: TECO Growth Rate 

 
Source: 2016 Ten-Year Site Plan 
 
 
The three graphs in Figure 26 below show TECO’s seasonal peak demand and net energy for 
load for the historic years of 2006 through 2015 and forecast years 2016 through 2025. These 
graphs include the full impact of demand-side management, and assume that all available 
demand response resources were or will be activated during the seasonal peak. Historically, 
demand response has not been activated during seasonal peak demand excluding extreme 
weather events.  
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Figure 26: TECO Demand and Energy Forecasts 

 

 

 
 Source: 2016 Ten-Year Site Plan and Data Responses 
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As an investor-owned utility, TECO is subject to FEECA and currently offers energy efficiency 
and demand response programs to customers to reduce peak demand and annual energy 
consumption. The Utility’s 2016 Ten-Year Site Plan reflects the revised demand-side 
management goals established by the Commission in December 2014.  
 

Fuel Diversity 
Table 16 below shows TECO’s actual net energy for load by fuel type as of 2015 and the 
projected fuel mix for 2025. Based on its 2016 Ten-Year Site Plan, natural gas is used for the 
majority of TECO’s energy generation. Natural gas accounts for approximately 50 percent of net 
energy for load. In the future, TECO projects that energy from coal and gas will remain 
approximately the same.  
 
 

Table 16: TECO Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 

Natural Gas 9,919 49.3% 11,321 51.9% 

Coal 8,208 40.8% 9,078 41.6% 

Nuclear 0 0.0% 0 0.0% 

Oil 0 0.0% 0 0.0% 

Renewable 341 1.7% 136 0.6% 

Interchange 438 2.2% 0 0.0% 

NUG & Other 1,200 6.0% 1,272 5.8% 

Total 20,105   21,807   

Source: 2016 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
Since 1999, TECO has utilized a 20 percent planning reserve margin criterion. TECO also elects 
to maintain a minimum supply-side reserve margin of 7 percent. Figure 27 below displays the 
forecast planning reserve margin for TECO through the planning period for both seasons, with 
and without the use of demand response. As shown in the figure, TECO’s generation needs are 
controlled by its summer peak throughout the planning period. The Utility’s summer peak 
percentage is projected to be slightly below its 20 percent planned reserve margin in 2025. The 
deficiency is only 0.4 percent which is reasonable for planning purposes. TECO’s 7 percent 
supply-side only reserve margin is not the controlling factor for any planned unit additions. 
However, it does provide useful information regarding the assurance that the projected 20 
percent reserve margin will be realized.  
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Figure 27: TECO Reserve Margin Forecast 

 

 
Source: 2016 Ten-Year Site Plan 
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Generation Resources 
TECO plans three unit additions during the planning period, as described in Table 17 below. 
TECO plans to convert a set of four natural gas-fired simple cycle combustion turbines at its 
Polk power plant to combined cycle operation. The additional capacity associated with the 
modernization is listed below and has already been certified through the Power Plant Siting Act. 
TECO also plans the addition of two natural gas-fired combustion turbine peaking units in 2020 
and 2023.  
 
 

Table 17: TECO Generation Resource Changes 
 

Source: 2016 Ten-Year Site Plan 
 
 
  

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) 

Sum 

    New Units 

2017 Big Bend Solar Photovoltaic  18  

2017 Polk 2 CC Conversion Natural Gas Combined Cycle 459  

2020 Future CT 1 Natural Gas Combustion Turbine 204  

2023 Future CT 2 Natural Gas Combustion Turbine 204  

Total New Units 885  

    Net Additions 885  



(This page intentionally left blank)

66



 

67 

Gulf Power Company (GPC) 
 
GPC is an investor owned utility, and is Florida’s sixth largest electric utility. It represents the 
smallest of the generating investor-owned utilities, and the only one inside the Southern 
Company electric system. As GPC plans and operates its system in conjunction with the other 
Southern Company utilities, not all of the energy generated by GPC is consumed within Florida. 
As an investor-owned utility, the Commission has regulatory authority over all aspects of 
operations, including rates, reliability, and safety. Pursuant to Section 186.801(2), F.S., the 
Commission finds GPC’s 2016 Ten-Year Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2015, GPC had approximately 447,557 customers and annual retail energy sales of 11,086 
GWh or approximately 4.9 percent of Florida’s annual retail energy sales. Figure 28 below 
illustrates the Utility’s historic and forecast number of customers and retail energy sales, in terms 
of percentage growth from 2006. Over the last 10 years, GPC’s customer base has increased by 
7.8 percent, while retail sales have declined by 3.0 percent. As illustrated, retail energy sales are 
anticipated to exceed the historic 2008 peak by 2025, six years later than the state as a whole. 
 
 

Figure 28: GPC Growth Rate 

 
Source: 2016 Ten-Year Site Plan 
 
 
As an investor-owned utility, GPC is subject to FEECA and currently offers energy efficiency 
and demand response programs to customers to reduce peak demand and annual energy 
consumption. The Utility’s 2016 Ten-Year Site Plan reflects the revised demand-side 
management goals established by the Commission in December 2014. The three graphs in Figure 
29 below shows GPC’s seasonal peak demand and net energy for load for the historic years of 
2006 through 2015 and forecast years 2016 through 2025. These graphs include the full impact 
of demand-side management. 
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Figure 29: GPC Demand and Energy Forecasts 

 

 

 
Source: 2016 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 18 below shows GPC’s actual net energy for load by fuel type as of 2015, and the 
projected fuel mix for 2025. GPC is an energy exporter, producing over 7.5 percent more energy 
than it requires for native load. While natural gas was the dominant fuel source in 2015, coal was 
the second most utilized fuel source. By 2025, GPC’s 2016 Ten-Year Site Plan projects an 
increase in export to Southern Company Services that will be 8.1 percent of native load, with 
coal representing approximately 85 percent of system energy. GPC projects a greater percent of 
energy consumption from coal in 2025 than any of the other TYSP Utilities.  
 
 

Table 18: GPC Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 

Natural Gas 7,787 64.9% 1,828 14.5% 

Coal 4,876 40.6% 10,687 84.9% 

Nuclear 0 0.0% 0 0.0% 

Oil 1 0.0% 0 0.0% 

Renewable6 235 2.0% 1,091 8.7% 

Interchange -903 -7.5% -1,023 -8.1% 

NUG & Other 0 0.0% 0 0.0% 

Total 11,996   12,583   

Source: 2016 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
As previously noted, GPC is the only Ten-Year Site Plan utility outside of the FRCC region. As 
part of Southern Company’s electric system, GPC plans to maintain a 15 percent seasonal 
planning reserve margin beginning in 2017. Figure 30 below displays the forecast planning 
reserve margin for GPC through the planning period for both seasons, including the impact of 
energy efficiency programs. As shown in the figure, GPC’s generation needs are typically 
determined by its summer peak. It is anticipated that GPC would either construct additional 
generation or contract for purchased power to meet its planning reserve requirement in 2025.  
 
GPC also recently filed a petition requesting that formal action is taken to recognize its 
ownership in Plant Scherer Unit No. 3 as being in service to retail customers. In Figure 30 below 
the summer reserve margin forecasts with and without Plant Scherer Unit No. 3 are shown. The 
winter reserve margin for Plant Scherer Unit No. 3 remained relatively unaffected. This issue 
will be further addressed in GPC’s rate case (Docket No. 160186-EI). 
  

                                                 
6Gulf has entered into purchase power agreements linked to 272 MW of wind energy produced by facilities located 
in Oklahoma. While the energy from the facilities may not be delivered to Gulf’s system, the renewable attributes 
for their output are retained by the utility for the benefit of Gulf’s customers. 



 

70 

Figure 30: GPC Reserve Margin Forecast  
With Plant Scherer Unit No. 3 

 

 
Without Plant Scherer Unit No. 3 

 
 

Source: 2016 Ten-Year Site Plan 
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Generation Resources 
GPC plans multiple unit retirements and additions during the planning period, as described in 
Table 19 below. A coal-fired steam unit and three natural gas-fired combustion turbines will be 
retired during the planning period. Based on its 2016 Ten-Year Site Plan, GPC plans to add a 
single natural gas-fired combustion turbine in 2023, after the expiration of a purchased power 
agreement. In addition, GPC plans on the addition of utility-owned renewable generation from a 
landfill gas-fired internal combustion unit, which would provide firm capacity.  
 
 

Table 19: GPC Generation Resource Changes 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) 
Sum 

    Retiring Units 

2016 Lansing Smith 2 Coal Steam 195  

2018 Pea Ridge 1 - 3 Natural Gas Combustion Turbine 12  

Total Retirements 207  

    New Units 

2023 Combustion Turbines Natural Gas Combustion Turbine 654  
Total New Units 654  

    Net Additions 447  
Source: 2016 Ten-Year Site Plan 
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Florida Municipal Power Agency (FMPA) 
 
FMPA is a governmental wholesale power company owned by several Florida municipal utilities 
throughout Florida. Collectively, FMPA is Florida’s eighth largest electric utility and third 
largest municipal electric utility. While FMPA has 31 member systems, only those members who 
are participants of the All-Requirements Power Supply Project (ARP) are addressed in the 
Utility’s Ten-Year Site Plan. FMPA is responsible for planning activities associated with ARP 
member systems. As a municipal utility, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning. 
Pursuant to Section 186.801(2), F.S., the Commission finds FMPA’s 2016 Ten-Year Site Plan 
suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2015, FMPA had approximately 249,318 customers and annual retail energy sales of 5,617 
GWh or approximately 2.5 percent of Florida’s annual retail energy sales. Figure 31 below 
illustrates the Utility’s historic and forecast number of customers and retail energy sales in terms 
of percentage growth from 2006. Over the last 10 years, FMPA’s customer base has decreased 
by 13.8 percent, while retail sales have decreased by 17.8 percent. As illustrated, retail energy 
sales are not anticipated to exceed the historic 2007 peak during the planning period. The 
reduction in sales is associated with several ARP member systems modifying their contractual 
agreements with FMPA, such that FMPA no longer provides for the system’s capacity and 
energy needs. Those member systems modifying agreements include the City of Vero Beach in 
2010, the City of Lake Worth in 2014, and the City of Fort Meade in 2015. 
 
 

Figure 31: FMPA Growth Rate 

 
Source: 2016 Ten-Year Site Plan 
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The three graphs in Figure 32 below show FMPA’s seasonal peak demand and net energy for 
load for the historic years of 2006 through 2015 and forecast years 2016 through 2025. As 
FMPA is a wholesale power company, it does not directly engage in energy efficiency or 
demand response programs. ARP member systems do offer demand-side management programs, 
the impacts of which are included in the graphs below. 
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Figure 32: FMPA Demand and Energy Forecasts 

 

 

 
Source: 2016 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 20 below shows FMPA’s actual net energy for load by fuel type as of 2015 and the 
projected fuel mix for 2025. FMPA uses natural gas as its primary fuel, supplemented by coal 
and nuclear generation. FMPA projects an increase in purchased power and energy from coal in 
2025, but approximately 86 percent of energy would still be sourced from natural gas and 
nuclear. 
 
 

Table 20: FMPA Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 

Natural Gas 5,021 82.7% 5,500 81.7% 

Coal 726 12.0% 914 13.6% 

Nuclear 273 4.5% 269 4.0% 

Oil 5 0.1% 0 0.0% 

Renewable 42 0.7% 46 0.7% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 6 0.1% 0 0.0% 

Total 6,072   6,729   

Source: 2016 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
FMPA utilizes an 18 percent planning reserve margin criterion for summer peak demand, and a 
15 percent planning reserve margin criterion for winter peak demand. Figure 33 below displays 
the forecast planning reserve margin for FMPA through the planning period for both seasons, 
with the impact of energy efficiency programs. As shown in the figure, FMPA’s generation 
needs are controlled by its summer peak throughout the planning period. 
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Figure 33: FMPA Reserve Margin Forecast 

 

 
Source: 2016 Ten-Year Site Plan 
 
 

Generation Resources 
FMPA plans no unit additions or retirements during the planning period. However, as discussed 
above, several ARP member systems have elected to modify their contractual agreements with 
FMPA, such that FMPA no longer utilizes the member system’s generation resources. 
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Gainesville Regional Utilities (GRU) 
 
GRU is a municipal utility and the smallest electric utility required to file a Ten-Year Site Plan. 
The Utility’s service territory is within the FRCC region and consists of the City of Gainesville 
and its surrounding area. GRU also provides wholesale power to the City of Alachua and Clay 
Electric Cooperative. As a municipal utility, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning. 
Pursuant to Section 186.801(2), F.S., the Commission finds GRU’s 2016 Ten-Year Site Plan 
suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2015, GRU had approximately 94,628 customers and annual retail energy sales of 1,765 GWh 
or approximately 0.8 percent of Florida’s annual retail energy sales. Figure 34 below illustrates 
the Utility’s historic and forecast number of customers and retail energy sales, in terms of 
percentage growth from 2006. Over the last 10 years, GRU’s customer base has increased by 
6.33 percent, while retail sales have decreased by 4.49 percent. As illustrated, retail energy sales 
are anticipated to exceed their historic 2007 peak in 2024, five years later than the state as a 
whole. 
 
 

Figure 34: GRU Growth Rate 

 
Source: 2016 Ten-Year Site Plan 
 
 
The three graphs in Figure 35 below show GRU’s seasonal peak demand and net energy for load 
for the historic years of 2006 through 2015 and forecast years 2016 through 2025. GRU engages 
in multiple energy efficiency programs to reduce customer peak demand and annual energy for 
load. The graphs in Figure 35 include the impact of these demand-side management programs. 
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Figure 35: GRU Demand and Energy Forecasts 

 

 

 
Source: 2016 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 21 below shows GRU’s actual net energy for load by fuel type as of 2015 and the 
projected fuel mix for 2025. In 2014, coal was approximately two times natural gas in terms of 
contribution to net energy for load, with the remaining energy split between renewable 
generation and non-utility generators. But, in 2015, natural gas became GRU’s primary fuel 
source. By 2025, GRU projects a slight increase in natural gas, approximately a 10 percent 
increase in coal, and approximately an 8 percent decrease in renewable energy. 
 
 

Table 21: GRU Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 

Natural Gas 771 38.1% 921 43.4% 

Coal 663 32.8% 895 42.2% 

Nuclear 0 0.0% 0 0.0% 

Oil 1 0.0% 0 0.0% 

Renewable 374 18.5% 217 10.2% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 215 10.6% 87 4.1% 

Total 2,024   2,120   

Source: 2016 Ten-Year Site Plan and Data Responses 

 
 
Reliability Requirements 
GRU utilizes a 15 percent planning reserve margin criterion for seasonal peak demand. Figure 36 
below displays the forecast planning reserve margin for GRU through the planning period for 
both seasons, including the impacts of demand-side management. As shown in the figure, GRU’s 
generation needs are controlled by its summer peak throughout the planning period. As a smaller 
utility, the reserve margin is an imperfect measure of reliability due to the relatively large impact 
a single unit may have on reserve margin. For example, GRU’s largest single unit, Deerhaven 2, 
a coal-fired steam unit, represented 44.2 percent of summer net firm peak demand in 2016, 
almost the entirety of the Utility’s reserve margin. 
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Figure 36: GRU Reserve Margin Forecast 

 

 
Source: 2016 Ten-Year Site Plan 
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Generation Resources 
GRU currently plans to retire a natural gas-fired steam unit towards the end of the planning 
period, as described in Table 22 below. As a smaller utility, single units can have a large impact 
upon reserve margin. GRU does not plan to add additional generating capacity during the 
planning period. 
 

 
Table 22: GRU Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net Capacity 
(MW) 

Sum 

    
Retiring Units 

2022 Deerhaven FS01 Natural Gas Steam 75  
Retiring Units Total 75 

    
Net Additions (75) 

Source: 2016 Ten-Year Site Plan 
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JEA 
 
JEA, formerly known as Jacksonville Electric Authority, is Florida’s largest municipal utility and 
fifth largest electric utility. JEA’s service territory is within the FRCC region, and includes all of 
Duval County as well as portions of Clay and St. Johns Counties. As a municipal utility, the 
Commission’s regulatory authority is limited to safety, rate structure, territorial boundaries, bulk 
power supply, operations, and planning. Pursuant to Section 186.801(2), F.S., the Commission 
finds JEA’s 2016 Ten-Year Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2015, JEA had approximately 442,249 customers and annual retail energy sales of 11,864 
GWh or approximately 5.2 percent of Florida’s annual retail energy sales. Figure 37 below 
illustrates the Utility’s historic and forecast number of customers and retail energy sales, in terms 
of percentage growth from 2006. Over the last 10 years, JEA’s customer base has increased by 
10.21 percent, while retail sales have declined by 5.96 percent. As illustrated, JEA exceeded its 
2007 peak for retail energy sales in 2010, but does not forecast returning to that level of energy 
sales during the planning period. 
 
 

Figure 37: JEA Growth Rate 

 
Source: 2016 Ten-Year Site Plan and 2016 FRCC Load & Resource Plan 
 
 
The three graphs in Figure 38 below show JEA’s seasonal peak demand and net energy for load 
for the historic years of 2006 through 2015 and forecast years 2016 through 2025. These graphs 
include the full impact of demand-side management, and assume that all available demand 
response resources were or will be activated during the seasonal peak. 
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Figure 38: JEA Demand and Energy Forecasts 

 

 

 
Source: 2016 Ten-Year Site Plan and Data Responses 
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While a municipal utility, JEA is subject to FEECA and currently offers energy efficiency and 
demand response programs to customers to reduce peak demand and annual energy 
consumption. The Utility’s 2016 Ten-Year Site Plan reflects the revised demand-side 
management goals established by the Commission in December 2014. 
 

Fuel Diversity 
Table 23 below shows JEA’s actual net energy for load by fuel type as of 2015 and the projected 
fuel mix for 2025. In 2025, a majority JEA’s net energy for load will come from coal. JEA 
projects the second highest percent energy consumption from coal in 2025 of the Ten-Year Site 
Plan utilities. 
 
 

Table 23: JEA Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 

Natural Gas 5,209 40.5% 1,486 11.2% 

Coal 5,132 39.9% 7,782 58.5% 

Nuclear 0 0.0% 0 0.0% 

Oil 14 0.1% 0 0.0% 

Renewable7 101 0.8% 126 0.9% 

Interchange 935 7.3% 1,606 12.1% 

NUG & Other 1,475 11.5% 2,294 17.3% 

Total 12,866   13,294   

Source: 2016 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
JEA utilizes a 15 percent planning reserve margin criterion for seasonal peak demand. Figure 39 
below displays the forecast planning reserve margin for JEA through the planning period for 
both seasons, with and without the use of demand response. As shown in the figure, JEA’s 
generation needs are controlled by its summer peak throughout the planning period. 
 
 
 
 
 
 
 
 

                                                 
7
JEA’s renewables include out of state wind resources. 
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Figure 39: JEA Reserve Margin Forecast  

 

 
Source: 2016 Ten-Year Site Plan 
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Generation Resources 
JEA plans to retire one unit during the planning period, as described in Table 24 below. The 
Northside Unit 3, a natural gas-fired steam unit is planned for retirement in 2017 based on the 
Utility’s Ten-Year Site Plan. 
 
 

 
Table 24: JEA Generation Resource Changes 

Year 
Unit 

Name 
Fuel & Unit Type 

Net Capacity 
(MW) Notes 

 
Sum 

     
Retiring Units 

2017 Northside 3 Natural Gas Steam 524  Reserve Storage 
Retiring Units Total 524  

     
Net Additions (524)  

Source: 2016 Ten-Year Site Plan 
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Lakeland Electric (LAK) 
 
LAK is a municipal utility and the state’s third smallest electric utility required to file a Ten-Year 
Site Plan. The Utility’s service territory is within the FRCC region and consists of the City of 
Lakeland and surrounding areas. As a municipal utility, the Commission’s regulatory authority is 
limited to safety, rate structure, territorial boundaries, bulk power supply, operations, and 
planning. Pursuant to Section 186.801(2), F.S., the Commission finds LAK’s 2016 Ten-Year Site 
Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2015, LAK had approximately 125,670 customers and annual retail energy sales of 3,034 
GWh or approximately 1.3 percent of Florida’s annual retail energy sales. Figure 40 below 
illustrates the Utility’s historic and forecast number of customers and retail energy sales, in terms 
of percentage growth from 2006. Over the last 10 years, LAK’s customer base has increased by 
4.19 percent, while retail sales have grown by 5.06 percent. As illustrated, retail energy sales 
exceeded their historic 2007 peak in 2010 and 2015. 
 
 

Figure 40: LAK Growth Rate 

 
Source: 2016 Ten-Year Site Plan 
 
 
The three graphs in Figure 41 below show LAK’s seasonal peak demand and net energy for load 
for the historic years of 2006 through 2015 and forecast years 2016 through 2025. LAK offers 
energy efficiency programs, the impacts of which are included in the graphs below. 
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Figure 41: LAK Demand and Energy Forecasts 

 

 

 
Source: 2016 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 25 below shows LAK’s actual net energy for load by fuel type as of 2015 and the 
projected fuel mix for 2025. LAK uses natural gas as its primary fuel type for energy, with coal 
representing about 25 percent net energy for load. While natural gas usage is anticipated to 
increase somewhat as a percent of net energy for load, coal is projected to decrease by 2025.  
 
 

Table 25: LAK Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 
Natural Gas 2,204 70.5% 2,812 83.5% 

Coal 788 25.2% 624 18.5% 

Nuclear 0 0.0% 0 0.0% 

Oil 0 0.0% 1 0.0% 

Renewable 16 0.5% 38 1.1% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 118 3.8% -107 -3.2% 

Total 3,126   3,368   

Source: 2016 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
LAK utilizes a 15 percent planning reserve margin criterion for seasonal peak demand. Figure 42 
below displays the forecast planning reserve margin for LAK through the planning period for 
both seasons, including the impacts of demand-side management. As a smaller utility, the reserve 
margin is an imperfect measure of reliability due to the relatively large impact a single unit may 
have on reserve margin. For example, LAK’s largest single unit, McIntosh 5, a natural gas-fired 
combined cycle unit, represents 30.1 percent of winter net firm peak demand in 2015, in excess 
of the Utility’s reserve margin. 
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Figure 42: LAK Reserve Margin Forecast  

 

 
Source: 2016 Ten-Year Site Plan 
 
 

Generation Resources 
LAK plans no unit additions or retirements during the planning period. 
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Orlando Utilities Commission (OUC) 
 
OUC is a municipal utility and Florida’s seventh largest electric utility and second largest 
municipal utility. The Utility’s service territory is within the FRCC region and primarily consists 
of the Orlando metropolitan area. As a municipal utility, the Commission’s regulatory authority 
is limited to safety, rate structure, territorial boundaries, bulk power supply, operations, and 
planning. Pursuant to Section 186.801(2), F.S., the Commission finds OUC’s 2016 Ten-Year 
Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2015, OUC had approximately 225,105 customers and annual retail energy sales of 6,536 
GWh or approximately 2.9 percent of Florida’s annual retail energy sales. Figure 43 below 
illustrates the Utility’s historic and forecast number of customers and retail energy sales, in terms 
of percentage growth from 2006. Over the last 10 years, OUC’s customer base has increased by 
14.57 percent, while retail sales have grown by 9.22 percent. As illustrated, retail energy sales 
reached a new historic peak in 2015 and are anticipated to exceed that peak in 2017. 
 
 

Figure 43: OUC Growth Rate 

 
Source: 2016 Ten-Year Site Plan 
 
 
The three graphs in Figure 44 below show OUC’s seasonal peak demand and net energy for load 
for the historic years of 2006 through 2015 and forecast years 2016 through 2025. These graphs 
include the impact of the Utility’s demand side management programs. While a municipal utility, 
OUC is subject to FEECA and currently offers energy efficiency and demand response programs 
to customers to reduce peak demand and annual energy consumption.  
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Figure 44: OUC Demand and Energy Forecasts 

 

 

 
Source: 2016 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 26 below shows OUC’s actual net energy for load by fuel type as of 2015 and the 
projected fuel mix for 2025. In 2015, OUC primarily used natural gas as fuel to meet its net 
energy for load at 56 percent, with coal as the second most used fuel at 37 percent. However, 
OUC projects an increase in the quantity of energy consumed from coal by approximately 20 
percent, making coal its primary fuel source by 2025. Natural gas usage is planned to decrease 
by about 24 percent by 2025. Based upon this projection, OUC, as a percent of net energy for 
load, would be the third largest user of coal in Florida by 2025. 
 
 

Table 26: OUC Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 

Natural Gas 4,578 56.4% 2,512 32.5% 

Coal 2,990 36.8% 4,287 55.4% 

Nuclear 450 5.5% 586 7.6% 

Oil 1 0.0% 0 0.0% 

Renewable 102 1.3% 347 4.5% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 0 0.0% 0 0.0% 

Total 8,121   7,732   

Source: 2016 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
OUC utilizes a 15 percent planning reserve margin criterion for seasonal peak demand. Figure 45 
below displays the forecast planning reserve margin for OUC through the planning period for 
both seasons, including the impact of demand-side management programs. As shown in the 
figure, OUC’s generation needs are controlled by its summer peak demand throughout the 
planning period. 
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Figure 45: OUC Reserve Margin Forecast 

 

 
Source: 2016 Ten-Year Site Plan 
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Generation Resources 
Based upon current planning OUC is adding a combined cycle in 2021 using natural gas. The 
unit as shown in Table 27 below will be a 300 MW Natural Gas Unit and will require a 
determination of need from the Commission.  
 
 

Table 27: OUC Generation Resource Changes 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 
Sum 

     New Units 

2021 Unknown Natural Gas Combined Cycle 300  Requires PPSA 

Total New Units 300    

     Net Additions 300    

Source: 2016 Ten-Year Site Plan 
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Seminole Electric Cooperative (SEC) 
 
SEC is a generation and transmission rural electric cooperative that serves its member 
cooperatives, and is collectively Florida’s fourth largest utility. SEC’s generation and member 
cooperatives are within the FRCC region, with member cooperatives located in central and north 
Florida. As a rural electric cooperative, the Commission’s regulatory authority is limited to 
safety, rate structure, territorial boundaries, bulk power supply, operations, and planning. 
Pursuant to Section 186.801(2), F.S., the Commission finds SEC’s 2016 Ten-Year Site Plan 
suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2015, SEC had approximately 751,848 customers and annual retail energy sales of 13,374 
GWh or approximately 5.9 percent of Florida’s annual retail energy sales. Figure 46 below 
illustrates the Utility’s historic and forecast number of customers and retail energy sales, in terms 
of percentage growth from 2006. Over the last 10 years, SEC’s customer base has decreased by 
13.59 percent, and retail sales have decreased 16.12 percent. As illustrated, retail energy sales are 
not anticipated to exceed their historic 2007 peak during this planning period. The decline shown 
in 2014 is associated with one member cooperative, Lee County Electric Cooperative, electing to 
end its membership with SEC. 
 
 

Figure 46: SEC Growth Rate 

 
Source: 2016 Ten-Year Site Plan 
 
 
The three graphs in Figure 47 below show SEC’s seasonal peak demand and net energy for load 
for the historic years of 2006 through 2015 and forecast years 2016 through 2025. As SEC is a 
generation and transmission company, it does not directly engage in energy efficiency or demand 
response programs. Member cooperatives do offer demand-side management programs, the 
impacts of which are included in Figure 47. 
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Figure 47: SEC Demand and Energy Forecasts 

 

 

 
Source: 2016 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 28 below shows SEC’s actual net energy for load by fuel type as of 2015 and the projected 
fuel mix for 2025. In 2015, SEC uses a combination of coal and natural gas to meet its member 
cooperatives’ net energy for load, with coal use slightly higher than natural gas. By 2025, SEC 
projects this to reverse, with natural gas usage somewhat higher than coal. 
 
 

Table 28: SEC Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 

Natural Gas 5,333 37.8% 8,625 53.2% 

Coal 7,803 55.3% 7,363 45.4% 

Nuclear 0 0.0% 0 0.0% 

Oil 36 0.3% 50 0.3% 

Renewable 932 6.6% 186 1.1% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 0 0.0% 0 0.0% 

Total 14,104   16,224   

Source: 2016 Ten-Year Site Plan and Data Responses 
 
 

Reliability Requirements 
SEC utilizes a 15 percent planning reserve margin criterion for seasonal peak demand. Figure 48 
below displays the forecast planning reserve margin for SEC through the planning period for 
both seasons, with and without the use of demand response. Member cooperatives allow SEC to 
coordinate demand response resources to maintain reliability. As shown in the figure, SEC’s 
generation needs are determined by winter peak demand more often than summer peak demand 
during the planning period. 
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Figure 48: SEC Reserve Margin Forecast  

 

 
 
Source: 2016 Ten-Year Site Plan 
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Generation Resources 
SEC plans the addition of several generating units during the planning period, as described in 
Table 29 below. All unsited natural gas-fired units, SEC plans the addition of a total of four 
combustion turbines and a single combined cycle unit over the planning period. 
 
 

Table 29: SEC Generation Resource Changes 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) Notes 
Sum 

     New Units 

2021 Unnamed CC Natural Gas Combined Cycle 649  Requires PPSA 

2021 Unnamed CT 1 Natural Gas Combustion Turbine 201    

2022 Unnamed CT 2 Natural Gas Combustion Turbine 201    

2024 Unnamed CT 3 & 4 Natural Gas Combustion Turbine 201    

Total New Units 1,252    

Source: 2016 Ten-Year Site Plan 
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City of Tallahassee Utilities (TAL) 
 
TAL is a municipal utility and the second smallest electric utility which files a Ten-Year Site 
Plan. The Utility’s service territory is within the FRCC region and primarily consists of the City 
of Tallahassee and surrounding areas. As a municipal utility, the Commission’s regulatory 
authority is limited to safety, rate structure, territorial boundaries, bulk power supply, operations, 
and planning. Pursuant to Section 186.801(2), F.S., the Commission finds TAL’s 2016 Ten-Year 
Site Plan suitable for planning purposes. 
 

Load & Energy Forecasts 
In 2015, TAL had approximately 117,827 customers and annual retail energy sales of 2,655 
GWh or approximately 1.2 percent of Florida’s annual retail energy sales. Figure 49 below 
illustrates the Utility’s historic and forecast number of customers and retail energy sales, in terms 
of percentage growth from 2006. Over the last 10 years, TAL’s customer base has increased by 
6.58 percent, while retail sales have declined by 2.17 percent. As illustrated, retail energy sales 
are not anticipated to exceed their historic 2007 peak until 2018. 
 
 

Figure 49: TAL Growth Rate 

 
Source: 2016 Ten-Year Site Plan 
 
 
The three graphs in Figure 50 below show TAL’s seasonal peak demand and net energy for load 
for the historic years of 2006 through 2015 and forecast years 2016 through 2025. These graphs 
include the impact of demand-side management, and for future years assume that all available 
demand response resources will be activated during the seasonal peak. TAL offers energy 
efficiency and demand response programs to customers to reduce peak demand and annual 
energy consumption. Currently TAL only offers demand response programs targeting appliances 
that contribute to summer peak, and therefore have no effect upon winter peak. 
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Figure 50: TAL Demand and Energy Forecasts 

 

 

 
Source: 2016 Ten-Year Site Plan and Data Responses 
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Fuel Diversity 
Table 30 below shows TAL’s actual net energy for load by fuel type as of 2015 and the projected 
fuel mix for 2025. TAL relies almost exclusively on natural gas for its generation, excluding 
some purchases from other utilities and qualifying facilities and the use of oil as a backup fuel. 
Natural gas is anticipated to remain the primary fuel source on the system.  
 
 

Table 30: TAL Energy Consumption by Fuel Type 

Fuel Type 

Net Energy for Load 

2015 2025 

GWh % GWh % 

Natural Gas 2,704 97.4% 3,001 98.9% 

Coal 0 0.0% 0 0.0% 

Nuclear 0 0.0% 0 0.0% 

Oil 0 0.0% 0 0.0% 

Renewable 16 0.6% 53 1.7% 

Interchange 0 0.0% 0 0.0% 

NUG & Other 55 2.0% -20 -0.7% 

Total 2,775   3,035   

Source: 2016 Ten-Year Site Plan and Data Responses 
 

 
Reliability Requirements 
TAL utilizes a 17 percent planning reserve margin criterion for seasonal peak demand. Figure 51 
below displays the forecast planning reserve margin for TAL through the planning period for 
both seasons, with and without the use of demand response. As discussed above, TAL only 
offers demand response programs applicable to the summer peak. As shown in the figure, TAL’s 
generation needs are controlled by its summer peak throughout the planning period. 
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Figure 51: TAL Reserve Margin Forecast  

 

 
Source: 2016 Ten-Year Site Plan 
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Generation Resources 
TAL plans multiple unit retirements and a single addition during the planning period, as 
described in Table 31 below. Several older combustion turbines at two plant sites and a single 
steam unit, all natural gas-fired, are anticipated to be retired during the planning period. Based 
upon its current planning, TAL intends to add a new natural gas-fired combustion turbine in 
2018. 
 
 

Table 31: TAL Generation Resource Changes 

Year 
Plant Name 

& Unit Number 
Unit Type 

Net Capacity 
(MW) 
Sum 

    Retiring Units 

2017 Hopkins CT-1 Natural Gas Gas Turbine 12  

2017 Purdom CT-1 & CT-2 Natural Gas Gas Turbine 20  

2018 Hopkins CT-2 Natural Gas Gas Turbine 24  

2021 Hopkins 1 Natural Gas Steam Turbine 76  

Total Retirements 132  

    New Units 

2018 Substation 12 IC 1-2 Natural Gas Internal Combustion 9  

Total New Units 9  

    Net Additions (123) 
Source: 2016 Ten-Year Site Plan 
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Ten-Year Site Plan Comments 

State Agencies 

 Fish and Wildlife Conservation Commission- General  

 Fish and Wildlife Conservation Commission- Gulf  

 Department of Environmental Protection  

Regional Planning Councils 

 Treasure Coast Regional Planning Council 

Water Management Districts 

 Southwest Florida Water Management District 

 St. Johns Water Management District  

Local Governments 

 Charlotte County  

Environmental Groups 

 Southern Alliance for Clean Energy  

 Sierra Club  
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June 21, 2016 

 

 

 

Moniaishi Mtenga 

Division of Engineering 

Public Service Commission 

2540 Shumard Oak Boulevard 

Tallahassee, FL  32399-0850 

mmtenga@psc.state.fl.us 

 

 

RE:  2016 Ten-Year Power Plant Site Plans 

 

 

Dear Mr. Mtenga: 

 

Florida Fish and Wildlife Conservation Commission (FWC) staff has reviewed the 2016 Ten-

Year Power Plant Site Plans submitted to the Public Service Commission (PSC).  We will be 

providing comments on the Gulf Power Company (GULF) Ten-Year Site Plan in a subsequent 

letter.  However, we are submitting this letter to notify you that we have reviewed the following 

plans and have no comments regarding fish and wildlife resources: 

 

Gainesville Regional Utilities (GRU) 

Orlando Utilities Commission (OUC) 

City of Tallahassee Utilities (TAL) 

Jacksonville Energy Authority (JEA) 

Florida Municipal Power Agency (FMPA) 

Florida Power and Light Company (FPL) 

Seminole Electric Cooperative (SEC) 

Lakeland Electric (LAK) 

Tampa Electric Company (TECO) 

Duke Energy Florida (DEF) 

 

We appreciate the opportunity to review the Ten-Year Site Plans, as provided by the PSC.  If you 

need further assistance, please do not hesitate to contact Jane Chabre either by phone at (850) 

410-5367 or by email at FWCConservationPlanningServices@MyFWC.com.  If you have 

specific technical questions, please contact Jason Hight either by phone at (850) 413-6966 or by 

email at Jason.Hight@MyFWC.com.  

 

Sincerely, 

 

 
Jennifer D. Goff 

Land Use Planning Program Administrator 

Office of Conservation Planning Services 

 

jdg/jh 
ENV 2-11-3 

2016 Ten-Year Site Plans_30912, 30917, 30910, 30916, 30921, 30925, 30911, 30914, 30923, 30924_062416 
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July 6, 2016 

Moniaishi Mtenga 
Division of Engineering 
Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, FL 32399-0850 
mm tenga@psc. state. fl. us 

RE: GulfPower 2016 10-Year Site Plan, Multi-County 

Dear Mr. Mtenga: 

Florida Fish and Wildlife Conservation Commission (FWC) staffhas reviewed the Gulf 
Power 2016 10-Year Site Plan and provides the following comments and 
recommendations. 

Project Description 

Section 186.80 I , Florida Statutes, requires electric generating facilities to submit a ten
year site plan to the Florida Public Service Commission. Gulf Power owns and operates 
five plants in Northwest Florida: Plant Crist (Escambia County); Plant Lansing Smith 
(Bay County); Plant Scholz (Jackson County); Pea Ridge (Santa Rosa County); and 
Perdido (Escambia County). Gulf Power has continued to evaluate the construction of 
generating facilities or the acquisition of equivalent capacity resources in coordination 
with other Southern Electric System (SES) operating companies. Gulf Power indicates 
that it has satisfied its need for firm capacity through the May 2023 time period. Any 
new facility construction is deferred during the 2016-2025 planning cycle. Gulf Power 
will consider future additional capacity at its existing sites at the Plant Crist, Plant 
Lansing Smith, Plant Scholz, or on the identified Gulf Power sites at the Shoal River 
property in Walton County, Caryville property in Holmes and Washington counties, or 
the North Escambia County property. 

Potentially Affected Fish and Wildlife Resources 

FWC staff previously provided comments to Gulf Power on the potentially affected 
resources at the proposed facility expansion sites during the 2010 and 2012 Plan 
Reviews, with the exception of the proposed North Escambia County Site (see 
enclosure). Since that time, the listing status of several species has changed which affects 
the discussion of unique or significant environmental features that are discussed under 
each site description in the Ten-Year Site Plan. We are providing the following 
information as technical assistance at the request of Gulf Power staff so that they may 
update these descriptions. 
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Plant Crist (Escambia County) is located adjacent to the Escambia River. FWC GIS 
analysis found that this site is located near, within, or adjacent to: 

• U.S. Fish and Wildlife Service Critical Habitat for the: 
o Gulf sturgeon (Acipenser oxyrinchus desotoi, Federally Threatened (FT) 

• Potential habitat for the: 
o Harlequin darter (Etheostoma his trio, State Species of Special Concern 

[SSCJ) 

Plant Scholz (Jackson County) is located adjacent to the Apalachicola River. FWC GIS 
analysis found that this site is located near, within, or adjacent to: 

• U.S. Fish and Wildlife Service Critical Habitat for the: 
o Gulf sturgeon (Acipenser oxyrinchus desotoi, FT) 
o Purple bankclimber (Elliptoides sloatianus, FT) 
o Fat three-ridge (Amblema neislerii, Federally Endangered [FE]) 

• Potential habitat for the: 
o Barbour's map turtle (Graptemys barbouri, SSC) 

The undeveloped Shoal River Site (Walton County) is located on the Shoal River 
approximately 3 miles northwest of Mossy Head, Florida. The property is predominantly 
in pine plantation. FWC GIS analysis found that this site is located near, within, or 
adjacent to: 

• U.S. Fish and Wildlife Service Consultation Area for the: 
o Red-cockaded woodpecker (Picoides borealis, FE) 

• U.S. Fish and Wildlife Service Critical Habitat for the: 
o Southern sandshell mussel (Hamiota australis, FT) 
o Choctaw bean (Villosa choctawensis, FE) 
o Narrow pigtoe (Fusconaia escambia, FT) 
o Fuzzy pigtoe (Pleurobema strodeanum, FT) 

• Potential habitat for the: 
o Gopher tortoise (Gopherus polyphemus, State Threatened [ST]) 
o Blackmouth shiner (Notropis melanostomus, ST) 
o Bluenose shiner (Pteronotropis welaka, SSC) 
o Alligator snapping turtle (Macrochelys temminckii, SSC) 
o Eastern indigo snake (Drymarchon couperi, FT) 
o Pine barrens treefrog (Hyla andersonii, SSC) 
o Florida black bear ( Ursus americanus jloridanus) 

The undeveloped Caryville Site (Holmes and Washington counties) is approximately 1.5 
miles northeast of Caryville, Florida, and adjacent to the Choctawhatchee River. The 
property is predominantly in agriculture and pine plantation. FWC staff conducted a GIS 
analysis and found that this site is located near, within, or adjacent to: 

• U.S. Fish and Wildlife Service Critical Habitat for the: 
o Gulf sturgeon (Acipenser oxyrinchus desotoi, FT) 
o Southern sandshell mussel (Hamiota australis, FT) 
o Choctaw bean (Villosa choctawensis, FE) 
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o Southern kidneyshell (Ptychobranchus jonesi, FE) 
o Tapered pigtoe (Fusconaia burld, FT) 
o Fuzzy pigtoe (Pleurobema strodeanum, FT) 

• Potential habitat for the: 
o Gopher tortoise (Gopherus polyphemus, ST) 
o Barbour's map turtle ( Graptemys barbouri, SSC) 
o Bluenose shiner (Pteronotropis welaka, SSC) 
o Eastern indigo snake (Drymarchon couperi, FT) 
o Pine barrens treefrog (Hy la andersonii, SSC) 
o Alligator snapping turtle (Macrochelys temminckii, SSC) 
o Florida black bear (Ursus americanus jloridanus) 

The undeveloped North Escambia Property Site (Escambia County) is approximately 5 
miles southwest of Century, Florida near County Road 4 and U.S. Highway 29. The site 
contains part of the Mitchell Creek drainage basin. FWC GIS analysis found that this site 
is located near, within, or adjacent to: 

• Potential habitat for the: 
o Gopher tortoise (Gopherus polyphemus, State Threatened [ST]) 
o Harlequin darter (Etheostoma histrio, SSC) 
o Sherman' s fox squirrel (Sciurus niger shermani, SSC) 

With the addition ofthe information provided above, FWC finds that GulfPower's 2016 
1 0-year Site Plan 2016-2025 document is suitable for planning purposes and the plan 
proposes no significant impacts to fish and wildlife resources as written. If you need 
further assistance, please do not hesitate to contact Jane Chabre either by phone at (850) 
410-5367 or at FWCConservationPlanningServices@MyFWC.com. If you have specific 
technical questions regarding the content of this letter, please contact Theodore Hoehn at 
(850) 488-8792 or by email at ted.hoehn@MyFWC.com. 

Sincerely, 

Jennifer D. Goff 
Land Use Planning Program Administrator 
Office of Conservation Planning Services 

jdg/th 
ENV 2- 11-4/3 
Gulf Power Company 20 16 Ten-Year Site Plan_ 30922 _ 0706 16 

Enclosure 

cc: Robert McGee, Jr., Gulf Power, RLMMCGEE@southernco.com 
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June 7, 20 12 

Mr. Phillip E llis 
Division of Regulatory Analysis 
Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, PL 32399-0850 
pc l l i~a p c.staw:.s .fl .us 

RE: GulfPowcr 201 2 10-Year Site Plan, Multi-County 

Dear Mr. Ellis: 

Florida Fish and Wildlife Conservation Commission (FWC) staff has reviewed the Gulf 
Power 2012 10-Year Site Plan and provides the following comments and 
recommendations for your consideration. 

Project Description 

Secti on 186.801, Florida Statutes requires electric generating facil ities to submit a ten
year site plan to the Florida Public Service Commission. Gulf Power owns and operates 
five plants in Northwest Florida: Plant Crist (Escambia County); Plant Lansing Smith 
(Bay County) ; Plant Sholtz (Jackson County) ; Pea Ridge (Santa Rosa County); and 
Perdido (Escambia County). Gulf Power has continued to evaluate the constmction of 
generating facilities or the acquisition of equivalent capacity resources in coordination 
with other Southern Electric System (SES) operating companies. Gulf Power indicates 
that it has satisfied its need for firm capacity through the May 2023 time period. Any 
new fac ility construction is deferred during the 2012-202 1 planning cycle. Gulf Power 
will consider additional capacity at its exist ing sites at the Plant Crist, Plant Lansing 
Smith, Plant Scholtz, or at the identified sites on the Shoal River property in Walton 
County or the Caryville property in Holmes and Washint,rton Counties. 

Potentially Affected Resources 

Plant Crist (Escambia County) is located adjacent to the Escambia Ri ver, which has been 
designated as Critical Habitat for the Gulf Sturgeon [ Acipenser oxyrinchus desotoi 
Federa l Threatened (FT)]. The undeveloped portion of the s ite includes mi xed 
hardwoods/pines and mixed scntb. 

Plant Lansing Smith (Bay County) is located along North Bay of the St. Andrews Bay 
system. The undeveloped portion of the site is predominantl y pine plantation with some 
wetland areas. The site is adjacent to areas identified for conservation under the Bay 
County Sector Plan. 

Plant Scholtz (Jackson County) is located adjacent to the Apalachicola River. The si te 
consists of a mixture of pine and hardwood forests. Plant Scholtz is adjacent to the 
Apalachicola River, which has designated critical habitat for the Gulf Sturgeon 
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[Acipenser wyrinchus desotoi (FT)], and cri tical hab itat for the purple bankclimber 
[Eiliptoides sloatianus (FT)] and fat three-ridge [Amblema neislerii - Federal Endangered 
(FE)]. 

The undeveloped Shoal Ri ver Site (Walton County) is located on the Shoal River 
approx imately 3 miles northwest of Mossy Head, Florida. The property is predominantly 
in pine plantati on. The s ite falls w ithin a federally designated red-cockaded woodpecker 
consultation area; and contains primary and secondary habitat for the Florida black bear 
[ Ursus americanusjloridanus - State Threatened (ST)]. This site is also within close 
proximity to known occun·ences of southern sandshel l mussel (Ham iota australis 
Federal , Candidate Endangered), blackmouth shiner [Notropis melanostomus - State 
Endangered (SE)], bluenose shiner [Pteronotropis welaka - State Species of Special 
Concern (SSC)], Eastern indigo snake [Drymarchon. couperi - (FT)], alligator snapping 
turtle [Macrochelys temminckii (State SSC)] , gopher tortoi se [ Gopherus polyphemus 
(ST)], and pine barrens treefrog [Hy la andersonii (State SSC)]. 

The undeveloped Caryvi ll e Site (Holmes/Washi ngton County) is approximately 1.5 miles 
northeast of Caryville, Florida. The property is predominantly in agriculture and pine 
plantation. The site may contain gopher tortoise [Copherus polyphemus (ST)], pine 
barrens treefrog [Hyla andersonii (State SSC)], and the Eastern indigo snake 
[Drymarchon couperi (FT)]. The site is also within close proximity to the 
Choctawhatchee River, which contains critical habitat for the Gulf Sturgeon [Acipenser 
oxyrinchus desotoi (FT)] and known occurrences of Barbour's Map Turtle [Graptemys 
ben-houri (State SSC)], Fuzzy Pigtoe (Pleurobema strodeanum- Federal, Candidate 
Endangered), and bluenose shiner [Pteronotropis welaka (State SSC)]. 

FWC appreciates the opportunity to review Gulf Power's 20 12 I 0-year Site Plan 20 12-
2021 document and extends an offer to assist Gulf Power in furthe r identifying fi sh and 
wi ldli fe resources within their planning area. Based on our review, we have determined 
that there are no development plans proposed in thi s Gul f Power Planning document that 
appear to pose significant fish and wi ldlife resource issues or potential conflicts for this 
planning period. If you need further assistance, please do not hesitate to contact Jane 
Chabre either by phone at (850) 410-5367 or at 
FWCConscrvationPianningServices@MyFWC.com. [f you have specific teclmical 
questions regarding the content of thi s letter, please contact Theodore Hoehn at 850-488-
8792 or by email at tcd.hochn(a 'mvfwc.com . 

Sincerely, 

Scott Sanders, Director 
Office of Conservation Planning Services 

ss/bg/th 
ENV 2-1r-4/3 
Gulf Power Company 2012 1 0-ycar Si1c Pran_ r6170_0(107r2 

cc: Susan Ritenour, Gulf Power, SDRITENO@southemco.com 
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From: Bull, Robert (Bobby)
To: Moni Mtenga
Cc: Mulkey, Cindy; Seiler, Ann
Subject: DEP-Siting Coordination Office TYSP Review
Date: Thursday, June 30, 2016 2:00:44 PM

Good afternoon,
 
The Department of Environmental Protection’s Siting Coordination Office has reviewed the 2016
Ten-Year Site Plans for Florida’s Electric Utilities and found the documents to be adequate for
planning purposes. Thank you for the opportunity to review and comment on the plans.
 
 
Bobby Bull, P.E.
Siting Coordination Office
2600 Blair Stone Road MS 5500
Tallahassee, FL 32399
Robert.Bull@dep.state.fl.us
850/717-9111
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TREASURE COAST REGIONAL PLANNING COUNCIL 
 

Report on the 
 

Florida Power & Light Company Ten Year Power Plant Site Plan 2016-2025 
 

July 15, 2016 
 

Introduction  
 
Each year every electric utility in the State of Florida produces a ten year site plan that includes 
an estimate of future electric power generating needs, a projection of how those needs will be 
met, and disclosure of information pertaining to the utility’s preferred and potential power plant 
sites. The Florida Public Service Commission (FPSC) has requested that Council review the 
most recent ten year site plan prepared by Florida Power & Light Company (FPL). The purpose 
of this report is to summarize FPL’s plans for future power generation and provide comments for 
transmittal to the FPSC. 
 
Summary of the Plan 
 
The plan indicates that total summer peak demand is expected to grow by 9.9 percent from 
24,170 megawatts (MW) in 2016 to 26,572 MW in 2025. During the same period, FPL is 
expecting to reduce electrical use through demand side management programs, which include a 
number of conservation, energy efficiency, and load management initiatives. FPL’s demand side 
management programs are expected to grow by 26.7 percent from 1,842 MW in 2016 to 2,334 
MW in 2025. After FPL’s demand side management efforts are factored in, FPL will still require 
additional capacity from conventional power plants to meet future electrical demand (Exhibit 1). 
FPL is proposing to add a total of about 2,989 MW of summer capacity to its system from 2016 
to 2025. FPL plans to obtain additional electricity through: 1) power purchases from qualifying 
facilities, utilities, and other entities; 2) upgrades to existing facilities; 3) modernization of 
existing FPL facilities; and 4) construction of new generating units. Major additions of new 
generating capacity are as follows: 
 

 2016 – place in service the Port Everglades Next Generation Clean Energy Center (1,237 
MW) in the City of Hollywood; 

 2017 – place in service five new combustion turbines to replace gas turbines at the 
Lauderdale site (1,155 MW) in Broward County; 

 2019 – place in service the Okeechobee Next Generation Clean Energy Center (1,633 
MW) in Okeechobee County; and 

 2024 – place in service a new combined cycle power plant (1,317 MW) (not sited). 
 
Based on the projection of future resource needs, FPL has identified the following seven 
preferred sites for future power generating facilities: 
 

1. Babcock Ranch Solar Energy Center, Charlotte County 
2. Citrus Solar Energy Center, DeSoto County 
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3. Manatee Solar Energy Center, Manatee County 
4. Lauderdale Plant Peaking Facilities, Broward County 
5. Fort Myers Plant Peaking Facilities, Lee County 
6. Okeechobee Site, Okeechobee County 
7. Turkey Point Plant, Miami-Dade County 

 
Also, FPL has identified six potential sites for new or expanded power generating facilities. The 
identification of potential sites does not represent a commitment by FPL to construct new power 
generating facilities at these sites. The potential sites include: 
 

1. Alachua County 
2. Hendry County 
3. Martin County 
4. Miami-Dade County 
5. Putnam County 
6. Volusia County 

 
The ten year site plan describes five factors that have impacted or could impact FPL’s resource 
plan. These factors include: 
 

1. Maintaining/enhancing fuel diversity in the FPL system. 
2. Maintaining a balance between load and generating capacity in southeastern Florida, 

particularly in Miami-Dade and Broward counties. 
3. Maintaining an appropriate balance of demand side management and supply resources to 

achieve system reliability. 
4. The impact of federal and state energy efficiency codes and standards on FPL’s 

forecasted future demand and energy requirements. 
5. The increasing cost competitiveness of utility-scale photovoltaic (PV) facilities due to the 

continued decline of the cost of PV modules and the recent extension of federal tax 
credits. 

 
Evaluation 
 
One of the main purposes of preparing the ten year site plan is to disclose the general location of 
proposed power plant sites. The FPL ten year site plan identifies no preferred sites and one 
potential site for future power generating facilities in the Treasure Coast Region (Exhibit 2). The 
only potential site identified in the Treasure Coast Region is Martin County. The plan indicates 
FPL is currently evaluating potential sites in Martin County for a future PV facility. No specific 
locations have been selected at this time.  
 
One preferred site, the Okeechobee site is located in northeastern Okeechobee County directly 
adjacent to Indian River County. Natural gas is expected to be supplied by an existing pipeline as 
well as a future pipeline. The FPSC issued a determination of need order approving this unit on 
January 19, 2016.  The Florida Department of Environmental Protection has recently issued a 
final order approving certification of this facility. Indian River County was a party to the site 
certification proceeding and FPL coordinated with Indian River County regarding possible 
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impacts to the county. The conditions of certification for the new Okeechobee Next Generation 
Clean Energy Center address impacts to Indian River County related to traffic, traffic impact 
fees, and emergency services. 
 
The ten year site plan indicates that fossil fuels will be the primary source of energy used to 
generate electricity by FPL during the next 10 years (Exhibit 3). The plan indicates fossil fuels 
will account for 72.6 percent (3.3 percent from coal, 1.5 percent from oil, and 67.8 percent from 
natural gas) of FPL’s electric generation in 2016. The plan predicts fossil fuels will account for 
72.6 percent (2.7 percent from coal, 0 percent from oil, and 69.9 percent from natural gas) of 
FPL’s electric generation in 2025. During the same period, nuclear sources are predicted to 
change from 23.9 percent in 2016 to 23.1 percent in 2025. Solar sources are predicted to increase 
from 0.1 percent in 2016 to 1.0 percent in 2025. 
 
Renewable Energy 
 
The 10 year site plan indicates FPL is increasing its efforts to implement cost-effective 
renewable energy. The factors driving these efforts are: 1) the price of PV modules has declined 
in recent years; 2) FPL has developed a methodology with which it can assign a firm capacity 
benefit for meeting FPL’s summer peak load to PV; and 3) FPL has concluded from its 
implementation and analyses of utility-scale PV and PV demand side pilot programs that utility-
scale PV applications are the most economical way to utilize solar energy. FPL’s efforts to 
increase use cost-effective renewable energy include the use of utility-scale PV facilities and 
distributed generation PV pilot programs, which are described below. 
 
Utility-scale PV Facilities. FPL is planning to add three new PV facilities by the end of 2016. 
These are the Babcock Ranch Solar Energy Center in Charlotte County, Citrus Solar Energy 
Center in DeSoto County, and Manatee Solar Energy Center in Manatee County. Each of the PV 
facilities will be approximately 74.5 MW. These new facilities will be in addition to the existing 
Martin Next Generation Solar Energy Center (75 MW) in Martin County, the DeSoto Next 
Generation Solar Energy Center (25 MW) in DeSoto County, and the Space Coast Next 
Generation Solar Energy Center (10 MW) in Brevard County. The new facilities will increase 
FPL's solar generation capacity from its current 110 MW to approximately 333 MW. Also, FPL 
is projecting the addition of another approximately 300 MW of PV that will be added by the year 
2021. This will result in an approximate doubling of FPL’s PV generation from the 333 MW 
level by the end of 2016 to approximately 633 MW by 2021. A final determination of the siting 
of this 300 MW of additional PV has not yet been made. 
 
Distributed Generation PV Pilot Programs. FPL has three types of distributed generation 
(DG) PV programs. First is the Community-based Solar Partnership Pilot Program, which is a 
voluntary solar pilot program to provide customers with an additional and flexible opportunity to 
support development of solar power in Florida. This pilot program will provide all customers the 
opportunity to support the use of solar energy at a community scale and is designed for 
customers who do not wish, or are not able, to place solar equipment on their roof. Customers 
can participate in the program through voluntary contributions of $9/month. The voluntary 
contribution is required, because the cost per MW to construct this type of distributed generation 
scale facility is approximately double the cost of utility scale facilities. Also, the operation and 
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maintenance costs of these facilities are expected to be three times as much as for utility-scale 
PV systems. The first 175 kW of DG PV projects under this pilot program are located in the City 
of West Palm Beach and in Broward County. Additional PV facilities under this program will be 
built when the projected voluntary contributions are sufficient to cover on-going program costs 
without increasing electric rates for all customers. The locations of additional PV facilities have 
not yet been determined. 
 
The second type of DG PV program is the Commercial and Industrial Partnership Pilot 

Program. This pilot program will be conducted in partnership with interested commercial and 
industrial customers over about a five year period. Limited investments will be made in PV 
facilities located at customer sites in selected geographic areas of FPL's service territory. The 
primary objective of this program is to examine the effect of high penetration of DG PV on 
FPL's distribution system and to determine how best to address any problems that may be 
identified. FPL will site approximately 4 MW of PV facilities on circuits that experience specific 
loading conditions to better study impacts. PV installations at Daytona International Speedway, 
Daytona Kennel Club and Poker Room, and Florida International University’s Engineering 
Center campus in West Miami-Dade County have been selected based on their interconnection 
with targeted circuits. 
 
The third type of DG PV program is the Battery Storage Pilot Program. The purpose of this pilot 
program is to demonstrate and test a wide variety of battery storage grid applications. In 
addition, the pilot program is designed to help FPL learn how to integrate battery storage into the 
grid. Under this pilot program, FPL is installing a 1.5 MW battery storage system in Miami-Dade 
County. In addition, a battery storage system of 1.5 MW is also being installed in Monroe 
County for backup power and voltage support. Several smaller kilowatt-scale systems are also 
being installed at other locations to study distributed storage reliability applications. 
 
Conclusion 
 
Council is encouraged that FPL will have tripled its solar capacity by building three more 
74.5 MW solar energy centers by the end of 2016. The amount of electricity generated by FPL’s 
six solar plants will be the equivalent of 65,000 residential rooftop solar installations. FPL is 
preparing to build even more large scale solar projects in the next 5 years, while at the same time 
constructing and operating highly efficient natural gas plants that have decreased dependence on 
foreign oil and saved energy costs. This has resulted in FPL having the lowest rates of all electric 
utilities in the State of Florida and among the lowest rates in the nation. 
 
Council recommends that FPL continue to make progress toward adopting a more balanced 
portfolio of fuels that includes a significant component of renewable energy sources. This is 
important to reduce vulnerability to fuel price increases and supply interruptions. Council 
continues to encourage the Florida Legislature to adopt a Renewable Portfolio Standard in order 
to provide a mechanism to expand the use of renewable energy in Florida. 
 
Council supports FPL’s existing and proposed solar projects and encourages FPL to develop 
additional projects based on renewable resources. FPL should consider developing other 
programs to install, own, and operate PV units on the rooftops of private and public buildings. 
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The shift to rooftop PV systems distributed throughout the area of demand could reduce reliance 
on large transmission lines and reduce costs associated with owning property; purchasing fuel; 
and permitting, constructing, and maintaining a power plant. Another advantage of this strategy 
is that PV systems do not require water for cooling. The incentive for owners of buildings to 
participate in this strategy is they could be offered a reduced rate for purchasing electricity. Also, 
FPL should consider expanding solar rebate programs for customers who install PV and solar 
water heating systems on their homes and businesses. These rebates should be coordinated with 
other programs, such as the Solar and Energy Loan Fund (SELF) and Property-Assessed Clean 
Energy (PACE) programs, to provide participants in these programs the option of receiving a 
rebate. SELF is a low interest rate loan program that provides financing for clean energy 
solutions. PACE programs allow property owners to finance energy retrofits by placing an 
additional tax assessment on the property in which the investment is made. 
 
Council urges FPL and the State of Florida to continue developing new programs to: 1) reduce 
the reliance on fossil fuels as future energy sources; 2) increase conservation activities to offset 
the need to construct new power plants; and 3) increase the reliance on renewable energy sources 
to produce electricity. The complete costs of burning fossil fuels, such as the costs to prevent 
environmental pollution and costs to the health of the citizens, need to be considered in 
evaluating these systems. State legislators should amend the regulatory framework to provide 
financial incentives for the power providers and the customers to increase conservation measures 
and to rely to a greater extent on renewable energy sources. Also, the state should reconsider the 
currently used test for energy efficiency and choose a test that will maximize the potential for 
energy efficiency and renewable energy sources. The phasing in of PV and other locally 
available energy sources will help Florida achieve a sustainable future. 
 
Attachments 
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June 24, 2016 
 
Mr. Moniaishi Mtenga, Engineering Specialist 
Division of Engineering 
Florida Public Service Commission 
2540 Shumard Oak Boulevard 
Tallahassee, FL 32399-0850 
 
Subject: Electric Utility 2016 Ten-Year Site Plans 

 
Dear Mr. Mtenga: 
 
In response to your request, the Southwest Florida Water Management District 
(District) has completed its review of the 2016 Ten-Year Site Plans for Duke 
Energy Florida, Florida Power & Light Company, Seminole Electric Cooperative 
and Tampa Electric Company.  The District’s review is being conducted pursuant 
to Section 186.801(2)(e), Florida Statutes, which requires the Public Service 
Commission to consider “the views of the appropriate water management district 
as to the availability of water and its recommendation as to the use by the 
proposed plant of salt water or fresh water for cooling purposes.”  Based on our 
review, all four utilities are proposing to construct new combustion turbine or 
combined cycle facilities at undesignated sites within the ten-year planning horizon. 
 
The District offers the following technical assistance comments for consideration: 
 

 The most water conserving practices must be used in all processes and 
components of the power plant’s water use that are environmentally, 
technically and economically feasible for the activity, including reducing water 
losses, recycling, and reuse.  If a lower quality water is available and is 
environmentally, technically and economically feasible for all or a portion of 
the proposed use, this lower quality water must be used. 
 

 For new generating facilities proposed in the southern and much of the 
central portions of the District, there are additional water use constraints.  
These areas have been designated as Water Use Caution Areas.  This 
designation has occurred in response to water resource impacts, such as salt 
water intrusion, lowered water levels in lakes and wetlands, and reduced 
stream flows, which have been caused by excessive ground water 
withdrawals.  Regional recovery strategies are being implemented to address 
these adverse water resource impacts.  Consequently, the District has 
heightened concerns regarding potential impacts due to additional water 
withdrawals.   

 
18



Mr. Moniaishi Mtenga, Engineering Specialist 
June 24, 2016 
Page 2 
 
 

Early coordination with the District’s Water Use Permit (WUP) staff is encouraged prior to 
submittal of any Site Certification or WUP applications.  For assistance or additional 
information concerning the District’s WUP program, please contact Darrin Herbst, WUP bureau 
chief in the District’s Tampa office, at (813) 985-7481, extension 2014, or 
darrin.herbst@watermatters.org. 
 
We appreciate this opportunity to participate in the review process.  If you have any questions 
or require further assistance, please do not hesitate to contact me at (352) 796-7211, 
extension 4790, or james.golden@watermatters.org. 
 
Sincerely, 

 
James J. Golden, AICP 
Senior Planner 
 
JG  
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Date:  July 1, 2016 
 
From:  Richard Burklew, Bureau Chief, Water Use Regulation 
 
To:  Florida Public Service Commission 
 
Subject: Review of 2016 Ten-Year Power Plant Site Plan for Electric Utilities 
 
 

 

The relevant statute for ten-year review of Site Plans is Section 186.801, F.S.. The 
portion of this statute relevant to District review includes the following: 
…In its preliminary study of each 10-year site plan, the commission shall consider such plan as a 
planning document and shall review: 
(c) The anticipated environmental impact of each proposed electrical power plant site.…. 
(e) The views of appropriate local, state, and federal agencies, including the views of the appropriate 
water management district as to the availability of water and its recommendation as to the use by the 
proposed plant of salt water or fresh water for cooling purposes…. 
  

Individual Site Plan Reviews: 
 

Florida Power & Light – The Site Plan includes the addition of the Okeechobee Clean Energy 

Center (OCEC), which is a proposed new facility planned for operation in 2019.  OCEC will be 

authorized to use approximately 9 mgd of groundwater.  However, the certification will require 

conversion to lower quality water sources when feasible.  The Site Plan reflects information 

submitted and reviewed by the District during the site certification review process.  District staff 

considered this information and recommended approval of the project to the District’s Governing 

Board.  The Governing Board approved its agency report regarding OCEC in March 2016. The 

Site Plan discusses two other potential sites in Alachua and Volusia Counties. Both of these 

sites are proposed as photovoltaic plants with minimal water resource needs. Beyond these 

three sites, no additional new significant resource needs until 2024 and 2025. The submitted 

Site Plan is suitable as a planning document. 

Seminole Electric Cooperative – The Site Plan discusses addition of a total of 1700 MW by 

2025, including four 224 MW natural gas Combustion Turbine (CT) units, one 741 MW natural 

gas Combined Cycle (CC) unit, and an additional 2 MW photovoltaic (PV) plant. Of these 

facilities, only the CC unit is proposed for wet cooling and the CT units will be air-cooled. None 

of the CC or CT units have been sited yet and water sources are not discussed. Potential site 

locations are in Gilchrist County and at the existing Seminole Generating Station (SGS) in 

Putnam County. The existing SGS uses surface water from the St. Johns River for cooling and, 
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presumably, if this site is selected for the proposed CC unit, could potentially be a source of 

cooling water for this unit.  

The preferred future site for PV generation is at the existing Midulla Generating Station (Hardee 

County). This plant would have minimal water use obtained by water trucks or from existing 

onsite permitted resources. Submitted Site Plan is suitable as a planning document. 

JEA – The Site Plan discusses continuation of the existing generating facilities, expiration of the 

agreement between JEA and Florida Power & Light for the joint ownership of the St. Johns 

River Power Park and expiration of the wholesale power agreement to supply Florida Public 

Utilities. The plan forecasts additional power purchased from two new nuclear units at the Plant 

Vogtle in Georgia. Based on expiration of wholesale and joint ownership agreements and the 

commitment to purchase nuclear power, there is no anticipated expansion of water use at the 

existing power generation facilities beyond what is currently permitted. The submitted Site Plan 

is suitable as a planning document 

Orlando Utilities Commission (OUC) – The OUC Site plan discusses continued operation of 

existing facilities, power purchase and sales contracts, renewable energy and sustainability 

initiatives and future demand projections.  Consideration of OUC’s existing generating 

resources and OUC’s current base case load forecast indicates that OUC is expecting to have 

adequate capacity to satisfy forecast reserve margin requirements until the summer of 2021. 

Based on the magnitude and timing of OUC’s projected need for capacity, it has been assumed 

for purposes of the Ten-Year Site Plan that OUC will have to add combined cycle capacity to 

meet the projected capacity requirements. It was noted that OUC’s existing Stanton Energy 

Center and Indian River sites may accommodate future generating unit additions. However, 

OUC has not made any commitments to new capacity additions, and will continue to evaluate its 

power supply requirements and alternatives as part of its planning processes. There is no 

defined or declared expansion of water use at the existing power generation facilities beyond 

what is currently permitted. The submitted Site Plan is suitable as a planning document. 
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MEMORANDUM

Date: July 1, 2016

To: Shaun Cullinan, Planning and Zoning Official

From: Matt Trepal, Principal Planner and Ken Quillen, Planner Ifl

Subject: Roview of Ten_Year_P_o_w_er Plan( Site Plan 20_(6 2025 for Florida Power and Light

The Cornprehensive Planning Division has completed their review of the Fforida Power and Light's
Ten Year Power Plant Site Plan 20l6-2025 and has the following comments.

This ten year Plan includes the Babcock Solar Fnergy Center, which is a new 74.5 MW photovoltaic
(PV) electric generating plant in Charlotte County near the developing Babcock Ranch
Community in East County. Related facilities include the Tuckers substaiion, located near the
Babcock Solar Energy Center, and the Herculos substation, located near Fire Station No. 9 and
the Babcock Ranch Community. Transmission lines are also being constructed linking these two
substations. Charlotte County has been aware of this proposed new power generation plant for
some time. These facilities are now under construction and are intended to be campfeted and
in service by December of this year. This facility will serve the planned Babcock Ranch
Community, which is now under construction.

Planning staff believes that this is a suitable planning document which describes its existing electric
gonoration and distribution capacity (owned or purchased) as well as projected future resource
needs. This planrling document states that it was designed to focus on projected supply side
additions of electric generation capability and the locations for these additions. We believe that
FPL has done a good job of calculating future needs, or load, and generating capacity based on
past and present demand by tradilional land uses, such as, residential, commercial, industrial uses.
However, there is an emerging new demand for electricity from plug-in electric vehicles.

Staff understands that it may be difficult to onlicipate how fasi this new demand may grow in the
next five to ten years and this is a subject of much discussion and speculation today in the planning
field. This new market could create a tremendous now domand for electricity. The Plan has taken
this inio account and does forecast an additional load of approximately 1,091 GWh by 2025 from
new plug-in vehicles. The only suggestion our planning staff would make regarding this Plan is that
more informatiori rogarding how ihe anticipa1ed future demand for plug-in electric vehicles is
being calculated. Maybo the Florida Depariment of Molor Vehicles can use licensing inforrnation
to determine the number of plug-in electric vehicles thoro are each year so thol the rato of
increase in numbers, and therefore demand, could be watched and monitored accordingly.

Community Development Department
18400 Murdock Cirde, Port Charlotte, FL 33948-1068

Phone: 941.743.4903 I Fax: 941.743.1292
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October 3, 2016 

 

Florida Public Service Commission 

2540 Shumard Oak Boulevard 

Tallahassee, FL 32399 

 

Re: 2015 Ten Year Site Plans 

 

Dear Commissioners and Staff: 

 

Thank you for the opportunity to Southern Alliance for Clean Energy (SACE) to 

provide written comments on the utilities’ 2016 Ten Year Site Plans and opportunities for 

providing additional customer value.  

SACE is a non-profit, non-partisan clean energy group that advocates for lower cost, lower risk 

resources in meeting electricity demand. That includes moving away from high risk, high cost 

resources such as coal, and diversifying the state’s energy mix into resources with vast 

potential – such as capturing more energy efficiency and integrating higher levels of clean, 

abundant and low cost solar power.  

SACE supports policies and plans that meaningfully increase rooftop solar, larger commercial 

installations, and utility-scale solar. They are all part of a healthy solar market. Solar energy 

benefits Florida by diversifying its resource mix to include a resource that presents no long-

term cost risk, an important hedge against the likelihood that natural gas fuel prices will 

increase over time. Furthermore, solar arrays require no water for generation and produce no 

emissions subject to regulatory abatement.  

All forms of solar power are seeing continuing price drops, with utility scale power purchase 

agreements now being signed at 3.5 to 5 cents per kilowatt hour (kWh).
i
 Even though Florida is 

one of the largest states, it ranked just 18
th

 in total megawatts of solar installed in 2015.
ii
 As it 

relates to utility-scale solar, there is a significant and growing opportunity to expand and bring 

Florida to the forefront of this industry where it belongs.  

SACE recommends that the Commission require the utilities to study supply-side solar as a 

resource, and provide for more market entry for supply-side solar projects. To that end, we 

offer several recommendations below.  

 
 

898 
                          1.866.522.SACE       
             www.cleanenergy.org 
 
                             P.O. Box 1842 
                    Knoxville, TN 37901 
                              865.637.6055 
 
                     46 Orchard Street 
                   Asheville, NC 28801 
                              828.254.6776 
 
           250 Arizona Avenue, NE  
                    Atlanta, GA 30307 
                              404.373.5832 

 
                              P.O. Box 310 
 Indian Rocks Beach, FL 33785 
                              954.295.5714 
 
                           P.O. Box 13673 
               Charleston, SC 29422 
                              843.225.2371 
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Require utilities to study solar as a supply-side resource in the resource planning process  

To establish effective market competition and Commission regulatory oversight of solar energy 

supply decisions, the Commission should reform resource planning rules. Florida’s current 

planning requirements include four steps: the Ten-Year Site Plan (TYSP); Request for 

Proposal (RFP) process; Need Determination; and Site Certification.  Solar power projects 

under 75 MW are effectively exempt from these steps, except for a requirement to revise the 

TYSP to include those projects (but there is no clear deadline for such revisions as discussed 

below). 

Utility resource plans are required to be described in an annual TYSP, which has extensive 

information and data requirements. The TYSP is submitted to the Florida PSC annually by 

electric generation utilities with a generating capacity greater than 250 MW.
iii

 The Commission 

reviews the plans within nine months following submission and reports its findings, along with 

any comments or recommendations, to the Florida Department of Environmental Protection 

and the utilities filing a plan. The Commission also creates a statewide TYSP from the 

provided information.  

The Commission makes a preliminary study of each plan and classifies it as “suitable” or 

“unsuitable.” It should be noted that “suitability” has not been defined in statute or rule, but 

unsuitability may be remedied by the utility providing additional data.
iv

 The Commission may 

suggest alternatives to the plan. It is recognized that 10-year site plans submitted by an electric 

utility are tentative information for planning purposes only and may be amended at any time at 

the discretion of the utility.
v
  

For any planned generating unit over 75 MW, the utility initiates regulatory oversight when the 

unit is identified as the utility’s next planned generating unit in a TYSP revision.  Until that 

point, any discussion of a planned generating unit is merely informational and does not appear 

to have any regulatory significance.  Identification of the next planned generating unit is 

important for a number of reasons, including the practice of basing the avoided capacity rate in 

standard offer contracts on the next unit (and not, for example, on the opportunity to defer 

subsequent units or change the type of the next unit). Even more important is that Commission 

rules identify this unit as the benchmark for the alternatives analysis. 

The only requirement for a Florida utility to consider alternatives to the next planned 

generating unit is the Commission’s rule requiring a RFP process for projects over 75 MW. 

According to that rule, “The use of a RFP process is an appropriate means to ensure that a 

public utility’s selection of a proposed generation addition is the most cost-effective alternative 

available.”
vi

 The Commission’s rules do not provide for any public review of the alternatives 

analysis. 

However, by benchmarking alternatives against the “price and non-price attributes of its next 

planned generating unit,” the RFP rule effectively excludes any requirement for the utility to 

consider alternative configurations of technology that might be more cost-effective in the long-

term. FPL’s RFP for 1,052 MW (March 16, 2015) provides a good example of how alternative 

resources are disadvantaged by such a benchmark process. Under the terms of the RFP, any 

proposed resources were compared to FPL’s Next Planned Generating Unit, the Okeechobee 

Clean Energy Center, a 1,622 MW combined cycle natural gas plant.
vii
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According to the RFP, the “firm capacity and energy proposed” must be “fully dispatchable 

under the operational control of FPL” which would operationally exclude solar PV resources 

from providing even a portion of the energy, not to mention any firm summer capacity.
viii

 In 

short, the RFP process is not capable of evaluating any alternative that is not a one-for-one 

replacement of the company’s next planned generating unit and thus does not ensure that the 

selected resource is the most cost-effective means to meet the utility’s identified resource 

needs. 

Of course, Florida’s utilities do undertake a more comprehensive analysis of resource needs 

beyond that in the RFP, utilizing what is presumed to be a thorough IRP analysis including 

consideration of resource alternatives through a computer model optimization process. 

However, this process is not available to the public for review during either the TYSP or the 

RFP process. It is only when the results of the RFP process are made known,
ix

 and a request for 

a need determination is made, that the utility’s assumptions and methods for considering 

alternatives can be evaluated by interested parties and the Commission. 

This review is ill-timed. By the time that a utility files a request for a need determination, the 

utility has likely waited until what it views as the last possible moment for building the power 

plant. At this point, the utility has constrained its options due to schedule and potentially 

missed opportunities. While significant changes can and have been made, they are typically 

substitutions of like resources, such as the recent Duke Energy Florida substitution of a 

purchase of an existing combined cycle gas plant for construction of a new combined cycle gas 

plant. 

Together these policies form a less than coordinated state planning process. The assumptions 

used in the utility resource planning process are only revealed through intervention and 

discovery in a need determination (or FEECA) proceeding. Moreover, the Ten Year Site Plan 

process does not provide opportunities for stakeholder input of the type found in other 

Southeastern states’ IRP processes. The benefit of an integrated resource plan (IRP) is that it 

allows for meaningful stakeholder involvement and the consideration of alternate planning 

scenarios, which tends to place all resources on a “level playing field.”  Hence, Florida 

customers may be shouldering unnecessary costs from a less than optimal resource planning 

process, and the policies and programs recommended here would help to ensure that utilities 

are pursuing the most effective, least-cost options for electricity generation.  

In order to promote the development of supply-side solar systems, the Commission could 

initiate a rulemaking to revise the Ten-Year Site Plan process to incorporate best practices for 

integrated resource planning.
x
 Of particular interest would be the opportunity to ensure that the 

characterization of the cost and performance of solar resources is reasonable and unbiased, that 

the study methods are also themselves free of unreasonable bias, and that the Company 

leverages the resource planning process to properly evaluate a variety of market-supplied and 

self-build resource alternatives. To effectuate such reforms, the Commission could revise its 

rules to require a periodic review of the utility’s entire IRP (such as every two years) or could 

require a utility to submit its IRP for review at least two years in advance of an anticipated 

certification proceeding.  

 

25



Establish a process for selecting cost-effective solar resource projects, including RFPs 

Even if a Florida utility determines that solar resources are the most cost-effective available, it 

is not clear under what Commission rules a utility would request a determination of need. As 

discussed above, for any solar facility 75 MW or greater, §403.503, Fla. Stat. requires a 

determination of need by the Commission. However, Commission rules only prescribe the 

content of petitions for “Fossil, Integrated Gasification Combined Cycle, or Nuclear Fuel 

Electric Plants.”
xi

 

SACE recommends that the Commission initiate a rulemaking proceeding to revise Chapter 

25-22 to incorporate a process for a need determination for renewable energy resources, 

particularly solar, taking into consideration differing performance characteristics. For example, 

a utility may reasonably wish to seek a determination of need for a large solar (or other 

renewable resource) facility solely on the basis that the capital investment will result in a more 

cost-effective method of supplying electricity to its customers, even in the absence of a need 

for capacity. The investment may help to defer fuel, operating and maintenance costs, or free 

up energy for resale to other utilities during peak periods, resulting in an overall cost savings. 

We also recommend that the Commission identify best practices, such as long-term contracts, 

similar to the Gulf Power solar PPAs, that ensure the competitive solicitation process results in 

the most cost-effective outcome. For example, in order to meet a need (or cost-effective 

opportunity) for solar power in excess of 75 MW, a utility might choose a reverse auction 

mechanism to, as SEIA describes it, “ensure that developers are paid a price that is sufficient to 

bring projects online, but also provide ratepayer protection against “overpayment.”
xii

 

Furthermore, we would recommend that the Commission make this RFP process available, and 

encourage its use, for all utility-scale solar projects. Economies of scale for utility-scale 

projects are often achieved at 20 MW, and few projects are constructed over 100 MW in scale 

(particularly in a landscape with as much land use variety and constraint as Florida). Thus, the 

75 MW threshold for a need determination is an unwieldy threshold for triggering the 

opportunity to utilize a RFP process or obtain clear approval from the Commission for the 

costs and prudence of a substantial generation facility. 

Solar standard offer contract  

We recommend the establishment of a solar-specific standard offer contract, including a 

contract avoided cost rate, for solar Qualifying Facilities with a capacity of up to 5 MW. 

Florida rules and utility practice effectively exclude small solar projects from realizing the 

benefits of the standard offer contract available to other small power generators under the 

federal Public Utility Regulatory Policies Act (PURPA). PURPA is meant to increase energy 

independence in the United States
 
by requiring states to establish the prices retail utilities must 

pay to third-party renewable energy developers – thus giving small developers a market for 

their power. 

 

Yet, in practice in Florida, solar Qualifying Facilities are ineligible for any capacity payment 

due to the minimum performance standards for the delivery of firm capacity. 

 

The system size in the standard offer contract is limited to a mere 100 kW.
xiii

 Developers tell us 
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that there is great interest for projects larger than this limit. In fact, it is not unusual for 

business customers to install larger systems, either through a developer or with their own 

financing. However, these customers may not wish to enter into expensive negotiations with 

the utility, and will desire a streamlined process such as a meaningful standard offer contract 

may provide. 

If a solar developer does wish to negotiate a contract for a solar project over 100 kW, such 

contracts are entirely at the utility’s discretion. There is limited legal basis for any party to 

challenge a utility’s decision to refuse a contract, even if it is at the same time negotiating 

another similar contract at a higher price.  

Policies such as these will help Florida realize more solar potential at the utility scale level. 

The Florida Reliability Coordinating Council’s (FRCC) presentation during the Ten Year Site 

Planning Workshop show solar expanding in Florida by only 1445 MW in the next ten years. 

By comparison, nearly half that amount is already installed on Georgia Power’s system, and up 

to 1900 MW more of renewable energy may be added by 2021. Florida has greater solar 

potential than our neighbor to the north, and we ought to ensure that this state’s policies do not 

create an unnatural barrier to taking advantage of our vast potential. 

Moving away from coal 

Many of the state’s coal-fired power plants remain in the utilities’ Ten Year Site Plans through 

the planning period.  

This assumption is worth taking another look at, as keeping coal plants online is actually 

subject to a number of risks. There is good reason to plan for the case that the end of a unit’s 

useful life falls within the next ten years. Utilities should demonstrate that they have factored 

these risks in, and publicly disclose scenarios in which coal-fired units are taken offline, 

including the relative costs of retirement compared with the continued costs and associated 

ratepayer risks of maintaining a coal-fired unit.  

Coal is becoming a more costly choice. Coal-fired power plants have been dispatched less 

frequently for a number of reasons, but primarily because they are not cost-effective relative to 

natural gas-fired power plants. Yet many operational costs of coal plants accrue whether the 

plant runs or not. As a result, the cost per megawatt-hour (MWh) tends to increase when plants 

are run less frequently. 

C.D. McIntosh Unit 3, a coal-fired unit operated by Lakeland Electric (and co-owned with 

Orlando Utilities Commission), exemplifies this trend. In a report commissioned by SACE, 

David Schlissel provides the following chart showing declining power production at the 

plant.
xiv
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The report also compares the rising cost of operating the plant with the falling cost of power 

available on the Florida market from natural gas.  

 

Competition may not fully explain the reduced dispatch rate. The report also notes that the 

Equivalent Forced Outage Rate for the plant is unusually high; this suggests substantial 

maintenance issues, and in fact subsequent to the publication of this report, Lakeland Electric 

took the plant out of service for maintenance for months. While these issues may be plant-

specific; their significant presence at this plant, one of Florida’s newer coal-fired plants, adds 
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to the need for caution in relying on coal-fired plants far into the future. 

Adding to the lack of cost competitiveness are regulatory compliance liabilities. The 

regulations provide much needed public health and environmental protections for Floridians. 

Yet, in order to comply with these standards, many plants will need significant upgrades. 

For example, Gulf’s Crist units 4 and 5 and JEA’s Northside units use once-through cooling 

systems that suck massive amounts of water from the river and return most of it to the water 

body at a higher temperature. Both should anticipate that in the plant’s next water permitting 

cycle, that the plants will need to make provisions to reduce thermal impacts, likely by adding 

a cooling tower, upgrades with costs in the hundreds of millions of dollars.
xv

  

A cooling tower would also help meet modern standards for prevention of fish, fish eggs, and 

other wildlife from getting caught or sucked into the plant’s intake, another regulatory 

obligation under section 316b of the Clean Water Act (CWA), which will apply upon renewal 

of the units’ NPDES permits.  

Meanwhile, Tampa Electric has already applied for cost recovery of $400,000,
xvi

 just to study 

what will be needed to bring its Big Bend plant into compliance with new Effluent Limitation 

Guidelines (ELGs), which will come into play in its next CWA permit cycle. With such 

significant costs just for the studies, one can safely anticipate that the cost of actually 

converting to dry ash handling, and controlling heavy metals in the discharge water, will be 

significant, possibly enough to make retirement a more cost-effective option.  

Coal cost risks are further increased by the need to comply with the federal Coal Combustion 

Residuals Rule (CCR Rule or Coal Ash Rule), which is a particular challenge for Florida coal 

plant operators. By 2018, operators will need to show their ash storage is not compromised by 

locational factors such as sinkhole-prone geology, proximity to aquifers, or being in a 

floodplain. Many Florida plants may be unable to comply due to Florida’s geology, and may 

face the costly alternative of shipping the ash out of peninsular Florida. 

Plant McIntosh is once again a salient example. Although dry ash storage is already in use at 

the site, a recent hydrogeological study found the likelihood that at a sinkhole will form under 

the ash landfill. Such a sinkhole could drop ash and contaminated groundwater into the 

Floridan aquifer. Groundwater flows in the area, as well as the presence of nearby sinkholes 

including at least two on the plant property, were used to determine this likelihood.
xvii,xviii

 

Utilities’ and FRCC’s presentations at the Ten Year Site Plan workshop on September 14, 

2016 indicated that impacts of the Clean Power Plan on generation choices would be addressed 

in the future, once federal courts resolve the challenge of the rule. We strongly urge utilities 

not to wait, as there are no-regrets clean energy choices that can be made now. Nevertheless, 

the Clean Power Plan is just one of many upcoming public health and environmental protection 

rules that utilities will need to address; as we outline here, there are others that will impact 

prudent decision-making in the resource planning process. 
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Conclusion 

It is prudent to investigate these risks now, and research alternatives. Piecemeal decision-

making needlessly exposes Florida’s families and business to higher priced power while also 

robbing them of the wide-ranging benefits of clean water and clean energy resources that are at 

record low prices. 

SACE appreciates the opportunity to offer these comments and looks forward to working with 

the Commission and its staff in the resource planning process and associated dockets to reduce 

customer risk and realize additional value for customers.   

Sincerely,  

/s/ George Cavros 

Florida Energy Policy Attorney,  

Southern Alliance for Clean Energy 

 

/s/ Amelia Shenstone 

 

Campaigns Director, 

Southern Alliance for Clean Energy 
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October 10, 2016 
 
Via electronic filing and electronic mail 
 
Chairman Brown, Comm’rs. Brisé, Edgar, Graham, Patronis 
Florida Public Service Commission 
2540 Shumard Oak Blvd. 
Tallahassee, Florida 32399-0850 

 
Re:  Planning for least-cost electric service in Florida  

 
Dear Commissioners: 
 

Rapid changes in the electric sector make integrated resource planning more 
important than ever.  Yet Florida electric utilities, especially the investor-owned utilities 
(IOUs), barely have any plans at all—besides adding natural gas-burning generation, which 
dwarfs everything else in their plans.1  Sierra Club respectfully urges the Commission to 
reject them and require revised plans for four main reasons: 

1. Florida law requires utilities to provide least-cost service, but the utilities are 
unprepared to do so because they fail to perform options analyses; the utilities thus 
never try to (nor could they) square their gas-laden plans with the alternatives 
available to them in the market.2 
 

2. The proposed gas generation violates the least-cost standard because this generation 
is inherently high cost and high risk. 
 

3. The proposed gas generation also violates the least-cost standard because it reduces 
fuel diversity and foregoes cost-effective renewables and energy efficiency, thereby 
pushing Florida’s all-time high gas reliance, 71% of  the state generation total, even 
higher, to 74%. 
 

4. With no shortage of  cost-effective alternatives in the market, especially renewables 
and energy efficiency, the only way to explain the utilities’ gas generation proposals is 
that they aim to benefit entities other than customers.   

                                                           
1 Unless stated otherwise, “plans” refers to ten-year site plans, and “utilities” refers to those that file them. 
 
2 To their credit, Staff  issued extensive data requests. The responses, however, cannot cure the unlawful plans. 
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By now, it is unmistakable; the IOUs/their affiliates are investing heavily in every 
aspect of  gas generation and infrastructure with a perverse incentive to continue to do so. 
They pass the resulting added cost of  service onto their captive customers, and the resulting 
windfall profits to shareholders. 

 
It is imperative that the Commission intervene and reject all of  the unlawful plans.  

Revised plans should follow as soon as practicable. For the IOUs, this should be no later 
than April 1, 2017, the annual deadline for revised plans, to minimize the fallout from their 
conflict-ridden plans.   

 
As we discuss below, at least one Florida utility, Lakeland Electric, recently undertook 

an assessments of  its options under different scenarios, showing this is eminently doable.  
Moreover, practically all of  the Florida utilities, with the glaring exception of  the IOUs, have 
issued requests for proposals (RFPs) for renewables and found no shortage of  cost-effective 
solar generation options in the Florida market.  When done well, market assessments like 
these promote competition, stakeholder participation, and ultimately transparent, data-driven 
options analyses to guide utilities to least-cost investments.   

 
The stakes are high.  Every year that passes without plans for least-cost electric 

service further jeopardizes the competitiveness of  Florida’s economy and the wellbeing of  
its residents.  This includes the millions of  low-income/fixed-income Floridians who already 
face a disproportionate energy burden. 

 
DISCUSSION 

The Commission should reject the plans because they violate the least-cost standard 
under Florida law; the revised plans should include robust options analyses focusing 
on renewables and energy efficiency. 
 
 We divided this discussion into three parts:  First, we discuss the applicable least-cost 
standard under Florida law.  Second, we show that the utility plans violate this standard, and 
the Commission should reject them.  Finally, we conclude by urge the Commission to obtain 
revised plans, including the chronically missing options analyses, as soon as practicable, so 
that the Commission can meaningfully audit the utilities and ensure they are prepared to 
achieve least-cost service. 
 
I. Under Florida’s least-cost standard, electric utilities must develop robust 

options analyses focusing on renewables and energy efficiency to guide the 
utilities to least-cost investments to serve their customers. 

 
Florida law requires electric utility service to be least-cost.  As the Florida Supreme 

Court affirmed, under this standard, the state’s electric utilities must “t[ake] every reasonably 
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available prudent action to minimize [their cost of  service].”3  Planning is the critical first 
step.  Per Commission rules, the utilities must develop and disclose “sufficient information 
to reassure the Commission that an adequate and reliable supply of  electricity at the lowest 
cost possible is planned.”4  

A. Utilities must develop robust options analyses to guide them to least-
cost investments.  

Options analyses are routine in the business world, and essential for the utilities to 
meet the least-cost standard under Florida law.  This is a matter of  Commission precedent 
and common sense.56 Options typically available to utilities include but are not limited to: 

 Alternatives to conventional generation, such as renewables7 and energy efficiency;8 
 

 Alternatives identified through market assessments such as the request for proposal 
process under Rule 25-22.082, F.A.C (i.e., the Commission’s competitive “bid rule”);9 

                                                           
3 Gulf  Power Co. v. Florida pub. Service Com’n, 453 So.2d 799, 802 (Fla. 1984). 
 
4 Rule 25-22.072(1), F.A.C., incorporating by reference Form PSC/RAD 43-E (11/97), at 4; cf. Section 
366.82(5)(b)(requiring “analysis of  various policy options … to achieve least-cost strategy”). 
 
5 Order No. PSC-11-0547-FOF-EI, at 82, issued on November 23, 2011, in Docket No. 11 0009-EI, In re: 
Nuclear cost recovery clause; See also Order No. PSC-11-0547-FOF-EI (redacted Final Order) (noting 
approval of  utility’s rate increase request upon finding “no practical alternative”) issued on November 23, 
2011, in Docket No. 11 0009-EI, In re: Nuclear cost recovery clause; cf. Order No. PSC-11-0547-FOF-EI 
(redacted Final Order), at 6 (reviewing whether utilities properly considered “all available” demand-side and 
supply-side conservation and efficiency measures) issued on December 16, 2014, in Docket No. 130205-EI, 
In re: Commission review of numeric conservation goals (Florida Public Utilities Company). 
 
6 Order No. PSC-11-0547-FOF-EI, at 82 (noting the review of  “all available options” is “routine procedure 
in the business world,” including the electric utilty industry as it undertakes “long-term, complex project[s]”) 
issued on November 23, 2011, in Docket No. 11 0009-EI, In re: Nuclear cost recovery clause. 
 
7 Unless otherwise noted, the terms “renewables” and “renewable energy” refer to the same energy resources. 
See generally Section 366.91(2)(d), F.S, (defining “renewable energy” in pertinent part as “electrical energy 
produced from a method that uses one or more of the following fuels or energy sources: hydrogen produced 
from sources other than fossil fuels, biomass, solar energy, geothermal energy, wind energy, ocean energy, 
and hydroelectric power”).  
 
8 See, e.g., Order No. PSC-14-0696-FOF-EU, at 39, issued on December 16, 2014, in Docket No. 130205-EI, 
In re: Commission review of numeric conservation goals (Florida Public Utilities Company) (“demand-side 
management is an alternative resource to generation plants and should be evaluated similarly for reliability 
and economic impacts.”); See also Order No. PSC-16-0032-FOF-EI, at 13−15, issued on January 19, 2016, in 
Docket No. 150196-EI, In re: Petition for determination of need for Okeechobee Clean Energy Center Unit 
1, by Florida Power & Light Company; See also Order No. PSC-11-0547-FOF-EI, issued on November 23, 
2011, in Docket No. 11 0009-EI, In re: Nuclear cost recovery clause (“In 2006, we stated that utilities should 
not assume the automatic approval of  natural gas-fired plants.”). 
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 Incremental capacity increases;10 
 

 Earlier or later extremes of  commercial operations date;11 and 
 

 Retaining one vendor, retaining multiple vendors, or building the generation itself  
(“self-build”).12 

 
Robust options analyses are those that develop information on the economics of  these wide 
ranging options under various scenarios.13  A simple comparison of  the status quo and one 
option is indefensible.14 
 

B. Utilities must focus on renewables and energy efficiency. 
 
Florida Statutes brim with directives to diversify the fuels and the technologies the 

utilities use to serve customers.15  More specifically, they emphasize and reiterate that 
Florida’s reliance on inherently risky natural gas imports is a problem, and that cost-effective 
renewables and energy efficiency are solutions that are in the public interest.  As the utilities 
perform options analysis, they must therefore focus on renewables and energy efficiency as 
part of  their plan to serve customers at the least-cost. 
 

                                                                                                                                                                                           
9 See, e.g., Order No. PSC-06-0779-PAA-EI, at 3,  issued on September 19, 2006, in Docket No. 060426-E1, 
In re: Petition for exemption under Rule 25-22.082(18), F.A.C., from issuing request for proposals (RFPs), by 
Florida Power & Light Company (“the RFP process provides us with valuable information on the available 
capacity alternatives and is a valid tool for evaluating the cost-effectiveness of  proposed generating units.”). 
 
10 See, e.g.,Order No. PSC-13-0505-PAA-EI, at 13, issued on October 28, 2013, in Docket No. 130198-EI, In 
re: Petition for prudence determination regarding new pipeline system by Florida Power & Light Company; 
See also Florida Public Service Commission, States’ Electric Resurfacing Activities (1997); See also F.L. House of 
Representatives, Committee on Utilities and Communications, Overview of the Electric Industry, 27 (2000), 
available at https://goo.gl/uKDBP6. 
 
11 See, e.g., Order No. PSC-11-0547-FOF-EI, at 82. 
 
12 See, e.g., Order No. PSC-08-0749-FOF-E, issued on Nov. 12, 2008, in Docket No. 080009-EI, In re: Nuclear 
cost recovery clause; See also Order No. PSC-09-0783-FOF-EI, issued on Nov. 19, 2009, in Docket No. 
090009-EI, In re: Nuclear cost recovery clause; See also Order No. PSC-11-0547-FOF-EI. 
 
13 See Sierra Club Comments (Oct. 16, 2013) (hereinafter “Sierra Club 2013 Comments”) (discussing best 
practices in integrated resource planning including options analysis), available at http://goo.gl/h9RHeT. 
 
14 Gulf  Power Co. v. Florida pub. Service Com’n, 453 So.2d 799 (Fla. 1984) (affirming Commission disallowance of  
costs incurred pursuant to utility’s failure to review other other options beyond its preferred proposal for 
years). 
 
15 For a recap of the relevant provisions in Florida Statutes, see Sierra Club Post-Hearing Brief  in Docket No. 
160021 (Sept. 19, 2016), available at https://goo.gl/X6QJ91. 
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II. The Commission should reject the plans because they are in no way least-cost. 
 
The plans fail to meet the least-cost standard under Florida law for many reasons.  

The most glaring one is that the utilities failed to present any options analyses.  The utilities 
thus failed to reconcile their inherently high-cost, high-risk gas generation with the abundant, 
competitive renewables and energy efficiency in the market available to them, and in the case 
of  the IOUs, plainly have a conflict of  interest behind the omission. 
 

A. The utilities failed to present any options analyses in their plans. 
 

This year, the utilities continued their practice16 of  presenting the Commission just 
their preferred generation proposals and asserting they considered/will continue to consider 
their options.17  This violates the unambiguous requirement in Florida Statutes that the 
Commission “shall review”—“possible alternatives to the proposed plan[s]” of  the utilities.18  
If  the utilities present no data or analyses on the options/alternatives available to them in 
the market, they preclude the Commission from performing its plain duty under Florida 
Statutes.   

 
To be sure, the utility responses to Staff  data requests do not cure the unlawful plans.  

For all of  the planned generating units, Staff  asked the utilities to “identify the next best 
alternative that was rejected for each unit.”19  The fact that Staff  had to ask for this 
information underscores how devoid the plans are of  options analyses.  The utility responses 
do, too.  They are high-level comparisons between each planned gas generating unit and 
another gas generating unit.  That is all.  That is the sum total of  the options analyses before 
the Commission.   

 
No one can square the dearth of  information presented by the utilities with the least- 

cost standard under Florida law.  As discussed in Section I (above), the standard requires the 
utilities to conduct robust options analyses, focusing on renewables and energy efficiency, so 
that they are prepared to take every reasonably available prudent action to minimize cost of  

                                                           
16 See Sierra Club 2013 Comments (noting the unlawful practice), available at http://goo.gl/h9RHeT; Sierra 
Club Comments (Dec. 15, 2015) (hereinafter “Sierra Club 2015 Comments”) (noting the same), available at 
https://goo.gl/IWbsDH. 
 
17 See e.g., Florida Power & Light Company’s 2016 Ten-Year Power Plant Site Plan (hereinafter “FPL 2016 
TYSP”), Chapter III.C (noting “significant factors that either influenced the current resource plan 
presented in this document or which may result in changes in this resource plan in the future” but omitting 
data on or comparative analysis of those factors/ changes; i.e., options analysis); available at 
https://goo.gl/wgWn9Y; see generally 2016 Ten-Year Site Plans (similar omissions) available at 
https://goo.gl/1y17w9. 
 
18 Section 186.801(2), F.S. 
 
19 Staff  data request no. 42. 
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service, and Florida’s reliance on inherently risky natural gas imports.  Working up the details 
of  just one gas generation plan and then, at Staff ’s prodding, working up another is nowhere 
near the robust options analysis that is routine and essential to prepare electric utilities to 
provide least-cost service.  The Commission therefore should reject the plans. 
 

B. The utilities failed to reconcile their inherently high-cost, high-risk gas 
generation proposals with the abundant, cost-effective renewables and 
energy efficiency in the market available to them. 

 
The plans are indefensible and the Commission should reject them for the additional 

reason that they would increase gas generation, which is inherently high cost and high risk, 
especially as demand is down. The utilities never tried to (nor could they) reconcile their 
plans with the abundant, cost-effective renewables and energy efficiency in the market 
available to them.   

 
1. Demand is down and the growth projected by utilities has not 

materialized for eight straight years, a trend no one can square with 
adding gas generation in large, inflexible increments.  

 
Since it peaked in 2005, demand for electricity across Florida is down.  This is not 

due to the Recession alone, as the Commission itself  noted.20  Previous utility load forecasts 
required downward revisions due to slower-than-projected growth for eight straight years, 
including the last three.21  The utilities themselves acknowledge that usage per customer is 
down.22  

Yet the utilities project peak demand will somehow grow faster than one percent 
annually between 2016 and 2025 (net firm peak demand)—more than half  again the rate 
experienced between 2004 and 2015 (0.76 percent CAAGR).  This is inconsistent with, for 
example, the U.S. Energy Information Administration’s lower projection of  a 0.7 percent 
annual growth rate through 2025.23  

 
More importantly and obviously, demand projections are never as good as verified 

actual data, and the actuals have shown a consistent downward trend.  The best options for 

                                                           
20 FPSC, Review of  the 2015 TYSPs, at 22, available at https://goo.gl/DTGoX1. 
 
21 Compare FRCC 2014 Presentation, at 7 (“Forecasted energy sales and winter firm peak demands are lower 
in 2014 TYSP compared to 2013 TYSP and forecasted summer firm peak demands are higher from 2017 
forward.”), available at https://goo.gl/ACqiVT; FRCC 2015 Presentation, at 7, (“forecasted energy sales and 
firm peak demands are lower in 2015 TYSP compared to 2014 TYSP”), available at https://goo.gl/mn4gUf; 
and FRCC 2016 Presentation, at 8 “forecasted energy sales and firm peak demands are lower in 2016 TYSPs 
compared to 2015 TYSPs”), available at https://goo.gl/UScXlk. 
 
22 Utility responses to Staff  data request no. 10. 
23 This is EIA’s projection for Florida as well as other South Atlantic states. 
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Florida therefore are those that (1) keep demand down to reduce cost (i.e., demand-side 
management), and (2) meet any growth in demand with incremental supply that closely 
matches the growth (i.e., flexible supply).  The utilities failed to present any such options.  
The only option the utilities did present—large, inflexible gas generation additions—flies in 
the face of  the market reality just described.  It is indefensible also because the additional 
capacity maintained by the IOUs consistently exceeds the levels needed for an adequate and 
reliable supply of  electricity.24 

 
2. Gas generation is inherently high cost and high risk. 

 
The Commission should not accept the utilities’ complacency about the costs and 

risks of  gas generation, especially as the state’s reliance on natural gas is already at an all-time 
high—71% of  the total generation.25  The utilities propose to add another five gigawatts—
pushing that up to 74% by 2025.26  Even the smallest proposed increment exceeds 180 
MW,27 with projected capital costs measured in millions of  dollars, and book lives in decades.  
Moreover, with the exception of  Orlando Utilities Commission (OUC) and Florida Power & 
Light Company (FPL), the utilities propose inherently less efficient peaking generation—gas 
combustion turbines (CTs).28 

 
All of  the proposed gas generation raises stranded asset risk, but the utilities fail to 

mention that fact.  This is a glaring omission as it is the judgment of  Florida’s largest utility 
FPL that in four years, 2020, gas peakers will be obsolete compared to energy storage and 
renewables.29  It is even more troubling then that the utilities never present any options 
analyses for the proposed gas peakers.  Nor even the basic data to allow for such a 

                                                           
24 See the detailed briefing by Public Counsel, filed July 15, 2015, in Docket No. 160096-EI, Joint petition for 
approval of  modifications to risk management plans by DEF, FPL, Gulf  and TECO; See also joint petition 
filed by Public Council, filed Dec 9., 2015, in Docket No. 150196-EI, In re: Petition for determination of  
need for Okeechobee Clean Energy Center Unit 1, by Florida Power & Light Company, available at 
https://goo.gl/wBgl2S. 
 
25 FRCC, 2016 Presentation, at 22. 
  
26 Id.  
 
27 Tampa Electric Company’s 2016 Ten-Year Site Plan (hereinafter “TECO 2016 TYSP”) (planning to add 
180 MW CT in 2019), available at https://goo.gl/zGh1Id. 
 
28 OUC and FPL propose gas combined cycle generation (CCs) with 2021 and 2024 in-service dates 
respectively.  Like CTs, the CCs involve massive costs and risks, and the utilities can only add them in large, 
inflexible increments. Thus, beyond the marginal efficiency improvement of  CCs over CTs, our discussion of  
the CTs applies equally to the CCs. 
 
29 NextEra on Storage: ‘Post 2020, There May Never Be Another Peaker Built in the US,’ Sept. 30, 2015, 
GreenTech Media [hereainafter “NextEra on Storage”], https://goo.gl/rQDK0H (referring to judgment of  
team including FPL executives). 
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comparison.  In response to Staff  data requests, for instance, the utilities omitted the inputs 
and workbooks that would allow independent verification of  their summary comparisons 
between two gas generation options, discussed in Section II.B.1 above, and provided virtually 
no data on other, non-gas options, as discussed further below in Section II.B.3.   

 
As the Commission maintains separate dockets on the operation and maintenance 

costs and risks of  gas generation, it knows how astronomically high those costs and risks 
have proven to be.  With gas prices at all-time lows—levels so low they are widely expected 
to only go up from here—Floridians have already lost billions of  dollars on risk hedging 
programs.30  Still, the hedging programs themselves are mere half-measures against the price 
and supply risks of  Florida’s reliance on natural gas imports—and useless against stranded 
asset risk.  The FPL rate case underscores this.31  FPL supported its request for a $1.3 billion 
annual rate increase and a 100 basis point return on equity increase with sworn testimony on 
all the costs and risks associated with managing its out-sized gas generation fleet.   

 
Adding more gas generation is thus indefensible because it would exacerbate the 

burden on customers who essentially bear all the costs and risks.  This includes the 
tremendous capital outlays required at the outset to add gas generation (recovered through 
base rates), and the tremendous operations and maintenance, including hedging expenses, 
over the 30 or more years these plants are supposed to be in service (recovered through 
separate clauses). 

 
3. Renewables and energy efficiency are abundantly available to meet 

peak demand, and they can achieve deep cost-savings—unlike gas 
generation—through their flexible and diverse applications across 
the electric grid’s generation, transmission, and distribution 
functions. 
 

For alternatives to meet peak demand, such as renewables and energy efficiency, the 
market is better than ever.  Yet the utilities only propose relatively modest amounts of  solar, 
and even less amounts of  other alternatives, despite these technologies’ maturity, 
competitiveness, and widespread adoption in neighboring states.  Moreover, these 
technologies can achieve deep cost-savings—unlike gas generation—through their flexible 
and diverse applications to the grid’s electric generation, transmission, and distribution 
functions.  As we discuss below, this is borne out by RFPs and integrated resource plans 
(IRPs) across our region and the country.  We also discuss how the IOUs’ refusal to conduct 
RFPs for renewables makes them particularly unprepared to deliver least-cost service. 

 

                                                           
 
30 See the detailed briefing by Public Counsel, filed July 15, 2015, in Docket No. 160096-EI, Joint petition for 
approval of modifications to risk management plans by DEF, FPL, Gulf and Tampa Electric Company. 
 
31 FPSC Docket No. 160021. 
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a. Solar  
 

Solar generation technologies, especially solar photovoltaics (PV) can meet peak 
demand32 and achieve deep cost savings as a hedge against natural gas price volatility.33  Solar 
PV is also a flexible resource, precisely what Florida needs as discussed in Section II.B.1 
above.  With an abundant solar resource—consistently ranked third best in the country for 
solar generation potential34—and ample support for developing it in Florida Statutes, 
discussed above in Section I.B, the utilities should be planning to “make Florida a leader in 
[this] new and innovative technolog[y].”35 

 
Florida’s tremendous solar potential, however, remains largely untapped because, in 

essence, the IOUs—with their overwhelming control of  the state’s energy market—sit on 
the tap.  FPL is the sitter in chief.  Florida’s largest utility has not issued an RFP for 
renewable energy since 2007 and 2008, and never explains this omission, even though FPL 
acknowledges the cost of  solar PV has since “plunged.”36  Likewise, DEF, the second largest 
utility, admits that it received “436 inquiries” from third parties interested in developing in-
state renewables.37 As Sierra Club has consistently highlighted, and as the Southern Alliance 
for Clean Energy (SACE) comments discuss in more detail, a disturbing lack of  transparency 
shrouds such inquiries.  This includes the modest solar power purchase agreements (PPAs) 
that DEF has negotiated to date.  DEF refuses to disclose details, even such basic ones as 
the in-service, start, and end dates of  the PPAs.38  Gulf  Power Company (Gulf) and Tampa 
Electric Company (TECO) are no better.39 

 

                                                           
32 See, e.g., FPL 2016 TYSP, at 49-50 (crediting solar PV with 52% nameplate capacity at summer peak). 
 
33 Lawrence Berkeley National Laboratory, Utility-Scale Solar 2014: An Empirical Analysis of Project Cost, 
Performance, and Pricing Trends in the United States (Sept. 2015) at ii (“At these low levels – which appear to be 
robust, given the strong response to recent utility solicitations – PV compares favorably to just the fuel costs 
(i.e., ignoring fixed capital costs) of natural gas-fired generation, and can therefore potentially serve as a [‘]fuel 
saver[’] alongside existing gas-fired generation (and can also provide a hedge against possible future increases 
in fuel prices).”) (hereinafter “Utility-Scale Solar 2014”), available at https://goo.gl/0L2dDOU. 
 
34 See, e.g., AEE, Advanced Energy in Florida (Jun. 11, 2015), available at https://goo.gl/BBL5M4. 
 
35 Section 366.91(1), F.S. 
 
36 NextEra on Storage, https://goo.gl/eIVoSL. 
 
37 DEF response to Staff  data request no. 35. 
 
38 DEF response to Staff data request no. 28 (stating “n/a” or “TBD” for in-service, start, and end dates). 
 
39 See generally Gulf Power Company’s 2016 Ten-Year Site Plan (hereinafter “Gulf 2016 TYSP”), available at 
https://goo.gl/PE1qbW; Gulf 2016 TYSP Workshop Presentation, available at https://goo.gl/GH9rME; 
TECO 2016 TYSP; TECO 2016 TYSP Workshop Presentation, available at https://goo.gl/rQNeYF. 
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Collectively, the IOUs plan to add in ten years as much solar generation as Gulf ’s 
sister subsidiary, Georgia Power, will add by next year—more than a gigawatt.40  Moreover, 
through additional RFPs, Georgia Power plans to double its installed capacity again in five 
years with more solar PV, battery storage, and other renewables.41  Georgia Power is hardly 
alone.  In 2015, 100% of  Alabama Power’s new generation came from solar, and that utility 
just gained approval to issue RFPs for 500 MW more.42  In fact, RFPs in every single state in 
the Southeast have returned abundant, cost-effective solar PV bids.43  These are widely 
reported precedents, which reputable entities such as the U.S. Department of  Energy also 
verify and publish in market reports.44  Yet the IOUs never mention them; much less 
reconcile their refusal to issue RFPs with the relatively modest amounts of  solar they 
propose to build themselves. 

 
Indeed, the utilities present no data or analyses whatsoever to justify the relatively 

modest amount of  solar generation they propose.  The RFPs of  other Florida utilities, 
however, confirm there is no shortage of  cost-effective solar PV in Florida.45  As we 
highlighted last year, on a per customer basis these utilities have already installed far more 
solar capacity than the IOUs.46  

 
The IOUs’ proposals to add solar are also mere placeholders.  Unlike the solar PV 

contracts that other utilities are negotiating with third parties, the IOUs have identified no 
particular process to set the terms of  the solar they would build, such as the timing, sizing, 
siting, sourcing of  inputs, and the costs.  This gives the Commission—and the public—no 
reassurance whatsoever that the IOU investments in solar generation will in fact be optimally 
timed, sized, sited, etc. to achieve least-cost service. 47  

 

                                                           
40 Georgia Power, Utility-Scale RFP Program, available at https://goo.gl/yEKHAu. 
 
41 Georgia Power 2016 Integrated Resource Plan, at 10-101, available at https://goo.gl/CdMFiZ. 
 
42 See Top 10 Solar States (2015), https://goo.gl/F3jIVu; See also Alabama Power’s plan for 500 MW of  
renewables approved by regulators, Utility Dive, Sept. 3, 2015, https://goo.gl/uf5Ffm. 
 
43 See Exhibit A: Southeast RFPs for renewables. 
 
44 See, e.g., Utility-Scale Solar 2014, at 37; See also Tracking the Sun IX: The Installed Price of Residential and 
Non-Residential Photovoltaic Systems in the United States (2016), available at https://goo.gl/SpUJY2. 
 
45 See Exhibit B: Florida RFPs for solar. 
 
46 See Sierra Club 2015 Comments, at 12. 
 
47 Sierra Club supports SACE’s comments and shares SACE’s concern that, beyond ten-year site plan reviews, 
the Commission may not get another opportunity to conduct fact-finding until after the utilities have already 
built whatever solar generation they unilaterally selected. 
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b. Energy storage 
 

Energy storage is another competitive alternative to gas generation.  Tellingly, the 
states that already use energy storage want to add more of  it.  This includes Alabama,48 
Georgia,49 West Virginia,50 Tennessee,51 and California.52  Other states with energy storage 
market studies, such as Texas and Massachusetts, also report that this technology can 
provide immense improvements to the electric grid—and deep cost-savings relative to the 
status quo.   

 
In contrast, there is a glaring omission of  energy storage from the Florida utility 

plans.  At the planning workshop, DEF explained that it lumps energy storage with offshore 
wind,53 but that technology came online for the first time this summer.54 Energy storage 
projects in contrast have been operational for decades.  The first advanced compressed air 
energy storage (CAES) plant came online in 1978, and the first one in the US, in 1991, in 

                                                           
48 As noted above, Alabama Power recently gained approval to issue additional RFPs for renewables. The 
company built the country’s first compressed air energy storage CAES plant, 110-MW McIntosh plant, in 
1991. PowerSouth Energy Cooperative, https://goo.gl/idGTAz. (“The unit captures off-peak energy at night, 
when utility system demand and costs are lowest. […] PowerSouth uses the stored energy during intermediate 
and peak energy demand periods to generate electricity.”). 
 
49 As of  September of  2015, Georgia has the largest Southern Company battery storage research project, 
which is testing a 1 MW/2 MWh lithium-ion battery storage system at a solar facility.  Southern Company: 
Cedartown Battery Energy Storage Project, Sept. 17, 2015, https://goo.gl/MvLO7a; Southern Company also 
has a partnership with Tesla to test energy-storage products for commercial customers. Southern Co. goes all 
in on solar, storage, smart homes, EnergyWire, May 28, 2015, https://goo.gl/LjxEwD. 
 
50 In West Virginia, AES Energy Storage installed the Laurel Mountain Energy Storage Project at the Laurel 
Mountain wind plant, which delivers 32 MW of  regulation and wind smoothing. The World’s Largest 
Lithium-Ion Battery Farm Comes Online, Forbes, Oct. 27, 2011, https://goo.gl/L5g8K9. 
 
51 The Tennessee Valley Authority (TVA) operates the Raccoon Mountain Pumped-Storage Plant in Marion 
County, Tennessee. With capacity of  1,616 MW, it is TVA’s largest hydroelectric facility and “provides critical 
flexibility.” 2015 Tennessee Valley Authority Integrated Resource Plan (hereinafter “2015 TVA IRP”), at 40, 
available at https://goo.gl/GiURX3. 
 
52 World’s Largest Storage Battery Will Power Los Angeles, Scientific American, July 7. 2016, 
https://goo.gl/cvGXzD; CNBC, Tesla tackles California energy woes with massive energy-storage deal, Sept. 
16, 2016, https://goo.gl/z1YELb; California Dreaming: 5,000MW of  Applications for 74MW of  Energy 
Storage at PG&E, GreenTech Media, May 28, 2015, https://goo.gl/nuZRT4. 
 
53 Duke Energy has relegated energy storage has into a third category of  “Emerging Technologies,” along 
with offshore wind technologies. Duke Energy, A Brief  Overview of  DEF Planning. Duke Presentation, 
given at the Sept. 14, 2016 Ten-Year Site Plan Workshop, available at https://goo.gl/STKM0q. 
 
54 Offshore Wind Arrives in America, Energy.gov, Sept. 9, 2016, https://goo.gl/sqjxpr. 
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Alabama.55  Now, as utilities across the country are rapidly procuring storage, Florida utilities 
are behind, without even a plan to explore procurements of  their own. 

 
As noted above, FPL itself  acknowledges that energy storage is a competitive 

alternative to peakers.  Market studies commissioned by state energy regulators and by other 
utilities agree: energy storage investments can save hundreds of  millions, if  not billions of  
dollars.56 These projected savings stem from the wide-ranging applications of  this 
technology, spanning electric generation (on and off  peak), transmission, and distribution. 

 
 Peak generation is of  course the most expensive generation, and storage allows 

utilities to reduce or avoid that generation altogether by redeploying surplus energy from 
lower cost, off-peak hours. A 2016 report by the state of  Massachusetts concluded that this 
application alone could save customers in that state more than a billion dollars. Other studies 
document the cost savings from energy storage’s ability to reduce transmission and 
distribution-related maintenance, as well as defer and even avoid huge capital expenditures.57  
In 2014, Texas utility, Oncor, announced it would seek approval to build 5,000 MW of  
energy storage citing over $625 million of  projected customer savings.58  
 

Storage can also reduce risk by providing both flexibility and reliability.  Energy 
storage is in fact highly accommodating with sizing, siting, permitting, and construction 
time.  Because this technology does not produce direct air emissions, or have large land 
requirements, the permitting and siting processes are far easier.59  Because individual storage 
systems are modular, one system can consist of  many modules operating simultaneously, and 
can take on additional modules incrementally, so the system will not fail from the breakdown 
of  one module.60  Additionally, several types of  advanced storage technologies are 
commercially viable, 61 including batteries, compressed air energy storage, liquid air energy 
storage, pumped hydroelectric storage, and flywheels.62 They are also readily available.  A 

                                                           
55 PowerSouth Energy Cooperative, https://goo.gl/idGTAz. 
 
56 A 2016 report by the state of  Massachusetts concludes that 600 megawatts of  storage capacity installed by 
2025 would save ratepayers $800 million in system costs. Massachusetts Energy Storage Initiative Study 
(2016), at xvi-xvii, available at https://goo.gl/D3zviD. 
 
57 Id. at 86-89. 
 
58 The Value of  Distributed Electricity Storage in Texas Proposed Policy for Enabling Grid-Integrated 
Storage Investments (2014), at 14, available at https://goo.gl/fv2mYF.   
59 Massachusetts Energy Storage Initiative Study, at 9. 
 
60 Massachusetts Energy Storage Initiative Study, at 10. 
 
61 This is evidenced by their widespread use in competitive markets without subsidies. Id. at 2. 
 
62 Energy Storage Technologies, https://goo.gl/5vcJTb. 
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2016 study found utilities could procure these advanced technologies within months—four 
to six times faster than conventional technologies.63  
 

The value of  energy storage is also apparent in California’s use of  it to solve the 
emergency that resulted from the massive gas facility failure at Aliso Canyon.  That failure 
put the entire region at high risk of  far-reaching power outages.  State regulators directed 
utilities to speed up the deployment of  large-scale, grid-connected storage.  As of  August, 
California utilities have proposed three large-scale battery installations64—one with an in-
service date just five months after it was proposed.65  
 

c. Energy efficiency 
 

Energy efficiency is the lowest-cost energy resource available,66 and is essential to 
deliver least-cost electric service.  More specifically, the wide-ranging technologies labeled as 
energy efficiency are part of  the demand-side management that Florida needs to keep 
demand down and electric bills low, as noted in Section II.B.1 above.  Yet the utilities 
continue their practice of  ignoring any incremental energy efficiency additions beyond the 
levels set by the Commission based on information three or more years old.67  This cannot 
be squared with the more recent market assessments, including those in other Southeast 
states, consistently showing that energy efficiency is not only cost-effective, but a critical 
resource to meet peak demand,68 reduce risk, and save customers money.69   

                                                           
63 Id. at 10. 
 
64 They proposed two 20 MW (80 MWh) facilities from SCE and a 37.5 MW (150 MWh) project from 
SDG&E. ‘Eyes wide open’: Despite climate risks, utilities bet big on natural gas, Utility Dive, Sept. 27, 2016, 
https://goo.gl/697hYh. 
 
65 As Aliso Canyon Gas Shortage Looms, Southern California Looks to Energy Storage, Greentech Media,  
Jun. 02, 2016, https://goo.gl/JrI0O4; See also California Utilities Are Fast-Tracking Battery Projects to 
Manage Aliso Canyon Shortfall, GreenTech Media, Aug. 18, 2016, https://goo.gl/9XyYx1. (stating that the 
projects must be grid-ready by year’s end, in SCE’s case, or by Jan. 31,  2017, in SDG&E’s case.). 
 
66 SEE, Guide For States: Energy Efficiency As A Least-Cost Strategy To Reduce Greenhouse Gases And Air 
Pollution, And Meet Energy Needs In The Power Sector (2016), available at https://goo.gl/ZtQ7pc; See also 
ClimateWorks & Fraunhofer ISI, How Energy Efficiency Cuts Costs for a 2°C Future (2015), available at 
https://goo.gl/fjf0xR; See also The Best Value for America’s Energy Dollar: A National Review of  the Cost 
of  Utility Energy Efficiency Programs (2014), available at https://goo.gl/GPYhzU. 
 
67 Here, “utilities” refers to the utilities subject to the Florida Energy Efficiency and Conservation Act 
(FEECA). The other Florida utilities also have an obligation to provide least-cost service and to that end 
should develop and disclose robust options analyses focusing on energy efficiency. 
 
68 At very low cost and risk, efficiency offers flexibility in meeting peak demand.  Florida utilities can quickly 
ramp up efficiency to meet demand growth and thereby reduce or entirely avoid costly infrastructure 
improvements and expansion. RAP, Recognizing the Full Value of  Energy Efficiency (What’s Under the Feel-
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Energy efficiency programs are inherently less risky since they consist of  many 

discrete resources that will not fail all at once.70  Additionally, efficiency increases system 
reliability by reducing the stress on it.  Many utilities give energy efficiency resources a risk 
credit, meaning the risk reduction effects of  implementing efficiency reduced the cost of  
energy efficiency.71 Thus, efficiency is a highly predictable and reliable cost-effective resource 
that enables the utility system to avoid the risk of  surpluses, shortages, and periodic outages. 

 
The utilities’ refusal to consider incremental energy efficiency additions is even more 

alarming given the highly publicized, rapid changes in the market, and the billions of  dollars 
that other utilities reported saving in recent years from geographically targeted energy 
efficiency programs, especially those that defer or avoid large transmission and distribution 
expenditures.72  This Commission itself  stated that, “at any time,” it is ready to “reexamine 
and then adopt new [energy efficiency/demand-side management] goals or changes to those 
goals.” 73 It is the responsibility of  the utilities to develop data and analysis to allow the 
Commission to do so.  

 
Indeed, if  the utilities and the Commission are serious about closing the gap that 

minority and low-income households spend on energy, then they will rapidly develop plans 
to increase investment in energy efficiency, as leading energy efficiency experts have 
recommended.74   

                                                                                                                                                                                           
Good Frosting of  the World’s Most Valuable Layer Cake of  Benefits) (2013) (hereinafter “2013 RAP Energy 
Efficiency Report”), at 41, available at https://goo.gl/APjr2s. 
 
69 Because efficiency reduces all pollutants, it can also save ratepayers money by satisfying environmental 
regulations without building new power plants, which require huge, inflexible capital outlays. 
 
70 2013 RAP Energy Efficiency Report, at 41.  
 
71 The 2013 PacifiCorp IRP and the Northwest Power Council both give energy efficiency resources risk 
credit. ACEEE Comments on 2015 Tennessee Valley Authority Draft Integrated Resource Plan, at 3.   
 
72 For instance, in 2011, Consolidated Edison estimated that including the effects of  geographically-targeted 
efficiency programs in its 10-year forecast reduced costs by over $1 billion. Additionally, since 2012, ISO New 
England identified over $400 million in deferred transmission investments due to efficiency. NEEP Northeast 
Energy Efficiency Partnerships: Energy Efficiency as a T&D Resource: Lessons from Recent U.S. Efforts to 
Use Geographically (2015), at 12 available at https://goo.gl/AXRf3m. 
 
73 FPSC Transcript Document No. 06614-14, at 21, Order No. PSC-14-0696-FOF-EU, filed Dec. 5, 2014, in 
Docket No. 130205-EI. 
 
74 ACEE, Lifting the High Energy Burden in America’s Largest Cities: How Energy Efficiency Can Improve 
Low-Income and Underserved Communities, Apr. 20, 2016, at 3-4. (For African-American, Latino, and 
renting households, 42%, 68%, and 97% of  their excess energy burdens, respectively, could be eliminated by 
raising household efficiency to the median.). 
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C. Rather than minimize cost of  service to customers, the plans pave the way for 
windfalls for the IOUs/their affiliates at the expense of  the captive customer 
base; it is imperative for the Commission to intervene and reject the plans.  
 
As discussed above, the plans are in no way least-cost from an electric utility 

customer perspective.  Others, however, certainly profit from these gas-laden proposals.  The 
most obvious profiteers are the shareholders of  the IOUs/their affiliates—together they are 
heavily investing in gas generation and infrastructure, such as inter-state pipelines.  This gives 
the IOUs a perverse incentive to increase their reliance on and subsidize the inefficient 
production and distribution of  natural gas as they pass increases in fuel costs directly to 
customers.   

 
In his testimony before the Senate Energy and Natural Resources Committee, 

Jonathan Peress highlights “a disturbing trend of  utilities pursuing a capacity expansion 
strategy by imposing transportation contract costs on state-regulated retail utility ratepayers 
so that affiliates of  those same utilities can earn shareholder returns as pipeline developers. . 
. . Thus ratepayer costs which may not be justified by ratepayer demand are being converted 
into shareholder return.”75  Mr. Peress further explains, “the effect of  these affiliate 
transactions, whereby utilities commit their captive customers to pay for pipelines being 
developed by the same corporate group, is that customers are saddled with risky 20 year 
financial obligations to provide nearly risk free shareholder returns of  14% per year or 
more.”76 

 
Ultimately, Mr. Peress warns, affiliate transactions can hurt not only customers but 

also market participants.  In Florida, this includes business, large or small, that lose 
opportunities to provide efficient solutions for electric service due to the control that the 
IOUs/their affiliates exert over the state’s energy market.  This is the rub, for instance, in 
FPL and DEF’s decision to import more gas through the Southeast Market Pipeline Project 
instead of  less costly, Florida-made solutions for them to provide an adequate and reliable 
supply of  electricity. 

 
 In recent years, mergers between the IOUs and pipeline companies have 

proliferated77—growing the potential for the fallout described by Mr. Peress.  Again, the 
Southeast Market Pipeline Project 78 is case in point: FPL and DEF back this pipeline even 

                                                           
75 Jonathan Peress, Testimony Before the Senate Energy and Natural Resources Committee (June 14, 2016), at 
5, https://goo.gl/rPoudE. 
 
76 Id. 
 
77 See Exhibit C: Mergers between pipeline companies and IOUs/their affiliates. 
 
78 Sabal Trail is part of  multiple pipeline expansions and a joint venture of  DEF’s parent, Duke Energy 
Corporation, and FPL’s parent, NextEra.   

46



Sierra Club Comments 
Re: Planning for least-cost electric service in Florida 

 
 

16 
 

though it would more than double the amount of  natural gas that FPL and Duke themselves 
project needing.79  

 
Coupled with the utilities’ hedging programs, the recent mergers and affiliate 

transactions raise an acute threat of  improper subsidization of  pipeline companies by 
Florida electric utility customers.80  Between 2002 and 2015, the four IOUs saddled their 
customers with more than a $6 billion bill for fuel costs higher than market price.81  Public 
Counsel has protested this, citing the IOUs’ own estimates of  another $559 million in losses-
borne again by customers.82  If  the Commission were to allow the utilities, now merged with 
pipeline companies, to increase their gas generation, customer bill could soar even higher.  

 
As the Antitrust Division of  the United States Department of  Justice recognizes, this 

type of  vertical integration “may be used by monopoly public utilities subject to rate 
regulation as a tool for circumventing that regulation.  The clearest example is the acquisition 
by a regulated utility of  a supplier of  its fixed or variable inputs.  After the merger, the utility 
would be selling to itself  and might be able arbitrarily to inflate the prices of  internal 
transactions.  Regulators may have great difficulty in policing these practices, particularly if  
there is no independent market for the product (or service) purchased from the affiliate.”83 
Vertical integration of  the retail distribution and generation markets plus financial hedging 
of  natural gas thus presents a clear conflict of  interest whereby self-dealing practices can 
rampantly exploit the captive customer base.   

 
To protect customers and diverse businesses in Florida, it is imperative for the 

Commission to reject the plans, and put all the utilities on a path to reduce, not increase, 
Florida’s generation. 

                                                           
79 FPL admitted that it would only require 400,000 Dth/day by 2017 and 600,000 Dth/day by 2020, yet it 
moved forward with the construction of  Sabal Trail, which will ship double that amount—800,000 Dth/day 
by 2017 and 1.1 billion Dth/day by 2020. Compare Testimony of  Heather C. Stubblefield on behalf  of  the 
Florida Power & Light Co., FPSC Docket No. 130198, July 26, 2013 at 9:10-13, (testifying that FPL requested 
these amounts “based on FPL’s analyses of  its future gas transportation requirements”); Application by 
Florida Southeast Connection, LLC (“FSC”) to FERC for a Certificate of  Public Convenience and Necessity 
and for Related Authorizations, Sept, 26, 2014 at 2, (stating amount that Sabal Trail will ship). 
 
80 For example, the $3 billion Atlantic Sunrise gas pipeline expansion proposal pending before the Federal 
Energy Regulatory Commission (Docket No. CP15-138) would connect to delivery points in Florida, and 
FPL and DEF have intervened in the FERC proceeding, indicating they have a material interest in this 
pipeline. 
 
81 Office of  Public Counsel Protest, Document No. 05102-16, at 2, filed July 15, 2016, in Docket No. 160096-
EI (hereinafter “Public Counsel Protest of  Hedging Losses”).   
 
82 Public Counsel Protest of  Hedging Losses, at 2. 
 
83 United States Department of Justice, Antitrust Division, Non-Horizontal Merger Guidelines § 4.3 Evasion 
of Rate Regulation, available at https://goo.gl/9xw0QB. 
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D. The utilities acknowledge they can wait many months, even years before 
committing resources to add any gas generation, so they have time to pursue 
alternatives instead. 
 
The utilities cite no reason to move forward now with their proposals to add gas 

generation.84  Indeed, the purpose of  this generation is mainly to meet projected growth in 
peak demand.85  We reiterate that this growth may never materialize.  Even if  it did, the 
utilities acknowledge they can wait many months, even years, before committing any 
resources to adding gas generation.86  More specifically, November 2017 is the earliest “drop 
dead” date (for a 200 MW CT with a May 2020 in-service date), and that could be pushed 
back by six months.87  The utilities thus have ample time to complete the missing RFPs and 
options analyses and revise their plans to pursue cost-effective alternatives instead. 

 
E. Florida’s high-cost, high-risk coal generation reinforces the need for revised 

plans including the chronically missing options analyses. 
 

While the utilities are not proposing any new coal generation, their existing coal 
burning generation undermines their ability to provide least-cost service.  Burning coal to 
generate electricity lost whatever economic edge it once had, as evidenced by the 
overwhelming national coal divestment trend.88  To be sure, coal is a terrible deal:  Not only 
is burning coal one of the priciest89 and most polluting90 ways to generate electricity, 
importing coal from out of state also stunts local economic growth.91   

 
With no shortage of low-cost, low-risk alternatives in the market, all remaining coal 

owners and operators owe their regulators robust options analyses focusing on options for 
transitioning to the alternatives as soon as practicable.  The regulators, in turn, are wise to 

                                                           
84 Staff  data request no. 42. 
 
85 As noted above, OUC and FPL propose adding CCs as well. 
 
86 See response to Staff  data request no. 40; See also 2016 TYSP Schedule 9s. 
 
87 TECO 2016 TYSP; See also TECO response to Staff  data request no. 40.  
 
88 See, e.g., EIA, ‘Coal made up more than 80% of retired electricity generating capacity in 2015’ (Mar. 8, 2016) 
available at https://goo.gl/b0xcAq; See also Sierra Club, Open letter to coal industry: United States and the 
world are moving away from coal, toward clean energy (Apr. 21. 2016) available at http://goo.gl/kE94J6. 
 
89 See 2016 TYSP Comments, supra n. 3 (citing sources on how coal generation costs compare to alternatives). 
 
90 See Mother Jones, ‘Environmentalists Hate Fracking. Are They Right?’ (May 11, 2016) available at 
http://goo.gl/dGtFju. 
 
91 See Union of Concerned Scientists, Burning Coal, Burning Cash: 2014 Update; Fact Sheet: Florida’s 
Dependence on Imported Coal (Jan. 2014) available at http://goo.gl/Y3Yw21. 
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disallow further expenditures on uncompetitive coal generation, as the Georgia Public 
Service Commission just did in the integrated resource planning proceeding it recently 
concluded for that state’s largest electric utility Georgia Power.92 

 
Yet in Florida, the utilities have continued their practice of presenting no options 

analyses regarding their existing coal generation. This is a grave omission, as we have 
consistently warned, because the utilities’ own, incomplete regulatory compliance cost 
estimates for this generation range in the hundreds of millions to billions of dollars.93  
Moreover, when Staff asked for up-to-date information—underscoring the dearth of 
information in the plans—the utilities indicated that their analyses are still incomplete, and 
they failed to provide any estimate whatsoever for several existing regulations.94  

 
One glaring omission concerns the Effluent Limitations Guidelines (ELGs), the new 

U.S. Environmental Protection Agency rule to protect our waters from the toxic pollutants 
in the discharge of coal generators.  The ELGs became effective on January 4, 2016, and the 
default deadline is November 2018.  As it took EPA decades to issue this rule, utilities have 
long anticipated and planned for it.95  Indeed, the IOUs must report their compliance 
estimates under federal financial disclosure rules, and have in fact reported such estimates 
for ELGs, which are as high as $50 million for just one of a dozen Florida coal plants.96  

 
With such massive costs looming over them, it is unacceptable for the utilities to 

continue to delay studying their options to transition to non-fossil generation.97  Indeed, as 
we highlighted last year, Lakeland Electric stands out as the one Florida utility that already 
commissioned such a study.  Lakeland compared several retrofit and retirement scenarios for 
its aging coal plant, showing that the analysis itself is eminently doable.98  Predictably, 
Lakeland’s conclusion, which the utility is now refining with further studies, is that 

                                                           
92 See Exhibit D – Georgia Power IRP Stipulation, at 3 (“minimiz[ing] all capital expenditures” on two large 
coal generation facilities); See also GPSC Docket No. 40161, Direct Testimony of T. Newsome and P. Hayet, 
at 7 and 51 (Commission staff expert recommending “all capital investment” on costly coal plants be 
“minimize[d].”) (May 6, 2016) available at http://goo.gl/SF9rba. 
 
93 See Sierra Club 2015 Comments, at 7. 
 
94 See generally Utility responses to Staff data requests nos. 50-62. 
 
95 See Exhibit E – Sierra Club Comments to Florida Dep’t of Environmental Protection (FDEP) re: ELGs. 
 
96 See Exhibit F – Sierra Club Comments to FDEP re: Crystal River Energy Center. 
 
97 To be clear, Sierra Club does not support new nuclear generation as it extremely high cost and high risk 
and thus a nonsensical choice given all of the better alternatives available in the market. 
 
98 nFront Consulting LLC, “Strategic Resource Plan, Lakeland Electric,”(Mar. 2015), available at 
http://goo.gl/B2BmRK. 
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renewables and energy efficiency will meet its load growth over the next 20 years more cost-
effectively than all three fossil fuel expansion scenarios studied.99   
  
III. The Commission should require the utilities to file revised plans as soon as 

practicable. 

 For all the foregoing reasons, the Commission should reject the plans and require all 
the utilities to file revised plans as soon as practicable, including the chronically missing 
options analyses.  The IOUs should file revised plans no later April 1, 2017, the annual 
deadline for plan revisions, to minimize the fallout from their conflict-ridden plans.   
  

Thank you for your consideration. 
     

Respectfully submitted,  
 
 /s/ Diana A. Csank    
       

Diana A. Csank     
Sierra Club Staff  Attorney     
50 F Street NW, Eighth Floor   
Washington, DC 20001 
Phone: 202-548-4595 
E-mail: Diana.Csank@sierraclub.org  
 
Jean Zhuang 
Sierra Club Law Fellow 

      
  
 
 
 
 
 
 
 
 
 
 
 
 
 

                                                           
99 Id. at 3-13, 3-24. 
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Exhibit A: RFPs for Renewables in the Southeast 
 
The following is an illustrative list of RFPs for renewables in the Southeast. 
 
Alabama 

• The Alabama Public Service Commission (PSC) approved a proposal from Southern Company 
subsidiary Alabama Power, the state’s dominant electricity provider, to procure up to 500 MW of 
renewable energy from 80 MW or smaller facilities. The utility’s proposal cited both a need for 
renewables to meet Clean Power Plan emissions reductions requirements and customer demand. The 
utility’s request for proposals (RFP) requires renewables projects to be priced below what it would 
expect to pay for other generation sources, unless the off-taker agrees to pay the difference.1  

• On September 27, 2016, Alabama Power issued a request for proposals (RFP) for renewable energy 
resources. For a proposed project to be considered under this RFP, the generation resource must be 
either a renewable resource, as identified in Section 40-18-1(30), Code of Alabama (1975), or 
an environmentally specialized generating resource. Eligible projects include solar, wind, geothermal, 
tidal or ocean current, low-impact hydro and biomass.2 
 

Georgia 
• Georgia Power Company's 2015/2016 Advanced Solar Initiative Distributive Generation Program 

sought proposals and applications for solar photovoltaic generation. The Georgia public Service 
Commission has given approval to Georgia Power Co., a unit of Southern Co., to release a request 
for proposal for 495 MW of new solar power generation. The commission approved 425 MW of the 
requested amount on July 12, 2013 as part of the 2013 Georgia Power Co. Integrated Resource Plan 
and 70 MW as part of the utility’s Advanced Solar Initiative November 20, 2012.3 

 
Kentucky 

• East Kentucky Power Cooperative RFP sought to obtain up to 300 MW of generation, including 
renewable resources with a capacity of 5 MW or larger. EKPC will retain all environmental attributes 
associated with the renewable resources.4 (Closed August 30, 2012) 
 

Mississippi 
• The South Mississippi Electric Power Association RFP sought capacity and/or related energy from 

wind resources with up to 250 MW of nameplate capacity.5 (Closed August 31, 2015) 
 
 

Tennessee 
• State of Tennessee RFP sought proposals for design, delivery, installation, operation and 

maintenance of renewable energy systems using solar photovoltaic electric generating technologies to 
supply energy to the State at multiple sites.6 (Closed August 9, 2016). 

                                                           
1 https://goo.gl/dnY5Ea. 
2 https://goo.gl/XXCQAh. 
3 https://goo.gl/FkAz21. 
4 https://goo.gl/7GhgcP. 
5 https://goo.gl/OS1kKz. 
6 https://goo.gl/CsM2QY. 
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Virginia 

• EPB RFP sought proposals from qualified contractors for the labor and materials needed to build 
the first of two community solar power generation facilities under its Solar Share pilot project. The 
first project will be built in the Bakewell community of northern Hamilton County and the second 
one is planned near existing EPB facilities in Chattanooga. The two projects will provide a combined 
1.35 megawatt generation capacity.7 (Closed May 15, 2016) 

• The Council of Independent Colleges in Virginia (CICV) RFP sought proposals to construct and 
finance up to 37.8 MW solar photovoltaics (PV) systems at the campuses of some of its member 
colleges. The project is supported by the U.S. Department of Energy's SunShot Initiative. Bidders 
shall propose the construction of different types of PV systems under various financing mechanisms 
that creates net cost savings to participating colleges.8 (Closed January 22, 2016) 

• Solarize Harrisonburg RFP sought a single price/kW installed for a group of residential homeowners 
in Harrisonburg, Virginia. This price will be offered to all homeowners participating in the group. 
The PV projects are to be installed on the roofs of each of the properties and will be owned by the 
individual property owners.9 (Closed September 11, 2014) 

• Appalachian Power Company RFP sought proposals to solicit and subsequently pre-qualify 
companies who have an interest in participating in the company's RFP for obtaining up to 10 MW 
(AC) of ground-mounted solar energy resources via either an asset purchase with 100% ownership or 
20-year PPA. Proposed projects must be located within Virginia, be interconnected to the PJM 
Regional Transmission Operator or Appalachian Power's distribution system, and have a minimum 
nameplate rating of 5 MW (AC).10 (Closed February 5, 2016) 

 
North Carolina 

• The City of Raleigh RFP sought proposals from qualified solar energy developers to own, install, 
operate, and maintain solar systems on approximately 53 acres of city-owned land near the Neuse 
River Resource Recovery Facility.11 (Closed January 8, 2016) 

• NC GreenPower RFP sought proposals for up to 60,000 MWh of renewable energy through a 
purchase with either a one- or two-year term. The potential generator of renewable energy will be 
required to enter into a Power Purchase Agreement with a North Carolina electric utility and the 
generated power will be delivered to North Carolina's electrical supply.12 (Closed January 6, 2016) 

• NC GreenPower RFP sought proposals for up to 40,000,000 kWh of Renewable Energy Certificates 
(RECs) generated in North Carolina through one- or two-year terms from qualifying renewable 
energy projects.13 (Closed November 25, 2014) 

 
South Carolina 

• Duke Energy Carolinas and Duke Energy Progress RFP sought approximately 40 MW and 13 MW 
of eligible photovoltaic generation capacity and all associated renewable attributes located in and 

                                                           
7 https://goo.gl/y0a1sk. 
8 https://goo.gl/Ay3DUh. 
9 https://goo.gl/mWiAcl. 
10 https://goo.gl/vNNFbr. 
11 https://goo.gl/1fZ1sQ. 
12 https://goo.gl/Yrjj3M. 
13 https://goo.gl/2iZOSd. 
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directly interconnected to its retail service areas in South Carolina via a combination of Power 
Purchase Agreements and turnkey proposals with engineering, procurement and construction 
agreements in the form of Design-Build-Transfer Asset Purchase proposals.14 (Closed October 27, 
2015) 

• Duke Energy Carolinas and Duke Energy Progress RFP sought approximately 4 MW and 1 MW of 
eligible photovoltaic generation capacity and all associated renewable attributes located in and directly 
interconnected to its retail service areas in South Carolina via a combination of Power Purchase 
Agreements and turnkey proposals with engineering, procurement and construction agreements in 
the form of Design-Build-Transfer Asset Purchase proposals. Proposals must comply with Duke 
Energy's "Shared Solar Program" requirements under the South Carolina Distributed Energy 
Resource Program Act and be in service by December 31, 2016.15 (Closed October 27, 2015) 

• South Carolina Electric & Gas Company RFP seeking bidders to provide solar power to the utility 
through purchased power agreements. SCE&G intends to work with solar developers to locate the 
solar farms on company-owned property in North Charleston (up to 500 kW) and Cayce (up to 4 
MW).16 (Closed October 3, 2014) 

 
Louisiana 

• State of Louisiana Department of Education RFP seeking bids for the installation of solar panels at 
Andrew Jackson Elementary School located in New Orleans, LA.17 (Closed June 26, 2012) 

• AEP Southwestern Electric Power Company (SWEPCO) RFP seeking long-term renewable energy 
to help fulfill energy-supply requirements for its customers. The request was issued as part of the 
Louisiana Public Service Commission's Renewable Energy Pilot Program. Proposals for 
approximately 31 megawatts of new renewable-energy resources deliverable to the Southwest Power 
Pool (SPP). Resources must be able to begin operating by Dec. 31, 2014, and have a minimum 10-
year PPA.18 (Closed June 15, 2011) 

 
Multiple States in the Southeast Involved 

• Southern Alliance for Clean Energy RFP sought a contractor to perform a transmission analysis for 
gigawatt-scale offshore wind energy off North Carolina, South Carolina and Georgia. (Phase 2C - 
Offshore Wind Energy Transmission Study).19 (Closed February 16, 2011) 

• Appalachian Power RFP sought up to 150 megawatts of wind power. Proposals should allow 
Appalachian Power to own one or more wind projects or purchase the output from wind projects 
under one or more 20-year renewable energy power purchase agreements. Qualified projects must be 
located within Virginia, West Virginia, eastern Indiana, Kentucky, Maryland, North Carolina, Ohio or 
Pennsylvania, be interconnected to the PJM Regional Transmission Operator, and have a minimum 
nameplate rating of 40 MW.20 (Closed April 1, 2016) 

                                                           
14 https://goo.gl/uv2Mj8; https://goo.gl/K5U7TY. 
15 https://goo.gl/b4dpPR. 
16 https://goo.gl/toZd3Q. 
17 https://goo.gl/l2hDuK. 
18 https://goo.gl/iu1fM6. 
19 https://goo.gl/fLSBAe. 
20 https://goo.gl/8S6l5C. 
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Exhibit B: Florida RFPs for solar 

The following is an illustrative list of  recent RFPs in Florida. 

1. JEA issued an RFP for solar PV Power Purchase Agreements (PPA) in April of 2015, and 
entered into seven PPAs.1 In 2015, JEA awarded a total of 31.5 MW of solar PPAs. 
Agreements have been finalized for five projects for a total of 25.5 MW.2 Additionally, in 
December of 2014, JEA issued a solar photovoltaic RFP. Earlier, in May of 2009, JEA 
entered into a PPA with Jacksonville Solar, LLC to receive up to 15 MW from the solar 
plant located in western Duval County. The facility consists of approximately 200,000 
photovoltaic panels, and generated 20,132 MWh in 2015.3 
 

2. Seminole issued a solar RFP in March 2015 for a minimum of 2 MW and maximum of 20 
MW to be in operation before November 2, 2016. Seminole received seventeen different 
offers with photovoltaic technology to be in service by the end of 2016. Seminole also 
incorporated a 2 MW solar photovoltaic facility into Seminole’s ten-year plan. Finally, on 
March 21, 2016, Seminole finalized agreements for a 2.2 MW solar facility to be constructed 
in Hardee County.4 

 
3. The City of Tallahassee issued a RFP for a PPA for a 10 MW utility scale solar photovoltaic 

project. 5 During negotiations, the project developer offered double the capacity of the 
project, and the City Commission voted to authorize the PPA for 20 MW.6  
 

4. Lakeland Electric issued an RFP in November of 2007, seeking an investor to purchase and 
install investor-owned photovoltaic systems totaling 24 megawatts. In October of 2008, the 
project was approved, and installed two years later. The projected reduction in annual fossil-
fuel generation is expected to be 31,800 megawatt-hours. In addition, Lakeland 
Electric issued another RFP in November 2007 for the expansion of its Residential Solar 
Water Heating Program. Lakeland’s proposal was for the installation and operation of 3,000 
– 10,000 solar residential water heaters, and annual projected energy savings ranged between 
7,500 and 25,000 megawatt-hours.7 

                                                           
1 Solar Photovoltaic Power Purchase Agreements, Dec. 22, 2014, available at https://goo.gl/X4C2hu. 
2 See JEA 2016 Ten-Year Site Plan, at 12. 
3
 See id. at 3. 

4 Seminole response to Staff  data request no. 36; See also Seminole 2016 Ten-year site plan, at 25; See also Seminole 
Electric Cooperative Issues Request for Proposals for Solar Energy, Mar. 31, 2015, https://goo.gl/fkRXXg.  
5 2015 Solar Procurement in the South, Oct. 6, 2015, https://goo.gl/jFaYnj. 
6
 See City of Tallahassee 2016 Ten-year site plan, at 41-42; see also Tallahassee prepares to add solar power to portfolio, 

Mar. 24, 2015, https://goo.gl/47IWrv. 
7 See also Lakeland Electric’s 2016 Ten-Year Site Plan. 
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Exhibit C: Mergers between pipeline companies and IOUs/their affiliates. 
 
The following is an illustrative list of  mergers between pipeline companies and the IOUs/their 
affiliates. 
 

1. AGL the largest natural gas distributor in the Southeast merged with Southern Company, 
which is the parent company of  Gulf  Power. The merger creates operations of  more than 
80,000 miles of  pipelines.1 
 

2. There is a pending merger between Duke Energy and Piedmont. Both are partners on a $5 
billion Atlantic Coast Pipeline.2 
 

3. NextEra Energy Partners, LP, parent company of  Florida Power & Light, acquired NET 
Midstream, owner of  seven long-term contracted natural gas pipeline assets.3  

Mergers aside, Tampa Electric Company also has substantial stakes in gas infrastructure. TECO’s 
subsidiary, SeaCoast Gas Transmission, L.L.C, operates a 25-mile pipeline system, which can deliver 
100,000 MMBtus per day of natural gas to northeast Florida.4 Another affiliate, New Mexico Gas 
Company, also owns and operates pipelines.5 

                                                           
1 Southern Company and AGL Resources complete merger, create a leading U.S. energy company, Southern 
Company, July 1, 2016, https://goo.gl/lHeHHU. 
2 North Carolina environmental groups oppose Duke-Piedmont merger, Crain’s Raleigh-Durham, July 22, 
2016, goo.gl/GSoCQ0 
3 NextEra Energy Partners, LP completes the acquisition of  natural gas pipelines in Texas, PR Newswire, 
Oct. 5, 2015, goo.gl/WlaS4X. 
4 TECO Energy announces the formation of a new subsidiary, SeaCoast Gas Transmission, LLC, TECO 
Energy, Aug. 4, 2008, https://goo.gl/0ebj7J. 
5 Overview — New Mexico Gas Company, https://goo.gl/jQtnwL. 
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STATE OF GEORGIA 

BEFORE THE GEORGIA PUBLIC SERVICE COMMISSION 

INRE: 

Georgia Power Company's 
2016 Integrated Resource Plan and 
Application for Decertification of Plant 
Mitchell Units 3, 4A and 4B, Plant Kraft 
Unit 1 CT, and Intercession City CT 

) 
) 
) 
) 
) 
) 
) 
) 

Georgia Power Company's Application for ) 
the Certification, Decertification, and ) 
Amended Demand Side Management Plan ) 

Docket No. 40161 

DocketNo. 40162 

Stipulation 

The Georgia Public Service Commission (the "Commission'') Public Interest Advocacy 
Staff C'PIA Sta:f:P'), Georgia Power Company ("Georgia Power' or the "Company") and the 
undersigned intervenors (collectively the "Stipulating Parties'') agree to the following stipulation 
as a resolution of the above-styled proceedings to consider the Company's 2016 Integrated 
Resource Plan (the ''2016 mP'') and the Application for the Certification, Decertification, and 
Amended Demand Side Management Plan (the "20 16 DSM Planj. The Stipulation is intended 
to resolve all of the issues in these Dockets. The Stipulating Parties agree as follows: 

Supply Side Plan 

1. The 2016 1RP is approved as amended by this Stipulation. 

2. Plant Mitchell Units 3, 4A and 4B, Plant Kraft Unit 1 CT and Intercession City CT shall 
be decertified and retired as provided for in the 2016 IRP. 

3. The Renewable Energy Development Initiative ("REDr') is approved and shall be 
increased such that it will procure 1,200 MW (150 MW of Distributed Generation 
("DG'') and 1,050 MW of utility scale resources). Utility scale procurement shall take 
place through two separate Requests For Proposals ("RFP''). The first RFP will be issued 
to the marketplace in 2017 and will seek 525 MW of renewables with in service dates of 
2018 and 2019. The second RFP will be issued to the marketplace in 2019 and will seek 
525 MW ofrenewables with in service dates of2020 and 2021. No more than a total of 
300 MW of wind resources shall be procured through RED I. Bid fees for the utility scale 
solicitation shall be set at five thousand dollars ($5,000) or three hundred dollars per MW 
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($300/MW), whichever is greater. The cost to implement and administer the REDI 
program shall be recovered through the fuel clause. Provided, however, that any costs 
recovery related to the ASI Prime Program in excess of ongoing ASI Prime costs shall be 
allocated to REDI and shall not be recovered through the fuel clause. All bid fees 
collected will be credited to the fuel clause. 

4. In 2017, the Company shaU issue an RFP for 100 MW ofDG greater than lkW but not 
more than 3 MW with a commercial operation date of2018 or 2019. Contract terms will 
be up to 35 years and solar DO projects must interconnect at Georgia Power's owned 
distribution system. Bid fees for the DG solicitations shall be set at $4/k.W. 

5. By the end of20 18, the Company shall procure an additional 50 MW s of customer sited 
DG projects. Such projects shall be greater than lkW but not more than 3 MW and must 
have an instBlled DC capacity that is less than or equal to 125% of the actual annual peak 
demand of the customer's Premises in 2015 and be a current GPC customer at the time of 
award Procurement shall be done through an application process and if oversubscribed, a 
lottery will be conducted. Participant fees for the DG solicitations shall be set at $3/kW. 
Any MWs that are unsubscribed from the customer sited program shall be allocated to the 
DG RFP reserve list. Customer sited projects will be paid avoided costs using the 
process as described below in item 8(a). 

6. The specific process that will be utilized for the evaluation (such as whether to use a 
project and/or portfolio analysis) for projects submitted into RED! will be finalized 
during the review and approval of the REDI RFP documents. 

7. The Renewable Cost Benefit framework ("RCB.,) as provided in paragraph 8(a) shall be 
utilized in the evaluation of bids received through the REDI RFPs for utility scale and 
DG projects. The Company and Staff will work collaboratively to develop a process and 
recommendations for the continued implementation of RCB. Within ( 4) months from 
the issuance of the Final Order in this case, the Company and Staff will file their proposal 
with the Commission for implementation of RCB. If an agreement is reached between 
the Company and Staff on implementation ofRCB, the Company and Staff can 
recommend to the Commission utilization of the full RCB in REDI. 

8. The RCB shall be modified for use in the REDI program as follows: 

(a) The Company shall evaluate the bids received in response to REDI RFPs using the 
RCB. The evaluation ofREDI proposals will be limited to the consideration of Avoided 
Energy and Deferred Generation Capacity cost components consistent with the 
Framework methodology. Further, the Company will evaluate the appropriate 
transmission and distribution costs and benefits on a case by case basis as proposed in the 
Framework document 

(b) Once the evaluation in 8(a) is concluded the Company will conduct, for information 
purposes only, an evaluation using the entire RCB as filed by the Company to allow Staff 
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and the Independent Evaluator {"IE") to gain familiarity with the RCB. The evaluation 
will include all aspects of the Framework including specifically, Generation Remix, 
Support Capacity, and Bottom Out Adjustments. The Company will file its results with 
the Commission. 

9. The Additional Sum for utility scale resources procured through REDI shall be set at 
8.5% of shared savings. This amount shall be levelized and recovered annually for the 
term of the PPA. 

10. The Company's closed ash pond solar demonstration project is approved as filed by the 
Company. The Company will be required to file quarterly construction monitoring 
reports and wilt be required to demonstrate the reasonableness and prudency of any 
recovery in excess of the budget for this project :filed in the 2016 IRP. The Simple Solar 
program is approved with the modifications to the sourcing of the program as 
recommended by Staff. 

In addition, the Company's High Wind Study is approved as filed. The Company agrees 
to file quarterly reports providing the status of the High Wind Study. The Staff and 
Company will collaborate on wha~ if any, infoi:mation from the wind study will be made 
available to interested parties. 

11. The Commission approves an additional 200 MW of self-build capacity for use by the 
Company to develop additional renewable projects in collaboration with customers, 
including potential projects at Robins Air Force Base and Fort Benning. The projects 
must be at or below the Company's avoided costs. No more than 75 MW of the 200 
MWs provided for in this provision may be used for non-military customer projects. For 
the non-military customer projects, the Company must demonstrate that the project meets 
a special public interest need and could not reasonably be achieved using the competitive 
bid process. The RECs for the non-military customer projects shall accrue to the benefit 
of all customers. 

12. The Company shall consider the development of a renewable Commercial and Industrial 
Program. No more than 200 MW shall be allocated for such a program and such program 
must be approved by the Commission before implementation. The Company shall only 
consider program options that will result in delivering value to all of its customers and 
will benchmark such programs to the last accepted proposal :from the Company's utility 
scale RED! program. 

13. Staff and the Company shall work together to address retirement study and other 
modeling issues. This process should begin within six months of the final order being 
issued in this proceeding and must ccmclude at least 12 months prior to the Company's 
filing of the 2019 IRP. 

14. For purposes of the Company,s mP evaluations the long term Southern System planning 
reserve margin shall be raised to 16.25%. The Company shall meet with Commission 
Staff within 6 months of a final order in this case to discuss the timing of future Expected 
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Unserved Energy studies. The Company will report to Staff once all operating 
companies have approved for utilization the long term planning reserve margin adopted 
by this provision. 

15. The Company agrees to minimize all capital expenditures on Plant Mcintosh Unit 1 and 
Plant Hammond Units 1-4 through July 31,2019. The Company agrees to annual limits 
on all capital expenditures of $1 million for Mcintosh 1 and $5 million for Hammond 1-
4l. The Company agrees to make a filing with the Commission prior to incurring 
expenditures that exceed the annual limit 

16. The measures taken to comply with the existing government imposed environmental 
mandates necessary for the Company to implement its environmental and compliance 
plan as presented in Technical Appendix Volume 2, Summary of Capital Expenditures, 
Closures, and O&M Expenses tiled as part of the 2016 IRP are approved subject to the 
limits outlined in No. 15 above regarding Plant Mcintosh Unit 1 and Hammond Units 1-
4. This approval does not preclude the Commission from reviewing prudence of the 
actual expenditures made to effectuate the compliance plan. 

17. The remaining net book values of Plant Mitchell Unit 3 shall be reclassified as a 
regulatory asset and the Company shall continue to provide for amorti:zation expense at 
the same rate as determined in the Company's 2013 base rate case. Recovery of the 
remaining balance as of December 31, 2019 will be deferred for consideration in the 
Company's 2019 base rate case. The Stipulating Parties reserve the right to make any 
arguments, including policy and legal arguments, on the recovery mechanism and 
appropriate period in which the costs should be recovered if applicable. Parties may 
argue their respective positions on that issue in the 2019 base rate case. 

Any unusable M&S inventory balance remaining at the date of the unit retirement shall 
be reclassified as a regulatory asset and deferred for consideration in the Company's 
2019 base rate case. The Stipulating Parties reserve the right to make any arguments, 
including policy and legal arguments, on the recovery mechanism and appropriate period 
in which the costs should be recovered if applicable. Parties may argue their respective 
positions on that issue in the 2019 base rate case. 

18. Any over or under recovered cost of removal balances for each Retirement Unit shall be 
deferred for consideration until the Company's 2019 base rate case. The Stipulating 
Parties reserve the right to make any arguments, including policy and legal arguments, on 
the appropriate period in which the costs should be recovered. Parties may argue their 
respective positions on that issue in the 2019 base rate case. 

1 The Hammond Units 1-4 $5 million value represents the cumulative annual amount for all four units. This 
provision does not apply to expenditures required for retirement obligations. 
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19. The Company shall report to the Commission concerning progress on the dismantlement 
and remediation of the Plant Kraft generating plant site and the Company shall provide 
the Commission with appraised values of any land at that site that the Company would 
propose to donate to the Georgia Ports Authority, including information regarding 
whether the appraised value exceeds the Company's net book value of such land. 

20. The decision whether to accept, modify or defer consideration of the Company's request 
for authority to capitalize additional costs to preserve new nuclear shall be a policy 
decision for the Commission. Adoption of this provision within this stipulation does not 
preclude any Party from making any argument for or against the Companys request in 
this regard, nor does this agreement or this provision within this agreement suggest that 
the CoiDJilission must or should (or should not) consider this question as part of this 
IR.P. 

21. When filing the 2019 1RP or when filing any updates to the IRP prior to the 2019 mP 
filing, the Company agrees to provide the CoiDJilission Staff working copies of all models 
used in the development of that IRP, with each configured to replicate inputs used to 
derive results incorporated in its base case scenario within 10 days after the IRP or update 
to the IRP is filed. 

22. In conjunction with the ongoing level of review and analysis required by this agreement, 
Georgia Power will agree to pay for any reasonably necessacy specialized assistance to 
the Staff in an amount not to exceed $300,000 annually. This amount paid by Georgia 
Power under this paragraph shall be deemed as necessary cost of providing service and 
the Company shall be entitled to recover the full amount of any costs charged to the 
utility. 

23. The Electric Transportation Initiatives and associated costs identified in the 2016 IRP are 
not, and have not been converted into, jurisdictional expenses that become the 
responsibility of ratepayers. Each party reserves the right to address these costs and the 
merits of the program through the Annual Surveillance Report process and future rate 
cases. 

Demand Side Plan 

1. The Company's 2016 Demand Side Management ("DSM'j Plan and Application for 
Certification, Decertification and Amended DSM Plan is approved as amended by this 
Stipulation. 

2. Georgia Power will continue to treat DSM as a priority resomce in accordance with prior 
Commission precedent For the calculation of long term percentage rate impacts, the 
Company will work with Commission Staff to come up with a methodology within 12 
months of the issuance of the final order. · 
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3. Georgia Power will enter discussions over the next three years with Staff and 
DSMWO members on the value of a Residential Mid-Stream Retail Products 
Program. 

4. Georgia Power will develop a Technical Reference Manual prior to the Company's next 
IRP filing and will update it every three years thereafter. The Company will work closely 
with Staff and members of the DSMWG and DSMWG members may also propose new 
measures to be added at any point in the measure evaluation process. The DSM Program 
Planning Approach filed as Staff EXhibit BSK8 will otherwise remain unchanged other 
than "Technology Catalog" will be replaced with "Technical Reference Manual" and 
the dates will be updated to reflect 2017 through 2019. 

5. Georgia Power will agree to the budget adjustments as provided in exhibit 8 attached to 
this Stipulation as amended. 

6. Georgia Power will receive an Additional Sum 'eq-ual to 8.5% of actual net benefits based 
on net energy savings from the Program Administrators Cost Test ("PACT"). Once the 
Additional Sum amount as cal.oulated e~ceeds the annual program costst the portion of 
the Additional Sum that exceeds the program cost shall be calculated based on 4% of the 
actual net benefits based on net energy savings from the PACT. 

7. Georgia Power will work with Staff and the Company• s implementation contractor for 
the Residential Behavioral Program to find ways to include more customers in the 
program. 

8. The Company will make a concerted effort to obtain at least 25% of portfolio savings 
each year from the Residential sector. 

9. Once a program implementer is selected and plans for all proposed programs are drafted 
and completed, the plans will be provided to Staff for review prior to implementation of 
the programs. The current review and approval process reached in an agreement between 
Staff and the Company in 2014 will continue, ·and the Company agrees to discuss further 
refinements and revisions to the process. In order to change the process both Staff and 
the Company must agree to the recommended changes. 

L 0. The Company will provide detailed evaluation plans for each of the approved DSM 
programs within 120 days of the selection of Program Implementers for each of the 
certified programs. If necessary, the Company may request, and Staff may unilaterelly 
gran4 additional time to complete the detailed evaluation plans for each of the appro-ved 
DSM proposals. 

11. The Company will agree to a Commercial and Residential Building Usage Data 
awareness option at the cost of$300,000 for 2017 and $100,000 annually for 2018 and 
2(} 19, and such costs will be added to the DSM Consumer Awareness budget. This 
option will be available to customers within one year from the date of the final order in 
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this docket. There will be no assumed energy savings or goals attributed to this customer 
.a:wnreness option. 

12. The Company and Staff agree to a $2.5 million annual pilot budget for DSM and energy 
.efficiency pilot programs. Staff will be notified before the start of such pilots. 

13. The Company agrees to the Staff recommendation for the Learning Power program 
annual budget to be $3 million. 

14. The Com-pany agrees to the Staff recommendation against shifting residential and 
commercial customer awareness to cross-cutting costs. 

15. The currentDSM true-up process :filed in Docket No. 36499 on October 18" 2013, will 
continue through 2020. Although the DSM tariffs will remain at current levels until rates 
are adjusted in 2020, the true-up review process will continue on an annual basis. 

Agreed to this 23rd day of June, 2016. 

tZ .. ~. 1)~-
e tmr 

On behalf of the Georgia Public Service Commission 
Public Interest Advocacy Staff 

OnbebrufofGreo~aPowerCompany 
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On be'· Clean Line Energy 
Partners LLC 

Do. Vl"d bt-Vf'1.A 
~cnt-Lcl ~()A._ 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 
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[Additional Signatures] 

On behalf of Georgi 
Of Manufacturers 

On behalf of Georgia Industrial 
Group 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 
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this docket There will be no assumed energy savings or goals attributed to this customer 
awareness option. 

12. The Company and Staff agree to a $2.5 million annual pilot budget for DSM and energy 
efficiency pilot programs. Staff will be notified before the start of such pilots. 

13. The Company agrees to the Staff recommendation for the Learning Power program 
annual budget to be $3 million. 

14. The Company agrees to the Staff recommendation against shifting residential and 
commercial customer awareness to cross-cutting costs. 

15. The current DSM true-up process filed in Docket No. 36499 on October 18,2013, will 
continue through 2020. Although the DSM tariffs will remain at current levels until rates 
are adjusted in 2020, the true-up review process will continue on an annual basis. 

Agreed to this 23rd day of June, 2016. 

On behalf of the Georgia Public Service CoiDJllission 
Public Interest Advocacy Staff 
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[Additional Signatures] 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 
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[Additional Signatures] 

~di?gtt«J 
On be · alf of Georgia State Bmldmg 
and Construction Trades Council 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 

On behalf of 
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[Additional Signatures] 

~ ?f !L.~/-
On behalf of Southern Wind Energy 
Association 
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February 29, 2016 

  

Via Electronic Mail 

 

Supervisor Marc Harris 

Power Plant NPDES Permitting, Industrial Wastewater Section 

Florida Department of  Environmental Protection  

 

Re:  Bringing Florida Coal Plants Into Compliance With The New Effluent Limitations Guidelines   

 

Dear Supervisor Harris: 

 

As you know, the U.S. Environmental Protection Agency (“EPA”) updated the Effluent 

Limitations Guidelines (“ELGs”) for steam electric power plants to protect our waters from the 

toxic pollutants in these generators’ discharges.1  Reflecting decades of  advances in water quality 

science and control technology,2 the ELGs became effective on January 4, 2016.  Now coal-

burning3 power plants across the country must come into compliance with the ELGs “as soon 

as possible;” for many plants the deadline is November 1, 2018.4  The undersigned groups and 

our tens of  thousands of  Florida members therefore urge you, as the supervisor of  power plant 

NPDES permitting, to:   

 

1. Promptly issue draft revised NPDES permits and fact sheets for Florida coal plants to 

require these plants to comply with the ELGs by November 1, 2018, unless you 

conclude that a later date is appropriate based on a well-documented justification that is 

consistent with EPA’s guidelines in the final rule and the public interest in securing vital 

water protections as soon as possible.   

 

2. Take public comment for no less than 60 days on draft NPDES permits and fact sheets 

for Florida coal plants that include your ELGs compliance determinations. 

 

3. Work with the operators of  the three Florida coal plants without NPDES permits or 

announced plans for retirement, and other stakeholders, to ensure that these plants 

achieve timely compliance with the applicable requirements in the ELGs.    

                                                
1 U.S. EPA, Effluent Limitations Guidelines and Standards for the Steam Electric Power Generating Point Source 
Category, 80 Fed. Reg. 67,837 (Nov. 3, 2015), codified at 40 C.F.R. part 423. 
2 See 80 Fed. Reg. at 67,840. 
3 See 80 Fed. Reg. at 67,839, n. 1 (“power plants covered by the ELGs use nuclear or fossil fuels, 
such as coal, oil, or natural gas, to heat water in boilers, which generate steam.” [emphasis added]). 
4 See, e.g., 40 C.F.R. § 423.13(g)(1)(i) (establishing deadline for compliance with FGD wastewater 
standards; identical language appears in the provisions for other regulated waste streams). 
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4. Work with all Florida coal plant operators, fellow regulators, and other stakeholders to 

determine compliance obligations and timelines for all other applicable water-side 

requirements. 

 

As we discuss below, timing is critical.  Through the permit renewal process, making prompt 

compliance determinations will help attain and maintain safe water quality in Florida.  Prompt 

compliance determinations will also allow fellow regulators to assess whether it is more prudent 

to retire—rather than spend huge sums of  public monies to retrofit—these aging coal plants in 

the rapidly evolving regulations and market conditions concerning coal and carbon.   

 

In short, our overarching request is that you take swift action to determine what it will take to 

bring all Florida coal plants into timely compliance with all applicable water-side requirements, 

set deadlines for the same, and meet with us to discuss the way forward.    

 

I. DEP Should Promptly Issue Draft Permits And Fact Sheets For Florida Coal 

Plants Incorporating The ELGs And Specifying The “As Soon As Possible” 

Compliance Deadline. 

 

The ELGs impose stringent, technology-based effluent limitations on the discharges of  several 

common types of  effluent (i.e., waste streams) from coal plants, including fly ash and bottom 

ash transport waters, and wastewater from flue gas desulphurization  (“FGD”) systems.5  Under 

the Clean Water Act, it is the responsibility of  state permitting authorities to incorporate the 

ELGs into the NPDES permits for coal plants “as a floor or a minimum level of  control.”6  Just 

as it is the responsibility of  the coal plant operators to “immediately begin”—“even prior to the 

permit renewal process”—their ELGs compliance analyses, and convey to state authorities the 

information they need to complete independent evaluations.7   

 

In particular, when revising permits for direct dischargers—facilities that discharge to surface 

waters—state permitting authorities must determine the compliance deadline for the ELGs, 

which is to be “as soon as possible beginning November 1, 2018, but no later than December 

31, 2023.”  To be clear, the phrase “as soon as possible” means November 1, 2018, unless the 

permitting authority establishes a later date based on a well-documented justification and the 

                                                
5 See 40 C.F.R. § 423.13.   
6 80 Fed. Reg. at 67,882. 
7 Id. at 67,882-83 (“Regardless of when a plant’s NPDES permit is ready for renewal, the plant 
should immediately begin evaluating how it intends to comply with the requirements of the final 
ELGs. In cases where significant changes in operation are appropriate, the plant should discuss such 
changes with the permitting authority and evaluate appropriate steps and a timeline for the changes, 
even prior to the permit renewal process.” [emphasis added]). 
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authority’s case-by-case consideration of  certain enumerated factors in the final rule, discussed 

further below.   

 

The November 1, 2018, compliance deadline is achievable.  EPA’s rulemaking record shows that, 

depending on the scope of  required retrofit at a particular coal plant, industry itself  projects that 

the total time needed for fly ash and bottom ash system retrofits ranges from 27 to 36 months, 

from the start of  conceptual engineering to final commissioning.8  With appropriate planning 

and direction from state permitting authorities, many plants thus can and should be required to 

bring their operations into compliance by November 1, 2018, especially given that the updates to 

the ELGs were developed and thus anticipated by industry over several decades.  

 

EPA rightly urges permitting authorities to “provide a well-documented justification for how 

[they] determined the ‘as soon as possible’ date in the fact sheet or administrative record for the 

permit,” and to “explain why allowing additional time to meet the limitations is appropriate,” if  

that is the authority’s conclusion.9  EPA specifies that any determination that a later date is 

appropriate should be substantiated by the public record and reflect consideration of  the 

following factors: 

 

 “Time to expeditiously plan (including time to raise capital), design, procure, and install 

equipment to comply with the requirements [in the ELGs].”10  EPA explains that “the 

permitting authority should evaluate what operational changes are expected at the plant 

to meet the new BAT limitations for each waste stream, including the types of  new 

treatment technologies that the plant plans to install, process changes anticipated, and 

the timeframe estimated to plan, design, procure, and install any relevant technologies.”11    

 

 Changes being made or planned to bring the coal plant into compliance with Clean Air 

Act requirements, as well as the requirements for the disposal of  coal combustion 

residuals under Subtitle D of  the Resource Conservation and Recovery Act.12   

 

 For FGD wastewater requirements only, an initial commissioning period to optimize the 

installed equipment.13  EPA explains that the “record demonstrates that plants installing 

                                                
8 Utility Water Act Group, Comments on EPA’s Proposed Effluent Limitations Guidelines and Standards for 
the Steam Electric Power Generating Point Source Category (Sept. 30, 2013), Attach. 11: Retrofitting Dry 
Bottom Ash Handling, Attach 13: Retrofitting Dry Fly Ash Handling.  
9 See U.S. EPA, Technical Development Document for the Effluent Limitations Guidelines and 
Standards for the Steam Electric Power Generating Point Source Category (Sept. 2015), at p. 14-11, 
available at http://goo.gl/PpzQ4F [hereinafter “TDD”]. 
10 Id. 
11 Id. 
12 40 C.F.R. § 423.11(t)(2).   
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the FGD technology basis spent several months optimizing its operation (initial 

commissioning period).  Without allowing additional time for optimization, the plant 

would likely not be able to meet the limitations because they are based on the operation 

of  optimized systems.”14   

 

 Other factors as appropriate.15   

 

Consistent with these EPA guidelines and the public interest in securing vital water protections 

as soon as possible, you should incorporate the ELGs into the NPDES permits for eight Florida 

coal plants—Big Bend, Crist, Crystal River, Northside/St. Johns, Seminole, Stanton, Indiantown 

and Polk.   

 

As you are aware, NPDES permits for the first six of  these plants (Big Bend through Stanton) 

expire this year or next year.  Therefore, you should be working with their operators to ensure 

that they do, in fact, “immediately begin” their ELGs compliance analyses, and are prepared to 

provide you and the public the information needed to evaluate and set the “as soon as possible” 

ELGs compliance deadline in their NPDES renewal permits. 

 

Moreover, even if  Indiantown and Polk’s NPDES permits do not expire until 2019, their 

operators have the same responsibility to “immediately begin”—“even prior to the permit 

renewal process”—their ELGs compliance analyses, and, similarly, you should be working with 

these plant’s operators to expeditiously set and achieve the “as soon as possible” ELGs 

compliance deadline. 

 

Therefore, we urge you to make prompt compliance determinations for all eight coal plants, 

first, by collecting and making publicly available the information from their operators regarding 

their potential to comply with the ELGs by November 1, 2018, and, second, by closely 

scrutinizing and verifying this information as you revise NPDES permits and adjudicate any 

requests to extend the ELGs compliance deadline beyond November 1, 2018.   

 

With respect to extension requests, we recognize that for other regulations, for instance, the 

Mercury and Air Toxics Standards, it has been the Department of  Environmental Protection’s 

(“DEP”) practice to carefully review and grant such requests only in exceptional cases.  Similarly, 

DEP should continue this practice here and use its broad information collection powers and 

stakeholder engagement process to help adjudicate the merits of  any extension requests for 

ELGs compliance.  

                                                                                                                                                       
13 40 C.F.R. § 423.11(t)(3).   
14 TDD at 14-11. 
15 40 C.F.R. §423.11(t)(4). 
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II. DEP Should Take Public Comment For No Less Than 60 Days On Draft NPDES 

Permits And ELGs Compliance Determinations For Coal Plants. 

 

Because of  the significance of  the water protections in the ELGs and the findings you must 

make regarding the compliance date, as discussed above, we urge you to take public comment 

for no less than 60 days on these draft NPDES renewal permits and compliance determinations 

for the ELGs.  Doing so is entirely consistent with DEP’s mission to serve the public interest 

and to conduct its environmental oversight responsibilities with transparency.16 

 

III. DEP Should Work With Florida Coal Plant Operators That Do Not Have NPDES 

Permits, And Other Stakeholders, To Ensure That Their Plants Achieve Timely 

Compliance With The Applicable Requirements In The ELGs.    

 

Three coal plants in Florida—C.D. McIntosh, Jr., Cedar Bay, and Deerhaven—are not covered 

by NPDES permits but nonetheless must assure that the toxic pollutants in their effluent are 

properly treated to meet the requirements in the ELGs.  For example, the McIntosh plant in 

Lakeland discharges effluent containing toxic pollutants such as mercury to publicly owned 

treatment works.  These discharges are subject to revised Pretreatment Standards for Existing 

Sources (PSES) in the ELGs.17  The PSES are self-implementing, meaning these requirements 

apply directly, without the need for any permit revision, and must be met by the November 1, 

2018, compliance deadline in the final rule.18  Sierra Club provided McIntosh’s operator, 

Lakeland Electric, with a compliance analysis specifying the implications of  the PSES for this 

plant.19  We urge you to work with the DEP PSES coordinator, the operators of  all three plants, 

as well as other stakeholders, to ensure that they achieve timely compliance with the applicable 

requirements in the ELGs.    

 

IV. Timing Is Critical. 

 

As we noted above, timing is critical.  Through the water permit renewal process, you should 

make prompt ELGs compliance determinations for three key reasons: 

 

First, prompt ELGs compliance determinations, including setting the “as soon as possible” 

deadline, are needed to secure safe water for Floridians.  EPA updated the ELGs to address the 

“outstanding public health and environmental problem” related to the discharge of  effluent 

containing toxic and other pollutants from power plants, including Florida’s aging coal plants.20  

                                                
16 See, e.g., FDEP Mission Statement & Objectives, available at http://goo.gl/tTk3mp. 
17 See 40 C.F.R. § 423.16. 
18 Id. 
19 See Sierra Club letter to General Manager Ivy of January 26, 2016 and exhibits, on file with DEP. 
20 80 Fed. Reg. at 67,840-41.   
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Indeed, the “ELGs that EPA promulgated and revised in 1974, 1977, and 1982 are out of  date” 

and, as a result, permits issued to coal plants under those previous, outdated ELGs “do not 

adequately control the pollutants (toxic metals and other) discharged by this industry, nor do 

they reflect relevant process and technology advances that have occurred in the last 30-plus 

years.”21   

 

Furthermore, as you know, NPDES permits have a maximum term of  five years.22  The limited 

permit duration and the anti-backsliding requirement in the Clean Water Act aim to achieve 

gradual, iterative, but continual progress towards restoring the nation’s waters.  As the D.C. 

Circuit has explained, “[t]he essential purpose of  this series of  progressively more demanding 

technology-based standards was not only to stimulate but to press development of  new, more 

efficient and effective technologies.”23 As pollution control technologies improve, higher 

standards are incorporated into the NPDES permits of  existing facilities upon renewal.  This 

makes timely renewal of  NPDES permits a linchpin of  the Clean Water Act, and an essential 

part of  your office’s responsibilities. 

 

Second, prompt ELGs compliance determinations will help assure that coal plant operators do, 

in fact, reduce as soon as possible the toxic discharges into our waters, thus avoiding regulatory 

uncertainty and any avoidable delay in achieving these vital water protections.   

 

Third, prompt ELGs compliance determinations will help level the playing field between coal 

plants with NPDES permits and those without them, so that all Florida coal plants achieve 

compliance with the ELGs as soon as possible.  

 

For all these reasons, we urge you to make prompt determinations of  what it will take to bring 

Florida coal plants into compliance with the ELGs, and promptly adjudicate any requests to 

extend the compliance deadline beyond November 1, 2018. 

 

V. DEP Should Do Its Part To Protect Consumers From Piecemeal Regulatory 

Compliance Decisions That Fail To Identify And Pursue Cost-Effective 

Alternatives To Spending Billions Of  Dollars To Retrofit Florida’s Aging Coal 

Plants.  

 

As we noted above, fellow regulators are deciding whether to spend huge sums of  public monies 

on retrofitting aging coal plants to meet several environmental regulations with fast-approaching 

compliance deadlines.  Indeed, because burning coal is one of  the most polluting and 

                                                
21 80 Fed. Reg. at 67,840 [emphasis added]. 
22 See 33 U.S.C. § 1342(b)(1)(B). 
23 Natural Res. Def. Council v. U.S. Envtl. Prot. Agency, 822 F.2d 104, 124 (D.C. Cir. 1987). 
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increasingly costly ways to generate electricity, regulators—and coal plant operators—will soon 

decide whether to take as much as 4 billion dollars from Floridian families and businesses for 

retrofits, alone, to these plants.24  Yet there has not been any comprehensive accounting of  just 

how much more Floridians may have to pay to rely on these plants to keep the lights on, much 

less a fair comparison to available alternatives such as retiring these plants and investing instead 

in modern clean energy resources such as solar, wind, energy efficiency, and storage that are at 

record low prices.25  Indeed, while operators project coal plant retrofits may cost 4 billion dollars 

or more, they admit this huge sum does not account for all the costs and risks associated with 

relying on coal plants in the rapidly evolving regulations and market conditions concerning coal 

and carbon.26  

 

We urge you to do your part to fill this acute information gap, first, by providing much needed 

clarity regarding ELGs compliance obligations and timelines for coal plants and, second, by 

providing the same for other applicable water-side requirements.  For example, four Florida coal 

plants—Big Bend, Crist, Crystal River, Northside—use antiquated once-through cooling 

systems that needlessly harm millions of  aquatic organisms, potentially including federally listed 

species.  In fact, it has been unlawful to use such rudimentary cooling systems when building 

new power plants since 2001,27 and generally none have been built since the 1980’s precisely 

because of  their adverse biological impacts.28  To be sure, aging coal plants such as Big Bend, 

Crist, Crystal River, and Northside also must come into compliance with modern, species-

protecting cooling standards under the Endangered Species Act and the Cooling Water Intake 

Structure Rule.  Therefore, we urge you to work closely with the operators, fellow regulators, and 

other stakeholders to comprehensively identify Florida coal plants’ water-side compliance 

obligations and timelines.  The sooner, the better.  As we discussed above, huge sums of  public 

monies and vitally important water resources are at stake. 

 

Thank you for your consideration, and we look forward to the opportunity to meet with you to 

discuss the way forward.  

 

 

 

                                                
24 See, e.g., Sierra Club letter of December 12, 2015, Table 1 (showing electric utilities’ incomplete 
regulatory compliance costs estimates totaling 3-4 billion dollars through 2024), available at 
http://goo.gl/CT8l1j [hereinafter “2015 Letter”].  
25 See generally id. 
26 See 2015 TYSP First Supplemental Staff Data Request No. 38, available at http://goo.gl/nhBGEi; 
see also 2015 Letter, 7-8 (discussing incomplete nature of utility retrofit cost estimates). 
27 See 66 Fed. Reg. 65256 (2001) (“Phase I Rules”); see also 40 CFR §§125.80(a), 125.81(a) (2008). 
28 See, e.g., 65 Fed. Reg. 49060, 49087 and 49094 (Aug. 10, 2000) (“Draft Phase I Rules”) (noting that 
since the 1970’s there has been extensive and increasing recycling and reuse of cooling water and 
that by the year 2000 most new industrial facilities used closed-cycle cooling systems). 
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Sincerely, 

 

Diana Csank 
Sierra Club 
 
Kathleen E. Aterno 
Clean Water Action 
  
Pete Harrison 
Waterkeeper Alliance 
  
Justin Bloom 
Suncoast Waterkeeper 
  
Harrison Langley 
Collier County Waterkeeper 
 

Alisa Coe 
EarthJustice 
  
Jerry Phillips 
Florida PEER 
  
Laurie Murphy 
Emerald Coastkeeper 
 
Lisa Rinaman 
St. Johns Riverkeeper 
 

Susan Glickman 
Southern Alliance for Clean Energy 
 
Dan Tonsmeire 
Apalachicola Riverkeeper 
  
Neil A. Armingeon 
Matanzas Riverkeeper 
  
Rachel Silverstein, Ph.D. 
Miami Waterkeeper 

 

 

Cc:  Paula Cobb, DEP 

 Greg Brown, DEP 

 Richard Tedder, DEP 

 Julie Brown, PSC 

 Mark Futrell, PSC 

 Tom Ballinger, PSC 

 J.R. Kelly, OPC 
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September 26, 2016 

 
Via email and postal mail 
 
Supervisor Marc Harris 
Power Plant NPDES Permitting, Industrial Wastewater Section  
Florida Department of  Environmental Protection 
marc.harris@dep.state.fl.us 
 
 

Re:  Bringing coal burning operations at the Crystal Energy Generating 
Complex Units 4 and 5 into compliance with ground and surface 
water protection standards in the current NPDES permit renewal 
process (Permit No. FL0036366) 

 
Dear Supervisor Harris:  
 

On behalf of our tens of thousands of Florida members and supporters and the 
undersigned groups, the Sierra Club respectfully submits these comments on the Draft Permit 
issued by the Florida Department of  Environmental Protection (“DEP”) for National Pollutant 
Discharge Elimination System Permit (“NPDES”) Permit No. FL0036366. This permit governs 
discharges from Units 4 and 5 at Duke Energy Florida’s (“DEF”) Crystal River Energy 
Generating Complex (“CREC”) into Crystal Bay, a Class II marine water and part of the Gulf of 
Mexico.  

 
As stated in our prior letter of  February 29, 2016,1 we have a vital interest in bringing the 

toxic coal burning operations in Florida into compliance with the applicable public health and 
safety standards. Our comments here focus on the necessary changes to Permit No. FL0036366 
to bring CREC into compliance with the revised effluent limitation guidelines for steam electric 
power plants (“ELGs”)2 and the new standards for coal combustion residuals (“CCR”) 3 storage 
and disposal (the “CCR Rule”).4 

                                                        
1 Letter from Diana Csank, Sierra Club, to Marc Harris, Florida Department of Environmental Protection (February 29, 
2016). 
2 U.S. EPA, Effluent Limitations Guidelines and Standards for the Steam Electric Power Generating Point Source Category; Final Rule, 
80 Fed. Reg. 67,838 (Nov. 3, 2015) (revising 40 C.F.R. Part 423) [hereinafter “ELGs”]. 
3 Coal combustion residuals include “fly ash, bottom ash, boiler slag, and flue gas desulfurization materials generated 
from burning coal for the purpose of generating electricity by electric utilities and independent power producers.” 40 
C.F.R. § 257.53. 
4 U.S. EPA, Hazardous and Solid Waste Management System; Disposal of Coal Combustion Residuals From Electric Utilities; Final 
Rule, 80 Fed. Reg. 21,302 (Apr. 17, 2015), as amended by Technical Amendments to the Hazardous and Solid Waste 
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To support our comments, we enclose two exhibits: Exhibit 1, by one of  the state’s 
preeminent hydrogeologists, Dr. Mark Stewart, assesses the coal disposal at CREC including the 
pathways for toxic contaminants in the Ash Landfill and Percolation Pond to leach into the 
Floridan aquifer and Crystal Bay. Exhibit 2, by Dr. Ranajit Sahu— an expert with over twenty-
five years of  experience in environmental, mechanical, and chemical engineering, including coal-
fired power plants— examines the timeline for CREC Units 4 and 5 to achieve compliance with 
a zero discharge standard for bottom ash.  

 
As detailed below and in the enclosed exhibits, per the ELGs, by November 1, 2018, the 

final permit should require DEF to eliminate all discharges of  bottom ash and flue gas mercury 
control (“FGMC”) wastewaters, and meet new limitations for pollutants in flue gas 
desulfurization (“FGD”) wastewater and combustion residual leachate for the following reasons, 
again, detailed further below: 

 
 The final permit should set November 1, 2018, as the “as soon as possible” deadline for 

DEF to eliminate bottom ash wastewater discharges from Units 4 and 5. 5 It is well 
documented that a zero discharge best available technology economically achievable 
(“BAT”) standard for bottom ash wastewater can be readily achieved in 27 to 30 months, 
rather than the 44 months that DEF proposed and DEP has endorsed in the Draft 
Permit.6 In fact, the permitting record here indicates that DEF is well-positioned to meet 
the standard in even less time, such that the default, November 1, 2018, deadline should 
apply.  
 

 The final permit should include the applicable ELG provisions for CREC’s FGMC and 
FGD wastewaters as they are discharged to groundwater in Percolation Ponds and 
directly hydrologically connected to Crystal Bay and the Gulf of Mexico, “waters of the 
United States.”7  

 
 The final permit should set November 1, 2018, as the deadline for DEF to meet the zero 

discharge standard for CREC’s discharges of FGMC wastewater.8 Additionally, before 
that deadline, the permit should require DEF to meet the best practicable control 
technology available (“BPT”) limitations for total suspended solids (“TSS”) and oil and 
grease effluent limits and begin monitoring flows daily.9  

 
 The final permit should require the FGD wastewater to meet strict BAT effluent limits 

                                                                                                                                                                                   
Management System; Disposal of Coal Combustion Residuals from Electric Utilities—Correction of the Effective Date, 
80 Fed. Reg. 37,988 (Jul. 2, 2015) (revising 40 C.F.R. §§ 257 & 261) [hereinafter “CCR Rule”]. 
5 See 40 C.F.R. § 423.11(t) (defining the phrase “as soon as possible” to mean Nov. 1, 2018, unless a later date is 
specifically justified); § 423.13(k)(1) (requiring compliance with bottom ash wastewater standards by Nov. 1, 2018 unless 
a later date up to Dec. 31, 2023 is specifically justified). 
6 See Exhibit 2. 
7 33 U.S.C. §§ 1311(a), 1342(a), 1362(14); 40 C.F.R. § 423.13(g) and (i). 
8 40 C.F.R. § 423.13(i)(1) (requiring compliance with FGMC wastewater standards by Nov. 1, 2018 unless a later date up 
to Dec. 31, 2023 is specifically justified). 
9 40 C.F.R. § 423.12(b)(11). 
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for arsenic, mercury, selenium and nitrate/nitrite by December 2018, or even sooner if 
possible.10 Additionally, the permit should require, effective immediately, FGD 
wastewater to meet the BPT TSS and oil and grease effluent limits and daily monitoring 
of the same.11 

 
 The final permit should require combustion residual leachate to meet all applicable 

technology and water quality based effluent limits, not only for discharges that drain to 
the runoff collection system, but also for discharges to the seawater discharge canal and 
Crystal Bay.12 
 
As detailed below and in the enclosed exhibits, per the CCR Rule, the final permit should 

require DEF to meet all of  the applicable new safety standards for coal ash disposal. This 
includes the standards aimed at protecting groundwater and surface—here, most notably, the 
Floridan aquifer and Crystal Bay:  
 

 Toxic coal ash contaminants associated with CCR—arsenic, boron, manganese, 
molybdenum, selenium, sulfate, and thallium—are exceeding state and federal safety 
limits at wells downgradient from the unlined Ash Landfill,13 as DEP is aware and even 
predicted.14 Because there is no protective barrier, CCR waste in the landfill is in direct 
contact with the Floridan aquifer and groundwater that is hydrologically connected to 
Crystal Bay.   
 

 The CCR Rule requires cleanup of the CCR that has accumulated in the unlined Ash 
Landfill.15 To prevent unauthorized discharges and further contamination, and to comply 
with federal and state waste and water quality regulations, the final permit should require 
DEF to take corrective action as soon as possible by removing all CCR from the Ash 
Landfill and decontaminating the site. 
 

 CREC is in one of  the country’s most unstable areas, in karst terrain, and under the 
influence of  multiple sinkholes, including 24 reported sinkholes within 5 miles of  CREC. 
Siting CCR waste facilities here puts ground and surface waters at risk of  releases of  
toxic CCR waste into the underlying aquifer, due to limestone dissolution and collapse.16 
 

 DEF must comply with prohibitions, designed to protect public waters, on siting coal ash 

                                                        
10 See 40 C.F.R. §423.13(g)(1)(i) (requiring compliance with FGD wastewater standards by Nov. 1, 2018 unless a later 
date up to Dec. 31, 2023 is specifically justified). 
11 40 C.F.R. § 423.12(b)(11). 
12 40 C.F.R §§ 423.12(b)(11) and 423.13(l). 
13 See Exhibit 1 and Section G below; see also 40 C.F.R. §§ 141.62,141.66, 257.95(h); Fla. Admin. Code. R. 62-520.420 
(2016). 
14 Memorandum from Don Kell to Hamilton Oven, Jr., July 15, 1981 at 3, 4, 7 (hereinafter “Ash Landfill Interoffice 
Memo”). 
15 40 C.F.R. §§ 257.95(g)(5); 257.96; 257.101(a). 
16 See Exhibit 1. 
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waste facilities in unstable areas (i.e., Florida’s karst terrain).17 To do so, DEF must move 
CCR disposal offsite if  DEF fails to prove that the status quo—storing CCR in CREC’s 
facilities—is somehow safe.18 Because the Ash Landfill cannot meet the safety standards 
in the CCR Rule, and the facility cannot be effectively retrofitted, it cannot receive CCR 
after April 19, 2019. Instead, DEF will be required to close the landfill and move 
disposal offsite.  

 
DEF applied to renew Permit No. FL0036366, governing surface water discharges from 

Units 4 and 5 in January 2016.19 Notice of  the Draft Permit was received by Sierra Club via 
email on Friday, August 26, 2016. The applicant’s name is DEF Florida, LLC, and its address is 
15760 Power Line St., Crystal River, FL 34428. The discharge covered by the proposed Draft 
Permit, File No. FL00036366-013-IW1S, is located in Citrus County. 
 

We respectfully submit this material to help inform DEP’s renewal of  Crystal River’s 
NPDES permit, to raise our concerns that the Draft Permit does not assure compliance with 
state and federal law, and to urge DEP to revise the Draft Permit and include requirements for 
CREC to comply with all applicable ground and surface water protection standards.  

 
BACKGROUND 

 
The Crystal River Energy Generating Complex (“CREC”) is located in Citrus County, 

Florida and is owned and operated by DEF. CREC Units 4 and 5 are pulverized coal-burning 
steam electric generating units that were placed into service in 1982 and 1984 respectively. The 
4,729-acre coastal site in Florida’s Big Bend is connected to Crystal Bay, a Class II20 marine 
water and part of the Gulf of Mexico, via a seawater discharge canal that releases the plant’s 
wastewater.  
 

Crystal Bay is a shallow embayment of the Gulf of Mexico, midway between the 
Withlacoochee River to the north and the Crystal River to the south. Undeveloped portions of 
CREC include wetlands and salt marshes. Crystal Bay includes a variety of habitats that support 
vital aquatic resources, including the federally-listed species identified below. Open water 
habitats in Crystal Bay cover saltwater, tidally-influenced water, and tidal freshwater areas and 
include artificial structures, coastal tidal rivers and streams, oyster reefs, salt marshes, subtidal 
unconsolidated marine/estuary sediment habitats, and submerged aquatic vegetation habitats 
such as seagrasses and algae. The bottom of Crystal Bay provides benthic habitats, with 
characteristics dictated by salinity, tides, and substrate type.21   

                                                        
17 40 C.F.R. § 257.64. 
18 40 C.F.R. §§ 257.64(5), 257.101(b)(1) (surface impoundments), 257.101(d)(1) (landfills). 
19  See Duke Energy Florida, Inc., Application to Renew NPDES Permit for Crystal River Units 4 & 5, Permit No. 
FL0036366, January 12, 2016. 
20 See Fla. Admin. Code. R. 62-302.400(16)(b)(9) (2016) (classifying “all coastal waters and tidal creeks” within Citrus 
County as Class II waters).. The Surface Water Quality Criteria are designed to to “protect fish consumption, recreation 
and the propagation and maintenance of a health, well-balanced population of fish and wildlife.” Fla. Admin. Code. R. 
62-302-400(4) (2016). Florida has set Surface Water Quality Criteria). 
21 U.S. Nuclear Regulatory Commission, Draft Environmental Impact Statement for Crystal River Unit 3, at 2-42 
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Water-related industries, such as commercial fishing and tourism, make up a large sector 

of the employment base in Citrus County.22 These sectors of the local economy “depend upon 
the resources of the coastal fisheries and the West Indian (Florida) manatee.”23 Over ninety 
species of fish have been identified near CREC.24 

 
Federally-listed threatened or endangered species in the vicinity of the CREC include, 

but are not limited to, the Gulf sturgeon, smalltooth sawfish, green turtle, hawksbill turtle, 
Kemp’s ridley turtle, leatherback turtle, loggerhead turtle, the American alligator, the wood 
stork, the bald eagle, and the Florida manatee.25 Manatees are known to dwell in Crystal River 
effluent and intake canals during the spring and fall26 and nearby Crystal River/Kings Bay, an 
Outstanding Florida Water, is the largest winter refuge for manatees on the Florida Gulf Coast.27  
 

As detailed in Exhibit 1, the CREC is located in one of the country’s most unstable areas 
with 24 known sinkholes within a 5 mile distance. Indeed, coastal Citrus County is an active 
karst area with sandy sediment cover over limestone.28 The near-surface limestone is deeply 
incised with solution channels and conduits that can cause additional sinkholes to form as 
surficial sands move into subsurface voids.29 The permeable surficial sediments allow access to 
the shallow, unconfined aquifer below through solution cavities and along fractures. 
Groundwater at CREC flows towards Crystal Bay and the Gulf  of  Mexico via the seawater 
discharge canal, and tidal wetlands. 
 

Wastewater from Units 4 and 5 includes runoff  from coal, gypsum, and limestone 
storage handling areas and the Ash Landfill, overflow bottom ash sluice water, FGD wastewater, 
FGMC wastewater, and cooling tower blowdown. These wastewaters are combined and released 
into the seawater discharge canal, which connects the plant to Crystal Bay.  

 
Bottom ash generated at CREC Units 4 and 5 is sluiced to handling tanks and dewatering 

bins, where bottom ash solids are separated out from the wastewater.30 Overflow bottom ash 

                                                                                                                                                                                   
(2011) (citing Florida Fish and Wildlife Conservation Commission (FWC, 2005)).). 
22 See e.g., Tommy Thompson, Time to Join the Crystal River Circus, Florida Sportsman, February 1, 2006, 
available at http://www.floridasportsman.com/2006/02/01/fishing_crystal_river_powerplant/ 
23 Citrus County Comprehensive Plan, Chapter 4, 4-13, October 28, 2014, available at 
https://www.citrusbocc.com/plandev/landdev/comp-plan/chapter-4.pdf.,  
24 U.S. Nuclear Regulatory Commission, Draft Environmental Impact Statement for Crystal River Unit 3, at 2-5. 
25 Duke Energy Florida, Inc. Crystal River Unit 3 Post-Shutdown Decommissioning Activities Report, at 25 (Dec. 
2013) available at http://www.duke-energy.com/pdfs/3f1213-02_psdar.pdf. 
26 See Citrus County Comprehensive Plan, Chapter 13, October 28, 2014, available at 

https://www.citrusbocc.com/plandev/landdev/comp-plan/chapter-13.pdf. 
27 Southwest Florida Water Management District, Crystal River/Kings Bay, Citrus County 
https://www.swfwmd.state.fl.us/springs/kings-bay/ 

28 See Exhibit 1. 
29 Id. at 4 (citing Dames and Moore 1994).   

30 Duke Energy Florida, Ash Storage/Disposal Area Operations Plan at 2, 5 (Dec. 2013); Duke Energy Florida, 
Response to Request for Additional Information, May 20, 2016 (hereinafter “RAI #2”). 
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wastewater from the dewatering bins is permitted to flow through internal Outfall I-CH0, which 
is released through the main discharge canal at Outfall D-001 to Crystal Bay.  
 

Fly ash and bottom ash solids from Units 4 and 5 are taken to CREC’s Ash Landfill for 
disposal or storage. The 62-acre, unlined Ash Landfill began operating alongside Units 4 and 5 
in the 1980’s and receives a mixture of bottom ash, fly ash, gypsum, pyrites, FGD blowdown 
solids, mill rejects, and other CCR. 31 The Ash Landfill is unlined32 as well as uncovered,33 
allowing water, such as precipitation, to enter and mix with the wastes inside, and subsequently 
leach CCR contaminants into the groundwater beneath the Ash Landfill, and then into the 
runoff  collection system, the seawater discharge canal, and the waters of  Crystal Bay. 

 
Units 4 and 5 use a wet scrubber system for sulfur dioxide removal, which produces 

FGD wastewater as a byproduct. This wastewater is discharged to the plant’s FGD Blowdown 
Ponds, two 1.5- and 4.5-acre solids settling ponds that became operational in 2010.34 Solids are 
settled out in the FGD Blowdown Ponds and the remaining liquid is pumped to CREC’s 
unlined Percolation Ponds to be absorbed into groundwater. FGMC wastewater is generated via 
the plant’s mercury control system and is injected into the FGD absorber before also being 
discharged to the Percolation Ponds.35 Gypsum solids are conveyed to the concrete-lined 
Gypsum Storage Pad and stored before disposal in the Ash Landfill or transport offsite for sale.  
 

LEGAL REQUIREMENTS 
 
The wastewater and solid waste byproducts of  burning coal at CREC fall under two new 

U.S. Environmental Protection Agency (“EPA”) rules: the ELGs and the CCR Rule. These rules 
advance vital public health and environmental safeguards against the toxic metals and other 
pollutants found in CREC’s waste streams.  

 
CREC Units 4 and 5 discharge wastewater into Crystal Bay and are therefore required, 

pursuant to section 402 of  the Clean Water Act (“CWA”), to obtain a NPDES permit. In 
enacting the CWA, Congress established as a national goal the elimination of all discharges of 
pollution into waters of the United States.36 To this end, the Act’s implementing regulations 
establish the NPDES permitting program. Under the program, no pollutant may be discharged 
from any “point source” without a permit, and failure to comply with such a permit constitutes a 
violation of the CWA.37 The CWA defines a “point source” as “any discernible, confined and 

                                                        
31 Ash Storage/Disposal Area CCR Landfill Annual Inspection Report, December 2015; Florida Department of 
Environmental Protection Inspection Report, July 28, 2015.  
32 The 62-acre landfill is unlined with the exception of a 5.5-acre horizontal expansion in June 2010 which used a 

geosynthetic clay liner. RAI #2. 
33 Approximately 11 acres of the landfill has been covered with a geosynthetic clay liner, 24-inches of protective soil 

cover, and sod. Id. 
34 Record Documentation of Units 4 and 5 FGD Blowdown Ponds Construction Quality Assurance (January 2010). 
35 RAI #2.1 
36 33 U.S.C. § 1251(a)(1). 
37 33 U.S.C. §§ 1311(a) and 1342(a); 40 C.F.R. § 122.41(a). 
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discrete conveyance, including but not limited to any pipe, ditch, channel, tunnel, conduit, well, 
discrete fissure, [or] container … from which pollutants are or may be discharged.”38 

 
The CWA authorizes EPA to establish national, technology-based effluent limitations 

guidelines for discharges from categories of  point sources, and requires that NPDES permits 
include effluent limits based on the performance achievable through the use of  statutorily-
prescribed levels of  technology that “will result in reasonable further progress toward the 
national goal of  eliminating the discharge of  all pollutants.”39  

 
The ELGs became effective on January 4, 2016, and must be included in NPDES 

permits for such generators going forward. The ELGs impose technology-based effluent 
limitations—reflecting decades of  advances in water quality science and control technology—on 
discharges of  several common types of  effluent (i.e., waste streams) from coal-burning power 
plants, including fly ash and bottom ash transport waters and wastewater from FGD and FGMC 
systems.  

 
Under the CWA, it is the responsibility of  state permitting authorities, such as DEP, to 

“incorporate the ELGs into NPDES permits as a floor or a minimum level of  control.”40 
November 1, 2018, is the default deadline for all coal-burning41 power plants across the 
country.42 Because we submitted comments to you in February detailing DEP’s implementation 
responsibilities, we will not repeat ourselves here, but instead incorporate those comments by 
reference.43 

 
EPA’s CCR Rule, effective October 19, 2015, establishes national minimum requirements 

for the safe disposal of  coal combustion residuals, or CCR, the solid waste byproducts of  
burning coal, commonly known as “coal ash.” CCR contain toxic metals that for years have 
contaminated groundwater and put public drinking water supplies and surface waters at risk.44 
The CCR Rule advances public health and environmental safeguards, including enhanced 
groundwater monitoring, location restrictions for siting CCR waste facilities, liner and leachate 
collection requirements, and corrective action for cleaning up groundwater contamination.  

 
Unlike the ELG requirements for direct dischargers, the CCR rule is self-implementing. 

EPA explains: “The federal standards apply directly to the facility (are self-implementing) and 
facilities are directly responsible for ensuring that their operations comply with these 

                                                        
38 33 U.S.C. § 1362(4). 
39 33 U.S.C. § 1311(b)(2)(A)(i), see also § 1311(b)(1)(A);) 
40 80 Fed. Reg. at 67,882. 
41 Id. at 67,839, n. 1 (“power plants covered by the ELGs use nuclear or fossil fuels, such as coal, oil, or natural gas, to 
heat water in boilers, which generate steam.” [emphasis added]). 
42 See, e.g., 40 C.F.R. § 423.13(g)(1)(i). 
43 Letter from Sierra Club et al. to Supervisor Marc Harris, Power Plant NPDES Permitting, DEP Industrial Wastewater 

Section Re: Bringing Florida Coal Plants Into Compliance With The New Effluent Limitations Guidelines, (Feb. 29, 2016), available 

at http://blog.cleanenergy.org/files/2016/05/2016-02-29-Letter-re-Water-Side-Reqts-for-Fla-Coal-Plants-vfin.pdf. 
44 80 Fed. Reg. 21,396; see also 80 Fed. Reg. 21,326: EPA identified 157 cases of proven or potential groundwater 
contamination from CCR in states across the nation. 
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requirements.”45 To ensure full and timely compliance with the CCR Rule, states can adopt the 
applicable standards in NPDES permits.46  Likewise, states and citizens can enforce the federal 
standards under the citizen suit authority of  the Resource Conservation and Recovery Act 
(“RCRA”). 
 

COMMENTS 
 

In this section, we explain the changes DEP should make as it finalizes Permit No. 
FL0036366 to bring the CREC into compliance with the applicable public health and safety 
standards in the ELGs and the CCR Rule.  

 
A. DEP Should Require Compliance with a Zero Discharge Standard for Bottom 

Ash Wastewater No Later Than November 1, 2018 
 

Under the ELGs, the BAT standard for bottom ash wastewater is zero discharge. DEP 
should require the CREC to meet this zero discharge standard by November 1, 2018. As Dr. 
Sahu explains in his enclosed report, and we repeat here for emphasis, nothing in the permitting 
record justifies any later compliance deadline; in fact, the record shows that DEF is well-
positioned to meet the default compliance deadline: 

 
 DEF has already spent more than three years planning to convert to dry bottom ash 

handling at the CREC to comply with the ELGs, and has not documented any possible 
reason for needing additional time to plan, nor for why planning was slated to begin in 
June 2016 in the proposed schedule. DEF admits that compliance options are readily 
available. 

 
 Duke Energy has publicly reported projected costs for ELG compliance at CREC Units 

4 and 5 since at least 2014, which required conceptual or detailed engineering evaluations 
and studies in order to develop cost estimates. An additional 6 months for budget 
approval is unnecessary.  

 
 In fact, while DEF has long anticipated a “late 2018” compliance deadline, 47  DEF 
proposed almost five more years—to December 31, 2023—to  reach compliance—without any 
justification for such a huge delay.48 DEP should reject DEF’s unsubstantiated and improper 
extension request.  
 
 As Dr. Sahu explains, it is clear that a November 1, 2018, compliance deadline for the 
BAT standard is readily achievable: most of the planning is finished, procurement should take 
little to no time and DEF admits construction takes 18 months. 
 

                                                        
45 80 Fed. Reg. 21,311. 
46 Additionally, states can continue to enforce state regulations under their independent state enforcement authority.   
47  Exhibit 1.  
48 Response to RAI 2, Attachment 1 
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Dr. Sahu concludes that Units 4 and 5 can convert to dry bottom ash handling in 
approximately 27 to 30 months, instead of the 44 months projected by DEF, reaching 
compliance by August to November 2018 at the latest.  
 

Indeed, EPA’s rulemaking record and comments from the Utility Water Act Group 
(“UWAG”)49 show that, depending on the scope of  the required conversions (a.k.a., retrofits) at 
a particular coal plant, industry itself  projects that the total time needed for bottom ash system 
retrofits ranges from 27 to 36 months, from the start of  conceptual engineering to final 
commissioning.50  

 
At Duke Energy’s own Mayo Plant in North Carolina, a wet-to-dry bottom ash handling 

system conversion was completed in under a year and a half.51 At the South Carolina Electric & 
Gas Company Wateree plant, for example, conversion to a closed-loop bottom ash handling 
system was completed in two and a half  years.52 Conversion to a closed-loop bottom ash 
handling system was completed in two and a half years at the South Carolina Electric & Gas 
Company Wateree plant.53 In 2010, the BL England Station retrofitted a recycle system on two 
coal burning units (one is 125-MW, the other is 155-MW) as well as a 170-MW oil-burning unit 
in less than two years from award of  contract to operation of  the new system.54  
 

Delaying compliance with the zero discharge standard for bottom ash wastewater beyond 
November 1, 2018, is unnecessary and puts public and environmental health at risk. Bottom ash 
wastewaters are known to contain a number of  toxic metals in both suspended and dissolved 
form, including arsenic, cadmium, chromium, copper, iron, lead, mercury, selenium, and zinc.55 
In one example of  the public and environmental health threats posed by CCR waste, EPA 
estimates that reductions in arsenic loadings from the final ELGs will reduce cancer risks to 
humans that consume fish exposed to steam electric power plant discharges—such as those 
caught in Crystal Bay.56 Against this backdrop, DEP has all the more reason to require CREC to 
comply with the zero discharge standard by the November 1, 2018, deadline.57 
 

                                                        
49 Duke Energy is a UWAG member. 
50 Utility Water Act Group, Comments on EPA’s Proposed Effluent Limitations Guidelines and Standards for the Steam Electric 
Power Generating Point Source Category (Sept. 30, 2013), Attach. 11: Retrofitting Dry Bottom Ash Handling. 
51 See DEF Progress, Inc., Mayo Steam Electric Generating Plant, Quarterly Progress Report (January – March 2015) 
(“Dry bottom ash handling system began construction on December 14, 2012. As of March 31, 2014, construction of 

this system was 100% complete.”). 
52 DCN SE03779. Final Notes from Site Visit at South Carolina Electric & Gas Company's Wateree Station on January 
24, 2013, available at http://www.regulations.gov/#!documentDetail;D=EPA-HQ-OW-2009-0819-1917. 
53 See Final Notes from Site Visit at South Carolina Electric & Gas Company's Wateree Station on January 24, 2013, 
EPA-HQ-OW-2009-0819-1917, at 2. Check, from SELC comments, change text 
54 Dennis Del Vecchio and Robert G. Walsh, Wet to Dry Bottom Ash Disposal Conversion Project - BL England 
Station, Power-Gen, December 2011, February 2008 - February 2010. 
55 See e.g., U.S. EPA, Steam Electric Power Generating Point Source Category: Final Detailed Study Report, EPA 821-R-09-008, 3-19 
(Oct. 2009), (hereinafter “EPA Detailed Study”); U.S. EPA, Development Document for Final Effluent Limitations Guidelines, 
New Source Performance Standards, and Pretreatment Standards for the Steam Electric Point Source Category, Table V-33 (Nov. 1982).   
56 80 Fed. Reg. 67,874 (Nov. 8, 2015). 
57 80 Fed. Reg. at 67,840-41.   
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B. The ELGs Apply to FGD Wastewater and FGMC Wastewater From Units 4 and 5, 
Which Discharge to Crystal Bay and the Gulf  of  Mexico via Hydrologically 
Connected Groundwater  

 
Steam electric power plants must meet strict new standards in EPA’s revised ELGs for 

contaminants in FGD wastewater—including arsenic, mercury, selenium, and nitrate/nitrite—
and a zero discharge standard for FGMC wastewater. Because Unit 4 and 5’s FGD and FGMC 
wastewaters discharge to waters of the United States, these waste streams must meet the 
standards in EPA’s revised ELGs, and DEP must include permit limits in the renewed NPDES 
permit for CREC Units 4 and 5.  
 

As Dr. Stewart explains in his enclosed report, contaminants from the unlined 
Percolation Ponds travel through the aquifer into Crystal Bay. FGD and FGMC wastewaters 
from Units 4 and 5 are thus discharged to the Percolation Ponds and absorbed into 
groundwater, as DEP is already aware.58 The Percolation Ponds are unlined, in direct 
communication with the Upper Floridan aquifer, and connected to Crystal Bay and the Gulf of 
Mexico.59 The Percolation Ponds recharge the shallow groundwater aquifer, which conveys 
pollutants into the seawater discharge canal, tidal wetlands, and Crystal Bay.60 
 

The Percolation Ponds and groundwater are hydrologically connected to “waters of the 
United States”—that is, Crystal Bay and the Gulf of Mexico—and therefore, by discharging 
pollutants into the Percolation Ponds, DEF is discharging to waters of the United States via the 
Ponds and the groundwater. The Percolation Ponds and groundwater are conduits to waters of 
the United States. Discharging the FGD and FGMC wastewater to the Percolation Ponds puts 
these waste streams under the jurisdiction of the CWA, and the Units 4 and 5 NPDES Permit, 
because the wastewaters, and pollutants, migrate from the pond directly into Crystal Bay 
through an underground “conveyance” or “conduit.”61 
 

When groundwater is a conduit for pollutants, CWA liability may attach to a discharge to 
that groundwater.62 “[I]t would hardly make sense for the CWA to encompass a polluter who 
discharges pollutants via a pipe running from the factory directly to the riverbank, but not a 
polluter who dumps the same pollutants into a man-made settling basin some distance short of 
the river and then allows the pollutants to seep into the river via the groundwater.”63 EPA has 
asserted that its authority under the CWA extends to hydrologically connected groundwater.64 

                                                        
58 See e.g., Duke Energy Florida, Inc., Application to Renew NPDES Permit for Crystal River Units 4 & 5, Permit 
No. FL0036366, January 12, 2016; RAI #2,  
59 Exhibit 1 at 9. 
60 Id. 
61 33 U.S.C. § 1362(14). 
62 See Haw. Wildlife Fund v. Cnty. of Maui, 24 F. Supp. 3d 980, 996 (D. Haw. 2014).  
63 N. Cal. Riverwatch v. Mercer Fraser Co., No. C-04-4620 SC, 2005 U.S. Dist. LEXIS 42997, *7-*8 (N.D. Cal. Sep. 1, 
2005). 
64 66 Fed. Reg. 2960, 3015 (Jan. 12, 2001); 73 Fed. Reg. 70,418, 70,420 (Nov. 20, 2008); 55 Fed. Reg. 47990, 47997 (col. 
3) (Nov. 16, 1990) 
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The courts agree and have held, definitively, that the CWA covers groundwater that is 
hydrologically connected to waters of the United States. 65  Eleventh Circuit jurisprudence, 
governing Florida, also suggests that CWA jurisdiction extends to discharges like those to CREC 
Percolation Ponds.66   
 

In sum, the FGD and FGMC wastewaters from Units 4 and 5 are discharged to surface 
waters through groundwater, and since the groundwater under the Percolation Ponds is directly 
hydrologically connected to surface water, discharges to the percolation ponds are a discharge to 
waters of the United States and must be regulated under the CWA. Therefore— just as DEP has 
included ELG limits for leachate that migrates through groundwater to the runoff collection 
system (see Section E below)—the ELGs apply to discharges of FGD and FGMC wastewaters 
and must be included in the revised NPDES permit. 

 
C. DEP Should Require Compliance with a Zero Discharge Standard for FGMC 

Wastewater No Later Than November 1, 2018 
 

Under the ELGs, FGMC wastewater at CREC must be monitored and subject to new 
effluent limits. Effective immediately, this discharge is subject to a BPT TSS effluent limit of 
100/30 mg/L (daily max./30 day avg.) and oil and grease effluent limit of 20/15 mg/L (daily 
max./30 day avg.) and after November 1, 2018, a zero discharge standard applies.67  
 

As explained above in Section B, FGMC wastewater at the plant is discharged to waters 
of the United States—Crystal Bay and the Gulf of Mexico—through hydrologically connected 
groundwater and must be regulated under the ELGs. Although the FGMC wastewater combines 
with FGD wastewater at CREC Units 4 and 5, the zero discharge standard still applies: 
“Whenever flue gas mercury control wastewater is used in any other plant process or is sent to a 
treatment system at the plant, the resulting effluent must comply with the [zero] discharge 
limitation in this paragraph.”68 

 
The final permit therefore must include BPT limits for FGMC wastewater until a zero 

discharge BAT standard applies after November 1, 2018. Again, the revised ELGs apply starting 

                                                        
65 See e.g., Waterkeeper Alliance, Inc. v. U.S. EPA, 399 F.3d 486, 514-515 (2d Cir. 2005) (upholding EPA’s requirements for 
the discharge of pollutants to surface water via groundwater to be regulated, “as necessary, on a case-by-case basis.”); 
Dague v. City of Burlington, 935 F.2d 1343, 1347 & 1355 (2d Cir. 1991), rev’d in part on other grounds, 505 U.S. 557 (1992) 
(finding the city liable for allowing groundwater to flow through a landfill and into a pond and wetlands that were waters 
of the United States); U.S. Steel Corp. v. Train, 556 F.2d 822, 852 (7th Cir. 1977) (the CWA “authorizes EPA to regulate 
the disposal of pollutants into deep wells, at least when the regulation is undertaken in conjunction with limitations on 
the permittee’s discharges into surface waters”), overruled on other grounds by City of West Chicago v. U.S. Nuclear 
Regulatory Comm’n, 701 F.2d 632, 644 (7th Cir. 1983). 

66 U.S. v Banks, 115 F.3d 916 (11th Cir. 1997) (District Court not clearly erroneous in deciding that wetlands are adjacent 
to a waterbody because of a hydrological connection where a hydrological connection is largely through groundwater 
and a surface flow only appears during storms); United States v. Tilton, 705 F.2d 429, 431 (11th Cir. 1983) (a hydrological 
connection exists when flowing mainly through groundwater, even where surface water only connects at extreme high 
tides such as in hurricanes). 
67 40 C.F.R. § 423.13(l). 
68 40 C.F.R. § 423.13 (i)(1)(i). 
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November 1, 2018, or “as soon as possible” based on a well-documented justification of a later 
date and DEP’s consideration of certain factors enumerated in the final rule.  
 

Until the zero discharge BAT standard is met, DEP should incorporate monitoring 
requirements for the FGMC wastewater into revised NPDES permit and Conditions of  
Certification (“COC”). To meet both monthly average and daily maximum limits, quarterly 
monitoring is wholly inadequate. A daily maximum limit cannot be effectively enforced with 
monitoring conducted on a monthly basis. Monitoring frequency should be daily in order to 
effectively enforce these limits to meet both monthly average and daily maximum limits for TSS 
and oil and grease. Sampling should be performed prior to mixing with the FGD wastewater.  
 

D. DEP Must Require Compliance with New Limits on FGD Wastewater Pollutants 
No Later Than December 2018 

 
DEP must include effluent limits for FGD wastewater in the revised NPDES permit. 

Effective immediately, this discharge is subject to a BPT TSS effluent limit of 100/30 mg/L 
(daily max./30 day avg.) and oil and grease effluent limit of 20/15 mg/L (daily max./30 day 
avg.).69 After November 1, 2018, DEF must meet strict new BAT effluent limits for arsenic, 
mercury, selenium, and nitrate/nitrite for the untreated FGD wastewater that is discharged to 
the Percolation Pond and waters of the United States. 70  DEP must incorporate the ELGs for 
FGD wastewater into the revised NPDES permit, immediately apply BPT and monitoring 
requirements, and ensure that DEF meets the BAT standard by December 2018 or as soon as 
possible.  

 
The revised ELGs set daily maximum and monthly average limits on arsenic, mercury, 

selenium, and nitrate/nitrite in discharges of FGD wastewater.71 These limits are based on 
technology using chemical precipitation and an anoxic/anaerobic fixed-film biological treatment 
system.72  The chemical precipitation achieves most of the mercury and arsenic reductions, while 
the biological reactor removes selenium and nitrogen and other dissolved heavy metals.  
 

DEF is currently completing “construction of a new wastewater treatment system that 
will use chemical precipitation and a bioreactor” for treatment of FGD wastewater from Units 4 
and 5 and will complete the project by December 2018.73 DEF “evaluated several treatment 
options…and selected a strategy that uses a physical/chemical treatment system with a 
bioreactor treatment system to treat Flue Gas Desulfurization (“FGD”) blowdown wastewater 
with discharge to surface water or percolation ponds.”74 

                                                        
69 40 C.F.R. § 423.12(b)(11). 
70 40 C.F.R. § 423.13(g)(1)(i).  
71 Id. 
72 80 Fed. Reg. at 67,850. 
73 Third Amendment to Consent Order, OGC No. 09-3463D, at ¶4; see also Duke Energy Florida, Inc., Application to 
Renew NPDES Permit for Crystal River Units 4 & 5, Permit No. FL0036366, January 12, 2016 at Attachment 4 p.2. 
74 Duke Energy Florida’s Petition for Approval of Environmental Cost Recovery True-Up and 2017 Environmental 
Cost Recovery Clause Factors, Docket No. 160007-EI, Environmental Cost Recovery Clause Form 42-SP at 7 (August 
31, 2016). 07181-16, PSC ECRC filing 
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In November 2011, DEP entered into a Consent Order75 with the former CREC owner 

Progress Energy Florida (“PEF”) following exceedances of groundwater standards for gross 
alpha standard, radium 226/228, and arsenic. In the third amendment to the Consent Order in 
March 2016, DEF agreed to complete construction of a new wastewater treatment system using 
chemical precipitation and a bioreactor for treating FGD wastewater by December 31, 2018.76 
Within 30 days following completion of the treatment system, DEF will remove all accumulated 
CCR from the FGD Blowdown Ponds.77  

 
The Consent Order constitutes an additional and separate legal obligation (from the 

ELGs) to complete construction of the FGD wastewater treatment system by December 2018. 
Nevertheless, DEP is required to include the new effluent limits in the revised NPDES and to 
ensure that DEF’s new treatment system meets the federal BAT standards for arsenic, mercury, 
selenium, and nitrate/nitrite—which are not specified in the Consent Order— “as soon as 
possible beginning November 1, 2018.”  

 
It is imperative that DEP ensure that DEF meets this timeline and its legal obligations 

and begins operating the new system and treating toxic FGD wastewater by December 2018 at 
the latest. DEF is on its way to meeting these new standards and anticipated78 meeting the 
revised ELG requirements for FGD wastewater, in addition to its Consent Order obligations.  

 
Attachment H— Groundwater Monitoring, Operation, and Maintenance 

Requirements—of CREC COC authorizes DEF to discharge a variety of wastewaters, including 
FGD wastewater from Units 4 and 5, to the Percolation Ponds.79 Quarterly reporting is required 
for FGD wastewater flows at sampling point EFF-2, the discharge pipe into the Percolation 
Ponds.80 However, no limits are imposed on the FGD wastewater flows. DEP must incorporate 
monitoring requirements for arsenic, mercury, selenium, nitrate/nitrite, and TSS into the revised 
NPDES permit, as well as the COC. Monitoring should be required twice weekly. For final 
limits, where both monthly average and daily maximum limits are set, quarterly monitoring is 
wholly inadequate. A daily maximum limit cannot be effectively enforced with monitoring 
conducted on a monthly basis. Monitoring frequency should be daily to effectively enforce these 
limits.  

 
E. Combustion Residual Leachate from the Ash Landfill is Subject to Technology 

and Water Quality Based Effluent Limits 
 

                                                        
75 Consent Order, File No. 09-34652, Permit No. FLA016960, OGC File No. 09-3463 (Nov. 2011). 
76 Third Amendment to Consent Order, OGC No. 09-3463D ¶4 (March 22, 2016). 
77 Third Amendment to Consent Order, OGC No. 09-3463D ¶5 (March 22, 2016). 
78 Duke Energy Florida, Inc., Application to Renew NPDES Permit for Crystal River Units 4 & 5, Permit No. 
FL0036366, January 12, 2016 at Attachment 4 p. 1. 
79 Florida Department of Environmental Protection, Conditions of Certification: Duke energy Florida Crystal River 
Energy Complex, PA 77-09R, Attachment H, April 29, 2016. 
80 Id. 
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Combustion residual leachate (“CRL”) is now a separately regulated waste stream under 
the revised ELGs. Leachate from coal ash and other CCRs that are discharged to waters of the 
United States must be included in the NPDES permit and subject BPT limits in TSS and oil and 
grease, as well as technology and water quality based effluent limits. 

 
CREC has no leachate collection system for the unlined Ash Landfill, and instead of 

being discharged to surface waters through a permitted outfall, most leachate seeps into the 
groundwater, as discussed further below in Section G and in Exhibit 1. The “majority of the 
coal combustion residual leachate is discharged to ground water”81 as “by design, the leachate 
generated in the [Ash Landfill] infiltrates to the groundwater underneath the [Ash Landfill].”82 
EPA correctly notes that “[u]nlined impoundments and landfills usually do not collect leachate, 
which would allow the leachate to potentially migrate to nearby ground waters, drinking water 
wells, or surface waters.”83  
 

Since groundwater beneath the Ash Landfill is hydrologically connected to surface 
waters, CRL wastewater discharging from the Ash Landfill to groundwater constitutes a 
discharge to waters of the United States. DEF’s groundwater modeling shows that CRL from 
the unlined Ash Landfill at times flows towards portions of the runoff ditch at Units 4 and 5.84 
Following, DEP has incorporated new BPT limitations for oil and grease and TSS in the Draft 
Permit at monitoring well TWI-1R, in order to differentiate CRL from storm water collected in 
the runoff collection system.85  
 

Additionally, as described in Dr. Stewart’s assessment, groundwater under the Ash 
Landfill “flows toward the west-southwest and discharges into the seawater discharge canal, and 
ultimately into Crystal Bay.”86 Indeed, monitoring data shows that toxic pollutants from CCR 
leachate87—including arsenic, boron, manganese, molybdenum, selenium, and sulfate—are 
migrating from groundwater beneath the Ash Landfill and flowing to Crystal Bay. 
 

Like CRL leachate that migrates through groundwater to the runoff collection system, 
and for the reasons articulated above in Section B for FGD and FGMC wastewater, the 
discharges of leachate to groundwater beneath the Ash Landfill and into the seawater discharge 
canal, and then Crystal Bay, are also subject to the CWA. The CWA prohibits the discharge of 
pollutants from a point source” — “any discernible, confined and discrete conveyance, including 
but not limited to any pipe, ditch, channel, tunnel, conduit, well, discrete fissure, [or] container 
… from which pollutants are or may be discharged”88—to waters of the United States, except as 

                                                        
81 Draft Permit at 12. 
82 RAI #2 p. 9. 
83 80 Fed. Reg. at 67,847.  
84 RAI #2. 
85 Draft Permit p. 12. 
86 Exhibit 1 at 6. 
87 See TDD Table 6-13. Pollutants of Concern – Combustion Residual Leachate. 
88 33 U.S.C. § 1362(4); see also, e.g., Dague v. City of Burlington, 935 F.2d 1343, 1347 & 1355 (2d Cir. 1991), rev’d in part on 
other grounds, 505 U.S. 557 (1992) (finding the city liable for allowing groundwater to flow through a landfill and into a 
pond and wetlands that were waters of the United States).   
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in compliance with a NPDES permit.89 Thus, CRL from the Ash Landfill that is discharged to 
Crystal Bay via groundwater must be also regulated in the revised NPDES permit, and meet new 
BPT requirements as well as other water quality based requirements. 
 

DEP must also conduct a reasonable potential analysis and determine whether additional 
water quality-based effluent limits (“WQBELs”) are required for the CRL from the Ash Landfill, 
in order to protection of  aquatic life and human health. After application of  the most stringent 
treatment technologies available under the BAT standard, if  a discharge causes or contributes, or 
has the reasonable potential to cause or contribute to a violation of  water quality standards, the 
permitting agency must include any limits in the NPDES permits necessary to ensure that water 
quality standards (both narrative and numeric) are maintained and not violated.90 EPA 
regulations require permitting authorities to characterize all effluents in order to determine the 
need for WQBELs in the permit.91  

 
Ultimately, as explained below, the only way to prevent further contamination of  ground 

and surface waters from the Ash Landfill is likely to remove all accumulated CCR from the Ash 
Landfill and decontaminate the site.  
 

F. There is No Barrier Between the Unlined Ash Landfill and Percolation Ponds and 
the Underlying Groundwater, Allowing Toxic Coal Ash Contaminants to 
Pollute the Floridan Aquifer and Crystal Bay 

 
The Ash Landfill and Percolation Ponds are unlined, with no protective barrier between 

toxic coal ash and wastewater and the underlying groundwater. Additionally, there is no 
intermediate confining unit between the highly permeable soils onsite and the Floridan aquifer, 
signifying an elevated risk of groundwater contamination. As a result, the toxic CCR waste and 
wastewaters that are disposed of  in the unlined Ash Landfill and Percolation Ponds are in direct 
hydraulic connection with the Floridan aquifer and with groundwater draining into Crystal Bay. 
 

Sierra Club retained one of the state’s preeminent hydrogeologists, Dr. Mark Stewart, to 
evaluate conditions at CREC and application of the technical requirements in the CCR Rule. As 
explained in his accompanying report, Exhibit 1, the Floridan aquifer at CREC is unconfined 
and in direct hydraulic connection with the water table. The area is a recharge zone for the 
shallow aquifer. The underlying Floridan aquifer, one of  the largest and most productive sources 
of  fresh groundwater in the world,92 lies within a few feet of  the land surface. Thus, the unlined 
Ash Landfill sits less than 5 feet from the water table in the Floridan aquifer.93 Because the Ash 

                                                        
89 Section 301(a) of the Clean Water Act, 33 U.S.C. § 1311(a). 
90 See 40 C.F.R. § 122.44(d). “[T]he permit must contain effluent limits” for any pollutant for which the state determines 

there is a reasonable potential for the pollutant to cause or contribute to a violation. Id. 40 C.F.R. § 122.44(d)(1)(iii); see 
also Am. Paper Inst. v. EPA, 996 F.2d 346, 350 (D.C. Cir. 1993); Waterkeeper Alliance, Inc. v. EPA, 399 F.3d 486, 502 (2d. 
Cir. 2005). 

91 40 CFR § 122.44(d). 
92 Exhibit 1 at 5 (citing Miller 1986). 
93 Exhibit 1.. 
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Landfill and Percolation Pond are unlined, and because of the shallow, unconfined aquifer at 
CREC, these two facilities are in direct connection with underlying groundwater and Floridan 
aquifer.94  
 

To protect groundwater from contamination from CCR wastes, the CCR Rule prescribes 
(a) a distance of  at least 5 feet between the base of  facilities containing CCR and the uppermost 
aquifer, or (b) other measures that eliminate the hydraulic connection between the base and the 
uppermost aquifer—safety standards that the Ash Landfill, a CCR landfill95, does not meet. 
CCR surface impoundments and new or expanded landfills must be constructed with a base that 
is located no less than five feet above the upper limit of the uppermost aquifer, or must 
demonstrate that there will not be an intermittent, recurring, or sustained hydraulic connection 
between any portion of the base of the CCR unit and the uppermost aquifer due to normal 
fluctuations in groundwater elevations (including the seasonal high water table).96 While the Ash 
Landfill is exempt from this common-sense restriction as an “existing landfill”—although any 
future expansions and new facilities would not be—and the Percolation Ponds do not fall under 
the CCR Rule,97 it is clear why these safety standards have been promulgated and that the close 
proximity of the unlined facilities to the aquifer are contaminating the Floridan aquifer and 
Crystal Bay. 
 

Groundwater monitoring data showing contamination at the unlined Ash Landfill and 
Percolation Pond are further evidence of  a hydraulic connection between the unlined Ash 
Landfill and the underlying aquifer. Groundwater pollution at the site, as described next in 
Section G, indicates that the Ash Landfill is in direct hydraulic connection with a highly 
permeable fracture zone in the Upper Floridan aquifer and that toxic contaminants are leaching 
from the Ash Landfill, as well as the Percolation Ponds, into the groundwater beneath, and 
moving towards Crystal Bay. 
 

G. The Unlined Ash Landfill and Percolation Ponds Are Leaching Coal Ash 
Contaminants Into Groundwater and Crystal Bay 

 
Groundwater contamination from toxic coal ash contaminants has been repeatedly 

documented at wells downgradient from the Ash Landfill. In fact, data from DEF’s own 
groundwater monitoring wells downgradient of the unlined Ash Landfill have consistently 
shown contamination at levels that far exceed background levels and federal, state, and permit 
limits.98 This threatens the Floridan aquifer and waters of Crystal Bay and the Gulf of Mexico. 

                                                        
94 Exhibit 1. 
95 The CREC Ash Landfill is an “existing CCR landfill,” subject to regulation under the CCR Rule. It is an “area of land 
or an excavation that receives CCR and which is not a surface impoundment, an underground injection well, a salt dome 
formation, a salt bed formation, an underground or surface mine, or a cave” that received CCR both before and after 
October 19, 2015. 40 C.F.R. § 257.53. 
96 40 C.F.R. § 257.60. 
97 See 40 C.F.R. § 257.53. 
98 See Florida Department of Environmental Protection, Conditions of Certification: Duke energy Florida Crystal River 
Energy Complex, PA 77-09R, Attachment H, April 29, 2016; 40 C.F.R. §§ 141.62 and 141.66; Fla. Admin. Code. R. 62-
520.420 (2016). 
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Wells downgradient from the unlined Ash Landfill have regularly exceeded regulatory for 

toxic coal ash contaminants—arsenic, boron, manganese, molybdenum, selenium, sulfate, and 
thallium—since 2012.99 Levels of arsenic, boron, manganese, molybdenum, and sulfate, in 
particular, have trended upward since that time and continue to exceed protective groundwater 
standards. Concentration of arsenic at wells downgradient from the Ash Landfill are five times 
higher than at wells upgradient from the facility.  
 

The presence of these common coal ash contaminants at monitoring wells downgradient 
from the unlined Ash Landfill, in combination with groundwater flow direction at the site and 
high permeability conduits, is, in Dr. Stewart’s view, “overwhelming evidence” that 
contaminants have leached from the CCR materials have reached the water table and the 
Floridan aquifer.100 

 
Contaminants from the unlined Percolation Ponds are also being absorbed to 

groundwater, which flows towards the Gulf of Mexico. Arsenic in groundwater near the ponds 
has been associated with the FGD wastewater that is discharged to the ponds, thus driving the 
installation of the new FGD wastewater treatment system.101  
 

DEP is currently investigating groundwater contamination from the Ash Landfill.102A 
July 2015 DEP inspection noted adverse impacts to water quality from the operation of the Ash 
Landfill and that “[g]roundwater trending data for background and intermediate groundwater 
monitoring wells indicates impacts to groundwater, specifically for Arsenic, Boron, Manganese, 
and Molybdenum.”103 Steps have been taken to address contamination at the Percolation Ponds 
under CREC’s November 2011 Consent Order.104 

 
While alarming, the groundwater contamination at the Ash Landfill is not at all surprising 

given that the facility is unlined and lacks a protective barrier, that the CCR materials within it 
are in direct hydraulic connection with the Floridan aquifer, and given the shallow, unconfined 
aquifer. In fact, DEP predicted that serious groundwater contamination would occur from the 
operation of the Ash Landfill: 

                                                        
99 Exhibit 1; Florida Department of Environmental Protection (“DEP”), 2015. Groundwater Review, WAVS UD 97667, 
Amaury Betancourt, Nov. 30, 2015; Florida Department of Environmental Protection (“DEP”), 2016. FDEP 
Automated Data Evaluation. Duke Energy (FKA PEF) Crystal River Energy Complex. February 1, 2016  
100 Exhibit 1 at 9. 
101 Geosyntec, 2013. Arsenic and radionuclide plan of study addendum, Crystal River Energy Complex, Crystal River, 
Florida, Rpt. No. FR2061/03, April 2013; Consent Order No. 09-34652. This groundwater contamination (under 
NPDES Permit No. FLA016960) remains unresolved, five years later. Further review of arsenic contamination is 
required, but not until December 31, 2017, and a plan to evaluate arsenic impacts on downgradient surface waters is 

required by June 30, 2018. Full compliance with arsenic limits is required by December 31, 2019. DEP should reopen 
NPDES Permit No. FL0036366 pending results of the required studies and strictly enforce corrective action to clean up 
groundwater contamination at the CREC.  

102 Email from Amaury Betancourt, P.E., Florida Department of Environmental Protection to Mr. Bob Stafford, 
Duke Energy, February 15, 2016. 
103 See Florida Department of Environmental Protection Inspection Report, July 28, 2015.   
104 Consent Order No. 09-34652. 
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‘The highly transmissive characteristic of the shallow aquifer zone should provide and 
environment for the rapid dispersion of leachate which might infiltrate from the ash 
disposal site into the shallow aquifer.’… 
 
[Former CREC owner and applicant] FPC’s application demonstrates succinctly that 
point at which such economico-politico maneuvering leads to very serious consequences 
when 1000 tons per day of truly hazardous wastes, generated each day that Units 4 and 5 
would operate (for 30 years or more), would be dumped, for all practical purposes into 
the Floridan aquifer. … 
 
Thus leachate from the proposed ash disposal area can (on the basis of the data 
implicating the existing dump as a source of ground water pollution) be expected to flow 
into the Floridan aquifer at such rates that a number of WQ standards would be violated 
short term. (Perhaps many more violations would occur long term as pollutant activities 
build up on the ecosystem). Should the leachate move through existing or through 
induced Karst structures into deeper zones of the aquifer where hydraulic head may be 
reduced (or only appear to equal or even “slightly exceed” shallow depth heads by reason 
of statistically inadequate data or by greater density due to higher salinity or loading of 
leachate itself), then so much the worse for the Floridan aquifer.105 

 
As Dr. Stewart explains in his assessment, there is no adequate liner or natural barrier to 

prevent CCR constituents from seeping out of the Ash Landfill into the underlying aquifer and 
eventually into Crystal Bay and the Gulf of Mexico. Until DEF removes the existing CCR 
material from the Ash Landfill and decontaminates the site, it will continue to leach toxic CCR 
contaminants into ground and surface waters. Furthermore, as explained next in Section H, as 
the CCR Rule requires corrective action to prevent further releases of CCR constituents into the 
environment, the CCR that have accumulated in the Ash Landfill should be removed and the 
site decontaminated. 
 

H. The CCR Rule Requires Corrective Action to Address the Groundwater 
Contamination from the Unlined Ash Landfill 

 
Where coal ash contaminants from CCR units have leached into the environment in 

excess of  federal regulatory limits, the CCR Rule requires corrective action to prevent further 
releases. Monitoring data at CREC show levels of  arsenic, molybdenum, and thallium at wells 
downgradient from the Ash Landfill exceeding federal groundwater protection standards and 
triggering clean up requirements for DEF.  

 
To ensure compliance with the CCR Rule and to prevent further releases of CCR 

constituents into Floridan waters, DEP should require DEF to immediately take action to 
remove the CCR that has accumulated and decontaminate the Ash Landfill. 

 

                                                        
105 Ash Landfill Interoffice Memo at 3, 4, 7 (emphasis original). 
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Owners and operators of CCR units must install a system of groundwater monitoring 
wells and establish a monitoring program to detect the presence of hazardous constituents and 
other monitoring parameters from covered CCR units.106 Where groundwater monitoring shows 
exceedances of groundwater protection standards107 for Appendix IV constituents—including 
arsenic, molybdenum, and thallium—the owner or operator must initiate corrective action, 
retrofit, and/or close the unit.108   

 
For these Appendix IV CCR constituents of concern, “immediately upon detection of a 

release from a CCR unit” the owner/operator “must initiate an assessment of corrective 
measures to prevent further releases, to remediate any releases and to restore affected area [sic] 
to original conditions.”109 Then, the owner/operator must select and implement remedies 
certified by a qualified engineer to be consistent with the standards set out in the CCR Rule.  
Specifically, the “remedies must” 
 

(1) Be protective of human health and the environment; 
 
(2) Attain the groundwater protection standard as specified pursuant to §257.95(h); 
 
(3) Control the source(s) of releases so as to reduce or eliminate, to the maximum extent 

feasible, further releases of constituents in Appendix IV to this part into the 
environment; 

 
(4) Remove from the environment as much of the contaminated material that was 

released from the CCR unit as is feasible, taking into account factors such as avoiding 
inappropriate disturbance of sensitive ecosystems; and 

 
(5) Comply with standards for management of wastes as specified in §257.98(d).110 

 
The requirement to “immediately” initiate an assessment of corrective measures is 

triggered by the detection of a release at any time after the effective date of the CCR Rule, 
October 19, 2015. This includes but is not limited to detection pursuant to a pre-existing 
groundwater monitoring program and/or the enhanced groundwater monitoring program that is 
required by the CCR Rule. The “zone of discharge” exemption to water quality standards under 
Florida law do not apply; “the point of compliance is the waste boundary” of CCR units.111 

                                                        
106 40 C.F.R. § 257.94(a). 
107 Groundwater protection standards for Appendix IV constituents detected are based on either (1) the maximum 

contaminant limit (“MCL”) established at 40 C.F.R. §§ 141.62 and 141.66; or (2) the background concentration for the 
constituent, where there is no MCL or where the background concentrations are higher than the MCL. 40 C.F.R. § 
257.95(h). 
108 40 C.F.R. §§ 257.95(g)(5); 257.101(a). 
109 40 C.F.R. § 257.96.  
110 40 C.F.R. § 257.97. 
111 EPA, Comment Summary and Response Document, Docket #EPA-HQ-RCRA-2009-0640, Volume 9: Groundwater 
and Corrective Action at 47; see also 40 C.F.R. § 257.53 (defining “waste boundary”); § 257.91 (requiring groundwater 
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Groundwater monitoring data for the Ash Landfill following October 19, 2015, show 

exceedances of groundwater protection standards112 for arsenic, molybdenum, and thallium, all 
Appendix IV constituents, at wells downgradient from the Ash Landfill, an existing CCR landfill 
under the CCR Rule. With this knowledge, DEF is obligated to immediately begin an 
assessment of corrective measures and implementation of appropriate remedies. To meet the 
corrective action requirements in the CCR Rule, and to “eliminate, to the maximum extent 
feasible, further releases of constituents,” Dr. Stewart recommends ceasing onsite CCR storage 
and disposal, which can exacerbate the ongoing contamination problem. The only way to 
effectively prevent such continued releases from the Ash Landfill is to remove the CCR that has 
accumulated and decontaminate the site. 

 
I. CREC is Located in Sinkhole-Prone Karst Terrain, Putting Ground and Surface 

Water Resources at (Further) Risk and Requiring Compliance with the CCR 
Rule’s Location Restriction for Unstable Areas 

 
Coastal Citrus County is an active karst area, marked by limestone and under the 

influence of  sinkholes. As detailed in Dr. Stewart’s assessment, the onsite and local 
hydrogeological conditions make CREC an inherently unstable area, under the influence of 
multiple sinkholes, including 24 reported sinkholes within 5 miles.  
 

Most sinkholes in the region are cover subsidence sinkholes, whereby loose surficial 
sands migrate downward into solution cavities in the limestone and which can occur either 
slowly or abruptly. Because the Floridan aquifer is at or near land surface at CREC, sinkholes of 
any size would allow the movement materials under the CCR landfill into the voids, depressions, 
and caverns underneath, allowing materials, such as CCR waste in the Ash Landfill, to come into 
direct contact with the limestones and groundwater of the Floridan aquifer. 
 

DEP is aware of the unstable nature of CREC and accompanying risks to ground and 
surface waters from the sinkhole-marked terrain. For example, in a staff analysis, DEP described 
CREC as “characterized by sinkholes and flowing springs” and concluded that: 

 
Due to the nature of the geologic formation under this area there will always be a chance 
of a sinkhole forming under the plant or its related facilities….  

 
It is not apparent that FPC has adequately considered the impact that future solution 
cavities may have on the operation of the coal piles, the ash disposal landfill, and related 
ditches. Acidic leachates can hasten formulation of solution cavities which could result in 

                                                                                                                                                                                   
monitoring at the waste boundary); § 257.94 (requiring enhanced groundwater monitoring for detected increases in 
certain CCR constituents at the waste boundary). 
112 There is no MCL for molybdenum; instead the groundwater protection standard is the background level. A 
background well (MWB-30R) at the CREC shows molybdenum levels of 18 mg/L. In contrast, the intermediate 
monitoring well and temporary monitoring wells around the Ash Landfill have exhibited molybdenum levels ranging 
from 44.5 – 135 mg/L—seven times higher than background levels.   
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subsidence of the land surface and allow for rapid contamination of ground and surface 
waters.113   

 
Later, DEP rightly questioned the sensibility of locating a coal ash landfill at CREC: 

 
Already a piece of heavy machinery has fallen into a sinkhole on site which collapsed 
beneath the weight of the machine. What would be the effect of the much greater 
loading due to 60 or more feet of stacked ash materials spread over some 100 acres? 
Even if a massive collapse did not take place, allowing direct introduction of the wastes 
into the aquifer, [studies] clearly indicate the high permeability of the upper …114 
 
There is copious evidence, as documented in Dr. Stewart’s assessment, DEP records115, 

and other sources, showing sinkhole activity at and around CREC. There can be no question 
that CREC is in unstable, sinkhole terrain and that, as described next in Sections J and K, CREC 
cannot meet CCR Rule’s safety standards for onsite storage and disposal. 
 

J. After April 19, 2019, the CCR Rule Prohibits Adding—Even On a Temporary 
Basis—CCR To CCR Units in Unstable Areas, Such As Florida’s Karst 
Terrain, Unless a Qualified Engineer Can Certify That it is Safe To Do So 

 
After April 19, 2019, the CCR Rule prohibits adding, even on a temporary basis, CCR to 

CCR units in unstable areas, such as Florida’s karst terrain, unless a qualified engineer can certify 
that it is safe to do so by October 17, 2018.116 Specifically, this is a certification “that recognized 
and generally accepted good engineering practices have been incorporated into the design of the 
CCR unit to ensure that the integrity of the structural components of the CCR unit will not be 
disrupted.”117 This location restriction applies to all existing and new CCR units.  

 
EPA defines unstable areas as: 

  
a location that is susceptible to natural or human-induced events or forces capable of 
impairing the integrity, including structural components of some or all of the CCR unit 
that are responsible for preventing releases from such unit.  Unstable areas can include 
poor foundation conditions, areas susceptible to mass movements, and karst terrains.118  

                                                        
113 “1978 Staff Analysis, at 44, (STATE OF FLORIDA DEPARTMENT OF ENVIRONMENTAL REGULATION, 
ELECTRIC POWER PLANT SITE CERTIFICATION REVIEW FOR FLORIDA POWER CORPORATION 
CRYSTAL RIVER UNITS 4 AND 5, CASE NO.  PA 77-09, STAFF ANALYSIS. September 15, 1978) (emphasis 

added). 
114 Ash Landfill Interoffice Memo at 4. 
115 Florida Department of Environmental Protection, Conditions of Certification: Duke energy Florida Crystal River 
Energy Complex, PA 77-09R, Attachment H, April 29, 2016;; Ash Landfill Interoffice Memo; 1978 Staff Analysis; Terry 

Witt, Citrus County Chronicle, July 23, 2007 and July 30, 2007 articles, in “Proposed Haul Road Letter”; FGD 
Blowdown bond 2010 report.  

116 40 C.F.R. §§ 257.101(b)(1) and 257.101(d)(1). 
117 40 C.F.R. § 257.64(a). 
118 40 C.F.R. § 257.53. 
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 “Structural components” are defined as:  

 
liners, leachate collection and removal systems, final covers, run-on and run-off systems, 
inflow design flood control systems, and any other component used in the construction 
and operation of the CCR unit that is necessary to ensure the integrity of the unit and 
that the contents of the unit are not released into the environment.”119   

 
In the final CCR Rule, EPA enumerates safety factors that should be addressed in the 

certification of CCR units in Florida’s karst terrain:  
 

For areas where the solution-weathered limestone is close to the surface (e.g., Florida) 
recognized and generally accepted good engineering practices dictate that there must be 
no conduits beneath the CCR unit that allow piping of groundwater into the karst 
aquifer, or shallow caves that could cause sudden collapse of the unit foundation. …  

 
Karst hydrogeology is complex, since contaminant flows can occur along paths and 
networks that are discreet and tortuous, and groundwater monitoring wells must be 
capable of detecting any contaminants released from the CCR unit into the karst aquifer. 
… 

 
Therefore, the owner or operator will need to ensure, with verification by a qualified 
professional engineer, that monitoring wells installed in accordance with § 257.91 will 
intercept these pathways. Verification will usually necessitate the use of tracers to track 
groundwater flow towards offsite seeps or springs from the uppermost aquifer beneath 
the facility. Any engineered solution employed to mitigate weak ground strength in karst 
areas must be able to prevent the kind of foundation collapse and settlement that could 
lead to sudden release to the environment of CCR with its toxic constituents and 
associated leachate. … 

 
However, such engineered solutions are complex and costly, and the best protection is 
not to site CCR landfills and surface impoundments in karst areas.120 

 
In short, this safety certification is a tall order in Florida’s karst terrain. Elsewhere in the 

rulemaking docket, EPA noted that it might even be “impossible” to obtain the safety 
certification for a CCR unit that has already been constructed without adequate safeguards.121  
 

These safety standards were not incorporated into the design of  the Ash Landfill when it 
was built, as discussed in Dr. Stewart’s assessment. The Ash Landfill does not have structural 
reinforcements nor a liner that could help prevent movement of  CCR materials into the 

                                                        
119 Id. 
120 80 Fed. Reg. 21,368 (emphasis added). 
121 U.S. EPA, Comment Summary and Response Document, Volume 4: Location Restrictions, Docket # EPA-HQ-
RCRA-2009-0640, December 2014, available at http://goo.gl/QVAXRi. 
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Floridan aquifer. Dr. Stewart explains that certain factors at the Ash Landfill even increase the 
risk of limestone dissolution and sudden collapse, such as including having no impermeable 
liner; having no cover to exclude precipitation from the exposed CCR waste; and CCR 
accumulating and increasing the static load on the underlying, unstable soils. 

 
Moreover, the Ash Landfill cannot effectively, nor economically, be retrofitted using 

existing technologies to meet the CCR Rule’s safety standards: it would be nearly impossible to 
ensure that all conduits, voids, and caves beneath the Ash Landfill were had been detected and 
intercepted. Attempting a retrofit of  the Ash Landfill now could even trigger a sinkhole 
collapse. 
 

CREC FGD Blowdown Ponds and Gypsum Storage Pad also lie on unstable karst 
terrain and a qualified professional engineer must make a demonstration showing “that 
recognized and generally accepted good engineering practices have been incorporated” into the 
design of these units by October 17, 2018 in order for them to continue operation. Although 
these units are at least lined, providing some measure of  protection unlike the Ash Landfill, if  a 
sinkhole were to rupture the liners or pipes at the FGD Blowdown Ponds, for example, the CCR 
wastes would be released into the Floridan aquifer, and flow into the seawater discharge canal, 
tidal wetlands, and Crystal Bay.  
 

DEF reports that a preliminary assessment of  the stability at the Ash Landfill has been 
performed and that the “preliminary conclusion is no karst remediation will be required.”122 This 
conclusion seems remarkable given the geological characteristics and history of  the region and 
CREC site, as encapsulated above in Section I and in Dr. Stewart’s review. Regardless of  this 
conclusion, however a thorough evaluation must still be completed under the CCR Rule.  
 

The CCR Rule location restriction and safety factors are designed to protect public 
waters from the risks of  sinkhole and unstable terrain. To comply with federal regulations and 
protect the Floridan aquifer and waters of  Crystal Bay, DEP must ensure that DEF completes 
the required engineering certifications. Because CREC’s CCR units cannot be certified as safe 
under the CCR Rule, DEF will have to change its current practices of onsite CCR storage and 
disposal by the April 19, 2019 deadline in the CCR Rule.   

 
K. DEP Should Extend The Proposed Schedule for Permit Issuance To Allow For 

Meaningful Consideration of Public Comments 
 

Finally, we urge DEP to revise its own proposed schedule for permit issuance to allow 
for meaningful consideration of and response to public comments.  Under the proposed 
schedule,123 DEP would submit the proposed permit to EPA on September 30th, only one day 
after the close of the public comment period on September 29, 2016. This plainly is not enough 
time for the Department to review let alone meaningfully consider and respond to all comments 

                                                        
122 Duke Energy Florida’s Petition for Approval of Environmental Cost Recovery True-Up and 2017 Environmental 
Cost Recovery Clause Factors, Docket No. 160007-EI (August 31, 2016). Recent PSC filing – 07181-16 

123 Draft Permit at 14. 
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in writing.124 As we explained in our February 29, 2016, letter, due to the importance of the 
water impacts and protections at issue in this permit renewal, DEP should go above and beyond 
its routine public participation practices, not truncate them.  
 

CONCLUSION 
 

For all the foregoing reasons, we respectfully ask that, in issuing Crystal River Unit 4 and 
5’s renewed NPDES permit, DEP: 
 
1. Set a technology-based zero discharge standard for bottom ash wastewater and require 

compliance with the standard no later than November 1, 2018; 
 

2. Set a technology-based zero discharge standard for FGMC wastewater and require 
compliance with the standard no later than November 1, 2018; 

 
3. Set technology-based limits on arsenic, mercury, selenium and nitrate/nitrite in FGD 

wastewater and require compliance with the standard no later than December 2018; 
 
4. Establish technology-based BPT effluent limits and daily monitoring requirements for 

FGD and FGMC wastewater flows, effective immediately;  
 
5. Apply BPT limits to discharges of  CRL from the Ash Landfill to the runoff  collection 

system and to Crystal Bay, and conduct a reasonable potential analysis to determine 
whether WQBELs are needed for greater protection;  

 
6. Require clean up and corrective action, as mandated by the CCR Rule, to swiftly address 

ongoing groundwater contamination from the unlined Ash Landfill and to take all 
measures necessary to protect against further leaching of  toxic metals into ground and 
surface waters including, retrofitting or closing the unit; and 

 
7. Require compliance with the CCR Rule’s prohibition on siting CCR units in unstable 

areas, so as to further protect ground and surface waters. 
 

Timing is critical: To meet the deadlines for implementing ground and surface water 
protections—which also protect the public use of  those waters—DEF will have to undertake 
changes to coal operations at CREC Units 4 and 5. DEF must not delay, or be excused by DEP 
through extensions or deferrals to future permit renewal cycles, for which there is no 
justification let alone a well-documented one in this permitting record.  
 

Thank you for your consideration. 
 

Sincerely, 
 

                                                        
124 Draft Permit at 15. 
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/s/ Elizabeth Tedsen Winkelman 
Elizabeth Tedsen Winkelman 
Law Office of  Elizabeth T. Winkelman 
Phone: 530-524-2702 
E-mail: etedsenlaw@gmail.com 
Outside Counsel for Sierra Club 
 
/s/ Diana Csank 
Sierra Club 
50 F Street, Eighth Floor 
Washington, DC 20001 
Phone: 202-548-4596 
E-mail: diana.csank@sierraclub.org 
 
/s/ Justin Bloom 
Executive Director 
Suncoast Waterkeeper 
Phone: (941)275-2922 
Email: bloomesq1@gmail.com 
http://suncoastwaterkeeper.org 
https://www.facebook.com/Suncoastkeeper 
 
/s/ Amelia Shenstone 
Campaigns Director 
Southern Alliance for Clean Energy 
250 Arizona Ave., NE 
Atlanta, GA 30307 
Phone: 404.373.5832 x3 
Email: Amelia@cleanenergy.org  

 
 
Cc: 
 
EPA Region 4 (r4npdespermits@epa.gov) 
Karrie Jo-Shell, Power Plant NPDES Permits, EPA Region 4 (shell.karrie-Jo@epamail.epa.gov) 
Chairman, Board of  Citrus County Commissioners (ronald.kitchen@citrusbocc.com) 
FWC, Conservation Planning Services (fwcconservationplanningservices@myfwc.com) 
Jim Valade, U.S. Fish and Wildlife Service (jim_valade@fws.gov) 
Florida Department of Economic Opportunity, State Land Planning Agency 
(DCPPermits@deo.myflorida.com) 
Florida Department of State, Bureau of Historic Preservation (compliancepermits@dos.state.fl.us) 
U.S. Army Corps of Engineers (james.j.mcadams@usace.army.mil) 
Cindy Zhang-Torres, DEP Tampa (cindyzhang.torres@dep.state.fl.us) 
Ramandeep Kaur, DEP Tampa (ramandeep.kaur@dep.state.fl.us) 
Ilia Balcom, DEF (Ilia.Balcom@duke-energy.com) 
Brian Powers, Duke Energy (brian.powers@duke-energy.com) 
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Preparing for the U.S. Environmental Protection Agency’s Coal Combustion Residuals Rule:  

Technical Assessment of Hydrogeologic Conditions and Groundwater Contamination at the Crystal River 

Energy Complex  

 

August 28, 2016 

 

 

By Mark Stewart, PhD, PG 
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1. EXECUTIVE SUMMARY 

 

 The Crystal River Energy Complex (“CREC”) is located on unstable karst terrain, and the primary 

facility used for the storage and disposal of coal combustion residuals (“CCR”) at CREC, the Ash Landfill, 

exhibits increasing contamination from toxic heavy metals associated with CCR waste.  CCR disposal and 

storage at CREC puts local water resources at risk and fails to meet the new safety standards by the U.S. 

Environmental Protection Agency (“EPA”) in December 2014 (“the CCR Rule”) for several reasons:   

 

 CREC is located in one of the country’s most unstable areas, in karst terrain, and is under the 

influence of multiple sinkholes, including 24 reported sinkholes within 5 miles of CREC.   

 

 The risk of limestone dissolution and sudden collapse beneath CREC’s Ash Landfill is increased by 

many factors, including (a) having no impermeable liner; (b) having no cover to exclude 

precipitation from the exposed ash waste; and (c) CCR accumulating at the Ash Landfill 

increasing the static load on the underlying, unstable soils and rock. 

 

 To assure the safety of CCR storage and disposal in such unstable areas, EPA’s CCR Rule requires 

the detection and interception of (a) all of the possible conduits that allow piping of 

groundwater into underlying karst aquifers; (b) all of the possible shallow caves that could cause 

a sudden foundation collapse; and (c) all of the possible pathways for CCR constituents to be 

released from CCR storage and disposal facilities into karst aquifers.  Consulting reports state 

that at CREC, “most [groundwater] flow is through solution cavities and conduits.” These safety 

standards were not incorporated into the design of the Ash Landfill when it was built, and it is 

now nearly impossible to do so.  

 

 The Ash Landfill was not built to structurally withstand the influence of sinkholes. It lacks the 

structural reinforcement that would be necessary, but may nevertheless be insufficient, to 

prevent a sudden foundation collapse.  The Ash Landfill cannot be retrofitted now to be safe.  

Attempting a retrofit could trigger a sinkhole collapse that could rapidly spread CCR 

contamination in the underlying karst aquifers. 

 

 To protect public waters, the CCR Rule requires (a) a distance of at least 5 feet between the base 

of CCR storage and disposal facilities and the uppermost aquifer, or (b) other measures that 

eliminate any hydraulic connection between CCR storage and disposal facilities and the aquifer—

CREC Ash Landfill does not meet either standard.  In fact, the available monitoring data are 

indicative of an ongoing hydraulic connection that allows CCR constituents, including arsenic and 

other heavy metals associated with CCR leachate, to reach the underlying karst aquifers.   

 

 Water quality samples from wells downgradient from the Ash Landfill show consistent and 

increasing contamination since 2012 with toxic constituents associated with CCR, such as 
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arsenic, boron, molybdenum, manganese, selenium, sulfate, and thallium, indicating that the 

Ash Landfill has contaminated the Surficial and Floridan Aquifer at the site. 

 

 Groundwater beneath CREC Ash Landfill, FGD Blowdown Ponds, and Percolation Ponds flows 

towards the seawater discharge canal, tidal wetlands, and Crystal Bay.  

 

 For these reasons, discussed in detail in the full report, the Ash Landfill cannot meet the safety 

standards in the CCR Rule.  Additionally, as the CCR Rule requires corrective action to prevent further 

releases of CCR constituents into the environment, the CCR that have accumulated in the Ash Landfill 

should be removed and the site decontaminated. The only way to prevent such continued releases from 

the Ash Landfill is to remove the CCR that has accumulated and decontaminate the site.  
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2. INTRODUCTION 

 

 This is an assessment of coal combustion residuals (“CCR”) storage and disposal at the Crystal 

River Energy Complex (“CREC”). This assessment evaluates hydrogeologic conditions at the Ash Landfill, 

FGD Blowdown Ponds, Gypsum Storage Pad, and Percolation Ponds, existing groundwater contamination 

at CREC, and compliance with the U.S. Environmental Protection Agency’s (“EPA”) new rule on the 

disposal of CCR from electric utilities (“CCR Rule,” U.S. EPA 2015).  More specifically, this assessment 

considers whether CREC’s CCR facilities satisfy the safety standards in the CCR Rule for CCR disposal in 

karst terrain and away from the uppermost aquifer and for preventing groundwater contamination.  

 

 The karst-specific safety factors under CCR Rule can be summarized as follows:  

 

1. The historical record of local sinkhole development;  

2. The presence of a local hydraulic gradient that points downward at 

shallow depths;  

3. The presence of subsurface conduits that allow piping of groundwater 

into the karst aquifer, or shallow conduits or caves that could cause 

sudden collapse of the structure’s foundation; and  

4. The use of engineering solutions to “prevent the kind of foundation 

collapse and settlement that could lead to sudden release to the 

environment of CCR with its toxic constituents and associated leachate.” 

(U.S. EPA 2015). 

 

As discussed below, these factors support the conclusion that CREC Ash Landfill cannot continue to safely 

receive CCR, nor can it meet the requirements of the CCR Rule.   

 

 Additionally, the CCR Rule requires (a) a distance of at least 5 feet between the base of certain 

CCR storage and disposal facilities and the uppermost aquifer, or (b) other measures that eliminate any 

hydraulic connection between the facilities and the aquifer.  As discussed below, the Ash Landfill does 

not meet either of these standards. 

 

Water quality samples from wells downgradient from the Ash Landfill show consistent and 

increasing contamination from common CCR constituents, such as arsenic, boron, molybdenum, 

manganese, selenium, sulfate, and thallium, indicating that the Ash Landfill has already contaminated 

the Surficial and Floridan Aquifer at the site. 

 

The Ash Landfill cannot meet the safety standards in the CCR Rule.  Additionally, as the CCR Rule 

requires corrective action to prevent further releases of CCR constituents into the environment, the CCR 

that have accumulated in the Ash Landfill should be removed and the site decontaminated. The only way 

to prevent such continued releases from the Ash Landfill is to remove the CCR that has accumulated and 

decontaminate the site. 

 

113



3. ASSESSMENT 

 

A. CREC is in one of the country’s most unstable areas, under the influence of multiple 

sinkholes  

 

 CREC is located in Citrus County, an active karst area under the influence of sinkholes (FGS 1985).  

The sandy sediment cover over the limestone in coastal Citrus County is thin, and sinkholes that form 

tend to be smaller, i.e., less than 10 feet (“ft”) in diameter, and not as deep as in areas with thicker, more 

cohesive sediments covering the limestone.  However, the near-surface limestone is deeply incised with 

solution channels and conduits that can cause small sinkholes to form as surficial sands move into the 

subsurface voids (Dames and Moore 1994).   

 

a. Hydrogeology of coastal West Florida: Karst terrain, solution conduits, and 

sinkholes 

 

 Coastal Citrus County is a region that is underlain by a thick sequence of carbonate rocks, 

commonly called “limestone” (Miller 1986).  These rocks can be dissolved by the chemical action of 

acidic groundwaters.  This creates voids in the rock and a distinctive geologic terrain called karst.1  Karst 

terrains are characterized by solution features such as caves and collapse features caused by surface 

materials falling into voids created by the solution of the underlying rocks.  A vertical collapse or solution 

feature created by karst activity is called a sinkhole (Tihansky 2013).   

  

 Small sinkholes are common in western Citrus County (FGS 2016; Tihansky 2013).  These voids or 

depressions at the surface are caused by the movement of unconsolidated surficial materials into pre-

existing voids in the underlying limestone.  Sinkholes can form rapidly by collapse or slowly by 

movement of surficial materials into underlying voids in the carbonate rock.  Most sinkholes in coastal 

Citrus County are cover subsidence sinkholes. These sinkholes form when loose surficial sands migrate 

downward into solution cavities in the limestone. Cover subsidence sinkholes can form slowly, or 

abruptly, especially after heavy rainfall (Tihansky 2013).  

 

                                                           
1
 Geologists generally use the term “terrane” to refer to three-dimensional areas including the surface and 

subsurface, and “terrain” to refer to the surface configuration or topography only.  This assessment uses “terrain” 
to refer to both surface and subsurface areas unless otherwise noted.   
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Figure 1. Cover subsidence sinkhole schematic (Tihansky 2013) 

 

 Paleosinks or paleo-sinkholes are also common in West Central Florida (Tihansky 2013). These 

are cover subsidence sinkholes that have been filled by sediments or water and do not have recognizable 

depressions at the surface.  Such sediment-filled sinkholes can create a vertical column of permeable 

materials that allow contaminants introduced at the water table to reach the Floridan Aquifer. In 

addition to sinkholes, the limestone underlying CREC contains many solution enlarged fractures that 

form preferred conduits for groundwater flow and allow for downward movement of surficial sands into 

the underlying limestone (Dames and Moore 1994). 

 

Groundwater, particularly groundwater in the Surficial and Floridan Aquifers,2 supplies the 

region’s public drinking water. The Floridan Aquifer is one of the largest and most productive sources of 

fresh groundwater in the world (Miller 1986).  It is comprised of the carbonate rocks of Eocene to 

Miocene age in West Central Florida.  In coastal western Citrus County, the Floridan Aquifer is 

unconfined and water table elevations represent the potentiometric surface of the Floridan Aquifer. This 

area is a recharge zone for the shallow Floridan Aquifer, which is at or within a few feet of land surface at 

CREC.  More specifically, shallow groundwater flows downward from the water table and the shallow 

sands of the Surficial Aquifer into the Floridan Aquifer. Near CREC, the deeper and intermediate portions 

of the Floridan Aquifer are discharge zones, and groundwater has a component of flow toward the 

surface.   

 b.   Hydrogeology of CREC site 

 

    The Florida Geological Survey (“FGS”) sinkhole database (FGS 2016) documents 24 reported 

sinkholes within 5 miles of CREC site. As the FGS sinkhole data are self-reported, the 24 reported 

sinkholes are the minimum number of sinkholes that have occurred in recent years near CREC site. The 

FGS database is biased toward residential and commercial areas where sinkholes are more likely to be 

reported than in rural areas and industrial sites. Most of the reported sinkholes near CREC site are 

reported along the U.S. Highway 19 corridor east of CREC site and associated residential areas. The 

reported sinkholes are smaller than sinkholes that occur in central Florida, generally less than 10 ft in 

                                                           
2
 The Surficial and Floridan Aquifers are U.S. EPA designated Underground Sources of Drinking Water, and Florida 

Department of Environmental Protection (“DEP”) designated Type G-II (Surficial) and G-I (Floridan) groundwaters.  
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diameter and up to 10 ft in depth. Using the 24 sinkholes as a representative data set, 95% (two 

standard deviations) of reported sinkholes within 5 miles of CREC have diameters less than 7 ft. They are 

indicative of the extensive karst solution cavities that are present in the shallow subsurface in western 

Citrus County. 

Dames and Moore (1994) describe the geology and hydrogeology of CREC site. The following 

discussion is a summary of the geology and hydrogeology of CREC site from that report. 

Dames and Moore report that the Upper Floridan Aquifer at CREC site contains abundant 

“solution enlarged fractures,” “long linear depressions” in the limestone surface, and “underground 

channels and caverns.” They also report that during removal of coal ash from the area of the former 

CREC south ash pond, “local superficial channels/sinkholes concealed by ash deposits had caused a 

continuous series of incidents and delayed removal/transportation activities.” The report also states 

that “most flow is through the solution channels and cavities” and that the upper zone from the surface 

to a depth of about 30 feet contains many large interconnected solution cavities and channels that are 

highly permeable. 

The surficial deposits at CREC consist of predominantly sandy, unconsolidated materials with 

some silt and clay. There is no distinct Surficial Aquifer at the site, and the Floridan Aquifer is within a 

few feet of the land surface.  Water reaching the water table from the surface is effectively recharging 

the upper part of the Floridan Aquifer. The permeable surficial sediments are in direct hydraulic 

connection with the limestones of the Upper Floridan Aquifer. As a result of the lack of extensive low 

permeability surficial materials, the Floridan Aquifer at CREC site is an unconfined aquifer in direct 

hydraulic connection with the water table. Soils at the site typically have seasonal water tables within 1-

2 ft of the land surface and are described as poorly drained. The undisturbed soils at CREC are subject to 

frequent and prolonged flooding.  

The near-surface Floridan Aquifer units present at the site are the limestones of the Ocala 

Group, specifically the lower member of the Ocala Group, the Inglis Formation. The Inglis Formation is 

an Eocene limestone with extensive solution features. The Avon Park Formation underlies the Inglis 

Formation. The Avon Park Formation consists of limestones and dolostones and forms the bottom of the 

Upper Floridan Aquifer (Miller 1986). The permeability of the Avon Park decreases with depth. This 

results in enhancement of horizontal ground water flow in the Inglis Formation limestones. Dames and 

Moore (1994) report that most groundwater flow at the site is through “solution cavities and channels.” 

In test borings that encountered voids, about 10% of the total aquifer volume is void space, generally 

within 50 ft of land surface. A zone in the Inglis Formation from land surface to a depth of about 30 ft 

consists of “many large solution cavities and channels that are highly permeable.” A lower high 

permeable zone occurs between depths of about 40 to 60 ft at the contact between the Inglis and Avon 

Park Formations. Aquifer performance data suggest that the transmissivity of the Upper Floridan Aquifer 

at the site is about 2E05 ft2/day, a very high value. 

In a study to support installation of CREC Units 4 and 5 at CREC (ESE 1982), Dames and Moore 

(1994) report that test borings could be divided into “void” borings that encountered voids during 
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drilling, and “non-void” borings that encountered solid limestone. The eight void wells responded faster 

to recharge events and tides and were assumed to connect with solution cavities and channels. The 

water levels for the void group wells were found to “form a trough running northeast to southwest 

under the ash disposal site…this trough roughly coincides with the known subsurface cavities in this area 

and likely reflects a fracture zone of high permeability.” The general groundwater flow direction under 

the Ash Landfill indicated by the void and non-void wells is northeast to southwest, toward CREC intake 

and discharge canals and wetlands to west of CREC. Groundwater that flows under the Ash Landfill 

through the “trough” delineated by Dames and Moore (1994) flows toward the west-southwest and 

discharges into the seawater discharge canal, and ultimately into Crystal Bay. 

The water table “trough” under the Ash Landfill reported by Dames and Moore (1994) includes 

monitor wells MWI-2R2, TWI-5, and TWI-3 (Figures 2 and 3). These three monitor wells are located on 

the west side of the Ash Landfill.  As described further below, groundwater monitoring reports (DEP 

2015) indicate that these three wells have been contaminated with arsenic, sulfate, thallium, selenium, 

molybdenum, manganese, and boron, all of which are contaminants associated with CCR leachate. This 

indicates that the Ash Landfill is in direct hydraulic connection with a highly permeable fracture zone in 

the Upper Floridan Aquifer, and that contaminants associated with CCR wastes have entered the Upper 

Floridan Aquifer. 

 
Figure 2. Water table elevations under the Ash Landfill (Dames and Moore 1994) 
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Figure 3. Groundwater Monitoring Network at CREC (Geosyntec 2013)  

 

B. CREC Ash Landfill cannot meet the CCR Rule’s safety standards for unstable areas  

 

Historical records of sinkhole activity in the region and reports prepared for CREC site clearly 

indicate that the site is within an active karst zone, with numerous, unlocated channels and voids.  

Consulting reports (Dames and Moore 1984; ESE 1982) state that at CREC “most [groundwater] flow is 

through solution cavities and conduits” and these reports document that the site contains numerous 

solution enlarged channels, voids, and caves, with one documented high permeability conduit located 

directly under the Ash Landfill (Dames and Moore 1994).  These channels, conduits, limestone surface 

depressions, and voids create a sinkhole hazard for the Ash Landfill. 

 

The Floridan Aquifer is at or near land surface at CREC site (Dames and Moore 1994) and any 

size sinkhole is likely to allow movement of unconsolidated materials under the CCR landfill into the 

voids, depressions, and caverns under the landfill will, and likely has (ESE 1982), allowed CCR materials 

to come into direct contact with the limestones and groundwater of the Upper Floridan Aquifer. The Ash 

Landfill does not have structural reinforcements or a liner3 to prevent vertical movement of CCR 

materials into the Upper Floridan Aquifer, as occurred at the site of the former CREC south ash pond 

(ESE 1982). 

                                                           
3
 Only 5.5 acres of the 62-acre Ash Landfill are lined.  
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To ensure the safety of CCR storage and disposal in unstable karst areas, the CCR Rule requires 

the detection and interception of (a) all of the possible conduits that allow piping of groundwater into 

the underlying karst aquifers; (b) all of the possible shallow caves that could cause a sudden foundation 

collapse; and (c) all of the possible pathways for CCR constituents to be released from CCR storage and 

disposal facilities, such as the Ash Landfill, into the karst aquifers (U.S. EPA 2015).   

 

These safety standards were not incorporated into the design of the Ash Landfill when it was 

built. Detection and interception of all possible conduits, depressions, voids, and shallow caves in a 

complex karst terrain such as CREC site is extremely difficult technically, if not practically and 

economically infeasible. With any currently known sinkhole remediation technology, the Ash Landfill 

cannot be “upgraded” to meet the CCR Rule requirements for facilities in karst terrains as it would be 

nearly impossible to determine that all conduits, voids, and caves had been detected and intercepted. As 

the Ash Landfill does not meet the CCR Rule’s safety standards and instructions for engineering practices 

in karst areas, the CCR materials currently onsite should be removed and the groundwater and soils 

decontaminated. 

 

In addition to the Ash Landfill, CREC site contains a Gypsum Storage Pad, which receives gypsum 

solids before disposal in the Ash Landfill or transport offsite, and FGD Blowdown Ponds and Percolation 

Ponds on the west side of the site, adjacent to the seawater discharge canal, that receive waste and 

wastewater from coal operations. The FGD Blowdown Ponds are lined with synthetic impermeable liners. 

However, the FGD Blowdown Ponds, Percolation Ponds, and Gypsum Storage Pad are in the same 

unstable karst environment as the Ash Landfill. There is a potential for failure of the FGD Blowdown Pond 

liner system or piping as result of sinkhole activity. If a sinkhole punctured the liner or caused a FGD pipe 

to leak, the FGD wastes would be introduced directly into the Upper Floridan Aquifer, discharging to the 

seawater discharge canal, tidal wetlands, and ultimately Crystal Bay. The liner system would need to be 

able to span sinkholes 10 ft in diameter or greater without failing to avoid contaminating the Upper 

Floridan Aquifer with FGD wastes. The Percolation Ponds are unlined and are in direct communication 

with the Upper Floridan Aquifer. The Percolation Ponds recharge the shallow groundwater aquifer and 

discharge into the seawater discharge canal, tidal wetlands, and Crystal Bay (Figures 2 and 3). 

 

C. The Upper Floridan Aquifer exhibits contamination from CCR Leachate at CREC  

 

Contaminants such as sulfate, arsenic, selenium, thallium, boron, molybdenum, and manganese 

are common constituents of CCR leachate (EPRI 2004). The presence of several of these constituents, at 

any detectable level above background values, in groundwater downgradient from a CCR storage and 

disposal unit is overwhelming evidence that contaminants that have leached from the CCR materials 

have reached the water table and the aquifer. Groundwater sampling results from September 2012 for 

monitoring well MZ-3, which is in an upgradient, undisturbed area approximately one mile east of CREC 

facility, indicate that background arsenic concentrations in the shallow, intermediate, and deep portions 

of the aquifer are 2.1, 6.3, and <2.0 micrograms/liter, respectively (Geosyntec 2013). Arsenic levels in 

groundwater >10.0 micrograms/liter are indications of contamination of the aquifer system by CCR. 
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Dames and Moore (1994) state that the “void wells” near the Ash Landfill define a “trough” in 

the water table surface underneath the landfill (Figure 2). They attribute this water table trough to a 

“fracture zone of high permeability.” Three monitor wells on the west side of the Ash Landfill are 

located in or near this high permeability fracture zone: wells MWI-2R2, TWI-5, and TWI-3 (Figure 3).  

 

Water samples from these three wells have regularly exceeded federal and state regulatory 

levels for arsenic, sulfate, thallium, selenium, molybdenum, manganese, and boron since 2012. For 

arsenic, boron, manganese, and molybdenum levels of these contaminants in groundwater in this 

fracture zone have trended upward from 2012 to 2015 (Figures 4, 5, 6, and 7). Water quality data 

obtained in January 2016, continue to show levels of contaminants in excess of groundwater standards 

in wells downgradient of the Ash Landfill in wells MWI-2R2, TWI-1R, TWI-3, and TWI-5 (DEP 2016). 

 

These supporting lines of evidence, the definition of the water table trough, the presence of 

high permeability conduits at the site, and the presence of common CCR leachate constituents at 

increasing concentrations in wells downgradient from the Ash Landfill are overwhelming evidence that 

the landfill has contaminated local groundwater with toxic materials associated with CCR leachate. As 

the purpose of the standards enumerated under the CCR Rule is to prevent groundwater contamination 

from CCR facilities, the presence of these contaminants at the existing site is evidence that that the 

existing Ash Landfill does not meet the conditions specified in the rule. 

 

Geosyntec (2013) has prepared a report that maintains that the arsenic found in groundwater 

downgradient from the Ash Landfill is the result of complex geochemical conditions and a natural source 

of arsenic. They note that arsenic was detected in borings at a proposed coal ash storage site east, and 

upgradient, of the current Ash Landfill, suggesting a natural source of arsenic. However, the 

concentrations of arsenic detected downgradient of the Ash Landfill are up to five times as high as the 

concentrations detected upgradient. In addition, the associated CCR contaminants sulfate, selenium, 

thallium, boron, molybdenum, and manganese have been detected in wells downgradient of the Ash 

Landfill. The Geosyntec report does not explain the presence of these CCR associated contaminants.  

 

To prevent such contamination, the CCR Rule prescribes (a) a distance of at least 5 feet between 

the base of facilities containing CCR and the uppermost aquifer, or (b) other measures that eliminate the 

hydraulic connection between the base and the uppermost aquifer—safety standards that the Ash 

Landfill does not meet. According to public records, the base of the Ash Landfill has an elevation of 4 to 

8 feet above sea level, while the water table near the Ash Landfill has reported elevations greater than 3 

feet (Geosyntec 2013). This indicates that the base of the Ash Landfill is within 5 feet of the water table 

in the Surficial/Floridan Aquifer. The Ash Landfill is unlined, meaning that the CCR materials are in direct 

hydraulic connection with the Floridan Aquifer. Furthermore, natural soils at CREC site are poorly 

drained and flood seasonally (Dames and Moore 1994), indicating that the water table seasonally 

approaches the land surface. 
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As the CCR Rule requires corrective action to prevent further releases of CCR constituents into 

the environment, the CCR that have accumulated in the Ash Landfill should be removed and the site 

should be decontaminated. 

 

 

Figure 4. Arsenic levels in groundwater samples from wells at CREC site, October 2012 to July 2015 

(DEP 2015) 

 

Figure 5. Boron levels in groundwater samples from wells at CREC site, October 2012 to July 2015 (DEP 

2015) 
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Figure 6. Manganese levels in groundwater samples from wells at CREC site, October 2012 to July 2015 

(DEP 2015)  

 

 

Figure 7. Molybdenum levels in groundwater samples from wells at CREC site, October 2012 to July 

2015 (DEP 2015) 
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4. SUMMARY 

 

CREC Ash Landfill does not meet the safety criteria for CCR landfills and impoundments 

enumerated in the EPA’s CCR Rule. The facility is located in a documented unstable, karst area, putting 

local water resources at risk.  It would be technically challenging, if not impossible to upgrade the Ash 

Landfill to meet the CCR Rule standards for active facilities in karst areas. In addition, there is 

overwhelming evidence that the Ash Landfill has contaminated local ground water with arsenic, 

selenium, molybdenum, manganese, boron, and thallium. The source of these contaminants is the Ash 

Landfill as documented by the presence of these contaminants in water samples from downgradient 

wells. The Ash Landfill is uncovered and open to infiltration of rainwater, the facility is unlined, and it is 

in direct hydraulic connection with the Upper Floridan Aquifer. The remedy to prevent further 

contamination of the aquifer and of Crystal Bay, is to remove the CCR materials currently on site and to 

decontaminate the Floridan Aquifer and local soils. 

 

5. AUTHOR’S EXPERTISE AND QUALIFICATIONS 

 

 The author of this technical assessment, Dr. Mark Stewart, PhD, PG, is a Professor Emeritus at 

the University of South Florida School of Geosciences.  Dr. Stewart is a registered Professional Geologist 

in the State of Florida.  He has an extensive publication record and expertise in the hydrogeology of 

Florida, water resources management, karst hydrology, applied geophysics, and the geology of sinkholes.  

He has been qualified in hearings of the Division of Administrative Hearings and in State and Federal 

courts as an expert in hydrogeology, water resources management, karst hydrology, the geology of 

sinkholes, hydrologic modeling, and environmental geophysics.  Dr. Stewart has an undergraduate 

degree in geological sciences from Cornell University, and graduate degrees in geology and water 

resources management from the University of Wisconsin-Madison. 

 

 The primary materials reviewed and used in the preparation of this assessment were Florida 

Department of Environmental Protection (“DEP”) regulatory files, which include groundwater monitoring 

reports, reports on the geology and hydrogeology of CREC site, and reports on the construction and 

operation of waste material facilities and disposal of generated wastes, all of which were prepared by 

Duke/Progress Energy/FPC and their consultants and submitted to the DEP.  Additional materials 

referenced for this report include: publications, data, and maps from the U.S. Geological Survey and 

Florida Geological Survey; peer-reviewed journal articles; and publically-available documents related to 

coal and coal combustion residuals, hydrogeology, sinkholes, and karst hydrology. 
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3 

1. EXECUTIVE SUMMARY 

 
This is an assessment of Duke Energy Florida’s (“DEF”) plans for achieving compliance 

with the U.S. Environmental Protection Agency’s (“EPA”) revised effluent limitations guidelines 
(“ELGs”) for bottom ash wastewater generated at DEF’s Crystal River Energy Generating 
Complex (“CREC”) Units 4 and 5. Specifically, this assessment evaluates DEF’s contention that 
February 1, 2020, should be the deadline for these units under the ELGs. 
 
  DEF’s 44-month schedule to achieve compliance with the bottom ash BAT standard is 
simply unsupported. CREC can achieve a zero discharge standard for bottom ash wastewater 
within 27 to 30 months, roughly August to November 2018.   
 

Construction time for bottom ash retrofits at Units 4 and 5 are anticipated to take, with a 
built in contingency, only 18 months. Other, related, tasks for achieving compliance should take 
significantly less time than DEF proposes, particularly as DEF began planning for and evaluating 
strategies to comply with the revised ELGs as far back as 2012. Beginning in 2014, Duke Energy 
began publicly reporting projected compliance costs, suggesting that conceptual or detailed 
engineering evaluations and studies were undertaken and that Duke Energy’s Board has been aware 
of these changes and costs for some time.  
 

DEF does not need until February 1, 2020, to achieve compliance with a zero discharge 
standard for bottom ash wastewater at CREC Units 4 and 5.  Rather, compliance can be achieved 
by November 2018 if not sooner.  The Florida Department of Environmental Protection (“DEP”) 
should carefully review the unsupported schedule provided by DEF and require that Units 4 and 5 
comply with a zero discharge bottom ash standard by no later than November 2018. 

 

2. INTRODUCTION 

 
This is an assessment of Duke Energy Florida’s (“DEF”) plans for achieving compliance 

with the U.S. Environmental Protection Agency’s (“EPA”) revised effluent limitations guidelines 
(“ELGs”) for bottom ash transport water1 or “wastewater” generated at DEF’s Crystal River 
Energy Generating Complex (“CREC”) Units 4 and 5. Specifically, this assessment evaluates 
DEF’s contention that February 1, 2020, should be the deadline for these units’ under the ELGs. 

 

3. BOTTOM ASH HANDLING AND WASTEWATER AT CREC UNITS 4 AND 5 

 

                                                           
1 40 C.F.R. § 423.11(f) (defining the term “bottom ash” as “the ash, including boiler slag, which settles in the furnace or is 
dislodged from furnace walls. Economizer ash is included in this definition when it is collected with bottom ash); § 
423.11(p) (defining the term “transport water” as “any wastewater that is used to convey fly ash, bottom ash, or economizer 
ash from the ash collection or storage equipment, or boiler, and has direct contact with the ash. Transport water does not 
include low volume, short duration discharges of wastewater from minor leaks (e.g., leaks from valve packing, pipe flanges, 
or piping) or minor maintenance events (e.g., replacement of valves or pipe sections).” 
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CREC is operated by DEF and is located adjacent to Crystal Bay, part of the Gulf of 
Mexico, in Citrus County, Florida. Units 1 (built in 1966, rated at 395 MW), 2 (built in 1969, rated 
at 520 MW), 4 (built in 1982, rated at 769 MW), and 5 (built in 1984, rated at 767 MW) are Duke 
Energy’s only coal-fired units in Florida.2 DEF applied to renew the NPDES Permit No. 
FL0036366 for Units 4 and 5 in January 2016.3 
 

As described by DEF, Units 4 and 5 produce bottom ash wastewater that discharges  from 
dewatering bins to an intenral canal and then to Crystal Bay via a discharge canal: 
 

The bottom ash handling system collects and removes bottom ash 
from Crystal River North Unit 4 & 5. Bottom ash collected in ash 
hoppers beneath the steam generator is periodically removed with 
ash sluice water to a transfer tank. From the transfer tank, an ash 
slurry pump transports slurry to a selected dewatering bin where 
bottom ash is separated from the transport water. When 
dewatered, bottom ash is either directly sent for beneficial reuse or 
deposited in an ash storage area for later beneficial reuse. All 
transport water from the dewatering bin is sent to a surge tank 
where it is pumped back to the ash hoppers to transport more 
bottom ash. Several process streams also feed into the bottom ash 
transport water system. While they provide needed make-up water, 
these sources may also, at times, cause the surge tank to overflow. 
The overflow runs into the coal area stormwater runoff ditch 
which discharges infrequently through NPDES internal outfall I-
CHO.4 

 
DEF further describes:  
 

The facility currently utilizes a wet-sluicing system for bottom ash, 
in which most of the bottom ash transport water is reused after 
exiting the dewatering basins. However, due to water balance 
issues at the facility, an overflow structure is used to discharge 
excess water from the dewatering basins into the runoff collection 
system, and then through Internal Outfall I-CHO to eventually 
Internal Outfall I-0CO, Outfall D-001 and waters of the State.5 

 
Additional details are provided in the NPDES permit renewal application and other 

documents in the permitting record.6 
 

                                                           
2 See Coal-Fired Plants, Duke Energy, https://www.duke-energy.com/power-plants/coal-fired.asp (last visited Sep. 26, 2016). 
3  Duke Energy Florida, Inc., Application to Renew NPDES Permit for Crystal River Units 4 & 5, Permit No. FL0036366, 
January 12, 2016. 
4 Duke Energy Florida, Response to Request for Additional Information, Attachment 1 at 1, May 20, 2016. 
5 Draft Permit at 12. 
6 See e.g., DEF’s Coal Combustion Product (CCP)/Solid Waste Materials Management Plan, Revision 6, December 2013. 
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4. THE ELGS 

 
After many years of work,7 EPA finalized the ELGs in November 2015.8 The ELGs revise 

and strengthen technology-based effluent limitations guidelines and standards for wastewater 
discharges from steam electric power plants, including coal-fired units such as CREC Units 4 and 5. 
 

The final ELGs set federal limits on the discharge toxic metals and other harmful pollutants 
from wastewater at steam electric power plants. The ELGs are based on technology improvements 
in the steam electric power industry over the last three decades and establish new requirements for 
wastewater streams from the following processes and byproducts associated with flue gas 
desulfurization, fly ash, bottom ash, flue gas mercury control, and gasification of fuels such as coal 
and petroleum coke. 
 

The ELGs require a zero discharge best available technology (“BAT”) standard for 
bottom ash wastewater to be achieved by November 1, 2018, or “as soon as possible.” 9  The 
phrase “as soon as possible” means November 1, 2018, unless permitting authorities, such as the 
Florida Department of Environmental Protection (“DEP”), establish a later date based on a well-
documented justification.10 

 

5. CONSULTATION WITH VENDORS AND INDUSTRY REGARDING 

BOTTOM ASH CONVERSIONS 

 

A. Vendor Experience and Discussions During ELG Rulemaking 
 

As EPA has stated, “to gather information on handling fly ash and bottom ash, EPA 
… contacted several ash handling and ash storage vendors. The vendors provided the 
following types of information for EPA’s analyses: 

 Type of fly ash and bottom ash handling systems available for reducing or 
eliminating ash transport water;  

 Equipment, modifications, and demolition required to convert wet-sluicing fly ash 
and bottom ash handling systems to dry ash handling or closed-loop recycle systems;  

 Equipment that can be reused as part of the conversion from wet to dry handling or 
in a closed-loop recycle system; 

                                                           
7 As EPA noted in the preamble to the final ELG Rule, “….EPA initiated a steam electric ELG rulemaking following a 
detailed study in 2009. EPA published the proposed rule on June 7, 2013, and took public comments until September 20, 
2013.” 80 Fed. Reg. 67,844. 
8 The Final ELG Rule was published in the Federal Register on November 3, 2015. 80 Fed. Reg. 67,838. 
9 See 40 C.F.R. § 423.11(t) (defining the phrase “as soon as possible” to mean Nov. 1, 2018, unless a later date is specifically 
justified); § 423.13(k)(1) (requiring compliance with bottom ash wastewater standards by Nov. 1, 2018 unless a later date up 
to Dec. 31, 2023 is specifically justified). 
10 40 C.F.R. § 423.11(t) (emphasis added). 
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 Outage time required for the different types of ash handling systems; 

 Maintenance required for each type of system; 

 Operating data for each type of system; 

 Purchased equipment, other direct, and indirect capital costs for fly ash and bottom 
ash conversions; 

 Specifications for the types of ash storage available (e.g., steel silos or concrete silos) 
for the different types of handling systems; 

 Equipment and installation capital costs associated with the storage of fly ash and 
bottom ash; and  

 Operation and maintenance costs for fly ash and bottom ash handling systems.”11 

 
The vendor community has been well aware of the rule requirements and participated fully 

in the rulemaking. There are numerous well-qualified U.S. vendors (and foreign vendors that are 
active in the U.S. market) that are capable of providing equipment and services for ash handling 
and conversion of bottom ash transport water at coal-fired units such as Units 4 and 5.  Major 
vendors include United Conveyer Corporation (“UCC”),12 Clyde Bergemann,13 and Magaldi.14 
Others such as GE, Veolia, Nalco, Aquatech, Heartland, LB Industrial Systems, and many others 
also have potential capabilities and solutions for specific aspects of ash handling. The ELGs docket 
shows that EPA consulted expensively with at least UCC and Clyde Bergemann with respect to 
bottom ash transport water and handling during rule development.15.   

 
That the vendor community is robust is not surprising given that the US coal-fired power 

plant fleet is over 800 units strong, with each one generating copious amounts of bottom ash that 
must be handled and managed.  Further, as the ELGs rulemaking record shows, a significant 
portion of the U.S. coal fleet already meets the ELGs BAT standard for bottom ash wastewater and  
are dry systems. These vendors already have many technology solutions and offerings for achieving 

                                                           
11 Technical Development Document for the Effluent Limitation Guidelines and Standards for the Steam Electric Power 
Generating Point Source Category, U.S. Environmental Protection Agency, EPA-821-R-15-007 at p. 3-21 and 3-22 (Sep. 
2015). 
12 UCC offers various hydraulic, mechanical, pneumatic, and vibratory systems for dry bottom ash handling.  

See Bottom Ash, United Conveyor Corporation, http://unitedconveyor.com/bottom_ash/ (last visited Sep. 26, 2016). 
13 Clyde Bergemann offers a trademarked “DRYCON” system for dry bottom ash handling.   

See DRYCON, Clyde Bergemann Power Group,  http://www.cbpg.com/en/products-solutions-materials-handling-bottom-
ash/drycon%E2%84%A2 (last visited Sep. 26, 2016). 
14 Magaldi offers a dry ash handling system called MAC.  A variant of this system appears to have been installed in either 
CREC Unit 1 or 2 or both. 

See Magaldi Solutions for Ash Handling, Magaldi, http://www.magaldi.com/en/magaldi_solutions_for/Ash-Handling-
Mac__9_11.php#tab_fototab (last visited Sep. 26, 2016). 
15 See, for example, EPA-HQ-OW-2009-0819-0580 (pertaining to EPA and its contractor’s discussions with UCC) (available 
at https://www.regulations.gov/document?D=EPA-HQ-OW-2009-0819-0580) and EPA-HQ-OW-2009-0819-6232 
(pertaining to EPA and its contractor’s discussions with Clyde Bergemann) (available at 
https://www.regulations.gov/document?D=EPA-HQ-OW-2009-0819-6232). 
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a zero discharge bottom ash standard.  As the preamble to the ELG Rule states: 
 

…technologies for control of bottom ash transport water are 
demonstrably available. Based on survey data, more than 80 
percent of coal-fired generating units built in the last 20 years have 
installed dry bottom ash handling systems. In addition, EPA found 
that more than half of the entities that would be subject to BAT 
requirements for bottom ash transport water are already 
employing zero discharge technologies (dry handling or closed-
loop wet ash handling) or planning to do so in the near future.16 

 
Thus, DEF has a good selection of experienced vendors to select from to achieve 

compliance with the bottom ash ELGs.  As discussed below, the record also shows that DEF and 
previous CREC owner Progress Energy Florida (“PEF”) appear to have actively consulted with at 
least one vendor, UCC, with regards to bottom ash dry conversion systems, as far back as 2012. 

 

B. Vendor Discussions Pertaining to DEF and CREC in the Rulemaking Docket 
 

The ELG rulemaking docket indicates that DEF already consulted vendors regarding the 
conversion to bottom ash dry conversion systems. Specifically, the docket shows that DEF has a 
long-standing relationship with one of the vendors, Magaldi,17 and has been discussions with 
another vendor DRYCON™.18 In addition, the docket shows DEF has experience with other 
vendors through its pursuit of dry systems at its other plants/units.  Moreover, DEF and its 
predecessor, Progress Energy Florida (PEF), have been engaged for years in developing a 
compliance strategy for bottom ash transport water for Units 4 and 5.  As EPA notes in a 
memorandum provided by its contractor ERG in May 2012: 
 

UCC noted the wet to dry conversions in the recent past or in 
process: 
 
… 
 
- Duke Energy’s Gibson plant is in the process of converting their 
wet sluicing system to a dry fly ash handling system; 
 
… 
 
- Progress Energy’s Mayo plant is planning to convert their current 
bottom ash handling system to a PAX system (100 percent dry 

                                                           
16 80 Fed. Reg. 67,852. 
17 See Final Seminole Site Visit Notes, EPA-HQ-OW-2009-0819-1891 (Jan. 2013) (available at 
https://www.regulations.gov/document?D=EPA-HQ-OW-2009-0819-1891). 
18 See Memorandum to the Steam Electric Rulemaking Record: Ash Handling Documentation from Comunications with 
Clyde Bergemann Power Group, EPA-HQ-OW-2009-0819-6232 (Sep. 2015) (available at 
https://www.regulations.gov/document?D=EPA-HQ-OW-2009-0819-6232). 
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vacuum), which is currently scheduled to be commissioned in 
2013; 
… 
 
UCC explained that Duke Energy’s plants (i.e., Marshall, Allen, 
Wabash, and Gibson) are going dry to avoid violations, or risks of 
violations, with NPDES permits. Additionally, Duke Energy is 
exploring ash handling technologies in anticipation of changing 
regulations. Additionally, UCC reports that Gibson engaged UCC 
for quotes for a bottom ash handling conversion. 
 
UCC also reported that Progress Energy wants to convert ash 
handling systems to dry to get ahead of the industry. UCC stated 
that Progress is likely going with a PAX bottom ash handling 
system for the plants that still operate wet sluicing systems. UCC 
stated that this system because [sic] operational at Crystal River 15 
years ago.19  

 
These notes show that DEF/PEF has already made significant progress on dry conversion 

for its plants/units, including not only installing such a system at its Mayo plant in 2013, but also 
for its other plants including CREC where only Units 4 and 5 use wet bottom ash sluicing.  
Moreover, the fact that these discussions took place in mid-2012 show that significant development 
work was completed on or before by that time—more than four years ago.  The discussions also 
show significant preparations by DEF parent company to convert to dry handling systems in 
anticipation of the ELGs. 

 

C. Utility Water Act Group (UWAG) Comments During the ELG Rule Development 
 

Lastly, while numerous parties provided comments to the EPA during its ELG rulemaking, 
it is particularly important to note certain relevant portion of comments provided by the Utility 
water Act Group (“UWAG”), an industry consortium, which includes almost all utilities as its 
members.20  Duke is a member of UWAG as was PEF.  
 

In its comments, pertaining to bottom ash conversions, UWAG states that 
 

                                                           
19 See Teleconference Notes Between Kevin McDonough & Mike Kippis, United Conveyor Corporation, Ron 
Jordan and Jezebele Alicea-Virella, USEPA, TJ Finseth, Elizabeth Sabol, ERG, Inc., EPA-HQ-OW-2009-0819-
0580 (May 24, 2012) (available at https://www.regulations.gov/document?D=EPA-HQ-OW-2009-0819-0580) 
(emphasis added). 
20 As UWAG’s comment’s note, “UWAG is a voluntary, ad hoc, non-profit, unincorporated group of 198 individual energy 
companies and three national trade associations of energy companies: the Edison Electric Institute, the National Rural 
Electric Cooperative Association, and the American Public Power Association. The individual energy companies operate 
power plants and other facilities that generate, transmit, and distribute electricity to residential, commercial, industrial, and 
institutional customers.” Utility Water Act Group Comments on EPA’s Proposed Effluent Limitations Guidelines and 
Standards for the Steam Electric Power Generating Point Source Category, at 1 n.1. 
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[I]n the case study presented in the attachment, it would take 30-
36 months to convert from a wet bottom ash hopper to a dry 
bottom ash hopper for a large unit…..Another case study for 
adding a remote wet ash hopper and submerged flight conveyor 
would take 27-33 months.21 

 
The project implementation timeframes referenced in this section, which are already 

considerably shorter than what DEF has proposed (i.e., 44 months, as discussed in Section 7), are 
relevant for situations in which no initial planning or assessment has been completed.  However, 
since, as shown next, there are clear indications that Duke Energy and PEF have undertaken 
significant, multi-year efforts to begin planning for a conversion to dry bottom ash handling, and 
that the implementation schedule at CREC Units 4 and 5 should be shorter. 
 

6. DUKE ENERGY’S PUBLIC STATEMENTS AND PLANNING TO COMPLY 

WITH THE BOTTOM ASH ELGS 

 
 Public statements from Duke Energy corroborate that DEF has already evaluated options 
and developed likely costs for compliance with the ELGs at CREC Units 4 and 5, and that 
implementation can and should occur more quickly than in the schedules proposed by DEF and 
DEP. 
 

A. Duke Energy’s 2013 Annual Report and SEC Form 10-K Filing 
 
 In a brief discussion in its 2013 Annual Report, Duke Energy provided the following 
general statement, (although no cost estimates) regarding compliance with the then-proposed 
revised ELGs for steam electric power plants:   
 

Steam Electric Effluent Limitation Guidelines 
 
On June 7, 2013, the EPA proposed Steam Electric Effluent 
Limitations Guidelines (ELGs). The EPA is under a court order to 
finalize the rule by May 22, 2014. The EPA has proposed eight 
options for the rule, which vary in stringency and cost. The 
proposed regulation applies to seven waste streams, including 
wastewater from air pollution control equipment and ash transport 
water. Most, if not all of the steam electric generating facilities the 
Duke Energy Registrants own are likely affected sources. 
Compliance is proposed as soon as possible after July 1, 2017, but 
may extend until July 1, 2022. The Duke Energy Registrants are 
unable to predict the outcome of the rulemaking, but the impact 

                                                           
21 Id. at 84. 
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could be significant.22 
 

B. Duke Energy’s 2014 Annual Report and SEC Form 10-K Filing 
 

Again in 2014, Duke Energy considered compliance with the proposed ELGs, this time 
offering cost estimates: 
 

Steam Electric Effluent Limitation Guidelines 
 
On June 7, 2013, the EPA proposed Steam Electric Effluent 
Limitations Guidelines. The EPA is under a revised court order to 
finalize the rule by September 30, 2015. The EPA has proposed 
eight options for the rule, which vary in stringency and cost. The 
proposed regulation applies to seven waste streams, including 
wastewater from air pollution control equipment and ash transport 
water. Most, if not all, of the steam electric generating facilities the 
Duke Energy Registrants own are likely affected sources. 
Requirements to comply with the Final rule may begin as early as 
late 2018 for some facilities. 

 
Estimated Cost and Impacts of Rulemakings 
 
… 
 
The following table provides estimated costs, excluding AFUDC, 
of new control equipment that may need to be installed on existing 
power plants, including conversion of plants to dry disposal of 
bottom ash and fly ash, to comply with the above regulations over 
the five years ended December 31, 2019 
… 

23 

                                                           
 
22 Available at https://www.duke-energy.com/investors/financials-sec-filings/annual.asp. 
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 Even though the ELGs had not yet been finalized, Duke Energy recognized that the rule 
would likely be final by September 2015 and had already developed cost estimates for compliance. 
Duke Energy necessarily would have had to complete considerable planning and engineering work 
in the 2013-2014 time period to be able to share such cost estimates.  
 

The statement above also shows that Duke anticipated that compliance would be required 
“as early as late 2018” which is consistent with EPA’s final compliance schedule beginning in 
November 2018. 
 

Specific to CREC units, the cost estimate of $50 million presented to shareholders and the 
SEC for DEF relate directly to Units 4 and 5, since these are DEF’s only non-retired coal units. 

 

C. Duke Energy’s 2015 Annual Report and SEC Form 10-K Filing 
 

Finally, in 2015, Duke Energy again projected compliance dates and costs for the ELGs:   
 

Steam Electric Effluent Limitations Guidelines 
 
On January 4, 2016, the final Steam Electric Effluent Limitations 
Guidelines (ELG) rule became effective. The rule establishes new 
requirements for wastewater streams associated with steam electric 
power generation and includes more stringent controls for any 
new coal plants that may be built in the future. Affected facilities 
must comply between 2018 and 2023, depending on timing of new 
Clean Water Act permits. Most, if not all, of the steam electric 
generating facilities the Duke Energy Registrants own are likely 
affected sources.  The Duke Energy Registrants are well-
positioned to meet the requirements of the rule due to current 
efforts to convert to dry ash handling.  
 
Estimated Cost and Impacts of Rulemakings 
 
Duke Energy will incur capital expenditures to comply with the 
environmental regulations and rules discussed above. The 
following five-year table provides estimated costs, excluding 
AFUDC, of new control equipment that may need to be installed 
on existing power plants primarily to comply with the Coal Ash 
Act requirements for conversion to dry disposal of bottom ash 
and fly ash, MATS, Clean Water Act 316(b) and ELGs, through 
December 31, 2020. 

                                                                                                                                                                                                 
 
23 Duke Energy 2014 Annual Report at 59 available at https://www.duke-energy.com/investors/financials-sec-
filings/annual.asp. 
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”24 
 

The 2015 filing does not change the 2014 cost estimate of $50 million for DEF’s 
compliance with the ELGs, indicating no significant alterations in its compliance strategy.  Notably, 
Duke Energy states that “[t]he Duke Energy Registrants are well-positioned to meet the 
requirements of the rule due to current efforts to convert to dry ash handling.”25  This statement is 
not surprising and is consistent with DEF’s ability to meet a compliance deadline of late 2018. 
 

7. CRITIQUE OF DEF’S PROPOSED COMPLIANCE SCHEDULE  

 
As detailed above, Duke Energy and DEF have made considerable progress in preparations 

for compliance with the bottom ash wastewater provisions in the ELGs.  Nothing in the record 
suggests that Units 4 and 5 cannot achieve compliance with the BAT requirements for bottom ash 
wastewater by November 1, 2018.  Yet DEF has, surprisingly, proposed February 1, 2020, as the 
compliance deadline for the bottom ash BAT standard at CREC Units 4 and 5. 
 

In its initial NPDES permit renewal application, DEF proposed the following schedule for 
“[e]valuation of the Dry Bottom Ash Dewatering system to eliminate the water overflows” and 
stated that “Duke Energy is in the process of conducting this evaluation:”26 

 

 Complete evaluation of the Dry Bottom Ash Dewatering System and submit 
to the Department a list of actions with deadlines – July 31, 2018. 

 Completion of actions and compliance with the ELG Rule no later than 
December 31, 2023.27 

                                                           
 
24 Duke Energy 2015 Annual Report at 63 available at https://www.duke-energy.com/investors/financials-sec-
filings/annual.asp (emphasis added). 

 
25 Id. 
26 Duke Energy Florida, Inc., Application to Renew NPDES Permit for Crystal River Units 4 & 5, Permit No. FL0036366, 
January 12, 2016, at attachment 4 p.1-2. 
27 Id. 
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In other words, DEF did not commit to compliance before December 31, 2023, the final 

deadline for compliance with the revised ELGs, nor provide any support for why it would take 
until late 2023, eight years after the finalization of the ELGs.   
 

Subsequently, in reponse to Florida DEP’s request for additional information, DEF 
amended its initial proposed schedule for compliance and stated that: 
 

DEF intends to promptly initiate the formal planning process on 
June 1, 2016, based on an assumption that the enclosed additional 
information will result in a complete application and no significant 
modification to DEF’s compliance plans. Due to time needed for 
planning, procurement, permitting, construction and testing, DEF 
is requesting that the Department approve a date of completion 
February 1, 2020, 44 months from June 1, 2016.28 

 
DEF now proposes February 1, 2020, as the compliance deadline for the zero discharge 

standard for bottom ash wastewater.  While this is an improvement over the previous, unsupported 
December 31, 2023, compliance date proposal, this is still too long, and not supported by an 
justificaiton, as describe next. 
 

As support for a project duration of 44 months, DEF provided a project schedule, shown 
below.29   
 

 
 

DEF’s discussion of each Task Number, as shown in the schedule in F is provided below in 

                                                           
28 Duke Energy Florida, Response to Request for Additional Information at 1, May 20, 2016. 
29 Duke Energy Florida, Response to Request for Additional Information, at attachment 1, May 20, 2016. 
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italics followed by critique and commentary: 
 

 Task 1 - Bottom Ash Water Balance Review 
 

An internal water balance was developed on the bottom ash system several years ago and identified 
water streams and approximate amounts contributing to the bottom ash system. Review of the 
information on the on bottom ash system water balance will include verifying all streams indicated, 
data verification, and review of system as pertains to new ELG regulation. Approximately six (6) 
months are necessary to perform these actions, which provides time if additional information is 
required for the evaluation. 

 
DEF asserts that an internal water balance must be developed, yet in its January 2016 

application for NPDES permit renewal, just months ago, DEF provided a detailed water balance, 
as reproduced below. 
 

The January 2016 renewal application was required be accurate and complete. Unless DEF 
failed to meet that requirement, which DEF has not indicated it has, DEF already has developed an 
accurate and complete water balance and should not need another six months to redevelop such a 
balance. Any verification needed can be made in a shorter time frame—and in parallel with the 
tasks described next.  Thus, the six months built into the schedule for this task are a significant and 
unnecessary slack. 
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 Task 2 - Review Bottom Ash Modification Options 
 

After review and finalization of a bottom ash water balance, a review of inputs and outputs will be 
performed. The review will indicate options available for managing the streams in the process. This 
could include a review of switching mechanical seals on pumps from wet to dry seals, evaluating 
rerouting streams to other locations, and system modifications required to meet the ELG 
regulations.  The review of bottom ash modification options will last approximately two (2) months 
and will entail a review of possible pipe reroutes, potential changes in system operations, and system 
modifications required for ELG compliance. 

 

 Task 3 - Finalize Bottom Ash Modification Options 
 
Once DEF outlines the modification options, the next step is to determine which modifications and 
piping reroutes will needed. A three (3) month schedule is proposed for this activity, which includes 
review of modifications and reroutes from an economical, operational, and environmental standpoint 
with DEF’s management team members with responsibility over these different functional areas. 
Additional time is included to resolve unexpected questions or missing data that may arise when 
finalizing the modification options considered in Task 2. 

 
DEF’s proposed 5-month duration for Tasks 2 and 3 to review and finalize bottom ash 

modification options is inexplicably long.  So much time may be reasonable for a plant that has 
never before undertaken such reviews, but that is not the case here. Duke Energy already reported 
costs to the SEC and its shareholders for such modifications. It would be inconsistent with Duke’s 
SEC and shareholder reporting obligations to report such costs without analytic support. Similar to 
Task 1, any further confirmation of Duke’s options can be done in much less time. More 
specifically, if such confirmation is done in parallel with Task 1, any competent consultant, in-
house engineer, or vendor should be able to complete Tasks 1-3 in no more than 2 to 3 months, 
including development of a budget estimate, as discussed next.    
 

 Task 4 - Budget Approval 
 

The final modification plan will include appropriate budgetary estimates. In accordance with 
company fiduciary duties, DEF will conduct an in-depth financial review of these budgetary 
estimates prior to securing the requested funds. Depending on the budgetary amount required and 
the number of modifications necessary, several review stages may be required prior to fund approval. 
The project budget approval time is anticipated to last six (6) months. 
 
DEF has already developed a budget estimate and Duke Energy has publicly 

reported this estimate since 2014.  It is therefore unnecessary to schedule 6 additional 
months for budget approval.  As Duke Energy’s filing indicates, its Board has long been 
aware of the need to spend $50 million for ELG compliance at CREC. Anticipated cost 
expenditures reported to shareholders are typically based on appropriate engineering and 
planning studies and analyses, including budgetary quotes obtained from vendors for 
equipment and labor.  This is especially true for publicly traded corporations such as Duke 
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Energy, which have significant legal obligations in its SEC filings.  As a result, it is 
unreasonable to allow six additional months for internal budget approval. 

 

 Task 5 - Detailed Engineering of Modifications 
 
Once the modifications are selected and the budgetary approval finalized, the project will enter a 
detailed engineering design phase. This phase will likely include, but not limited to, pump sizing, 
pipe rerouting, vessel sizing, building additions or modifications, chemical sizing, system sizing, etc. 
An engineering firm may need to be identified and hired to help facilitate detailed engineering of the 
required modifications. DEF estimates it will take three (3) months to select an engineering firm 
with the requisite expertize and then work with the firm to finalize the detailed engineering design. 

 
If DEF were to hire the same engineering firm or consultant to confirm Tasks 1, 2, and 3, 

Task 5 can be run in parallel with those tasks, saving more time.  Alternatively, Duke could save as 
much if not even more time if DEF were to complete Tasks 1, 2, 3, and 5 with in-house 
engineering staff and/or Duke’s corporate engineering staff. 
 

 Task 6 - Implementation of Modifications 
 
Depending on bottom ash system modifications selected, construction or implementation may or may 
not be an extensive process. The ideal modifications selected would have minimal capital and 
operational and maintenance cost associated with them. However, lead times on components and 
routing of streams to alternative locations may nevertheless prolong the estimated duration, as well 
as, any unforeseen circumstances such as weather. Some modifications may require a unit outage to 
complete. Recognizing the current uncertainty associated with implementing plant modifications that 
have not yet been conceived, DEF conservatively estimates that eighteen (18) months will be 
required to retain a labor and construction firm to perform the selected modifications from Task 5 
and includes time to implement modifications that may require a long term outage. 

 
Depending on the option selected, “implementation may or may not be an extensive 

process…” Thus, the possibility that this task will take 18 months, is a worst case estimate, with 
enough contingency already built in.  For example, if DEF chooses to not replace the current 
almost closed loop system with a complete dry system, and instead chooses to engineer and build 
additional margin so that there is no possibility of any overflow of the bottom ash transport water 
under any circumstances to receiving waters, then implementation will likely take significantly less 
time. 
 

 Task 7 - Review of Modifications/Contingency 
 

Approximately six (6) months have been added to the compliance schedule for review of system 
modifications and/or contingency needed due to unforeseen events that may arise in other tasks. If 
the dry bottom ash system modifications have unintended or undesirable impacts on other processes 
or do not obtain satisfactory results, then additional modifications and reviews may be required to 
resolve. 
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DEF’s proposal of six months of additional contingency, on top of the contingency already 
built into Task 6, is simply unjustified additional slack in the schedule. 
 

In summary, Tasks 1-5 can be reasonably completed in 6 to 9 months, if not less. Even 
assuming that Task 6 takes all of 18 months, which is highly unlikely, and allowing for a reasonable 
contingency of 3 months in Task 7, the overall project duration should be in the range of 27 to 30 
months, instead of the 44 months projected by DEF, a saving of 17 months.  This would allow 
compliance to be achieved by roughly August to November 2018. DEP should carefully review the 
unsupported schedule provided by DEF and, reasonably, require that Units 4 and 5 achieve bottom 
ash wastewater BAT compliance by no later than November 2018. 
 

8. COMPARISON OF DEF’S COMPLIANCE SCHEDULE WITH THAT OF 

OTHER LARGE PROJECTS 

 
DEF’s 44-month schedule to achieve compliance with the bottom ash wastewater BAT 

provisions of the ELGs is simply unsupported.  In part, this is due to DEF’s unjustified and long 
projected timelines for certain tasks, particularly given the strong evidence of DEF and Duke’s 
prior planning for compliance with these provisions, which began as far back as mid-2012. 

 
 Additionally, in comparison to other major projects at coal-fired units, the 44-month 
schedule proposed by DEF for bottom ash ELG BAT compliance is simply unreasonable and too 
long.  Here, comparisons are made using the expected timelines for implementing complex,air 
pollution control projects at coal-fired boilers.  These include the installation of wet or dry flue gas 
desulfurization (“FGD”) or scrubbers for SO2 control and the installation of Selective Catalytic 
Reduction (“SCR”) for NOx control.  These projects, for units of similar size to CREC Units 4 and 
5, often cost hundreds of million dollars.  Yet, while often complex and challenging to implement, 
timelines for such projects are in the range of 3 to 5 years—starting from conceptual engineering 
through completion during scheduled outages.  
 

Three example timelines are shown below—for dry FGD, wet FGD, and SCR projects, 
respectively—as developed by a contractor for MISO, the independent system operator for the 
U.S..30  These timelines are generally conservative– i.e., the timelines shown are generally high,  
reflecting the most complex installations, with typical projects capable of implementation in less 
time. Nonetheless, as the charts below show, the expected durations for implementing dry FGD or 
SCR are around 46 months and the same for wet FGD is around 56 months.   
 

Given the far greater complexity associated with these projects, DEF’s assertion is 
untenable that the relatively much simpler conversion of Unit 4 and Unit 5’s wet sluicing bottom 
ash system to a dry system will take 44 months. If DEF decides to achieve compliance without 

                                                           
 
30 The Brattle Group, Supply Chain and Outage Analysis of MISO Coal Retrofits for MATS, Appendix A (May 2012) (available at 
http://www.brattle.com/news-and-knowledge/news/brattle-economists-identify-challenges-for-miso-s-coal-fleet-to-
comply-with-epa-s-mats-rule). 
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switching to a dry system, implementation times will be even shorter. 
 

 

 
 

9. CONCLUSIONS 

 
 DEF does not need till February 1, 2020 to achieve compliance with a zero discharge 
standard for bottom ash wastewater at CREC Units 4 and 5.  Rather, compliance can be achieved 
by November 2018, if not sooner. 
 

Construction for bottom ash retrofits at Units 4 and 5 is anticipated to take, with a built in 
contingency, only 18 months. Other proposed tasks for acheving compliance should take 
signficiantly less time than DEF forecasts, particularly as DEF began ancticipating and planning for 
the revised ELGs as far back as 2012.  Beginning in 2014, Duke Energy began publicly reporting 
projected compliance costs, suggesting that conceptual or detailed engineering evaluations and 
studies were undertaken and that Duke Energy’s Board has been aware of these changes and costs 
for some time.  
 

DEF’s 44-month schedule to achieve compliance with the bottom ash BAT standard is 
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simply unsupported. Comparisons to similar retrofits and other large-scale, more complex projects 
at coal-burning units show far shorter timelines and demonstrate that DEF’s proposed schedule is 
inflated. Moreover, as DEF is aware, there is a robust vendor community with experience in 
handling the types of retrofits needed to achieve compliance. 
 

The available evidence does not support a 44-month timeline for eliminating bottom ash 
wastewtater discharges at CREC Units 4 and 5. In renewing the NPDES permit for CREC Units 4 
and 5, DEP should require DEF to achieve compliance with the bottom ash wastewater ELGs no 
later than November 2018. 
 
 

10. AUTHOR’S EXPERTISE AND QUALIFICATIONS 

 

 Dr. Ranajit Sahu has over twenty-five years of experience in the fields of environmental, 
mechanical, and chemical engineering including: program and project management services; design 
and specification of pollution control equipment for a wide range of emissions sources; soils and 
groundwater remediation including landfills as remedy; combustion engineering evaluations; energy 
studies; multimedia environmental regulatory compliance (involving statutes and regulations such 
as the Federal CAA and its Amendments, Clean Water Act, TSCA, RCRA, CERCLA, SARA, 
OSHA, NEPA as well as various related state statutes); transportation air quality impact analysis; 
multimedia compliance audits; multimedia permitting (including air quality NSR/PSD permitting, 
Title V permitting, NPDES permitting for industrial and storm water discharges, RCRA permitting, 
etc.), multimedia/multi-pathway human health risk assessments for toxics; air dispersion modeling; 
and regulatory strategy development and support including negotiation of consent agreements and 
orders. 

 
 Over the last twenty-three years, Dr. Sahu has consulted on several municipal landfill related 

projects addressing landfill gas generation, landfill gas collection, and the 
treatment/disposal/control of such gases in combustion equipment such as engines, turbines, and 
flares.  In particular, Dr. Sahu has executed numerous projects relating to flare emissions from 
sources such as landfills as well as refineries and chemical plants.  He has served as a peer-reviewer 
for EPA in relation to flare combustion efficiency, flare destruction efficiency, and flaring 
emissions. 

 
A significant portion of Dr. Sahu’s educational background and consulting experience deals 

with addressing environmental impacts due to coal-fired power plants including all aspects of air 
emissions from such plants but also environmental impacts from water/waste water, cooling water, 
and solid/hazardous wastes at such plants and impacts due to coal mining, transportation, and 
stockpiling.   

 
  Dr. Sahu holds a B.S., M.S., and Ph.D., in Mechanical Engineering, the first from the Indian 
Institute of Technology (Kharagpur, India) and the latter two from the California Institute of 
Technology (Caltech) in Pasadena, California.  His research specialization was in the combustion of 
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coal and, among other things, understanding air pollution aspects of coal combustion in power 
plants as well as the formation of ash during combustion. 
 

The opinions expressed in the report are Dr. Sahu’s and are based on the data and facts 
available at the time of writing.  Should additional relevant or pertinent information become 
available, Dr. Sahu reservesthe right to supplement the discussion and findings. 

 
 
 
 
 
 
  

146



22 

ATTACHMENT A - RESUME 

 
RANAJIT (RON) SAHU, Ph.D, QEP, CEM (Nevada) 

 
CONSULTANT, ENVIRONMENTAL AND ENERGY ISSUES 

311 North Story Place 
Alhambra, CA 91801 
Phone:  702.683.5466 

e-mail (preferred): sahuron@earthlink.net 
 

EXPERIENCE SUMMARY 
 

 Dr. Sahu has over twenty five years of experience in the fields of environmental, 
mechanical, and chemical engineering including: program and project management services; design 
and specification of pollution control equipment for a wide range of emissions sources; soils and 
groundwater remediation including landfills as remedy; combustion engineering evaluations; energy 
studies; multimedia environmental regulatory compliance (involving statutes and regulations such 
as the Federal CAA and its Amendments, Clean Water Act, TSCA, RCRA, CERCLA, SARA, 
OSHA, NEPA as well as various related state statutes); transportation air quality impact analysis; 
multimedia compliance audits; multimedia permitting (including air quality NSR/PSD permitting, 
Title V permitting, NPDES permitting for industrial and storm water discharges, RCRA permitting, 
etc.), multimedia/multi-pathway human health risk assessments for toxics; air dispersion modeling; 
and regulatory strategy development and support including negotiation of consent agreements and 
orders. 

 
 Specifically, over the last twenty-three years, Dr. Sahu has consulted on several municipal 

landfill related projects addressing landfill gas generation, landfill gas collection, and the 
treatment/disposal/control of such gases in combustion equipment such as engines, turbines, and 
flares.  In particular, Dr. Sahu has executed numerous projects relating to flare emissions from 
sources such as landfills as well as refineries and chemical plants.  He has served as a peer-reviewer 
for EPA in relation to flare combustion efficiency, flare destruction efficiency, and flaring 
emissions. 

 
A significant portion of Dr. Sahu’s educational background and consulting experience deals 

with addressing environmental impacts due to coal-fired power plants including all aspects of air 
emissions from such plants but also environmental impacts from water/waste water, cooling water, 
and solid/hazardous wastes at such plants and impacts due to coal mining, transportation, and 
stockpiling.   

 
  Dr. Sahu holds a B.S., M.S., and Ph.D., in Mechanical Engineering, the first from the Indian 
Institute of Technology (Kharagpur, India) and the latter two from the California Institute of 
Technology (Caltech) in Pasadena, California.  His research specialization was in the combustion of 
coal and, among other things, understanding air pollution aspects of coal combustion in power 
plants as well as the formation of ash during combustion. 
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 He has over twenty-three years of project management experience and has successfully 

managed and executed numerous projects in this time period.  This includes basic and applied 
research projects, design projects, regulatory compliance projects, permitting projects, energy 
studies, risk assessment projects, and projects involving the communication of environmental data 
and information to the public.  Notably, he has successfully managed a complex soils and 
groundwater remediation project with a value of over $140 million involving soils characterization, 
development and implementation of the remediation strategy including construction of a 
CAMU/landfill and associated groundwater monitoring, regulatory and public interactions and 
other challenges.  

 
 He has provided consulting services to numerous private sector, public sector and public 

interest group clients.  His major clients over the past twenty three years include various steel mills, 
petroleum refineries, cement companies, aerospace companies, power generation facilities, lawn 
and garden equipment manufacturers, spa manufacturers, chemical distribution facilities, and 
various entities in the public sector including EPA, the US Dept. of Justice, California DTSC, 
various municipalities, etc.).  Dr. Sahu has performed projects in over 44 states, numerous local 
jurisdictions and internationally. 

 
 In addition to consulting, Dr. Sahu has taught numerous courses in several Southern 

California universities including UCLA (air pollution), UC Riverside (air pollution, process hazard 
analysis), and Loyola Marymount University (air pollution, risk assessment, hazardous waste 
management) for the past seventeen years.  In this time period he has also taught at Caltech, his 
alma mater (various engineering courses), at the University of Southern California (air pollution 
controls) and at California State University, Fullerton (transportation and air quality). 

 
 Dr. Sahu has and continues to provide expert witness services in a number of 

environmental areas discussed above in both state and Federal courts as well as before 
administrative bodies. 

 
EXPERIENCE RECORD 
 

2000-present   Independent Consultant.  Providing a variety of private sector (industrial 
companies, land development companies, law firms, etc.) public sector (such as the 
US Department of Justice) and public interest group clients with project 
management, air quality consulting, waste remediation and management consulting, 
as well as regulatory and engineering support consulting services. 

 
1995-2000 Parsons ES, Associate, Senior Project Manager and Department Manager for 

Air Quality/Geosciences/Hazardous Waste Groups, Pasadena.  Responsible for the 
management of a group of approximately 24 air quality and environmental 
professionals, 15 geoscience, and 10 hazardous waste professionals providing full-
service consulting, project management, regulatory compliance and A/E design 
assistance in all areas. 
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 Parsons ES, Manager for Air Source Testing Services.  Responsible for the 
management of 8 individuals in the area of air source testing and air regulatory 
permitting projects located in Bakersfield, California. 

 
1992-1995 Engineering-Science, Inc.  Principal Engineer and Senior Project Manager in 

the air quality department.  Responsibilities included multimedia regulatory 
compliance and permitting (including hazardous and nuclear materials), air pollution 
engineering (emissions from stationary and mobile sources, control of criteria and 
air toxics, dispersion modeling, risk assessment, visibility analysis, odor analysis), 
supervisory functions and project management. 

 
1990-1992 Engineering-Science, Inc.  Principal Engineer and Project Manager in the air 

quality department.  Responsibilities included permitting, tracking regulatory issues, 
technical analysis, and supervisory functions on numerous air, water, and hazardous 
waste projects.  Responsibilities also include client and agency interfacing, project 
cost and schedule control, and reporting to internal and external upper management 
regarding project status. 

1989-1990 Kinetics Technology International, Corp.  Development Engineer.  Involved in 
thermal engineering R&D and project work related to low-NOx ceramic radiant 
burners, fired heater NOx reduction, SCR design, and fired heater retrofitting. 

 
1988-1989 Heat Transfer Research, Inc.  Research Engineer.  Involved in the design of fired 

heaters, heat exchangers, air coolers, and other non-fired equipment.  Also did 
research in the area of heat exchanger tube vibrations. 

 
EDUCATION 
 

1984-1988 Ph.D., Mechanical Engineering, California Institute of Technology (Caltech), 
Pasadena, CA. 

 
1984 M. S., Mechanical Engineering, Caltech, Pasadena, CA. 
 
1978-1983 B. Tech (Honors), Mechanical Engineering, Indian Institute of Technology (IIT) 

Kharagpur, India 
 

TEACHING EXPERIENCE 
 

Caltech 

"Thermodynamics," Teaching Assistant, California Institute of Technology, 1983, 1987. 

"Air Pollution Control," Teaching Assistant, California Institute of Technology, 1985. 

"Caltech Secondary and High School Saturday Program," - taught various mathematics (algebra 
through calculus) and science (physics and chemistry) courses to high school students, 1983-
1989. 
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"Heat Transfer," - taught this course in the Fall and Winter terms of 1994-1995 in the Division 
of Engineering and Applied Science. 

“Thermodynamics and Heat Transfer,” Fall and Winter Terms of 1996-1997. 

 
U.C. Riverside, Extension 
 

"Toxic and Hazardous Air Contaminants," University of California Extension Program, 
Riverside, California. Various years since 1992. 

"Prevention and Management of Accidental Air Emissions," University of California Extension 
Program, Riverside, California. Various years since 1992. 

"Air Pollution Control Systems and Strategies," University of California Extension Program, 
Riverside, California, Summer 1992-93, Summer 1993-1994. 

"Air Pollution Calculations," University of California Extension Program, Riverside, California, 
Fall 1993-94, Winter 1993-94, Fall 1994-95. 

"Process Safety Management," University of California Extension Program, Riverside, 
California. Various years since 1992-2010. 

"Process Safety Management," University of California Extension Program, Riverside, 
California, at SCAQMD, Spring 1993-94. 

"Advanced Hazard Analysis - A Special Course for LEPCs," University of California Extension 
Program, Riverside, California, taught at San Diego, California, Spring 1993-1994. 

“Advanced Hazardous Waste Management” University of California Extension Program, 
Riverside, California. 2005. 

 

Loyola Marymount University 

 

"Fundamentals of Air Pollution - Regulations, Controls and Engineering," Loyola Marymount 
University, Dept. of Civil Engineering. Various years since 1993. 

"Air Pollution Control," Loyola Marymount University, Dept. of Civil Engineering, Fall 1994. 

“Environmental Risk Assessment,” Loyola Marymount University, Dept. of Civil Engineering.  
Various years since 1998. 

“Hazardous Waste Remediation” Loyola Marymount University, Dept. of Civil Engineering.  
Various years since 2006. 

 

University of Southern California 

 

"Air Pollution Controls," University of Southern California, Dept. of Civil Engineering, Fall 
1993, Fall 1994. 
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"Air Pollution Fundamentals," University of Southern California, Dept. of Civil Engineering, 
Winter 1994. 

 
University of California, Los Angeles 
 
"Air Pollution Fundamentals," University of California, Los Angeles, Dept. of Civil and 

Environmental Engineering, Spring 1994, Spring 1999, Spring 2000, Spring 2003, Spring 2006, 
Spring 2007, Spring 2008, Spring 2009. 

 
International Programs 
 

“Environmental Planning and Management,” 5 week program for visiting Chinese delegation, 
1994. 

“Environmental Planning and Management,” 1 day program for visiting Russian delegation, 
1995. 

“Air Pollution Planning and Management,” IEP, UCR, Spring 1996. 

“Environmental Issues and Air Pollution,” IEP, UCR, October 1996. 

 
PROFESSIONAL AFFILIATIONS AND HONORS 
 

President of India Gold Medal, IIT Kharagpur, India, 1983. 
 
Member of the Alternatives Assessment Committee of the Grand Canyon Visibility Transport 

Commission, established by the Clean Air Act Amendments of 1990, 1992-present. 
 
American Society of Mechanical Engineers: Los Angeles Section Executive Committee, Heat 

Transfer Division, and Fuels and Combustion Technology Division, 1987-present. 
 
Air and Waste Management Association, West Coast Section, 1989-present. 
 

PROFESSIONAL CERTIFICATIONS 
 

EIT, California (# XE088305), 1993. 
 
REA I, California (#07438), 2000. 
 
Certified Permitting Professional, South Coast AQMD (#C8320), since 1993. 
 
QEP, Institute of Professional Environmental Practice, since 2000. 
 
CEM, State of Nevada (#EM-1699).  Expiration 10/07/2017. 
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ATTACHMENT B – LIST OF PUBLICATIONS AND PRESENTATIONS 

 
PUBLICATIONS (PARTIAL LIST) 
 

"Physical Properties and Oxidation Rates of Chars from Bituminous Coals," with Y.A. Levendis, 
R.C. Flagan and G.R. Gavalas, Fuel, 67, 275-283 (1988).   
 
"Char Combustion: Measurement and Analysis of Particle Temperature Histories," with R.C. 
Flagan, G.R. Gavalas and P.S. Northrop, Comb. Sci. Tech. 60, 215-230 (1988). 
 
"On the Combustion of Bituminous Coal Chars," PhD Thesis, California Institute of 
Technology (1988). 
 
"Optical Pyrometry:  A Powerful Tool for Coal Combustion Diagnostics," J. Coal Quality, 8, 17-
22 (1989). 
 
"Post-Ignition Transients in the Combustion of Single Char Particles," with Y.A. Levendis, 
R.C.Flagan and G.R. Gavalas, Fuel, 68, 849-855 (1989). 
 
"A Model for Single Particle Combustion of Bituminous Coal Char." Proc. ASME National 
Heat Transfer Conference, Philadelphia, HTD-Vol. 106, 505-513 (1989). 
 
"Discrete Simulation of Cenospheric Coal-Char Combustion," with R.C. Flagan and 
G.R.Gavalas, Combust. Flame, 77, 337-346 (1989). 
 
"Particle Measurements in Coal Combustion," with R.C. Flagan, in "Combustion 
Measurements" (ed. N. Chigier), Hemisphere Publishing Corp. (1991). 
 
"Cross Linking in Pore Structures and Its Effect on Reactivity," with G.R. Gavalas in 
preparation. 
 
"Natural Frequencies and Mode Shapes of Straight Tubes," Proprietary Report for Heat 
Transfer Research Institute, Alhambra, CA (1990). 
 
"Optimal Tube Layouts for Kamui SL-Series Exchangers," with K. Ishihara, Proprietary Report 
for Kamui Company Limited, Tokyo, Japan (1990). 
 
"HTRI Process Heater Conceptual Design," Proprietary Report for Heat Transfer Research 
Institute, Alhambra, CA (1990). 
 
"Asymptotic Theory of Transonic Wind Tunnel Wall Interference," with N.D. Malmuth and 
others, Arnold Engineering Development Center, Air Force Systems Command, USAF (1990). 
 
"Gas Radiation in a Fired Heater Convection Section," Proprietary Report for Heat Transfer 
Research Institute, College Station, TX (1990). 
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"Heat Transfer and Pressure Drop in NTIW Heat Exchangers," Proprietary Report for Heat 
Transfer Research Institute, College Station, TX (1991). 
 
"NOx Control and Thermal Design," Thermal Engineering Tech Briefs, (1994). 
 
“From Puchase of Landmark Environmental Insurance to Remediation: Case Study in 
Henderson, Nevada,” with Robin E. Bain and Jill Quillin, presented at the AQMA Annual 
Meeting, Florida, 2001. 
 
“The Jones Act Contribution to Global Warming, Acid Rain and Toxic Air Contaminants,” with 
Charles W. Botsford, presented at the AQMA Annual Meeting, Florida, 2001. 
 

PRESENTATIONS (PARTIAL LIST) 
 

"Pore Structure and Combustion Kinetics - Interpretation of Single Particle Temperature-Time 
Histories," with P.S. Northrop, R.C. Flagan and G.R. Gavalas, presented at the AIChE Annual 
Meeting, New York (1987). 
 
"Measurement of Temperature-Time Histories of Burning Single Coal Char Particles," with R.C. 
Flagan, presented at the American Flame Research Committee Fall International Symposium, 
Pittsburgh, (1988). 
 
"Physical Characterization of a Cenospheric Coal Char Burned at High Temperatures," with 
R.C. Flagan and G.R. Gavalas, presented at the Fall Meeting of the Western States Section of 
the Combustion Institute, Laguna Beach, California (1988). 
 
"Control of Nitrogen Oxide Emissions in Gas Fired Heaters - The Retrofit Experience," with 
G. P. Croce and R. Patel, presented at the International Conference on Environmental Control 
of Combustion Processes (Jointly sponsored by the  American Flame Research Committee and 
the Japan Flame Research Committee), Honolulu, Hawaii (1991). 
 
"Air Toxics - Past, Present and the Future," presented at the Joint AIChE/AAEE Breakfast 
Meeting at the AIChE 1991 Annual Meeting, Los Angeles, California, November 17-22 (1991). 
 
"Air Toxics Emissions and Risk Impacts from Automobiles Using Reformulated Gasolines," 
presented at the Third Annual Current Issues in Air Toxics Conference, Sacramento, California, 
November 9-10 (1992). 
 
"Air Toxics from Mobile Sources," presented at the Environmental Health Sciences (ESE) 
Seminar Series, UCLA, Los Angeles, California, November 12, (1992). 
 
"Kilns, Ovens, and Dryers - Present and Future," presented at the Gas Company Air Quality 
Permit Assistance Seminar, Industry Hills Sheraton, California, November 20, (1992). 
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"The Design and Implementation of Vehicle Scrapping Programs," presented at the 86th 
Annual Meeting of the Air and Waste Management Association, Denver, Colorado, June 12, 
1993. 
 
"Air Quality Planning and Control in Beijing, China," presented at the 87th Annual Meeting of 
the Air and Waste Management Association, Cincinnati, Ohio, June 19-24, 1994. 
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ATTACHMENT C – PREVIOUS EXPERT WITNESS TESTIMONY 

 
1. Occasions where Dr. Sahu has provided Written or Oral testimony before Congress: 
 
(a) In July 2012, provided expert written and oral testimony to the House Subcommittee on 

Energy and the Environment, Committee on Science, Space, and Technology at a Hearing 
entitled “Hitting the Ethanol Blend Wall – Examining the Science on E15.” 

 
2. Matters for which Dr. Sahu has provided affidavits and expert reports include: 
 
(b) Affidavit for Rocky Mountain Steel Mills, Inc. located in Pueblo Colorado – dealing with the 

technical uncertainties associated with night-time opacity measurements in general and at this 
steel mini-mill. 

 
(c) Expert reports and depositions (2/28/2002 and 3/1/2002; 12/2/2003 and 12/3/2003; 

5/24/2004) on behalf of the United States in connection with the Ohio Edison NSR Cases.  
United States, et al. v. Ohio Edison Co., et al., C2-99-1181 (Southern District of Ohio). 

 
(d) Expert reports and depositions (5/23/2002 and 5/24/2002) on behalf of the United States in 

connection with the Illinois Power NSR Case.  United States v. Illinois Power Co., et al., 99-833-
MJR (Southern District of Illinois). 

 
(e) Expert reports and depositions (11/25/2002 and 11/26/2002) on behalf of the United States 

in connection with the Duke Power NSR Case.  United States, et al. v. Duke Energy Corp., 1:00-
CV-1262 (Middle District of North Carolina). 

 
(f) Expert reports and depositions (10/6/2004 and 10/7/2004; 7/10/2006) on behalf of the 

United States in connection with the American Electric Power NSR Cases.  United States, et al. v. 
American Electric Power Service Corp., et al., C2-99-1182, C2-99-1250 (Southern District of Ohio). 

 
(g) Affidavit (March 2005) on behalf of the Minnesota Center for Environmental Advocacy and 

others in the matter of the Application of Heron Lake BioEnergy LLC to construct and operate 
an ethanol production facility – submitted to the Minnesota Pollution Control Agency. 

 
(h) Expert Report and Deposition (10/31/2005 and 11/1/2005) on behalf of the United States in 

connection with the East Kentucky Power Cooperative NSR Case. United States v. East Kentucky 
Power Cooperative, Inc., 5:04-cv-00034-KSF (Eastern District of Kentucky). 

 
(i) Affidavits and deposition on behalf of Basic Management Inc. (BMI) Companies in connection 

with the BMI vs. USA remediation cost recovery Case. 
 
(j) Expert Report on behalf of Penn Future and others in the Cambria Coke plant permit 

challenge in Pennsylvania. 
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(k) Expert Report on behalf of the Appalachian Center for the Economy and the Environment 
and others in the Western Greenbrier permit challenge in West Virginia. 
 

(l) Expert Report, deposition (via telephone on January 26, 2007) on behalf of various Montana 
petitioners (Citizens Awareness Network (CAN), Women’s Voices for the Earth (WVE) and 
the Clark Fork Coalition (CFC)) in the Thompson River Cogeneration LLC Permit No. 3175-
04 challenge.  
 

(m) Expert Report and deposition (2/2/07) on behalf of the Texas Clean Air Cities Coalition at 
the Texas State Office of Administrative Hearings (SOAH) in the matter of the permit 
challenges to TXU Project Apollo’s eight new proposed PRB-fired PC boilers located at seven 
TX sites. 
 

(n) Expert Testimony (July 2007) on behalf of the Izaak Walton League of America and others in 
connection with the acquisition of power by Xcel Energy from the proposed Gascoyne Power 
Plant – at the State of Minnesota, Office of Administrative Hearings for the Minnesota PUC 
(MPUC No. E002/CN-06-1518; OAH No. 12-2500-17857-2). 
 

(o) Affidavit (July 2007) Comments on the Big Cajun I Draft Permit on behalf of the Sierra Club – 
submitted to the Louisiana DEQ. 
 

(p) Expert Report and Deposition (12/13/2007) on behalf of Commonwealth of Pennsylvania – 
Dept. of Environmental Protection, State of Connecticut, State of New York, and State of New 
Jersey (Plaintiffs) in connection with the Allegheny Energy NSR Case.  Plaintiffs v. Allegheny 
Energy Inc., et al., 2:05cv0885 (Western District of Pennsylvania).  
 

(q) Expert Reports and Pre-filed Testimony before the Utah Air Quality Board on behalf of Sierra 
Club in the Sevier Power Plant permit challenge. 
 

(r) Expert Report and Deposition (October 2007) on behalf of MTD Products Inc., in connection 
with General Power Products, LLC v MTD Products Inc., 1:06 CVA 0143 (Southern District of 
Ohio, Western Division) . 
 

(s) Expert Report and Deposition (June 2008) on behalf of Sierra Club and others in the matter of 
permit challenges (Title V: 28.0801-29 and PSD: 28.0803-PSD) for the Big Stone II unit, 
proposed to be located near Milbank, South Dakota. 

 
(t) Expert Reports, Affidavit, and Deposition (August 15, 2008) on behalf of Earthjustice in the 

matter of air permit challenge (CT-4631) for the Basin Electric Dry Fork station, under 
construction near Gillette, Wyoming before the Environmental Quality Council of the State of 
Wyoming. 

 
(u) Affidavits (May 2010/June 2010 in the Office of Administrative Hearings))/Declaration and 

Expert Report (November 2009 in the Office of Administrative Hearings) on behalf of NRDC 
and the Southern Environmental Law Center in the matter of the air permit challenge for Duke 
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Cliffside Unit 6.  Office of Administrative Hearing Matters 08 EHR 0771, 0835 and 0836 and 
09 HER 3102, 3174, and 3176 (consolidated). 
 

(v) Declaration (August 2008), Expert Report (January 2009), and Declaration (May 2009) on 
behalf of Southern Alliance for Clean Energy in the matter of the air permit challenge for Duke 
Cliffside Unit 6.  Southern Alliance for Clean Energy et al., v. Duke Energy Carolinas, LLC, Case No. 
1:08-cv-00318-LHT-DLH (Western District of North Carolina, Asheville Division). 
 

(w) Declaration (August 2008) on behalf of the Sierra Club in the matter of Dominion Wise 
County plant MACT.us  
 

(x) Expert Report (June 2008) on behalf of Sierra Club for the Green Energy Resource Recovery 
Project, MACT Analysis. 
 

(y) Expert Report (February 2009) on behalf of Sierra Club and the Environmental Integrity 
Project in the matter of the air permit challenge for NRG Limestone’s proposed Unit 3 in 
Texas. 
 

(z) Expert Report (June 2009) on behalf of MTD Products, Inc., in the matter of Alice Holmes and 
Vernon Holmes v. Home Depot USA, Inc., et al. 
 

(aa) Expert Report (August 2009) on behalf of Sierra Club and the Southern Environmental Law 
Center in the matter of the air permit challenge for Santee Cooper’s proposed Pee Dee plant in 
South Carolina). 

 
(bb) Statements (May 2008 and September 2009) on behalf of the Minnesota Center for 

Environmental Advocacy to the Minnesota Pollution Control Agency in the matter of the 
Minnesota Haze State Implementation Plans.  
 

(cc) Expert Report (August 2009) on behalf of Environmental Defense, in the matter of permit 
challenges to the proposed Las Brisas coal fired power plant project at the Texas State Office of 
Administrative Hearings (SOAH).   

 
(dd) Expert Report and Rebuttal Report (September 2009) on behalf of the Sierra Club, in the 

matter of challenges to the proposed Medicine Bow Fuel and Power IGL plant in Cheyenne, 
Wyoming. 
 

(ee) Expert Report (December 2009) and Rebuttal reports (May 2010 and June 2010) on behalf of 
the United States in connection with the Alabama Power Company NSR Case. United States v. 
Alabama Power Company, CV-01-HS-152-S (Northern District of Alabama, Southern Division). 

 
(ff) Pre-filed Testimony (October 2009) on behalf of Environmental Defense and others, in the 

matter of challenges to the proposed White Stallion Energy Center coal fired power plant 
project at the Texas State Office of Administrative Hearings (SOAH). 
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(gg) Pre-filed Testimony (July 2010) and Written Rebuttal Testimony (August 2010) on behalf of 
the State of New Mexico Environment Department in the matter of Proposed Regulation 
20.2.350 NMAC – Greenhouse Gas Cap and Trade Provisions, No. EIB 10-04 (R), to the State of 
New Mexico, Environmental Improvement Board. 
 

(hh) Expert Report (August 2010) and Rebuttal Expert Report (October 2010) on behalf of the 
United States in connection with the Louisiana Generating NSR Case. United States v. Louisiana 
Generating, LLC, 09-CV100-RET-CN (Middle District of Louisiana) – Liability Phase. 
 

(ii) Declaration (August 2010), Reply Declaration (November 2010), Expert Report (April 2011), 
Supplemental and Rebuttal Expert Report (July 2011) on behalf of the United States in the 
matter of DTE Energy Company and Detroit Edison Company (Monroe Unit 2). United States 
of America v. DTE Energy Company and Detroit Edison Company, Civil Action No. 2:10-cv-13101-
BAF-RSW (Eastern District of Michigan). 
 

(jj) Expert Report and Deposition (August 2010) as well as Affidavit (September 2010) on behalf 
of Kentucky Waterways Alliance, Sierra Club, and Valley Watch in the matter of challenges to 
the NPDES permit issued for the Trimble County power plant by the Kentucky Energy and 
Environment Cabinet to Louisville Gas and Electric, File No. DOW-41106-047. 
 

(kk) Expert Report (August 2010), Rebuttal Expert Report (September 2010), Supplemental 
Expert Report (September 2011), and Declaration (November 2011) on behalf of Wild Earth 
Guardians in the matter of opacity exceedances and monitor downtime at the Public Service 
Company of Colorado (Xcel)’s Cherokee power plant.  No. 09-cv-1862 (District of Colorado). 
 

(ll) Written Direct Expert Testimony (August 2010) and Affidavit (February 2012) on behalf of 
Fall-Line Alliance for a Clean Environment and others in the matter of the PSD Air Permit for 
Plant Washington issued by Georgia DNR at the Office of State Administrative Hearing, State 
of Georgia (OSAH-BNR-AQ-1031707-98-WALKER). 

 
(mm) Deposition (August 2010) on behalf of Environmental Defense, in the matter of the 

remanded permit challenge to the proposed Las Brisas coal fired power plant project at the 
Texas State Office of Administrative Hearings (SOAH). 
 

(nn) Expert Report, Supplemental/Rebuttal Expert Report, and Declarations (October 2010, 
November 2010, September 2012) on behalf of New Mexico Environment Department 
(Plaintiff-Intervenor), Grand Canyon Trust and Sierra Club (Plaintiffs) in the matter of Plaintiffs 
v. Public Service Company of New Mexico (PNM), Civil No. 1:02-CV-0552 BB/ATC (ACE) (District 
of New Mexico). 

 
(oo) Expert Report (October 2010) and Rebuttal Expert Report (November 2010) (BART 

Determinations for PSCo Hayden and CSU Martin Drake units) to the Colorado Air Quality 
Commission on behalf of Coalition of Environmental Organizations. 
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(pp) Expert Report (November 2010) (BART Determinations for TriState Craig Units, CSU 
Nixon Unit, and PRPA Rawhide Unit) to the Colorado Air Quality Commission on behalf of 
Coalition of Environmental Organizations. 
 

(qq) Declaration (November 2010) on behalf of the Sierra Club in connection with the Martin 
Lake Station Units 1, 2, and 3. Sierra Club v. Energy Future Holdings Corporation and Luminant 
Generation Company LLC, Case No. 5:10-cv-00156-DF-CMC (Eastern District of Texas, 
Texarkana Division). 
 

(rr) Pre-Filed Testimony (January 2011) and Declaration (February 2011) to the Georgia Office of 
State Administrative Hearings (OSAH) in the matter of Minor Source HAPs status for the 
proposed Longleaf Energy Associates power plant (OSAH-BNR-AQ-1115157-60-HOWELLS) 
on behalf of the Friends of the Chattahoochee and the Sierra Club). 
 

(ss) Declaration (February 2011) in the matter of the Draft Title V Permit for RRI Energy 
MidAtlantic Power Holdings LLC Shawville Generating Station (Pennsylvania), ID No. 17-
00001 on behalf of the Sierra Club.  
 

(tt) Expert Report (March 2011), Rebuttal Expert Report (June 2011) on behalf of the United 
States in United States of America v. Cemex, Inc., Civil Action No. 09-cv-00019-MSK-MEH 
(District of Colorado). 
 

(uu) Declaration (April 2011) and Expert Report (July 16, 2012) in the matter of the Lower 
Colorado River Authority (LCRA)’s Fayette (Sam Seymour) Power Plant on behalf of the Texas 
Campaign for the Environment.  Texas Campaign for the Environment v. Lower Colorado River 
Authority, Civil Action No. 4:11-cv-00791 (Southern District of Texas, Houston Division). 
 

(vv) Declaration (June 2011) on behalf of the Plaintiffs MYTAPN in the matter of Microsoft-Yes, 
Toxic Air Pollution-No (MYTAPN) v. State of Washington, Department of Ecology and 
Microsoft Corporation Columbia Data Center to the Pollution Control Hearings Board, State 
of Washington, Matter No. PCHB No. 10-162. 
 

(ww) Expert Report (June 2011) on behalf of the New Hampshire Sierra Club at the State of New 
Hampshire Public Utilities Commission, Docket No. 10-261 – the 2010 Least Cost Integrated 
Resource Plan (LCIRP) submitted by the Public Service Company of New Hampshire (re. 
Merrimack Station Units 1 and 2). 

 
(xx) Declaration (August 2011) in the matter of the Sandy Creek Energy Associates L.P. Sandy 

Creek Power Plant on behalf of Sierra Club and Public Citizen.  Sierra Club, Inc. and Public 
Citizen, Inc.  v. Sandy Creek Energy Associates, L.P., Civil Action No. A-08-CA-648-LY (Western 
District of Texas, Austin Division). 
 

(yy) Expert Report (October 2011) on behalf of the Defendants in the matter of John Quiles and 
Jeanette Quiles et al.  v. Bradford-White Corporation, MTD Products, Inc., Kohler Co., et al., Case No. 
3:10-cv-747 (TJM/DEP) (Northern District of New York). 
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(zz) Declaration (February 2012) and Second Declaration (February 2012) in the matter of 
Washington Environmental Council and Sierra Club Washington State Chapter v. Washington State 
Department of Ecology and Western States Petroleum Association, Case No. 11-417-MJP (Western 
District of Washington). 

 
(aaa) Expert Report (March 2012) and Supplemental Expert Report (November 2013) in the 

matter of Environment Texas Citizen Lobby, Inc and Sierra Club v. ExxonMobil Corporation et al., Civil 
Action No. 4:10-cv-4969 (Southern District of Texas, Houston Division). 

 
(bbb) Declaration (March 2012) in the matter of Center for Biological Diversity, et al.  v. United States 

Environmental Protection Agency, Case No. 11-1101 (consolidated with 11-1285, 11-1328 and 11-
1336) (US Court of Appeals for the District of Columbia Circuit). 

 
(ccc) Declaration (March 2012) in the matter of Sierra Club v. The Kansas Department of Health and 

Environment, Case No. 11-105,493-AS (Holcomb power plant) (Supreme Court of the State of 
Kansas).  

 
(ddd) Declaration (March 2012) in the matter of the Las Brisas Energy Center Environmental Defense 

Fund et al., v. Texas Commission on Environmental Quality, Cause No. D-1-GN-11-001364 (District 
Court of Travis County, Texas, 261st Judicial District). 

 
(eee) Expert Report (April 2012), Supplemental and Rebuttal Expert Report (July 2012), and 

Supplemental Rebuttal Expert Report (August 2012) on behalf of the states of New Jersey and 
Connecticut in the matter of the Portland Power plant State of New Jersey and State of Connecticut 
(Intervenor-Plaintiff) v. RRI Energy Mid-Atlantic Power Holdings et al., Civil Action No. 07-CV-5298 
(JKG) (Eastern District of Pennsylvania). 

 
(fff) Declaration (April 2012) in the matter of the EPA’s EGU MATS Rule, on behalf of the 

Environmental Integrity Project. 
 
(ggg) Expert Report (August 2012) on behalf of the United States in connection with the Louisiana 

Generating NSR Case. United States v. Louisiana Generating, LLC, 09-CV100-RET-CN (Middle 
District of Louisiana) – Harm Phase. 

 
(hhh) Declaration (September 2012) in the Matter of the Application of Energy Answers Incinerator, 

Inc. for a Certificate of Public Convenience and Necessity to Construct a 120 MW Generating 
Facility in Baltimore City, Maryland, before the Public Service Commission of Maryland, Case 
No. 9199. 

 
(iii) Expert Report (October 2012) on behalf of the Appellants (Robert Concilus and Leah Humes) 

in the matter of Robert Concilus and Leah Humes v. Commonwealth of Pennsylvania 
Department of Environmental Protection and Crawford Renewable Energy, before the 
Commonwealth of Pennsylvania Environmental Hearing Board, Docket No. 2011-167-R. 

 
(jjj) Expert Report (October 2012), Supplemental Expert Report (January 2013), and Affidavit 

(June 2013) in the matter of various Environmental Petitioners v. North Carolina 
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DENR/DAQ and Carolinas Cement Company, before the Office of Administrative Hearings, 
State of North Carolina.    

 
(kkk) Pre-filed Testimony (October 2012) on behalf of No-Sag in the matter of the North 

Springfield Sustainable Energy Project before the State of Vermont, Public Service Board. 
 
(lll) Pre-filed Testimony (November 2012) on behalf of Clean Wisconsin in the matter of 

Application of Wisconsin Public Service Corporation for Authority to Construct and Place in 
Operation a New Multi-Pollutant Control Technology System (ReACT) for Unit 3 of the 
Weston Generating Station, before the Public Service Commission of Wisconsin, Docket No. 
6690-CE-197. 

 
(mmm) Expert Report (February 2013) on behalf of Petitioners in the matter of Credence 

Crematory, Cause No. 12-A-J-4538 before the Indiana Office of Environmental Adjudication. 
 
(nnn) Expert Report (April 2013), Rebuttal report (July 2013), and Declarations (October 2013, 

November 2013) on behalf of the Sierra Club in connection with the Luminant Big Brown 
Case.  Sierra Club v. Energy Future Holdings Corporation and Luminant Generation Company LLC, Civil 
Action No. 6:12-cv-00108-WSS (Western District of Texas, Waco Division). 

 
(ooo) Declaration (April 2013) on behalf of Petitioners in the matter of Sierra Club, et al., (Petitioners) 

v Environmental Protection Agency et al. (Resppondents), Case No., 13-1112, (Court of Appeals, 
District of Columbia Circuit). 

 
(ppp) Expert Report (May 2013) and Rebuttal Expert Report (July 2013) on behalf of the Sierra 

Club in connection with the Luminant Martin Lake Case. Sierra Club v. Energy Future Holdings 
Corporation and Luminant Generation Company LLC, Civil Action No. 5:10-cv-0156-MHS-CMC 
(Eastern District of Texas, Texarkana Division). 

 
(qqq) Declaration (August 2013) on behalf of A. J. Acosta Company, Inc., in the matter of A. J. 

Acosta Company, Inc., v. County of San Bernardino, Case No. CIVSS803651. 
 
(rrr) Comments (October 2013) on behalf of the Washington Environmental Council and the 

Sierra Club in the matter of the Washington State Oil Refinery RACT (for Greenhouse Gases), 
submitted to the Washington State Department of Ecology, the Northwest Clean Air Agency, 
and the Puget Sound Clean Air Agency. 

 
(sss) Statement (November 2013) on behalf of various Environmental Organizations in the matter 

of the Boswell Energy Center (BEC) Unit 4 Environmental Retrofit Project, to the Minnesota 
Public Utilities Commission, Docket No. E-015/M-12-920. 

 
(ttt) Expert Report (December 2013) on behalf of the United States in United States of America v. 

Ameren Missouri, Civil Action No. 4:11-cv-00077-RWS (Eastern District of Missouri, Eastern 
Division). 
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(uuu) Expert Testimony (December 2013) on behalf of the Sierra Club in the matter of Public 
Service Company of New Hampshire Merrimack Station Scrubber Project and Cost Recovery, 
Docket No. DE 11-250, to the State of New Hampshire Public Utilities Commission. 
 

(vvv) Expert Report (January 2014) on behalf of Baja, Inc., in Baja, Inc., v. Automotive Testing and 
Development Services, Inc. et. al, Civil Action No. 8:13-CV-02057-GRA (District of South Carolina, 
Anderson/Greenwood Division). 

 
(www) Declaration (March 2014) on behalf of the Center for International Environmental Law, 

Chesapeake Climate Action Network, Friends of the Earth, Pacific Environment, and the Sierra 
Club (Plaintiffs) in the matter of Plaintiffs v. the Export-Import Bank (Ex-Im Bank) of the United 
States, Civil Action No. 13-1820 RC (District Court for the District of Columbia). 

 
(xxx) Declaration (April 2014) on behalf of Respondent-Intervenors in the matter of Mexichem 

Specialty Resins Inc., et al., (Petitioners) v Environmental Protection Agency et al., Case No., 12-1260 (and 
Consolidated Case Nos. 12-1263, 12-1265, 12-1266, and 12-1267), (Court of Appeals, District 
of Columbia Circuit). 

 
(yyy) Direct Prefiled Testimony (June 2014) on behalf of the Michigan Environmental Council and 

the Sierra Club in the matter of the Application of DTE Electric Company for Authority to 
Implement a Power Supply Cost Recovery (PSCR) Plan in its Rate Schedules for 2014 Metered 
Jurisdictional Sales of Electricity, Case No. U-17319 (Michigan Public Service Commission). 

 
(zzz) Expert Report (June 2014) on behalf of ECM Biofilms in the matter of the US Federal Trade 

Commission (FTC) v. ECM Biofilms (FTC Docket #9358). 
 
(aaaa) Direct Prefiled Testimony (August 2014) on behalf of the Michigan Environmental Council 

and the Sierra Club in the matter of the Application of Consumers Energy Company for 
Authority to Implement a Power Supply Cost Recovery (PSCR) Plan in its Rate Schedules for 
2014 Metered Jurisdictional Sales of Electricity, Case No. U-17317 (Michigan Public Service 
Commission). 

 
(bbbb) Declaration (July 2014) on behalf of Public Health Intervenors in the matter of EME 

Homer City Generation v. US EPA (Case No. 11-1302 and consolidated cases) relating to the 
lifting of the stay entered by the Court on December 30, 2011 (US Court of Appeals for the 
District of Columbia). 

 
(cccc) Expert Report (September 2014), Rebuttal Expert Report (December 2014) and 

Supplemental Expert Report (March 2015) on behalf of Plaintiffs in the matter of Sierra Club 
and Montana Environmental Information Center (Plaintiffs) v. PPL Montana LLC, Avista Corporation, 
Puget Sound Energy, Portland General Electric Company, Northwestern Corporation, and Pacificorp 
(Defendants), Civil Action No. CV 13-32-BLG-DLC-JCL (US District Court for the District of 
Montana, Billings Division). 

 
(dddd) Expert Report (November 2014) on behalf of Niagara County, the Town of Lewiston, and 

the Villages of Lewiston and Youngstown in the matter of CWM Chemical Services, LLC New 
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York State Department of Environmental Conservation (NYSDEC) Permit Application Nos.: 
9-2934-00022/00225, 9-2934-00022/00231, 9-2934-00022/00232, and 9-2934-00022/00249 
(pending). 

 
(eeee) Pre-filed Direct Testimony (March 2015) and Rebuttal Testimony (August 2015) on behalf 

of Friends of the Columbia Gorge in the matter of the Application for a Site Certificate for the 
Troutdale Energy Center before the Oregon Energy Facility Siting Council.  

 
(ffff) Expert Report (March 2015) on behalf of Plaintiffs in the matter of Conservation Law 

Foundation v. Broadrock Gas Services LLC, Rhode Island LFG GENCO LLC, and Rhode Island 
Resource Recovery Corporation (Defendants), Civil Action No. 1:13-cv-00777-M-PAS (US District 
Court for the District of Rhode Island). 

 
(gggg) Direct Prefiled Testimony (May 2015) on behalf of the Michigan Environmental Council, 

the Natural Resources Defense Council, and the Sierra Club in the matter of the Application of 
DTE Electric Company for Authority to Increase its Rates, Amend its Rate Schedules and 
Rules Governing the Distribution and Supply of Electric Energy and for Miscellaneous 
Accounting Authority, Case No. U-17767 (Michigan Public Service Commission). 

 
(hhhh) Expert Report (July 2015) and Rebuttal Expert Report (July 2015) on behalf of Plaintiffs in 

the matter of Northwest Environmental Defense Center et. al., v. Cascade Kelly Holdings LLC, d/b/a 
Columbia Pacific Bio-Refinery, and Global Partners LP (Defendants), Civil Action No. 3:14-cv-01059-
SI (US District Court for the District of Oregon, Portland Division). 

 
(iiii) Declaration (August 2015, Docket No. 1570376) in support of “Opposition of Respondent-

Intervenors American Lung Association, et. al., to Tri-State Generation’s Emergency Motion;” 
Declaration (September 2015, Docket No. 1574820) in support of “Joint Motion of the state, 
Local Government, and Public Health Respondent-Intervenors for Remand Without Vacatur,” 
White Stallion Energy Center, LLC v. US EPA, Case No. 12-1100 (US Court of Appeals for the 
District of Columbia).  

 
(jjjj) Expert Report (November 2015) on behalf of Appellants in the matter of Sierra Club, et al. v. 

Craig W. Butler, Director of Ohio Environmental Protection Agency ey al., ERAC Case No. 14-256814. 
 
3. Occasions where Dr. Sahu has provided oral testimony in depositions, at trial or in 
similar proceedings include the following: 
 
(kkkk) Deposition on behalf of Rocky Mountain Steel Mills, Inc. located in Pueblo, Colorado – 

dealing with the manufacture of steel in mini-mills including methods of air pollution control 
and BACT in steel mini-mills and opacity issues at this steel mini-mill. 
 

(llll) Trial Testimony (February 2002) on behalf of Rocky Mountain Steel Mills, Inc. in Denver 
District Court. 

 
(mmmm) Trial Testimony (February 2003) on behalf of the United States in the Ohio Edison NSR 

Cases, United States, et al. v. Ohio Edison Co., et al., C2-99-1181 (Southern District of Ohio). 
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(nnnn) Trial Testimony (June 2003) on behalf of the United States in the Illinois Power NSR Case, 

United States v. Illinois Power Co., et al., 99-833-MJR (Southern District of Illinois).  
 
(oooo) Deposition (10/20/2005) on behalf of the United States in connection with the Cinergy 

NSR Case.  United States, et al. v. Cinergy Corp., et al., IP 99-1693-C-M/S (Southern District of 
Indiana). 

 
(pppp) Oral Testimony (August 2006) on behalf of the Appalachian Center for the Economy and 

the Environment re. the Western Greenbrier plant, WV before the West Virginia DEP. 
 
(qqqq) Oral Testimony (May 2007) on behalf of various Montana petitioners (Citizens Awareness 

Network (CAN), Women’s Voices for the Earth (WVE) and the Clark Fork Coalition (CFC)) 
re. the Thompson River Cogeneration plant before the Montana Board of Environmental 
Review. 

 
(rrrr) Oral Testimony (October 2007) on behalf of the Sierra Club re. the Sevier Power Plant 

before the Utah Air Quality Board. 
 
(ssss) Oral Testimony (August 2008) on behalf of the Sierra Club and Clean Water re. Big Stone 

Unit II before the South Dakota Board of Minerals and the Environment. 
 
(tttt) Oral Testimony (February 2009) on behalf of the Sierra Club and the Southern 

Environmental Law Center re. Santee Cooper Pee Dee units before the South Carolina Board 
of Health and Environmental Control. 

 
(uuuu) Oral Testimony (February 2009) on behalf of the Sierra Club and the Environmental 

Integrity Project re. NRG Limestone Unit 3 before the Texas State Office of Administrative 
Hearings (SOAH) Administrative Law Judges. 

 
(vvvv) Deposition (July 2009) on behalf of MTD Products, Inc., in the matter of Alice Holmes and 

Vernon Holmes v. Home Depot USA, Inc., et al. 
 
(wwww) Deposition (October 2009) on behalf of Environmental Defense and others, in the 

matter of challenges to the proposed Coleto Creek coal fired power plant project at the Texas 
State Office of Administrative Hearings (SOAH).   

 
(xxxx) Deposition (October 2009) on behalf of Environmental Defense, in the matter of permit 

challenges to the proposed Las Brisas coal fired power plant project at the Texas State Office of 
Administrative Hearings (SOAH).   

 
(yyyy) Deposition (October 2009) on behalf of the Sierra Club, in the matter of challenges to the 

proposed Medicine Bow Fuel and Power IGL plant in Cheyenne, Wyoming. 
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(zzzz) Deposition (October 2009) on behalf of Environmental Defense and others, in the matter 
of challenges to the proposed Tenaska coal fired power plant project at the Texas State Office 
of Administrative Hearings (SOAH).  (April 2010). 

 
(aaaaa) Oral Testimony (November 2009) on behalf of the Environmental Defense Fund re. the 

Las Brisas Energy Center before the Texas State Office of Administrative Hearings (SOAH) 
Administrative Law Judges. 

 
(bbbbb) Deposition (December 2009) on behalf of Environmental Defense and others, in the 

matter of challenges to the proposed White Stallion Energy Center coal fired power plant 
project at the Texas State Office of Administrative Hearings (SOAH). 

 
(ccccc) Oral Testimony (February 2010) on behalf of the Environmental Defense Fund re. the 

White Stallion Energy Center before the Texas State Office of Administrative Hearings 
(SOAH) Administrative Law Judges. 

 
(ddddd) Deposition (June 2010) on behalf of the United States in connection with the Alabama 

Power Company NSR Case. United States v. Alabama Power Company, CV-01-HS-152-S (Northern 
District of Alabama, Southern Division). 

 
(eeeee) Trial Testimony (September 2010) on behalf of Commonwealth of Pennsylvania – Dept. of 

Environmental Protection, State of Connecticut, State of New York, State of Maryland, and 
State of New Jersey (Plaintiffs) in connection with the Allegheny Energy NSR Case in US 
District Court in the Western District of Pennsylvania.  Plaintiffs v. Allegheny Energy Inc., et al., 
2:05cv0885 (Western District of Pennsylvania).  

 
(fffff) Oral Direct and Rebuttal Testimony (September 2010) on behalf of Fall-Line Alliance for a 

Clean Environment and others in the matter of the PSD Air Permit for Plant Washington 
issued by Georgia DNR at the Office of State Administrative Hearing, State of Georgia 
(OSAH-BNR-AQ-1031707-98-WALKER). 

 
(ggggg) Oral Testimony (September 2010) on behalf of the State of New Mexico Environment 

Department in the matter of Proposed Regulation 20.2.350 NMAC – Greenhouse Gas Cap and 
Trade Provisions, No. EIB 10-04 (R), to the State of New Mexico, Environmental Improvement 
Board. 

 
(hhhhh) Oral Testimony (October 2010) on behalf of the Environmental Defense Fund re. the Las 

Brisas Energy Center before the Texas State Office of Administrative Hearings (SOAH) 
Administrative Law Judges. 

 
(iiiii) Oral Testimony (November 2010) regarding BART for PSCo Hayden, CSU Martin Drake 

units before the Colorado Air Quality Commission on behalf of the Coalition of 
Environmental Organizations. 
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(jjjjj) Oral Testimony (December 2010) regarding BART for TriState Craig Units, CSU Nixon 
Unit, and PRPA Rawhide Unit) before the Colorado Air Quality Commission on behalf of the 
Coalition of Environmental Organizations. 

 
(kkkkk) Deposition (December 2010) on behalf of the United States in connection with the 

Louisiana Generating NSR Case. United States v. Louisiana Generating, LLC, 09-CV100-RET-CN 
(Middle District of Louisiana). 

 
(lllll) Deposition (February 2011 and January 2012) on behalf of Wild Earth Guardians in the 

matter of opacity exceedances and monitor downtime at the Public Service Company of 
Colorado (Xcel)’s Cherokee power plant.  No. 09-cv-1862 (D. Colo.). 

 
(mmmmm) Oral Testimony (February 2011) to the Georgia Office of State Administrative 

Hearings (OSAH) in the matter of Minor Source HAPs status for the proposed Longleaf 
Energy Associates power plant (OSAH-BNR-AQ-1115157-60-HOWELLS) on behalf of the 
Friends of the Chattahoochee and the Sierra Club). 

 
(nnnnn) Deposition (August 2011) on behalf of the United States in United States of America v. 

Cemex, Inc., Civil Action No. 09-cv-00019-MSK-MEH (District of Colorado). 
 
(ooooo) Deposition (July 2011) and Oral Testimony at Hearing (February 2012) on behalf of the 

Plaintiffs MYTAPN in the matter of Microsoft-Yes, Toxic Air Pollution-No (MYTAPN) v. 
State of Washington, Department of Ecology and Microsoft Corporation Columbia Data 
Center to the Pollution Control Hearings Board, State of Washington, Matter No. PCHB No. 
10-162. 

 
(ppppp) Oral Testimony at Hearing (March 2012) on behalf of the United States in connection 

with the Louisiana Generating NSR Case. United States v. Louisiana Generating, LLC, 09-CV100-
RET-CN (Middle District of Louisiana). 

 
(qqqqq) Oral Testimony at Hearing (April 2012) on behalf of the New Hampshire Sierra Club at 

the State of New Hampshire Public Utilities Commission, Docket No. 10-261 – the 2010 Least 
Cost Integrated Resource Plan (LCIRP) submitted by the Public Service Company of New 
Hampshire (re. Merrimack Station Units 1 and 2). 

 
(rrrrr) Oral Testimony at Hearing (November 2012) on behalf of Clean Wisconsin in the matter of 

Application of Wisconsin Public Service Corporation for Authority to Construct and Place in 
Operation a New Multi-Pollutant Control Technology System (ReACT) for Unit 3 of the 
Weston Generating Station, before the Public Service Commission of Wisconsin, Docket No. 
6690-CE-197. 

 
(sssss) Deposition (March 2013) in the matter of various Environmental Petitioners v. North 

Carolina DENR/DAQ and Carolinas Cement Company, before the Office of Administrative 
Hearings, State of North Carolina.    
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(ttttt) Deposition (August 2013) on behalf of the Sierra Club in connection with the Luminant Big 
Brown Case.  Sierra Club v. Energy Future Holdings Corporation and Luminant Generation Company 
LLC, Civil Action No. 6:12-cv-00108-WSS (Western District of Texas, Waco Division). 

 
(uuuuu) Deposition (August 2013) on behalf of the Sierra Club in connection with the Luminant 

Martin Lake Case.  Sierra Club v. Energy Future Holdings Corporation and Luminant Generation 
Company LLC, Civil Action No. 5:10-cv-0156-MHS-CMC (Eastern District of Texas, Texarkana 
Division). 

 
(vvvvv) Deposition (February 2014) on behalf of the United States in United States of America v. 

Ameren Missouri, Civil Action No. 4:11-cv-00077-RWS (Eastern District of Missouri, Eastern 
Division). 

 
(wwwww) Trial Testimony (February 2014) in the matter of Environment Texas Citizen Lobby, Inc and 

Sierra Club  v. ExxonMobil Corporation et al., Civil Action No. 4:10-cv-4969 (Southern District of 
Texas, Houston Division). 

 
(xxxxx) Trial Testimony (February 2014) on behalf of the Sierra Club in connection with the 

Luminant Big Brown Case.  Sierra Club v. Energy Future Holdings Corporation and Luminant 
Generation Company LLC, Civil Action No. 6:12-cv-00108-WSS (Western District of Texas, 
Waco Division). 

 
(yyyyy) Deposition (June 2014) and Trial (August 2014) on behalf of ECM Biofilms in the matter 

of the US Federal Trade Commission (FTC) v. ECM Biofilms (FTC Docket #9358). 
 
(zzzzz) Deposition (February 2015) on behalf of Plaintiffs in the matter of Sierra Club and Montana 

Environmental Information Center (Plaintiffs) v. PPL Montana LLC, Avista Corporation, Puget Sound 
Energy, Portland General Electric Company, Northwestern Corporation, and Pacificorp (Defendants), Civil 
Action No. CV 13-32-BLG-DLC-JCL (US District Court for the District of Montana, Billings 
Division). 

 
(aaaaaa) Oral Testimony at Hearing (April 2015) on behalf of Niagara County, the Town of 

Lewiston, and the Villages of Lewiston and Youngstown in the matter of CWM Chemical 
Services, LLC New York State Department of Environmental Conservation (NYSDEC) Permit 
Application Nos.: 9-2934-00022/00225, 9-2934-00022/00231, 9-2934-00022/00232, and 9-
2934-00022/00249 (pending). 

 
(bbbbbb) Deposition (August 2015) on behalf of Plaintiff in the matter of Conservation Law 

Foundation (Plaintiff) v. Broadrock Gas Services LLC, Rhode Island LFG GENCO LLC, and Rhode 
Island Resource Recovery Corporation (Defendants), Civil Action No. 1:13-cv-00777-M-PAS (US 
District Court for the District of Rhode Island). 

 
(cccccc) Testimony at Hearing (August 2015) on behalf of the Sierra Club in the matter of 

Amendments to 35 Illinois Administrative Code Parts 214, 217, and 225 before the Illinois Pollution 
Control Board, R15-21. 
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(dddddd) Deposition (May 2015) on behalf of Plaintiffs in the matter of Northwest Environmental 
Defense Center et. al., (Plaintiffs) v. Cascade Kelly Holdings LLC, d/b/a Columbia Pacific Bio-Refinery, and 
Global Partners LP (Defendants), Civil Action No. 3:14-cv-01059-SI (US District Court for the 
District of Oregon, Portland Division). 
 

(eeeeee) Trial Testimony (October 2015) on behalf of Plaintiffs in the matter of Northwest 
Environmental Defense Center et. al., (Plaintiffs) v. Cascade Kelly Holdings LLC, d/b/a Columbia Pacific 
Bio-Refinery, and Global Partners LP (Defendants), Civil Action No. 3:14-cv-01059-SI (US District 
Court for the District of Oregon, Portland Division). 
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Alexus Austin

From: Katherine Fleming
Sent: Wednesday, December 30, 2015 9:19 AM
To: Commissioner Correspondence
Subject: FW: Undocketed: 10-Year Site Plans
Attachments: 2015 12 15 Sierra Club Letter re Missing Alternatives in TYSP v fin.pdf

Please place the attached in Docket No. 150000-OT, Consumers and Their Representatives. 
 
Thank you, 
Katherine 
 
From: Diana Csank [mailto:diana.csank@sierraclub.org]  
Sent: Wednesday, December 16, 2015 1:29 PM 
To: Katherine Fleming 
Subject: Fwd: Undocketed: 10-Year Site Plans 
 
Good afternoon, Katherine: 
 
In the attached letter sent to Commissioner Brown, you will find references that are responsive to her question 
on the investor owned utilities' investments in out-of-state renewables. Should you have any further questions 
on that topic or anything else in the letter, please contact me at your convenience by phone (202-548-4595) or 
email. 
 
Regards, 
Diana 
 
---------- Forwarded message ---------- 
From: Diana Csank <diana.csank@sierraclub.org> 

Dear Commissioners: 
 
Attached please find Sierra Club's letter respectfully requesting that in advance of next April’s 10-year site plan deadline, the Commission 
direct each utility to submit “possible alternatives to the proposed plan” as required by Section 186.801(2), Florida Statutes, as well as 
supporting information to evaluate those alternatives.   
 
Regards, 
Diana 
 
--  
 

 

 Diana Csank 
Associate Attorney 
Environmental Law Program 
50 F Street NW, Eighth Floor 
Washington, DC 20001 
Phone: 202-548-4595 
E-mail: Diana.Csank@sierraclub.org

 
 
CONFIDENTIAL LEGAL COMMUNICATION/WORK PRODUCT 

FPSC Commission Clerk
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This e-mail may contain privileged and confidential attorney-client communications and/or confidential attorney work 
product. If you receive this e-mail inadvertently, please notify me and delete all versions from your system.  
 



 
 

December 15, 2015 

 

Via Electronic Mail 

 

Chairman Graham, Comm’rs. Brisé, Edgar, Brown, and Patronis  

Florida Public Service Commission 

2540 Shumard Oak Blvd. 

Tallahassee, Florida  32399-0850 

 

Re:   Missing alternatives in 10-Year Site Plans 

 

Dear Commissioners:  

 

 On behalf  of  its more than 30,000 Florida members, the Sierra Club respectfully requests 

that in advance of  next April’s 10-year site plan deadline, the Commission direct each utility1 to 

submit “possible alternatives to the proposed plan” as required by Section 186.801(2), Florida 

Statutes (“F.S.”), as well as supporting information to evaluate those alternatives.  To date, utilities 

have not provided such alternatives analyses to the Commission.   

 

Florida law requires that at least every two years utilities submit “10-year site plans” to the 

Commission that outline the utilities’ plans for ensuring that they deliver Floridian’s electricity in a 

manner compliant with state law.   The Commission must study the plans using a set of  10 criteria 

specified by statute.  If  the plans comply with those criteria and meet other objectives specified 

under state law, the Commission is to find the plans “suitable.”  Otherwise, the Commission is to 

determine the plans are “unsuitable.”  

 

For the reasons discussed below, to fulfill its duty the Commission should direct the utilities 

to submit robust alternatives analyses and supporting information.  If  the utilities fail to do so, the 

Commission must reject those plans as unsuitable.  Consideration of  alternatives is a mandatory part 

of  the Commission’s 10-year site plan reviews under Florida law, a common practice of  regulatory 

utility commissions nationwide, and a matter of  common sense.  Just as smart consumers conduct 

comparison shopping before making purchases, especially of  big ticket items, the utilities must allow 

the Commission—on behalf  of  Florida’s electricity consumers—to do so.   

                                                           
1 The Commission’s Rule 25-22.071, Florida Administrative Code (“F.A.C”) specifies the utilities that are 
subject to the 10-year site plan filing requirements.  
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Thus far meaningful comparisons between the utilities’ proposals and alternatives have been 

precluded by the utilities’ practice of  presenting the Commission just their preferred generation 

plans and simply asserting that alternatives were considered but discarded as inferior.  Without more 

information on the possible alternatives—including enough details for independent comparison of  

alternatives to the plans proposed by the utilities—the Commission cannot fulfill its oversight duty 

to ensure that Floridians are getting the best deal, as the Commission is required to do under the law.  

This is particularly true with respect to renewable energy and energy efficiency resources, which the 

Florida legislature has repeatedly and expressly asked the Commission to analyze. 

 

 The lack of  robust alternatives analyses carries significant consequences.  For example, the 

utilities have proposed to add large conventional power plants in their preferred plans.  This 

commits significant amounts of  Floridians’ money to building out fossil fuel and nuclear 

infrastructure with payback periods measuring in the decades at a time of  great change in the energy 

sector.  It presents outsized risks, especially given an evolving regulatory environment around coal 

and carbon, and Florida’s over-reliance on natural gas.   

 

In contrast, Florida has an unprecedented opportunity to meet its electricity needs through 

low-cost, low-risk renewable energy and energy efficiency resource alternatives.   This opportunity—

and the need for Commission oversight to ensure that all utilities pursue it optimally—is perhaps 

best illustrated by the state’s municipal utilities citing historic cost savings as they add in-state solar 

photovoltaics (“PV”) to the grid at more than five times the speed (kWh of  per customer) at which 

investor owned utilities are doing so in Florida.  Indeed, across the country commissions and utilities 

are investing in renewable energy and energy efficiency at far greater speed than Florida’s investor 

owned utilities, and they are doing so because it is more economical than Florida’s heavy investments 

in natural gas.  It is particularly notable that investor owned utilities such as Florida Power and Light 

and Duke Energy Florida are proposing so little renewable energy in Florida when in other states 

NextEra (FPL’s parent company) and Duke are building out these resources as a cost-competitive 

option.    

   

 Timing is critical.  Once a utility invests substantial resources into pursuing its proposed 

plan, it often constrains the possible alternatives that can be pursued, due in part to resource 

constraints and in part to the time it takes to plan, permit, and implement changes to the electric 

grid.  Therefore, the Commission has a time-sensitive duty to require meaningful analyses and data 

regarding possible alternatives to the utilities’ proposed plans, and further, it has a time-sensitive 

duty to require that those alternatives be implemented if  they prove to be in the public’s interest, as 

so many other commissions have concluded.  

   

 Section 1, below, recaps the standards governing 10-year site reviews, while Section 2 shows 

how, in the absence of  robust alternatives analyses, the proposed plans are departing from these 

standards, and the Commission needs to correct course.  With these comments, Sierra Club 

respectfully urges the Commission to take the critical first step of  collecting from the utilities the 
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missing alternatives analyses, starting with the plans that are due in April 2016.  Only with this 

information in hand will the Commission—and the public—be able to conduct the oversight that is 

required and essential to serve the interest of  Florida’s electric consumers.   

 

I. The Commission is expressly required by Florida law to review possible alternatives 
to the utilities’ proposed plans, and this necessarily requires that the utilities provide 
the information needed to conduct the mandatory alternatives analysis, particularly 
with respect to renewable energy and energy efficiency. 

 
As Florida’s electric utility regulators, the Commissioners have the primary responsibility to 

oversee long-term planning by the state’s electric utilities.2  This starts with collecting information 

during the 10-year site plan review.3  At least every two years, Section 186.801, F.S., requires that the 

state’s electric utilities submit “10-year site plans” to the Commission estimating their power-

generating needs and the general location of  their proposed power plant sites.4  Section 186.801, 

F.S., unambiguously mandates that the Commission “shall review”-- “possible alternatives to the 

proposed plan[s]” of  the utilities.5  

Section 186.801 also provides nine other criteria that the Commission “shall review,” which 

inform not only Commission’s review of  the utilities’ own preferred proposals, but the alternatives 

that the Commission must consider.  Fully one third of  the nine criteria require the Commission to 

consider ways to advance renewable energy resource additions to the grid: 

(a) The need, including the need as determined by the commission, 

for electrical power in the area to be served. 

(b) The effect on fuel diversity within the state. 

(c) The anticipated environmental impact of  each proposed electrical 

power plant site. 

(d) Possible alternatives to the proposed plan. 

(e) The views of  appropriate local, state, and federal agencies, 

including the views of  the appropriate water management district 

as to the availability of  water and its recommendation as to the 

use by the proposed plant of  salt water or fresh water for cooling 

purposes. 

(f) The extent to which the plan is consistent with the state 

comprehensive plan. 

                                                           
2 See e.g., Rule 25‐22.072, F.A.C., incorporating by reference Form PSC/RAD 43-E (11/97), 1 (discussing 
Commission’s oversight responsibilities) [hereinafter “Form”]. 
3 Id.  
4 See Section 186.801(1), F.S.  
5 Section 186.801(2), F.S. 
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(g) The plan with respect to the information of  the state on energy 

availability and consumption. 

(h) The amount of  renewable energy resources the utility produces or 

purchases. 

(i) The amount of  renewable energy resources the utility plans to 

produce or purchase over the 10-year planning horizon and the 

means by which the production or purchases will be achieved. 

(j) A statement describing how the production and purchase of  

renewable energy resources impact the utility’s present and future 

capacity and energy needs.6 

Criteria (h) requires that the Commission review the “amount of  renewable energy resources” 

utilities currently produce or purchase; (i) requires the Commission to consider the “amount of  

renewable energy resources” the utilities propose to produce or purchase, and the means, and; (j) 

requires the Commission to consider future energy and capacity needs.  

 If  the Commission is to fulfill its duty to review not only the utilities’ preferred plans but 

alternatives as well and, moreover, to fulfill its duty to specifically review renewable energy resources, 

the Commission necessarily must be provided information about those renewable energy resources, 

both as proposed by each utility and as potential alternative scenarios.  Failure to do so reduces the 

Commissions’ review to a make-work exercise.  The Commission—and the public—need 

meaningful data on renewable energy resources and conventional energy resources to critically 

analyze the utilities’ proposals.  Otherwise the Commission—and the public—lack the information 

necessary to perform an informed assessment of  the plans that the utilities’ are proposing to 

implement.  

 This is only reinforced—and expanded to include energy efficiency—by criterion (f), which 

requires the Commission to review each plan for consistency with the state comprehensive plan, 

Florida’s “direction-setting document,”7 which sets out energy goal and policies that all aim to 

advance energy efficiency and renewable energy resources.  The plan’s section on energy states:  

Goal.—Florida shall reduce its energy requirements through 
enhanced conservation and efficiency measures in all end-use sectors 
and shall reduce atmospheric carbon dioxide by promoting an 
increased use of  renewable energy resources and low-carbon-
emitting electric power plants. 
 
(b) Policies.— 
 

                                                           
6 Section 186.801 (2)(e), F.S. (emphasis added). 
7 Section 187.101, F.S.; see also id. (“The State Comprehensive Plan shall provide long-range policy guidance 
for the orderly social, economic, and physical growth of the state.”) 
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1. Continue to reduce per capita energy consumption. 
 
2. Encourage and provide incentives for consumer and producer 
energy conservation and establish acceptable energy performance 
standards for buildings and energy consuming items. 
 
3. Improve the efficiency of  traffic flow on existing roads. 
 
4. Ensure energy efficiency in transportation design and planning 
and increase the availability of  more efficient modes of  
transportation. 
 
5. Reduce the need for new power plants by encouraging end-use 
efficiency, reducing peak demand, and using cost-effective 
alternatives. 
 
6. Increase the efficient use of  energy in design and operation of  
buildings, public utility systems, and other infrastructure and related 
equipment. 
 
7. Promote the development and application of  solar energy 
technologies and passive solar design techniques. 
 
8. Provide information on energy conservation through active 
media campaigns. 
 
9. Promote the use and development of  renewable energy 
resources and low-carbon-emitting electric power plants. 
 
10. Develop and maintain energy preparedness plans that will be 
both practical and effective under circumstances of  disrupted energy 
supplies or unexpected price surges.8 

 
 The Commission’s own guidance likewise requires the utilities to provide alternatives and 
supporting information.9  Per the guidance, the utilities’ annual plan submittals should include 
planning assumptions, methodologies, and outcomes.  The submittals also should show that the 
supply of  electricity contemplated in each plan is the “lowest cost possible.”10 This showing cannot 
be made without sufficient information about the possible alternatives to each proposed plan to 
allow the Commission—and the public—to verify that this critical criterion has been met.11  

                                                           
8 See Section 187.201(11), F.S.  Note, subpart (11)(b)(10) raises price and supply risks that are commonly 
associated with out-of-state fuel imports (coal, gas, nuclear), and for which energy efficiency, solar, or other 
renewable technologies are solutions. 
9 See generally Form, supra n. 2. 
10 Form at 4. 
11 See Sierra Club comments of Oct. 16, 2013, at 5-6 (discussing need to consider cost over the life of the 
investment, and to quantify the risks that could materially affect the cost, including factors that are routinely 
considered during IRPs, such as fuel price surges and regulatory risks) available at http://goo.gl/h9RHeT. 

http://goo.gl/h9RHeT
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Moreover, because investments in conventional generation resources—particularly coal, natural gas, 
and nuclear resources—require outlays of  significant amounts of  Floridians’ money with payback 
periods that can span decades, for resources with very long book lives, the lowest cost showing 
should account for not only the current requirements and constraints, but also a range of  those 
likely to exist five, ten, and twenty years (or more) into the future, even if  this has not been the 
utilities’ practice.  These are the “future conditions” referred to above and throughout this letter.  

 If  the utilities fail to meet these information requirements, the Commission should find the 
plans unsuitable and exercise its broad powers to collect the information from the utilities.12  The 
Commission should “suggest alternatives”13 to the plans to assure that they can be classified as 
“suitable,” consistent with the statutory directive for adding clean energy to Florida’s electric grid in 
a coordinated, cost-effective manner.14  Ultimately, if  a utility refuses to provide information on the 
possible alternatives and future conditions, or refuses to adopt the Commission’s suggested 
alternatives, the Commission can classify its plan as “unsuitable.” Even if  the plans may not be 
considered binding, such a classification can carry great weight, warning the utility that the 
Commission may reject its proposals in subsequent dockets until the plan’s shortcomings are fixed. 

II. Absent robust alternatives analysis, 10-year site plans have and will continue to 
undercut the Commission’s ability to conduct its review consistent with the 
mandatory statutory criteria and the corresponding directive to oversee coordinated, 
cost-effective renewable energy and energy efficiency resource additions to Florida’s 
electric grid. 

 

As Sierra Club commented at the most recent 10-year site plan workshop, the missing 

information on alternatives undercuts the Commission’s ability to fulfill its mandatory electric utility 

oversight.  Information on alternatives is most meaningful when coupled with information on future 

conditions, as noted above.  However, in past 10-year site plan submittals, this information is 

missing, and the most acute information gaps are as follows: 

 

 Retire-or-retrofit analyses for Florida’s coal generation.  Due to upcoming 

environmental compliance deadlines and multi-billion dollar retrofits contemplated in the 

utilities’ own incomplete compliance plans, this is particularly urgent. 

 

 Alternatives to the approximately 11 gigawatts (“GW”) of  planned natural gas 

generation additions.  This is urgent because of  Florida’s existing, financially risky over-

reliance on natural gas and the utilities’ failure to use, or discuss how they used, a high case 

for natural gas prices and other future conditions to identify their preferred generation and 

to eliminate alternatives. 

                                                           
12 See Section 366.04(2)(f), F.S. (Commission “shall have the power”—“[t]o prescribe and require the filing of 
periodic reports and other data as may be reasonably available and as necessary to exercise its jurisdiction”). 
13 Section 186.801 (1), F.S.  
14 See Section 187.201(11), F.S.; see also Section 366.04, F.S. (directing Commission to oversee “planning, 
development, and maintenance of a coordinated electric power grid throughout Florida to assure an adequate 
and reliable source of energy for operational and emergency purposes in Florida and the avoidance of further 
uneconomic duplication of generation, transmission, and distribution facilities.” [emphasis added]). 
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 Detailed information on renewable energy and energy efficiency resources, including 

the results of  competitive solar and wind procurements and the modeling 

assumptions used to assess alternatives that would allow for faster grid integration of  

these resources.  This is urgent because these zero-fuel cost resources offer a great value 

relative to fuel imports, and delay will needlessly expose Floridians to higher priced power 

while robbing them of  clean energy’s wide-ranging benefits. 

 

A. The Commission should require the utilities to submit retire-or-retrofit analyses 
for Florida’s coal generation to prepare for fast-approaching regulatory 
compliance deadlines, and to assess whether retirements are more prudent than 
the multi-billion dollar retrofits contemplated by the utilities. 

 

The alternatives of  retrofitting or retiring coal plants are hardly discussed in the 10-year site 

plans.  Most plans simply defer the development or disclosure of  this information.  The same is true 

for the utilities’ responses to Staff  Data Requests regarding their plans.  The responses even fail to 

identify the U.S. Environmental Protection Agency (“EPA”) rules that will apply to coal plants over 

the planning horizon: the Greenhouse Gas Rules; the Coal Combustion Residuals Rule; the Cooling 

Water Intake Structure Rule; the Cross-State Air Pollution Rule and Successor Cross-State Air 

Pollution Rule; the Effluent Limitation Guidelines; the Mercury and Air Toxics Standard; the 

Regional Haze Rule; and the Startup, Shutdown, and Malfunction Rule.  However, based on their 

incomplete regulatory compliance analyses, the utilities estimate that over the next decade coal 

retrofits may cost billions of  dollars, as shown in Table 1 below.    

 

Table 1, Preliminary Regulatory Compliance Cost Estimates for Coal Generation ($ Millions)
15

 

Utility 
Low 
MATS 

High 
MATS 

Low 
CSAPR 

High 
CSAPR 

Low 
CWIS 

High 
CWIS 

Low 
CCR 

High 
CCR 

Low 
Total 

High 
Total 

FPL N/A N/A N/A N/A 86.31 1068.31 N/A N/A 225.81 1607.81 

DEF* 157 165 0 0 26.6 301.6 N/A N/A 183.6 465.88 

TECO 3.9 3.9 0 0 800 800 18 18 821.9 821.9 

GPC 565       35 38.1 N/A N/A 681 684 

FMPA N/A N/A N/A N/A N/A N/A N/A N/A N/A N/A 

GRU 1.5 1.5 175 175 N/A N/A N/A N/A 176.5 176.5 

JEA N/A N/A 0 0 5 30 25 25 30 55 

LE N/A N/A N/A N/A N/A N/A N/A N/A N/A N/A 

OUC 2 2 N/A** N/A N/A N/A 17.2 17.2 19.2 19.2 

SEC N/A N/A N/A N/A N/A N/A N/A N/A 600 600 

TAL N/A N/A <.01 <.01 N/A N/A N/A N/A <.01 <.01 

Total 
164.4-
729.4 

172.4-
737.4 

175.01-
740 

175.01-
740 952.91 2238.01 60.2 60.2 2738.01 4430.29 

                                                           
15 This table reflects 2015 TYSP First Supplemental Staff Data Request No. 38. (*) Duke reported capital 
costs only. (**) OUC notes $11 million in stranded costs associated with selective catalytic reduction, which 
has been postponed following the vacatur of CSAPR. 
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 In addition, the utilities’ estimates provide an incomplete picture because they do not 

distinguish between one-time capital expenditures and the increases to recurring operating costs and 

others costs associated with reduced power output and generation.  This omission is illustrated in 

TECO’s response to Staff  Data Request no. 36 regarding the cost of  retrofitting the coal-burning 

Big Bend Generating Station (including four coal-burning electric generating units) with cooling 

towers:   

 

Tampa Electric is currently finalizing its compliance strategy for the 

CWIS Rule and is working with the regulating authority to determine 

scheduling for biological, financial, and technical study elements 

necessary to comply with the rule. These elements will ultimately be 

used by the regulating authority to determine the necessity of  cooling 

water system retrofits for Big Bend and Bayside Power Stations. 

Based on the final rule, requirements could include retrofitting closed 

cycle cooling towers at regulated facilities. Few utilities, including 

Tampa Electric, would be in a position, either financially or due to 

space (land) limitations, to implement this option. As an alternative, 

the regulating authority may allow for modifications of  existing 

intake structures and circulating water equipment to reduce measured 

impacts. If  required to install closed cycle cooling at Big Bend and 

Bayside, the cost could run as high as one-half  billion dollars per 

facility. Tampa Electric has not conducted a formal cost study on 

intake and circulator modifications. However, such modifications 

could easily total as much as one hundred million dollars per station.16 

 

The information gap regarding coal generation in all of  the 10-year site plans is significant 

and needs to be filled:  There are over 9 GW of  coal generation in Florida, which are growing 

increasingly uneconomic for reasons that are not limited to the potential need for multi-billion dollar 

retrofits.  This coal generation is also: (1) growing older, with several coal electric generating units 

well past their book lives (e.g., Crist Units 4 and 5, already 56 and 58 years old, respectively); (2) 

growing less efficient notwithstanding the Commission’s incentive program for improving heat rates 

(e.g., Indiantown, with an average heat rate consistently over 13,000 Btu/kWh in 2011-2014); and (3) 

already more expensive relative to clean energy alternatives, as evidenced by the Orlando Utilities 

Commission’s recent resource procurement returning solar power for 7 cents/kWh—less than 

energy from existing coal and natural gas generation (8 cents/kWh), and exerting downward 

pressure on rates (10 cents/kWh).17 

 

                                                           
16 TECO letter of May 15, 2015, Supplemental Data Request, Request No. 36, at 46. 
17 See Herman K. Trabish, Utility DIVE, ‘Tipping point’ for FL solar? Orlando utility buys at under fossil generation 
prices (Aug. 2015) available at http://goo.gl/NiXNLh. 
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Therefore, Sierra Club respectfully urges the Commission to collect the missing information 

on the alternatives of  retrofitting versus retiring Florida’s coal generation so that the Commission 

can conduct its mandatory review of  such alternatives.  Giving the utilities a pass to provide this 

information piecemeal in the environmental cost recovery dockets is unlawful and unwise.  Without 

a comprehensive look at Florida’s coal generation, the Commission may soon find itself  in a position 

where it has little choice but to approve exorbitant retrofits because there has not been sufficient 

planning and coordination to rapidly retire multiple coal plants while maintaining adequate reliability, 

even though the latter would be the least cost option.  

 

B. The Commission should direct the utilities to submit robust alternatives analyses 
for the approximately 11 GW of  planned natural gas generation additions, and 
should specifically require the analyses to account for a high case for natural gas 
prices, which the utilities’ proposed plans have not done to date. 

 

Despite the Commission’s strategic concern about Florida’s over-reliance on out-of-state 

natural gas imports, the utilities’ plans overwhelmingly favor natural gas generation additions; 

approximately 11,548 MW are proposed in the 2015 10-year site plans.  Yet the plans hardly discuss 

the possible alternatives, as illustrated by TECO’s statement: 

 

Early in the study process, many alternatives were screened on a 

qualitative and quantitative basis to determine the options that were 

the most feasible overall. Those alternatives that failed to meet the 

qualitative and quantitative considerations were eliminated. This 

phase of  the study resulted in a set of  feasible alternatives that were 

considered in more detailed economic analyses.18   

 

… 

 

Tampa Electric Company continually analyzes renewable energy and 

distributed generation alternatives with the objective to integrate 

them into its resource portfolio.19 

 

The problem with these statements, without more, is that they bar the Commission—or the 

public—from evaluating the possible alternatives to TECO’s proposed plan.   

 

 At a minimum, the Commission needs each utility to provide enough information about the 

alternatives considered and the screening criteria used to allow the Commission—and other 

stakeholders—to independently review the utilities’ conclusions that those alternatives should not be 

pursued.   

                                                           
18 2015 TECO TYSP, at 61 available at http://goo.gl/wDSd2X. 
19 Id. at 54 (notes to Schedule 8.1). 
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Additionally, to aid its review, the Commission needs more information on future conditions.  

A robust long-term planning analysis is needed because the book life of  many investments that will 

be made over the next ten years will extend out well beyond those ten years, and even beyond 2050.  

Therefore, it is important for the Commission to develop some understanding of  whether the 

proposed investments—or the possible alternatives—are the most compatible with future 

conditions and the Commission’s statutory directive to spur coordinated, cost-effective clean energy 

additions to Florida’s electric grid.  To be sure, Sierra Club understands that confidence around the 

accuracy of  modeled outcomes decreases as timeframes extend further into the future.  Yet there is 

no uncertainty about the multi-decadal book lives and payback periods associated with many electric 

utility investments.  If  the Commission is to fulfill its duty to oversee electric utility planning, the 10-

year site plan review process should incorporate and be informed by future conditions within and 

beyond the next ten years.  

 

With these future conditions in mind, the proposed long-lived combined cycle natural gas 

plants and supporting infrastructure are clearly in tension with the state’s goal of  optimizing its 

investment in clean energy alternatives for any number of  reasons, including the following:  

 

 The proposed investments in natural gas-based resources dwarf  those proposed for clean 

energy resources.   

 

 Doubling down on Florida’s reliance on out-of-state natural gas imports would limit the 

available funds for clean energy alternatives, such as renewable solar and wind energy, energy 

efficiency, and rapidly emerging and transformative technologies, such as storage—for 

decades.   

 

 Doubling down on Florida’s reliance on out-of-state natural gas imports would heighten 

Florida electric utility customers’ exposure to expensive hedging measures in the short-term, 

and to even greater fuel price volatility in the long-term. 

 

 Florida’s heavy reliance on natural gas may prove to be incompatible with achieving 

compliance with existing and anticipated public health, safety, and environmental rules, and 

may leave electric utility customers on the hook for replacing some of  these resources before 

the end of  their book lives (i.e., stranded assets).  

 

Sierra Club is particularly concerned by the utilities failure to use, or discuss how they used, a 

high case for natural gas prices in their plans.  For example, in response to Staff  Data Requests, 

Duke Energy Florida (“Duke”) states: “DUKE ENERGY FLORIDA DID NOT DEVELOP OR 

UTILIZE HIGH CASE - NATURAL GAS PRICES.”20  Duke’s use of  all capitals in the original is 

apt; it is extraordinary for a utility as big and sophisticated as Duke to omit a high case for natural 

                                                           
20 DEF letter of May 15, 2015, Supplemental Data Request, Appendix A. 



Sierra Club Comments re: Missing Alternatives in 10-Year Site Plans 

 Page 11 

gas prices from its planning.21  However, Duke is not alone.  Even the Florida utilities that developed 

such a case do not fully explain how that factored in their proposed plans or development of  

possible alternatives.   

 

To fill this critical information gap, the Commission should require the utilities, starting with 

April 2016 submittals, to provide their high case for natural gas prices, and provide a detailed 

explanation of  how that case and other future conditions are used to develop the proposed plans 

and the possible alternatives.  After collecting this information, the Commission may very well find 

that clean energy alternatives such as energy efficiency, solar, wind, and even storage are a better deal 

than the planned natural gas resources.  Indeed, the U.S. Energy Information Administration (EIA) 

concluded earlier this year: “Rising long-term natural gas prices, the high capital costs of  new coal 

and nuclear generation capacity, state-level policies, and cost reductions for renewable generation in 

a market characterized by relatively slow electricity demand growth favor increased use of  

renewables.”22  The EIA’s underlying study “focus[es] on the factors expected to shape U.S. energy 

markets through 2040.”23  This is exactly the long view that should inform the Commission’s 10-year 

site plan review because the utilities are proposing to spend significant amounts of  Floridians’ 

money on resources with long book lives and multi-decadal payback periods.     

 

C. The Commission should require the utilities to submit detailed information on 
the available renewable energy and energy efficiency resources, including the 
results of  competitive solar and wind power procurements and the modeling 
assumptions used to identify and evaluate alternatives that would integrate these 
resources into the grid at faster speeds. 
 

a. Disclosing the results of  competitive solar and wind power procurements. 

 

 The 2015 plans include Florida’s first-ever wind power purchase agreement (Gulf  Power’s 
178 MW PPA) and more than 1 GW of  proposed solar capacity additions, “the largest amount ever 
included” in the 10-year site plans.24  This is a good start but it hardly comports with the mandatory 
information requirements for such plans or the statutory directive to optimize clean energy additions 
to the grid.  As noted above, the utilities consistently fail to disclose information about the possible 
clean energy alternatives that they have eliminated for one reason or another from their proposed 
plans.  A passage from Duke’s plan underscores this fact:  
 

DEF continues to seek out renewable suppliers that can provide 
reliable capacity and energy at economic rates. DEF continues to 
keep an open Request for Renewables (RFR) soliciting proposals for 

                                                           
21 In response to Staff Data Requests, Duke provides some high-level description of the natural gas price 
forecast that it uses in its resource planning, but not nearly enough information to allow the Commission to 
evaluate the proposed plan or the possible alternatives that Duke considered.  See id. at 29 (Response. No. 48).   
22 EIA, Annual Energy Outlook 2015 (Apr. 2015), at ES-1, available at http://goo.gl/92uyCB. 
23 Id. 
24 2015 TYSP Review, at 3, available at http://goo.gl/HsIfeh. 
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renewable energy projects. DEF’s open RFR continues to receive 
interest and to date has logged over 400 responses.25 

 
The 400 responses to Duke’s renewable procurement are impressive, and they demonstrate that 
there is a robust and competitive renewable energy market.  Yet the Commission can do little with 
Duke’s statement because Duke did not enclose the responses or otherwise provide enough details 
about them for the Commission—and the public—to conduct their own review.  Unfortunately, the 
same is true for the other utilities’ plans.   
 
 As noted above, Commission oversight is urgently needed with respect to renewable energy 
and energy efficiency because of  the Commission’s statutory directive to advance these resources 
and market conditions that favor doing so as well.  More specifically, zero-fuel cost resources such as 
energy efficiency, solar, wind and even energy storage offer a great value relative to out-of-state fuel 
imports (coal, natural gas, and nuclear), as discussed below, and delaying the integration of  these 
clean energy alternatives will needlessly expose Floridians to higher priced power while robbing 
them of  clean energy’s wide-ranging benefits.26  Indeed, there is evidence of  the utilities, particularly 
the investor owned utilities, not optimizing their clean energy additions to Florida’s grid.  Perhaps 
most notably, Florida’s municipal utilities are adding solar PV at more than five times the speed 
(kWh per customer) than the investor owned utilities,27 while the latter are  rapidly adding solar and 
wind to the grid outside Florida, showing that they too can be develop these resources cost-
effectively at faster speeds.28   
 
 Therefore, Sierra Club respectfully urges the Commission to require all utilities to provide 
detailed information on, if  not the actual results of, their competitive solar and wind procurements 
by next April’s 10-year site plan deadline.  Additionally, Sierra Club urges the Commission to collect 
more information from the utilities on their modeling inputs and outputs to verify that the utilities’ 
are, in fact, rigorously identifying all possible clean energy alternatives (including self-builds and 
purchases), as detailed below.    

 

b. Modeling realistic trajectories of  improving performance and declining 

cost of  clean energy alternatives. 

 

                                                           
25 2015 DEF TYSP, 3-20, available at http://goo.gl/pC8Tbv. 
26 For a discussion of the wide-ranging benefits of energy efficiency see, for example, Sierra Club post-hearing 
brief of Sept. 30, 2014, available at http://goo.gl/6O3Obh; for the benefits of solar, wind, and energy storage, 
see, for example, Sierra Club comments of Sept. 9, 2015, and Sept. 25, 2015, available at 
http://goo.gl/yVBbAO. 
27 The Florida Municipal Energy Association reports that Florida’s municipal utilities will install 135.7 MW 
AC of  solar by mid-2016.  Further, on a per customer basis, the municipal utilities currently have 136 kWh of  
PV—more than 5 times more PV than Florida’s investor owned utilities; they collectively have 25.8 kWh.   
28 See, e.g., UBS, NextEra Energy, Still the Industry Leader (Sept. 2015), at 3 (“While PTCs could yet add 
500MW/yr to its baseline of 300-500MW/yr baseline without the PTCs, [NextEra] mgmt. suggests it could 
eventually scale the business to 1.5GW-2.0GW/yr as Carbon CPP targets become a reality (mostly wind, but 
some solar)”) available at https://goo.gl/96By1E; see also Toni Nelson, Southern Alliance for Clean Energy, 
Duke, Southern, and NextEra Go Big on Wind and Solar – Just Not in the Southeast (Nov. 2015) (citing multi-billion 
dollar investments in out-of-state solar and wind resources by Duke, NextEra, and Southern Company) 
available at http://goo.gl/QL0BBS.  

http://goo.gl/6O3Obh
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Given the dramatic improvements in the performance of  renewable technologies and the 

declines in levelized cost,29 it would be easy to underestimate the performance and overestimate the 

cost of  renewable technologies when attempting to look out ten years or more.  Trends in 

unsubsidized levelized costs for both wind and solar are truly dramatic:  Lazard’s recently released 

unsubsidized levelized cost of  energy comparison identifies the levelized cost of  onshore wind at 

$32-77/MWh.30 Thin film utility scale solar is $50-60/MWh.31 These unsubsidized ranges compare 

very favorably with the cost of  natural gas combined cycle at $52-78/MWh.32 Moreover, in the past 

six years, Lazard documents a 61% decrease in the levelized cost of  wind and an 82% decrease in 

the levelized cost of  solar photovoltaics.33  While these trends are not strictly linear, Lazard’s analysis 

shows that the low-end levelized cost for both wind and solar has uniformly declined year-on-year 

for the past six years, driven by “material declines in the pricing of  system components (e.g., panels, 

inverters, racking, turbines, etc.), and dramatic improvements in efficiency, among other factors.”34  

 

As these trends are expected to continue into the future, it is important that the utilities’ 

modeling not freeze cost and performance figures at 2015 levels for the next ten years, but instead 

project forward realistic trajectories of  improving performance and declining cost consistent with 

the history of  the technologies and best analysis of  future performance. 

 

c. Disclosing screening criteria and other modeling assumptions regarding 

clean energy alternatives.  

 

The qualitative and quantitative screening criteria and other modeling assumptions used to 

eliminate clean energy alternatives from the utilities’ proposed plans require Commission oversight.  

Sierra Club respectfully urges the Commission to take the critical first step of  requiring disclosure 

and, as appropriate, adjusting these criteria and assumptions to ensure that the utilities develop 

proposed plans and possible alternatives that value clean energy fairly relative to conventional power 

plants. 

 

Other IRPs in the region can be instructive in this regard.  For example, in advance of  its 

IRP next year, the Georgia Commission is working with stakeholders and the regulated utility in that 

state through public comments and a workshop on appropriate modeling assumptions and 

methodologies for valuing renewables technologies.35  

                                                           
29 For further information on the merits of levelized cost comparisons see, for example, Sierra Club 
comments of Oct. 16, 2013, at 3-4 (citing literature on IRP best practices) available at http://goo.gl/h9RHeT, 
and Sierra Club post-hearing brief of Sept. 30, 2014, at 9 (identifying institutions that develop levelized cost 
comparisons) available at http://goo.gl/6O3Obh. 
30 Lazard, Levelized Cost of Energy Analysis—Version 9.0 (Nov. 2015), 9, available at https://goo.gl/z0xFJw 
[hereinafter “2015 Lazard”]. 
31 Id. at 5.  
32 Id. at 2. 
33 Id.. 
34 Id. at 10. 
35 See Georgia Public Service Commission, Docket No: 39732, available at http://goo.gl/nX3USx. 

http://goo.gl/h9RHeT
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The IRP concluded by the Tennessee Valley Authority36 in August 2015 is also instructive 

because it is an extremely recent, comprehensive planning effort concerning a region and generation 

portfolio similar to that of  Florida:  TVA modeled multiple different resource strategies against a 

series of  different scenarios (such as a high-growth future, a low-growth future, and a future heavily 

reliant on distributed generation).  TVA elected to model several strategies that emphasized 

renewables, and a strategy that emphasized energy efficiency.  What TVA found in its modeling was 

that strategies that emphasized renewables and energy efficiency saw marked reductions in water 

use37 and in carbon emissions, among other environmental benefits, at essentially similar overall cost 

to more fossil fuel-oriented strategies.  What is notable is that this was against a background in 

which all modeled strategies involved significant shifts away from carbon-intensive generation: TVA’s 

overall analysis showed that, no matter the scenario examined, the most economically prudent thing 

for the utility to do would be to decrease coal-burning in favor of  lower-carbon sources of  

electricity, such as solar, wind, and energy efficiency.   

 

 As for Florida-specific considerations regarding clean energy resources, because the 

Commission has received extensive comments on the improvements in the performance and cost of  

solar generation, and on the terrific value of  energy efficiency, Sierra Club will not repeat this 

information here, except to provide a very brief  summary.  However, there are other clean energy 

technologies that (also) require more attention in the utilities’ plans that we will highlight. 

 
i. Energy Efficiency 

 
 Notwithstanding the weak energy savings goals set in the FEECA docket, the utilities should 
continue to evaluate the alternatives to their proposed plans that rapidly ramp up energy efficiency.  
This is particularly important because energy efficiency continues to be a very low cost, low-risk 
resource that compares very favorably to natural gas combined cycle as shown, for example, in 
Lakeland Electric 2015 Strategy Resource Plan38 and Lazard’s levelized cost comparison.39 
 
 Additionally, Florida continues experiencing slowing demand and excess capacity.  Total 
national generation is about the same today as it was in 2005 even though population and the 
economy have grown.  Florida is consistent with these national trends despite some pockets of  
growth.  In this low growth environment, utility planners are increasingly finding that the most 
needed generation sources in their portfolio are not baseload or shoulder generators that have long, 

                                                           
36 More information on TVA’s IRP is available at https://goo.gl/Bk7p1u. 
37 Water use is one of the mandatory criterion of this Commission’s 10-year site plan review pursuant to 
Section 186.801(2)(e), F.S. 
38 Lakeland Electric found that energy efficiency, solar power, and other clean energy alternatives will meet its 
load growth over the next 20 years more cost-effectively than all three fossil fuel expansion scenarios studied.  
See nFront Consulting LLC, “Strategic Resource Plan, Lakeland Electric,” at 3-13, 3-24 (Mar. 2015), available 
at http://goo.gl/B2BmRK. 
39 See 2015 Lazard, at 2 (showing energy efficiency remains the lowest cost resource, at $0-50/ MWh in 
unsubsidized levelized cost of energy comparison). 
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slow response times, but resources that can be quickly added to the system, such as energy 
efficiency.     

 
ii. Solar 

 
 Florida has vast solar potential that is already being developed cost-effectively, albeit slowly, 
with wide-ranging benefits, including, not limited to cost savings, water savings, fuel diversity, fuel 
price hedging, increased local economic growth, and increased reliability.40   In fact, Florida is the 
least expensive market to invest in solar PV according to the U.S. Department of  Energy,41 with 
pricing as low as $0.7 per kWh.42  This underscores the need for Commission oversight to ensure 
that all utilities are pursuing optimal levels of  solar generation additions. 

 
iii. Wind 

 
 Taller wind turbines with longer blades are already projected to enable capacity factors in 
excess of  60% for land-based wind in the near future: With 140 meter hub heights, the National 
Renewable Energy Laboratory estimates nearly 2 million square kilometers in the contiguous United 

States that would support capacity factors of  over 60%.43  As the map in Figure 1 below shows,44 
Florida’s wind generation potential has dramatically increased as a result of  these technological 
advancements.  This underscores the need to not only incorporate recent technological advances 
into the utilities’ plans, but also for their modeling to assume some trajectory for future 
improvements in performance and reductions in levelized cost for wind and solar--for both in-state 
generation and imports.     
 
 Indeed, Florida has access to some of  the lowest cost wind resources in the country, from 
the Mid-West, as evidenced by Gulf  Power’s 178 MW wind purchase from Oklahoma—with pricing 
below its avoided cost.45  A high voltage direct current (“HVDC”) transmission line (Plains & 
Eastern Clean Line) is projected to come online by 2019 to deliver approximately 3,500 MW of  
additional high capacity factor, low cost wind generation to the Southeast, including Florida.46 
 

                                                           
40 See, e.g., Solar Energy Industries Association--Vote Solar et al. comments of June 2015, available at 
http://goo.gl/sQOEWa; Southern Alliance for Clean Energy comments of June 2015, available at 
http://goo.gl/IJUHeu. 
41 See DOE, Photovoltaic System Pricing Trends: Historical, Recent, and Near-Term Projections, 2014 Edition (Sept. 
2014), at 11 available at http://goo.gl/W1dJ8z. 
42 See Herman K. Trabish, Utility DIVE, ‘Tipping point’ for FL solar? Orlando utility buys at under fossil generation 
prices (Aug. 2015) available at http://goo.gl/NiXNLh. 
43 NREL, United States (48 Contiguous States) – Potential Wind Capacity; Cumulative Area vs. Gross 
Capacity Factor, available at http://goo.gl/KesbYK. 
44 The map in Figure 1 is adopted from the “Florida Wind Energy Fact Sheet” prepared by The Southeastern 
Wind Coalition and The Southeast Wind Energy Resource Center using data from the Lawrence Berkeley 
National Lab, U.S. Energy Information Administration, and American Wind Energy Association. Maps 
estimate areas where wind energy could be economically viable (estimated gross capacity factor greater than 
35%) when using available turbine technology. Not all areas shown can be developed. (**) 150 W/m2 
machine. The Fact Sheet is available at http://goo.gl/TlGgQJ.  
45 See, e.g., Sierra Club and Southern Alliance for Clean Energy letter of May 1, 2015 (discussing benefits of 
wind power purchases for Florida’s electric customers) available at http://goo.gl/MYSsxw. 
46 Additional information on the Clean Line is available at http://www.cleanlineenergy.com/. 

http://goo.gl/sQOEWa
http://goo.gl/TlGgQJ
http://goo.gl/MYSsxw
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Figure 1, Florida Wind Energy Resource Potential 

 
 

iv. Energy Storage 
 
 Similarly, 10-year site plans should address rapidly emerging and transformative renewable 
energy technologies, such as energy storage.  Used appropriately, energy storage can increase grid 
efficiency, reduce the delivered cost of  energy and ancillary services, increase reliability, and reduce 
infrastructure requirements.  Compared to traditional generation or transmission resources, energy 
storage is typically highly accommodating with regard to sizing, siting, and permitting, so it can be 
located closer to load, or closer to grid congestion points, than other options.  Recent energy storage 
procurement has shown that costs are lower than anticipated, and energy technology costs continue 
to fall as production and integration of  resources increases.47  
 

III. Conclusion 

 

 For all the foregoing reasons, the Commission has a time-sensitive duty to collect from the 

state’s electric utilities information on the possible alternatives to their preferred generation plans, 

including supporting information that will allow the Commission—and the public—to critically 

evaluate those plans.  Further, the Commission has a time-sensitive duty to require that renewable 

energy and energy efficiency alternatives be implemented if  they prove to be in the public’s interest, 

as so many other commissions have concluded.  So that the Commission may fulfill these critical 

oversight duties, the Sierra Club respectfully requests that in advance of  next April’s 10-year site plan 

deadline, the Commission take the critical first step of  requiring the utilities to submit the missing 

information regarding alternatives. 

 

                                                           
47 Aachen University, Battery Storage for Grid Stabilization (October 2014), available at 
http://www.iea.org/media/workshops/2014/egrdenergystorage/Leuthold.pdf. 
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Thank you for your consideration. 

       

      Respectfully submitted,  

 

      /s/ 

      Diana Csank, Associate Attorney 

      Sierra Club 

      50 F Street NW, Eighth Floor 

      Washington, DC 20001 

      Phone: 202-548-4595 

      E-mail: Diana.Csank@sierraclub.org  
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